
February 29, 2012

The Honorable Kimberly D. Bose
Secretary 
Federal Energy Regulatory Commission
888 First Street, N.E.
Washington, D.C.  20426

Re: Southwest Power Pool, Inc., Docket No. ER12-____-000 
Submission of Tariff Revisions to Implement SPP Integrated Marketplace

Pursuant to section 205 of the Federal Power Act (“FPA”), 16 U.S.C. § 824d, and 
Part 35 of the Regulations of the Federal Energy Regulatory Commission 
(“Commission”), 18 C.F.R. Part 35, Southwest Power Pool, Inc. (“SPP”), as authorized 
by its Board of Directors, submits revisions to its Open Access Transmission Tariff 1 to 
implement the SPP Integrated Marketplace.  SPP requests an effective date of March 1, 
2014 for the Tariff revisions submitted in this filing, and requests that the Commission 
issue an order on this filing by July 31, 2012, as discussed in more detail below.

I. EXECUTIVE SUMMARY

Since its inception as a power pool tasked with providing continuous reliable 
power to manufacturers essential to national defense in the early days of World War II, 
SPP has continuously strived to develop services that provide increasing regional benefits 
to owners, operators, and users of the bulk electric system in the eight state SPP Region.  
As part of this process, SPP’s functional roles have progressively expanded, with early 
transmission administration responsibilities evolving into much broader responsibilities 
as a Commission-approved Regional Transmission Organization (“RTO”).  More 
recently, SPP successfully implemented, and currently operates, a Real-Time Energy 
Imbalance Service (“EIS”) Market.  This filing marks the next step in SPP’s Strategic 
Plan to provide regional benefits to stakeholders – the SPP Integrated Marketplace.

The Integrated Marketplace proposal represents the culmination of several years 
of intense SPP stakeholder efforts to develop a comprehensive market design for the SPP 

                                               
1 Southwest Power Pool, FERC Electric Tariff, Sixth Revised Volume No. 1 

(“Tariff”).  Italicized language in the Tariff represents language that is pending 
before the Commission in other dockets.
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Region.  As proposed, the Integrated Marketplace includes Day-Ahead and Real-Time 
Energy and Operating Reserve Markets and Transmission Congestion Rights markets 
aimed at maximizing the cost-effective utilization of Energy Resources and the regional 
Transmission System.2  The SPP Integrated Marketplace co-optimizes the deployment of 
Energy and Operating Reserve to achieve lowest-cost Resource utilization, resulting in 
estimated net benefits of between $45 and $100 million per year.

SPP and its stakeholders engaged in a pragmatic approach to developing the 
Integrated Marketplace, carefully reviewing the Commission-approved market designs of 
other RTOs to identify effective market design elements and avoid the pitfalls that other 
RTOs encountered in designing their markets.  To the extent possible, SPP has 
endeavored to model its Integrated Marketplace elements on those successfully operating 
in other RTO markets, modified as necessary to address regional differences and SPP 
stakeholder needs.  Through the active involvement of SPP’s stakeholder community, 
including the SPP Regional State Committee (“RSC”), SPP has developed its Integrated 
Marketplace to provide lower overall costs for wholesale power in the SPP Region while 
expanding economic opportunity for both existing and new Market Participants.

As discussed in more detail below, SPP anticipates commencing operation of the 
Integrated Marketplace on March 1, 2014.  SPP is submitting this filing two years in 
advance of the Integrated Marketplace launch to ensure adequate time for Commission 
approval prior to the final development of the necessary systems and software to operate 
the Integrated Marketplace.  Additionally, because some Market Participants must obtain 
state regulatory approval to participate in the Integrated Marketplace, SPP submits this 
filing to provide ample time for state commissions to examine the final Integrated 
Marketplace design, as approved by the Commission, in reviewing Market Participant 
requests for approval to participate.  Accordingly, SPP requests that the Commission 
issue an order on this filing by July 31, 2012, with the goal of obtaining final approval of 
the market rules for the Integrated Marketplace, following any necessary compliance 
filings, by the end of 2012.

As demonstrated below and in the accompanying Tariff language, direct 
testimony, and exhibits, Commission approval of SPP’s Integrated Marketplace is just 
and reasonable and serves the public interest by facilitating more efficient and cost-
effective utilization of Resources and transmission facilities in the SPP Region.  For the 
reasons discussed in this filing, the Commission should approve the proposed Tariff 
revisions as just and reasonable, and conditionally approve the Integrated Marketplace to 
commence on March 1, 2014, conditioned as necessary upon SPP’s submission of 
additional filings described in this letter.

                                               
2 If not defined in this letter, capitalized terms in this letter have meanings ascribed 

to them in the SPP Tariff as submitted in this filing.
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II. BACKGROUND

A. SPP

SPP is a Commission-approved RTO.  It is an Arkansas non-profit corporation 
with its principal place of business in Little Rock, Arkansas.  SPP currently has 65 
Members serving more than 6 million households in a 370,000 square-mile area.  Its 
Members include 14 investor-owned utilities, 11 municipal systems, 12 generation and 
transmission cooperatives, 4 state agencies, 7 independent power producers, 10 power 
marketers, and 7 independent transmission companies.  As an RTO, SPP administers 
open access Transmission Service over approximately 48,930 miles of transmission lines 
covering portions of Arkansas, Kansas, Louisiana, Missouri, Nebraska, New Mexico, 
Oklahoma, and Texas, across the facilities of the SPP Transmission Owners.3  

Additionally, since February 1, 2007, SPP has administered the centralized Real-
Time EIS Market,4 which is governed by Attachment AE of the SPP Tariff.  

B. Summary and Description of Testimony

Accompanying this filing, SPP provides supporting testimony from several 
witnesses.  Mr. Carl A. Monroe, SPP Executive Vice President and Chief Operating 
Officer, provides an overview of the Integrated Marketplace design and an explanation of 
SPP’s process for determining appropriate markets and design.5  Mr. Richard L. Dillon, 
SPP Director of Market Design, offers detailed testimony providing the technical basis 
for specific features of the Integrated Marketplace design.6  Mr. Thomas P. Dunn, SPP 
Vice President and Chief Financial Officer, provides testimony addressing revisions to 
SPP’s Credit Policy to accommodate the Integrated Marketplace.7  Finally, Dr. John 
Hyatt, Ph.D., Supervisor of SPP’s Independent Market Monitoring Unit (“Market 

                                               
3 See Sw. Power Pool, Inc., 89 FERC ¶ 61,084 (1999); Sw. Power Pool, Inc., 86 

FERC ¶ 61,090 (1999); Sw. Power Pool, Inc., 82 FERC ¶ 61,267, order on reh’g, 
85 FERC ¶ 61,031 (1998).

4 Sw. Power Pool, Inc., 118 FERC ¶ 61,055 (2007) (accepting SPP’s Market 
Readiness Certification and authorizing a February 1, 2007 start date for the EIS 
Market).

5 Exhibit No. SPP-1.

6 Exhibit No. SPP-3.

7 Exhibit No. SPP-4.
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Monitor”), testifies regarding SPP’s Market Power Study and the Market Monitor’s 
recommendations to address Market Power issues in the Integrated Marketplace.8

C. Stakeholder Approval

As discussed in more detail in the Testimony of Mr. Monroe, SPP engaged in a 
multi-year stakeholder process to develop the Integrated Marketplace,9 beginning with 
the launch of the EIS Market and culminating with this filing.

  
The SPP Market Working Group (“MWG”)10 developed the market protocols 

governing the Integrated Marketplace, which were approved by the SPP Markets and 
Operations Policy Committee (“MOPC”)11 in October of 2010, followed by approval by 
the SPP Board of Directors in January of 2011.  The SPP Joint Markets Tariff Task Force 
(“JMTTF”)12 developed the Tariff language for the Integrated Marketplace based on the 
protocols, approving the Tariff language on August 25, 2011.  The SPP Regional Tariff 
Working Group (“RTWG”)13 made further refinements and unanimously approved the 
Tariff revisions on November 18, 2011, subsequently approving additional minor Tariff 
revisions on January 5, 2012 and January 26, 2012.

                                               
8 Exhibit No. SPP-5.

9 Exhibit No. SPP-1 at 7-11.

10 The MWG is responsible for the development and coordination of the changes 
necessary to support any SPP administered wholesale market(s), including 
Energy, congestion management, and market monitoring, consistent with 
direction from the SPP Board of Directors.

11 The MOPC consists of a representative officer or employee from each SPP 
Member and reports to the SPP Board of Directors.  Its responsibilities include 
recommending modifications to the SPP Tariff.  See Southwest Power Pool, Inc., 
Bylaws, First Revised Volume No. 4 (“Bylaws”) § 6.1.

12 The JMTTF was an ad hoc task force created to translate the Integrated 
Marketplace Protocols into Tariff language.  The JMTTF consisted of the chairs 
and senior members of the MWG and the SPP Regional Tariff Working Group.  
Exhibit No. SPP-1 at 9.

13 The RTWG is responsible for development, recommendation, overall 
implementation, and oversight of SPP’s Tariff.  The RTWG also advises SPP staff 
on regulatory and implementation issues not specifically covered by the Tariff or 
issues where there may be conflicts or differing interpretations of the Tariff. 
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On December 6, 2011, the MOPC overwhelmingly approved the proposed Tariff 
language, approving the additional minor revisions on January 17, 2012.  On January 31, 
2012, the SPP Members Committee14 voted in favor of, and the SPP Board of Directors 
approved, the Integrated Marketplace Tariff revisions submitted in this filing.  While SPP 
recognizes that stakeholder approval does not by itself cause a filing to be just and 
reasonable, SPP requests that the Commission extend appropriate deference to the wishes 
of its stakeholders regarding the Tariff modifications proposed in this filing, consistent 
with Commission precedent.15

III. OVERVIEW OF THE INTEGRATED MARKETPLACE

The SPP Integrated Marketplace includes the following elements: 

(1) Day-Ahead Energy and Operating Reserve Market;
(2) Day-Ahead and Intra-Day Reliability Unit Commitment (“RUC”) 

Processes;
(3) Real-Time Balancing Market (“RTBM”), which will replace the current 

EIS Market;
(4) Price-based Operating Reserve procurement co-optimized with Energy; 
(5) Market for Transmission Congestion Rights (“TCR”) including Auction 

Revenue Rights (“ARR”);

                                               
14 The Members Committee consists of up to 19 representatives of the Transmission 

Owning Member and Transmission Using Member sectors of SPP’s Membership.  
This committee provides input to and assists the SPP Board of Directors with the 
management and direction of the general business of SPP.  See Bylaws § 5.1.

15 The Commission previously has recognized that provisions approved through the 
stakeholder processes of RTOs are due deference.  See Sw. Power Pool, Inc., 127 
FERC ¶ 61,283, at P 33 (2009) (noting that the Commission “accord[s] an 
appropriate degree of deference to RTO stakeholder processes”); New England 
Power Pool, 105 FERC ¶ 61,300, at P 34 (2003), reh’g denied, 109 FERC 
¶ 61,252 (2004) (Commission approval of transmission cost allocation proposal 
based upon an extensive and thorough stakeholder process); Policy Statement 
Regarding Regional Transmission Groups, 1991-1996 FERC Stats. & Regs., 
Regs. Preambles ¶ 30,976, at 30,872 (1993) (the Commission will afford an 
appropriate degree of deference to the stakeholder approval process).  The 
Commission’s deference to RTO stakeholder processes has been upheld by the 
courts.  See Pub. Serv. Comm’n of Wis. v. FERC, 545 F.3d 1058, 1062-63 (D.C. 
Cir. 2008) (noting that the Commission often gives weight to RTO proposals that 
reflect the position of the majority of the RTO’s stakeholders) (quoting Am. Elec. 
Power Serv. Corp. v. Midwest Indep. Transmission Sys. Operator, Inc., 122 
FERC ¶ 61,083, at P 172, reh’g denied, 125 FERC ¶ 61,341 (2008)).
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(6) Consolidation of 16 current Balancing Authorities in the SPP footprint 
into a single Balancing Authority operated by SPP; and

(7) Multi-Day Reliability Assessment performed prior to the Day-Ahead 
Market to manage the commitment of long-start Resources.  

In the Integrated Marketplace, SPP will function as the Reliability Coordinator, 
Balancing Authority, Transmission Service Provider, Planning Coordinator, Reserve 
Sharing Group Administrator, Interchange Authority, and Market Operator.16

As discussed in Mr. Monroe’s testimony,17 SPP’s members defined several 
objectives for the design of the Integrated Marketplace, including: (1) increase savings to 
Market Participants by moving from self-commitment to centralized unit commitment; 
(2) create a Day-Ahead Market that provides price assurance capability for serving load 
prior to Real-Time; (3) accommodate TCRs; and (4) establish a market that 
accommodates price-based procurement of Operating Reserve to support the formation of 
a single Balancing Authority (through the consolidation of the 16 existing Balancing 
Authorities) and facilitates reserve sharing.  

In the Integrated Marketplace, SPP will evaluate Offers and Bids submitted by 
Market Participants in the Day-Ahead Market and Offers submitted in the Day-Ahead 
RUC to ensure that sufficient Resources are committed to meet the projected load and 
Operating Reserve requirements for the upcoming Operating Day, using security
constrained unit commitment (“SCUC”) to commit Resources on a least-cost security 
constrained basis.18  SPP will also perform an Intra-Day RUC to ensure sufficient 
Resources are committed to meet the projected load and Operating Reserve requirements 
throughout the Operating Day.19  In the RTBM, SPP will dispatch Energy and clear 
Operating Reserve on the basis of security constrained economic dispatch (“SCED”).20  
SPP will also determine annual and monthly ARR allocations and conduct annual, 
monthly, and seasonal TCR auctions.21

                                               
16 See Proposed Tariff at Attachment AE § 3.1

17 Exhibit No. SPP-1 at 8.

18 See Proposed Tariff at Attachment AE § 3.3.

19 See id. § 3.3.

20 See id.

21 See id.
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As Mr. Monroe explains, implementing the Integrated Marketplace will enable 
SPP stakeholders to take better advantage of the SPP Region’s diverse Resources.22  The 
Day-Ahead Market will co-optimize Energy and Operating Reserve to determine which 
Resources should be used to meet Bid-in demand and Operating Reserve requirements 
based on submitted Offer and Bid prices, reducing overall costs to the region.23  The 
adoption of a centralized Energy and Operating Reserve Market will also allow SPP to 
balance supply and demand and share Operating Reserve on a region-wide basis, further 
reducing costs and facilitating the reliable integration of Variable Energy Resources 
(“VER”).24

In developing the Integrated Marketplace, SPP has conducted an extensive review 
of other RTO Day-Ahead and Real-Time Energy, Operating Reserve, and Transmission 
Congestion Rights markets, in an attempt to identify best practices and incorporate 
lessons learned.  In general, SPP’s Integrated Marketplace design is substantially similar 
to the Commission-approved markets operated by other RTOs, particularly the Midwest 
Independent Transmission System Operator, Inc. (“MISO”) and PJM Interconnection, 
L.L.C. (“PJM”).  Variations, to the extent they exist, are designed to reflect regional 
differences or to accommodate SPP stakeholder preferences, as discussed in this 
transmittal letter and in the Testimony of Mr. Dillon. 

IV. COMPONENTS OF THE INTEGRATED MARKETPLACE

A. Day-Ahead Energy and Operating Reserve Market

The objective of the Day-Ahead Market is to determine the least-cost solution to 
meet the market’s Energy needs and Operating Reserve requirements through centralized 
unit commitment, thereby lowering total production costs for the SPP footprint.  In the 
Day-Ahead Market, Market Participants will submit Offers to sell and/or Bids to 
purchase Energy and Offers to sell Operating Reserve.  Operating Reserve Products 
include: 

                                               
22 Exhibit No. SPP-1 at 6.

23 Id.

24 Id.
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Regulation-Up,25 Regulation-Down,26 Spinning Reserve,27 and Supplemental Reserve.28  
From the Offers and Bids, SPP will select the most cost-effective mix of Resources to 
meet the Energy and Operating Reserve needs of the market for the Operating Day.  The 
Day-Ahead Market co-optimizes Energy and Operating Reserve to meet Energy Bids and 
Operating Reserve requirements and produces Locational Marginal Prices (“LMP”)29 for 

                                               
25 Regulation-Up is defined as “[a]n Operating Reserve product procured by the 

Transmission Provider from Resources that increase their energy output in 
response to a Regulation Deployment Instruction from the Transmission 
Provider.”  Proposed Tariff at Attachment AE § 1.1, Definitions R.  Resources 
providing Regulation-Up must be capable of being deployed through automatic 
generation control equipment to automatically and continuously adjust Resource 
output to balance supply and demand in near Real-Time and must be able to 
deploy the full amount of Regulation-Up cleared within the Regulation Response 
Time, currently set at five minutes. 

26 Regulation-Down is defined as “[a]n Operating Reserve product procured by the 
Transmission Provider from Resources that reduce their energy output in response 
to a Regulation Deployment instruction from the Transmission Provider.  Id.  Like 
Regulation-Up, Resources qualified to provide Regulation-Down must be capable 
of being deployed automatically and continuously through automatic generation 
control and must be able to deploy the full amount of Regulation-Down cleared 
within the Regulation Response Time, currently set at five minutes.

27 Spinning Reserve is defined as “[t]he portion of Contingency Reserve consisting 
of Resources synchronized to the system and fully available to serve load within 
the Contingency Reserve Deployment Period following a contingency event.”  Id.
§ 1.1, Definitions S.  Spinning Reserve is provided by synchronized Resources 
that can supply Contingency Reserve within the Contingency Reserve 
Deployment Period (currently set at 10 minutes).

28 Supplemental Reserve is defined as “[t]he portion of Operating Reserve 
consisting of on-line Resources or off-line Resources capable of being 
synchronized to the system that is fully available to serve load within the 
Contingency Reserve Deployment Period following a contingency event.”  Id.  
Like Spinning Reserve, Supplemental Reserve must be able to provide 
Contingency Reserve within the Contingency Reserve Deployment Period 
(currently set at 10 minutes).

29 SPP calculates LMP in a manner similar to other RTOs.  LMP is calculated for 
each Meter Settlement Location based on the SCED and Operating Reserve 
clearing, using the marginal dispatchable Resource’s Offer Curves, Resource 
characteristics, and other data.  See id. § 8.3.  LMP consists of three components: 
(1) the Marginal Energy Component representing the marginal costs of Energy; 
(2) the Marginal Loss Component consisting of the marginal cost of losses; and 

(continued. . . )
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use in Energy settlement and Market Clearing Prices (“MCP”)30 for use in Operating 
Reserve settlement.  The Day-Ahead Market also allows for Virtual Energy Offers and 
Virtual Energy Bids, as well as the ability to schedule Import and Export Interchange 
Transactions.  The co-optimization process includes a product substitution logic that will 
allow use of available higher quality Operating Reserve products for lower quality 
Operating Reserve products if more economic to ensure rational Operating Reserve 
product pricing (i.e., Regulation-Up MCP greater than or equal to the Spinning Reserve 
MCP; Spinning Reserve MCP greater than or equal to Supplemental Reserve MCP) and 
the lowest-cost Operating Reserve procurement.

The Day-Ahead Market creates financially-binding obligations.  Each Offer and 
Bid that clears the Day-Ahead Market will be required to pay or will be paid the Day-
Ahead LMP for the Settlement Location for the amount of Offers or Bids cleared, and 
each Market Participant whose Offer or Bid clears the Day-Ahead Market will be 
financially committed to supply or consume electricity the following day in the RTBM.  
Therefore, the Day-Ahead Market serves as a preliminary reliability process for unit 
commitment to ensure sufficient Resources are committed for use in the RTBM and to 
provide price assurance prior to Real-Time.

Market Participants must submit Offers and Bids in the Day-Ahead Market by 
11:00 am on the day before the Operating Day.31  Using a simultaneous co-optimization 
methodology, SPP will commit offered Resources, Import Interchange Transaction 
Offers, and Virtual Energy Offers using SCUC to meet demand Bids, Virtual Energy 
Bids, Export Interchange Transaction Bids, and Operating Reserve requirements on a 
least-cost basis for each hour in the upcoming Operating Day and clear the Day-Ahead 
Market using SCED.32  SPP will communicate the results of the Day-Ahead Market by 
4:00 p.m. on the day prior to the Operating Day.33  

                                                                                                                                           
(. . . continued)

(3) the Marginal Congestion Component representing the marginal costs of 
congestion.  See id. § 8.3.1.

30 MCPs represent the cost of supplying an increment of Operating Reserve 
composed of the marginal Operating Reserve costs and marginal costs associated 
with Operating Reserve scarcity, taking into account lost opportunity costs.  See
id. § 8.3.4.

31 See id. § 5.1.

32 See id. § 5.1.2.

33 See id. § 5.1.3.
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The Day-Ahead Market will optimize generation choices for the entire SPP 
footprint and determine which generating units should run the next day for maximum 
cost-effectiveness, based on Resource availability and Offer prices.34  Regional 
commitment of Resources, as opposed to individual commitment as occurs currently, will 
reduce overall costs to the SPP Region, as discussed in more detail in the Testimony of 
Mr. Monroe.35

To ensure sufficient physical Resource capacity to satisfy the Energy and 
Operating Reserve needs of the market, SPP has incorporated a “must-offer” requirement 
into the Day-Ahead Market.  As described in more detail below,36 the must-offer 
requirement is limited to Market Participants with load obligations and is sufficiently 
flexible to permit Market Participants to determine which Resources to offer in the Day-
Ahead Market.

B. Reliability Unit Commitment (“RUC”) Process

Following completion of the Day-Ahead Market clearing process, SPP will 
engage in the Day-Ahead RUC process.  Specifically, one hour after SPP posts the Day-
Ahead Market Results, SPP will initiate the RUC to assess capacity adequacy for the 
following Operating Day using the SCUC algorithm with the objective of committing 
physical Resources to meet SPP’s load forecast and Operating Reserve requirements.37  
The purpose of the RUC is to ensure that there are sufficient physical Resources 
committed to meet the SPP load forecast and Operating Reserve requirements for the 
following Operating Day and that such Resources are physically deliverable.  Unlike the 
Day-Ahead Market, the RUC assesses physical Resources only, rather than physical and 
virtual Offers, and measures demand using forecasts of SPP load and Operating Reserve 
Requirements instead of demand Bids.  This ensures that all load (including load not 
participating in the Day-Ahead Market) is considered.  Similar to the Day-Ahead Market, 
SPP has incorporated a must-offer requirement in the RUC process.  All available 
Resources are required to submit an Offer in the RUC process.38

                                               
34 Exhibit No. SPP-3 at 7.

35 Exhibit No. SPP-1 at 7, 18.

36 See infra Section V.A.

37 See Proposed Tariff at Attachment AE §§ 5.2, 5.2.2.

38 See id. § 2.11.2.
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Based on the results of the RUC, SPP will update the Current Operating Plan39

and issue start-up and shut-down orders as needed, committing or decommiting 
Resources in the RUC as needed to address any shortage or surplus of physical capacity 
resulting from the Day-Ahead Market.

SPP’s design adopts the policy that a Resource must be made financially whole if 
it is committed by SPP in any of the markets.  If SPP commits a Resource during the 
RUC process and the revenues the Resource receives in the RTBM over the commitment 
period are insufficient to cover its fuel and other variable costs, the Resource will be 
eligible for a make whole payment, as discussed in more detail below.40  Specifically, 
when the Resource’s eligible RTBM Start-Up Offer costs, No-Load Offer costs, Energy 
Offer Curve costs, and Operating Reserve Offer costs associated with actual Energy and 
cleared RTBM Operating Reserve is greater than the Energy and Operating Reserve 
RTBM revenues received during the period that the Resource was committed through the 
RUC, the Resource will be eligible for a make whole payment to cover the difference.41

SPP will also perform Intra-Day RUC at least every four hours, and otherwise as 
needed, to assess capacity adequacy during the Operating Day,42 using a process similar 
to the Day-Ahead RUC.  The difference between the two processes is that the Intra-Day 
RUC solves for the remaining hours in the Operating Day as opposed to the entire 
Operating Day that is evaluated in the Day-Ahead RUC process.

C. Real-Time Balancing Market (“RTBM”)

SPP also proposes to implement the RTBM to centrally dispatch online Resources 
and procure Operating Reserve to balance Real-Time supply with demand and Operating 
Reserve requirements at the lowest total production cost.  Similar to SPP’s current EIS 
Market, SPP’s proposed RTBM will evaluate Transmission System limitations and issue 
Dispatch Instructions every five minutes to balance supply and demand in Real-Time.

SPP will utilize SCED to ensure that dispatch results are physically feasible given 
Transmission System limitations, and will co-optimize Energy dispatch and Operating 
Reserve clearing to achieve the lowest possible cost while meeting the market’s Energy 

                                               
39 The Current Operating Plan is SPP’s internal hourly Resource commitment 

schedule for the Operating Day resulting from the Day-Ahead Market and Day-
Ahead RUC process, updated as necessary during the Intra-Day RUC process.  
See id. § 1.1 Definitions C.

40 See id. § 8.6.5; see also infra Section V.D.

41 See Proposed Tariff at Attachment AE § 8.6.5.

42 See id. § 6.1.
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and Operating Reserve requirements.  Unlike the current EIS Market, RTBM Energy 
settlement will be performed on a five-minute basis using LMP to settle the difference 
between the actual Real-Time meter readings and the amount of Energy Offers and Bids 
cleared in the Day-Ahead Market.  Similarly, RTBM Operating Reserve settlement will 
be performed on a five-minute basis using MCP to settle the difference between the 
RTBM cleared Operating Reserve amounts and the amounts of Operating Reserve Offers 
cleared in the Day-Ahead Market.

Utilizing simultaneous co-optimization, SPP’s SCED algorithm will calculate 
Resource Dispatch Instructions and clear Operating Reserve, which include Regulation  
(Up and Down), Spinning Reserve, and Supplemental Reserve, to satisfy SPP’s load 
forecast and Operating Reserve requirements at the lowest cost based upon submitted 
Offers, while respecting Resource operating constraints and Transmission System 
constraints.43  SPP will also execute a look-ahead SCED at least two dispatch intervals 
prior to the RTBM SCED to anticipate the need to adjust Dispatch Instructions for the 
current Dispatch Interval and to determine the need for commitment of Quick-Start 
Resources within the Operating Hour.44  

SPP proposes to settle the RTBM on a five-minute basis.  While this settlement 
approach is different than some of the other RTO real-time markets, five-minute 
settlement provides several benefits.  For instance, five-minute settlement incents the 
submission of ramp capability by Resources, because the capability to move quickly is 
rewarded by an LMP commensurate with the five-minute instructions.45  Unlike an 
hourly LMP settlement process, five-minute settlement recognizes a Resource’s ability to 
move quickly within the hour to balance changes in load.46  Without this pricing feature, 
Resource owners may be disinclined to offer all of their ramp capability, perceiving that 
they are not being fully compensated for the actions required.47  Additionally, the co-
optimization of Operating Reserve with Energy results in Operating Reserve capacity 
shifting on a five-minute basis.  Because this is capacity, and not Energy, meaningful 
integration of these amounts to hourly values is difficult.48  As Mr. Dillon explains, SPP 

                                               
43 See id. § 6.2.2.

44 See id. § 6.2.2(6).

45 Exhibit No. SPP-3 at 31.

46 Id.

47 Id.

48 Id.
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chose a settlement interval equal to the co-optimization interval to maintain equity of 
settlement.49

SPP may also utilize manual dispatch to address Emergency Conditions that 
cannot be resolved through SCED.50  Specifically, when an Emergency Condition arises, 
SPP will issue manual Setpoint Instructions that include a Manual Dispatch Instruction 
for the duration of the Emergency Condition, and will endeavor to resolve the issue 
through SCED within one hour.51  Resources that respond to a Manual Dispatch 
Instruction will be compensated at the RTBM LMP unless the Manual Dispatch 
Instruction creates additional costs to the Market Participant beyond the RTBM LMP or 
adversely impacts the Market Participant’s Day-Ahead Market position for Energy or 
Operating Reserve, in which case SPP will provide additional compensation to make the 
Resource whole.52

D. Procurement of Operating Reserve 

As discussed above, SPP’s Integrated Marketplace includes the competitive 
procurement of Operating Reserve.  Currently, Regulation Reserve and Contingency 
Reserve are provided or procured by the individual Balancing Authorities within the SPP 
Region.  In the Integrated Marketplace, SPP will procure Operating Reserve on a region-
wide basis from Market Participants offering to sell Operating Reserve (Regulation-Up, 
Regulation-Down, Spinning Reserve, and Supplemental Reserve) in the Day-Ahead 
Market and RTBM to satisfy SPP’s Operating Reserve requirements.  SPP’s Integrated 
Marketplace will ensure procurement of sufficient Operating Reserve to satisfy region-
wide reserve requirements at the lowest possible cost, while also ensuring that Operating 
Reserve will be deliverable to load given Transmission System limitations. 

Through its co-optimization logic, SPP will co-optimize Energy dispatch and 
Operating Reserve procurement, resulting in the lowest-cost mix of Resources to clear in 
the Day-Ahead Market and dispatch in the RTBM.  Co-optimization of Energy and 
Operating Reserve will result in the most efficient and lowest cost utilization of 
Resources in the Integrated Marketplace.  SPP’s co-optimization process is similar to the 
process used by other RTOs, as Mr. Dillon explains.53

                                               
49 Id.

50 See Proposed Tariff at Attachment AE § 6.2.4.

51 See id.

52 See id. § 8.6.6.

53 Exhibit No. SPP-3 at 18.
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SPP will deploy Energy, Regulation-Up, Regulation-Down, Spinning Reserve, 
and on-line Supplemental Reserve simultaneously by issuing Setpoint Instructions to 
each Resource.54  Regulation-Up and Regulation-Down will be deployed using 
Automatic Generation Control (“AGC”) on Regulation-Qualified Resources,55 and 
Contingency Reserve (Spinning and Supplemental) will be deployed through a 
Contingency Reserve Deployment Instruction following a Reserve Sharing Event.56

As discussed in the Testimony of Mr. Monroe, competitive procurement of 
Operating Reserve in the Integrated Marketplace will provide Market Participants with 
greater access to Operating Reserve, improve regional balancing of supply and demand, 
and facilitate integration of VERs, including renewable Resources.57

E. Auction Revenue Rights (“ARR”) and Transmission Congestion 
Rights (“TCR”)

In the Integrated Marketplace, SPP proposes to implement new mechanisms, 
ARRs and TCRs, to assist Market Participants in managing the cost of congestion.  
Unlike in the EIS Market where Market Participants manage congestion costs by 
scheduling based on physical transmission rights, ARRs and TCRs provide Market 
Participants with financial tools to protect themselves from congestion costs and allow 
Market Participants to sell their rights to other Market Participants.

There are seven processes associated with ARRs and TCRs: (1) the annual ARR 
verification process; (2) the annual ARR allocation; (3) the annual TCR auction; (4) 
incremental ARR allocations (if requested by an Eligible Entity); (5) monthly TCR 
auctions; (6) ARR allocation and TCR auction settlements; and (7) TCR secondary 
markets.  SPP summarizes the key aspects of its ARR and TCR processes below.

1. Annual ARR Verification and Allocation

Transmission Customers and Market Participants with firm Transmission Service 
(including firm Transmission Service provided under Grandfathered Agreements 
(“GFA”)) into, out of, or within SPP (“Eligible Entity”) are permitted to nominate
candidate ARRs along specific transmission paths consistent with their firm service.  
Based upon the ARR nominations, SPP will allocate the portion of the nominated ARRs 
that are simultaneously feasible given SPP’s Transmission System.  The result of an ARR 

                                               
54 See Proposed Tariff at Attachment AE § 6.3.

55 See id. § 6.3.1.

56 See id. § 6.3.2.

57 Exhibit No. SPP-1 at 6.
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can be a credit or charge to the holder, based upon the TCR auction clearing price on the 
particular ARR path.58  Candidate ARRs are allocated on an annual basis to Eligible 
Entities based upon their pre-existing Transmission Service rights in the form of Firm 
Point-To-Point Transmission Service, firm Network Integration Transmission Service 
(“NITS”), and firm service under GFAs.  Eligible Entities nominate candidate ARRs, and 
may either self-convert awarded ARRs into TCRs or hold the ARR to receive a share of 
the revenue SPP collects from auction purchasers of TCRs. 

ARRs are allocated annually during three rounds of allocations conducted in April 
of each year, and additional monthly ARR allocations are made as needed to address new 
Transmission Service as discussed below.59  Eligible Entities nominate candidate ARRs 
for transmission paths based upon their NITS, Point-To-Point Transmission Service, or 
GFA.60  ARRs are awarded monthly for June, July, August, and September, and 
seasonally for Fall (October and November), Winter (December through March), and 
Spring (April and May), for both peak and off-peak periods.  In order to nominate a 
candidate ARR, the Eligible Entity’s Transmission Service must span the entire month or 
seasonal period for which the ARR is nominated.61  SPP will verify the Eligible Entity’s 
existing Transmission Service entitlements based upon source, sink, and Reservation 
Capacity information from the SPP OASIS.62

Once SPP has verified the Eligible Entity’s Transmission Service, the Eligible 
Entity is permitted to nominate candidate ARRs based upon its Transmission Service.  
NITS customers and GFA customers taking the equivalent of NITS may nominate 
candidate ARRs up to a cap that is equal to 103% of the average of the customer’s three 
highest annual peak Network Loads since February 1, 2007.63  This cap accommodates 
ARRs for all existing firm Transmission Service rights, while accounting for load growth.  
For Point-To-Point and firm GFA customers taking the equivalent of Point-To-Point 
Transmission Service, ARR allocations are based on the customer’s Reservation Capacity 
associated with the specific source and sink of the Point-To-Point or GFA Service.64  
                                               
58 Exhibit No. SPP-3 at 41.

59 See infra Section IV.E.2.

60 Transmission Owners must register on OASIS any GFAs for which the 
Transmission Owner or Transmission Customer under the GFA is seeking to 
nominate candidate ARRs.  See Proposed Tariff at Attachment AE §7.1.1(2). 

61 See id. § 7.1.1.

62 See id. § 7.1.1(1).

63 See id. §§ 7.1.3(1) & (3). 

64 See id. §§ 7.1.2(2) & (4), 7.1.3(2) & (4).
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2. Monthly ARR Allocation

In addition to the annual ARR allocation, SPP will allocate incremental ARRs as 
necessary when Transmission Service is confirmed following completion of the annual 
TCR auction and prior to the next annual ARR allocation, which includes monthly firm 
Transmission Service verified during the annual verification process that did not span an 
entire season.65  Eligible Entities with firm Transmission Service confirmed during the 
interim period may nominate incremental candidate ARRs associated with their 
Transmission Service for each remaining month in the current annual ARR allocation 
period for which the firm Transmission Service applies.66  SPP will verify the Eligible 
Entity’s Transmission Service entitlements and the Eligible Entity may nominate 
candidate ARRs in a manner similar to the annual ARR verification and nomination 
process, except that ARRs are awarded in a single round allocation process.67  SPP will 
then analyze the simultaneous feasibility of the candidate ARRs using the same model 
being used in the upcoming monthly TCR auction, accounting for all previously awarded 
TCRs and all remaining ARRs not accounted for in the annual TCR auction in the model.  

3. Rationale for ARR Allocation

The SPP RSC is vested with several functions, including (among others) 
“[Financial Transmission Rights] allocation, where a locational price methodology is 
used” and “the transition mechanism to be used to assure that existing firm customers 
receive [Financial Transmission Rights] equivalent to the customers’ existing firm 
rights.”68  As discussed in more detail in Mr. Dillon’s testimony, SPP’s ARR and TCR 
constructs were developed under the leadership of the RSC, with the principal design 
objective being to translate firm Transmission Service reservations into a product that 
allows the Market Participant to obtain a credit against daily congestion costs, either 
through a TCR or through payments received for the ARR.69  

SPP has established ARR allocations based on historical firm Transmission 
Service for several reasons.  Because the SPP Region has no retail open-access, load-
serving entities in SPP need to have sufficient access to the Transmission System to 
fulfill their native load service obligations.  SPP’s ARR proposal aligns ARR allocations 

                                               
65 See id. § 7.5.

66 See id.

67 See id. §§ 7.5.1 - 7.5.2.

68 Bylaws § 7.2.

69 Exhibit No. SPP-3 at 41-42.
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with native load needs and growth by allocating ARRs based upon the firm NITS or 
Point-To-Point use of the Transmission System.

SPP’s proposed 14 nomination periods, the months of June through September 
and the Fall, Winter, and Spring seasons with on-peak and off-peak periods for each, 
reflect the significant changes to load, Resource availability, and transmission outages 
that occur throughout the year.  As Mr. Dillon explains,70 agricultural needs double the 
load of certain Market Participants during certain months, which, coupled with 
transmission and Resource facility outages, cause significant changes to Transmission 
System flows during the year.  While SPP’s proposed ARR allocation differs from that of 
other RTOs, SPP has designed its ARR nomination process to allow Market Participants 
to account for the unique nature of load changes in SPP when determining their candidate 
ARR nominations.  

4. TCRs

TCRs are financial instruments entitling the holder to a stream of revenues or 
charges based upon the difference between the hourly Day-Ahead Market Marginal 
Congestion Component of LMP across the transmission path associated with the TCR.  
TCRs are obtained in the TCR auction, either through purchase or self-conversion of 
ARRs, or through secondary sales of TCRs.  Eligible Entities holding ARRs can either 
self-convert their ARRs into TCRs, or can obtain revenues from the TCR auction 
associated with the auction clearing for the transmission path related to the ARRs.  Any 
eligible Market Participant that meets the creditworthiness requirements in Attachment X 
of the Tariff can participate in the TCR auction.71

SPP will conduct an annual TCR auction and subsequent monthly auctions, with 
the objective of maximizing the total TCR auction value while ensuring that the cleared 
TCRs are simultaneously feasible.72  For the month of June, 100% of the Transmission 
System capability is made available for TCRs.  For the months of July, August, and 
September,  90% of the Transmission System capability is made available.  For the 
subsequent Fall, Winter, and Spring seasons, 60% of the Transmission System capability 
is made available.73  Releasing transmission capability in this manner should minimize 
potential TCR underfunding issues caused by changes in Transmission System topology 
that occur following completion of the annual TCR auction.  For example, releasing only 
60% of capability in the annual auction will allow SPP to forecast the Transmission 

                                               
70 Id. at 42.

71 See infra Section VIII.

72 See Proposed Tariff at Attachment AE § 7.3.3.

73 See id. § 7.3.2.
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System topology in the upcoming months more accurately, thus minimizing the chance 
that TCRs associated with the Transmission System will be oversold (which would cause 
an underfunding issue).  Simultaneously feasible TCRs are awarded based upon the TCR 
auction Bid prices, with self-converted TCRs given the highest priority in the 
simultaneous feasibility test.  Auction Clearing Prices (“ACP”) are calculated for each 
Settlement Location based on the Marginal Congestion Component formula.74  

SPP will conduct subsequent monthly auctions for remaining Transmission 
System capability not sold in the annual TCR auction.  Like the annual TCR auction, the 
monthly TCR auctions are performed with the objective of maximizing the total TCR 
auction value while ensuring that cleared TCRs are simultaneously feasible, with self-
converted TCRs given the highest priority subject to simultaneous feasibility.75   TCRs 
for the months of July, August, and September will be auctioned off in a single round, 
and TCRs for the months of October through May will be auctioned off in two rounds.76  
Market Participants that obtained TCRs in the annual auction can also offer them for sale 
in the monthly TCR auctions.

In the Integrated Marketplace, all Energy transactions are subject to congestion 
charges that are calculated using a Marginal Congestion Component of LMP (which is 
equal to zero if there is no congestion).  When congestion occurs, SPP collects congestion 
revenues that must be allocated in the settlements process.  SPP completes daily TCR 
settlements using the Marginal Congestion Component of Day-Ahead Market LMPs.  
TCR auction revenues and congestion rights revenues are all settled daily concurrently 
with the Operating Day.77  SPP’s TCR proposal includes only TCR obligations and does 
not establish TCR options.  This approach is consistent with the approach taken at the 
commencement of other financial transmission rights markets.78  As Mr. Dillon explains, 
this approach reflects the consensus sentiment of the SPP stakeholders, who concluded 
that the cost of including TCR options in the market design and the potential reduced 
availability of allocable TCRs outweighed any potential benefit of this design feature.79

                                               
74 See id. § 7.3.4.

75 See id. §§ 7.4.3 – 7.4.4.

76 See id. § 7.4.

77 Exhibit No. SPP-3 at 41.

78 See Midwest Indep. Transmission Sys. Operator, Inc., 108 FERC ¶ 61,163, at P 
193 (2004) (allowing MISO to start-up its energy markets without offering 
financial transmission rights options and stating “[h]eretofore, all [financial 
transmission rights] market designs have begun implementation successfully 
without options available.”).

79 Exhibit No. SPP-3 at 44-45.
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SPP also has adopted mechanisms to address the funding of TCRs.  Specifically, 
if the congestion revenues SPP collects during an Operating Day are insufficient to fund 
the net congestion payments made to TCR holders, SPP will assess a Day-Ahead Market 
daily charge to all Market Participants holding TCRs for the Operating Day in the amount 
of the revenue shortage.80  To the extent that SPP collects revenues in excess of amounts 
needed to fund TCR payments fully, the excess revenue is carried forward for future use 
in monthly and annual TCR Payback mechanisms to compensate Market Participants that 
are charged under the Day-Ahead Market TCR uplift.81

The creation of a TCR market will not erode current customers’ physical access to 
the Transmission System because the physical rights can continue to be used and form 
the basis of the financial rights in the ARR allocation process.  Moreover, the ARR/TCR 
process will provide new benefits to Market Participants.  TCRs are settled independent 
of actual physical Energy flow, so they protect Market Participants from paying 
congestion charges along a path whether or not their Resources are committed in the 
Day-Ahead Market.  This facilitates optimal unit commitment because it provides 
incentives for Market Participants to allow SPP to make commitment decisions on a 
regional basis in the Day-Ahead Market, because Market Participants do not need to 
physically schedule their generation to their load to receive a congestion hedge.  Another 
benefit is that TCRs allow the transmission rights to be used by those entities that value 
them most, because TCRs can be traded among Market Participants.  Additionally, by 
allowing participation in the TCR market by any creditworthy Market Participant, 
increased competition in the TCR auction will lead to better prices for load-serving 
entities that choose to sell their TCRs.

SPP’s TCR market is similar to the markets implemented by other RTOs.  SPP 
allows Network Customers to nominate up to 103% of their historical peak load and 
Point-To-Point customers to nominate up to 100% of their firm reservations, which aligns 
with the customer’s current rights and protects native load based on existing 
arrangements, consistent with the regulated retail environment.  In this manner, 
Transmission Customers are hedged for their historical use of the Transmission System.  
TCRs will be settled using the Marginal Congestion Component of the Day-Ahead LMP, 
similar to other markets.82  SPP will also limit the amount of TCRs to the capability of 
the Transmission System, by capping Market Participant nominations at their historic 

                                               
80 See Proposed Tariff at Attachment AE § 8.5.12.

81 See id. §§ 8.5.13 – 8.5.14.

82 See e.g. PJM Interconnection, L.L.C., 122 FERC ¶ 61,279, at P 5 (2008); MISO 
Markets Settlement Business Practice Manual, 2.1.2 (effective October 1, 2011) 
(posted at 
https://www.midwestiso.org/_layouts/MISO/ECM/Redirect.aspx?ID=19181).
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levels and performing a simultaneous feasibility test to ensure that the total awarded 
TCRs match the Transmission System capability.

F. Consolidated Balancing Authority

As discussed above, in the Integrated Marketplace, the current 16 separate 
Balancing Authorities in the SPP Region will be consolidated into a single Balancing 
Authority operated by SPP.  The objective of consolidation is to improve the efficiency
of the Integrated Marketplace, facilitate centralized unit commitment, and provide for 
centralized Operating Reserve procurement.83  In addition, upon implementation of the 
Integrated Marketplace, the SPP Balancing Authority will procure, deploy, and settle 
Operating Reserve through the use of Day-Ahead and Real-Time Markets.84

To facilitate the creation of the new SPP Balancing Authority, SPP and the 
Consolidated Balancing Authority Steering Committee (“CBASC”) currently are working 
to finalize the agreement that will transfer the appropriate authority to SPP and detail the 
new division of responsibilities that will be necessary to implement a single Balancing 
Authority in the SPP Region.85  With the exception of certain supporting local tasks that 
the current Balancing Authorities will continue to perform, SPP will assume the North 
American Electric Reliability Corporation (“NERC”)  Balancing Authority 
responsibilities.  SPP will assume these responsibilities once the Commission accepts the 
agreement regarding the consolidation of the Balancing Authorities and SPP receives 
certification as a registered NERC Balancing Authority.  SPP’s responsibilities will 
include maintaining balance between load and generation Resources and maintaining 
system frequency.  SPP also will be responsible for managing a single Balancing 
Authority Area Control Error (“ACE”).86  While the details of the division of 
responsibilities between SPP and the current Balancing Authorities are not yet finalized, 
SPP and the CBASC anticipate that, at a minimum, the current Balancing Authorities will 
retain tasks relating to Tie Line metering and telemetry responsibilities with adjacent 
Balancing Authorities and frequency measurements.87  

                                               
83 Exhibit No. SPP-1 at 18.

84 Id. at 16.

85 Id. at 17-18.  Specifically, SPP and the current Balancing Authorities will amend 
or replace the Agreement Between Southwest Power Pool, Inc. and Southwest 
Power Pool Balancing Authorities Relating to Implementation of the EIS Market 
(“Balancing Authority Agreement”) set forth in Attachment AN of the Tariff.

86 Id. at 17.

87 Id.



The Honorable Kimberly D. Bose
February 29, 2012
Page 21

Once SPP and the existing Balancing Authorities have finalized the agreement 
regarding the consolidation of the Balancing Authorities, SPP will file the agreement 
with the Commission.  SPP further anticipates receiving its certification from NERC as 
the single Balancing Authority for the SPP Region in the 4th Quarter of 2013, which SPP 
will include in its final filing requesting permission to implement the Integrated 
Marketplace.  Therefore, SPP fully expects to have all necessary authorizations in place 
to operate the proposed new SPP Balancing Authority prior to the commencement of the 
Integrated Marketplace.

G. Multi-Day Reliability Assessment

Finally, SPP’s Integrated Marketplace includes a Multi-Day Reliability 
Assessment performed in advance of the Day-Ahead Market to identify Resources that 
must be given Commitment Instructions prior to completion of the Day-Ahead RUC to 
enable such Resources to be available in the applicable Operating Day.88  The purpose of 
the assessment is to evaluate the need to issue start-up Commitment Instructions to 
Resources that cannot be committed in the Day-Ahead RUC because of their long lead 
times.  SPP will perform the assessment for at least three days prior to the Operating Day 
to assess the capacity adequacy for each Operating Day.89

V. KEY INTEGRATED MARKETPLACE DESIGN ELEMENTS

A. Must-Offer Requirements

As discussed above, the Integrated Marketplace includes a must-offer requirement 
for Market Participants in the Day-Ahead Market, RUC, and RTBM.  The SPP 
stakeholders discussed this aspect of the Integrated Marketplace design extensively and 
considered several different approaches, including approaches currently in place in other 
RTOs.  The specific provisions adopted for the Integrated Marketplace represent a 
consensus view that the stakeholders believed struck the right balance and was tailored to 
meet the region’s specific needs.  Specifically, in the Day-Ahead Market, each Market 
Participant is required to offer sufficient Resources to cover its load plus Operating 
Reserve obligation for the next day to the extent that its Resources are available.90  In the 
RUC process and RTBM, Market Participants must submit Resource Offers for all 
Resources to the extent that the Resources are available.91  

                                               
88 See Proposed Tariff at Attachment AE § 4.5; see also Exhibit No. SPP-3 at 6.

89 See Proposed Tariff at Attachment AE § 4.5.

90 See id. § 2.11.1.

91 See id. § 2.11.2.
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The purpose of the must-offer requirement is to ensure that sufficient Resources 
are available to serve load and provide sufficient Operating Reserve.  In the Day-Ahead 
Market, the must-offer obligation is tied to expected load inasmuch as all load within the 
SPP market area is subject to retail regulation, which includes a must-serve obligation.92  
Accordingly, load-serving Market Participants must submit sufficient Resources to serve 
their load in the Day-Ahead Market.93  In addition, the Day-Ahead Market is a financially 
binding market within which load participation is voluntary.  These facts, coupled with 
the economic nature of the Day-Ahead Market as compared to the reliability nature of the 
RUC process, support the need for a must-offer floor to ensure sufficient physical 
Resources are offered into the Day-Ahead Market to meet the Energy Bids (excluding 
virtuals) and Operating Reserve requirements of the Operating Day.

SPP’s Day-Ahead must-offer requirement provides significant flexibility for load-
serving Market Participants.  Rather than impose a Day-Ahead Market must-offer 
requirement on all Resources, SPP will require only those Market Participants serving 
load to submit Offers to cover their next day’s expected load plus Operating Reserve 
obligation.  SPP has not imposed the must-offer requirement on, for instance, all 
Designated Resources as in other RTO markets.94  Market Participants that do not serve 
load are not required to offer in the Day-Ahead Market.  Furthermore, SPP’s Day-Ahead 
Market must-offer requirement is not Resource-specific, meaning that Market 
Participants are afforded considerable flexibility to choose from which Resources to 
submit Energy and Operating Reserve Offers in the Day-Ahead Market to fulfill their 
load and reserve obligations.  

SPP also proposes a must-offer requirement for the RUC and RTBM for all
Resources to the extent the Resources are available.  This design decision was the subject 
of extensive discussion by SPP and its stakeholders.  The consensus also built on the 
current EIS Market experience to ensure adequate commitment responsibility of 
sufficient Resources to meet the load and Operating Reserve requirements.  The RUC and 
RTBM must-offer requirements ensure that load and Operating Reserve requirements can 
be met throughout the Operating Day, absent a capacity shortage, and reduce the 
opportunity to engage in physical withholding.

  

                                               
92 See Exhibit No. SPP-3 at 16-17.

93 Id. at 16.

94 See, e.g., Midwest Independent Transmission System Operator, Inc., Open Access 
Transmission, Energy, and Operating Reserve Markets Tariff § 39.1.1A (“MISO 
Tariff”).
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B. Virtual Energy Offers and Bids

As discussed above, the Integrated Marketplace will accommodate virtual 
transactions in the Day-Ahead Market.  Specifically, in the Day-Ahead Market, Market 
Participants will be permitted to submit Virtual Energy Offers to sell Energy95 or Virtual 
Energy Bids to purchase Energy.96  Virtual Offers and Bids are purely financial and not 
associated with any specific physical Resource, but are eligible to set prices in the Day-
Ahead Market.  Virtual transactions are reversed and liquidated in the RTBM.

Market Participants may submit Virtual Energy Offers and Virtual Energy Bids in 
the Day-Ahead Market at any Settlement Location,97 limited to one Offer or Bid per 
Settlement Location per hour.98  Market Participants may not submit virtual Offers and 
Bids for Operating Reserve.99

Each virtual Bid and virtual Offer will be subject to a transaction fee to cover 
administrative costs for the Integrated Marketplace.100  Currently, SPP’s administrative 
costs are recovered under Schedule 1-A of the SPP Tariff, which imposes charges on 
Point-To-Point Transmission Service and NITS.  However, because virtual transactions 
are financial-only transactions in the Day-Ahead Market without any associated 
Transmission Service, SPP must have a mechanism to recover costs from these 
transactions.  SPP will use the revenues collected through the Virtual Energy Transaction 
Fee to reduce the budgeted expenses used to calculate the administrative fee charged 
under Schedule 1-A.101

SPP also will allocate a portion of the costs associated with committed Resource 
make whole payments discussed infra102 to Virtual Energy Bids and Offers.  Specifically, 
                                               
95 See Proposed Tariff at Attachment AE § 4.2.1.

96 See id. § 4.3.2.

97 See id. §§ 4.2.1(3), 4.3.2(2).

98 See id. §§ 4.2.1(3), 4.3.2(3).  Where a Market Participant represents more than 
one Asset Owner at a Settlement Location, it may submit one Offer or Bid for 
each Asset Owner it represents.  See id.

99 See id. § 4.2.1.

100 See id. §§ 4.2.1(4), 4.3.2(4), 8.5.17.  SPP is in the process of developing the rate 
for the Virtual Energy Transaction Fee adopted in Section 8.5.17, which SPP will 
submit for approval in a subsequent filing.

101 See id. § 8.5.17; see also Exhibit No. SPP-1 at 19-20.  

102 See infra Section V.D.
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SPP allocates a portion of the make whole payments made to physical Resources 
committed in the Day-Ahead Market based on net withdrawals at each Settlement 
Location, which is calculated as the net of all injections and withdrawals at that 
Settlement Location including Virtual Energy Bids and Virtual Energy Offers.  
Additionally, both Virtual Energy Offers and Virtual Energy Bids are allocated a portion 
of the costs associated with providing make whole payments to physical Resources that 
SPP commits in the RUC processes.  Because Virtual Energy Offers may displace 
physical Offers in the Day-Ahead Market, causing the need for additional physical 
Resources to be committed in the Day-Ahead Market and RUC process, Virtual Energy 
Offers contribute to the need to commit Resources that may not recover all of their 
operating costs and therefore should be required to contribute to the make whole 
payment.  Virtual Energy Bids can increase the total amount of physical Supply that is 
needed to clear the Day-Ahead Market, which can result in Resources being committed 
that require make whole payments.  Thus, it is appropriate to include virtual transactions 
in the uplift associated with make whole payments.103

Virtual transactions are a common practice in the organized Day-Ahead markets 
of other RTOs.  As the Commission previously has stated, virtual transactions benefit 
Market Participants by improving price convergence between day-ahead and real-time 
markets.104

C. Transmission Losses

In the Integrated Marketplace, SPP proposes to calculate LMPs using a marginal 
loss method rather than an average loss method.  Using a marginal loss approach, LMPs 
will include a Marginal Loss Component that reflects the cost of losses associated with 
delivering Energy from a Resource to load, and thus Resource commitment and dispatch 
will consider the impact of losses when determining which Resources to deploy.  SPP 
selected the marginal loss method because it sends more accurate price signals to Market 
Participants than an average losses mechanism, lowers the overall production cost of 
electricity, and has been used successfully in other organized markets.105

                                               
103 See, e.g., Midwest Indep. Transmission Sys. Operator, Inc., 115 FERC ¶ 61,108, 

at PP 48-49 (rejecting MISO proposal to eliminate virtual supply Offers from the 
uplift mechanism used fund Resource make whole payments), order on reh’g, 
117 FERC ¶ 61,113 (2006), order on reh’g, 118 FERC ¶ 61,212, order on reh’g, 
121 FERC ¶ 61,131 (2007).

104 See, e.g., Ameren Servs. Co. v. Midwest Indep. Transmission Sys. Operator, Inc., 
127 FERC ¶ 61,121, at P 45 (2009).

105 See, e.g., Cal. Indep. Sys. Operator Corp., 116 FERC ¶ 61,274, at PP 90-95 
(2006); see also Exhibit No. SPP-3 at 18-21.
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However, the use of a marginal loss methodology axiomatically results in an 
over-collection of revenues that must be returned to Market Participants as compared to 
an average loss methodology.  Over-collection occurs because marginal losses, which are 
based on incremental loading on transmission facilities, necessarily exceed average 
losses.106  The Commission previously has held that RTOs using marginal loss pricing 
must adopt a method for refunding the over-collected revenues.107  However, the 
Commission has determined that a direct reimbursement to customers of the amount of 
over-collection is inappropriate because it diminishes the price signal provided by 
marginal loss pricing.108

To address the over-collection of revenues under the marginal loss method, SPP 
proposes to implement a refund methodology based on “Loss Pools.”  Specifically, as 
discussed in the Testimony of Mr. Dillon, the net over-collection of the Marginal Loss 
Component of LMP is distributed to Market Participants based on a proxy estimate of 
each Market Participant’s contribution to the marginal loss surplus.  The proxy 
contribution is determined for each Settlement Location included in the Market 
Participant’s Loss Pool, but only at Settlement Locations where the total of all Resources, 
load, virtual transactions and Interchange Transactions at that Settlement Location results 
in a net withdrawal.  The proxy is calculated based upon differences between the 
Marginal Loss Component at each Market Participant Loss Pool withdrawal Settlement 
Location and its corresponding set of injection Settlement Locations.  A Market 
Participant’s Loss Pool is defined as the set of Settlement Locations at which the Market 
Participant has transactional activity.  As Mr. Dillon explains, SPP’s proposed Loss Pool 
methodology is similar to MISO’s marginal loss surplus distribution method, except that 
the Loss Pools proposed in the Integrated Marketplace are more granular than MISO’s 

                                               
106 See, e.g., Midwest Indep. Transmission Sys. Operator, Inc., 102 FERC ¶ 61,196, 

at P 54 (2003).

107 See, e.g., id. at PP 54, 56; see also Cal. Indep. Sys. Operator Corp., 119 FERC 
¶ 61,076, at P 456 (2007); N.E. Utils. Serv. Co. v. ISO New England Inc., 105 
FERC ¶ 61,122, at P 20 (2003) (“Northeast Utilities”), order denying reh’g, 109 
FERC ¶ 61,204 (2004). 

108 Atlantic City Elec. Co. v. PJM Interconnection, L.L.C., 115 FERC ¶ 61,132, at 
P 24 (2006) (“[T]he Commission has made clear that the method for disbursing 
the amounts of any over collections should not directly reimburse customers for 
their marginal loss payments, as such a collection would interfere with the goal of 
basing prices on marginal losses.”); Midwest Indep. Transmission Sys. Operator, 
Inc., 108 FERC ¶ 61,163, at PP 238-41 (2004); Northeast Utilities, 105 FERC at 
P 20 (stating “if excess LMP revenues are to be refunded to those who paid the 
marginal losses, then these purchasers would no longer be paying the marginal 
cost for energy,” which could undermine the price signals LMP is intended to 
provide).
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approach and are created dynamically on an hourly basis based on transactional 
activity.109

D. Resource Make Whole Payments

To ensure that Resource owners are able to recover their costs when SPP commits 
their Resources in the Day-Ahead Market or the Day-Ahead or Intra-Day RUC processes, 
SPP proposes to adopt a make whole payment for SPP-committed Resources.  
Specifically, as Mr. Dillon explains, the purpose of the make whole payments is to keep 
Resource owners indifferent to the commitment decisions of the Integrated Marketplace 
by ensuring that they are compensated for their Start-Up, No-Load, Energy Offer Curve, 
and Operating Reserve Offer costs for the period that they are committed in the Day-
Ahead Market, or Day-Ahead or Intra-Day RUC, to the extent that market revenues are 
insufficient.110

In the Day-Ahead Market, the make whole payment is based on each Resource’s 
submitted Day-Ahead Start-Up, No-Load, Energy Offer Curve, and Operating Reserve 
Offer costs, compared to the Day-Ahead Market revenues that the Resource receives, for 
the Resource’s “make whole payment eligibility period.”111  The eligibility period is 
generally the same as the Resource’s Day-Ahead Market Commitment Period (the period 
of time beginning with the Resource’s Day-Ahead Market Commit Time and ending with 
the Resource’s Day-Ahead Market De-Commit Time), except as specified in Section 
8.5.9 of Attachment AE.  When the sum of the Resource’s costs exceeds the Resource’s 
market revenues during the eligibility period, the Resource is eligible for a make whole 
payment for the difference, subject to certain limitations.112  The calculation of the Day-
Ahead make whole payment is set forth in detail in Attachment AE Section 8.5.9.

The Day-Ahead make whole payment is funded by an hourly charge to Market 
Participants at each Settlement Location based on net cleared Energy withdrawals.113  
Each Market Participant’s net Energy withdrawals at a Settlement Location is calculated 
as the positive net sum of cleared Demand Bids, Resource Offers, Import Interchange 
Transaction Bids, Export Interchange Transaction Bids, Virtual Energy Bids, and Virtual 
Energy Offers at the Settlement Location.114

                                               
109 Exhibit No. SPP-3 at 21-22.

110 Id. at 24.

111 See Proposed Tariff at Attachment AE § 8.5.9(1); Exhibit No. SPP-3 at 24.

112 See Proposed Tariff at Attachment AE § 8.5.9(3)(b).

113 See id. § 8.5.10.

114 See id. § 8.5.10(2).
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SPP also proposes to adopt the RUC make whole payment, which applies to 
Resources committed in either the Day-Ahead or Intra-Day RUC.  The purpose of the 
RUC make whole payment is to compensate Resources that were committed after the 
Day-Ahead Market, to the extent that RTBM revenues do not compensate the Resource 
for its Start-Up, No-Load, Energy Offer Curve, and Operating Reserve Offer costs.115  
Start-Up and No-Load Offer cost recovery is limited to Resources that operate as 
Synchronized Resources during the make whole payment eligibility period,116 except that 
non-Synchronized Resources may be eligible for a make whole payment representing a 
portion of their costs in certain circumstances (i.e., a portion of Start-up Offer costs for 
non-Synchronized Resources in the event that SPP cancels a Commitment Instruction 
prior to the start of the RUC make whole payment eligibility period).117  The RUC make 
whole payment is also funded by a charge to Market Participants on a cost-causation 
basis through calculation of certain load and Resource deviations from the Day-Ahead 
Market cleared amounts, operating parameter changes from those used in the Day-Ahead 
Market, and deviations associated with not following Dispatch Instructions.118

SPP’s make whole payment mechanism is generally similar to the mechanisms 
established in other RTOs,119 except that SPP’s make whole payment related to recovery 
of Start-Up Offer costs is based on an eligibility period that may span two Operating 
Days, rather than a daily or hourly period.120  As Mr. Dillon explains, SPP’s make whole 
payment is appropriate because it enables SPP to compensate Resources committed by 
SPP for their submitted Offer costs in order to provide an incentive for Market 
Participants to allow SPP to optimize unit commitment decisions for the entire SPP 
Balancing Authority Area, as opposed to Market Participants self-committing their 
Resources.121

                                               
115 See id. § 8.6.5.

116 See id. §§ 8.6.5(3)(b) & (c).

117 See id. § 8.6.5(3)(a).

118 See id. § 8.6.7(2).

119 ISO New England Inc., 138 FERC ¶ 61,042, at P 119 n.133 (2012); ISO New 
England Inc. Transmission, Markets, and Services Tariff (“ISO-NE Tariff”), 
Market Rule 1 at Appendix F § III.F.2.1.17; MISO Tariff §§ 40.3.5 and 40.3.6; 
NYISO Market Services Tariff at Attachment J § 25.1; California Independent 
System Operator Corporation Fifth Replacement FERC Electric Tariff § 11.21.1.

120 Exhibit No. SPP-3 at 24-25.

121 Id. at 25.
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E. Demand Response Resources

1. Order Nos. 719 and 719-A

On October 17, 2009, the Commission issued Order No. 719, which required 
(among other things)122 that RTOs accept Offers from Demand Response Resources in all 
ancillary service markets on a basis comparable to any other Resource if the Demand 
Response Resource: (1) is technically capable of providing the ancillary service and 
meets the necessary technical requirements; and (2) submits Offers under the generally-
applicable bidding rules at or below the market clearing price, unless the laws or 
regulations of the relevant electric retail regulatory authority do not permit a retail 
customer to participate.123  The Commission also directed each RTO to: (1) adopt 
reasonable standards necessary for all system operators to call on Demand Response 
Resources and mechanisms to measure, verify, and ensure compliance with such 
standards;124 (2) describe its efforts to develop adequate customer baselines to measure 
demand response;125 (3) develop technical requirements for demand response;126 and (4) 
adopt provisions to allow Demand Response Resources to specify limits on the duration, 
frequency, and amount of their service in their Offers.127  

Order No. 719 also permitted RTOs to establish certain reasonable requirements 
for Demand Response Resources, including size, telemetry, metering, and bidding, as 
well as a requirement that the Demand Response Resource certify that its participation in 

                                               
122 The Commission issued Order No. 719 to improve the operation of organized 

wholesale electric markets in the areas of demand response, long-term power 
contracting, market monitoring, and RTO governance and stakeholder 
responsiveness.  Wholesale Competition in Regions with Organized Electric 
Markets, Order No. 719, III FERC Stats. & Regs., Regs. Preambles ¶ 31,281, at 
P 2 (2008) (“Order No. 719”), as amended, 126 FERC ¶ 61,261, order on reh’g, 
Order No 719-A, III FERC Stats. & Regs., Regs. Preambles ¶ 31,292 (“Order 
No. 719-A”), reh’g denied, Order No. 719-B, 129 FERC ¶ 61,252 (2009).  
Compliance with the Order No. 719 market monitoring, long-term power 
contracting, RTO governance and responsiveness, and other issues are discussed 
elsewhere in this letter. 

123 Id. at P 47.

124 Id. at P 61.

125 Id. at P 57.

126 Id. at P 59.

127 Id. at P 81.
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the wholesale market is not precluded by the laws or regulations of the relevant electric 
retail regulatory authority.128  In Order No. 719-A, the Commission directed RTOs to 
establish mechanisms for sharing information about Demand Response Resource 
participation with affected load-serving entities.129

Order No. 719 also required RTOs to permit aggregators of retail customers 
(“ARC”) to Offer demand response on behalf of retail customers directly into the 
organized energy market, unless the laws or regulations of the relevant electric retail 
regulatory authority do not permit retail customers to participate.130  Generally, Order No. 
719 requires that ARC Offers must meet the same requirements that apply to other 
demand response Offers.131  In Order No. 719-A, the Commission established additional 
requirements for ARCs, including: (1) requiring that RTOs accept Offers by ARCs 
depending on the size of the retail utility serving the ARC’s retail customers;132 and (2) to 
develop and implement protocols for ARC participation in organized markets addressing 
concerns such as “double-counting, concerns regarding deviation, underscheduling, and 
uplift or other charges that may be incurred if real-time load is below that scheduled in 
the day-ahead market, as well as metering, billing, settlement, information sharing and 
verification measures.”133

                                               
128 Id. at P 49 & n.78.

129 Order No. 719-A at P 69.

130 Order No. 719 at PP 154-164.

131 Id. at P 158.

132 Order No. 719-A at PP 65-67.  Order No. 719-A indicated that RTOs should 
accept Offers from ARCs that aggregate the demand response of: (1) the 
customers of utilities that distributed more than four million MWh in the previous 
fiscal year, unless the relevant electric retail regulatory authority prohibits such 
customers’ demand response to be offered into the organized wholesale market; 
and (2) the customers of utilities that distributed four million MWh or less in the 
previous fiscal year, where the relevant electric retail regulatory authority permits 
such customers’ demand response to be offered into the organized wholesale 
market.  Id. at P 60.

133 Id. at P 70.
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SPP submitted filings to comply with Order Nos. 719 and 719-A on April 28, 
2009,134 October 27, 2009,135 May 19, 2010,136 and December 5, 2011.137  In orders 
issued November 20, 2009138 and October 4, 2011,139 the Commission determined that 
SPP’s current EIS Market demand response provisions comply with certain of the 
Commission’s Order No. 719 demand response requirements, subject to further 
compliance and additional explanation.  SPP’s December 2011 Compliance Filing, 
submitted in response to the October 2011 Order, is currently pending before the 
Commission.

2. Demand Response in the Integrated Marketplace

SPP has adopted several provisions to facilitate participation by Demand 
Response Resources in the Integrated Marketplace, as required by Order No. 719.  These 
terms will provide substantially greater opportunity for Demand Response Resources to 
participate as compared to SPP’s current EIS Market.  In the Integrated Marketplace, 
Demand Response Resources are treated like any other Resource, with certain minor 
differences directly attributable to the unique nature of demand response.140  Demand 
Response Resources are committed and dispatched in economic merit in place of more 
                                               
134 Submission of Order No. 719 Compliance Filing Revising Tariff of Southwest 

Power Pool, Inc., Docket No. ER09-1050-000 (Apr. 28, 2009) (“April 2009 
Compliance Filing”).

135 Submission of Order No. 719-A Compliance Filing of Southwest Power Pool, 
Inc., Docket No. ER09-1050-001 (Oct. 27, 2009) (“October 2009 Compliance 
Filing”).

136 Compliance Filing Revising Tariff of Southwest Power Pool, Inc., Docket 
Nos. ER09-1050-004 and ER09-748-002 (May 19, 2010) (“May 2010 
Compliance Filing”).

137 Compliance Filing Revising Tariff in Response to Order in Docket Nos. ER09-
1050, ER09-748, and ER09-1192 of Southwest Power Pool, Inc., Docket 
No. ER12-550-000 (Dec. 5, 2011) (“December 2011 Compliance Filing”).

138 Sw. Power Pool, Inc., 129 FERC ¶ 61,163 (2009) (“November 2009 Order”).

139 Sw. Power Pool, Inc., 137 FERC ¶ 61,011 (2011) (“October 2011 Order”).

140 See, e.g., Proposed Tariff at Attachment AE § 4.1.2.1(1) (“A Dispatchable 
Demand Response Resource is modeled in the Commercial Model the same as 
any other Resource, except that the Settlement Location associated with the 
Dispatchable Demand Response Resource must contain the Price Node associated 
with the Demand Response Load.”).
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expensive generation Resources, are eligible to set the LMP in both the Day-Ahead 
Market and RTBM if dispatchable, and may be offered to supply both Energy and 
Operating Reserve or just Operating Reserve (to the extent that the Demand Response 
Resource qualifies to provide certain Operating Reserve).

SPP’s Integrated Marketplace provisions have been modeled in part on existing 
provisions in the EIS Market, modified as needed to address compliance with 
Commission orders and to address differences in the Integrated Marketplace.  SPP 
proposes in this filing Tariff language that is substantially similar to that which the 
Commission previously has accepted or conditionally accepted, or language that SPP has 
committed in previous filings to include as part of its Integrated Marketplace filing.

In the Integrated Marketplace, SPP has adopted two categories of Demand 
Response Resources: (1) Dispatchable Demand Response Resources; and (2) Block 
Demand Response Resources.  Dispatchable Demand Response Resources are Demand 
Response Resources associated with a controllable load or a Behind-The-Meter generator 
that are dispatchable on a five-minute basis,141 while Block Demand Response Resources 
are Demand Response Resources that are not dispatchable within the hour and can only 
be committed in hourly blocks but are eligible to clear Spinning Reserve if qualified.142    
SPP also has adopted provisions to allow for ARCs to participate in the Integrated 
Marketplace on behalf of retail customers, as discussed below.

a. Demand Response Baselines, Measurement, and 
Verification 

As discussed above, Order No. 719 required RTOs to adopt reasonable standards 
necessary for all system operators to call on Demand Response Resources and 
mechanisms to measure, verify, and ensure compliance with such standards,143 and to 
describe its efforts to develop adequate customer baselines to measure demand 
response.144  SPP has established two methods for measuring and verifying the output of 
Demand Response Resources and determining Demand Response Resource baselines: (1) 
the Calculated Resource production option; and (2) the Submitted Resource production 
option.  These methods are substantially similar to the “Calculated Real-Time Response 
Methodology” and “Submitted Real-Time Response Methodology” that SPP submitted in 

                                               
141 See id. § 1.1 Definitions D.

142 See id. §§ 1.1 Definitions B & 4.1.2.1(2)(a).

143 Order No. 719 at P 61.

144 Id. at P 57.
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its May 19, 2010 filing to comply with Order No. 719,145 which the Commission 
conditionally accepted subject to additional compliance on October 4, 2011.146  SPP 
subsequently received Commission authorization to delay implementation of these 
methodologies to the Integrated Marketplace rather than implementing them in the EIS 
Market.147

Under the Calculated Resource production option, SPP calculates a Resource’s 
output as the difference between the lesser of the Resource’s Real-Time consumption in 
the dispatch interval preceding the Resource’s commitment time or the Demand 
Response Resource’s submitted hourly baseline, and the actual value of the associated 
Demand Response Load received during the Dispatch interval via telemetering.148  The 
Calculated Resource production option applies to both Dispatchable Demand Response 
Resources and Block Demand Response Resources.149  

The Calculated Resource Production option requires Market Participants to 
submit an hourly baseline for its Demand Response Load, indicating the level of Energy 
consumption expected at the location if the Demand Response Resource is not 
dispatched,150 and SPP is permitted to adjust the baseline if previous baselines deviated 
from the actual metered load in periods when the Demand Response Resource was not 
dispatched.151

Under the Submitted Resource production option, the Demand Response 
Resource output is calculated and submitted to SPP by the Market Participant via 
telemetering.152  The Submitted Resource production option is available to Demand 
                                               
145 See May 2010 Compliance Filing at 9-12 and Exhibit IV at Sixth Revised Sheet 

No. 998 – Original Sheet No. 998.02. 

146 October 2011 Order at P 64 (“[W]e find that SPP has met the compliance 
requirement to propose a measurement and verification methodology. . . . We find 
SPP to be in compliance with respect to these requirements, with the exceptions 
noted herein. . . . there are terms that remain undefined and factors that remain 
unexplained that SPP must address.”)

147 Sw. Power Pool, Inc., Notice of Extension of Time, Docket Nos. ER09-1050-001, 
et al. (Nov. 30, 2011).

148 See Proposed Tariff at Attachment AE § 4.1.2.1(1)(b).

149 See id. §§ 4.1.2.1(1) & (2).

150 See id. § 4.1.2.1(3).

151 See id. § 4.1.2.1(3)(b).

152 See id. § 4.1.2.1(1)(a).
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Response Resources that are utilizing strictly Behind-The-Meter Generation to provide 
the response, or to Market Participants that are offering the Demand Response Resource 
under a retail tariff provision that includes Real-Time measurement and verification 
terms.  As SPP explained in response to the Commission’s October 2011 Order on SPP’s 
proposed “Submitted Real-Time Response Methodology” in the EIS Market,153 the 
purpose of the methodology is to provide a streamlined option for participation by 
Demand Response Resources that are capable of providing Real-Time measurement and 
verification, thus obviating the need for SPP to calculate a baseline and conduct after-the-
fact measurement and verification.154  For both Behind-The-Meter Generation with 
sufficient net-metering and Real-Time capabilities (i.e., with separate metering on both 
the generator and the load) and Demand Response Resources calculating baselines and 
conducting measurement and verification as governed by a retail tariff, SPP may 
reasonably rely on the demand response output values provided by the Market 
Participant, and therefore does not need to employ the Calculated Resource production 
option for such Resources.

In its December 2011 Compliance Filing, SPP provided a series of explanations 
of the Calculated Real-Time Response Methodology and Submitted Real-Time Response 
Methodology.155  Because the methodologies outlined in the instant filing are the same as 
the methodologies conditionally accepted by the Commission subject to the outcome of 
SPP’s December 2011 Compliance Filing, SPP proposes them here subject to the 
Commission’s ruling on SPP’s December 2011 Compliance Filing.  

b. Technical Requirements, Bidding Parameters, Information 
Sharing

As discussed above, Order Nos. 719 and 719-A required RTOs to develop 
technical requirements for demand response,156 adopt provisions to allow Demand 
Response Resources to specify limits on the duration, frequency, and amount of their 
service in their Offers,157 and establish mechanisms for sharing information about 

                                               
153 See October 2011 Order at P 68 (directing SPP to “explain why it is excluding 

ARCs or individual demand response Resources with real-time capability not 
associated with retail demand response programs from utilizing the Submitted 
Methodology”).

154 See December 2011 Compliance Filing at 18.

155 Id. at 17-19.

156 Order No. 719 at P 59.

157 Id. at P 81.
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Demand Response Resource participation with affected load-serving entities.158  Order 
No. 719 also permitted RTOs to establish certain reasonable requirements for Demand 
Response Resources including size, telemetry, metering, and bidding, as well as a 
requirement that the Demand Response Resource certify that its participation in the 
wholesale market is not precluded by the laws or regulations of the relevant electric retail 
regulatory authority.159  

SPP’s Integrated Marketplace Tariff complies with these Order No. 719 
requirements.  Specifically, SPP has adopted Tariff language addressing the bidding 
parameters for all Resources, including Demand Response Resources, which requires the 
Resource to specify (among other things) the duration, frequency, and amount of its Offer 
in both the Day-Ahead Market and RTBM for both Energy and Operating Reserve, which 
will limit SPP’s dispatch of such Resources to the specified parameters.160  Demand 
Response Resources must submit the Real-Time value of their Demand Response Load to 
SPP via telemetering that meets technical requirements set forth in SPP’s Integrated 
Marketplace Protocols.161  SPP has also retained the requirement that Market Participants 
registering Demand Response Resources must certify that their participation in the 
Energy and Operating Reserve Markets is not precluded under the laws or regulations of 
the relevant electric retail regulatory authority.162  This certification requirement is 
modeled after the certification requirement in the EIS Market, which the Commission 
previously accepted.163

In addition to the registration requirements applicable to other Resources, SPP has 
adopted specific registration requirements for Dispatchable Demand Response 
Resources164 and Block Demand Response Resources,165 to enable SPP to identify the 
Demand Response Load Meter Data Submittal Location and Settlement Location 
associated with each Demand Response Resource.  These provisions require SPP to 
notify the applicable retail provider and relevant electric retail regulatory authority of a 
Demand Response Resource’s registration and expected MW level of participation in the 
                                               
158 Order No. 719-A at P 69.

159 Order No. 719 at P 49 & n.78.

160 See Proposed Tariff at Attachment AE § 4.1(9).

161 See id. §§ 4.1.2.1(1) & (2).

162 See id. § 2.2(8).

163 See October 2011 Order at PP 30, 77 (citing November 2009 Order at P 71).

164 See Proposed Tariff at Attachment AE § 2.6.

165 See id. § 2.7.
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Energy and Operating Reserve Markets, in accordance with the requirement in Order No. 
719-A.166

c. ARC Participation in the Integrated Marketplace

SPP also has adopted Tariff provisions to permit ARCs to offer demand response 
into the Integrated Marketplace.  ARCs may offer either Block Demand Response 
Resources or Dispatchable Demand Response Resources, and must comply with all of the 
registration and other requirements applicable to other Resources.167  SPP has also 
codified the requirement from Order No. 719-A that distinguishes eligibility to participate 
in wholesale demand response programs based on the size of the distribution utility that 
serves the customer.168  SPP also has adopted additional registration provisions for ARCs, 
consistent with the registration provisions accepted by the Commission in the EIS Market 
as compliant with Order No. 719,169 as well as a clarification to ARC registration 
required by the October 2011 Order.170

d. Outstanding Order No. 719 Compliance Requirements

As discussed above, SPP’s December 2011 Compliance Filing is currently 
pending before the Commission.  In that filing, SPP identified several compliance items 
to be implemented only at the time of implementation of the Integrated Marketplace.171  
First, SPP indicated that it would clarify the hourly baseline requirement to indicate that 
“[t]he baseline should be based on the average of the hourly integrated [Demand 
Response] Load for the same hours in the last 30 calendar days when the Resource was 
not dispatched, adjusted by the Market Participant as necessary to account for any 
changes in the expected level of energy consumption by the [Demand Response] 
Load.”172  SPP proposes to add this language to Section 4.1.2.1(3)(a) of Attachment AE, 
which governs the submission of hourly baselines in the Integrated Marketplace.  

                                               
166 Order No. 719-A at P 69.

167 See Proposed Tariff at Attachment AE § 2.8(1).

168 See id. § 2.8(2); Order No. 719-A at P 60.

169 See Proposed Tariff at Attachment AE § 2.2(9); October 2011 Order at P 32.

170 See Proposed Tariff at Attachment AE § 2.2(8); October 2011 Order at P 78.

171 December 2011 Compliance Filing at 19-22.

172 Id. at 20.  The term Demand Response Load is used in the Integrated Marketplace 
Tariff to replace the term Controllable Load that SPP adopted for the EIS Market.
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In the December 2011 Compliance Filing, SPP also committed to adopt a 
definition of “ICCP” and to clarify its provisions addressing “Prohibited Demand 
Response Resource Market Settlements” to address situations involving a Demand 
Response Resource that reduces demand in excess of the Dispatch Instruction.173  
However, the Tariff language giving rise to the need for these revisions is no longer 
included in the Integrated Marketplace Tariff; therefore, SPP is not proposing to adopt 
any Tariff revisions related to these matters.174

F. Combined Cycle Resources

Combined cycle power plants have two different mechanisms to produce 
electricity and provide significant flexibility because they can be run in multiple 
configurations.175  To take advantage of the multiple configurations and increased 
flexibility of combined cycle Resources, SPP proposes to adopt combined cycle modeling 
in the Integrated Marketplace.176

Specifically, SPP proposes to allow combined cycle Resources to register under 
three different options.  SPP will implement modeling of combined cycle Resources in 
the SCUC and SCED to enable SPP to commit and dispatch the most economical of the 
configurations offered by such Resources.  Under the first option, SPP will model 
combined cycle units as several pseudo Resources,177 and Market Participants will be 
permitted to submit Start-Up, No Load, and Energy Offer Curves for each configuration 
(i.e., each modeled pseudo Resource) they wish to offer in the market.  The Market 
Participant will be responsible for creation and submission of configurations and Offers 
in such a manner that each modeled pseudo Resource is capable of being committed and 
dispatched independently to ensure that each is properly sequenced and capable of 
responding to SPP Dispatch Instructions.178  Combined cycle Resources also have the 
                                               
173 Id. at 21-22.

174 This letter addresses Order No. 745 compliance requirements, infra at Section 
X.C. 

175 For example, a combined cycle Resource with two gas-fired combustion turbines 
and one steam turbine can be configured as: (1) gas unit number one plus steam 
unit; (2) gas unit number two plus steam unit; and (3) gas units one and two plus 
steam unit.

176 Exhibit No. SPP-3 at 34-35.

177 See Proposed Tariff at Attachment AE § 4.1.2.2(3); see also Exhibit No. SPP-3 at 
34.

178 See Proposed Tariff at Attachment AE § 4.1.2.2(3); see also Exhibit No. SPP-3 at 
34.
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option of being registered and treated as a single Resource or the option to register each 
Resource component (combustion turbines and steam turbines) as separate Resources.179

SPP’s proposed treatment of combined cycle Resources as pseudo Resources is 
similar to the Commission-approved combined cycle registration and modeling 
procedures in other RTOs such as MISO.  The proposed revisions to Attachment AE 
reflect the procedures that will apply to combined cycle Resources on the first day of 
Integrated Marketplace operations.  Additionally, as Mr. Dillon explains, SPP is 
committed to implementing future software upgrades that will enhance the modeling of 
combined cycle Resources to capture the cost of transitioning from one Resource 
configuration to another.180  SPP expects to implement this design feature one year after 
start-up of the Integrated Marketplace and will submit appropriate Tariff revisions to the 
Commission for approval prior to implementation of this enhanced functionality.181

G. Market Hubs

Attachment AE requires SPP to establish at least one Market Hub and provides a 
flexible process for SPP to establish additional Market Hubs to facilitate trading.  
Pursuant to Section 3.1.1 of Attachment AE, SPP will establish one or more Market Hubs 
for the Day-Ahead Market and RTBM, comprised of a set of nodes within the SPP 
Balancing Authority Area, that consists of: (1) a sufficient number of nodes to ensure that 
a Market Hub LMP can be calculated at all times; (2) a sufficient number of nodes to 
ensure that the unavailability of, or an adjacent line outage to, any one node or set of 
nodes would only have a minor impact on the Market Hub LMP; (3) nodes with a 
relatively high rate of service availability; and (4) nodes among which Transmission 
Service is relatively unconstrained.182  SPP’s proposed process for creating Market Hubs 
is consistent with the processes established by other RTOs.183

H. External Transactions

The Integrated Marketplace supports external transactions into, out of, or through 
the SPP Balancing Authority Area.  Specifically, the Integrated Marketplace 
accommodates Import Interchange Transaction Offers,184 Export Interchange Transaction 
                                               
179 See Proposed Tariff at Attachment AE §§ 4.1.2.2(1) & (2).

180 Exhibit No. SPP-3 at 35.

181 Id. at 35.

182 See Proposed Tariff at Attachment AE § 3.1.1(4).

183 See, e.g., ISO-NE Tariff, Market Rule 1 § III.2.8.

184 See Proposed Tariff at Attachment AE § 4.2.2.
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Bids,185 and Through Interchange Transactions186 in both the Day-Ahead Market and 
RTBM.  Market Participants engaging in these external transactions must reserve 
sufficient Transmission Service to accommodate the transaction prior to making an Offer 
or Bid.

Three types of Import Interchange Transaction Offers and Export Interchange 
Transaction Bids are permitted: (1) fixed Offer/Bid in either the Day-Ahead Market or 
RTBM;187 (2) dispatchable Offer/Bid in the Day-Ahead Market only;188 and (3) up-to 
transmission usage charge Offer/Bid in the Day-Ahead Market only.189  Market 
Participants can submit either fixed190 or up-to-transmission usage charge191 Through 
Interchange Transactions.  Export Interchange Transaction Bids submitted in the Day-
Ahead Market can reduce a Market Participant’s Supplemental Reserve obligation if they 
meet certain eligibility requirements,192 including requirements that the Bid be fixed and 
fully recallable within a 10-minute period.193  External transactions are accounted for in 
the modeling software for the Day-Ahead Market, RUC processes, and RTBM.194

                                               
185 See id. § 4.3.3.

186 See id. § 4.4.

187 See id. §§ 4.2.2(1)(a) & 4.3.3(1)(a).  Fixed Offers and Bids specify a MW amount 
that will be cleared regardless of the price at the External Interface Settlement 
Location.

188 See id. §§ 4.2.2(1)(b) & 4.3.3(1)(b).  Dispatchable Offers and Bids specify both a 
MW amount and a maximum price that the Market Participant is willing to pay if 
the transaction clears in the Day-Ahead Market.

189 See id. §§ 4.2.2(1)(c) & 4.3.3(1)(c).  Up-to-transmission usage charge Offers and 
Bids specify both a MW amount and the combined maximum amount of 
congestion and marginal loss costs that the Market Participant is willing to pay if 
the transaction clears the Day-Ahead Market.

190 See id. § 4.4(1).

191 See id. § 4.4(2).

192 See id. § 4.3.3(3).

193 See id. §§ 4.3.3(3)(a) & (b).

194 See, e.g., id. §§ 5.1.1, 5.2.1, 6.1.1, 6.2.1.1(2) (listing the inputs to the Day-Ahead 
Market, RUC, and RTBM).
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Additionally, the Integrated Marketplace permits Market Participants to purchase 
Operating Reserve from sources external to the SPP Balancing Authority.195  
Specifically, as Mr. Dillon explains, SPP will continue to honor existing contractual 
arrangements between Market Participants and external Balancing Authorities relating to 
purchases of Operating Reserve, or Market Participants may create a pseudo-tie 
arrangement to deliver Energy and Operating Reserve from a specific Resource that is 
outside of the SPP Balancing Authority Area.196  Pseudo-tied Resources are treated the 
same as any other Resource that is internal to the SPP Balancing Authority Area for 
purposes of commitment, dispatch, and Operating Reserve clearing.197

I. Seams Coordination

The Integrated Marketplace also includes a protocol to manage congestion 
between the SPP Balancing Authority Area and external Balancing Authority Areas in 
the RTBM.  Specifically, SPP will submit the Market Flow198 impact on each 
Coordinated Flowgate and Reciprocal Flowgate to the NERC Interchange Distribution 
Calculator (“IDC”).199  SPP will determine the Market Flow associated with the RTBM 
and will assign curtailment priorities to the Market Flow on each flowgate utilizing the 
process outlined in Section 6.2.2.3(b) of Attachment AE for Coordinated Flowgates, 
Reciprocal Coordinated Flowgates, and undefined flowgates.  When congestion occurs 
on a flowgate and the NERC IDC identifies the amount of relief required from Market 
Flows on flowgates, SPP will use SCED to achieve the required reduction.200  Because 
operation of the RTBM is substantially the same as the current EIS Market operation, the 
proposed seams coordination described above is the same procedure that is currently 
implemented in the EIS Market.  This procedure is expected to work equally as well in 
the Integrated Marketplace.

                                               
195 See id. § 4.2.2.1.

196 Exhibit No. SPP-3 at 39.

197 Id.

198 Attachment AE defines Market Flow as the “aggregate Megawatt flow on a 
Coordinated Flowgate or a Reciprocal Coordinated Flowgate caused by the Real-
Time Balancing Market.”  See Proposed Tariff at Attachment AE § 1.1, 
Definitions M.

199 See id. § 6.2.2.3(a).

200 See id. § 6.2.2.3(d).
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J. Reserve Zones

SPP will define potential Reserve Zones within the SPP Balancing Authority Area 
to ensure the deliverability of cleared Operating Reserve.201  SPP will conduct Reserve 
Zone studies on a semiannual basis to identify areas where transmission constraints may 
either limit the deliverability into or out of the Reserve Zone, requiring SPP either to 
ensure that a minimum amount of Operating Reserve is procured from Resources within 
the area or that procurement of Operating Reserve from Resources within the Reserve 
Zone be limited to ensure adequate system-wide procurement of deliverable Operating 
Reserve.202  As Transmission System conditions change, SPP may add or reconfigure 
Reserve Zones as needed during its semi-annual Reserve Zone study process.203  The 
Reserve Zone provisions are necessary as SPP consolidates 16 separate Balancing 
Authorities into a single Balancing Authority.  Given Transmission System and generator 
limitations, setting daily minimum and maximum limits on Operating Reserve 
procurement in certain areas is necessary to ensure deliverability and reliable operation of 
the Transmission System.204

K. Registration Requirements

Section 2.2 of Attachment AE governs the Market Participant application and 
Asset registration process in the Integrated Marketplace.  Attachment AE requires Market 
Participants to register all Resources and load, including load associated with GFAs, 
Non-Conforming Load, and Demand Response Load,205 excluding Behind-The-Meter 
generation Resources less than 10 MW.206  The registration provisions allow Market 
Participants with Jointly Owned Units to register each ownership share as a separate 
Resource and then allow the Resource to be offered into the markets and committed and 
dispatched as separate, individual Resources or committed as a combined Resource and 

                                               
201 See id. § 3.1.3(1).

202 See id. § 3.1.3(2).

203 See id. § 3.1.3(3).

204 Exhibit No. SPP-3 at 9.

205 See Proposed Tariff at Attachment AE § 2.2(2).  “Non-Conforming Load” is 
defined as load “that is process driven that does not follow a predictable pattern.”  
Id. § 1.1 Definitions N.  “Demand Response Load” is defined as a “registered, 
measurable load that is capable of being reduced at SPP’s instruction [] and 
subsequently may be increased at [SPP’s instruction].” Id. § 1.1 Definitions D.

206 See id. § 2.2(6).
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dispatched as individual Resources.207  Mr. Dillon’s testimony discusses SPP’s proposed 
provisions governing Jointly Owned Units in more detail.208

Dispatchable VERs are VERs capable of being incrementally dispatched by 
SPP,209 and generally follow the Offer requirements applicable to other Resources, with 
certain exceptions210 as discussed in more detail below.211  Attachment AE requires all 
wind-powered VERs with an interconnection agreement executed after May 21, 2011 to 
register as a Dispatchable VER and provides an option for non-wind powered VERs to 
register as a Dispatchable VER.212  Otherwise, VERs are considered Non-Dispatchable 
VERs.213  The Commission previously accepted similar registration requirements for 
wind-powered VERs in MISO.214

SPP also has adopted specific registration provisions for Demand Response 
Resources.  Market Participants wishing to offer controllable load as a Demand Response 
Resource in the Integrated Marketplace must submit an application and register like any 
other Resource, and must include a certification that participation in the SPP Energy and 
Operating Reserve Markets by its Demand Response Resource is not precluded by the 
laws or regulations of the relevant electric retail regulatory authority.215  This certification 
requirement complies with Order No. 719216 and is consistent with the language in 

                                               
207 See id. § 2.2(4).

208 Exhibit No. SPP-3 at 32-33.

209 See Proposed Tariff at Attachment AE § 1.1, Definitions D.

210 See id. § 4.1.2.4.

211 See infra Section V.L.

212 See Proposed Tariff at Attachment AE § 2.2(10).

213 See id. § 2.2(10).

214 Midwest Indep. Transmission Sys. Operator, Inc., 134 FERC ¶ 61,141, at 
PP 33-43 (2011).  The MISO proposal required all wind-powered VERs with 
commercial operating dates after April 1, 2005 to modify their facilities as 
necessary to be dispatchable.  The Commission found that MISO had 
demonstrated that requiring such wind-powered VERs to meet dispatchable 
requirements would not be unduly burdensome.  Id. at PP 35-36.

215 See Proposed Tariff at Attachment AE § 2.2(8).

216 Order No. 719 at P 49 n.78 & P 158.
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existing Attachment AE that the Commission has accepted.217  Moreover, SPP has 
adopted language specifying that an ARC registering one or more Demand Response 
Resources must certify that its Demand Response Resources’ participation in SPP’s 
Energy and Operating Reserve Markets is consistent with the ARC requirements set forth 
in Order No. 719-A.218  SPP first submitted this language in response to a Commission 
directive in SPP’s Order No. 719 compliance proceeding,219 and it is currently pending 
before the Commission.220

L. Variable Energy Resources (“VER”)

As discussed above, SPP has adopted two categories of VERs in the Integrated 
Marketplace: Dispatchable VERs and Non-Dispatchable VERs.  The Offer parameters 
for VERs differ based on whether the VER is Dispatchable or not.  

Under Section 4.1.2.4 of Attachment AE, Dispatchable VERs use the same Offer 
parameters available to any other Resource, except that: (a) minimum operating limits in 
the Day-Ahead Market and RUC processes must equal zero; (b) SPP will calculate 
maximum operating limits as the lesser of the Resource’s submitted maximum operating 
limits or SPP’s output forecast for the Resource; (c) Attachment AE places limits on the 
submitted ramp rates of Dispatchable VERs based on the maximum capability of the 
Resource; (d) when SPP issues a Dispatch Instruction to a Dispatchable VER to reduce 
output in the RTBM, the Resource’s Setpoint Instruction shall be equal to the sum of the 
Dispatch Instruction and any Regulation-Down deployment, even if the Market 
Participant has indicated that the Resource is not dispatchable; and (e) when SPP issues a 
Dispatch Instruction to a Dispatchable VER to increase output in the RTBM following a 
Dispatch Instruction to decrease output in the previous Dispatch Interval, SPP will 
calculate the Resource’s maximum operating limit to be equal to the lesser of SPP’s 
output forecast for the Resource or the sum of the Resource’s Dispatch Instruction to 
reduce in the previous Dispatch Interval plus five times the Resource’s ramp rate.221  As 
Mr. Dillon indicates, these differences from the standard Offer parameters for other 
Resources are necessary to accommodate the unique circumstances of VERs and are 
similar to the registration and modeling procedures adopted in other RTOs.222

                                               
217 See October 2011 Order at PP 30, 77 (citing November 2009 Order at P 71).

218 See Proposed Tariff at Attachment AE § 2.2(8); see supra note 132.

219 October 2011 Order at P 78.

220 December 2011 Filing at 7.

221 See Proposed Tariff at Attachment AE § 4.1.2.4.

222 Exhibit No. SPP-3 at 37-38.
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SPP also accepts Resource Offers from Non-Dispatchable VERs in the Integrated 
Marketplace.  Non-Dispatchable VERs are required to use the same Offer parameters as 
other Resources, except that the Energy Offer Curve does not apply in the RTBM, the 
VER’s Dispatch Instruction in the RTBM is equal to the Resource’s actual output at the 
start of the Dispatch Interval, and the Resource’s Energy Offer Curve equals zero for 
purposes of calculating production costs for RUC make whole payments and cost 
allocation thereof.223  These revisions reflect the non-dispatchable nature of these VERs, 
and therefore are appropriate.

M. Grandfathered Agreements (“GFA”)

In developing the Integrated Marketplace, SPP and its stakeholders sought to 
accommodate existing contractual arrangements, to the extent possible, rather than 
abrogate or modify them.  As discussed elsewhere in this letter and in the Testimony of 
Mr. Dillon, GFAs involving firm Transmission Service reservation transactions within 
the SPP market area will have the same ARR nomination rights on those paths as other 
firm transmission reservations.224  Market Participants with GFAs possess the right to 
convert the ARR associated with their Transmission Service to a TCR in the TCR auction 
in the same manner as other Market Participants.  The parties to the GFA may designate 
which party is to receive the ARRs, and the ARRs and TCRs for GFAs are treated 
identically to all other ARRs and TCRs.  Absent agreement between the parties to the 
GFA, the Transmission Owner that is a party to the GFA will receive the allocation of 
ARRs by default.225  GFAs related to transactions through, into, or out-of the SPP 
Balancing Authority Area will continue their current scheduling practices.  

SPP’s proposal to treat GFAs comparable to other firm Transmission Service, just 
as these agreements are treated under existing scheduling protocols, gives continuing 
effect to existing contractual arrangements by accommodating these agreements within 
the proposed rules and design of the Integrated Marketplace.  GFAs are not subject to a 
“carve out,” but are accorded treatment comparable to firm Transmission Service under 
the Tariff, avoiding the problems experienced in other markets where the “carve out” of 
such agreements produced revenue shortfalls to other TCR holders due to reduced 
allocations or funding, as Mr. Dillon discusses.226

                                               
223 See Proposed Tariff at Attachment AE § 4.1.2.5(3).

224 Exhibit No. SPP-3 at 49.

225 See Proposed Attachment AE § 7.1.1(2);  Exhibit No. SPP-3 at 49.

226 Exhibit No. SPP-3 at 50.
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N. Market Rules Governing Price Formation During Periods of 
Operating Reserve Shortage 

In Order No. 719, the Commission directed RTOs to reform or demonstrate the 
adequacy of their existing rules governing prices during periods of Operating Reserve
shortage to ensure that prices during shortage periods more accurately reflect the value of 
Energy.227  The Commission articulated six criteria that market rules must satisfy, 
including: (1) improving reliability by reducing demand and increasing generation during 
periods of Operating Reserve shortage; (2) making it more worthwhile for customers to 
invest in demand response technologies; (3) encouraging existing generation and demand 
Resources needed during an Operating Reserve shortage to remain in business; (4) 
encouraging entry of new generation and demand response; (5) providing comparable 
treatment and compensation to demand Resources during periods of Operating Reserve 
shortages; and (6) having provisions for mitigating market power and deterring gaming
behavior, including, but not limited to, use of demand Resources to discipline bidding 
behavior to competitive levels during periods of Operating Reserve shortages.228

SPP has adopted provisions to address price formation during periods of 
Operating Reserve shortages in the Integrated Marketplace.  Specifically, Section 6.2.2.1 
states that if there is an actual Operating Reserve shortage during a Dispatch Interval, 
either on a system-wide or Reserve Zone basis, or if there is a shortage of available 
capacity to meet Energy requirements system-wide, SPP will implement Scarcity 
Pricing.229

Under SPP’s Scarcity Pricing proposal, SPP will use Demand Curves to adjust 
MCP and LMP in both the Day-Ahead Market and RTBM during times of Operating 
Reserve shortages.230  Demand Curves recognize market dynamics and result in adjusted 
prices that better reflect the value of Energy during the shortage periods.  Scarcity Prices 
are set for Operating Reserve capacity shortages using Operating Reserve Demand 
Curves, and Scarcity Prices for Regulation capability shortages are set using the 
Regulation Demand Curves.231

                                               
227 Order No. 719 at P 192.

228 Id. at P 239.

229 See Proposed Tariff at Attachment AE §§ 6.2.2.1(1)(a) & (b).

230 See id. § 8.3.4.2(1); see also Exhibit No. SPP-3 at 10.

231 See Proposed Tariff at Attachment AE § 8.3.4.2(3); see also Exhibit No. SPP-3 at 
10-11.
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SPP’s proposed Scarcity Pricing proposal is similar to the approach adopted by 
MISO, which is pending before the Commission subject to MISO’s submission of a 
factual record demonstrating that it complies with the six criteria outlined in Order No. 
719.232  Mr. Dillon’s testimony explains why SPP’s proposed Scarcity Pricing 
mechanism is consistent with Order No. 719.233

O. Resource Deployment Failure Charges

SPP proposes to impose charges on Resources that fail to follow SPP Dispatch 
Instructions in providing Energy or Operating Reserve.  Specifically, SPP proposes to 
charge Resources for any Uninstructed Resource Deviation (“URD”),234 which is defined 
as the “Megawatt amount by which a Resource’s actual output in a Dispatch Interval is 
above or below that Resource’s average Setpoint Instruction in the Dispatch Interval.”235  
When a Resource’s URD falls outside of its Operating Tolerance, the Resource will be 
allocated a portion of the RUC make whole payments for the Dispatch Interval(s) in 
which the URD occurred.236  SPP proposes several exceptions to the URD charge, such 
as for situations when the Resource has been deployed for Contingency Reserve, SPP has 
declared an Emergency Condition, or the Resource trips off-line.237  SPP also proposes 
similar charges for URDs involving Regulation238 and Contingency Reserve.239  Such 
URD charges provide a disincentive for Resources to operate outside of their Operating 
Tolerances, which enhances the reliability of the Integrated Marketplace.

P. Revenue Neutrality

To ensure that SPP remains revenue neutral, SPP proposes a Revenue Neutrality 
Uplift (“RNU”) for the Operating Day.  As Mr. Dillon explains,  SPP will retain its RNU 
charge, as currently effective for the EIS Market, with two modifications.240  First, virtual 
                                               
232 Midwest Indep. Transmission Sys. Operator, Inc., 137 FERC ¶ 61,214, at P 231 

(2011).

233 Exhibit No. SPP-3 at 13-14.

234 See Proposed Tariff at Attachment AE § 6.4.1.

235 See id. § 1.1, Definitions U.

236 See id. § 6.4.1(2).

237 See id. § 6.4.1.1.

238 See id. § 6.4.2.

239 See id. § 6.4.3.

240 Exhibit No. SPP-3 at 47.
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transactions will be subject to RNU charges or credits.  Second, the RNU rate for charges 
or credits will be calculated on a daily basis, rather than on an hourly basis.  The first 
change simply reflects the introduction of virtual trading in the Integrated Marketplace, 
because virtual activity is not part of the EIS Market.  The second change is the product 
of stakeholder review and consensus to move to a more static, one-time, daily RNU 
calculation.  It does not affect the overall amounts that are ultimately reflected in RNU 
charges or credits.

Q. Reserve Sharing

Attachment AE contemplates SPP’s involvement in reserve sharing arrangements 
with other Balancing Authority Areas.  The current Balancing Authorities in the SPP 
footprint participate in a Reserve Sharing Group to share reserve as needed.  With the 
creation of the new SPP Balancing Authority, the existing reserve sharing arrangements 
will be eliminated.  However, in the Integrated Marketplace, SPP may execute reserve 
sharing agreements to maintain, allocate, and share Contingency Reserve with 
neighboring Balancing Authorities.241

VI. MARKET POWER STUDY

As Mr. Hyatt explains in his testimony, SPP’s Market Monitor engaged Potomac 
Economics, Ltd. (“Potomac Economics”) in the fall of 2011 to examine market power 
issues in SPP’s proposed ancillary service markets (“Market Power Study”).242  The 
Market Power Study assessed the competitiveness of SPP’s proposal to implement, in 
conjunction with its planned Day-Ahead Energy Market and RTBM, market-based 
procurement for Operating Reserve.243  The Market Power Study considered market 
power issues based on relevant geographic markets, including the entire SPP market 
footprint and submarkets corresponding to SPP’s Reserve Zones.244  Using historical 
data, Potomac Economics calculated market shares and concentration indices and 
conducted a pivotal supplier analysis.245

Potomac Economics determined that, while market shares and Herfindahl-
Hirschman Index (“HHI”) statistics were moderately high on both a zonal basis and in the 
SPP-wide Regulation-Up and Regulation-Down markets, suppliers were rarely pivotal in 

                                               
241 Exhibit No. SPP-1 at 20.

242 Exhibit No. SPP-5 at 10.

243 Id.

244 Id.

245 Id. at 11.
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the supply of Regulation services.246  For Contingency Reserve services in the SPP-wide
market, the Market Power Study indicates that market shares and HHIs were below the 
20% and 1,800 thresholds, respectively, that the Commission typically considers 
indicative of potential market power.247  The pivotal supplier analysis confirmed the 
potential for competitive concerns within individual Reserve Zones, even though 
suppliers were generally not pivotal in SPP as a whole.248  The Market Power Study 
concluded that the zonal competitive concerns in the Contingency Reserve market should 
be addressed through effective monitoring and mitigation measures. 249  

SPP has modified its existing Market Monitoring Plan and Market Mitigation 
Plan, as discussed in more detail in Mr. Hyatt’s testimony250 and below.  The Market 
Power Study is attached to Mr. Hyatt’s testimony as Exhibit No. SPP-6.251

VII. MARKET MONITORING AND MITIGATION

In Order No. 719, the Commission established several requirements for RTO 
market monitoring.  In a series of orders issued November 20, 2009,252 September 16, 
2010,253 and October 20, 2011,254 the Commission found SPP to be in compliance with 
all market monitoring requirements of Order No. 719.  

SPP proposes in this filing limited revisions to its Commission-accepted Market 
Power Mitigation Plan and Market Monitoring Plan in Attachments AF and AG of the 
SPP Tariff, respectively.  The revisions proposed in this filing are limited to address new 
features of the Integrated Marketplace requiring additional market monitoring and 
mitigation provisions.
                                               
246 Id. at 12.

247 Id.

248 Id.

249 Id.

250 Id. at 12-13.

251 SPP submits a redacted version of the Market Power Study in Exhibit No. SPP-6.  
Redaction is necessary to protect the confidentiality of sensitive, non-public 
market data.

252 November 2009 Compliance Order.

253 Sw. Power Pool, Inc., 132 FERC ¶ 61,240 (2010).

254 Sw. Power Pool, Inc., 137 FERC ¶ 61,046 (2011).
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A. Market Monitoring

SPP proposes several revisions to Section 4 of Attachment AG, which governs the 
SPP Market Monitor’s specific monitoring duties.  First, SPP proposes to modify Section 
4.2 (Market Monitoring Scope) to include: (1) Resource registration data; (2) Resource 
Offer data including non-price related Offer parameters required for use in either the 
Day-Ahead Market, RUC, or RTBM; (3) Demand Bids for the purchase of Energy in the 
Day-Ahead Market; (4) Virtual Energy Bids and Offers in the Day-Ahead Market; (5) 
Export Interchange Transaction Bids and Import Interchange Transaction Offers; (6) 
LMPs and MCPs; and (7) SPP Balancing Authority Area data.255  These revisions are 
necessary to ensure that the Market Monitor is monitoring all relevant data for the 
products and services offered in the Integrated Marketplace.

SPP also proposes to revise Attachment AG provisions addressing the monitoring 
of market behavior that might warrant mitigation.  Specifically, SPP proposes several 
revisions to Section 4.6 of Attachment AG to require monitoring for: (1) economic 
withholding; (2) uneconomic production; (3) physical withholding; and (4) uneconomic 
virtual Bids.256  If the SPP Market Monitor determines that sufficient credible evidence 
exists about a specific abusive practice, the Market Monitor will refer the issue to the 
Commission for possible investigation.257  The Market Monitor will monitor for 
uneconomic production that causes congestion on transmission facilities or price 
separation between Reserve Zones that is not justified by reliability concerns, by 
monitoring self-committed Resources with uneconomic output and SPP-committed 
Resources generating outside of their Operating Tolerance.258  If the Market Monitor 
determines that the MW impact from the uneconomic production is exacerbating the 
transmission constraint or binding a Reserve Zone and is not justified by reliability or 
other operational concerns, the Market Monitor will determine if sufficient credible 
information exists to refer the matter to the Commission.259

SPP also proposes revisions to Section 4.6 of Attachment AG to require the 
Market Monitor to monitor Virtual Energy Bids and Virtual Energy Offers and the level 
of divergence between the Day-Ahead Market LMPs and RTBM LMPs.260  Using a 
                                               
255 See Proposed Tariff at Attachment AG § 4.2.

256 See id. § 4.6.

257 See id.

258 See id. § 4.6.1.

259 See id.

260 See id. § 4.6.2.
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metric set forth in Section 4.6.3 of Attachment AG, the Market Monitor will compute the 
hourly LMP deviation between the Day-Ahead Market and RTBM and, if the 4-week 
rolling average divergence is 10% or greater, the divergence will be considered 
excessive.261  If the Market Monitor discovers excessive divergence, the Market Monitor 
will determine whether the divergence is attributable to the virtual transaction behavior of 
one or more Market Participants, and SPP will impose mitigation on any Market 
Participants found by the Market Monitor to be responsible for the excessive 
divergence,262 including suspending the Market Participant’s ability to engage in virtual 
trading at the Settlement Location for three months.263  Under this provision, SPP will be 
responsible for imposing mitigation based on the findings of the Market Monitor, 
consistent with the requirement in Order No. 719 that Market Monitors not be responsible 
for prospective market mitigation.264

SPP proposes additional revisions to clarify the Market Monitoring Plan.  
Specifically, SPP proposes to eliminate unnecessary Tariff language indicating that 
suppliers with market-based rates are required to comply with Order Nos. 670 and 674, 
and replace this language with general language indicating that the Market Monitor will 
report all suspected market violations as defined in the Commission’s regulations to the 
Commission’s Office of Enforcement staff, using the referral protocols adopted in Order 
No. 719.265  SPP also proposes to delete provisions from Attachment AG requiring the 
Market Monitor to monitor for “Strategic Withholding.”266  This monitoring requirement, 
also known as Uneconomic Underproduction Monitoring, is unique to the SPP EIS 
Market.  Other RTO markets monitor and mitigate this behavior through monitoring and 
mitigating economic and physical withholding.  This monitoring is subsumed by the 
economic and physical withholding mitigation and monitoring that SPP has adopted for 
the Integrated Marketplace.  

Finally, SPP proposes several minor revisions to update terminology used in the 
Integrated Marketplace,267 to add language that was inadvertently omitted from Section 

                                               
261 See id. § 4.6.3.

262 See id. § 4.6.3.

263 See id. § 4.0.

264 Order No. 719 at P 375.

265 See Proposed Tariff at Attachment AG § 4.3.

266 See id. § 4.6.2.

267 See id. §§ 1.1, 1.2, 1.3, 2.5, 2.6, 4.1, 4.4, 5.1, 6.1, 6.2, 8.
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3.2 during SPP’s Order No. 719 compliance process,268 and to delete language related to 
the start-up of the EIS Market that is no longer relevant.269  

B. Market Mitigation

SPP has adopted several revisions to Attachment AF of the SPP Tariff to address 
market power mitigation in the Integrated Marketplace.  Specifically, as discussed in 
more detail in Mr. Hyatt’s testimony, SPP has added new mitigation measures for Start-
Up and No-Load Offers, physical Offer parameters, and virtual transactions.270  SPP is 
also proposing to retain its existing EIS Market mitigation measures for Energy Offer 
Curves for both the Day-Ahead Market and RTBM.271  Under revised Attachment AF, if 
a Resource is determined to possess local market power in the Day-Ahead Market or 
RUC, SPP may apply mitigation by capping the Resource’s Start-Up Offer and No-Load 
Offer at the Resource’s Default Start-Up Offer and Default No-Load Offer,272 using the 
same test SPP currently uses to mitigate Energy Offer Curves.273

SPP proposes revisions to clarify its calculation of Energy Offer Caps and to 
include provisions reflecting the creation of the Energy and Operating Reserve 
Markets.274  SPP is not proposing any substantive revisions to its calculation of the 
Energy Offer Cap, including the calculation of the Annual Hours of Constraint, New 
Transmission Constraints, or Fuel Cost.275  SPP is proposing, however, to adopt new 
provisions allowing a Market Participant to seek an exception to its Energy Offer Cap by 
submitting a cost-based Offer Curve for the Resource.  SPP will review each such request 
in consultation with the Market Monitor to determine whether to allow the exception.276

                                               
268 See id. § 3.2 (adding the words “at any” and changing the phrase “action by 

FERC” to “referral to FERC”).

269 See id. §§ 4.2.1 & 4.5.

270 Exhibit No. SPP-5 at 4.

271 Id.

272 See Proposed Tariff at Attachment AF § 3.2.5; see also Exhibit No. SPP-5 at 5.

273 See Proposed Tariff at Attachment AF § 3.2.5; see also Exhibit No. SPP-5 at 4.

274 See Proposed Tariff at Attachment AF § 3.2.4.

275 See id.

276 See id. § 3.4.
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SPP also proposes to adopt procedures for calculating a Resource’s Default Start-
Up Offer and Default No-Load Offer.277  SPP will calculate each Resource’s daily 
Default Start-Up Offer and Default No-Load Offer based on the most recent 90 days of 
Offers when the Offer Caps did not apply, adjusted for changes in fuel prices.278  SPP 
also has adopted provisions addressing the calculation of Default Start-Up and No-Load 
Offer Caps when the Resource lacks sufficient Offer history,279 which will apply to all 
Resources at the start of the Integrated Marketplace.280  As Mr. Hyatt indicates, SPP’s 
approach to determining Offer Caps in the absence of sufficient Offer history is 
consistent with the approach utilized in PJM and MISO.281

SPP is also adopting additional mitigation measures for non-price Resource Offer 
parameters that SPP will apply in the presence of local market power.282  Prior to the start 
of the Energy and Operating Reserve Markets, SPP will determine reference levels for 
each applicable Resource Offer parameter that reflects the physical capability of the 
Resource either through consultation with the Market Monitor and/or by using averages 
of Resource Offer parameters from similar Resources.283  Attachment AF establishes 
thresholds for time-based and other Offer parameters and, if a Resource Offer fails the 
thresholds, the Market Monitor will determine the impact on prices or make whole 
payments and discuss such failures with the Market Participant.284  The Market Monitor 
will inform SPP of any potential issue, and SPP will determine whether the Market 
Participant has demonstrated the validity of the Resource Offer parameter, and will 
replace the Resource Offer parameter with the corresponding reference level if 
necessary.285  Mr. Hyatt’s testimony discusses the mitigation measures for physical 
operating parameters of Resources and potential reliability concerns with such mitigation 
measures in more detail.286

                                               
277 See id. § 3.2.5.

278 See id.; see also Exhibit No. SPP-5 at 5-6.

279 See Proposed Tariff at Attachment AF § 3.2.5; see also Exhibit No. SPP-5 at 6.
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As discussed above, SPP has proposed revisions to require the Market Monitor to 
monitor for excessive divergence between Day-Ahead and Real-Time prices and the role 
of virtual transactions on such divergence.  SPP proposes to adopt mitigation measures 
for excessive divergence caused by virtual transactions in Section 4 of Attachment AF.287  
If the Market Monitor determines that excessive divergence exists as a result of a Market 
Participant’s virtual transaction activity, SPP will impose mitigation measures including 
restricting the Market Participant’s ability to engage in virtual transactions at the 
Settlement Location(s) where the excessive divergence occurred for three months.288

SPP proposes to adopt a market impact test as part of its Mitigation Plan.  As Mr. 
Hyatt explains, the purpose of the market impact test is to lessen the potential for over-
mitigation by distinguishing between an exercise of local market power and a legitimate 
supply shortage.289  If SPP determines that local market power exists, SPP will perform 
the market impact test in the Day-Ahead Market, RUC, and RTBM to determine whether 
the difference between LMPs in the mitigated and unmitigated market solutions exceed 
the impact threshold.290  If there is a substantial effect on the market solution due to 
mitigation measures, the market impact test demonstrates that mitigation is warranted to 
address price increases due to the existence of local market power.291

Finally, SPP is also adopting revisions to the Mitigation Plan to conform and 
clarify terminology for the Integrated Marketplace.292  The mitigation measures proposed 
in this filing comply with the Order No. 719 requirement that the RTO, and not the 
Market Monitor, be responsible for prospective mitigation,293 and therefore are just and 
reasonable.

                                               
287 See id. at 7-8.

288 See Proposed Tariff at Attachment AF § 4.

289 Exhibit No. SPP-5 at 8.

290 See Proposed Tariff at Attachment AF § 3.5.

291 Exhibit No. SPP-5 at 8.

292 See, e.g., Proposed Tariff at Attachment AF §§ 2, 3.1, 3.2.

293 Order No. 719 at P 375.
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VIII. CHANGES TO SPP’S CREDIT POLICY TO ACCOMMODATE THE 
INTEGRATED MARKETPLACE

A. Overview of Integrated Marketplace Credit Provisions

In order to incorporate the Integrated Marketplace, SPP also proposes to revise its 
Credit Policy set forth in Attachment X of the SPP Tariff.  These changes reflect:  “(1) 
the new Energy and Operating Reserve Market, which includes the Day-Ahead and Real-
Time Balancing Markets; (2) the institution of TCR markets; (3) implementation of 
virtual transactions; and (4) how a Credit Customer’s transactions or activity in the 
Integrated Marketplace will affect its Total Potential Exposure, and therefore the amount 
of unsecured credit and Financial Security it needs to support its activity.”294  The 
revisions are primarily set forth in Article Five, and new Articles Four A and Five A of 
the Credit Policy.295  The revisions are limited to incorporating credit requirements 
regarding the new market services and do not change the overall structure or application 
of the Credit Policy.  

The revisions follow the guiding principles that underlie the Credit Policy to 
balance financial exposure to Market Participants while encouraging participation of both 
large and small Market Participants in all market sectors.296  The Credit Policy will 
continue to apply, as it does today, to all persons taking or seeking to take services under 
the SPP Tariff, including Transmission Service and market services.297  SPP is not 
proposing to change the credit assessment provisions for determining the amounts of 
unsecured credit extended to Market Participants, the minimum criteria for market 
participation, the $25 million limit on the maximum amount of unsecured credit that may 
be extended to a Market Participant or affiliated Market Participants, or how the Credit 

                                               
294 Exhibit No. SPP-4 at 10.

295 Id. at 9.  SPP is not proposing any changes to other portions of the credit policy, 
including the credit assessment used to determine the amount of unsecured credit 
that is extended to a Market Participant and minimum criteria for market 
participation set forth in Articles Three, Six (Guarantees), Seven (Financial 
Security), Eight (Default and Remedies), Nine (Notice), and the Appendices.  Id. 
at 9-10.

296 See Tariff at Attachment X § 1.1 (“This Credit Policy is intended to encourage the 
maximum participation of large and small participants in all market sectors while 
minimizing the likelihood of losses due to default.”); see also Exhibit No. SPP-4 
at 5.  

297 See Tariff at Attachment X § 1.2.1
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Policy addresses defaults and uncollectible amounts.298  The only changes resulting from 
the Integrated Marketplace are the incorporation of the new services in the Integrated 
Marketplace in the evaluation of credit and Financial Security requirements that a Market 
Participant needs to meet to support its activity.  The unchanged portions of the credit 
policy will apply to the Integrated Marketplace as well.  

The proposed revisions, which are described in more detail below, are consistent 
with the Commission’s Order No. 741299 and prior Policy Statement on Electric 
Creditworthiness.300  As discussed in Section X.B, infra, the Commission conditionally 
accepted SPP’s June 30, 2011 filing to comply with Order No. 741.301  The 
commencement of the Integrated Marketplace only affects SPP’s compliance with Order 
No. 741 regarding the Commission’s directive to eliminate unsecured credit in all 
financial transmission rights or equivalent markets.302  Under the revised SPP Credit 
Policy, unsecured credit is not available for use to support a Market Participant’s TCR 
activity.  Only Financial Security, which is defined under the SPP Credit Policy as cash 
deposits or letters of credit, can be used to support a Market Participant’s TCR activity.303  
Sections 5.3.1, 5A.1.1, and 5A.8 of the Credit Policy clarify that unsecured credit is not 
available for TCR activity.304  The revisions to the Credit Policy also continue the 
transparent nature of the SPP Credit Policy and further the goal of protecting members 
from potential exposure from defaults of Market Participants, while encouraging market 
participation.  This balance also facilitates the development of robust markets, with 
protections from exposure to defaults.  

                                               
298 See id. §§ 3.1, 4.3.2, 4.3.4.1; see also Exhibit No. SPP-4 at 10-12.

299 Credit Reforms in Organized Wholesale Electric Markets, Order No. 741, III 
FERC Stats. & Regs., Regs. Preambles ¶ 31,317 (2010) (“Order No. 741”), order 
on reh’g, Order No. 741-A, III FERC Stats. & Regs., Regs. Preambles ¶ 31,320, 
reh’g denied, Order No. 741-B, 135 FERC ¶ 61,242 (2011).

300 Policy Statement on Electric Creditworthiness, 109 FERC ¶ 61,186 (2004). 

301 Southwest Power Pool, Inc., 136 FERC ¶ 61,189 (2011) (“September 15 Order”).  

302 Order No. 741 at PP 70, 75.

303 See Tariff at Attachment X § 2.1 (Financial Security is defined as “A Cash 
Deposit or Irrevocable Letter of Credit in amount and in forms as described in 
Article Seven of this Credit Policy, provided by a Credit Customer to SPP as 
security.”); see also id. § 7.1.

304 See Proposed Tariff at Attachment X §§ 5.3.1, 5A.1.1, 5A.8.
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With respect to the Order No. 741 directive that RTOs adopt steps to address the 
risk that RTOs may not be allowed to use netting and set-offs in the event of a Market 
Participant bankruptcy (“netting requirement”),305 the Commission extended the date 
RTOs are required to submit filings to comply with this requirement to April 30, 2012.306  
Accordingly, this aspect of Order No. 741 is not addressed in the revisions to the Credit 
Policy or elsewhere in the SPP Tariff at this time.  SPP plans to submit a request for a 
waiver in a separate proceeding to enable it to file its compliance filing regarding this 
requirement of Order No. 741 later this year, to be effective coincident with the 
commencement of the Integrated Marketplace.307

B. Description of Revisions

The proposed revisions to the Credit Policy to incorporate the Integrated 
Marketplace principally address four aspects of the policy.  

First, SPP is revising Article Five of the Credit Policy, which sets forth the 
calculation of the Total Potential Exposure, to accommodate the Energy and Operating 
Reserve Market.  The Total Potential Exposure calculation is used to determine whether a 
Market Participant has sufficient unsecured credit or Financial Security to support its 
activity, excluding TCR activity.308  The revisions add the potential exposure calculations 
for the Energy and Operating Reserve Market.309  

The revisions amend the market exposure portion of the calculation that currently 
measures the potential non-payment associated with market transactions, to include 
market transactions in the Integrated Marketplace, specifically to include RTBM, Day-
Ahead Market, and virtual transaction activity.  TCR activity is excluded from the 
calculation because only Financial Security may be used to meet the credit requirements 
associated with TCR activity.310  The calculation of invoiced market settlement charges 
that have not yet been paid, and calculated market settlement charges that have been 
calculated but not yet invoiced, includes all Energy and Operating Reserve Market 

                                               
305 Order No. 741 at P 117.

306 Credit Reforms in Organized Wholesale Electric Markets, Notice of Extension of 
Time, Docket No. RM10-13-000 (Jan. 24, 2012).  

307 Exhibit No. SPP-4 at 6.

308 Id. at 12-13.

309 Id. at 13-16.

310 See Proposed Tariff at Attachment X § 5.2.3; see also Exhibit No. SPP-4 at 14.
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charges or credits.311  The other components of the market exposure portion of the 
calculation include estimated market exposures.  The portion of the estimated market 
exposure for the RTBM is essentially the same as the current calculation for the estimated 
market exposure component for the EIS Market.  The revisions also add similar 
calculations for the estimated market exposure for the Day-Ahead Market based on the 
average of settlement activity or updated estimated activity times the number of days 
before service can be terminated pursuant to the SPP Tariff, and for the estimated 
exposure associated with virtual transactions.312  The calculation for the Transmission 
Service Potential Exposure component of Total Potential Exposure is unchanged.313  

Second, new Article Four A sets forth the detail for calculating the potential 
exposure associated with virtual transactions.  Because virtual Energy transactions have 
the potential to create large obligations, and associated risks that differ from those of 
other transactions in the Day-Ahead Market, the calculation of the resulting potential 
exposure is different than for other transactions.314  The calculation includes two 
components:  (a) the Estimated Virtual Exposure (“EVE”) for a Market Participant’s 
Virtual Energy Bids and Offers prior to the close of the Day-Ahead Market using 
historical reference prices or representative data based on simulations or other data during 
the time period when historical reference prices are not available; and (b) the EVE 
updated after the clearing of the Day-Ahead Market to reflect the Market Participant’s 
actual cleared Virtual Energy Bid and Virtual Energy Offer megawatts.315  

Additionally, under Attachment X, SPP will evaluate a Market Participant’s 
Virtual Energy Bids and Offers to determine if a Market Participant has sufficient 
available credit to support its Virtual Energy Bids and Offers.316  Only the Virtual Energy 
Bids and Offers for which a Market Participant has sufficient available credit will be 
included in the Day-Ahead Market.317  This advance approval process ensures that a 
                                               
311 See Proposed Tariff at Attachment X § 5.2.1.

312 See Proposed Tariff at Attachment X § 5.2.1; see also Exhibit No. SPP-4 at 14-15.  
The revisions to Article 5 also delete old examples of the calculations for Market 
Exposure, Transmission Service Potential Exposure and Total Potential Exposure 
that did not include the Integrated Marketplace.  

313 Exhibit No. SPP-4 at 15.

314 Id. at 18.

315 See Proposed Tariff at Attachment X §§ 4A.1.3, 4A.2, 4A.3.3, 4A.4; see also
Exhibit No. SPP-4 at 18-20.

316 See Proposed Tariff at Attachment X §§ 4A.1.2, 4A.2, 4A.3.

317 Exhibit No. SPP-4 at 19-20.
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Market Participant will have sufficient credit to support its virtual transactions regardless 
of whether all or a subset of its Bids and Offers clear in the Day-Ahead Market.318  This 
advance approval requirement is consistent with procedures in other RTOs that also 
provide for pre-approval for Virtual Energy Bids and Offers.319

Third, new Article Five A addresses the credit requirements associated with 
TCRs.  Consistent with Order No. 741,320 SPP does not permit unsecured credit to be 
used to support TCR activity, requires each Market Participant with TCR activity to 
provide Financial Security to support its TCR activity, and does not allow “netting” of 
credit requirements between TCRs and other non-TCR activities.321  The new Article 
Five A sets forth how the amount of Financial Security required for TCR activity is 
determined.  As the Commission recognized in Order No. 741, TCR activity has 
increased risks compared to other activity in the Energy and Operating Reserve 
Markets,322 which warrant Financial Security requirements different from those for other 
services and activity under the SPP Tariff.  For example, TCRs present more risk because 
TCRs can have either positive or negative obligations that can vary over time or reverse 
over time, and TCRs can have different time periods.323  The Financial Security used to 
support a Market Participant’s TCR activity is excluded from its available Financial 
Security to support its other market activities.  

Article Five A provides that to determine the Financial Security requirements 
associated with TCRs, SPP will analyze:  (1) the portfolio of TCRs that a Market 
Participant holds; (2) the Market Participant’s Bids and Offers for TCRs in a TCR 
auction; (3) TCR payments and charges for which settlement has been calculated but 

                                               
318 Id. at 21.

319 See PJM Interconnection, L.L.C. Open Access Transmission Tariff at Attachment 
Q § III (screening process for virtual Bids) (“PJM OATT”); MISO Tariff at 
Attachment L § IV.A.4 (providing the transmission provider with the right to 
reject virtual Bids and Offers for a given operating day that would cause the sum 
of the Bids and Offers to exceed the Market Participant’s virtual MWh limit).

320 Order No. 741 at PP 70, 75, 78.

321 See Proposed Tariff at Attachment X § 5.3.1, Art. 5A.  

322 Order No. 741 at PP 70-72 (explaining that the longer-dated obligation of 
financial transmission rights, the volatility of financial transmission right value 
based on unforeseeable events, and the relative illiquidity of financial 
transmission rights contribute to the increased risk of financial transmission 
rights).

323 Exhibit No. SPP-4 at 23-24.
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which has not yet been invoiced; and (4) the TCR payments and charges for which an 
invoice has been issued but SPP has not yet received payment.324  In the analysis, SPP 
will calculate the potential exposure associated with the TCRs based on the full portfolio 
for TCRs held, including offsetting positions, and individually for Bids and Offers in a 
TCR auction, using historical reference prices, as well as the acquisition or disposal costs 
associated with the TCRs.325  Each component can only increase the total credit 
requirement for TCR activity.326  These concepts are similar to the estimating of exposure 
resulting from holding financial transmission rights set forth in other RTO credit 
policies.327

Similar to the pre-approval of virtual Bids and Offers, SPP also will evaluate a 
Market Participant’s TCR Bids and Offers individually to ensure that the Market 
Participant has sufficient Financial Security to cover any credit requirements associated 
with the Bid or Offer and the resulting changes to its TCR portfolio if the Bid or Offer 
clears in the TCR auction to determine if the Bids and Offers are credit approved.328  This 
pre-approval ensures that a Market Participant would have sufficient Financial Security 
in place to support the Bids and Offers whether all or a subset of them cleared in the TCR 
auction.329  Article Five A also provides a prior approval process for bilateral transfers of 
TCRs to ensure that both Market Participants will continue to have sufficient Financial 
Security in place after the transfer.330  In that process, SPP evaluates the effects of the 
proposed transfer on the TCR portfolios and the associated Financial Security 
requirements of each party to the transfer.331  Both types of pre-approval processes are 
similar to requirements regarding financial transmission rights in other RTOs.332  
                                               
324 See Proposed Tariff at Attachment X §§ 5A.1.2, 5A.8; see also Exhibit No. SPP-4 

at 22.

325 See Proposed Tariff at Attachment X §§ 5A.1.3, 5A.2, 5A.4, 5A.5; see also
Exhibit No. SPP-4 at 23.

326 See Exhibit No. SPP-4 at 25-26.

327 See PJM OATT at Attachment Q § V.B; MISO Tariff at Attachment L § IV.B.

328 See Proposed Tariff at Attachment X § 5A.6; see also Exhibit No. SPP-4 at 23, 
25.

329 See Proposed Tariff at Attachment X § 5A.6; see also Exhibit No. SPP-4 at 24-26.  

330 See Proposed Tariff at Attachment X § 5A.9; see also Exhibit No. SPP-4 at 26.

331 See Proposed Tariff at Attachment X § 5A.9; see also Exhibit No. SPP-4 at 25-27.

332 PJM OATT at Attachment Q §§ V.C (Bids) & V.F (transfers); MISO Tariff at 
Attachment L § IV.B.4.
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Finally, conforming revisions are included in Article One regarding general 
provisions of the Credit Policy; in Article Two to add new definitions; in Article Three to 
correct typographical errors and indicate that TCR activity is excluded in the Total 
Potential Exposure information; and in Article Four to reflect that Financial Security 
must be provided to support TCR activity. 

C. Liquidation of TCRs

Because of the increased risk associated with the long-term duration of TCRs, 
SPP has adopted Tariff language permitting SPP to liquidate TCRs in the event that a 
Market Participant holding TCRs is declared in default.  Section 7.8 of Attachment AE 
therefore sets forth procedures for SPP to close out and liquidate TCRs in such 
circumstances.333  As Mr. Dillon explains, Section 7.8 provides that SPP may close out 
the defaulting Market Participant’s TCR positions as of the date of default, by unilaterally 
accelerating and terminating all forward TCR positions, and liquidate the TCR portfolio 
through regularly or specially scheduled auctions, with some limitations to ensure that the 
liquidated TCRs offered for sale do not set the price.334  The defaulting Market 
Participant remains liable for the full final value of its default associated with TCRs that 
are not closed out and liquidated.335  This process is similar to liquidation procedures in 
other RTOs.336

IX. READINESS PLAN, REVERSION PLAN, AND READINESS 
CERTIFICATION

Consistent with the Commission’s guidance to SPP in establishing the EIS Market 
and Commission guidance to other RTOs, SPP intends to submit an Integrated 
Marketplace “Readiness Plan,” “Reversion Plan,” and “Readiness Certification.”337  The 
Readiness Plan will address SPP’s efforts to develop and satisfy appropriate readiness 
metrics, SPP’s plan for performing readiness testing on all necessary Integrated 
Marketplace systems, and SPP’s plan to achieve final readiness certification 60 days prior 
to the Integrated Marketplace launch.  SPP’s Reversion Plan will address system 
operations in the event of a severe operations failure, including a detailed explanation of 

                                               
333 See Proposed Tariff at Attachment AE § 7.8; see also Exhibit No. SPP-3 at 44.

334 See Proposed Tariff at Attachment AE § 7.8; see also Exhibit No. SPP-3 at 44.

335 See Proposed Tariff at Attachment AE § 7.8; see also Exhibit No. SPP-3 at 44.

336 See PJM Tariff at Attachment K – Appendix § 7.3.9.

337 See, e.g., Midwest Indep. Transmission Sys. Operator, Inc., 119 FERC ¶ 61,311, 
at PP 47-49 (2007); Sw. Power Pool, Inc., 112 FERC ¶ 61,303, at P 30 (2005). 
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how SPP intends to cut over to alternative systems that can analyze and monitor (among 
other things): (1) ACE in the event of a failure in the centralized regulation monitoring 
system; and (2) Contingency Reserve in the event of a failure in the centralized reserve 
monitoring system.  Finally, SPP’s Readiness Certification will demonstrate that SPP has 
satisfied all readiness metrics and fulfilled all aspects of its Readiness Plan, including 
obtaining NERC certification as a Balancing Authority Area.  SPP’s anticipated schedule 
for submission of the Readiness Plan, Reversion Plan, and Readiness Certification is set 
forth below.338

X. COMMISSION RULEMAKING ORDERS IMPACTING THE 
INTEGRATED MARKETPLACE 

A. Order No. 719

As discussed above, the Commission issued Order No. 719 on October 17, 2008 
to improve the operation of organized wholesale electric markets in the areas of demand 
response, long-term power contracting, market monitoring, and RTO governance and 
responsiveness to stakeholders.339  The Commission issued Order No. 719-A on July 16, 
2009, granting in part and denying in part rehearing of Order No. 719.  The Commission 
issued Order No. 719-B on December 17, 2009, denying rehearing of Order No. 719-A.

In general, SPP’s compliance with the demand response and market monitoring 
requirements of Order No 719 are discussed above.340  The Commission accepted SPP’s 
compliance with the Order No. 719 long-term power contracting requirement on 
November 20, 2009,341 and SPP’s compliance with the RTO governance and 
responsiveness aspects of Order No. 719 on October 21, 2010.342  SPP is not proposing 
any changes in the Integrated Marketplace that would affect the Commission’s 
determinations regarding these Order No. 719 requirements.

In Order No. 719, the Commission also directed RTOs to eliminate deviation 
charges to buyers that take less electric Energy in Real-Time than they scheduled in the 
Day-Ahead Market during periods when the RTO has declared an Operating Reserve 
shortage or issued a generic request to reduce load.343  The Commission further directed 
                                               
338 See infra Section XIII.

339 Order No. 719 at P 2.

340 See supra Sections V.E and VII.

341 November 2009 Order at P 100.

342 Sw. Power Pool, Inc., 133 FERC ¶ 61,069, at PP 2, 33, 37 (2010).

343 Order No. 719 at P 111.
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RTOs to remove deviation charges for virtual purchasers during the same periods as they 
are eliminated for physical purchasers, unless the RTO demonstrates that it is appropriate 
to assess deviation charges to virtual purchasers.344  

SPP complies with this requirement in the Integrated Marketplace.  As discussed 
above and in the Testimony of Mr. Dillon, SPP provides make whole payments to 
Resources that SPP commits in the RUC processes.345  Those make whole payments are 
funded by a charge assessed to Market Participants for Real-Time deviations from their 
Day-Ahead cleared amounts for load, virtual transactions, and interchange 
transactions.346  However, as proposed, the charge does not apply to buyers taking less 
Energy in Real-Time during any Dispatch Interval in which SPP has declared an 
emergency.347

B. Order No. 741

On October 21, 2010, the Commission issued Order No. 741 mandating reforms 
to credit policies used in organized wholesale electric power markets.348  Order No. 741 
reformed the Commission’s existing credit policies by requiring: (1) shortened settlement 
timeframes; (2) restrictions on the use of unsecured credit; (3) elimination of unsecured 
credit in all financial transmission rights or equivalent markets; (4) adoption of steps to 
address the risk that RTOs may not be allowed to use netting and set-offs in the event of a 
Market Participant bankruptcy; (5) adoption of minimum criteria for market participation; 
(6) clarification regarding the organized market administrator’s ability to invoke 
“material adverse change” to demand additional collateral from Market Participants; and 
(7) adoption of a standardized two-day grace period to cure collateral calls.349  On 
                                               
344 Id. at P 127.

345 See supra Section V.D; see also Exhibit No. SPP-3 at 47.

346 See Proposed Tariff at Attachment AE § 8.6.7(2).

347 See id. § 8.6.7(2) (indicating that an Market Participant’s RUC Make Whole 
Payment Distribution Volume used to calculate the Market Participant’s RUC 
Make Whole Payment includes “[t]he absolute value of the sum of actual Real-
Time Settlement Location deviations from Day-Ahead Market cleared amounts 
for load, virtual transactions and interchange transactions except that, during any 
Dispatch Interval in which the Transmission Provider has declared an Emergency 
Condition, Real-Time actual load deviations from Day-Ahead Market cleared 
amounts shall be limited to deviations associated with actual Real-Time load in 
excess of amounts cleared in the Day-Ahead Market”) (emphasis added).

348 Order No. 741 at P 1.

349 Id. at P 4.
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February 17, 2011, the Commission issued Order No. 741-A, granting in part and 
denying in part rehearing of Order No. 741.  The Commission issued Order No. 741-B on 
June 16, 2011, denying rehearing of Order No. 741-A.

On June 30, 2011, SPP submitted a filing to comply with Order No. 741.350  SPP 
demonstrated how its existing Credit Policy in Attachment X of the Tariff complied with 
the billing, settlement, and unsecured credit requirements of Order No. 741,351 and 
proposed several revisions to address the Commission’s mandates regarding minimum 
market participation criteria, material adverse change provisions, and collateral cure
period requirements.352   SPP did not address the netting requirement because the 
Commission extended the deadline to comply with this aspect of Order No. 741 until 
September 30, 2011.353

On September 15, 2011, the Commission issued an order conditionally accepting 
SPP’s compliance with Order No. 741, subject to SPP submitting an additional 
compliance filing to: (1) adopt a standard risk management attestation form for SPP 
Market Participants; (2) establish a two-day cure period for deficiencies in a Market 
Participant’s risk management attestation; and (3) implement a periodic compliance 
verification process for SPP to verify that Market Participants are following their risk 
management policies, practices, and procedures.354  SPP submitted an additional 
compliance filing in response to the September 15 Order on December 14, 2011,355 which 
is currently pending before the Commission.

With the addition of the revisions to Attachment X noted above,356 and pending 
the Commission’s determination on SPP’s December 2011 Compliance Filing, SPP has 
complied with all aspects of Order No. 741 except for the netting requirement.  The 
                                               
350 Order No. 741 Compliance Filing of Southwest Power Pool, Inc., Docket 

No. ER11-3967-000 (June 30, 2011) (“June 30 Compliance Filing ”). 

351 Id. at 5-8.

352 Id. at 9-14.

353 Id. at 9 (citing Order No. 741-A at P 25).  The Commission subsequently 
extended the deadline to comply with this aspect of Order No. 741 until April 30, 
2012.  Credit Reforms in Organized Wholesale Electric Markets, Notice of 
Extension of Time, Docket No. RM10-13-000 (Jan. 24, 2012). 

354 September 15 Order at PP 1, 39, 42 & n.31.

355 Order No. 741 Compliance Filing of Southwest Power Pool, Inc., Docket 
No. ER11-3967-002 (Dec. 14, 2011).

356 See supra Section VIII.
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Commission has extended the deadline to comply with this aspect of Order No. 741 until 
April 30, 2012.  SPP will submit a filing in a separate proceeding by April 30, 2012 in 
response to this Order No. 741 requirement, seeking to extend its compliance with this 
aspect of Order No. 741 until the implementation of the Integrated Marketplace, as 
discussed above.357

C. Order No. 745

On March 15, 2011, the Commission issued Order No. 745,358 mandating that 
RTOs pay Demand Response Resources the market price for Energy, typically the LMP, 
when the Demand Response Resource has the capability to balance supply and demand 
as an alternative to a generation Resource and when dispatch of the Demand Response 
Resource is cost-effective as determined by a new net benefits test required by Order No. 
745.359  Order No. 745 set forth the parameters for adoption of the net benefits test to be 
used for determining when compensating a Demand Response Resource at the market 
price is cost-effective, which the order defines as the market price level at which dispatch 
of the Demand Response Resource lowers LMP sufficiently to offset the additional cost 
of compensating the Resource at full market price.360  Order No. 745 also directed RTOs 
to: (1) review their current requirements for measurement and verification of Demand 
Response Resource performance and propose any necessary modifications to ensure that 
Demand Response Resource baselines remain accurate;361 and (2) demonstrate that their 
current cost allocation methodology for demand response appropriately allocates costs to 
those that benefit from lower market prices or propose any necessary tariff revisions.362  

                                               
357 See supra Section VIII.A.

358 Demand Response Compensation in Organized Wholesale Energy Markets, Order 
No. 745, III FERC Stats. & Regs., Regs. Preambles ¶ 31,322, reh’g denied, Order 
No. 745-A, 137 FERC ¶ 61,215 (2011).

359 Id. at PP 2, 47-48.

360 Id. at PP 3-4, 79-80.  Order No. 745 also directed RTOs to conduct a study, either 
individually or collectively, to examine the requirements for and impacts of 
implementing a dynamic net benefits test into dispatch algorithms.  Order No. 745 
directed RTOs to submit their study results to the Commission by September 21, 
2012.  Id. at PP 7, 84.

361 Order No. 745 at PP 6, 94.

362 Id. at PP 5-6, 100, 102.
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SPP submitted its filing in response to Order No. 745 on July 22, 2011, 
indicating that SPP already compensates demand response at the locational imbalance 
price at all times.363  SPP also stated that its demand response baseline, measurement, and 
verification provisions and cost allocation methodology then pending in its Order No. 
719 compliance proceeding were developed in light of the current EIS Market demand 
response compensation methodology.364

On January 19, 2012, the Commission issued an order rejecting SPP’s 
compliance with the demand response compensation and cost allocation aspects of Order 
No. 745 and directing SPP to provide further explanation regarding how its measurement 
and verification provisions will continue to ensure that appropriate baselines are set and 
that demand response will continue to be adequately measured and verified.365  The 
Commission indicated that SPP did not address the multiple purposes of the net benefits 
test and directed SPP to “propose a net benefits test as detailed in Order No. 745, or [] 
seek to demonstrate that the net benefits test requirements are satisfied by showing that, 
given the characteristics of its system and market, its existing practice of compensating 
demand response resources at the LIP is cost-effective . . . .”366  The Commission 
directed SPP to submit a compliance filing within 90 days.

SPP’s compliance filing in response to the January 19 Order is not due until 
April 18, 2012, and the Integrated Marketplace Tariff provisions and market protocols 
were substantially developed through the SPP stakeholder process prior to the issuance of 
the January 19 Order.  Therefore, this filing does not propose any additional Tariff 
revisions in response to Order No. 745.  At the conclusion of SPP’s Order No. 745 
compliance proceeding, SPP will submit an additional filing to propose any necessary 
Tariff revisions for the Integrated Marketplace. 

D. Order No. 755

On October 20, 2011, the Commission issued Order No. 755 to address undue 
discrimination in the procurement of frequency regulation in the organized wholesale 
electric markets, and to ensure that providers of frequency regulation receive just and 

                                               
363 Order No. 745 Compliance Filing of Southwest Power Pool, Inc., Docket 

No. ER11-4105-000, at 4-6 (July 22, 2011) (“Order No. 745 Compliance Filing”).

364 Id. at 7-10.

365 Sw. Power Pool, Inc., 138 FERC ¶ 61,041, at PP 1, 13, 19, 22, 29-30 (2012) 
(“January 19 Order”).

366 Id. at P 19.
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reasonable rates.367  Order No. 755 requires RTOs with centrally-procured frequency 
regulation “to compensate frequency regulation resources based on the actual service 
provided, including a capacity payment that includes the marginal unit’s opportunity 
costs and a payment for performance that reflects the quantity of frequency regulation 
service provided by a resource when the resource is accurately following the dispatch 
signal.”368  The Commission directed RTOs to submit filings to comply with Order No. 
755 by April 28, 2012.369

As the Commission noted in Order No. 755, SPP currently does not have a 
mechanism for the centralized procurement of frequency regulation in its Tariff.370  SPP 
is currently monitoring the efforts of other RTOs to comply with Order No. 755 and will 
address the requirements of Order No. 755 in a subsequent filing prior to implementation 
of the Integrated Marketplace.

XI. MORATORIUM ON MARKET PARTICIPANT REGISTRATION

SPP requests that the Commission permit SPP to adopt a one-year moratorium on 
registration of new Market Participants in the Integrated Marketplace.  As Mr. Monroe 
discusses,371 the proposed moratorium is transitional, and would begin in August of 2013, 
six months before the March 1, 2014 launch of the Integrated Marketplace.  It would end 
in August of 2014, six months after the Integrated Marketplace launch.  During the 
moratorium, SPP would not process any new Market Participant applications; however, 
existing Market Participants could continue to make changes to their registered assets.  

The moratorium is necessary to permit SPP to ensure that all Integrated 
Marketplace models are validated and that market trials are completed prior to 
commencement of Integrated Marketplace operations.  With respect to the six months 
leading up to the launch of the Integrated Marketplace, there are two essential reasons for 
imposing the moratorium.  First, without a moratorium, the data used in the testing will 
continue to change, causing successful testing to be questionable.  Second, during this 
period, SPP personnel tasked with implementing the Integrated Marketplace systems will 
be unavailable to train and test new Market Participants, thus threatening the readiness of 

                                               
367 Frequency Regulation Compensation in the Organized Wholesale Power Markets, 

Order No. 755, III FERC Stats. & Regs., Regs. Preambles ¶ 31,324, at P 1 (2011) 
(“Order No. 755”).

368 Id. at P 3.

369 Id. at PP 201, 219.

370 See id. at PP 12 n.14 & 205 n.263.

371 Exhibit No. SPP-1 at 21-22.
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Market Participants seeking to register during that time.  Additionally, extending the 
moratorium six months into operations will enable SPP to ensure that all Integrated 
Marketplace systems are functioning as designed.  In short, requiring SPP to register 
Market Participants during the months leading up to and following commencement of the 
Integrated Marketplace will divert SPP resources away from performing the necessary 
testing, training, and verifying that SPP needs to complete, and could hamper the timely 
launch and effective operation of the Integrated Marketplace.

SPP is working proactively to ensure that existing EIS Market Participants and 
potential new Integrated Marketplace Market Participants are aware of the proposed 
moratorium.  Specifically, SPP is currently involved in outreach to potential Market 
Participants to inform them of the registration deadlines and process and of SPP’s 
proposed moratorium.  SPP has targeted Market Participants in other RTO organized 
markets, including financial Market Participants, to provide information and facilitate 
registration.

The moratorium is primarily directed to the addition of Resources in the 
Integrated Marketplace.  Therefore, SPP is open to considering ways to accommodate the 
addition of new non-Resource owning Market Participants during the moratorium.372

Good cause exists to grant SPP’s request for a one-year new Market Participant 
registration moratorium.  Because SPP’s existing Market Participants will rely on the 
Integrated Marketplace to fulfill their retail obligations to serve, SPP must ensure that the 
Integrated Marketplace systems are fully tested prior to implementation, and that the 
Integrated Marketplace is functioning appropriately after launch.  SPP has taken 
significant steps to ensure that all potentially interested entities are aware of the proposed 
moratorium, so as to minimize the adverse impact of a one-year moratorium on market 
registration.  

XII. DESCRIPTION OF TARIFF REVISIONS

SPP proposes a series of revisions to its Tariff and Membership Agreement to 
implement the Integrated Marketplace.  Due to the extensive revisions to Attachment AE, 
SPP is proposing to replace its existing Attachment AE in its entirety with the 
Attachment AE submitted in this filing, effective March 1, 2014.  SPP has retained all 
other sections of the Tariff, revising them as necessary to implement the Integrated 
Marketplace.  SPP also has proposed revisions to various Tariff Schedules and 
Attachments, retaining to the extent possible existing language in these parts of the 
Tariff.

                                               
372 Id.
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Specifically, SPP has proposed revisions throughout the Common Service 
Provisions and main provisions of the Tariff governing Point-To-Point Transmission 
Service and NITS.  SPP also proposes revisions to Schedules 1 through 9, and Schedules 
11 and 12 to reflect the implementation of the Integrated Marketplace.  SPP also proposes 
revisions to Attachments A-1, C, D, F, G, L, AH, AL, AM, and AO to conform to the 
Integrated Marketplace design, in addition to the revisions to Attachments AF, AG, and 
X described above.  SPP also proposes substantial revisions to Attachments K 
(“Redispatch Procedures and Redispatch Costs”) and M (“Loss Compensation 
Procedure”) as many of the provisions in these Attachments have been rendered 
unnecessary by the revisions to Attachment AE for the Integrated Marketplace.  Finally, 
SPP proposes to delete Attachment N (“Form of Service Agreement for Loss 
Compensation Service”) as it is no longer needed given the move to marginal loss 
compensation, the extensive revisions to Attachment M, and the implementation of the 
Integrated Marketplace.

Attached to this filing as Exhibit No. SPP-7 is a list of the Tariff sections that SPP 
proposes to revise in this filing.

XIII. ADDITIONAL FILINGS

While SPP includes in this filing most of the revisions necessary to implement the 
Integrated Marketplace, SPP anticipates several future filings to address various 
additional matters.

A. May 2012 Filing

SPP anticipates submitting additional minor revisions as needed to address any 
clean-up or inconsistencies between the Tariff and Integrated Marketplace protocols.  
SPP also is in the process of considering additional market monitoring and mitigation 
measures that SPP may adopt.  SPP anticipates submitting this additional filing in May of 
2012, after the April 24, 2012 meeting of the SPP Board of Directors.  

B. Fourth Quarter  2012

As discussed above, SPP plans to submit additional filings to comply with Order 
Nos. 741, 745, and 755.  Subject to receiving any necessary waivers and extensions of 
time that SPP may request in other proceedings, SPP currently plans to submit these 
compliance filings by the end of 2012.  SPP also anticipates filing the finalized 
agreement regarding the consolidation of the Balancing Authorities later in 2012.

C. March 2013 Filing

As discussed above, SPP plans to submit a Readiness Plan and Reversion Plan in 
advance of launching the Integrated Marketplace.  SPP will submit these plans in a filing 
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in March 2013, along with any additional Tariff revisions necessitated by changes to 
market design or by Commission order.

D. January 2014 Filing

By January 2, 2014, SPP anticipates submitting to the Commission a request to 
commence the Integrated Marketplace on March 1, 2014.  Included in this filing will be 
SPP’s Readiness Certification, NERC’s certification of SPP as the consolidated 
Balancing Authority, and any other information required by the Commission. 

XIV. EFFECTIVE DATE, WAIVER OF NOTICE REQUIREMENT, REQUEST 
FOR EXTENDED COMMENT PERIOD, AND REQUEST FOR 
COMMISSION ACTION

SPP requests an effective date of March 1, 2014 for the Tariff revisions proposed 
in this filing, consistent with the anticipated launch date of the Integrated Marketplace.  
SPP requests a waiver of the Commission’s notice requirements set forth in section 35.3 
of the Commission’s regulations, 18 C.F.R. § 35.3, to allow SPP to submit these Tariff 
revisions to the Commission more than 120 days prior to the requested effective date.  As 
discussed in more detail in Mr. Monroe’s testimony, submitting this filing two years 
before the proposed effective date will enable the Commission to issue an order on the 
SPP Integrated Marketplace with sufficient time to: (1) facilitate SPP’s timely and cost-
effective development of Integrated Marketplace systems based on the Commission-
approved market design; and (2) permit SPP Members that must seek permission from 
their state regulatory entities adequate time to obtain state approvals for their 
participation following the Commission’s approval of the Integrated Marketplace 
design.373  Accordingly, good cause exists to grant SPP the requested waiver of the 
Commission’s notice requirement.

SPP also requests that the Commission allow additional time for interested parties 
to review and submit comments in response to this filing.  Specifically, SPP requests that 
the Commission permit parties 30 days from the date of this filing (i.e., until March 30, 
2012) to submit comments.  An extended comment period is appropriate given the scope 
and magnitude of this filing.

Finally, SPP requests that the Commission issue an initial order on this filing by 
July 31, 2012, finding that the Tariff revisions proposed in this filing are just and 
reasonable, conditioned as necessary upon SPP’s submission of the additional filings 
described in this letter.  The requested order date of July 31, 2012 is more than 150 days 
after the date of this filing and more than 90 days after the expected May 1, 2012 filing 
date of SPP’s supplemental Integrated Marketplace filing discussed above.  Commission 
action on this filing by July 31, 2012 will facilitate SPP’s timely submission of any 
                                               
373 Id. at 11.
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necessary compliance filings and the Commission’s action on such filings before the end 
of 2012.  Approval of the Integrated Marketplace design by the end of 2012 will provide 
SPP and stakeholders with certainty regarding the final Integrated Marketplace design as 
discussed above and in Mr. Monroe’s testimony, and will facilitate SPP stakeholder 
efforts to obtain all necessary state regulatory approvals for participation prior to the 
launch of the Integrated Marketplace.374  

XV. ADDITIONAL INFORMATION

A. Information Required by the Commission’s Regulations

(1) Documents submitted with this filing:

In addition to this transmittal letter, the following materials are 
included with this filing:

1. Exhibit No. SPP-1: Prepared Direct Testimony of Carl A. 
Monroe

2. Exhibit No. SPP-2: Ventyx Report and Appendices

3. Exhibit No. SPP-3: Prepared Direct Testimony of 
Richard L. Dillon

4. Exhibit No. SPP-4: Prepared Direct Testimony of 
Thomas P. Dunn

5. Exhibit No. SPP-5: Prepared Direct Testimony of John 
Hyatt

6. Exhibit No. SPP-6: Market Power Report

7. Exhibit No. SPP-7: Table Listing Tariff Sections Revised 
in This Filing

8. Clean Version of Integrated Marketplace Tariff in 
Electronic Format

9. Redlined Version of Integrated Marketplace Tariff in 
Electronic Format

                                               
374 Id.
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(2) Effective date:

SPP requests that the Commission accept the proposed revisions to 
the SPP Tariff effective March 1, 2014, as discussed in more detail 
above.

(3) Service:

SPP has served a copy of this filing on all its Members and 
Customers and all affected state commissions.  A complete copy of 
this filing will be posted on the SPP web site, www.spp.org.  

(4) Requisite agreements:

As discussed above, the SPP Board of Directors approved the 
Tariff revisions submitted in this filing on January 31, 2012.  

(5) Estimate of transactions and revenues:

Not applicable.

(6) Basis of rates:

The basis for the proposed Tariff revisions is explained above.

(7) Comparison to rates for similar services:

Comparisons to other RTO market designs are discussed above and 
in the testimony submitted with this filing. 

(8) Specifically assignable facilities installed or modified:

There are none.
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B. Communications

Correspondence and communications with respect to this filing should be sent to, 
and SPP requests the Secretary to include on the official service list, the following:375

Heather H. Starnes, J.D.
Manager – Regulatory Policy
Southwest Power Pool, Inc.
415 North McKinley, #140 Plaza West
Little Rock, AR 72205
Telephone: (501) 614-3380
Fax: (501) 664-9553
hstarnes@spp.org

Barry S. Spector
Jeffrey G. DiSciullo
Matthew J. Binette
WRIGHT & TALISMAN, P.C.
1200 G Street, N.W., Suite 600
Washington, DC 20005-3802
Telephone: (202) 393-1200
Fax: (202) 393-1240
spector@wrightlaw.com
disciullo@wrightlaw.com
binette@wrightlaw.com

                                               
375 To the extent necessary, SPP requests a waiver of section 385.2010(i) of the 

Commission’s regulations, 18 CFR § 385.2010(i), to include more than two 
names on the official service list.
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XVI. CONCLUSION 

For all of the foregoing reasons, SPP respectfully requests that the Commission 
accept the Tariff revisions proposed herein as just and reasonable, effective as discussed 
above.

Respectfully submitted,

 /s/  Barry S. Spector
Barry S. Spector
Jeffrey G. DiSciullo
Matthew J. Binette
WRIGHT & TALISMAN, P.C.
1200 G Street, N.W., Suite 600
Washington, DC 20005-3802
Telephone: (202) 393-1200
Fax: (202) 393-1240

Attorneys for
Southwest Power Pool, Inc.

cc: Penny Murrell
Michael Donnini
John Rogers
Patrick Clarey
Laura Vallance
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UNITED STATES OF AMERICA
BEFORE THE

FEDERAL ENERGY REGULATORY COMMISSION

SOUTHWEST POWER POOL, INC. ) Docket No. ER12-____-000

PREPARED DIRECT TESTIMONY

OF

CARL A. MONROE 

Q. PLEASE STATE YOUR NAME AND BUSINESS ADDRESS.1

A. My name is Carl A. Monroe.  My business address is 415 N. McKinley, Suite 2

140, Little Rock, AR 72205.3

Q. BY WHOM AND IN WHAT CAPACITY ARE YOU EMPLOYED?4

A. I am employed by Southwest Power Pool, Inc. (“SPP”) as Executive Vice 5

President and Chief Operating Officer (“COO”).6

Q. PLEASE SUMMARIZE YOUR EDUCATIONAL AND PROFESSIONAL 7

BACKGROUND.8

A. I earned a Bachelor’s degree in Electrical Engineering from Auburn University.  9

Prior to being named Executive Vice President and COO of SPP, I served as 10

SPP’s Vice President of Operations and before that as Director of Operations and 11

Manager of Information Technology.  I formerly was employed with Entergy 12

Corporation and Union Electric (d/b/a Ameren) in various management and 13

engineering and operations positions.  I am a professional engineer registered in 14

the State of Missouri.15
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Q. MR. MONROE, HAVE YOU PREVIOUSLY FILED TESTIMONY 1

BEFORE THE FEDERAL ENERGY REGULATORY COMMISSION 2

(“FERC” OR “COMMISSION”)?3

A. Yes, I have filed testimony before the Commission in Docket Nos. ER02-2595, 4

RT04-01, ER04-48, ER06-451, and ER06-1047.5

Q. WHAT IS THE PURPOSE OF YOUR TESTIMONY?6

The purpose of my testimony is to provide historical context for SPP’s Integrated 7

Marketplace proposal.  To that end, I will provide a brief description of the 8

evolution of SPP, including its confirmation in 2004 as a Regional Transmission 9

Organization (“RTO”) under Order No. 2000, and the subsequent development of 10

SPP’s Energy Imbalance Services (“EIS”) market.  I will explain how the 11

Integrated Marketplace represents the next, logical, step in the growth progression 12

for SPP.  My testimony is intended to complement the testimony of SPP’s other 13

witnesses by documenting the benefits that the Integrated Marketplace will 14

deliver to SPP’s stakeholders.15

Q. WHO ARE THE OTHER WITNESSES WHO WILL BE PROVIDING 16

TESTIMONY TO SUPPORT THIS FILING?17

A. Richard Dillon, SPP’s Director of Market Design, provides technical testimony 18

related to the specific features of the Integrated Marketplace.  Tom Dunn, SPP’s 19

Vice President and Chief Financial Officer, provides testimony related to the 20

changes to the SPP Credit Policy and SPP’s compliance with Order No. 741.  21

Finally, John Hyatt, Supervisor of the SPP Market Monitoring Unit, describes the 22

Market Power Study SPP conducted and the market power monitoring and 23

mitigation SPP proposes in this filing.24
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I. BACKGROUND1

Q. PLEASE DESCRIBE SPP’S FOUNDING AND ORIGINAL MISSION.2

A. In December, 1941, one week after the attack on Pearl Harbor and the United 3

States’ entry into World War II, eleven electric utilities pooled their generation 4

and interconnected to help keep an aluminum plant in Arkansas running 24/7 to 5

support critical defense efforts.  Recognizing the value of their coordinated 6

efforts, SPP continued as a voluntary organization after the war ended.  Even 7

then, SPP functioned as a facilitator to “help its members work together to keep 8

the lights on . . . .”  SPP’s goal has been and continues to be to provide regional 9

benefits to owners, users, and operators of the bulk power grid.  Over the years we 10

have systematically added new services that provide economies of scale, 11

facilitating effectiveness and efficiencies difficult for individual members to 12

achieve on their own or through bilateral arrangements.13

Q. HOW HAS SPP EVOLVED FROM ITS EARLY ROLE AS A POWER 14

POOL?15

A. SPP implemented reliability coordination in 1997, maintaining a Real-Time 16

model of the regional electric grid unavailable to individual utilities.  In 1998, 17

SPP implemented its first transmission market providing a “one-stop-shop” to 18

help members move power across the regional grid and eliminate rate pancaking.  19

In 2004, SPP became a Commission-approved RTO, responsible for ensuring 20

reliable supplies of power, adequate transmission infrastructure, and a competitive 21

wholesale electricity market.  SPP currently has 65 members, including 14 investor-22

owned utilities, 11 municipal systems, 12 generation and transmission cooperatives, 4 23

state agencies, 7 independent power producers, 10 power marketers, and 7 24
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independent transmission companies.  As an RTO, SPP provides open access 1

transmission service over approximately 48,930 miles of transmission lines in 8 states 2

– Arkansas, Kansas, Louisiana, Missouri, Nebraska, New Mexico, Oklahoma, and 3

Texas.4

Q. BEYOND ITS ROLE AS A TRANSMISSION PROVIDER, DOES SPP5

ADMINISTER ANY ENERGY MARKETS?6

A. Yes.  In 2007, SPP implemented a Real-Time Energy Imbalance Service Market 7

(“EIS Market”), which offers customers a central, regional clearinghouse where 8

they can buy and sell power and take advantage of opportunities to reduce Energy 9

costs.10

Q. PLEASE DESCRIBE THE PROCESS SPP USED TO DEVELOP THE EIS 11

MARKET.12

A. The development of SPP’s EIS Market arose from SPP’s efforts to achieve RTO 13

recognition beginning in 1997.  As part of SPP’s process to gain RTO status, the 14

Commission directed SPP to develop a Real-Time Balancing Market (“RTBM”) 15

proposal or, “at the very least, a process [detailing how] . . . such development 16

will occur and [the] details of that process, including a timeline for 17

implementation.”  In its October 2003 application for RTO status, SPP advised 18

the Commission of its intention to implement an energy imbalance market that 19

would include the use of nodal pricing for Real-Time operation and settlement of 20

imbalances.  SPP’s market proposal was developed by SPP’s Strategic Planning 21

Committee with input from the Market Settlement Working Group and 22

Congestion Management Working Group, and included a phased approach that 23
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called for initial implementation of a Real-Time imbalance market, followed by 1

implementation of a financial transmission rights market.  2

SPP first proposed its EIS Market design in June 2005, which, after a 3

series of SPP filings and Commission orders, was ultimately approved for launch 4

on January 26, 2007.  The EIS Market commenced operation on February 1, 5

2007.6

Q. HAS THE EIS MARKET BEEN SUCCESSFUL?7

A. Yes.  In the first year alone, the SPP EIS Market provided $103 million in 8

benefits to its members, significantly exceeding SPP’s $86 million benefit 9

estimate.  These benefits were achieved primarily through a more efficient 10

dispatch process in the region.  In addition, the EIS Market provides greater price 11

transparency, increased opportunities for short-term economic trading, and better 12

coordination of short-term Resource plans across the SPP footprint.13

Q. DOES THE EIS MARKET HAVE LIMITATIONS?14

A. Yes.  The scope of the EIS Market was deliberately kept to a Real-Time only 15

energy imbalance market; it includes no market for ancillary services.  Within the 16

EIS, unit commitment is performed independently by each member.  In the same 17

way, ancillary services are essentially procured and scheduled independently by 18

the existing sixteen Balancing Authorities within the footprint.  Another 19

constraint is that the EIS Market does not provide any real opportunity to gain 20

price certainty prior to Real-Time.  The EIS Market does not include a Day-21

Ahead Market that would allow members to price sales and purchases in advance 22

of Real-Time and to facilitate more efficient commitment and dispatch of 23
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Resources.  In addition, the use of physical transmission rights can limit a Market 1

Participant’s congestion management options. 2

Q. HOW DOES THE INTEGRATED MARKETPLACE PROPOSAL FIT 3

INTO SPP’S EVOLUTION FROM POWER POOL TO REGIONAL 4

ENERGY MARKET OPERATOR?5

A. Implementing the Integrated Marketplace is the next major step in SPP’s Strategic 6

Plan to provide additional regional benefits.  The Integrated Marketplace will 7

allow SPP’s customers to take better advantage of our region’s diverse generating 8

Resources including: coal, natural gas, hydro, wind, and nuclear.  The Day-Ahead 9

Market will determine which generating Resources should be used based on 10

region-wide prices and demand, reducing overall costs for the footprint.  In the 11

Operating Reserve market, SPP will balance supply and demand for the market 12

footprint, reducing individual Market Participants’ balancing duties and the 13

amount of Operating Reserve each has to carry.  The proposed co-optimization of 14

Energy and Operating Reserve will allow greater competition for these products 15

and promote lower cost dispatch solutions for the region.  This market will also 16

facilitate the reliable integration of our region’s vast renewable Resources.17

Q. PLEASE DESCRIBE THE PROCESS SPP USED TO ASSESS NEXT 18

STEPS IN MARKET DEVELOPMENT.19

A. Upon implementation of the EIS Market, the SPP Strategic Planning Committee 20

determined that, based upon the success of the EIS Market, it was important to 21

keep moving forward and assess opportunities for future market development.  22

Following that recommendation, the Cost Benefit Task Force (“CBTF”) for future 23

markets was created.  Including both members and representatives from the RSC, 24



Exhibit No. SPP-1
Page 7 of 22

the CBTF reported to the Markets and Operations Policy Committee (“MOPC”) 1

and was tasked with working with a third-party consultant to develop a cost-2

benefit analysis, provide a preliminary design, and consider various 3

implementation scenarios.   4

SPP ultimately engaged Ventyx to conduct the cost-benefit analysis and 5

the CBTF, with input from multiple stakeholder groups and large-scale 6

stakeholder and state regulatory involvement, developed the necessary timelines, 7

assumptions, parameters and base case to be used in the cost-benefit analysis. 8

From November of 2007 to early 2009, SPP stakeholders, in open and transparent 9

public meetings, worked through the assumptions, parameters, and results; and, 10

on April 7, 2009, Ventyx issued their report titled “Cost Benefit Study for Market 11

Design”.  This report, including its Appendix, is attached to my testimony as 12

Exhibit No. SPP-2.  13

Q. WHAT WERE THE RESULTS OF THE ANALYSIS?14

A. The results are documented in Exhibit No. SPP-2.  They show that the benefits net 15

of the costs of the Integrated Marketplace to both SPP and its Market Participants 16

would average approximately $100 million per year.  These rate benefits reflect 17

projected reductions in total energy costs through the use of centralized unit 18

commitment, pooling and co-optimization of Energy and Operating Reserve.19

Q. WAS THERE SUBSEQUENT STAKEHOLDER REVIEW OF THE 20

VENTYZ REPORT?21

A. Yes.  The results of this report were vetted through the SPP stakeholder process, 22

with MOPC recommending at its April 14-15, 2009 meeting that the SPP Board 23

of Directors endorse the Ventyx report.  This recommendation received the 24
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unanimous endorsement by SPP’s Regional State Committee on April 27, 2009 1

and approval by SPP’s Board of Directors on April 28, 2009.  As a result of the 2

Board’s approval, SPP was authorized to move forward with development of the 3

Integrated Marketplace.4

Q. WHAT WERE THE SPP MEMBERS’ OBJECTIVES IN DESIGNING AND 5

SUPPORTING THE DEVELOPMENT OF THE INTEGRATED 6

MARKETPLACE?7

A. Generally, the SPP Members’ goals were to: (1) increase the savings to Market 8

Participants by moving from self-commitment to centralized unit commitment; 9

(2) create a Day-Ahead Market that would provide price assurance capability for 10

serving load prior to the Real-Time; (3) accommodate Transmission Congestion 11

Rights (“TCRs”); and (4) move to market-based Operating Reserve to support the 12

consolidation of 16 Balancing Authorities into a single SPP Balancing Authority.13

Q. HAVE ANY UPDATES BEEN DONE TO THE VENTYX ANALYSIS?14

A. A high level update was performed based upon lower gas prices ($3.00 BTU), and 15

the net benefits were estimated to be approximately $45 million per year. 16

Q. HOW DID SPP DEVELOP THE DETAILED DESIGN FOR 17

INTEGRATED MARKETPLACE?18

A. After the cost-benefit analysis was completed and endorsed by the SPP Board, 19

SPP and its stakeholders, through the Market Working Group (“MWG”), began 20

the process of designing the Integrated Marketplace and developing market 21

protocols.  These protocols were based on MWG discussions that began 22

immediately following the launch of the EIS Market.  The protocols were 23

developed, reviewed, debated, and revised from 2008 through 2011, during which 24
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time over 20 MWG meetings and conference calls were held.  These efforts 1

resulted in the formulation of proposed Integrated Marketplace Protocols that 2

were approved by MOPC in October of 2010.  In January 2011, the SPP Board of 3

Directors approved the Integrated Marketplace Protocols, along with the 4

Integrated Marketplace Budget. 5

Q. HOW DID SPP TRANSLATE THE INTEGRATED MARKETPLACE 6

PROTOCOLS INTO THE TARIFF REVISIONS SUBMITTED IN THIS 7

FILING?8

In the summer of 2010, SPP began the process of converting the proposed 9

Integrated Marketplace Protocols into the necessary revisions to the SPP Open 10

Access Transmission Tariff (“SPP Tariff”) and other governing documents.  As a 11

part of that process, SPP created an ad hoc task force called the Joint Markets 12

Tariff Task Force (“JMTTF”) consisting of the senior members of the MWG (the 13

SPP stakeholder group responsible for creation of the Integrated Marketplace 14

Protocols) and the Regional Tariff Working Group (“RTWG”) (the SPP 15

stakeholder group responsible for development, review and approval of revisions 16

to the SPP Tariff).  The JMTFF, which included the Chairs of both the MWG and 17

RTWG, worked intensively through August of 2011 reviewing and discussing the 18

draft tariff revisions for the Integrated Marketplace.  During this drafting and 19

review process, SPP also sought the advice of independent technical and legal 20

advisors to provide expertise and guidance in the development of the actual SPP 21

Tariff language.  On August 25, 2011, the JMTTF completed its development of 22

the proposed SPP Tariff revisions and submitted them to the RTWG.23
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Q. PLEASE DESCRIBE THE SPP STAKEHOLDER PROCESS FOR 1

APPROVING THE TARIFF REVISIONS DEVELOPED BY THE JMTTF.2

A. Between August 25th and November 18th, 2011, the RTWG held 12 in-person 3

multi-day meetings and conference calls to consider the JMTTF tariff revisions.  4

Throughout this process, the MWG and the RTWG also held multiple joint 5

meetings to ensure that the Integrated Marketplace Protocols were appropriately 6

translated into tariff language.  On November 18, 2011, the RTWG unanimously 7

approved the tariff revisions and recommended their approval to the MOPC.  On 8

December 6, 2011, the MOPC approved the proposed tariff language.  Additional, 9

minor tariff revisions identified and approved by the RTWG were later presented 10

to and approved by the MOPC in January, 2012.11

Q. DID THE SPP BOARD OF DIRECTORS APPROVE THE INTEGRATED 12

MARKETPLACE TARIFF?13

A. Yes.  On January 31, 2012, the SPP Board of Directors approved the Integrated 14

Marketplace tariff revisions submitted in this filing, including the revisions 15

approved by the MOPC at both its December 6, 2011 and January 17, 2012 16

meetings.  The Board’s approval included authorization for SPP to finalize and 17

submit this filing.18

Q. WHEN IS SPP PROPOSING TO IMPLEMENT THE INTEGRATED 19

MARKETPLACE?20

A. SPP is requesting an implementation date of March 1, 2014 for the Integrated 21

Marketplace.22
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Q. WHY IS SPP MAKING THIS FILING NOW WHEN IMPLEMENTATION 1

ISN’T REQUESTED UNTIL 2014?2

A. SPP is submitting this filing two years prior to the proposed launch of the 3

Integrated Marketplace for several reasons.  First, to ensure that SPP is able to 4

implement the Integrated Marketplace timely and on budget requires sufficient 5

lead time to ensure integrity of the Integrated Marketplace design process.  6

Vendors must have sufficient time to build, deliver, and test the necessary systems 7

for both SPP and its Market Participants.  In addition, SPP has members that must 8

seek permission from their state regulatory entities to participate in the Integrated 9

Marketplace.  Filing the tariff revisions now reflects SPP’s best judgment of the 10

lead-time requirements necessary to implement the design components of the 11

Integrated Marketplace and offers the best prospect of ensuring timely delivery of 12

the cost savings and other stakeholder benefits that I describe.13

II. DESIGN OF INTEGRATED MARKETPLACE14

Q. PLEASE SUMMARIZE THE MAJOR DESIGN ELEMENTS OF THE 15

INTEGRATED MARKETPLACE.16

A. The key features and functions of the Integrated Marketplace are: (1) a Day-17

Ahead Market; (2) a Reliability Unit Commitment (“RUC”) process; (3) an 18

RTBM, which will replace the current EIS Market; (4) market-based procurement 19

for Operating Reserve; (5) consolidation of the 16 current Balancing Authorities 20

in the SPP footprint into a single Balancing Authority; (6) TCR Markets (which 21

includes ARRs), and (7) a new market settlement process.  The products that will 22

be offered are Energy, Operating Reserve, specifically Regulation-Up, 23

Regulation-Down, and Contingency Reserve (Spinning and Supplemental 24
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Reserve); and TCRs.  Mr. Dillon’s testimony provides specific technical support 1

for each of these markets and design elements, except for SPP’s proposal to 2

consolidate existing Balancing Authorities into a single Balancing Authority, 3

which I address below.  4

Q. WHAT IS CHANGING FROM THE CURRENT EIS MARKET TO THE 5

INTEGRATED MARKETPLACE PROPOSED FOR MARCH 1, 2014?6

A. The EIS is only a Real-Time market to price Energy imbalances.  Transmission 7

congestion is managed and costs are allocated based on a participant’s physical 8

transmission reservations and schedules.  9

Under the Integrated Marketplace, we are adding several major new 10

market features and replacing the current Real-Time EIS Market with an 11

enhanced RTBM.  The addition of the Day-Ahead Market and RUC processes are 12

new, as is the proposed market procurement of Operating Reserve and regulation 13

services, which replaces the currently effective self-procurement of these products 14

by the individual Balancing Authorities.  The current self-commitment process 15

will be replaced by a centralized unit commitment design built into the Day-16

Ahead Market.  The 16 current Balancing Authorities under the EIS Market will 17

be combined under the Integrated Marketplace into a single Balancing Authority 18

operated by SPP.  Finally, the Integrated Marketplace includes the establishment 19

of Trading Hubs, consistent with other Commission-approved markets.20
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Q. DID SPP REVIEW THE MARKET DESIGN OF OTHER RTOS/ISOS IN 1

PREPARATION FOR DEVELOPMENT AND DESIGN OF THE 2

INTEGRATED MARKETPLACE?3

A. Yes.  Mr. Dillon’s testimony addresses in detail the extent to which SPP’s market 4

design leverages lessons learned and successful designs of other established 5

markets.  SPP and its stakeholders conducted a comprehensive review of market 6

designs across all of North America and took advantage of the opportunity to 7

learn from the experiences, good and bad, of other RTOs and ISOs.  SPP looked 8

at all of the currently functioning markets, ultimately integrating those design 9

features that have operated effectively in other markets and modifying or 10

enhancing features that have not worked well.  Additionally, specific design 11

components were adopted to better accommodate SPP’s particular regional 12

requirements.  As part of this process, SPP established relationships with PJM 13

Interconnection, L.L.C. and the Electric Reliability Council of Texas (“ERCOT”) 14

to provide guidance and assistance as SPP moves closer to implementation of the 15

Integrated Marketplace. 16

III. CONSOLIDATED BALANCING AUTHORITY17

Q. PLEASE SUMMARIZE SPP’S PROPOSAL TO TRANSITION TO A 18

SINGLE BALANCING AUTHORITY.19

A. Currently, SPP has 16 Balancing Authorities, and each retains all the appropriate 20

responsibilities and authorities.  Under the Integrated Marketplace, SPP proposes 21

to consolidate the 16 current Balancing Authorities into a single Balancing 22

Authority operated by SPP.  The plan is to implement this proposal concurrently 23

with the implementation of the Integrated Marketplace.24
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Q. BEFORE DESCRIBING THE DETAILS OF SPP’S BALANCING 1

AUTHORITY PROPOSAL, PLEASE PROVIDE AN OVERVIEW OF THE 2

BASIC FUNCTIONS OF A BALANCING AUTHORITY.3

A. The North American Electric Reliability Corporation (“NERC”) Glossary of 4

Terms Used In Reliability Standards defines a “Balancing Authority” as “[t]he 5

responsible entity that integrates Resource plans ahead of time, maintains load-6

interchange-generation balance within a Balancing Authority Area, and supports 7

Interconnection frequency in real time.” A Balancing Authority integrates 8

Resource plans in advance, maintains load-interchange generation balance within 9

a Balancing Authority Area, calculates an area control error (“ACE”) within its 10

Balancing Authority Area, supports interconnection frequency in Real-Time, 11

compiles Load Forecasts from Load Serving Entities (“LSEs”), directs Generator 12

Operators and LSEs to take action to ensure balance in Real-Time, and requests 13

operating information from Generation Owners.  A Balancing Authority approves 14

interchange transactions from a ramp capability perspective, and provides 15

balancing and energy paybacks.  Moreover, a Balancing Authority provides Real-16

Time, operational information, monitors and reports control performance and 17

disturbance recovery, procures and deploys reliability-related services, 18

implements emergency procedures and coordinates the use of controllable loads 19

with LSEs.  20
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Q. PLEASE EXPLAIN HOW SPP AND THE CURRENT BALANCING 1

AUTHORITIES DEVELOPED THE CURRENT DIVISION OF 2

BALANCING AUTHORITIES.3

In its March 20, 2006 order addressing SPP’s EIS Market proposal, the 4

Commission directed “SPP and control area operators to negotiate before a 5

settlement judge the proper allocation of functional responsibilities, costs and 6

liability associated with SPP’s new role in its region.”  Accordingly, SPP and the 7

control area operators engaged in settlement discussions, which resulted in SPP 8

filing an Offer of Settlement on May 22, 2006.  The Offer of Settlement resolved 9

the issues related to the division of functional responsibilities between SPP and 10

the Balancing Authorities participating in the SPP EIS Market.  It also included an 11

agreement between SPP and the Balancing Authorities, which specified that SPP 12

would be responsible for a host of tasks relating to: (1) scheduled interchange; (2) 13

approving and confirming market schedules; (3) net scheduled interchange 14

calculations; (4) inadvertent interchange; (5) providing each Balancing Authority 15

with Dispatch Instructions every five minutes; and (6) declaring emergency alerts 16

and documenting each emergency procedure.  It further specified that the 17

Balancing Authorities would: (1) implement scheduled interchange curtailment 18

directives; (2) collect, calculate, and verify actual interchange values for each 19

interconnection with one another or with external Balancing Authorities, and 20

provide hourly data to SPP; (3) comply with NERC reporting requirements for the 21

area interchange error report; (4) maintain their responsibilities concerning ACE, 22

frequency bias value, and time error corrections; (5) coordinate with other Market 23

Participants to manage Resource commitment to meet demand with support from 24
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SPP; (6) comply with NERC and SPP Criteria control performance requirements; 1

(7) provide SPP with hourly seven day load forecasts subject to confidentiality 2

requirements; (8) coordinate deployment of regulation and Operating Reserve 3

with SPP; and (9) comply with SPP’s directives as the Reliability Coordinator.  In 4

an order dated November 17, 2006, the Commission conditionally accepted the 5

Offer of Settlement, subject to a compliance filing.  As part of the compliance 6

filing, the Commission directed SPP to modify the language of the agreement to 7

clarify that the Balancing Authorities may not preempt SPP’s Day-Ahead 8

Resource planning authority under Attachment AE, and to file the agreement as a 9

rate schedule consistent with Order No. 614.  SPP made that compliance filing on 10

December 15, 2006 in Docket No. ER06-451-015, which the Commission 11

accepted on January 31, 2007.  The agreement setting forth the division of the 12

responsibilities between SPP and the current SPP Balancing Authorities now is 13

set forth in Attachment AN of the SPP Tariff.  14

Q. WHAT FUNCTIONAL CHANGES WILL OCCUR AS A RESULT OF THE15

PROPOSED NEW BALANCING AUTHORITY ARRANGEMENT?16

A. Upon implementation of the Integrated Marketplace, a new SPP Balancing 17

Authority Area (“SPP BAA”) will be formed for the entire SPP Region.  SPP will 18

be responsible for the new, area-wide procurement, deployment, and settlement of 19

Operating Reserve and regulation through the use of Day-Ahead and Real-Time 20

Markets, all as more fully described in the Testimony of Richard Dillon. 21
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Q. ARE THERE OTHER CHANGES TO THE DIVISION OF1

REPONSIBIITIES UNDER SPP’S BALANCING AUTHORITY 2

PROPOSAL?3

A. Yes.  With the exception of certain supporting local tasks that the current 4

Balancing Authorities will continue to perform, SPP will assume the NERC 5

Balancing Authority responsibilities found in the NERC Reliability Standards for 6

Balancing Authorities, including the obligation to maintain balance between load 7

and generation Resources and to maintain frequency response.  SPP also will be 8

responsible for managing the SPP BAA ACE.  9

Q. WHAT TASKS WILL THE CURRENT BALANCING AUTHORITIES 10

CONTINUE TO PERFORM?11

A. While the agreement specifying the exact division of responsibilities is not yet 12

finalized, SPP anticipates the current Balancing Authorities will retain 13

responsibilities relating to tie line metering and telemetry responsibilities with 14

adjacent Balancing Authorities and frequency measurements. 15

Q. WHERE WILL SPP’S AND THE EXISTING BALANCING 16

AUTHORITIES’ RESPONSIBILITIES BE SPECIFIED?17

A. As noted, the agreement in Attachment AN of the SPP Tariff currently defines the 18

division of responsibilities between SPP and the existing 16 Balancing Authorities 19

within the SPP footprint.  The Consolidated Balancing Authority Steering 20

Committee (“CBASC”) consisting of representatives from the current Balancing 21

Authorities and SPP, in consultation with other stakeholder groups such as the 22

RTWG, presently are working to develop an agreement necessary to transfer the 23

appropriate functions to SPP and to detail the new division of responsibilities that 24
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will result from the formation of the new SPP Balancing Authority.  Once the 1

agreement is finalized, it will be filed with the Commission. 2

Q. WHAT WILL BE THE IMPACT OF THE CONSOLIDATION OF THE 3

BALANCING AUTHORITIES ON RELIABIITY IN THE SPP REGION?4

A. SPP will perform its new Balancing Authority functions with the same high 5

degree of reliability as it performs its current functions under the existing multi-6

Balancing Authority configuration.  Furthermore, SPP anticipates that there may 7

be some operational efficiency from the new SPP Balancing Authority 8

arrangement, given the greater opportunities presented for managing individual 9

generation to load imbalances, which likely will result in lower overall dispatch of 10

generation to correct the individual imbalances.  In addition, the formation of the 11

new SPP Balancing Authority is cost effective and maximizes the benefits of the 12

Integrated Marketplace through centralized unit commitment, and the pooling of 13

reserve and regulation through the Operating Reserve Market.  Finally, the new 14

SPP Balancing Authority arrangement replicates the proven and reliable model 15

used by other RTOs.  16

Q. WILL THERE BE AN ADVERSE IMPACT ON RELIABILITY DURING 17

THE TRANSITION TO A SINGLE BALANCING AUTHORITY?18

A. No.  SPP is working closely with the CBASC to develop and finalize the 19

agreement to define with precision the new division of responsibilities, to transfer 20

the appropriate responsibilities to SPP, and to proceed through the NERC 21

balancing authority certification process.  SPP will not be able to implement its 22

new SPP Balancing Authority functions until it receives the approvals from 23

appropriate regional reliability organizations and is granted certification as a 24
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registered NERC Balancing Authority.  SPP anticipates that it will receive its 1

certification from NERC as the SPP Balancing Authority in the 4th Quarter of 2

2013.  That certification will be included in SPP’s final filing requesting 3

permission to implement the Integrated Marketplace, which SPP expects to file on 4

or about January 1, 2014.  Additionally, SPP, as the region’s Reliability 5

Coordinator, will ensure all systems are coordinated with appropriate procedures 6

to efficiently implement emergency operations processes, and that all necessary 7

staff training takes place.8

IV. OTHER TRANSITIONAL ISSUES ASSOCIATED WITH 9
INTEGRATED MARKETPLACE10

Q. HOW WILL SPP RECOVER THE COSTS ASSOCIATED WITH 11

ADMINISTERING THE INTEGRATED MARKETPLACE?12

A. SPP currently recovers its costs under Schedule 1-A of the SPP Tariff, which 13

assesses a fee on all Transmission Service.  The Schedule 1-A charge is designed 14

to recover SPP’s revenue requirement, as adjusted for any revenues received from 15

other sources (i.e., contract services).  SPP proposes to include all costs associated 16

with operating the Integrated Marketplace in the revenue requirement recovered 17

under Schedule 1-A.18

Q. DOES SCHEDULE 1-A APPLY TO ALL INTEGRATED MARKETPLACE 19

TRANSACTIONS?20

A. No.  Schedule 1-A does not apply to Virtual Energy Bids and Virtual Energy 21

Offers, because there is no Transmission Service associated with such 22

transactions.  As a result, SPP proposes to charge a Day-Ahead Virtual Energy 23

Transaction Fee on all Virtual Energy Offers and Virtual Energy Bids in the Day-24
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Ahead Market.  The revenues collected through this fee will be used to reduce the 1

revenue requirement recovered through Schedule 1-A.2

Q. HOW IS RESERVE SHARING GOING TO CHANGE WITH THE 3

IMPLEMENTATION OF THE INTEGRATED MARKETPLACE?4

A. As discussed above, in the Integrated Marketplace, SPP will procure Operating 5

Reserve for the SPP BAA.  The Integrated Marketplace Tariff allows SPP to 6

execute Reserve Sharing Group Agreements with Balancing Authorities external 7

to the SPP BAA for the purposes of sharing Contingency Reserve.  Any such 8

agreements will be in accordance with NERC Reliability Standards and applicable 9

SPP Criteria.  Energy schedules implemented through reserve sharing 10

Contingency Reserve deployment will be created automatically by the Reserve 11

Sharing System and will be settled through the RTBM as either a fixed Export 12

Interchange schedule or a fixed Import Interchange schedule.13

Q. HOW DOES SPP PROPOSE TO ADDRESS SEAMS COORDINATION 14

ISSUES IN THE INTEGRATED MARKETPLACE?15

A. SPP will continue to address seams coordination issues with its first-tier 16

interconnected neighboring systems using existing SPP seams agreements and 17

Joint Operating Agreements.18

Q. WHEN WILL SPP FILE ITS INTEGRATED MARKETPLACE 19

READINESS PLAN?20

A. SPP anticipates that it will file its Readiness Plan on or about March 1, 2013, 21

approximately one year prior to the requested implementation date of the 22

Integrated Marketplace.  SPP will file its final certification of readiness and 23

request to implement the Integrated Marketplace on or about January 1, 2014.24
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Q. WHEN DOES SPP ANTICIPATE FILING ITS REVERSION PLAN?1

A. SPP’s Reversion Plan, which will address system operations in the event of a 2

severe operations failure, is anticipated to be filed on or about March 1, 2013, 3

approximately one year prior to the requested implementation date of the 4

Integrated Marketplace. 5

Q. IN THIS FILING, YOU ARE REQUESTING A 12-MONTH 6

TRANSITIONAL MORATORIUM ON ACCEPTING NEW MARKET 7

PARTICIPANTS IN BOTH THE EIS MARKET AND INTEGRATED 8

MARKETPLACE.  WHEN WOULD THIS TAKE PLACE AND WHY IS IT 9

NEEDED?10

A. SPP is requesting to implement a moratorium on new Market Participant 11

registrations from August of 2013 to August of 2014.  This proposed moratorium 12

is necessary to allow SPP to focus its resources on preparing for the 13

implementation of the Integrated Marketplace.  SPP must ensure that it has all the 14

necessary information from Market Participants to ensure proper modeling and 15

operation of the Integrated Marketplace both through the final testing phases as 16

well as upon implementation.  SPP and its Market Participants also must have 17

sufficient time, once the models are verified as correct by the Market Participants, 18

to use these models to test the systems and their interactions to ensure proper 19

operation. Adding new Market Participants during this critical phase could shift 20

resources from completing Integrated Marketplace trials.21

SPP has been proactive in contacting possible new Market Participants so 22

that they will be aware of the moratorium timing.  Because the moratorium is 23

intended to avoid transitional problems associated with the immediate integration 24
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of physical Resources, SPP is open to considering participation alternatives for 1

non-Resource owning Market Participants in order to accommodate their 2

integration during the moratorium. 3

Q. DOES THIS CONCLUDE YOUR TESTIMONY?4

A. Yes5
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Executive Summary

The Southwest Power Pool (SPP) Cost Benefit Task Force (CBTF) commissioned Ventyx to 
perform both a qualitative and quantitative analysis of the costs and benefits of four options 
for SPP future market design.  These options were developed by the SPP Market Working 
Group (MWG) to enhance the existing Energy Imbalance Service (EIS) Market.  The four 
options considered were: 

1. Change Case I - Day-Ahead Market (DAM) with Centralized Unit Commitment 
(CUC) only (2009-2016)

2. Change Case IIA – Day-Ahead Market with Unit Commitment and Co-optimized 
Ancillary Services Market (2011-2016)

3. Change Case IIB –  Staged-in Day-Ahead Market with Unit Commitment (2009-
2010) and Co-optimized Ancillary Services Market (2011-2016)

4. Change Case IIC –  Staged-in Ancillary Services Market (2009-2010) and Day-
Ahead Market with Unit Commitment (2011-2016)

5. Change  Case III - Ancillary Services Market (ASM) only (2009-2016)

6. Change Case IV - Adding  a simplified DAM with CUC

Ventyx performed the quantitative analysis using its PROMOD IV® market simulation 
application including the Transmission Analysis Module which incorporates detailed 
powerflow data, security-constrained unit dispatch, transmission loss factors, and other 
critical elements of nodal market operations.  Modeling parameters and methodologies were 
developed in concert with the CBTF.  Input data was provided from production costing data 
for the Eastern Interconnection maintained by Ventyx with specific modifications in the SPP 
Market area provided by the CBTF.  The study methodology involved the following major 
tasks:

 A benchmark study was performed for the first twelve months of operation of the SPP 
EIS Market (3/2007 to 2/2008) to align the model and data with historical market 
operation under the current EIS market.

 The study Base Case was performed to provide a projection of SPP Adjusted 
Production Cost (fuel and emissions costs plus variable operations and maintenance 
costs plus market value of imports minus market value of exports) assuming a 
continuation of the current EIS market operation for 2009 - 2016.

 Each of the future market design cases requested by SPP was defined, constructed, 
and executed, and Adjusted Production Cost results from each case were compared to 
the Base Case to measure the operational benefits of each market design for 2009 -
2016.
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 A detailed assessment of costs for staffing, software systems, consulting services, and 
training was derived for each future market design option based on interviews with 
SPP staff, interviews with other ISO staff, and independent research.

Costs and benefits for each option were calculated for market participants, balancing 
authorities, states, and for the SPP Market in total.  In addition, a qualitative analysis of the 
potential impacts of a high SPP wind penetration scenario on cost/benefit study results was 
also provided.   

The study was performed under a collaborative approach with the SPP Cost Benefit Task 
Force, including weekly conference calls to review project status and four in-person 
presentations by Ventyx project management to the SPP Market Working Group.

The estimated annual gross benefits of a Change Case at the SPP level are equal to the 
difference between the adjusted production costs in the Base Case and the adjusted 
production costs in the Change Case.  Table ES-1 summarizes the annual SPP-level gross 
benefits for each of Change Cases I, IIA, IIB, IIC, and III1.  During the 2011 – 2016 period 
(the period for which gross benefits for all three change cases were calculated), gross benefits 
in Change Case I average approximately $85 million per year, while the Change Case IIA 
gross benefits average approximately $150 million per year and the annual Change Case III 
gross benefits average approximately $105 million per year.  

Table ES-1 Gross Benefits (Million $)

I IIA IIB IIC III
2009 101 101 34 34
2010 60 60 52 52
2011 94 171 171 171 92
2012 124 160 160 160 109
2013 75 132 132 132 93
2014 75 136 136 136 98
2015 70 137 137 137 109
2016 79 153 153 153 119
Total 679 889 1,050 975 706

NPV @ 5.9% 518 637 781 713 515
NPV @ 8.3% 469 560 699 633 457

                                               
1 This study was begun in early 2008, at a point in time when it seemed feasible to start either the Day-Ahead 
Market (Change Case I) or the Ancillary Service Market (Change Case III) in January 2009; but not feasible to 
start the combined Day-Ahead and Ancillary Services Market (Change Case IIA) until January 2011.  All of the 
analysis was performed consistent with these assumptions, and the analytic results summarized in this report are 
presented in a manner consistent with these assumptions.  However, due to the time required to complete the 
study, it is no longer feasible to start either the Day-Ahead Market or the Ancillary Service Market in January 
2009.  Moreover, subsequent investigation (outside of this study) indicates that it might not be feasible to start 
either the Day-Ahead Market or the Ancillary Services Market earlier than the combined Day-Ahead and 
Ancillary Services Market.  
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It is important to note that the estimated gross benefits associated with implementing both the 
Day-Ahead Market and the Ancillary Services Market (Change Case IIA) are less than the 
sum of the estimated benefits for implementing just one of the two markets (Change Cases I 
and III).  The reason for this is that the estimated gross benefits of Change Case IIA could at 
most be equal to the sum of the estimated gross benefits of Change Cases I and III, because 
the estimated gross benefits for each of those Change Cases reflects a separate 
“optimization” of gross benefits with respect to Day-Ahead Commitment (I) and Ancillary 
Services (III).  However, the market changes addressed in Change Case IIA do not achieve 
this theoretical ceiling because the objectives that are considered in the separate optimization 
problems in Change Cases I and III but jointly in Change Case IIA are occasionally in 
conflict, i.e., one commitment and dispatch leads to the least-cost solution for Change Case I, 
and a different commitment and dispatch leads to the least-cost solution for Change Case III.

The last three rows of Table ES-1 report the estimated total undiscounted gross benefits in 
each change case, as well as the net present value2 of the estimated gross benefits at discount 
rates of 5.9% and 8.3%.  As would be expected from the preceding discussion, the 
undiscounted and discounted total gross benefits are higher for Change Cases IIA, IIB, and 
IIC than for Change Cases I or III; those for IIB (IIC) are higher than IIA because IIB (IIC) 
includes the Day-Ahead Market (Ancillary Services Market) in 2009 and 2010, while IIA 
(Day-Ahead plus Ancillary Services Markets) assumes the new market does not begin until 
2011.  

In order to achieve the estimated gross benefits portrayed in Table ES-1, both SPP and each 
of the market participants must incur both capital expenditures and ongoing, annual operating 
expenses. Table ES-2 summarizes the estimated total annual implementation capital and 
operating costs incurred by SPP and the market participants.  Note that some costs were 
assumed in the study to be incurred in 2008, in order to support an assumed market 
commencement of January 1, 2009.

                                               
2 All net present values have a base date of January 1, 2008.
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Table ES-2 Annual SPP and Market Participant Implementation Costs (Million $)

Case I Case II A Case II B Case II C Case III
2008 36 0 37 34 26 
2009 24 2 24 11 9 
2010 27 36 28 14 11 
2011 28 32 32 32 12 
2012 30 34 34 34 12 
2013 31 36 36 36 13 
2014 33 37 37 37 14 
2015 34 39 39 39 14 
2016 36 41 41 41 15 

Total 278 258 308 278 128 
NPV @ 5.9% 215 188 237 210 101 
NPV @ 8.3% 196 167 215 190 93 

Table ES-3 through Table ES-5 display the estimated annual gross benefits, costs, and net 
benefits for each of the Change Cases. The bottom three rows of each table display the total 
(undiscounted) sum of the three variables, as well as net present values at discount rates of 
5.9% and 8.3%.  The tables can be summarized as follows:

 Total estimated net benefits are positive for all Change Cases, including all three 
variations of Change Case II.

 Between the Change Cases, IIB has higher estimated net benefits, followed by IIC 
and IIA.  The reason for this is that IIA does not start yielding net benefits until 2011, 
while IIB and IIA begin generating positive net benefits in 2009.

 The estimates of gross benefits are sensitive to a number of assumptions that were 
made during the study, such as fuel prices and carbon allowance prices.  However, in 
all Change Cases, gross benefits are more than 225% of the costs.  As a result, if 
actual costs turned out to be 40% higher than estimated here, and actual gross benefits 
turned out to be 40% lower than estimated here, actual net benefits would still be 
positive for these all Change Cases.

 Once each market structure begins operation (i.e., 2009 for Change Cases I, IIB, IIC, 
and III, 2011 for Change Case IIA), the annual net benefits are consistently positive.  
Thus, there is nothing to be gained by trying to “time” the start of a new market to 
occur in a year during which “attractive” conditions might occur. 
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Table ES-3 Change Case I Gross Benefits, Costs, and Net Benefits (Million $)

Costs Gross 
Benefits

Net 
Benefits

2008 36 0 (36)
2009 24 101 78 
2010 27 60 33 
2011 28 94 66 
2012 30 124 95 
2013 31 75 44 
2014 33 75 43 
2015 34 70 36 
2016 36 79 43 

Total 278 679 400 
NPV @ 5.9% 215 518 303 
NPV @ 8.3% 196 469 273 

Table ES-4 Change Case II Gross Benefits, Costs, and Net Benefits (Million $)

Case II A Case II B Case II C

Costs Gross 
Benefits

Net 
Benefits Costs Gross 

Benefits
Net 

Benefits Costs Gross 
Benefits

Net 
Benefits

2008 0 0 0 37 0 (37) 34 0 (34)
2009 2 0 (2) 24 101 77 11 34 23 
2010 36 0 (36) 28 60 32 14 52 38 
2011 32 171 139 32 171 139 32 171 139 
2012 34 160 126 34 160 126 34 160 126 
2013 36 132 97 36 132 97 36 132 97 
2014 37 136 99 37 136 99 37 136 99 
2015 39 137 98 39 137 98 39 137 98 
2016 41 153 112 41 153 112 41 153 112 

Total 258 889 632 308 1,050 742 278 975 697 
NPV @ 5.9% 188 637 448 237 781 544 210 713 503
NPV @ 8.3% 167 560 393 215 699 484 190 633 443 
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Table ES-5 Change Case III Gross Benefits, Costs, and Net Benefits (Million $)

Costs Gross 
Benefits

Net 
Benefits

2008 26 0 (26)
2009 9 34 24 
2010 11 52 41 
2011 12 92 80 
2012 12 109 97 
2013 13 93 80 
2014 14 98 85 
2015 14 109 94 
2016 15 119 103 

Total 128 706 578 
NPV @ 5.9% 101 515 414 
NPV @ 8.3% 93 457 364 

Ventyx also estimated gross benefits for each of the states, balancing authorities, and market 
participants in SPP.  These estimates can be summarized as follows:

 States –Estimated gross benefits are positive (or negative, but less than $10 million in 
absolute value, which Ventyx considers essentially the same as zero) for all but two 
(out of 128) combinations of Change Case, year, and state.  Missouri, Nebraska, and 
Oklahoma have large positive estimated gross benefits in all Change Cases and all 
years, Texas has large positive estimated gross benefits in Change Cases IIA and III 
in all years, Arkansas has consistently positive and occasionally large estimated gross 
benefits in all Change Cases and all years, and the other three states do not display a 
consistent pattern.  

 Balancing Authorities – Estimated gross benefits are positive (or small negative) for 
all but one (out of 224) combinations of Change Case, year, and balancing authority.  
In Change Cases I and IIA, AEPW_BA, KCPL, OGE_BA, OPPD, WFEC, and 
WRI_BA have consistently large positive estimated gross benefits; EDE, GRDA, and 
NPPD also consistently have large positive estimated gross benefits in Change Case 
IIA.  In Change Case III, only AEPW_BA consistently has large positive estimated 
gross benefits.

 Market Participants – Excluding Wind IPPs, estimated gross benefits are positive 
(or small negative) for all but one (out of 336) combinations of Change Case, year, 
and market participant.  In Change Cases I and IIA, KCPL, IPPs, OGE, OPPD, and 
WFEC have consistently large positive estimated gross benefits.  CSWS (AEPW), 
EDE, GRDA, and NPPD also have consistently large positive estimated gross 
benefits in Change Case IIA.  In Change Case III, CSWS (AEPW) and IPPs have 
consistently large positive estimated gross benefits.  The Wind IPPs have negative 
(and frequently large) estimated gross benefits in Change Cases I and IIA, because 
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these Change Cases result in lower locational marginal prices (LMPs), which reduces 
the estimated revenues that these generators receive.  Non-wind IPPs have large 
positive estimated gross benefits in these Change Cases because, although they 
receive lower LMPs for their output, their generation increases significantly as a 
result of improved market efficiency.

It is important to recognize that Ventyx has significantly more confidence in the SPP-level 
results than in these segment-level results, particularly as the segments become smaller (e.g., 
we have less confidence in the market participant results than the state results).  In our view, 
the SPP-level results should be interpreted as conclusive, while the segment-level results 
should be interpreted as indicative; i.e., Ventyx concludes that at the SPP level the gross 
benefits exceed the implementation costs, while the state-level results (for example) only 
indicate that gross benefits are likely to be larger in Missouri than in Kansas.

Before stating recommendations, it is also important to recognize the limitations of the 
analysis.  Most importantly, as in all studies of this type, Ventyx had to make a large number 
of assumptions.  The results, even those at the SPP level, are sensitive to these assumptions, 
particularly those regarding future fuel prices, U.S. environmental policy (e.g., greenhouse 
gas emissions controls), and the amount of new wind capacity built in SPP.  The model
Ventyx used to derive the results also has a large number of assumptions, both implicit and 
explicit, about how market participants will behave under each of the sets of market rules that 
were considered.

Having said that, based on the SPP-level results, Ventyx recommends that SPP institute the 
combined DAM plus ASM (i.e., Change Case II) as quickly as possible.  Ventyx believes 
there is no benefit to waiting.  If the two types of changes (DAM, ASM) cannot be 
implemented simultaneously due to resource constraints, staging implementation of these 
two markets (i.e., first one, and the second one or more years later), would be beneficial.  In 
such an event, the DAM should be implemented first, then the ASM; again, each should be 
instituted as quickly as possible.
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1 Study Background and Overview

The Southwest Power Pool (SPP) Market Working Group (MWG) was directed by the SPP 
Markets and Operations Policy Committee (MOPC) and the SPP Strategic Planning 
Committee (SPC) to develop a proposal for future market development in SPP to replace or 
refine the real-time (RT) Energy Imbalance Service (EIS) Market.  These future market 
designs would take further advantage of the diversity of resource assets, optimize utilization 
of the transmission system within Southwest Power Pool, and minimize the overall cost to its 
consumers.  The MWG held several educational meetings to review and understand the 
designs of other markets to determine if SPP should implement similar aspects as an 
expansion of its current EIS market.  Based on those sessions, the MWG determined that 
adding 1) a Day-Ahead Market with Centralized Unit Commitment and 2) an Ancillary 
Services Markets both have potential to generate significant savings to SPP market 
participants.  In order to accommodate these future market designs/enhancements, the MWG 
further decided that changes in the way transmission rights are handled should be considered.

1.1 Proposed SPP Market Design

The proposed design of the SPP energy markets includes multi-settlement starting with a 
financially binding Day-Ahead Market (DAM) in which resources would submit offers, 
including start-up and minimum load costs and other characteristics (e.g., minimum up and 
down time, ramp up and ramp down rates). Market Participants will submit Demand Bids for 
what they are willing to pay and Resource Offers for what they are willing to provide. 
Market Participants are also allowed to self-commit/self-schedule resources and bilateral 
agreements.  The DAM clears nodally under a centralized Security Constrained Unit 
Commitment (SCUC) and Security Constrained Economic Dispatch (SCED) process.  The 
real-time process is deployed in a similar fashion to the current EIS Market in that the total 
load is met through a SCED using offered and self-dispatched resources.  Any quantitative 
deviations (i.e., imbalances) at the Settlement Locations from day-ahead cleared positions to 
real-time are settled at the real-time LMPs as imbalances. 

In the DAM, SPP utilizes start-up and minimum load resource costs and characteristics along 
with an incremental offer curve to perform the SCUC and SCED.  As part of the DAM, the 
objective function for the unit commitment algorithm ensures that bid-in demand and 
Ancillary Service obligations are satisfied with energy and capacity up to the point that the 
nodal costs do not exceed the buyers bid price.  Following the clearing of the DAM, market 
participants would have a chance to self-commit resources. SPP utilizes the start-up and 
minimum load costs/characteristics supplied with the Real-Time Market resource offers to 
commit any additional capacity necessary to reliably meet the total forecasted load and 
ancillary service obligations for each hour of the upcoming operating day.  This additional 
capacity/energy is committed using a SCUC algorithm; however, the objective function for 
this process involves minimization of resource costs at the minimum resource output that 
SPP requires for reliability.  During Real-Time (RT) operations SPP continually assesses 
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upcoming hours as load forecasts are updated and as generation or transmission status 
changes occur to ensure that SPP has enough capacity on-line and available to meet its total 
load and ancillary service obligations.

To help ensure enough capacity is available for SPP to meet the energy and Ancillary Service 
needs of the market footprint, Market Participants serving load must offer or self-commit a 
sufficient amount of Designated Resource (DR) capacity into the DAM to meet their 
projected load and Ancillary Service obligations.  Offering of Non-Designated Resources 
will be optional.

1.1.1 Bilateral Transactions

Bilateral trading is allowed between parties in order that they may hedge against DAM and 
RT market prices if desired.  Under a bilateral trade, the total scheduled amount of energy at 
each Settlement Location is removed from any exposure to the LMP prices.  Congestion 
charges for the price differential between the Sink and Source of those bilateral transactions 
will be applied however.  The DAM design supports bilateral energy trading that does not 
require them to hold transmission rights or reservations. 

In order to increase participation and access to the SPP Market by parties that do not have 
assets within the SPP Market, Dispatchable Schedules are permitted to offer/bid in the DAM 
from external boundary Settlement Locations.  These schedules are submitted with an 
associated price for the megawatt (MW) amount and the SCUC would consider each 
schedule an offer or bid as appropriate at that location when the schedule clears the DAM.  If 
the schedule clears, the internal location has the impact of the schedule reflected in its energy 
settlement, and the MP submitting the schedule would pay or be paid the clearing price at the 
boundary.  Congestion charges for the LMP differential between the source Settlement 
Location and the sink Settlement Location is paid by the designated responsible parties on 
the schedule.  Any deviation in real-time from the day-ahead cleared value is settled at real-
time prices.

The DAM design would allow “Up to Congestion” schedules, which clear based on the LMP 
differential between the source and the sink Settlement Locations.  If the differential is below 
the submitted value, the schedule is cleared and settled in the DAM.    

SPP would allow real-time and day-ahead injections and withdrawals from the energy market 
as a price taker.  These are settled in the appropriate market, and if cleared in the DAM, any 
deviation from the schedule in real-time is settled at real-time prices.
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1.1.2 Virtual Bids/Offers

To allow for risk management, greater trading opportunities, and enhanced system reliability, 
Virtual Bids and Offers are allowed in the DAM at any Settlement Location.  Any Virtual 
Bid or Offer cleared and settled day-ahead has an automatic 0 MW meter value in real-time, 
therefore the entire amount is considered a deviation from day-ahead and is settled in real-
time.  Allowing Virtual Bids and Offers in the DAM has been shown elsewhere to reduce the 
price volatility between the day-ahead and real-time markets.  Although some view Virtual 
transactions as pure speculation, they are also an important risk management mechanism that 
can be used by participants with resource and load assets to hedge their exposure to market 
energy prices.  

1.1.3 Hubs

The DAM design allows for definition of one or more trading hubs within SPP to facilitate 
bilateral trading.  Bilateral scheduling and Virtual transactions utilize hub(s) as Settlement 
Locations.  The MWG or other appropriate group analyzes the various market behaviors and 
seek input from stakeholders to identify potential hubs.

1.1.4 Ancillary Services Market Design 

The proposed Ancillary Service Market (ASM) design is for Regulation Reserve, Spinning 
Reserve, and Supplemental Reserves.  As with the energy market, the ASM is multi-
settlement, clearing in the day-ahead, and deviations are settled in real-time. Offers may be 
submitted for any or all services, and they are cleared in priority with a co-optimized 
algorithm to achieve the least cost overall solution for energy and ancillary services. SPP is 
operating as a single BA, and it is assumed that SPP centrally deploys ancillary services 
directly to those purchasing the services.  

SPP would function as a consolidated balancing area and changes to the Reserve Sharing 
Criteria may occur as a result. In the ASM, any entity may provide reserves to meet the 
obligation.

Regulation Reserve Service is the highest priority Ancillary Service behind only energy.  The 
regulation requirement criteria must be established for the SPP Market area.  The SPP 
ORWG or other appropriate group determines the total requirement and also determines if 
there is any need for consideration of zonal constraints when clearing a service.  The final 
resources used in real time for regulation service is determined prior to the start of each hour 
and is centrally deployed by SPP as a single balancing authority.  A capacity payment based 
on the offer and a make-whole guarantee (excluding “lost opportunity costs”) is made to 
participants providing Regulation Service. In addition, a “mileage” payment based on 
performance for movement of the resource is being considered.  
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Spinning Reserve Service is the next priority service. The SPP Reserve Sharing criteria 
would be used to determine the overall requirement for the SPP Market footprint.  External 
RSG Market Participants continue to participate in the RSG program as they do today.  The 
SPP ORWG or other appropriate group must determine if there are any zonal constraints to 
be considered when clearing the service. Spinning Reserves for any Reserve Sharing Event 
within the SPP Market Area are centrally deployed by SPP and are the next highest priority 
Ancillary Service. 

Supplemental Reserve Service is the lowest priority service.  The SPP Reserve Sharing 
criterion is used to determine the overall requirement for the SPP market footprint.  External 
RSG Market Participants continue to participate in the RSG program as they do today.  The 
SPP ORWG or other appropriate group determines if there are any zonal constraints to be 
considered when clearing the service.  Supplemental Reserves for any Reserve Sharing event 
within the SPP market footprint is centrally deployed by SPP as necessary.

1.1.5 Transmission Rights 

During times of congestion, LMP pricing will reflect congestion costs resulting in the 
collection of more revenues from loads than payments made to resources.  The transmission 
rights structure determines how and when those excess charges will be distributed to 
transmission rights holders.  Transmission Rights approaches in other markets have all been 
subject to significant discussion regarding conversion of existing physical Point-to-Point and 
Network Integrated Transmission Service (NITS) rights to some form of Financial 
Transmission Right (FTR), Congestion Revenue Right (CRR), or Auction Revenue Right.    
If there is a corresponding physical delivery of energy, the FTR on any congested path 
renders the holder financially neutral or indifferent to congestion.  However, if there is no 
corresponding physical delivery of energy by the holder of the FTR, the FTR may create 
revenue or impose a charge to the holder.  Any entity may hold an FTR on a path whether 
they are transacting business on that path or not.

As an alternative to FTRs, SPP is considering modifications to current reservation and 
scheduling rules to create a Transmission Service Right (TSR) that will facilitate additional 
bilateral trading.  The modification centers on some bilateral transactions having TSR while 
allowing for bilateral transactions without rights as well.  This perpetuates the need for 
participants to continue to reserve transmission service on the Open Access Same-time 
Information System (OASIS) to get a TSR and the need to have a scheduling mechanism that 
validates the existence of a firm transmission service reservation.  

1.2 Study Scope

SPP issued a request for proposal to study the implementation costs and operational benefits 
of adding a Day-Ahead Market with Centralized Unit Commitment and Ancillary Services 
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Market.  Ventyx was selected to perform the study and provide quantitative and qualitative 
analysis on the impact of these market design changes.  

 Base Case - the current SPP EIS market without a consolidated Balancing Authority, 
the 2008 Q2 SPP Transmission Expansion Plan (STEP), and the 2008 Nebraska and 
GMOC Transmission Expansion Plans expanding from 2009 – 2016. 

 Change Case I - a Day-Ahead Market with Unit Commitment.  This case assessed 
adding only a multi-settlement energy market without an Ancillary Services Market 
from 2009 - 2016. Years 2014 – 2016 were extrapolated at the same rate the Change 
Case IIA changed from year to year. 

 Change Case IIA - a Day-Ahead Market with Unit Commitment and an Ancillary 
Service Market.  This “All Inclusive” case was assessed with start up costs beginning 
in 2009 and 2010 with the Market enhancements functional in 2011 and assessed 
through year 2016. 

 Change Case IIB - a Day-Ahead Market with Unit Commitment in 2009, 2010 and 
“All Inclusive” market design for 2011-2016. 

 Change Case IIC - an Ancillary Service Market 2009, 2010 and an “All Inclusive” 
market design for 2011-2016.

 Change Case III - an Ancillary Service Market Addition.  This case assessed adding 
only the Co-optimized Ancillary Services Market for 2009 – 2016.  Years 2014 –
2016 were extrapolated at the same rate the Base Case changed from year to year.

 Change Case IV - a Simplified Day-Ahead Market with Unit Commitment.  This 
case assessed a simplified approach to a Day-Ahead Market with limited additional 
participation features.  It would still maintain the Centralized Unit Commitment 
aspects described for the more robust Day-Ahead Market, but would not allow virtual 
bids and offers, dispatchable schedules, or up-to-congestion schedules. In addition, 
day-ahead settlement would not necessarily provide price certainty since schedules in 
place at the time of the Day-Ahead Market would still be subject to curtailment in 
real-time, which could expose all or part of the load to real-time pricing even if the 
load was equal to its Day-Ahead cleared amount.

At SPP’s request, Ventyx also analyzed the relative costs to implement FTR and TSR 
transmission rights systems, as well as possible effects of these systems on market 
participants.  The results of this analysis are summarized in a separate document. 
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2 Methodology

2.1 Benefits Methodology

The Cost Benefit Study (CBS) performed by Ventyx evaluates the merits of proposed energy 
market enhancements.  This cost/benefit study assesses market design changes described in 
the Proposed High Level Design for Southwest Power Pool Future Market Development
(High Level Design) document developed by the SPP Market Working Group (MWG).  The 
study measures the costs and benefits of moving from the base case to the change cases and 
sensitivities described in the Request for Proposals issued by SPP.  These change cases 
include:

 Change Case I – Day-Ahead Market with Centralized Unit Commitment only (2009-
2016)

 Change Case IIA – Day-Ahead Market with Unit Commitment and Co-optimized 
Ancillary Service Market (All Inclusive 2011-2016)

 Change Case IIB –  Staged-in Day-Ahead Market with Unit Commitment (2009-
2010) and Co-optimized Ancillary Service Market (2011-2016)

 Change Case IIC –  Staged-in Ancillary Service Market (2009-2010) and Day-Ahead 
Market with Unit Commitment (2011-2016) 

 Change Case III – Ancillary Service Market only (2009-2016)

 Change Case IV – Simplified Day-Ahead Market with Unit Commitment

This study provides the Market Participants of SPP with a detailed analysis of each case 
except Case IV that allows them to compare the relative costs and benefits of different 
approaches to market changes.  Case IV is analyzed on a qualitative basis only.  In 
considering such significant and complex market changes, Ventyx has designed and carried 
out a methodical and detailed study to capture the nuances of the various future market 
structures.

2.1.1 Model Benchmarking 

Critical factors in performing the cost benefit analysis of market changes included an 
accurate representation of not only the future proposed operating rules, but also of the current 
baseline market operations.  Ventyx, which has considerable experience in performing in-
depth benchmarks of actual historical operations, performed a detailed benchmark for the 
LMP and production cost model to develop confidence that the model was reasonably 
representing the existing power market in the base case.  This benchmarking process was 
focused on the key input data and output that would characterize the cases to be analyzed in 
the study.  Based on the benchmark, model input data was tuned to reflect actual historical 
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conditions, but was not overly constrained so that operations could respond to the future 
market conditions and market design rules that will be evaluated in the study.

The benchmark is centered on the period from March 1, 2007 through February 29, 2008, 
which comprised the first twelve months of operation of the SPP EIS market.  The 
benchmark model included the 2007 SPP market participants, Nebraska companies, GMOC 
and neighboring markets. For the 2007 SPP market participants, data models were 
constructed to replicate operations of the SPP EIS market comprising ten balancing 
authorities.  The Nebraska and GMOC companies were modeled as four balancing areas 
(NPPD, OPPD, LES and GMOC) with separate commitment and reserve operating 
requirements. The benchmark entails criteria achieving a match between reasonably 
modeled monthly average on-peak and off-peak energy prices and applicable historical data.  
Ventyx also benchmarked unit operations in the model using historical capacity factors of 
SPP generators.  The following input data from the historical period were entered into the 
model to perform the benchmark analysis.

1. Actual hourly load data – Benchmarking to actual market conditions requires a 
good representation of the hourly load distribution throughout the market.  Hourly 
load data for PJM, MISO, and SPP was obtained from data filings and requests made 
directly to the Independent System Operators (ISO).  Load data for other areas in the 
footprint (non-MISO MRO areas, etc.) that were not available through filings were 
approximated by scaling the nominal load profiles of neighboring areas for which 
data is available (SPP, PJM and MISO areas) to provide reasonable consistency.

2. Actual Monthly Average Fuel Costs - Historical cash prices for natural gas at the 
Henry Hub were incorporated into the benchmark process.

3. Operating reserves – Balancing Authorities within MISO and SPP are responsible 
for maintaining their own operating reserves.  This is accomplished by the BA 
adjusting its generator bid characteristics to block out capacity on those generators 
which the BA intends to use to carry its operating reserve.  Separate spinning reserve 
requirements were added to the model for each Balancing Area based on the reserve 
sharing allocation process in place in 2007 for SPP, MISO, and MRO regions.  PJM 
was also modeled based on reserve regions modeled by the PJM ISO during 2007.

4. Generator actual random outages and transmission outages - Outages and partial 
derations lasting more than 24 hours were included in the model.

5. BA Economic Threshold Rates - Economic commitment and dispatch threshold 
rates ($/MWh) were modeled between the SPP Balancing Authorities, and between 
SPP and other markets to improve the simulation results correspondence to historical 
values.  These economic thresholds are discussed more in section 2.1.2. 

6. Unit Dispatch Adjustment Factors – For units that show significant deviation 
between model operations and historical dispatch levels, adjustment factors were 
developed to scale the bid costs of the units as needed to better align benchmark 
results. 
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Additional details related to the representation of SPP generators were reviewed with SPP 
staff and market participants to improve the accuracy of unit input data.

Comparisons of generation were performed for individual generators, generator category and 
market participant. Table 2-1 and Table 2-2 below illustrate the results of the benchmark 
simulation.  Coal-fired, pumped storage hydro, and steam gas-fired generation were very 
close to the historical levels.  As expected, peaking and other cycling generation varied more. 
CT operation was 16% high.  The largest deviation occurred on combined cycle units, for 
which it is more difficult to model all operating conditions and cycling decisions.  
Additionally, a review of the difference between actual and simulated generation for some 
market participants are important since the study would evaluate market design impact at the 
market participant level as well as at the SPP level.  Generation deviations by Market 
Participant varied from 7% lower than actual, to 29% higher.  Larger deviations tend to occur 
with Market Participants which have more gas-fired steam units and other cycling units.  The 
simulated generation in total for the SPP Market was 3% higher than actual operations.  This 
difference represents a reduction in SPP net purchases from other markets in the benchmark 
simulation.  The benchmark generation results were judged to be reasonable for the cost 
benefit study.

Average monthly on-peak and off-peak SPP sub-regional hub prices were reviewed also and 
deemed reasonable for the future look into the cost benefit of the various market designs.

Table 2-1 Generation Benchmark Comparison by Category (MWh)

Major Categories Actual 
Generation

PROMOD IV 
Generation

 Delta 
(%) 

Coal 144,494,057 143,429,323   (1)
Combined Cycle 26,615,595 31,998,701  20 
Combustion Turbine 3,937,201  4,557,548  16 
Steam Gas 18,386,127   19,131,319 4 
Oil-fired and Other 2,854,579  3,190,984  12 
Pumped Storage   390,142 411,053 5 
SPP Total  196,677,701 202,718,927 3 
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Table 2-2 Generation Benchmark Comparison by Market Participant

Market Participant  Actual 
Generation 

 PROMOD IV 
Generation Deviation 

(%) 
American Electric Power (formerly CSWS) 41,962,732 41,182,762 (2)
Arkansas Electric Cooperative Company  1,795,172  1,851,710  3 
Empire District Electric  3,579,993  3,756,916  5 
KCP&L Greater Missouri Operating Company  8,279,723  9,289,162   12 
Grand River Dam Authority  6,961,510  7,388,326  6 
Kansas City Board of Public Utilities  2,884,154  3,015,250  5 
Kansas City Power & Light 20,437,311 21,407,834  5 
Lincoln Electric System  3,340,817  3,375,408  1 
Nebraska Public Power District 13,057,944 12,660,130 (3)
Oklahoma Gas & Electric Company 29,201,781 32,382,533   11 
Oklahoma Municipal Power Authority  1,288,968  1,659,420   29 
Omaha Public Power District 12,003,191 12,775,970  6 
Sunflower Electric Power Corporation  2,957,545  2,736,305 (7)
Southwestern Public Service Company 25,908,120 25,937,926  0 
Western Farmers Electric Cooperative  4,716,482  4,665,303 (1)
Mid-Kansas Electric Network  667,190  677,496  2 
Westar Energy 31,293,963 32,646,356  4 
Total 210,336,596 217,408,807 3%

2.1.2 Economic Threshold 

A key aspect of the benchmark effort was the development of an “economic threshold” 
representing a barrier to economic interchange between Balancing Areas in SPP.  These 
economic thresholds represent the minimum price differential between two areas that must 
occur before interchange between the pools will be impeded.  These thresholds typically 
include a component to represent any through-and-out transmission tariffs plus a “scheduling 
inefficiency” factor.  For SPP Balancing Areas separate economic thresholds were developed 
for commitment and dispatch to capture the inefficiencies of current SPP EIS operations 
without a Centralized DA unit commitment process.

Following the benchmark to the historical market, the model was run for the full study 
horizon 2009 through 2016 to provide a base case for market operations. This base case 
represents the current SPP EIS market, the 2008 Q2 SPP Transmission Expansion Plan 
(STEP) projects, and the 2008 Nebraska and GMOC Transmission Expansion Plans.  In this 
case, the transmission and resource topology for SPP include only those upgrades planned as 
part of the STEP.  Economic threshold for commitment and unit dispatch adjustment factors 
were carried forward where applicable from the benchmarking run to impose consistency 
between past and future unit operation.
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2.1.3 Development of Model Base Case

As part of the Base Case model of the current SPP EIS market out to 2016, some modeling 
issues were discussed and established including determination of which markets to include in 
the simulation (“study footprint”), development of a generation expansion plan for the entire 
study footprint, transmission grid expansion, incorporation of likely market trends, such as 
new wind penetration, demand response program penetration (“smart grid”), and joint market 
coordination.  The SPP Footprint is shown in Figure 2-1. 

Figure 2-1 SPP Footprint

The study footprint was extended to most of the Eastern Interconnect including SPP, PJM, 
MISO, Entergy, TVA, and non-MISO Market Participants of MRO.  Decisions were made as 
to new wind penetration, joint coordination, and demand response modeling as described in 
section 3.

Ventyx developed a unit expansion plan based on economic and target reliability criteria.  
Ventyx’s proprietary MarketPower® software was used to develop forecasts of capacity 
value.  Using a twelve-month look-ahead, MarketPower makes economic based decisions 
related to the addition of new units, the retiring or mothballing of existing units,  and the 
repowering  of mothballed units.  Specifications for new unit additions (called prototypes) 
are user-defined and include descriptions of capital costs, economic life and rate of return.   
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The unit expansion plan developed with the base case was also used across all market design 
scenarios.  This process did not result in the addition of any resources, beyond those included 
in the 2008 Q2 STEP, within the SPP Market footprint for term of the study.

Another key effort associated with the development of the study base case was the 
implementation of year by year transmission powerflow changes based on the 2008 STEP.  
Analyzing differences in transmission system operations requires a model such as PROMOD 
IV that captures the integration of transmission operations with generation unit commitment 
and dispatch.  The PROMOD model used in this analysis provides a detailed representation 
of transmission and generation in the Eastern Interconnect including more than 40,000 
transmission buses, 50,000 transmission lines, and 5,000 generating units.  Using hourly load 
and generation inputs, PROMOD IV models a security-constrained, chronological unit 
commitment and hour-by-hour dispatch of generation.  Each study year used a powerflow 
case provided by SPP with topology based on the STEP upgrade schedule.  This approach 
required significant effort to map PROMOD IV load and generation for each year and to 
perform contingency analysis for all years to ensure that changes in the congestion patterns 
were captured.  By using an extended study footprint, the model fully captured the dynamics 
of regional interchange based on available transmission capacity and the economics of 
regional power costs.

Fourteen balancing authorities (BAs) were modeled.  Commitment was designated at the BA 
level, with economic dispatch of SPP resources.  Security regions and operating directives as 
needed were modeled to consider commitment for system security and reliability.  Spinning 
reserve requirements and regulation-up requirements were set at the BA level.  Additionally, 
generators owned by IPPs and non-primary BA market participants were not allowed to 
contribute to the spinning reserve and regulation-up requirements, to better replicate EIS 
market operations.  

2.1.4 Study Metrics

Costs and benefits of alternative market structures can be measured in various ways, 
including net system production costs, demand and supply costs, and the incidence of 
generation cost and revenues.  Energy supply costs were measured and presented in several 
forms.  

The following options were considered as measures of supply costs:

 Adjusted production costs, a standard measure of supply costs, is composed of 
generation variable costs adjusted by costs and revenues of energy bought from and 
sold to the market, with purchases priced at the entity’s load LMP and sales priced at 
the entity’s average generation LMP, and, if an Ancillary Services Market (ASM) is 
functional, including payments and revenues associated with the Ancillary Service 
products. 
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 Market value of energy used to meet customer requirements, an alternate measure of 
the cost of serving load, is calculated as the balancing area hourly demand multiplied 
by the load-weighted hourly LMPs for the balancing area.   

 Generator utilization, costs and revenues, including both energy revenues and 
ancillary services spinning reserve revenues is another useful measure.  

Ventyx and SPP agreed to use adjusted production cost to quantify the benefit of future 
market designs.    At the SPP level, adjusted production cost in each hour is defined as 
variable generation costs less the market value of exports to entities outside SPP plus the 
market value of imports from entities outside SPP.  Firm purchase power agreements and 
power sales (PPAs) were included as load adjustments for the time periods identified by the 
SPP Members.

Adjusted Production Cost

i = Hour

 If ∑ Generationi > Loadi then 

APCi = ∑ Variable Generation Costi – (∑ Generationi – Loadi)(Generation Weighted 
Hub Pricei)

 If ∑ Generationi < Loadi then 

APCi = ∑ Variable Generation Costi + (Loadi - ∑ Generationi)(Load Weighted Hub 
Pricei)

Gross Benefit

 Gross Benefit = Base Case Annual Adjusted Production Cost – Change Case 
Annual Adjusted Production Cost

Net Benefit

 Net Benefit = Gross Benefit – Cost

For market participants, balancing authorities, and states, the formula for adjusted production 
cost involves net purchases and sales (as opposed to net imports or net exports); net 
purchases are still valued at the load-weighted hub price, and net sales at the generation-
weighted hub price.  In addition, at these levels (but not for SPP as a whole), and only for 
Change Cases II and III, adjusted production costs includes revenues from sales of ancillary 
services (subtracted) and costs associated with purchases of ancillary services (added).
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Adjusted production costs were computed hourly and aggregated into annual costs for SPP 
Market total, and for several sub-segments of the SPP market.  The gross benefits (or 
operational benefits) derived from a given market design would be the difference between 
annual adjusted production cost of the Base Case (EIS market) less the annual adjusted 
production cost of the Change Case for either SPP or a market segment.  Ventyx and SPP 
recognize that this approach focuses on the benefit of the whole, acknowledging the 
implication that there may be both positive and negative benefits in various magnitudes, 
according to the location of the various pricing nodes.  Ventyx also provided adjusted 
production cost results for each state, balancing area, and Market Participant in SPP, thus 
providing a view of the distribution of gross benefits across segments.

Firm purchase power agreements and power sales (PPAs) were included as load adjustments 
and have the effect of reducing market purchases and/or increasing market sales.  The source 
and sink of each PPA was identified so that the PPA energy could be incorporated into the 
SPP (if either source or sink was outside SPP market), and all appropriate market segments.  
Since the firm PPAs’ energy is constant in all Cases, there was not need to consider the 
associated cost or revenue as the costs would net to zero in the benefit calculations. 

For determination of market design benefit for a state, nodes (buses) were identified by state 
location such that state’s aggregate load could be calculated.  A generator’s output and 
Ancillary Service contribution were assigned to a state based on its location regardless of 
ownership.  PPAs which cross a state line were included; PPAs totally within a state were 
not.  Ancillary Service requirements of the market participants were divided among the states 
proportional to the market participants’ responsibility for state load.  For example, if 40% of 
a particular Market Participant’s load was located in Kansas, then 40% of that Market 
Participant’s AS requirement was allocated to Kansas.

For determination of market design benefit for a Market Participant, nodes (buses) were 
identified by the Member responsible for the demand at that node.  A generator’s energy 
output, variable costs, and Ancillary Service contribution were assigned to Members based 
on ownership.  Output, variable costs, and AS contribution of a jointly-owned generator was 
divided to all owners based on fixed owner ratios.  PPAs of each Market Participant were 
included.  Ancillary Service requirements were provided for each market participant.

Load, generation, Ancillary Service requirements and contribution, and PPAs were treated 
similarly at the Balancing Authority level. 

2.1.5 Modeling of Market Design Cases

In conducting this SPP RTO Cost Benefit analysis, Ventyx used its own PROMOD IV® 
nodal chronological production costing and power flow software model, as well as its 
MarketVision™ database, with study-appropriate enhancements, for the detailed market 
simulations.  PROMOD IV incorporates accurate day-ahead scheduling, commitment and 
dispatch of all three market models (i.e. MISO, SPP and an SPP stand-alone market model), 
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in addition to accurate LMP calculations including both transmission congestion and 
marginal losses components, and future market developments such as an ancillary service 
spinning reserve market.  The simulation procedure performed a detailed, security-
constrained dispatch with nodal (bus-level) locational marginal prices and centralized, 
security-constrained dispatch.  For the current EIS market, each Balancing Authority (BA) 
was modeled with local commitment criteria, BA-to-BA economic thresholds, and unit 
dispatch adjustment factors to capture self-commitment and current unit operations.  Each 
SPP BA was required to carry its own spinning reserves based on their allocation of the SPP 
Reserve Sharing Group requirement plus an estimated regulation component of 1% of the 
load.  Projected average losses were modeled in input load requirements, with no marginal 
loss components included in locational marginal prices.  The real time EIS market dispatch 
was reflected in the PROMOD IV solution including BA purchases to serve load and sales of 
excess BA generation based on market opportunities. In modeling the future market designs, 
the representation of the SPP commitment, dispatch and reserve rules were changed to reflect 
different elements of each specific market design. 
PROMOD IV is recognized in the industry for its flexibility and breadth of technical 
capability, incorporating extensive details in generating unit operating characteristics and 
constraints, 8760 hourly transmission constraints assessment, generation analysis, unit 
commitment/operating conditions, and market system operations. For over 25 years, energy 
firms have been using PROMOD IV for a variety of applications that include locational 
marginal price (LMP) forecasting, financial transmission right (FTR) valuation, 
environmental analysis, asset evaluations (generation and transmission), generating unit 
operating strategy evaluation, zonal and hub market price forecasting, transmission 
congestion analysis, generating unit option valuation, bid analysis, purchased power 
agreement evaluations, and resource mix assessment for companies with load obligations.

PROMOD IV provides valuable information on the dynamics of the marketplace through its 
ability to determine the effects of transmission congestion, fuel costs, generator availability, 
bidding behavior, and load growth on market prices.  PROMOD IV performs an 8760-hour 
commitment and dispatch recognizing both generation and transmission impacts at the bus-
bar (nodal) level. PROMOD IV forecasts hourly energy prices, unit generation, revenues and 
fuel consumption, bus-bar and zonal energy market prices, external market transactions, 
transmission flows and congestion prices.  The heart of PROMOD IV is an hourly 
chronological dispatch algorithm that minimizes costs (or bids) while simultaneously 
adhering to a wide variety of operating constraints; including generating unit characteristics, 
transmission limits, fuel and environmental considerations, transactions, and customer 
demand.

2.1.5.1 Change Case I - Day-Ahead Market with Unit Commitment Additional 
Only 

Ventyx developed a change case model to assess adding to the base case a multi-settlement 
energy market without an ancillary services market. This case features a Day-Ahead Market 
with Centralized Unit Commitment as well as the real time EIS market dispatch.  This case 
was implemented by removing internal economic thresholds between SPP BAs, and 
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adjusting unit dispatch factors to be closer to a purely economic dispatch than in the base 
case data to create a single, centralized, commitment and dispatch market.  These 
adjustments to the generator dispatch factors were implemented to recognize that generation 
owners would be more likely to participant in the open, competitive market of a centralized 
unit commitment than the current EIS market.  However, some market inefficiencies would 
probably still continue due to imperfect market information and human behavior.  In order to 
recognize this increased market participation but maintain a conservative modeling approach, 
generator dispatch factors were relaxed but not removed entirely.  Spinning reserves and 
regulation-up reserves were still met at the BA level based on the same allocation of the SPP 
Reserve Sharing Group requirement to each balancing area plus the additional regulation 
component, as modeled in the EIS base case.  As in the Base Case model, generators owned 
by IPPs and non-primary BA market participants were not allowed to contribute to the 
spinning reserve and regulation-up requirements, to better replicate separate BA AS 
operations.  Economic thresholds between SPP and other markets were relaxed also to 
implement future increased coordination.  Simulation runs were performed for each year 
beginning January 2009 through December 2013, making the necessary adjustments to the 
base case data for each corresponding year. Since total benefit comparison required all eight 
years of gross benefits, Change Case I adjusted production costs for the years 2014 – 2016 
were extrapolated based on the change in adjusted production cost of the Change Case II 
from year to year. The DAM nodal market simulation provides transmission congestion 
mitigation and day-ahead commitment through Locational Marginal Price based dispatch.

2.1.5.2 Change Case IIA - Day-Ahead Market with Unit Commitment and Co-
optimized Ancillary Service Market (All Inclusive) 2011-2016

Ventyx developed a change case model to assess an “all inclusive” multi-settlement energy 
market with an Ancillary Services Market.  This case features a Day-Ahead Market with 
Centralized Unit Commitment and a fully Co-optimized Ancillary Services Market in 
addition to the real time EIS market.  This case was implemented by:

 As in Change Case I, removing internal economic thresholds between SPP BAs, and 
adjusting unit dispatch adjustment factors from the base case creating a single, 
centralized commitment and dispatch market.  Economic threshold rates between SPP 
and other markets were relaxed, again to the same levels as in Change Case I.  

 The fourteen BAs’ spinning reserve and regulation-up requirements were aggregated 
into a single SPP spinning reserve requirement that could now be met with SPP 
generators located anywhere in the SPP system.  That is, instead of needing to meet 
the apportioned spinning reserve requirement in each of the fourteen BAs (as in the 
Base Case and Change Case I), only one aggregate spinning reserve requirement had 
to be met.  Additionally, generators owned by IPPs and other market participants 
which can physically provide spinning reserves were allowed to contribute to the 
Ancillary Service, under the assumption that the Ancillary Service Market would 
encourage broader participation then current rules.
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Simulation runs were performed for each year beginning January 2011 through December 
2016, making the necessary adjustments to the base case data for each corresponding year.  
The DAM nodal market simulation provides transmission congestion mitigation and next day 
commitment through Locational Marginal Price based dispatch.

Since AS payments and revenues balance at the SPP level, SPP benefits will not be affected 
by AS prices.  For the adjusted production cost metric of a market segment, both generator 
energy output and contribution to the supply of ancillary services were incorporated.  Since 
SPP has no history with an Ancillary Services Market, benchmarking could not be performed 
for AS prices.  Additionally, AS prices will depend on market rules and participation.  As 
such, an AS price of $15/MWh for SPP was assumed.  The difference between the market 
segments’ ancillary service requirement and its AS supply was priced at this assumed AS 
price.  To provide a better understanding of the impact of AS pricing on market segment 
benefits, benefits for each State in 2012 were also developed under two sensitivities – a low 
AS price ($5/MWh) and a high AS price ($25/MWh).  It is important to note that only the AS 
prices were changed in the sensitivity tests; commitment and dispatch were not affected so 
the distribution of AS provided across generators remained the same.  

2.1.5.3 Change Case IIB - Staged Implementation, Day-Ahead Market with Unit 
Commitment 2009-2010 and All Inclusive Market 2011-2016

Recognizing the implementation of market design and rules changes require advance 
planning and execution of processes and procedures, this market design option involves a 
phased-in approach to the implementation of an “all inclusive” multi-settlement energy 
market with a Co-optimized Ancillary Services Market.  The market design envisions an 
early implementation of a Day-Ahead Market with unit commitment for two years, followed 
by an “all inclusive” multi-settlement energy market with a Co-optimized Ancillary Services 
Market.   The Day-Ahead Market with unit commitment would be operational for 2009 and 
2010, switching to the “all inclusive” multi-settlement energy/AS market starting in 2011 and 
assessed through 2016.  Thus, adjusted production costs for all segments and for SPP from 
Change Case I for the years 2009 and 2010 were combined with the adjusted production 
costs for all segments and for SPP from Change Case II for the years 2011 through 2016.

2.1.5.4 Change Case IIC – Staged Implementation, Ancillary Services Market 
2009-2010 with All Inclusive Market 2011-2016

Again, recognizing the implementation of market design and rules changes require advance 
planning and execution of processes and procedures, this market design option involves a 
phased-in approach to the implementation of an “all inclusive” multi-settlement energy 
market with a Co-optimized Ancillary Services Market.  However, this market design 
envisions an early implementation of an Ancillary Services Market for two years, followed 
by an “all inclusive” multi-settlement energy market with a Co-optimized Ancillary Services 
Market.   The Ancillary Services Market would be developed for 2009 and 2010, replaced by 
the “all inclusive” multi-settlement energy/AS market starting in 2011 and assessed through 
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2016.  Thus, adjusted production costs for all segments and for SPP from Change Case III for 
the years 2009 and 2010 were combined with the adjusted production costs for all segments 
and for SPP from Change Case II for the years 2011 through 2016.

2.1.5.5 Change Case III – Ancillary Services Market Only

Ventyx developed a change case model to assess adding an Ancillary Services Market only 
without a Day-Ahead Market and centralized unit commitment.  This case features an 
ancillary services market added to the current real time EIS market dispatch.  This case was 
implemented by creating a single ancillary services requirement that can be met by 
generation located anywhere in the SPP system, and all generators which can supply spinning 
reserve were allowed regardless of owner.  Simulation runs were performed for each year 
beginning January 2009 through December 2013, making the necessary adjustments to the 
base case data for each corresponding year.  In order to have a comparable set of benefits for 
evaluation over all years, adjusted production costs were extrapolated for the years 2014 –
2016 based on the APC change of the base case from year to year.

2.1.5.6 Change Case IV – Simplified Day-Ahead Market with Unit Commitment

Change Case IV represents based on a simplified approach to a Day-Ahead Market with 
limited additional features.  This market design is very close in structure to the current EIS 
market with the addition of the centralized unit commitment aspects for a more robust DAM, 
but would not allow virtual bids and offers, dispatchable schedules, or up to congestion 
schedules. This approach requires transmission service reservations and evaluation of AFC, 
including internal non-firm transactions.  Scheduled amounts would continue to provide both 
the energy cost hedge and the congestion hedge, and curtailment would affect both 
components.  This approach allows non-firm reservations, assuming they remain in place, to 
be a congestion hedge. Simultaneous feasibility would be assessed, including non-firm 
schedules, and curtailments performed on a priority basis the same as it occurs today.  
Schedules, firm and non-firm, may be curtailed from the DA levels in order to achieve RT 
feasibility, even if feasible in the DA clearing process.  The resulting deviation in schedule 
between DA and RT would expose the source and sink to real time LMPs for Deviation.  In 
this design, AFC/ATC would still be required to be assessed on all reservations requests, 
even for transactions wholly within the market footprint.

Since there are many unknown factors in both the specific market design, implementation, 
and level of participation in the type of market envisioned by Change Case IV, Ventyx, with 
SPP’s approval, approached Change Case IV by means of a qualitative discussion of the 
implications and considerations associated with this market design.  However, no explicit 
modeling or quantitative analysis of Change Case IV market was performed.
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2.2 Cost Development Methodology

The primary objective of the cost development effort was to estimate the expenses associated 
with implementing and operating the different market design changes. The cost estimates 
were developed from two perspectives – from that of SPP and from that of its Market 
Participants. Typical cost components associated with changes to the design and operations 
of a market include organizational (staffing) increases, hardware and software system 
additions and upgrades, as well as other additional infrastructure for supporting increased 
requirements for market operations, customer services, training, planning, and 
documentation, legal and regulatory services. Note that these costs are different from the 
production cost estimates developed from the market modeling exercise.

2.2.1 SPP Cost Development Methodology

The approach for estimating SPP’s costs to implement and operate the different market 
design cases was to integrate SPP departments’ cost forecasts with cost data from other ISOs. 
The following SPP functional groups were identified to be included in the initial information 
gathering sessions:

 Operations (including market operations, tariff administration, scheduling, reliability 
coordination, operations engineering)

 Market Monitor
 Settlement
 Transmission Planning
 IT
 Reliability and Compliance
 Regulatory and Legal
 Project Management
 Training

Questionnaires were completed by selected Market Participant functional groups. They were 
asked to describe their group’s current roles and responsibilities and any potential impact of 
each market change case on their group’s capital and operating expenses. They were also 
asked to comment on their forecasted plans for changes in their group not including any 
changes to the market design. Starting from SPP’s current forecasted capital and operating 
budget, the information from the different departments was considered in applying scaling 
factors to estimate budget requirements for each market change case. 

Information from the different functional groups was also useful in framing the questions and 
discussions with other ISOs. Questionnaires similar to the ones developed for SPP, were 
developed for the different ISOs in order to gather information on their experiences with 
implementing design changes in their own markets. Responses to these questionnaires were 
gathered and documented through face-to-face interviews and conference calls with 
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representatives of various functional groups within the ISOs. The objectives for these 
meetings with the ISOs were:

 To understand organization structure and roles and responsibilities.

 To identify any major differences between SPP’s functional groups’ structure and 
responsibilities and those of other ISOs.

 To understand how past market changes impacted functional groups in terms of 
staffing, processes, systems and changes in responsibilities.

 To gather lessons learned and identify any potential challenges.

 To gather additional insights into market design issues.

Cost and budget data from several ISOs were also obtained either through ISO and PUC 
websites or by requesting the documents from the ISO’s customer service department. 

This cost information, together with findings from meetings with ISOs, was presented back 
to the SPP functional groups. The different groups were asked to take the ISO data into 
consideration in estimating capital and operating costs for their departments as a result of the 
different market change cases.

2.2.2 Cost Estimates for SPP

The cost analysis incorporates the annual staff, software, hardware and training needed to 
successfully transition to the new market.  The cost analysis also assumes that staffing 
remains constant after the second full year of operation, e.g., for Change Cases I and III, 
staffing is the same in all years 2010 – 2016, and for Change Case IIA, staffing is the same in 
all years 2012 – 2016.  Software costs were obtained through discussions with several 
vendors and include annual maintenance expense.

2.2.3 Cost Estimates for SPP Market Participants

Just as SPP is expected to incur additional expenses due to the changes in the market design, 
each SPP Market Participant is also expected to implement changes in its staffing levels as 
well as software and hardware systems.  SPP market participants vary in terms of size (as 
measured by generation capacity and load served) and level of sophistication with regard to 
market systems and processes.  For example, some Market Participants already participate in 
other markets with features similar to what SPP is considering, e.g., PJM’s Day-Ahead 
Market.  To remove inconsistencies in assumptions and forecasting across individual Market 
Participants, categories were defined for “Small” and “Large” participants and for “Simple” 
and “Complex” participants.  A representative range of costs was developed for each Market 
Participant category.  The general definitions underlying these categories characteristics were
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 Small Market Participant is defined as less than 1000 MW.

 Simple Market Participant is defined as having only hydro and/or nuclear generation 
with straightforward PPA; Complex Market Participant is defined as having coal, gas, 
and/or wind generation with compound PPA, essentially anything mid-merit (i.e., a 
unit that does not run all hours it is available, or at full capacity all hours that it does 
run).

Just as with ISO interviews, questionnaires were developed and addressed to the different 
market participant functional groups. The following functional groups were identified:

 Trading Operations
 Risk Controls
 Settlement
 IT
 Regulatory and Legal
 Project Management
 Training

The questionnaires were followed up with conference calls in order to gather and document 
Market Participants’ responses. The different change cases were explained to market 
participants and they were asked to provide their views on the potential impact of each 
market change case on their functional groups’ responsibilities and expenses. The 
information gathered from Market Participants at opposite ends of the “size” spectrum was 
then used to estimate a potential range of costs for Market Participants’ participation in the 
market change cases.

The estimated costs required for participation in the future market design scenarios were 
based on the need for systems infrastructure and staffing that varied based on the size, mix, 
and complexity of participant’s operations including generation assets and Power Purchase 
Agreements (PPA).  The following infrastructure systems formed the basis for future design 
market participation:

 (AGC) – Automatic Generation Control (AGC) for remote dispatch

 Bid Strategy – Short term load and System Marginal Price (SMP) forecasts to support 
bidding strategy

 Unit Commitment – Unit commitment based on optimization algorithms

 RTO Communications – Market communications with RTO

 Settlement – Compare downloaded RTO settlement statements against statements 
using market charge components with participant data

 FTR/TSR Analysis – Financial Transmission Rights/Transmission Service Rights 
analysis
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The following table shows assumptions for required infrastructure systems across the study 
scenarios. 

Table 2-3 MP Systems Infrastructure

Change CaseMP Systems 
Infrastructure

I II III IV
AGC X X X X
Unit Commitment X X X
Bid Strategy X X X X
ISO Communications X X X X
Settlement X X X X
FTR/TSR Analysis X X
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3 Data Assumptions

Producing quality strategic and operational economic analysis requires comprehensive, state-
of-the-art software models, and high-quality industry data.  Ventyx has developed its own 
MarketVision® Market Data containing detailed industry data that can be used independently 
for custom analysis or incorporated into studies using the Ventyx PowerBase™ suite of 
planning software - MarketPower®, Strategist® and PROMOD IV®.  The quantitative 
economic benefit analysis combined the Ventyx MarketVision database and SPP specific 
data, along with customized modeling parameters developed during and for this study, as 
input into the Ventyx simulation software PROMOD IV and MarketPower.  This section 
describes the input data assumptions for the simulation software.  Unless directly noted, the 
data assumptions are those of Ventyx. MarketVision Market Data contains United States and 
Canadian electric utility data including:

 Existing and planned generating unit operational characteristics such as capacity, heat 
rate curves, O&M costs, primary and secondary fuels, emissions rates, maintenance 
requirements, outage rates and durations, startup costs, and ramp rates

 Forecasted monthly regional fuel and emissions allowance prices

 Hourly demand shapes with forecasted peak and energy, and interruptible load 
capacity

 Regional zonal transmission constraints and tariffs

 Generator and area bus mappings

 Event files which include monitored branches, DC ties, and NERC flowgates for 
interfaces and contingencies.

 Generator and area bus mappings

 Monitored branches, DC ties, and NERC flowgates for interfaces and contingencies

Full power flow transmission data was utilized for the Eastern Interconnect (MMWG cases3). 
This data includes:

 Data for buses, transmission lines, transformers, real bus load, real shunt admittance, 
and phase angle regulators [based on the NERC Multi-regional Modeling Working 
Group (MMWG) transmission cases for reliability and stability studies]

                                               
3 MMWG stands for the NERC Multiregional Modeling Working Group, which is responsible for assembling 
power flow and dynamic models for the Eastern Interconnection for reliability studies and stability studies.
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3.1 Generating Units

The model requires significant detailed data about existing fossil fuel-fired units, hydro-
electric generation and potential new generating units.

3.1.1 Existing Fossil Units

The majority of the generating unit information in the database is derived using data from the 
Energy Impact Assessment (EIA) 906 forms and the FERC Form 1. The generator capacity 
information required to estimate capacity factors and fixed costs are derived from EIA 860 
existing and planned generator data, NERC ES&D 411, EIA 906, as well as original research 
conducted by Ventyx, SPP and CBTF. Below is a brief description of each data source. 
Additionally, the SPP Market Participants reviewed the Ventyx generator data assumptions.  
The Market Participants provided more precise generator characteristics to improve the 
analysis.  This non-public Market Participant-specific data is confidential and is not included 
in any table or any part of this document.  SPP also provided information regarding jointly-
owned generators, which was incorporated into the analysis.   

 EIA FORM 906 - The basis for our monthly plant generation and consumption is the 
EIA form 906, a collection of information from all regulated and unregulated electric 
power plants and combined heat and power (CHP) facilities in the United States. The 
EIA form 906 is provided in annual and monthly versions. The primary components 
of the 906 form are electric power generation, fuel consumption, fuel heat content, 
fossil fuel stocks, and thermal output (non-electric) at combined heat and power 
plants. In estimating O&M costs we use the generation data from this form. The 
monthly Form EIA-906 is a sample of electric power plants and combined heat and 
power facilities that report the same information found on the annual report. Electric 
power plants and combined heat and power facilities that are not selected to respond 
monthly must file annually on this form. The requirements for reporting this form 
changed recently and now only power plants with generating capacity of over 50 
megawatts (MW) are required to file if selected to report on a monthly basis. A 
random sample of plants under 50MW is also selected to ensure statistical 
significance. The data is continually proofed against other sources of information to 
check for errors. The most common error in this data occurs when a respondent 
mislabels their units of generation (in megawatts instead of kilowatts or vice versa). 

 FERC FORM 1 - The FERC Form 1 is an annual collection of operational and 
financial information reported by utilities and entities that are required to report to the 
FERC. According to the FERC, those entities that are required to report must have in 
each of the three previous calendar years, sales or transmission service that exceeds 
one of the following: 

 One million megawatt hours of total annual sales

 100 megawatt hours of annual sales for resale

 500 megawatt hours of annual power exchanges delivered
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 500 megawatt hours of annual wheeling for others (deliveries plus losses) 

The FERC Form 1 data is downloaded into our database in ‘raw’ form, but proofed 
for outliers and inconsistencies. The form information used to develop O&M cost 
estimates are reported on pages 402-410 on the Form 1, commonly referred to as the 
generating plant or plant cost section. This section details the yearly physical and the 
financial operation and generation of the plants owned/operated by the reporting 
company. Once the data is compiled into our database it is proofed again to correct 
for reporting errors not captured by the FERC. For the portions of the plant that are 
owned by entities not required to report to Form 1, we have created our own cost 
records for these entities according to the portion of the plant that is owned by the 
missing owner and the total costs/capacity/generation of the plant. 

 EIA FORM 860 - The EIA form 860 is an annual report comprised of existing and 
planned electric generating plants and their associated units for the United States. The 
secondary source for generating unit capacity is the NERC form 411.

Figure 3-1 summarizes the changes in maximum capacity of generating units in SPP.  The 
figure illustrates the importance of coal-fired steam generation in SPP, as more than half of 
the capacity in the region falls in this category.  Renewable resources and nuclear together 
account for another quarter of the capacity.  Gas-fired combined cycle and simple cycle 
combustion turbines, hydro, internal combustion, and interruptible loads together constitute 
less than one-quarter of the capacity in the region.

Figure 3-1 SPP Installed Capacity by Type (MW)

0

10,000

20,000

30,000

40,000

50,000

60,000

2009 2010 2011 2012 2013 2014 2015 2016

Steam Gas
Coal
Renewable
Pumped Storage
Nuclear
Interruptible Load
Internal Combustion
Hydro
CT Gas
Combustion Turbine
Combined Cycle

Exhibit No. SPP-2 
Page 39 of 105



SPP Cost Benefit Study for Future Market Design 32

3.1.2 Monthly Hydro Energy

The monthly hydro energies for the new SPP entrants (i.e., the Nebraska utilities and 
GMOC) were taken from the Ventyx MarketVision database, representing monthly net 
energy production for 2006 for all U.S. hydro plants. This data is derived from EIA 920 data. 
The other SPP members that own hydro facilities supplied historical average energy 
production to be utilized for each forward year in the study.  SPP supplied 2007 actual 
monthly energy output for its hydroelectric facilities for the benchmark case.  Table 3-1 
displays the average monthly energy produced at each of the fixed energy hydro facilities in 
SPP.

Table 3-1 SPP Hydro Units Monthly Energy (GWh)

Jan Feb Mar Apr May Jun Jul Aug Sep Oct Nov Dec
Columbus (NE) 4.34 9.62 14.34 14.34 11.38 12.21 8.84 12.22 10.34 15.98 13.59 2.06

Ellis (AR) 11.00 9.92 10.14 10.49 11.78 12.14 12.48 12.52 8.86 8.95 7.45 11.75

Jeffrey 3.23 3.13 4.40 4.48 4.85 7.92 12.39 7.98 2.29 2.77 2.59 2.86

Johnson 1 2.59 2.59 3.83 3.89 2.91 4.78 5.62 2.76 0.18 2.03 1.79 2.26

Johnson 2 3.26 3.26 4.84 4.89 3.57 5.80 6.34 3.03 0.14 2.21 2.22 2.82

Kaw Hydro 6.96 10.87 13.01 10.78 16.68 17.18 12.54 6.71 4.04 3.98 2.91 2.54

Kerr - GRDA 19.46 29.56 17.15 28.98 52.41 44.03 40.47 33.94 14.29 5.67 0.97 13.75

Kingsley 0.82 - - 0.92 0.90 1.48 6.97 1.72 0.36 - - 0.95

Monroe (NE) 0.96 1.96 2.17 2.10 2.02 2.10 2.12 2.17 1.57 2.17 2.10 0.48

Narrows (AR) 4.50 3.30 4.36 3.89 3.73 2.77 2.92 2.12 1.50 1.45 2.58 4.70

North Platte - - - - 1.54 4.68 13.16 8.52 - - - -

Ozark Beach 5.82 7.29 4.98 4.75 5.77 8.33 6.31 7.73 4.09 2.49 1.47 4.40

Pensacola 35.05 62.99 39.55 65.18 88.50 82.51 76.58 63.08 31.29 11.56 3.79 25.14

3.1.3 New Entrants Generator Additions

Ventyx tracks the status of all proposed generation projects across North America. The 
NERC database includes those projects identified as being under construction or completed, 
plus additional planned generators that Ventyx considered to be highly likely based on their 
permitting status or on particular regulatory issues. Appendix F lists new generation in SPP 
scheduled to come on-line after 2008.  During the study period, the following capacity was 
added to each category:

 CT – 332 MW
 CC – 529 MW
 Coal – 2,231 MW
 Internal Combustion – 76 MW
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3.1.4 Renewable Build-out, Reliability and Economic Entry Resource 
Expansion

The Ventyx MarketPower regional capacity expansion software was utilized in this study to 
augment this generation expansion plan out to 2016.  The projected SPP Reserve Margins 
from existing resources identified in section 3.1.1 did not fall below a level deemed 
necessary to include additional speculative resources within the Market area for this study.  
Therefore the additions as a result of the Ventyx expansion plan are restricted to areas 
outside of the SPP Market.   Appendix F shows a list of generators added to each market to 
maintain target balance of load and generation.  During the study period, the following 
speculative capacity was added to each market area:

 MISO – 3,680 MW
 MRO – 1,030 MW
 PJM – 920 MW

3.1.5 Wind Plant Modeling

All cases utilize the approved wind generation for interconnection that has not been 
suspended.  This amounts to 4,211 MW of generation constructed prior to and during the 
study period of 2009 - 2011.  This capacity generated energy equal to seven percent of SPP’s 
2011 load forecast for energy.  The 2011 wind levels were maintained for the remaining 
years of the study due to concerns of deliverability without significant transmission 
expansion.  Although there are significant numbers of wind projects in the Generation 
Interconnection Queue (GIQ), those that do not have Generation Interconnect Agreements in 
place would be speculative and require the CBTF to develop corresponding transmission
expansion to incorporate them into the study.  The CBTF and the MWG agreed that this 
study is not to assess the impact of wind penetration but to determine the benefits of moving 
to future phases of the market.  The wind penetration will affect prices and congestion to a 
degree as well as regulation needs; however, by maintaining the same wind profiles for both 
the Base Cases and the Change Cases each year, the impact of wind to assessing the 
operational benefits of moving to the Centralized Unit Commitment is minimal.  The levels 
of wind in the cases are reasonable for the level of transmission expansion included in the 
models and represent an increase in penetration from current levels.

For recently constructed and/or future wind plants that do not have an operating history, we 
assign default monthly capacity factor assumptions based on location. The default capacity 
factors are based on 2003-2006 weighted average capacity factors of all Wind Plants in each 
Wind Zone with on-line dates between 1/1/2001 and 1/1/2006 (prior to 2001 most wind 
farms are based on less productive wind technology than new projects). 

SPP provided generic hourly wind patterns (i.e. a daily MW wind schedules for each month).  
These hourly wind patterns do not contain a volatility component and thus were never shut 
completely off or running at 100%.  To determine the hourly schedule of an individual wind 
facility, this hourly wind schedule was adjusted using the wind plant’s maximum capacity 
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and monthly capacity factor.  In a few cases, the SPP Market Participant supplied 
adjustments to the hourly profiles for specific resources to reflect a higher or lower capacity 
factor based on historical wind information.

Many of the future wind farms were placed into a separate Member for independent wind 
development, “Wind IPPs”.  The purpose was to avoid perturbing the impact of the market 
structure cost benefit evaluation for current Members with the uncertainty of the wind 
development.  Appendix G shows the SPP Wind Resource Additions.

3.2 Fuel Price Forecasts
Ventyx has a fuel price forecasting group which develops both short-term and long-term 
price forecasts for natural gas, heavy and light oil, coal and uranium.  This forecasting group 
incorporates economic theory of supply and demand and other market factors into a 
fundamental forecasting model.  They consider future demand requirements across the world 
and in North America.  Additionally, future resources are considered in the context of 
developing technology and sources including LNG and oil shale both in North American and 
emerging global supply.

3.2.1 Coal Price Forecast

The Ventyx coal price forecast is derived from a proprietary modeling methodology that, for 
each coal-fired power-plant and boiler, finds the set of coals and transportation modes which 
most efficiently: satisfy electricity demand; meet requirements for BTU, Ash, SO2, etc.; use 
existing long-term contract coal first; use spot coal as needed (to meet above requirements); 
take into account transport/trans-loader capacities; and internalize the cost of coal, 
transportation, and emissions allowance for SO2, NOx, and Hg.

Coal price forecasting includes fundamental North American coal supply and demand as well 
as global supply effects of imports.  The prices are historical through March 2008.   
Subsequent prices are forecasted annually through 2016.    

Coal generation provides the largest amount of generation during the study years.  The 
annual average coal prices for the member companies ranges from $1.42/MMBtu in 2009 up 
to $1.65/MMBtu in 2016.  The average annual increases in coal prices are approximately 
2.2%.  Individual site forecasts range price from $0.99/MMBtu to $2.31/MMBtu in 2009 and 
increase to $1.19/MMBtu and $2.41/MMBtu respectively in 2016. 

3.2.2 Natural Gas Price Forecast

The Ventyx North American natural gas price forecast is comprised of short-term market 
prices and a long-term price forecast.  Ventyx utilizes the near-term NYMEX prices into 
their forecast of the fundamental commodity price at Henry Hub.  
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Ventyx has its own gas price forecasting group devoted exclusively to the development of 
long-term price forecasts for natural gas based on fundamental modeling of North American 
gas supply and demand, as well as emerging global supply effects from growing LNG 
markets and international competition.  This forecasting group incorporates economic theory 
of supply and demand and other market factors into a fundamental forecasting model.  They 
consider future demand requirements across the world and in North America.  Additionally, 
future resources are considered in the context of developing technology and sources 
including LNG and oil shale both in North American and emerging global supply.

The long-term natural gas supply forecast is developed using the GPCM® Natural Gas 
Market Forecasting System by RBAC, Inc.  Ventyx develops a forecast of natural gas 
demand by state and by sector, i.e. residential, commercial, industrial, and electric.  Electric 
generator demand is based on the Ventyx Reference Case®.

Currently, LNG is seen as a price taker (i.e. not marginal) and thus LNG cannot flood the 
market.  Gas prices are forecasted to decline in 2013 due to increases in unconventional gas 
production including shale.  Then gas prices will increase sharply in 2016 due to a high 
volume of electric sector usage from new gas-fired generators.  Ventyx does not foresee 
increased gas production from Alaska until the 2018 – 2020 timeframe. Figures 3-2 and 3-3 
display the forecast of natural gas prices.

Figure 3-2 Annual Average Henry Hub Natural Gas Price Forecast ($/MMBtu)
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Figure 3-3 SPP Natural Gas Prices - Monthly Price Pattern

Ratio of Month Price to Annual Average Price

0.8

0.9

1

1.1

1.2

1.3

Jan Feb Mar Apr May Jun Jul Aug Sep Oct Nov Dec

3.2.3 Oil Price Forecast

Ventyx utilizes a proprietary fundamental world oil forecasting model.  The model forecasts: 
reserves, deliverability, supply cost, supply cushion, technology/reserve appreciation, and 
regional demand.  The model tracks supply, production, reserves, and costs at twenty-four 
major oil producing countries/regions that are reviewed by Energy Velocity staff including a 
PhD Geologist.  The model incorporates OPEC supply cartel behavior. Demand is forecast 
using GDP, prices, and other macro-drivers.

Full-cycle incremental production cost is modeled for twenty-four worldwide production 
regions.  Separate treatment for OPEC and Non-OPEC production is explicitly modeled to 
account for cartel supply withholding that increases prices above competitive levels.  World 
demand is disaggregated into regional demand.

Heavy and light oil prices for all regions were updated as of February 2, 2009.  For this 
study, the heavy and light oil prices (#6 oil and #2 oil respectively) were adjusted monthly to 
be consistent with the study’s assumptions regarding natural gas prices.

3.2.4 Uranium Price Forecast

The annual yellowcake spot market and long-term contract prices were evaluated separately, 
and a weighted-average price was calculated. In the Ventyx Advisors’ Fuels team analysis, a 
seven-year peak price plateau for Uranium appears between 2009 and 2016 at approximately 
$1.0/MMBtu, with the two highest peaks in 2011 and 2013 at $1.15 and $1.17 /MMBtu, 
respectively. This broad price plateau is the result of offset yellowcake price components that 
involve spot prices (2009), contract prices (2013) and the percentage of spot contracts in the 
weighted-average price (2011-2012). During this price plateau period, the weighted-average 
price of yellowcake is the greatest single price component in the fuel cycle.  The second most 
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significant component, the enrichment cost (SWU), is approximately 1.5 times greater than 
the yellowcake price. After 2015, incremental mine production steadily reduces the cost for 
spot yellowcake and therefore the term contract price. 

3.2.5 Emission Allowance Price Forecast

Emission allowance price forecasts are developed using Energy Velocity’s Emissions 
Forecast Model (EFM).  This model projects annual emissions costs for SO2 and NOx
emissions.  The EFM is an economic model that acts as a system planner to achieve the 
lowest system-wide cost of complying with emission regulations.  Inputs to EFM include 
individual generator characteristics and forecast generation, multiple generator 
classifications, emissions caps by year and/or season as applicable, pollution control 
equipment options (FGD, SCR, ACI), pollution control equipment costs and efficiencies, rate 
base cost recovery for some installations, and starting levels of banked allowances.  Outputs 
from EFM are emission costs by year ($/ton), forecast emissions (tons/year, lbs/year), and 
forecast installations (FGD, SCR, ACI). 

SPP Cost Benefit Task Force (CBTF) supplied a forecast for CO2 and mercury (Hg) prices.  
The mercury prices were back-calculated from the average Hg emissions rate and average 
heat rate of SPP generators that emit mercury, such that the average adder to a generator’s 
dispatch rate for Hg would be $0.5/MWh.

Table 3-2 summarizes the forecasts of emission allowance prices.  Although the price in 
dollars per ton for CO2 is the lowest of any of the pollutant allowances, the assumption about 
the CO2 allowance price has the largest impact on the study results, because the tons emitted 
per MWh generated is much higher for CO2 than any other pollutant.  In particular, coal 
plants, which comprise more than half of the existing capacity in the SPP, emit nearly one 
ton of CO2 per MWh generated, so a $10/ton allowance price (or tax) increases the variable 
cost of a coal generator by nearly $10 per MWh.  The table shows that the CO2 price is 
assumed to be zero through 2012, starts at $10/ton in 2013, and increases $1/ton per year 
after that.

Table 3-2 Emission Allowance Prices ($/short-ton)

Pollutant 2009 2010 2011 2012 2013 2014 2015 2016
CAIR Annual NOx 1,377 1,322 1,248 1,219 1,207 1,200 1,156 1,134

CAIR Seasonal NOx* 580 743 952 1,219 1,207 1,200 1,156 1,134

CAIR SO2 - 473 467 460 442 433 416 400

CO2 - - - - 10 11 12 13

Mercury (Hg) - - - 24,621,753 24,621,753 24,621,753 24,621,753 24,621,753

NOx 1,097 1,170 1,244 1,244 1,244 1,244 1,196 1,172

SIP NOx - - - - - - - -

SO2 480 473 467 460 442 433 416 400

*CAIR Seasonal NOx rates apply only May - September months.

Exhibit No. SPP-2 
Page 45 of 105



SPP Cost Benefit Study for Future Market Design 38

3.3 Load Forecasts

The model requires forecasts of loads at each load zone for each of the hours in the study 
period.  These forecasts were developed by combining historical hourly load shape data with 
forecasts of peak and energy.

3.3.1 Historical Hourly Loads

The database contains a synthesized hourly 8760 load shape for each area based on several 
years of historical hourly load data. The purpose of the synthesized load patterns is to 
incorporate diverse weather patterns over time.  Much of this historical data was filed by 
utilities under the FERC 714 filing process beginning in July 2007.   Also, additional hourly 
load data was obtained from several ISO websites or was provided directly by utilities. 
Hourly load data was compared to the FERC 714 load forecasts and to historical peak/energy 
data reported by the utilities. At times, errors and omissions in the 2006 load data were 
discovered. To resolve these issues, Ventyx analysts contacted a wide variety of 
organizations. The synthesized hourly load shapes are based on 2001 – 2006 historical actual 
loads by company.  

In addition, to make it possible to simulate historical loads, the 2006 historical peak/energy 
values for Power Customers (Utilities and/or Zonal Loads) are included in the database. 
These values were often calculated directly from the hourly load data, but other sources were 
used where the load shape is only a “proxy” for a given Power Customer. 

3.3.2 Peak Demand and Energy Forecasts

Load forecasts for all SPP power customers are based on the SPP 2007 EIA-411.  West 
Plains Energy Kansas is reflected as becoming the Kansas Electric Network and a part of the 
Sunflower Electric control area.  

Utility/Zonal load forecasts for the various Regions/Sub-regions of the NERC database are 
updated periodically (once or twice per year) depending on the availability of publicly 
available forecasts. The database reflects the most recent 2007 load forecasts that were not 
already captured in previous releases and that were available prior to the start of the Fall 
2007 Reference Case process. Most of the associated 10-year load forecasts that are part of 
the 2006 FERC 714 filings were produced by individual utilities in the March-June 2007 
timeframe. So, the “2006” FERC 714 load forecasts were the most recent available as of 
September 2007. Most of the publicly filed load forecasts are for 10-years only; although, a 
few are for more. 

Peak Demand and Energy forecasts for utilities in SPP were updated based on the SPP 2007 
EIA-411 report.  Ventyx worked with several utilities to update the load forecasts to be 
consistent with historical loads and growth trends.

West Plains Energy Kansas was changed to Mid-Kansas Electric Network on April 1, 2007. 
The Aquila subsidiary West Plains Energy Kansas was purchased by the Mid-Kansas Electric 
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Company, which itself is owned by distribution cooperatives who also own and manage the 
Sunflower Electric Power Corporation (http://www.midkansaselectric.net/). The former West 
Plains Energy Kansas company/territory is now referred to as the Mid-Kansas Electric 
Network. In addition, rather than being its own control area (Balancing Authority), the Mid-
Kansas Electric Network is now part of the Sunflower Electric (SECI) BA. This is reflected 
in the “Detailed” Topology in the database. At this time the Kansas Electric Network still has 
its own individual load forecast in the database, consistent with the SPP 2007 EIA-411 filing. 

Table 3-3 summarizes the forecast of annual energy requirements for SPP and the nearby 
region.  Table 3-4 provides a similar summary of the peak demand forecast.  Between 2009 
and 2016, the SPP energy requirement is forecast to grow 1.8% per year, and the peak 
demand is forecast to grow 1.6% per year.

Table 3-3 Annual Energy Forecast (GWh)

2009 2010 2011 2012 2013 2014 2015 2016
Midwest ISO 604,870 613,381 621,581 630,605 639,242 648,297 657,954 666,456
MRO 87,722 98,232 99,507 100,569 101,493 102,443 103,558 104,484
PJM Interconnect 332,073 336,406 341,367 345,702 350,507 354,972 359,639 364,287
Southeast 413,817 418,091 420,765 425,547 431,353 438,720 446,228 452,637
Southwest Power Pool 206,082 209,560 213,599 217,501 220,976 225,630 229,797 233,671

Table 3-4 Annual Coincident Peak Forecast (MW)

2009 2010 2011 2012 2013 2014 2015 2016
Midwest ISO 117,464 119,235 120,845 122,693 124,429 126,360 128,242 129,854
MRO 15,387 15,592 15,802 16,043 16,008 16,325 16,484 16,648
PJM Interconnect 62,317 63,104 64,013 64,786 65,711 66,573 67,434 68,268
Southeast 76,775 78,293 79,561 81,220 82,994 84,789 86,224 87,453
Southwest Power Pool 41,467 42,195 42,912 43,885 44,142 45,115 45,877 46,649

Table 3-5 and Table 3-6 provide similar information for the individual utilities that comprise 
the SPP.  

Table 3-7 summarizes the 2009 monthly energy requirements for each utility.  These monthly 
load patterns were used to develop monthly energy forecasts for each of the years 2010 -
2016.
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Table 3-5 SPP Utilities Annual Peak Forecast (MW)

Company 2009 2010 2011 2012 2013 2014 2015 2016
AECC  874  890  905  921  937  953  969  984 

CSWS (AEPW) 7,512 7,642 7,771 7,889 8,010 8,133 8,259 8,385 

EDE 1,179 1,205 1,232 1,259 1,286 1,316 1,346 1,375 

GRDA 1,009 1,029 1,050 1,071 1,092 1,114 1,136 1,156 

GMOC 1,991 2,031 2,070 2,107 2,150 2,383 2,455 2,504 

GSEC  942  959  976  993 1,011 1,028 1,046 1,065 

KACY  559  563  567  571  575  579  583  587 

KCPL 3,850 3,920 4,015 4,074 4,130 4,182 4,230 4,295 

KEPCO  187  189  190  192  193  195  196  198 

KPP  135  136  138  140  142  143  144  146 

LES  801  814  825  839  853  864  878  887 

MIDW  318  320  322  324  325  326  328  330 

NPPD 2,385 2,435 2,486 2,538 2,591 2,645 2,701 2,757 

OGE 6,243 6,358 6,445 6,549 6,643 6,776 6,926 7,056 

OMPA load in OGE BA  458  462  466  471  474  479  483  488 

OMPA load in AEPW BA  145  147  148  149  151  152  153  155 

OMPA load in WFEC BA 34 34 35 35 35 35 36 36 

OPPD 2,318 2,346 2,382 2,411 2,447 2,481 2,514 2,548 

SECI  447  452  457  462  468  473  478 483 

SPS 4,058 4,129 4,202 4,276 4,351 4,428 4,506 4,585 

WFEC 1,354 1,379 1,402 1,422 1,442 1,461 1,480 1,496 

WEPLKS  495  500  504  508  512  516  520  524 

WRI 5,042 5,102 5,169 5,265 5,317 5,371 5,425 5,485 
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Table 3-6 SPP Utilities Annual Energy Requirement (GWh)

Company 2009 2010 2011 2012 2013 2014 2015 2016
AECC   3,818   3,884   3,956   4,033   4,096   4,167   4,240   4,305 

CSWS (AEPW)  37,029  37,738  38,476  39,268  39,872  40,583  41,303  41,937 

EDE   5,622   5,719   5,874   6,009   6,147   6,288   6,445   6,582 

GRDA   4,568   4,653   4,746   4,841   4,938   5,037   5,138   5,231 

GMOC   7,832   7,916   7,947   8,000   8,038   8,877   9,086   9,329 

GSEC   5,452   5,554   5,662   5,771   5,882   5,996   6,111   6,217 

KACY   2,761   2,780   2,802   2,821   2,844   2,865   2,885   2,904 

KCPL  17,153  17,427  17,987  18,327  18,653  18,969  19,277  19,572 

KEPCO   970 978 986 995 1,003 1,013 1,024 1,033

KPP   646 648 659 669 676 684 693 701

LES   3,716   3,802   3,887   3,975   4,040   4,097   4,149   4,216 

MIDW   1,894 1,472 1,485 1,493 1,496 1,500 1,513 1,521

NPPD  12,955  13,311 13,685  14,069  14,464  14,870  15,288  15,717 

OGE  29,811  30,374  30,835  31,380  31,881  32,582  33,378  34,002 

OMPA load in OGE BA   1,767   1,787   1,810   1,831   1,853   1,875   1,896   1,917 

OMPA load in AEPW BA   561   567   574   581   588   595   602   608 

OMPA load in WFEC BA   131   132   134   136   137   139   141   142 

OPPD  10,692  10,829  11,005  11,153  11,328  11,498  11,663  11,821 

SECI   2,414   2,442   2,469   2,497   2,525   2,554   2,583   2,609 

SPS  23,522  23,962  24,425  24,896  25,377  25,867  26,366  26,825 

WFEC   6,976   7,077   7,182   7,276   7,365   7,455   7,543   7,625 

WEPLKS   2,568   2,591   2,613   2,637   2,658   2,684   2,713   2,737

WRI  23,875  23,915  24,400  24,818  25,113  25,435  25,760  26,119 
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Table 3-7 SPP Utilities 2010 Monthly Energy Forecast (GWh)

Company Jan Feb Mar Apr May Jun Jul Aug Sep Oct Nov Dec
AECC 312 269 280 271 321 359 413 428 346 293 278 314

CSWS (AEPW) 3,029 2,617 2,724 2,635 3,115 3,486 4,014 4,155 3,363 2,850 2,703 3,048

EMDE 523 448 448 388 422 485 573 588 472 417 434 519

GRDA 397 343 341 314 357 412 495 501 403 344 344 402

GMOC 685 591 601 533 590 707 853 848 665 571 586 686

GSEC 430 387 427 434 478 513 597 566 465 432 424 400

KACY 230 203 215 199 218 247 286 290 240 214 211 228

KCPL 1,447 1,253 1,302 1,200 1,345 1,586 1,907 1,886 1,497 1,282 1,278 1,445

KEPCO 77 69 73 70 78 88 107 103 86 76 73 79

KPP 51 46 48 45 51 59 71 71 57 49 47 53

LES 320 285 298 271 294 337 398 389 316 293 283 317

MIDW 113 101 107 101 114 135 167 164 131 116 108 116

NPPD 1,214 1,097 939 884 911 1,078 1,596 1,419 989 981 1,018 1,184

OGE 2,442 2,151 2,232 2,103 2,455 2,763 3,250 3,334 2,711 2,275 2,198 2,461

OMPA load in OGE BA 128 114 118 115 145 176 219 223 171 128 118 132

OMPA load in AEPW BA 40 36 37 36 46 55 69 71 54 40 37 42

OMPA load in WFEC 10 8 9 9 11 13 16 17 13 9 9 10

OPPD 908 837 772 742 870 987 1,165 1,170 880 823 781 895

SUNC 191 173 191 181 198 216 255 246 208 196 190 196

SWPS 1,857 1,669 1,844 1,871 2,062 2,215 2,575 2,442 2,006 1,866 1,830 1,726

WEFA 620 533 533 472 540 613 740 741 602 516 525 641

WEPLKS 204 183 193 185 206 232 283 273 227 202 194 209

WRI 1,900 1,693 1,761 1,679 1,878 2,173 2,607 2,626 2,093 1,812 1,747 1,946

3.4 Transmission Grid Modeling
The transmission models used were the summer peak models for each year of the study 
including facility changes consistent with those of the 2008 Q2 SPP Transmission Expansion 
Plan, and the 2008 Nebraska and GMOC Transmission Expansion Plans.  These models were 
provided by the SPP Engineering department for use by Ventyx.  For simplification, any 
facility changes in place for the summer peak model were also assumed in place at the 
beginning of the year.

3.5 Other Assumptions
The model also required several other data inputs.  These are summarized below.

3.5.1 Spinning and Regulating Reserve Requirements

The SPP Reserve Sharing Group total operating reserve requirement (Spin + NonSpin) is 
calculated as the largest contingency within the group plus 50% of the second largest 
contingency. The spinning reserve requirement must be at least half of the total operating 
reserve, and each member system of the reserve sharing group is required to maintain their 
“load-weighted” share of the reserve requirements. For the Study Topology, we used the 
spinning reserve requirement by Balancing Authority shown in Table 3-8 below.   
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Additionally, the Balancing Authority spinning reserve requirements were augmented by 1% 
of the monthly forecasted peak demand, to model up-regulation.  For Change Case II, i.e. the 
Day-Ahead Market with ASM, the BA reserve requirements were aggregated into the single 
SPP-wide reserve requirement.

Table 3-8 Allocation of Reserve Requirements to Balancing Authorities

Balancing 
Authority

Spinning 
Reserve 

Requirement 
(MW)

AEPW_BA 118
EDE 15
GMOC 21
GRDA 17
KACY 7
KCPL 54
LES 9*
NPPD 42
OGE_BA 88
OPPD 29
SECI_BA 10
SPS_BA 75
WFEC 20
WRI_BA 90

*LES requirement covered by long-term contract with WAPA.

3.5.2 Escalation Assumptions

O&M costs and emergency energy cost were escalated at three percent per year.

3.5.3 Demand Response Assumptions  

Modeling of demand response is incorporated for the future market study period (2009-
2016).   A strike price of $150 was applied to the demand response participants.  A more 
detailed description of the Demand Response program model development has been included 
in Appendix B.

3.5.4 Discount Rates

The implementation costs, operational benefits and net benefits have been presented in 2008 
dollars based on two discount rates, one representing entities which would incur a tax impact, 
and a second discount rate to represent entities with no tax obligation.  Table 3-9 below 
describes a derived rate of return for the general electric utility industry based on the 
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assumptions outlined.  The cost of debt is based on the $1.95 billion in electric utility debt 
issued in the month of October 2008.  Most of the investments required to be made to 
achieve the revenue in the report will likely be financed by debt, an 80%/20% blend was 
used here.  This ratio is based on data in an October 2008 Moody’s report on investor-owned 
electric utilities.

Table 3-9 Rate of Return

Assumptions Assumptions

% of marginal dollars financed by 
debt 80%

% of marginal dollars financed by 
debt 80%

Cost of equity is based on the 
electric utility industry's average 
Return on Equity for 2007.

Cost of equity is based on the 
electric utility industry's average 
Return on Equity for 2007.

Cost of debt is based on BBB rated 
debt offerings from the electric utility 
from 10/1/2008 through 1/8/2009.

Cost of debt is based on BBB rated 
debt offerings from the electric utility 
from 10/1/2008 through 1/8/2009.

Average maturity of debt is 8 years. Average maturity of debt is 8 years.

Estimated cost of equity 11.50% Estimated cost of equity 11.50%
x financing 
factor 20%

x financing 
factor 20%

Weighted average cost of equity 2.30% Weighted average cost of equity 2.30%

Estimated cost of debt 7.50% Estimated cost of debt 7.50%
Corporate tax rate 0% Effective corporate tax rate 40%

x financing 
factor 80%

x financing 
factor 80%

Weighted average cost of debt 6.00% Weighted average cost of debt 3.60%

Total current rate of return 8.30% Total current rate of return 5.90%

Rounded 8.30% Rounded 5.90%
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4 Findings 

This chapter summarizes the primary results of the study.  The chapter focuses on the 
estimates of benefits and costs developed using the methodology discussed in Chapter 2.  
Section 4.1 presents the benefits and costs at the aggregate level, i.e., for the entirety of SPP.  
Section 4.2 provides benefit and cost estimates at various levels of disaggregation, such as by 
state.  Change Case IV, a Simplified Day-Ahead Market, is discussed in section 4.3.  Other 
results not directly associated with benefits and costs, such as locational marginal prices and 
the allocation of ancillary services across balancing authorities, are summarized in Section 
4.4., and the potential effects of higher-than-expected wind penetration on the benefit 
estimates are discussed in Section 4.5.

4.1 Aggregate Benefits and Costs

At the SPP level, the estimated net benefits for each change case in each year are equal to 1) 
the estimated gross benefits for the change case / year, which are equal in turn to the 
difference in estimated adjusted production costs between the base case and the change case 
in question; minus 2) estimated implementation and on-going costs of the change case, which 
include costs borne by both SPP and market participants.  Gross benefit estimates are 
discussed in sub-section 4.1.1, cost estimates in sub-section 4.1.2, and net benefit estimates 
in sub-section 4.1.3.

4.1.1 Gross Benefits

Figure 4-1 displays the estimated annual adjusted production costs for each year and case 
(base as well as Change Cases I, IIA, and III)4.  As discussed in Chapter 2, estimated 
production costs for a year / case are equal to estimated total fuel and variable O&M costs 
(including start costs) incurred by SPP market participants.  Estimated adjusted production 
costs are estimated production costs plus the estimated purchase costs of imports from 
entities outside SPP less the estimated revenues earned from exports to entities outside SPP.  
The figure displays two important phenomena: 

 As one would expect, the differences in estimated adjusted production costs between 
any two cases (e.g., between the Base Case and Change Case I, which represents the 
Change Case I gross benefits) are relatively small compared to the level of estimated 
base case costs.

 Estimated adjusted production costs increase dramatically in all cases between 2012 
and 2013 due to the assumed imposition of a carbon emission cap-and-trade system 
(or carbon tax) in 2013, with an assumed allowance price (or tax) of $10 / ton in 
2013.  Additional increases after 2013 are, in turn, due primarily to the combination 

                                               
4 Estimated adjusted production costs for Change Cases IIB and IIC are not displayed, because IIB is the same 
as I in 2009-2010 and IIA in 2011-2016, and IIC is the same as III in 2009-2010 and IIA in 2011-2016.
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of load growth and the assumption that no additional generating resources are added 
during the study period, which causes the capacity factors of inefficient generators to 
increase over time.  The assumed annual increase in the carbon allowance price of 
$1/ton after 2013 also contributes to the estimated post-2013 production cost 
increases.

Figure 4-1 Annual Adjusted Production Costs (Million $)
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Table 4-1 summarizes the estimated annual SPP-level gross benefits for each of Change 
Cases I, IIA, IIB, IIC, and III5.  During the 2011 – 2016 period (the period for which gross 
benefits for all three change cases were calculated), estimated gross benefits in Change Case 
I average approximately $85 million per year, while the Change Case IIA estimated gross 

                                               
5 This study was begun in early 2008, at a point in time when it seemed feasible to start either the Day-Ahead 
Market (Change Case I) or the Ancillary Service Market (Change Case III) in January 2009; but not feasible to 
start the combined Day-Ahead and Ancillary Services Market (Change Case IIA) until January 2011.  All of the 
analysis was performed consistent with these assumptions, and the analytic results summarized in this report are 
presented in a manner consistent with these assumptions.  However, due to the time required to complete the 
study, it is no longer feasible to start either the Day-Ahead Market or the Ancillary Service Market in January 
2009.  Moreover, subsequent investigation (outside of this study) indicates that it might not be feasible to start 
either the Day-Ahead  Market or the Ancillary Services Market earlier than the combined Day-Ahead and 
Ancillary Services Market.  
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benefits average approximately $150 million per year and the estimated annual Change Case 
III gross benefits average approximately $105 million per year.  

It is important to note that the estimated gross benefits associated with implementing both the 
day-ahead market and the ancillary services market (Change Case IIA) are less than the sum 
of the estimated benefits for implementing just one of the two markets (Change Cases I and 
III).  The reason for this is as follows:  

 It is expected that the estimated gross benefits of Change Case IIA would be less than 
or equal to the sum of the estimated gross benefits of Change Cases I and III, because 
the estimated gross benefits for each of those Change Cases reflects a separate 
“optimization” of gross benefits with respect to Day-Ahead Commitment (I) and 
Ancillary Services (III).

 The market changes addressed in Change Case IIA create estimated benefits that are 
less than the sum of the benefits of Change Cases I and III because the objectives that 
are considered in the separate optimization problems in Change Cases I and III, but 
jointly in Change Case IIA are occasionally in conflict, i.e., one commitment and 
dispatch leads to the least-cost solution for Change Case I, and a different 
commitment and dispatch leads to the least-cost solution for Change Case III.

Several time patterns of estimated annual gross benefits are also important to note, in 
particular:

 The estimated Change Case I gross benefits are substantially larger than those for 
Change Case III in 2009, despite being similar in most of the other years, apparently 
due to a combination of low wind generation (relative to load), very low gas prices, 
and transmission upgrades that take place beginning in 2010.    

 The estimated Change Case I gross benefits increase significantly between 2011 and 
2012 while those for the other Change Cases decrease, apparently due to the effect of 
the additional 600-MW coal-fired unit in CSWS (AEPW).  The effects of this 
addition on estimated Change Case I gross benefits are reduced in later years due to 
the assumed imposition of the carbon cap-and-trade program.  The addition affects 
estimated Change Case I gross benefits more than those of the other Change Cases 
because it has little impact on the provision of ancillary services.

 The estimated Change Case II gross benefits are lower in each of the years 2013 –
2016 than in 2011 and 2012, despite rising fuel prices and inflation, because the 
imposition of carbon emission cap-and-trade system (or carbon taxes) in 2013 
reduces the savings associated with the switch toward coal-fired generation that is 
attributable to a more efficient commitment and dispatch.  This is also true for 
Change Cases I and III in 2013, the last year for which gross benefits were estimated 
via simulation for these two Change Cases (i.e., gross benefits for the years 2014-
2016 for these two Change Cases were estimated using extrapolation).
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The bottom three rows of Table 4-1 report the total undiscounted estimated gross benefits in 
each change case, as well as the net present value6 of estimated gross benefits at discount 
rates of 5.9% and 8.3%.  As would be expected from the preceding discussion, the 
undiscounted and discounted total gross benefit estimates are higher for Change Cases IIA, 
IIB, and IIC then for Change Cases I or III; those for IIB (IIC) and are higher than IIA 
because IIB (IIC) includes the Day-Ahead Market (Ancillary Services Market) in 2009 and 
2010, while IIA assumes the new market does not begin until 2011.  

Table 4-1 Gross Benefits (Million $)

I IIA IIB IIC III
2009 101 101 34 34
2010 60 60 52 52
2011 94 171 171 171 92
2012 124 160 160 160 109
2013 75 132 132 132 93
2014 75 136 136 136 98
2015 70 137 137 137 109
2016 79 153 153 153 119
Total 679 889 1,050 975 706

NPV @ 5.9% 518 637 781 713 515
NPV @ 8.3% 469 560 699 633 457

The gross benefit estimates displayed in Table 4-1 are the result of a more efficient 
commitment and dispatch in each of the change cases than in the base case.  These efficiency 
improvements are summarized in Figure 4-2, Figure 4-3, Figure 4-4, and Figure 4-5, which 
display the estimated annual changes (relative to the base case) in estimated generation for 
four major generator types7.  In all Change Cases, coal-fired generation increases due to more 
efficient market operation.  For Change Cases I and IIA, energy produced from expensive 
gas-fired steam and combustion turbines is lower than in the base case; replaced by energy 
produced from less expensive coal-fired steam turbine units.  However, in Change Case III, 
the decision of which generators will supply AS reserves is influenced by the commitment 
decisions made at the balancing authority level.  Given those commitment choices, it is more 
efficient on some days to operate combustion turbines for a few hours than to start a 
combined cycle to operate all day.  Thus, CT generation increases somewhat in Change Case 
III.   Figure 4-6 displays the net remaining supply from generators (including nuclear and 
hydro) and imports from entities outside SPP, less exports to entities outside SPP, to supply 
the SPP market demand.

                                               
6 All net present values in this report have a base date of January 1, 2008.
7 Note that 1) the vertical scales are not the same across the five figures; and 2) results for Change Cases I and 
III are not shown for 2014 – 2016 in these figures, because Ventyx did not simulate these years for these 
Change Cases, but estimated the gross benefits through extrapolation, as discussed in Chapter 2.
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Figure 4-2 Combined Cycle Annual Generation, By Case (GWh)
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Figure 4-3 Combustion Turbine Annual Generation, By Case (GWh)
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Figure 4-4 Steam Coal Annual Generation, By Case (GWh)

140,000

145,000

150,000

155,000

160,000

165,000

170,000

2009 2010 2011 2012 2013 2014 2015 2016

Base
Change I
Change II
Change III

Figure 4-5 Steam Gas Generation, By Case (GWh)
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Figure 4-6 SPP Net Remaining Supply by Case (GWh)

26,000

28,000

30,000

32,000
34,000

36,000

38,000

40,000
42,000

44,000
46,000

2009 2010 2011 2012 2013 2014 2015 2016

Base
Change I
Change II
Change III

4.1.2 Implementation Costs

Figure 4-7 summarizes the estimated capital expenditures that SPP would incur in each 
change case and year.  Detailed descriptions of these expenditures are provided in Appendix 
C.  Total (undiscounted) estimated capital expenditures are approximately $24 million in 
Change Case I, $44 million in all of the variations of Change Case II, and $12 million in 
Change Case III.

Figure 4-8 summarizes the estimated annual operating costs that SPP would incur in each 
Change Case and year.  These cost estimates include depreciation of the capital expenditures 
described in Figure 4-7.  Again, detailed descriptions of these are provided in the Appendix 
C.  Total (undiscounted) estimated operating costs over the 2008 – 2016 period are 
approximately $120 million in Change Case I, vary between $110 million and $130 million 
in the variations of Change Case II, and are approximately $60 million in Change Case III.
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Figure 4-7 SPP Implementation Capital Expenditures (Million $)
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Figure 4-8 SPP Implementation Annual Operating Costs (Million $)
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For the purpose of cost benefit analysis, the costs incurred by market participants must also 
be taken into account, not just the costs incurred by SPP directly.  For this purpose, each 
market participant was assigned to one of four categories: Large / Complex, Large / Simple, 
Small / Complex, and Small / Simple. See Appendix D for Market Participant’s categories.  
Estimates of capital expenditures and annual operating costs were developed for each of the 
four categories for each of the Change Cases.  Table 4-2 summarizes these estimates.  
Detailed descriptions of these expenditures and costs are provided in the Appendix D. 

Table 4-3 summarizes the total estimated annual implementation costs for each of the 
Change Cases.  The estimates presented in the table include costs incurred by SPP and the 
market participants. For SPP, the annual costs include operating costs plus the depreciation 
of capital expenditures (i.e., consistent with Figure 4-7).  For the market participants, the 
annual cost estimates include estimated capital expenditures, which were assumed to be 
incurred the year prior to the market change (e.g., in 2008 for Changes Cases I and III, which 
are assumed throughout this study to begin in 2009); plus estimated annual operating costs.  

Table 4-2 Market Participant Implementation Costs (Thousand $/Participant) 

Change Case
I II III IV

Capital Costs (One time)
Complex

Large 2800 2950 2300 2800
Small 1600 1700 1050 1600
Simple

Large 1700 1775 1550 1700
Small 300 350 200 300

Annual Operating Costs
Complex

Large 1100 1250 700 1100
Small 600 700 350 600
Simple

Large 600 675 450 600
Small 250 300 150 250
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Table 4-3 Annual SPP and Market Participant Implementation Costs (Million $)

Case I Case II A Case II B Case II C Case III
2008 36 0 37 34 26 
2009 24 2 24 11 9 
2010 27 36 28 14 11 
2011 28 32 32 32 12 
2012 30 34 34 34 12 
2013 31 36 36 36 13 
2014 33 37 37 37 14 
2015 34 39 39 39 14 
2016 36 41 41 41 15 

Total 278 258 308 278 128 
NPV @ 5.9% 215 188 237 210 101 
NPV @ 8.3% 196 167 215 190 93 

4.1.3 Net Benefits

Tables 4-4 through 4-6 display the estimated annual gross benefits, costs, and net benefits for 
each of the three market options.  The bottom three rows of each table display the total 
(undiscounted) sum of the three variables, as well as net present values at discount rates of 
5.9% and 8.3%. 

The tables can be summarized as follows:

 Total undiscounted and discounted estimated gross benefits greatly exceed costs for 
all Change Cases, including all three variations of Change Case II, i.e., total estimated 
net benefits are positive.  

 Between the Change Cases, IIB has higher estimated net benefits, followed by IIC 
and IIA.  The reason for this is that IIA does not start yielding net benefits until 2011, 
while IIB and IIA begin generating positive net benefits in 2009.  In other words, 
selecting IIA instead of IIB or IIC “leaves money on the table” during 2009 and 
20108.

 The estimates of gross benefits are sensitive to a number of assumptions that were 
made during the study (and are discussed in Chapter 3).  In particular, estimated 
annual gross benefits for each Change Case would likely be reduced by an 
assumption of lower natural gas prices, higher coal prices, or higher carbon allowance 
prices, because the benefit of displacing natural gas-fired generation (especially from 

                                               
8 Note that this is only relevant if it is feasible to implement Change Case I/IIB or Change Case III/IIC earlier 
than Change Case IIA can be implemented.  The analysis summarized in this report is based on this assumption, 
based on what SPP and Ventyx believed at the time the study began.  As indicated in footnote 4 above, 
investigation performed outside of this study since the study was begun suggests that it may not be feasible to 
start Change Cases I/IIB or III/IIC earlier than Change Case II. 
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steam units) with coal-fired generation would decrease.  However, in all Change 
Cases, gross benefits are more than 225% of the costs.  As a result, if actual costs 
turned out to be 40% higher than estimated here, and actual gross benefits turned out 
to be 40% lower than estimated here, actual net benefits would still be positive for 
these all Change Cases.  Alternatively, if actual costs equaled estimated costs, gross 
benefits could be 60% less than estimated here and net benefits would still be positive 
for all Change Cases.

 Once each market structure begins operation (i.e., 2009 for Change Cases I, IIB, IIC, 
and III, 2011 for Change Case IIA), the estimated annual gross benefits are at least 
twice as large as the estimated annual costs, so that estimated annual net benefits are 
consistently positive.  Thus, there is nothing to be gained by trying to “time” the start 
of a new market to occur in a year during which “attractive” conditions (i.e., those 
producing higher gross benefits) might occur (e.g., to potentially coincide with higher 
natural gas prices). 

Table 4-4 Change Case I Gross Benefits, Costs, and Net Benefits (Million $)

Costs Gross 
Benefits

Net 
Benefits

2008 36 0 (36)
2009 24 101 78 
2010 27 60 33 
2011 28 94 66 
2012 30 124 95 
2013 31 75 44 
2014 33 75 43 
2015 34 70 36 
2016 36 79 43 

Total 278 679 400 
NPV @ 5.9% 215 518 303 
NPV @ 8.3% 196 469 273 

Exhibit No. SPP-2 
Page 63 of 105



SPP Cost Benefit Study for Future Market Design 56

Table 4-5 Change Case II Gross Benefits, Costs, and Net Benefits (Million $)

Case II A Case II B Case II C

Costs Gross 
Benefits

Net 
Benefits Costs Gross 

Benefits
Net 

Benefits Costs Gross 
Benefits

Net 
Benefits

2008 0 0 0 37 0 (37) 34 0 (34)
2009 2 0 (2) 24 101 77 11 34 23 
2010 36 0 (36) 28 60 32 14 52 38 
2011 32 171 139 32 171 139 32 171 139 
2012 34 160 126 34 160 126 34 160 126 
2013 36 132 97 36 132 97 36 132 97 
2014 37 136 99 37 136 99 37 136 99 
2015 39 137 98 39 137 98 39 137 98 
2016 41 153 112 41 153 112 41 153 112 

Total 258 889 632 308 1,050 742 278 975 697 
NPV @ 5.9% 188 637 448 237 781 544 210 713 503 
NPV @ 8.3% 167 560 393 215 699 484 190 633 443 

Table 4-6 Change Case III Gross Benefits, Costs, and Net Benefits (Million $)

Costs Gross 
Benefits

Net 
Benefits

2008 26 0 (26)
2009 9 34 24 
2010 11 52 41 
2011 12 92 80 
2012 12 109 97 
2013 13 93 80 
2014 14 98 85 
2015 14 109 94 
2016 15 119 103 

Total 128 706 578 
NPV @ 5.9% 101 515 414 
NPV @ 8.3% 93 457 364 

Table 4-7 summarizes the estimated net benefits for the five different Change Cases.  As 
indicated in the preceding discussion, all of the Change Cases have positive net present 
values.  In descending order, the Change Cases are IIB, IIC, IIA, III, and I.
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Table 4-7 Summary of Net Benefits (Million $)

Total NPV @ 
5.9%

NPV 
@ 

8.3%
Case I 400 303 273 
Case II A 632 448 393 
Case II B 742 544 484 
Case II C 697 503 443 
Case III 578 414 364 

4.2 Disaggregated Benefits 

Estimates of state-level gross benefits are discussed in sub-section 4.2.1, balancing authority-
level gross benefits in sub-section 4.2.2, and market participant-level gross benefits in sub-
section 4.2.3. 

The tables presented in sections 4.2.1 – 4.2.3 each include a row labeled “Unallocated 
Congestion.”  As discussed in Chapter 2, in every hour and Change Case (including the Base
Case) estimated adjusted production costs for a sub-SPP entity (e.g., state) equals production 
costs (i.e., fuel and O&M costs) plus the cost of purchases from other states at the state’s 
load-weighted average LMP minus the revenues from sales to other states at the state’s 
generation-weighted average LMP.  In each hour, if the selling state’s generation-weighted 
average LMP is lower than the purchasing state’s load-weighted average LMP, the difference 
reflects congestion, because if the transmission capacity between the two states was infinite, 
the LMPs in the two states would be the same.  As a result of this congestion, the sum of the 
states’ unadjusted production costs (which in the absence of imports from and exports to 
entities outside SPP represents SPP adjusted production costs) is less than the sum of the 
states’ adjusted production costs.  

Between the Base Case and each Change Case, the total value of congestion can increase or 
decrease, depending on whether LMPs or quantities transacted between sub-SPP entities 
change proportionately more.  It was outside the scope of this study to allocate the change in 
congestion between the Base Case and each Change Case to the affected sub-SPP entities, so 
it is reported in the tables as “unallocated.”  Generally, negative “Unallocated Congestion”, 
which indicates a decrease in such congestion between the Base Case and the Change Case in 
question, indicates that LMPs changed more than quantities transacted between the sub-SPP 
entities reported. 

It is important to note that the sum of estimated annual gross benefits across all the market 
participants (reported in section 4.2.3) in a state or in a balancing authority is not necessarily 
equal to the estimated annual gross benefits for the state (reported in section 4.2.1) or the 
estimated annual gross benefits for the balancing authority (reported in section 4.2.2), 
because of purchases and sales between market participants in a state or balancing authority.  
Such intra-state or intra-BA transactions cause the sum (across market participants) of 
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purchases at load-weighted LMPs less the sum of sales at generation-weighted LMPs to be 
different than the state-level (or BA-level) purchases (at load-weighted LMPs) minus the 
state-level (or BA-level) sales (again, at generation-weighted LMPs).  

4.2.1 State-Level Gross Benefits 

Table 4-8 through Table 4-10 display the annual state-level gross benefit estimates for 
Change Cases I, IIA, and III.  Tables 4-8 and 4-10 only provide estimates through 2013; 
state-level results were not extrapolated to 2014 – 2016, as the SPP-level gross benefits were.  
The tables can be summarized as follows:

 With two exceptions discussed below, estimated gross benefits are positive (or 
negative but less than $10 million in absolute value, which Ventyx considers to be 
essentially the same as zero) for all combinations of Change Case, year, and state.

 The exceptions are Kansas in 2013 in Change Case I and New Mexico in 2010 in 
Change Case III.  The specific cause of these particular negative gross benefit 
estimates is not clear.  Generally, negative annual gross benefits would be expected 
for entities (i.e., in this instance, states) with large net sales to the market; the lower 
locational marginal prices associated with a more efficient commitment and dispatch 
would yield lower revenues to such entities that, if large enough in absolute value, 
would offset the reduction in production costs attributable to the efficiency 
improvement.  Negative gross benefits indicate the aggregation of the market 
participants in the state are harmed in the year by the market change considered in the 
Change Case, i.e., the sum of the operating margins earned by market participants in 
the state decrease as a result of the market change9.  

 The distribution of estimated gross benefits across states is fairly, though not exactly, 
consistent across Change Cases and years, especially for Change Cases I and IIA.  
Missouri, Nebraska, and Oklahoma have large positive estimated gross benefits in all 
Change Cases and years.  Texas has large positive estimated gross benefits in Change 
Cases IIA and III in all years; Arkansas has consistently positive and occasionally 
large estimated gross benefits in all Change Cases and all years; and the other three 
states do not display a consistent pattern.  

                                               
9 Furthermore, if an entity (e.g., state, balancing authority, or market participant) does not include IPPs, and the 
entity’s gross margins from sales to the market are credited to its retail customers in the form of lower retail 
rates, then negative estimated annual gross benefits indicates the entity’s retail customers are harmed by the 
market change, i.e., retail rates charged to these customers would increase as a result of the market change.  
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Table 4-8  Change Case I State-Level Gross Benefits (Million $)

2009 2010 2011 2012 2013
Arkansas 5  11 24 19 6 
Kansas 16  8  (1) 19  (10)
Louisiana 3 (0) 3 5 1 
Missouri 25  28 27 49 36 
Nebraska 32  34 32 20 25 
New Mexico 3  3  (2)  (3)  (2)
Oklahoma 28  28 50 66 57 
Texas 3 (5) 7 4  (9)
Subtotal 113  108  140 179 104 
Unallocated Congestion  (12) (48)  (46)  (55)  (29)
Total 101  60 94 124 75 

Table 4-9 Change Case IIA State-Level Gross Benefits (Million $)

2011 2012 2013 2014 2015 2016

Arkansas 26  19 9 11 11 18 
Kansas 11  13  (2) 20 36 28 
Louisiana 1 3 0 8 3 4 
Missouri 55  62 57 45 47 55 
Nebraska 45  32 37 46 38 32 
New Mexico  (3) 4  (3) 1  (5)  (5)
Oklahoma 64  81 70  107 84 108 
Texas 11 5 30 18 50 53 
Subtotal 211  219 197  257 264 294 
Unallocated Congestion  (40) (59)  (65) (121)  (126)  (142)
Total 171  160 132  136 137 153 

Table 4-10 Change Case III State-Level Gross Benefits (Million $)

2009 2010 2011 2012 2013
Arkansas  5  7  4  3  10 
Kansas (6)  0  7  6  (0)
Louisiana (2)  1 (2) (1) 1 
Missouri  8 21  33  36  27 
Nebraska 17 19  15  13  11 
New Mexico (1)  (24) (1)  7  (1)
Oklahoma  5  6  12  7 5 
Texas 12 31  12  17  10 
Subtotal 39 61  81  88  63 
Unallocated Congestion (5) (9)  11  21  30 
Total 34 52  92  109  93 
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The results summarized in Tables 4-8 through 4-10, as well as those for balancing authorities 
and market participants reported in sub-sections 4.2.2 and 4.2.3, were calculated based on the 
assumption that the ancillary service price is $15 / MWh.   As discussed in Chapter 2, the 
gross benefit estimates at the sub-SPP level are somewhat sensitive to this assumed price.  
Table 4-11 displays the effects of alternative assumed AS prices on state-level gross benefit 
estimates for 2012 for Change Case II.  States that are net purchases of ancillary services, 
such as Kansas, experience smaller gross benefits at higher assumed AS prices; states that are 
net sellers of ancillary services, such as Oklahoma, experience higher gross benefits at higher 
assumed AS prices; and states that mostly self-serve ancillary services, such as Missouri, 
show little impact of the AS pricing.  This sensitivity test also reveals the range of the AS 
price impact.  For example, estimated Kansas gross benefits are reduced approximately 70 
percent between the high and low AS prices.

Table 4-11 Change Case IIA 2012 State Gross Benefits – Sensitivity to AS Prices

$5/MWh $15/MWh $25/MWh
Arkansas  18 19 21 
Kansas  20 13 6 
Louisiana  4  3 2 
Missouri  63 62 60 
Nebraska  33 32 32 
New Mexico  0  4 7 
Oklahoma  77 81 85 
Texas  4  5 5 
Subtotal 219 219 219

4.2.2 Balancing Authority-Level Gross Benefits

Table 4-12 through Table 4-14 display estimated balancing authority-level gross benefits for 
Change Cases I, IIA, and III10.  Again, gross benefit estimates were not extrapolated beyond 
2013 for Change Cases I and III.  

The tables display a pattern similar to the state-level tables.  In particular, with one exception 
(SPS_BA in 2014 in Change Case II), the estimated gross benefits are positive (or negative 
but small) for all combinations of Change Case, year, and balancing authority.  Moreover, the 
distribution of estimated gross benefits across balancing authorities is remarkably similar for 
Change Cases I and IIA.  The distribution of estimated gross benefits for Change Case III 
shows little pattern at all.  For Change Cases I and IIA, six balancing authorities have 
consistently large positive estimated annual gross benefits (in alphabetical order): 
AEPW_BA, KCPL, OGE_BA, OPPD, WFEC, and WRI_BA.  In Change Case IIA, EDE, 
                                               
10 The suffix “_BA” is added to the names of balancing authorities that are different in composition than the 
corresponding market participant, e.g., OGE_BA includes the market participant OGE as well as other market 
participants.
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GRDA, and NPPD also display consistently large positive estimated annual gross benefits.  
In Change Case III, only AEPW_BA consistently has large positive estimated annual gross 
benefits.

Table 4-12 Change Case I Balancing Authority-Level Gross Benefits (Million $)

2009 2010 2011 2012 2013

AEPW_BA 11 14 19 47 11
EDE (1) 2 7 14 8
GMOC 3 6 (3) 5 4
GRDA 7 8 14 9 7
KACY 4 3 7 1 (3)
KCPL 28 28 20 29 26
LES (1) (2) (3) (2) (2)
NPPD 6 11 1 6 8
OGE_BA 5 16 26 17 28
OPPD 21 23 20 16 19
SECI_BA 2 2 3 6 5
SPS_BA 8 10 (3) 9 (5)
WFEC 8 11 19 22 21
WRI_BA 10 9 6 29 12
Subtotal 110 142 133 208 139
Unallocated Congestion (9) (82) (39) (84) (64)
Gross Benefit 101 60 94 124 75

Exhibit No. SPP-2 
Page 69 of 105



SPP Cost Benefit Study for Future Market Design 62

Table 4-13 Change Case IIA Balancing Authority-Level Gross Benefits (Million $)

2011 2012 2013 2014 2015 2016

AEPW_BA 39 48 26 32 30 40
EDE 12 13 12 12 14 18
GMOC 9 6 4 2 5 4
GRDA 20 15 10 15 13 18
KACY 6 2 4 2 4 3
KCPL 23 26 30 24 26 24
LES 2 2 4 1 2 3
NPPD 15 11 12 23 17 13
OGE_BA 22 16 26 41 37 57
OPPD 28 20 24 23 22 20
SECI_BA 5 5 9 3 1 (2)
SPS_BA (8) 10 (5) (10) (8) (7)
WFEC 22 21 26 32 29 36
WRI_BA 21 24 16 9 11 6
Subtotal 216 221 196 209 201 232
Unallocated Congestion (45) (62) (64) (73) (64) (79)
Gross Benefit 171 160 132 136 137 153

Table 4-14 Change Case III Balancing Authority-Level Gross Benefits (Million $)

2009 2010 2011 2012 2013

AEPW_BA 8 23 24 25 32
EDE (1) (0) 3 3 1
GMOC 1 2 (2) 0 (1)
GRDA 6 5 8 6 6
KACY (1) (1) 3 (1) (1)
KCPL (1) (0) 3 2 3
LES 3 4 4 5 4
NPPD 7 7 5 3 5
OGE_BA (7) (7) (3) (6) (4)
OPPD 8 8 7 6 3
SECI_BA 0 0 1 2 1
SPS_BA (7) 50 (4) 8 2
WFEC (0) 0 2 2 1
WRI_BA (5) 2 8 11 5
Subtotal 11 92 59 66 57
Unallocated Congestion 23 (40) 33 43 36
Gross Benefit 34 52 92 109 93
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4.2.3 Market Participant-Level Gross Benefits 

Table 4-15 through Table 4-17 display market participant-level gross benefit estimates for 
Change Cases I, IIA, and III.  Again, gross benefit estimates were not extrapolated for 
Change Cases I and III.  

The tables display similar patterns to those shown in the balancing authority-level tables.  In 
particular:

 Except for Wind IPPs (discussed below) and SPS in 2010 in Change Case III, 
estimated annual gross benefits are positive (or negative but small) for all 
combinations of Change Case, year, and market participant.   

 Change Cases I and IIA display a similar distribution of estimated annual gross 
benefits across market participants.  In particular, five participants have consistently 
large positive estimated annual gross benefits in both Change Cases (listed in 
alphabetical order): KCPL, IPPs, OGE, OPPD, and WFEC.  The fact that the IPPs 
have consistently large positive estimated annual gross benefits is worth noting; this 
indicates that the increase in margins due to increased generation in a more efficient 
market outweighs the decrease in margins attributable to a reduction in LMPs in the 
more efficient market.  Wind IPPs have consistently negative (and frequently large, 
i.e., greater than $10 million in absolute value) estimated gross benefits because their 
generation does not increase between the Base Case and each Change Case, but the 
LMPs they are paid go down with a more efficient market.

 In Change Case IIA, four additional market participants have consistently large 
positive estimated annual gross benefits: CSWS (AEPW), EDE, GRDA, and NPPD.

 In Change Case III, CSWS (AEPW) and IPPs have consistently large positive 
estimated annual gross benefits; with the exception of SPS in 2010, all other 
estimated annual gross benefits are less than $10 million in absolute value.
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Table 4-15 Change Case I Market Participant-Level Gross Benefits (Millions $)

2009 2010 2011 2012 2013
AECC 2  4  4  3  1 
CSWS(AEPW) 0  3 13 19  3 
EDE  (1)  2  7 14  8 
GMOC 3  6 (3)  5  4 
GRDA 7  8 14  9  7 
GSEC  (3) (4) (2)  4 (3)
KACY 4  3  7  1 (3)
KCPL 28 28 20 29 26 
KEPCO (0)  0  0  0  0 
KPP 1  2  3  4  4 
LES  (1) (2) (3) (2) (2)
MIDW  (0)  0  1  1  1 
NPPD 6 11  1  6  8 
OGE 11 24 34 25 34 
OMPA  (6) (8) (8) (8) (6)
OPPD 21 23 20 16 19 
SECI 2  2  2  6  5 
SPS 13 18  7 16  7 
WFEC 8 11 19 22 21 
WRI   10  7  3 24  7 
IPPs 21 14 19  7 22 
Wind IPPs  (2) (4) (9)  (11) (9)
Subtotal 120 145 145 188 152 
Unallocated Congestion  (19)  (85)  (51)  (64)  (78)
Total 101 60 94 124 75 
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Table 4-16 Change Case IIA Market Participant-Level Gross Benefits (Million $)

2011 2012 2013 2014 2015 2016

AECC 6 5 5 2 4 8 
CSWS(AEPW)  16  23  10  25  19  30 
EDE  12  13  12  12  14  18 
GMOC 9 6 4 2 5 4 
GRDA  20  15  10  15  13  18 
GSEC  (3) 2  (2)  (0)  (0)  (1)
KACY 6 2 4 2 4 3 
KCPL  23  26  30  24  26  24 
KEPCO 0 0 0 0 0  (0)
KPP 3 4 3 4 5 5 
LES 2 2 4 1 2 3 
MIDW 1 1 1 0  (0)  (1)
NPPD  15  11  12  23  17  13 
OGE  26  20  28  44  40  60 
OMPA  (5)  (4)  (3)  (3)  (3)  (3)
OPPD  28  20  24  23  22  20 
SECI 5 5 9 2 1  (2)
SPS 5  20 6 6 1  15 
WFEC  22  21  26  32  29  36 
WRI    17  20  11 5 7 1 
IPPs  33  28  33  44  53  54 
Wind IPPs (10) (12)  (9) (16)  (8) (20)
Subtotal  226  224  213  246  243  276 
Unallocated Congestion (55) (64) (80) (110) (106) (124)
Total  171  160  132  136  137  153 
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Table 4-17 Change Case III Market Participant-Level Gross Benefits (Million $)

2009 2010 2011 2012 2013

AECC 5 4 6 4 11 
CSWS(AEPW) 8 18 11 12 17 
EDE  (1)  (0) 3 3 1 
GMOC 1 2  (2) 0  (1)
GRDA 6 5 8 6 6 
GSEC  (1) 5  (0) 0  (1)
KACY  (1)  (1) 3  (1)  (1)
KCPL  (1)  (0) 3 2 3 
KEPCO 0 0 0 0 0 
KPP 1 1 0 0 0 
LES 3 4 4 5 4 
MIDW 0 1 0 0 0 
NPPD 7 7 5 3 5 
OGE  (9)  (9)  (6)  (9)  (7)
OMPA 2 2 3 3 3 
OPPD 8 8 7 6 3 
SECI 0 0 1 2 1 
SPS  (6)  (35)  (4) 8 0 
WFEC  (0) 0 2 2 1 
WRI    (5) 1 7 10 4 
IPPs 17 16 22 16 19 
Wind IPPs  (1) 2 0 0 3 
Subtotal 28 25 69 69 62 
Unallocated Congestion 6 28 24 40 31 
Total 34 52 92 109 93 

4.3 Change Case IV – Simplified Day-Ahead Market

A methodology for quantifying benefits under Change Case IV with a simplified Day-Ahead 
Market structure was discussed at length among the members of the MWG and CBTF.  
While the design is conceptually straightforward, there was considerable debate over whether 
the level of participation in this market would be sufficient to realize the potential benefits of 
the DAM and ASM structures.  Several concerns were raised as to the efficiencies, volatility, 
and participation levels under this approach and ultimately, quantification of benefits was 
ruled out due to time constraints and the inability to determine a defendable approach. It was 
decided to provide a qualitative assessment of this market design option to summarize the 
discussion of the Cost Benefit Task Force. 

The perceived benefits from this approach were centered primarily around making only 
minimal changes to processes currently in place for the EIS Market.  Current Scheduling 
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practices would remain in place, eliminating the need for additional software systems and 
staff for FTR or TSR implementation for congestion hedging.  Only internal physical 
generation and load assets, including demand response, would continue to be eligible to bid 
in the Day-Ahead Market.  The primary goal was to bring together generation sellers and 
load serving entities within the consolidated market boundary and allow SPP to both commit 
and dispatch all resources more efficiently.  

Although the elimination of features does simplify the market design and would potentially 
reduce training costs, it likely would not result in significant cost savings in the 
implementation of software systems.  Most systems for commitment and dispatch already 
support complex market features such as price-based schedules and virtual bids/offers as part 
of their core functionality.  The simplified Day-Ahead Market design does reduce costs 
associated with changes to scheduling systems and/or implementation of FTR processes to 
support congestion hedging and may allow for an earlier market implementation date than 
the full Day-Ahead Market design option   

Several concerns were voiced during the discussions of the Simplified Day-Ahead Market, 
which centered around the following factors:

1) No Dispatchable Transactions.
2) No Virtual Offers and Bids
3) Non-firm Transmission Service would still have Transmission Rights
4) Congestion being settled in both Day-Ahead and Real-time

The lack of participation by external parties through the use of dispatchable import 
transactions will likely increase internal SPP unit commitment, raising system costs.  The 
lack of dispatchable export transactions would potentially reduce SPP revenues.  In either 
case the removal of dispatchable transactions from the market design results in higher 
adjusted production cost and reduced benefits.  

The lack of dispatchable transactions, along with no virtual offers and bids, will likely lead to 
over-commitment of SPP resources. This would result in day-ahead prices clearing higher 
than real-time prices.  This could results in more load participating only in the real-time 
market and a drop in demand bids in the day-ahead market.  This in turn could reduce day-
ahead generation and cause day-ahead price to drop back below real time.  This oscillation 
between day-ahead and real-time prices could lead to persistent inefficiencies as the market 
struggles to reach stability.  

Allowing all priority schedules to maintain congestion hedging rights as well as continuing to 
allow schedules with congestion hedging rights to be submitted after settlement of the DAM 
reduces price certainty.  Allowing Firm Schedules with full rights after the Day-Ahead 
Market has been settled may lead to the curtailment of scheduled Load that has cleared in 
Day-Ahead Market.  This increases the risk for load and could reduce bid prices further in 
the Day-Ahead Market, again leading to fewer offers and further instability.
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Allowing Non-Firm schedules to maintain congestion hedging rights also continues to put 
significant emphasis on ATC/AFC calculations and potential for parties making unnecessary 
reservations in order to maintain service options when trying to find buyers.  If Non-firm 
energy is allowed to be traded within the market freely without reservations, then the use of 
OASIS and calculation of ATC for internal paths can potentially be eliminated, streamlining 
both internal SPP operations and that of Market Participants.

4.4 Other Factors

4.4.1 Locational Marginal Prices

Changes in Locational Marginal Prices due to the market designs are a minor factor in the 
SPP-wide gross benefits.  SPP exports and imports from external markets are priced hourly at 
the generation-weighted SPP-wide hub price and the load-weighted SPP-wide hub price, 
respectively.  Thus, SPP gross benefits reflect both changes in the pricing of SPP interchange 
as well as the volume of SPP exports and imports due to the relative market design.  Since 
SPP external purchases and sales are very small compared to total SPP generation, the impact 
of external interchange comprises ranged between 5 and 8% of the SPP-wide gross benefits.

LMPs are a much greater factor in the gross benefits for sub-SPP entities (e.g., states), since 
adjusted production cost contain changes in levels and pricing of exports and imports both 
internal to SPP and external to SPP.  Thus, exports and imports can be much larger relative to 
generation for sub-entities than at the aggregated SPP level.  For example, in 2011, total 
Kansas generation decreases in Change Case II and more energy is purchased than in the 
Base Case.  Generation cost decreases by $35 million but the market purchase cost increases 
by $17 million, showing that the impact of the LMP pricing can be significant.

More importantly, differences in LMPs between the Base Case and any of the Change Cases 
are a reflection of the degree to which each Change Case results in a more efficient 
commitment and dispatch than in the Base Case.  This gain in operating efficiency is 
incorporated into the gross benefits at all levels.

Table 4-18 displays the load-weighted average 2012 on-peak hub prices for each of the load-
serving market participants for the Base Case and Change Cases I, IIA, and III.  It is critical 
to note that the LMPs for markets with “low” LMPs in the Base Case are frequently typically 
higher in Change Cases I and II than in the Base Case.  This is because as a result of a more 
efficient commitment and dispatch in these two Change Cases, market participants in such 
markets increase their sales to other entities, and thus their generation.  As these participants 
increase generation, they move up their supply (or marginal cost) curves to resources (or 
loading blocks) with higher marginal cost than what was dispatched in the Base Case.  LMPs 
in these markets rise as a result; however, the margins these participants earn from such 
incremental sales are positive (or else they would not make the sales), so these participants 
benefit from the higher LMPs in their markets.
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Table 4-18 Average 2012 SPP Market On-Peak Load Hub Prices ($/MWh)

Areas Base CC I CC II CC III
AECC 62 60 60 62
CSWS(AEPW) 58 57 58 58
EDE 67 58 58 70
GMOC 48 50 51 49
GRDA 50 54 55 50
KACY 51 52 52 50
KCPL 47 52 52 47
LES 54 59 58 53
MIDW 82 76 76 82
NPPD 53 58 58 53
OGE 74 65 65 74
OMPA 72 62 62 72
OPPD 55 59 59 54
SECI 73 71 70 72
SPS 74 74 73 74
WEPLKS 75 73 72 74
WFEC 74 66 67 74
WRI 62 53 54 61

   

4.4.2 Ancillary Service Market – Spinning Reserve and Regulation-Up 
Services

Another factor, Ancillary Services for Spinning reserve and Regulation-Up, do not directly 
impact the calculation of SPP-level gross benefits because AS payments and revenues net to 
zero at a SPP level.  However, AS payments and revenues will affect gross benefits for sub-
SPP entities because a sub-entity may provide more AS than required, thus selling the 
additional AS for additional market revenues.  Conversely, a sub-entity may purchase some 
or all of its AS requirement from other SPP sources and incur a payment at market rates.  
Thus, the distribution of spinning reserve and regulation-up across states, BAs and Market 
Participants, while advantageous from the perspective of economic efficiency, may have a 
significant impact on the benefits of a particular market design.  Figure 4-9 presents 
estimates for 2012 for the Base Case and the three Change Cases of the share of total 
spinning reserves provided by each of the Balancing Authorities. 
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Figure 4-9 Distribution of 2012 Ancillary Services across Balancing Authorities (%)
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4.5 High Wind Impacts

Wind generation expansion will play a major role in the Southwest Power Pool during the 
upcoming decade.  The SPP generation queue is overflowing with interconnect requests for 
wind projects and feasibility studies are in progress which contemplate significant wind 
penetrations that approach total SPP load forecasts.  The recently released draft of the SPP 
EHV Transmission Overlay Report contained an “expected” wind capacity assumption of 
6,700 MW in the SPP footprint by 2017 and a “high” wind assumption of 10,500 MW by 
2017.  This compares to 4,211 MW of wind modeled in this study of future SPP market 
design.  More aggressive assumptions for SPP wind development over the time horizon of 
this study could have a significant impact on the benefits of adding a Day-Ahead Market 
(DAM) and/or Ancillary Service Market (ASM) in SPP.  While attempting to quantify the 
effect of high wind on benefits is outside the scope of the current study, a qualitative 
discussion of the impact of a high wind scenario can provide valuable insights for the 
consideration of market design changes.

A high level of wind generation poses significant obstacles to efficient unit commitment. 
Markets without the ability to forecast day ahead wind output and make rational commitment 
decisions will have substantial inefficiencies in unit operations that result in high costs to 
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participants and ultimately to consumers.   Even with a robust Day-Ahead Market, the error 
in current wind forecasting methods creates substantial difficulties for hour-ahead unit 
commitment decisions.  Without a process to account for anticipated wind levels well in 
advance of hourly operations, significant over-commitment of resources will likely be 
necessary to protect against less-than-expected wind generation.     

A key operational consideration for a high wind scenario is dealing with wind variability.  
The most effective means of handling variability is to increase the balancing footprint 
responsible for absorbing the wind output.  The large-scale development of wind resources 
would quickly overwhelm the current balancing areas in the wind producing regions, 
requiring a move toward a consolidated SPP balancing area.  This high variability of wind 
will also result in increased requirements for ancillary services such as spinning and non-
spinning reserve.  The addition of an Ancillary Services Market as modeled in this market 
design study will likely yield substantially higher benefits under high wind scenarios that 
require increased operating reserves.  The ability to economically manage reserves over 
larger footprints will become increasingly important with high wind expansion.

There is a significant component to handling wind variability that falls between traditional 
regulation markets and contingency reserve requirements.  Wind variations over 5 to 10 
minute intervals can best be addressed through economic response within a “fast market” 
framework, where a substantial portion of the market generation is responding to economic 
price signals and can be effectively used to absorb wind volatility.  The addition of a Day-
Ahead Market with centralized unit commitment is a key step in achieving sufficient market 
participation to meet this need.

Another aspect of an SPP high wind generation scenario is the coincident transmission 
system expansion needed to move this generation to load centers.  In addition to allowing the 
transport of wind generation, the current EHV transmission overlay designs will greatly 
enhance the ability to move power across the SPP system as needed to meet load with low 
cost resources.  The addition of a Day-Ahead Market in SPP will allow system operators to 
take full advantage of reduced congestion to lower overall unit costs through optimized unit 
commitment.

Finally, providing the congestion hedging tools such as FTRs or TSRs will address 
potentially severe short term congestion caused by the rapid development of wind resources.  
Given the relatively long time frame to complete substantial transmission upgrades there will 
likely be periods of significant local congestion caused by wind coming on-line in advance of 
critical transmission and by transmission line outages necessary to complete upgrades.  
Allowing mechanisms for acquiring transmission rights to hedge exposure to congestion will 
provide significant benefit for market participants during transition periods. 

Virtually all the impacts of high wind scenarios highlight the need for robust market designs 
including a Day-Ahead Market and Ancillary Service Market to efficiently incorporate wind 
generation.  In many cases high wind penetrations may not even be achievable without the 
implementation of these market design components.  While further studies should be 
undertaken to better quantify the benefits of robust market design elements under high wind 
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assumptions, the addition of a Day-Ahead Market and Ancillary Service Market are likely 
critical factors in realizing the full benefit of new wind development.

The production cost modeling of the Base Case and Change Cases I – III does not reflect the 
possibility of any increase in ancillary service requirements associated with even the 4,211 
MW of wind capacity additions included in those cases.  As such, the estimates of gross 
benefits for Change Cases II and III may understate the true gross benefits, since the 
corresponding market designs may be able to more efficiently accommodate the increased 
ancillary service requirements than the Base Case market design.  
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5 Appendices
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Appendix A: Adjusted Production Cost Formulae

Adjusted Production Costs

i = Hour

A. If ∑ Generationi > Loadi and no Ancillary Service Market, then 

APCi = ∑ Variable Generation Costi – (∑ Generationi – Loadi)(Generation 
Weighted Hub Pricei)

B. If ∑ Generationi < Loadi and no Ancillary Service Market, then 

APCi = ∑ Variable Generation Costi + (Loadi - ∑ Generationi)(Load Weighted 
Hub Pricei)

C. If ∑ Generationi > Loadi and Ancillary Service Market, then 

APCi = ∑ Variable Generation Costi – (∑ Generationi – Loadi)(Generation 
Weighted Hub Pricei) + [ AS requirementi – AS providedi ] (ASM pricei)

D. If ∑ Generationi < Loadi and Ancillary Service Market, then 

APCi = ∑ Variable Generation Costi + (Loadi - ∑ Generationi)(Load Weighted 
Hub Pricei) + [ AS requirementi – AS providedi ] (ASM pricei)
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Appendix B:  Demand Response Programs

The SPP Cost Benefit Task Force determined demand response levels for the future market 
study period (2009-2016) for Market Participants.  The Demand Response participation 
factor began at 0.9% of SPP peak demand in 2009, increasing by year, and ending at 1.8% of 
SPP peak demand in 2016.  The location of demand response was determined by using 
interruptible load information by node (bus).    Demand response levels utilized by Market 
Participant and SPP-wide have been displayed in Table B-1 below.

Presumably, demand response programs could be implemented more effectively in Change 
Case I and Change Case II, both of which utilize a SPP-wide consolidated unit commitment 
and would thus, provide more efficient use of demand response programs.   Modeling the 
demand response programs as dispatchable generators would allow this to be determined 
dynamically.  A fictitious generator was modeled in each Market Participant area (labeled as 
‘interruptible’ load).  Each generator had no operating restrictions other than maximum 
capacity, strike price and transmission constraints.  A strike price of $150/MWh was set to 
dispatch the demand response capacity.  The demand response programs were not allowed to 
provide spinning reserve.

Table B-1 Demand Response for Market Participants and SPP

Market Participant 2009 2010 2011 2012 2013 2014 2015 2016
CSWS (AEPW) 0.3 0.4 0.5 0.6 0.7 0.9 1.0 1.1

EDE 0.2 0.2 0.3 0.4 0.4 0.5 0.6 0.6

GMOC 0.3 0.8 1.4 1.7 1.9 1.9 2.1 2.3
KCPL 0.4 0.5 0.6 0.8 0.9 1.1 1.2 1.3
MIDW 3.3 4.6 5.8 7.2 8.5 9.9 11.3 12.7
OGE 0.4 0.5 0.7 0.8 0.9 1.1 1.2 1.4
SPS 0.9 1.2 1.6 1.9 2.2 2.6 2.9 3.2
WRI 0.8 1.1 1.4 1.6 1.8 2.1 2.3 2.6
SPP Total MW 157 226 297 363 430 498 570 641

* Market Participant values in percent of MP peak demand.
** SPP values in MW
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Appendix C: SPP Implementation Costs

1 SPP Staffing Increases

Table C-1 summarizes the assumptions made about staffing for each of the cases.  The staff 
additions were determined by SPP functional group, utilizing the information obtained from 
our ISO conversations and documentation.   The underlying assumption was that staff would 
need to be added two years prior to the incorporation of a market.  For a market to start in 
2011 (Year 4), staff will need to be added in 2009 (Year 2), 2010 (Year 3) and possibly 2011 
(Year 4).  Once staff is added in 2011 (Year 4), our assumption is that the staffing level will 
remain constant for the remainder of the scenario.  All assumed staff costs are incorporated 
into the cost tables.  Tables reflect both salary and benefit costs by SPP group function.  

Table C-1 SPP Estimated Staff Increases

I II A II B II C III
Year 1 29 0 29 9 9
Year 2 6 16 9 13 0
Year 3 0 22 6 16 0
Year 4 0 6 0 6 0
Total 35 44 44 44 9

2 Change Case I SPP Costs

For Change Case I, costs for additional staff and developing the IT infrastructure were 
calculated to create a Day-Ahead market in year two as defined by the scenario.  In order to 
accomplish this, year one and year two ASM related costs were added together and are 
represented in Year 1 ($4,307) in Table C-2-1 below.  The Year 2 cost ($10,468) represents 
the third year of cost for a DAM scenario.  Year 3 cost ($13,226) represents Year 4 DAM 
Costs.  At this point, it is assumed that all systems and staff have been built out and costs are 
escalated at 5% annually. These figures include both staff additions and depreciated capital 
expenditures. For this scenario, it is assumed that capital expenditures total $23,781 as Table 
C-2, and that a total of 35 staff would be required.
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Table C-2: Change Case I - SPP Costs & Capital Expenditures (Thousands $)

Operations IT Other Total
Capital 

Expenditures 
(Included in Total 
as depreciation)

Year 1  $             477  $    2,820  $    1,010  $            4,307  $                            -
Year 2  $          1,222  $    1,442  $    1,109  $          10,468  $                    1,081 
Year 3  $          13,226  $                  10,654 
Year 4  $          13,888  $                  11,322 
Year 5  $          14,586  $                       724 
Year 6  $          15,318 
Year 7  $          16,084 
Year 8  $          16,888
Year 9  $          17,732

Total  $       122,497  $               23,781 

3 Change Case II SPP Costs

For Change Case II A, costs for additional staff and developing the IT infrastructure were
calculated to create a DAM with ASM and FTRs in year four as defined by the scenario.  
These costs begin two years prior to the start of the DAM (Year 4) and are represented in 
Year 2 ($2,623) and continue in Year 3 ($5,129). Year 4 ($20,720) represents the full DAM 
with ASM and FTR system. At this point, it is assumed that all systems and staff have been 
built out and costs are escalated at 5% annually. These figures include both staff additions 
and depreciated capital expenditures.  For this scenario, it assumed that capital expenditures 
total $46,120 as shown in Table C-3, and that a total of 44 staff would be required.

Table C-3: Change Case II A - SPP Costs & Capital Expenditures (Thousands $)

Operations IT Other Total
Capital 

Expenditures 
(Included in Total 
as depreciation)

Year 1  $                  -  $               -  $              -  $                 -  $                            -
Year 2  $                  -  $       2,248  $         375  $          2,623  $                     1,591
Year 3  $             587  $       2,217  $      2,325  $          5,129  $                   17,329 
Year 4  $          1,470  $       2,740  $      3,188  $        20,720  $                   17,022 
Year 5  $        22,557  $                     1,924 
Year 6  $        23,686    
Year 7  $        24,870    
Year 8  $        26,115    
Year 9  $        27,421    

Total  $    153,121  $                37,866 
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Table C-4 Case II B - SPP Costs & Capital Expenditures (Thousands $)

Operations IT Other Total
Capital 

Expenditures 
(Included in Total 
as depreciation)

Year 1 $              477 $          2,820 $          1,010 $           4,307  $                   1,081 
Year 2 $           1,222 $          1,797 $          1,109 $         10,823  $                 11,164 
Year 3 $              110 $             350 $             224 $         13,910  $                 17,997 
Year 4 $              248 $             361 $             403 $         15,707  $                   6,424 
Year 5 $         16,489  $                   1,200 
Year 6 $         17,314    
Year 7 $         18,177    
Year 8 $         19,089    
Year 9 $         20,043    

Total $     135,859 $               37,866 

Table C-5 Case II B - SPP Costs & Capital Expenditures (Thousands $)

Operations IT Other Total
Capital 

Expenditures 
(Included in Total 
as depreciation)

Year 1 $              110 $            705 $            224 $              1,039  $                     510 
Year 2 $              248 $         1,780 $            662 $              6,916  $                  7,756 
Year 3 $              477 $         1,400 $            752 $              9,544  $                16,354 
Year 4 $           1,222 $         1,442 $         1,109 $            15,707  $                12,522 
Year 5 $            16,489  $                     724 
Year 6 $            17,314    
Year 7 $            18,177    
Year 8 $            19,089    
Year 9 $            20,043    

Total $       124,318 $              37,866 

4 Change Case III SPP Costs

For Change Case III, costs for additional staff and developing the IT infrastructure are 
calculated to create an ASM market in year two as defined by the scenario.  In order to 
accomplish this, year one and year two ASM related costs were added together and are 
represented in Year 1 ($1,039).  The Year 2 cost ($5,238) represents the third year of cost for 
an ASM scenario.  Year 3 cost ($6,915) represents Year 4 ASM costs.  At this point, it is 
assumed that all systems and staff have been built out and costs are escalated at 5% annually.  
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These figures include both staff additions and depreciated capital expenditures.  For this 
scenario, it assumed that capital expenditures total $14,085 as shown in Table C-4, and that a 
total of nine staff would be needed.

Table C-6 Change Case III – SPP Costs & Capital Expenditures (Thousands $)

Operations IT Other Total
Capital 

Expenditures 
(Included in Total as 

depreciation)
Year 1  $             110  $          705  $         224  $          1,039 $                              -
Year 2  $             248  $          361  $         403  $          5,238  $                         510 
Year 3  $          6,915  $                      6,675 
Year 4  $          7,260  $                      5,700 
Year 5  $          7,626  $                      1,200 
Year 6 $          8,007 
Year 7  $          8,407 
Year 8  $          8,827 
Year 9  $          9,269

Total  $      62,588  $                 14,085 
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Appendix D: Market Participant Implementation Costs

For the purposes of calculating net market benefits, Market Participant costs were estimated.  
The implementation costs of a future market would depend not only on the market structure 
itself but also on the characteristics of the Member and the relative degree of preparation 
already incurred for a consolidated Unit Commitment operation, ASM and Day-Ahead 
Market.  Thus, market implementation costs were developed for four classifications of 
Member Participant – simple, complex, small and large.  It was then assumed that each 
Market Participant would determine for itself which classification better fitted its current 
situation.  For the sake of simplicity in presenting market net benefits including Market 
Participant costs, it was assumed that each Market Participant already had AGC installed but 
would require adaptation costs.  The Market Participants were categorized as follows:

Table D-1 Market Participants Categorized by Size and Diversity

Company Name
Company 
Acronym

Size 
Classification

Stage 
Classification

American Electric Power West CSWS Large Complex
Arkansas Electric Cooperative Company AECC Small Complex
Empire District Electric EDE Large Complex
Golden Spread Electric Cooperative GSEC Small Complex
Grand River Dam Authority GRDA Large Simple
Kansas City Board of Public Utilities KACY Small Complex
Kansas City Power and Light KCPL Large Complex
Kansas Electric Power Company KEPCO Small Simple
Kansas Power Pool KPP Small Simple
KCP&L Greater Missouri Operating Co. GMOC Large Complex
Lincoln Electric System LES Small Simple
Mid-Kansas Electric Company MID-Kansas Small Simple
Midwest Energy MIDW Small Complex
Nebraska Public Power District NPPD Large Complex
Oklahoma Gas and Electric OGE Large Complex
Oklahoma Municipal Power Authority OMPA Small Complex
Omaha Public Power District OPPD Large Simple
Southwestern Public Service Company SPS Large Complex
Sunflower Electric SECI Small Complex
Westar WR Large Complex
Western Farmers Electric Cooperative WEFC Large Complex
Independent Power Producers IPPs Large Complex
Independent Wind Developers Wind IPPs Small Simple
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1 Market Participant Costs
1.1 Change Case I – Day-Ahead Market with Unit Commitment only

Table D-2 Change Case I Simple Market Participant Range of Costs

Systems Costs Personnel Costs

Initial Install Costs
SPP Change 

Case 
Adaption Costs

Ongoing Costs (Training, 
Testing, etc)

Change Case I

Simple

Small Large Small Large Small Large Small Large

Total (1000's) 600 2600 50 500 50 300 200 300

SCADA (AGC) 600 2000 50 200 50 200
Unit 
Commitment1 * * * * * *

Bid Strategy * * * * * *

ISO 
Communications ** 300 ** 100 ** 50

Settlement ** 300 ** 200 ** 50

200 300

Hedging 
Implementation *** *** *** *** *** *** *** ***

Note 1: Unit Commitment does not apply for Change Case III; Note 2: Hedging Implementation applies only to Change Case II

* Simple assumes programmatic Bidding Strategy/Unit Commitment systems is not required
** Small simple assumes to use ISO Portal exclusively
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Table D-3 Change Case I Complex Market Participant Range of Costs

Systems Costs Personnel Costs

Initial Install Costs
SPP Change 

Case 
Adaption Costs

Ongoing Costs (Training, 
Testing, etc)

Change Case I

Complex

Small Large Small Large Small Large Small Large

Total (1000's) 1400 3500 200 800 200 500 400 600

SCADA (AGC) 600 2000 50 200 50 200

Unit 
Commitment1 300 600 0 100 50 100

Bid Strategy 200 300 50 200 50 100

ISO 
Communications 200 300 50 100 25 50

Settlement 100 300 50 200 25 50

400 600

Hedging 
Implementation * * * * * * * *

Note 1: Unit Commitment does not apply for Change Case III; Note 2: Hedging Implementation applies only to Change Case II

* Change Case I does not include Hedging Implementation
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1.2 Change Case II – Day-Ahead Market with Unit Commitment and Co-
optimized Ancillary Market (all Inclusive) 

Table D-4 Change Case II Simple Market Participant Range of Costs

Systems Costs Personnel Costs

Initial Install Costs
SPP Change 

Case 
Adaption Costs

Ongoing Costs (Training, 
Testing, etc)

Change Case II

Simple

Small Large Small Large Small Large Small Large

Total (1000's) 700 2800 50 600 55 325 425 725

SCADA (AGC) 600 2000 50 200 50 200

Unit Commitment1 * * * * * *

Bid Strategy * * * * * *

ISO 
Communications ** 300 ** 100 ** 50

Settlement ** 300 ** 200 ** 50

250 375

Hedging 
Implementation 100 200 0 100 5 25 175 350

Note 1: Unit Commitment does not apply for Change Case III; Note 2: Hedging Implementation applies only to Change Case II

* Simple assumes programmatic Bidding Strategy/Unit Commitment systems is not required
** Small simple assumes to use ISO Portal exclusively
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Table D-5 Change Case II Complex Market Participant Range of Costs

Systems Costs Personnel Costs

Initial Install Costs
SPP Change 

Case 
Adaption Costs

Ongoing Costs (Training, 
Testing, etc)

Change Case II

Complex

Small Large Small Large Small Large Small Large

Total (1000's) 1500 3700 200 900 205 525 675 1100

SCADA (AGC) 600 2000 50 200 50 200

Unit Commitment1 300 600 0 100 50 100

Bid Strategy 200 300 50 200 50 100

ISO 
Communications 200 300 50 100 25 50

Settlement 100 300 50 200 25 50

500 750

Hedging 
Implementation 100 200 0 100 25 35 175 350

Note 1: Unit Commitment does not apply for Change Case III; Note 2: Hedging Implementation applies only to Change Case II
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1.3 Change Case III – Ancillary Service Market Addition only

Table D-6 Change Case III Simple Market Participant Range of Costs 

Systems Costs Personnel Costs

Initial Install Costs
SPP Change 

Case 
Adaption Costs

Ongoing Costs (Training, 
Testing, etc)

Change Case III

Simple

Small Large Small Large Small Large Small Large

Total (1000's) 600 2600 50 500 50 300 100 150

SCADA (AGC) 600 2000 50 200 50 200

Unit Commitment1 **** **** **** **** **** ****

Bid Strategy * * * * * *

ISO 
Communications ** 300 ** 100 ** 50

Settlement ** 300 ** 200 ** 50

100 150

Hedging 
Implementation *** *** *** *** *** *** *** ***

Note 1: Unit Commitment does not apply for Change Case III; Note 2: Hedging Implementation applies only to Change Case 
II

* Simple assumes programmatic Bidding Strategy/Unit Commitment systems is not required
** Small simple assumes to use ISO Portal exclusively
*** Change Case III does not include Hedging Implementation
**** Change Case III does not include ISO Unit Commitment; therefore Unit Commitment was excluded 
from the MP systems as well.
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Table D-7 Change Case III Complex Market Participant Range of Costs

Systems Costs Personnel Costs

Initial Install Costs
SPP Change 

Case 
Adaption Costs

Ongoing Costs (Training, 
Testing, etc)

Change Case III

Complex

Small Large Small Large Small Large Small Large

Total (1000's) 1100 2900 200 700 150 400 200 300

SCADA (AGC) 600 2000 50 200 50 200

Unit Commitment1 ** ** ** ** ** **

Bid Strategy 200 300 50 200 50 100

ISO 
Communications 200 300 50 100 25 50

Settlement 100 300 50 200 25 50

200 300

Hedging 
Implementation * * * * * * * *

Note 1: Unit Commitment does not apply for Change Case III; Note 2: Hedging Implementation applies only to Change Case II

* Change Case III does not include Hedging Implementation
**** Change Case III does not include ISO Unit Commitment; therefore Unit Commitment was excluded 
from the MP systems as well.
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1.4 Change Case IV – Simplified Day-Ahead Market with Unit Commitment

Table D-8 Change Case IV Simple Market Participant Range of Costs

Systems Costs Personnel Costs

Initial Install Costs
SPP Change 

Case 
Adaption Costs

Ongoing Costs (Training, 
Testing, etc)

Change Case IV

Simple

Small Large Small Large Small Large Small Large

Total (1000's) 600 2600 50 500 50 300 200 300

SCADA (AGC) 600 2000 50 200 50 200

Unit Commitment1 * * * * * *

Bid Strategy * * * * * *
ISO 
Communications ** 300 ** 100 ** 50

Settlement ** 300 ** 200 ** 50

200 300

Hedging 
Implementation *** *** *** *** *** *** *** ***

Note 1: Unit Commitment does not apply for Change Case III; Note 2: Hedging Implementation applies only to Change Case II

* Simple assumes programmatic Bidding Strategy/Unit Commitment systems is not required
** Small simple assumes to use ISO Portal exclusively
*** Change Case IIV does not include Hedging Implementation
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Table D-9 Change Case IV Complex Market Participant Range of Costs

Systems Costs Personnel Costs

Initial Install Costs
SPP Change 

Case 
Adaption Costs

Ongoing Costs (Training, 
Testing, etc)

Change Case IV

Complex

Small Large Small Large Small Large Small Large

Total (1000's) 1400 3500 200 800 200 500 400 600

SCADA (AGC) 600 2000 50 200 50 200

Unit Commitment1 300 600 0 100 50 100

Bid Strategy 200 300 50 200 50 100
ISO 
Communications 200 300 50 100 25 50

Settlement 100 300 50 200 25 50

400 600

Hedging 
Implementation * * * * * * * *

Note 1: Unit Commitment does not apply for Change Case III; Note 2: Hedging Implementation applies only to Change Case II

* Change Case IIV does not include Hedging Implementation

Personnel-related Market Participant costs for participation in future market designs were 
evaluated based on the impact on Trading Operations, Risk Control, Settlement, 
Transmission Planning, IT, and Training groups.  Costs related to complexity were 
evaluated as having greater impact on these organizations than costs related to size.

Based on Market Participant feedback, the staffing costs ranged from $100,000 for a 
small-simple participant in the Change Case III ASM addition only market to $1,100,000 
for a large-complex participant in the Change Case II “All Inclusive” market.  
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Appendix E: LMP Maps

The following charts illustrate the diversity of area hub prices, i.e. load-weighted 
locational marginal prices for each area, for 2012.

Figure E-1 Base Case Average On-Peak Load Hub 

SPP Footprint Average 
LMP On-Peak 2012 

Base Case

$40 to $51/MWh

$52 to $67/MWh

$68 to $100/MWh
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345
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Figure E-2 Change Case I – Average On-Peak Load Hub Prices 
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Figure E-3 Change Case II – Average On-Peak Load Hub Prices
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Figure E-4 Change Case III – Average On-Peak Load Hub Prices
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Appendix F: Data Assumptions

Table F-1 SPP New Generators

Description Category Area Location Company
In-

Service 
Date

Maximum 
Capacity

Nebraska City Unit 2: ST1 ST Coal OPPD OPPD Apr-09           663 

Emporia Power Plant (KS): EEC6 CT WRI WRI Jun-09           161 

Emporia Power Plant (KS): EEC7 CT WRI WRI Jun-09           161 

ADM COGEN COLUMBUS ST Coal NPPD ADM Dec-09             50 

Plum Point Energy: ST1 ST Coal EDE EDE May-10             50 

Iatan 2: ST ST Coal KCPL KCPL / EDE / GMOC Jun-10           850 

J.L. Stall:1 CC CSWS (AEPW) CSWS (AEPW) Jul-10           529 

Whelan Energy Center: ST Steam Turbine NPPD OPPD Dec-10             10 

Turk:1 ST Coal CSWS (AEPW) CSWS (AEPW) / AECC / OMPA Jun-12           618 
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Appendix G: SPP Renewable Resources 

Table G-1 Maximum Capacity (MW)

Company PurchDescription 2009 2010 2011 2012 2013 2014 2015 2016
CSWS (AEPW) Blue Canyon Windpower II:WND1 151 151 151 151 151 151 151 151

CSWS (AEPW) Weatherford Wind Farm:WIOP1 107 107 107 107 107 107 107 107

CSWS (AEPW) Weatherford Wind Energy Center:VVND2 41 41 41 41 41 41 41 41

EDE Elk River Windfarm:WND1 150 150 150 150 150 150 150 150
EDE Meridian Way Wind Farm:EDE 105 105 105 105 105 105 105 105
GMOC Gray County:WIOP1 50 50 50 50 50 50 50 50

KCPL Spearville:MULTl 100 150 150 150 150 150 150 150
LES CROFTHILL WIND LES 3 3 3 3 3 3 3 3
LES ELKHORN WIND LES 6 6 6 6 6 6 6 6
GMOC Gray County - GMOC 61 61 61 61 61 61 61 61

NPPD CROFTHILL WIND NPPD 20 20 20 20 20 20 20 20
NPPD ELKHORN WIND NPPD 40 40 40 40 40 40 40 40
NPPD NPPD Ainsworth Wind: WT 1-36 41 41 41 41 41 41 41 41

OGE Centennial Wind Farm (OG&E) 130 130 130 130 130 130 130 130
OGE Oklahoma Wind Energy Center:68 51 51 51 51 51 51 51 51
OMPA Oklahoma Wind Energy Center:68 - OMPA 51 51 51 51 51 51 51 51
OPPD CROFTHILL WIND OPPD 13 13 13 13 13 13 13 13
OPPD ELKHORN WIND OPPD 25 25 25 25 25 25 25 25
OPPD OPPD Ainsworth Wind: WT 1-36 10 10 10 10 10 10 10 10
SECI Smoky Hills Wind Farm:SEC 75 75 75 75 75 75 75 75
SPS Caprock Wind Ranch:80 80 80 80 80 80 80 80 80
SPS John Deere 10&11 10 10 10 10 10 10 10 10
SPS John Deere 7&8 10 10 10 10 10 10 10 10
SPS John Deere 4 80 80 80 80 80 80 80 80
SPS Llano Estacado:WIOP1 80 80 80 80 80 80 80 80
SPS John Deere 9 10 10 10 10 10 10 10 10
SPS John Deere 5&6 10 10 10 10 10 10 10 10
SPS San Juan Mesa Wind Project:WND1 120 120 120 120 120 120 120 120
SPS John Deere 3 10 10 10 10 10 10 10 10
SPS John Deere 1&2 10 10 10 10 10 10 10 10
SPS Wildorado Wind Farm:WND1 160 240 240 240 240 240 240 240
WFEC Blue Canyon:4S 74 74 74 74 74 74 74 74
WFEC Sleeping BearWIED2 96 96 96 96 96 96 96 96
WIND IPP Hansford:WIED 1 120 120 240 240 240 240 240 240
WIND IPP Hitchland Wind 0 0 340 340 340 340 340 340
WIND IPP Sherman County Wind Farm 0 81 81 81 81 81 81 81
WIND IPP Majestic Wind Farm 80 80 160 160 160 160 160 160
WIND IPP Mooreland-Woodward Wind 130 130 130 130 130 130 130
WIND IPP Red Hills Wind Energy:WND1 120 120 120 120 120 120 120 120
WIND IPP Smoky Hills Wind Farm:ENEL 125 125 125 125 125 125 125 125
WIND IPP Spearman Wind Farm:2 0 20 20 20 20 20 20 20
WIND IPP Spearville Wind 0 0 250 250 250 250 250 250
WIND IPP Texas County Wind Farm:2 0 0 150 150 150 150 150 150
WIND IPP Elk River WindFarm:WND2 0 0 150 150 150 150 150 150
WRI Central Plains Wind Farm 99 99 99 99 99 99 99 99
WRI Flat Ridge Wind Energy 100 100 250 250 250 250 250 250
WRI Meridian Way Wind Farm 96 96 96 96 96 96 96 96
WRI Smoky Hills Wind Farm:MWE 50 50 50 50 50 50 50 50

Exhibit No. SPP-2 
Page 105 of 105



Exhibit No. SPP-3

UNITED STATES OF AMERICA
BEFORE THE

FEDERAL ENERGY REGULATORY COMMISSION

SOUTHWEST POWER POOL, INC.

)
)
)
)
)
)
)

Docket No. ER12-____-000

PREPARED DIRECT TESTIMONY

OF

RICHARD L. DILLON
DIRECTOR, MARKET DESIGN

SOUTHWEST POWER POOL, INC.

ON BEHALF OF SOUTHWEST POWER POOL, INC.

FEBRUARY 29, 2012



Exhibit No. SPP-3
Page 1 of 51

UNITED STATES OF AMERICA
BEFORE THE

FEDERAL ENERGY REGULATORY COMMISSION

SOUTHWEST POWER POOL, INC. ) Docket No. ER12-____-000

PREPARED DIRECT TESTIMONY

OF

RICHARD L. DILLON

I. INTRODUCTION1

Q. PLEASE STATE YOUR NAME AND BUSINESS ADDRESS.2

A. My name is Richard L. Dillon.  My business address is 415 N. McKinley, Suite 3

140, Little Rock, AR 72205.4

Q. BY WHOM AND IN WHAT CAPACITY ARE YOU EMPLOYED?5

A. I am employed by Southwest Power Pool, Inc. (“SPP”) as Director, Market 6

Design.7

Q. PLEASE SUMMARIZE YOUR EDUCATIONAL AND PROFESSIONAL 8

BACKGROUND.9

A. I earned a Bachelor’s degree in Accounting from the University of West Florida.  10

I have been responsible for wholesale market design at SPP since 1999 and have 11

been involved in various roles in the design of the 2001 Electric Reliability 12

Council of Texas (“ERCOT”) and 2004 Midwest Independent Transmission 13
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System Operator, Inc. (“MISO”) market.  I am a Certified Public Accountant and 1

Certified Information System Auditor.  I was formerly employed by Entergy 2

Corp. in various roles, including wholesale market design, forecasting, statistical 3

analysis, programming, and auditing; ParCable (cable television); and Deloitte, 4

Haskins & Sells.5

Q. MR. DILLON, HAVE YOU PREVIOUSLY FILED TESTIMONY BEFORE 6

THE FEDERAL ENERGY REGULATORY COMMISSION (“FERC” OR 7

“COMMISSION”)?8

A. No.9

Q. WHAT IS THE PURPOSE OF YOUR TESTIMONY?10

A. The purpose of my testimony is to explain the scope and design of the Integrated 11

Marketplace and its components.  As I will discuss, and as the two tables below 12

illustrate, the design of the Integrated Marketplace leverages off of and includes 13

many of the same design features approved for other Regional Transmission 14

Organizations (“RTOs”) and Independent System Operators (“ISOs”), with 15

enhancements, as necessary, to accommodate regional requirements.  In 16

particular, the framework for SPP’s proposed Day-Ahead and Real-Time 17

Balancing Markets (“RTBM”) is very similar to the market design of MISO, and 18

incorporates features such as co-optimization of Energy and Reserve, make whole 19

payments, virtual transactions, Transmission Congestion Rights (“TCRs”), and 20

Auction Revenue Rights (“ARRs”).  Additionally, within the design of SPP’s 21

Day-Ahead Market and RTBM, SPP has largely followed the lead of other 22

regional markets in its proposed treatment of variable, jointly-owned, and 23

combined cycle Resources (where other regions have addressed these matters).  24
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SPP’s proposed Day-Ahead and Intra-Day Reliability Unit Commitment (“RUC”) 1

processes are also similar to processes used by other RTOs.2

Necessarily, however, there are a limited number of design features that 3

are unique to SPP’s Integrated Marketplace.  My testimony addresses these and 4

other differences and provides detailed technical explanations to assist the 5

Commission’s deliberations on the proposed Tariff revisions that are the subject 6

of this filing.7

SPP design leverages proven features 
from other RTO markets

7 7

CAISO ERCOT 
Nodal

MISO PJM SPP 
Marketplace

Day-Ahead Market     

Real-Time Market     

Marginal Losses     

Co-Optimization     

Must Offer in Day-Ahead Market    

Resource Make-Whole Payment     

Transmission Congestion 
Rights/Auction Revenue Rights 
(TCR/ARR)

    

Virtual Energy     
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Design was selective for regional 
differences

8 8

CAISO ERCOT 
Nodal

MISO PJM SPP 
Marketplace

Combined-Cycle Special 
Handling

Partial
Implementation

In Process 

5-Minute Settlement 
(Operating 

Reserve only)



Zonal Operating Reserve 
Cost Allocation

 

Installed Capacity Market Reliability
Must Run



II. INTEGRATED MARKETPLACE DESIGN1

Q. PLEASE DESCRIBE THE OBJECTIVE OF THE INTEGRATED 2

MARKETPLACE.3

A. The major objective of the Integrated Marketplace is to reduce the costs of 4

operations through the regional commitment and dispatch of Resources.  The 5

benefits of a regional, security-constrained, economic dispatch – as currently 6

offered in SPP’s Energy Imbalance Service Market (“EIS Market”) – are captured 7

and retained in the design of the Integrated Marketplace.  8

A secondary objective is to support the consolidation of sixteen Balancing 9

Authorities into a single SPP Balancing Authority.  Mr. Monroe provides a 10

detailed explanation for this important element of the Integrated Marketplace, 11

which is designed to facilitate regional procurement and deployment of Operating 12
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Reserve (including both Contingency Reserve and regulation) throughout the 1

footprint.  2

Q. PLEASE IDENTIFY THE KEY FEATURES/FUNCTIONS OF THE 3

INTEGRATED MARKETPLACE THAT ARE COVERED IN YOUR 4

TESTIMONY.5

A. My testimony describes the following features and functions of the Integrated 6

Marketplace:  (A) Multi-Day Reliability Assessment; (B) Day-Ahead Market; (C) 7

RUC; (D) RTBM; (E) Modeling of Non-Traditional Resources; (F) TCRs 8

Markets (which includes ARRs); and (G) market settlements process.  My 9

discussion of the Day-Ahead Market and RTBM will explain how the Integrated 10

Marketplace will provide for market-based procurement of reserve and regulation 11

(collectively referred to as “Operating Reserve”).  My testimony concludes with a 12

brief discussion of other design elements of the proposed market design.  Below, I 13

discuss each of these features and functions.  14

A. MULTI-DAY RELIABILITY ASSESSMENT15

Q. PLEASE DESCRIBE THE OBJECTIVE OF THE MULTI-DAY 16

RELIABILITY ASSESSMENT.17

A. The Multi-Day Reliability Assessment evaluates the required capacity needs for 18

the region three days prior to the Operating Day.  The primary objective is to 19

determine if there is sufficient capacity projected to be available to meet the SPP 20

Balancing Authority requirements.  One of the primary outcomes of this analysis 21

is to determine the need to issue start-up instructions for Resources that have long 22

lead-times for start-up and therefore cannot be committed in the normal Day-23

Ahead processes.  It serves an important reliability function by ensuring the 24



Exhibit No. SPP-3
Page 6 of 51

availability of needed capacity while recognizing the operational limitations and 1

lead-time requirements of certain Resources.  2

Q. PLEASE EXPLAIN WHAT IS MEANT BY “THE CAPACITY NEEDS OF 3

THE SPP BALANCING AUTHORITY” AND “AVAILABLE RESOURCE 4

CAPACITY.” 5

A. The capacity needs of the SPP Balancing Authority for each Operating Day 6

include meeting the load forecast, fixed interchange transaction Bids, expected 7

Wind Resource output, and Operating Reserve requirements.  Available Resource 8

capacity includes those Resources that are not on outage or long lead start-up and 9

include fixed interchange transaction Offers.  10

To maintain alignment between the Operating Day capacity needs and 11

Available Resources, the Multi-Day Reliability Assessment determines whether 12

any long lead start-up Resources are necessary for system reliability purposes.  To 13

the extent that a need for the long lead start-up Resources is identified, the most 14

economic of the available long-lead start-up Resources are committed as required. 15

Q. HAS THE MULTI-DAY RELIABILITY ASSESSMENT AS PROPOSED IN 16

THE INTEGRATED MARKETPLACE BEEN APPROVED BY THE 17

COMMISSION IN OTHER RTO/ISO MARKETS?18

A. Yes.  Similar advance Resource and reliability assessment procedures are 19

followed in other RTO markets approved by FERC.  For example, as part of its 20

Reliability Assessment Commitment (“RAC”) process, MISO uses a Multi-Day 21

RAC to account for long lead start units starting four to seven days before the 22

relevant Operating Day.23
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B. DAY-AHEAD MARKET1

Q. PLEASE DESCRIBE THE OBJECTIVE OF THE DAY-AHEAD 2

MARKET.3

A. The objective of the Day-Ahead Market is to determine the least total cost 4

solution to meet the market’s Energy Bids and Operating Reserve requirements.  5

As I use these terms, “Energy Bids” refers to requests to purchase Energy in the 6

Day-Ahead Market; “Operating Reserve” refers to generation capable of 7

responding to instructions of SPP to meet system reliability requirements.  In the 8

Integrated Marketplace, Operating Reserve includes three types of ancillary 9

services:  Regulation (Up and Down), Spinning Reserve, and Supplemental 10

Reserve.   11

Q. PLEASE DESCRIBE THE KEY FEATURES/FUNCTIONS OF THE DAY-12

AHEAD MARKET.13

A. The Day-Ahead Market is a financially binding market that clears supply to meet 14

voluntarily Bid demand and projected Operating Reserve requirements for the 15

next Operating Day.  As I will describe later, SPP proposes to co-optimize its 16

procurement of Energy and Operating Reserve to improve the overall cost-17

effectiveness of Resource commitment and dispatch.  18

The Day-Ahead Market includes physical Resource Offers, physical load 19

Bids, Virtual Energy Offers, and Virtual Energy Bids, clearing for interchange 20

transactions, and marginal losses.  Offers and Bids accepted and cleared by SPP 21

in the Day-Ahead Market represent binding financial commitments.  Resources 22

that are committed in the Day-Ahead Market are assured recovery of Start-Up 23

Offer, No-Load Offer, and Energy costs, as defined in the Energy Offer Curve, 24
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and Operating Reserve costs, as defined in the Operating Reserve Offers.  The 1

Day-Ahead Market produces Locational Marginal Prices (“LMPs”) and Market 2

Clearing Prices (“MCPs”).  LMPs are used for Energy settlement and in the 3

settlement of the TCRs.  MCPs are used for settlement of Operating Reserve 4

products.  The LMPs and MCPs also reflect the impact of Scarcity Pricing (see5

infra at p. 10), when applicable.  Additionally, the physical Resource commitment 6

decisions from the Day-Ahead Market are provided to the Day-Ahead RUC 7

process as the preliminary commitment set.8

Q. HOW DO THE PROPOSED FEATURES AND FUNCTIONS OF SPP’S 9

DAY-AHEAD MARKET COMPARE TO OTHER REGIONAL MARKETS 10

APPROVED BY FERC? 11

A. There are many similarities in the design of SPP’s Day-Ahead Market and the 12

Day-Ahead Markets approved for other RTOs.  For example, the binding nature 13

of Day-Ahead Offers and Bids and the menu of products transacted in the Day-14

Ahead Market are similar to those available in MISO and PJM Interconnection, 15

L.L.C. (“PJM”).  MISO’s Day-Ahead Market is binding and offers Energy, 16

Regulating Reserve, Spinning Reserve and Supplemental Reserve.  PJM offers 17

Day-Ahead Energy and Scheduling Reserve, and requires binding Offers and 18

Bids.  Like other established regional markets, the Integrated Marketplace will 19

operate a security constrained unit commitment and dispatch process to clear the 20

Day-Ahead Market, which enables the co-optimized procurement of Energy and 21

Operating Reserve, producing the most economical commitment and dispatch of 22

Resources.  23
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Certain limited features of SPP’s Day-Ahead Market differ from the 1

Market Design of other RTOs.  Below, in discussing the specific components of 2

SPP’s Day-Ahead Market design, I identify and describe those differences.3

(1) Reserve Zones in Day-Ahead Market4

Q. PLEASE DESCRIBE THE USE OF RESERVE ZONES IN SPP’S DAY-5

AHEAD MARKET.6

A. The current design of SPP’s Day-Ahead Market proposes six potential Reserve 7

Zones for reliability purposes.  These zones were developed through studies 8

identifying transmission-constrained areas where a minimum amount of 9

Operating Reserve clearing may be needed or the maximum of Operating Reserve 10

clearing may be limited under certain circumstances.  When transmission 11

constraints are such that an area cannot reliably import or export Operating 12

Reserve in response to a Resource contingency, minimum and maximum amounts 13

of Operating Reserve are established in the impacted Reserve Zone to ensure the 14

deliverability of cleared Operating Reserve throughout the SPP Balancing 15

Authority Area (“SPP BAA”).  The establishment of Reserve Zones is re-16

evaluated semi-annually.  The value of the minimums and maximums for the 17

Reserve Zones are set daily.18

Q. HAVE RESERVE ZONES BEEN ESTABLISHED IN OTHER REGIONAL 19

MARKETS?20

A. Yes.  For example, Reserve Zones have been established and approved by FERC 21

in MISO and ISO-New England, Inc. (“ISO-NE”).  While the number and size of 22

Reserve Zones, and the frequency that they are reviewed for possible 23

modification, may vary from region to region, the basic purpose is the same:  i.e., 24
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to ensure that adequate Operating Reserve is available in areas susceptible to 1

system constraints.2

Q. WHY ARE RESERVE ZONES APPROPRIATE FOR SPP AND THE 3

INTEGRATED MARKETPLACE?4

A. As Mr. Monroe explains, implementation of the Integrated Marketplace entails 5

the consolidation of the sixteen current Balancing Authorities into a single SPP 6

Balancing Authority.  In today’s EIS Market, each Balancing Authority is 7

responsible for carrying its appropriate share of Reserve to meet its Balancing 8

Authority requirements.  SPP works closely with the Balancing Authorities today 9

to make sure Operating Reserve, including those from members of all Reserve 10

sharing groups, can be delivered if called upon.  Under the Integrated 11

Marketplace, SPP will assume responsibility for ensuring that all Reserve it 12

secures through the Day-Ahead and Real-Time Markets can be deployed reliably 13

in the event a contingency occurs.  The Reserve Zones were developed by SPP 14

following extensive study and offer a mechanism that balances reliable delivery 15

of procured Operating Reserve with market-based procurement of Operating 16

Reserve on an SPP Balancing Authority Area wide basis.  17

(2) Scarcity Pricing in Day-Ahead Market18

Q. HOW DOES SPP’S PROPOSED DAY-AHEAD MARKET PRICE 19

CAPACITY SHORTAGES AND/OR REGULATION CAPABILITY 20

SHORTAGES?21

A. The Day-Ahead Market proposes using Demand Curves to adjust MCPs and 22

LMPs during times of capacity or regulation capability shortages (“Scarcity 23

Pricing”).  Scarcity Pricing is accomplished through the use of an Operating 24
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Reserve Demand Curve.  Use of Demand Curves results in adjusted prices that 1

better reflect the value of Energy during the shortage periods.2

Q. PLEASE DESCRIBE THE KEY FEATURES OF SCARCITY PRICING IN 3

SPP’S DAY-AHEAD MARKET.4

A. Scarcity Pricing for capacity shortages is triggered on a Reserve Zone or system-5

wide basis by a shortage of Operating Reserve capacity.  The Operating Reserve 6

Demand Curve price is the sum of the Safety-Net Energy Offer Cap (proposed as 7

$1,000/MWh) and the Contingency Reserve Offer Cap (proposed at $100/MW), 8

or $1,100/MWh as currently proposed.  This means that Operating Reserve MCPs 9

and Energy LMPs will be increased by $1,100/MW when there is a shortage of 10

Operating Reserve capacity to meet the Operating Reserve requirements and 11

when there is a shortage of capacity to meet Energy requirements.    12

The Demand Curve for a shortage of Regulation capability, Regulation-Up 13

or Regulation-Down, is the sum of the Regulation Offer Cap (proposed at 14

$500/MW) and the Contingency Reserve Offer Cap (proposed at $100/MW), 15

resulting in a Regulation Demand Curve price of $600/MW.  This means that 16

Regulation-Up MCPs will be increased by $600/MW when there is a shortage of 17

Regulation-Up capability that is caused solely from the lack of available 18

Resources that have regulating capability to meet the Regulation-Up 19

requirements.  In this example, Regulation-Up capability shortages will have no 20

additional impact to LMPs (i.e., the $600/MW Regulation Demand Curve price 21

will not be reflected in LMPs for Regulation-Up capability shortages).  22

Regulation-Up capability shortages caused by the need to remove qualified 23

Resources from regulating in order to meet Energy requirements are accounted 24
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for under the Operating Reserve Demand Curve and the Regulation Demand 1

Curve does not apply in this case.  For Regulation-Down capability shortages, the 2

Regulation Demand Curve also applies.  This means that Regulation-Down MCPs 3

will be increased by $600/MW when there is a shortage of Regulation-Down 4

capability that is caused solely from the lack of available Resources that have 5

regulating capability to meet the Regulation-Down requirements.  In this case, 6

Regulation-Down capability shortages will have no impact to LMPs (i.e., the 7

$600/MW Regulation Demand Curve price will not be reflected in LMPs for 8

Regulation-Down capability shortages).  However, Regulation-Down capability 9

shortages caused by the need to remove qualified Resources from regulating in 10

order to meet minimum Energy requirements (i.e., during an excess generation 11

emergency) will have an impact on LMPs as LMPs will reflect the negative of the 12

Regulation Demand Curve, or -$600/MW (i.e., LMPs will be negative, potentially 13

in excess of -$600/MWh).  Negative LMPs in this case provide the proper market 14

incentives for both Resources and load to respond in an excess generation 15

emergency.  16

Q. HOW DOES SPP’S PROPOSED SCARCITY PRICING MECHANISM 17

COMPARE TO PRICING MECHANISMS IN OTHER COMMISSION-18

APPROVED RTO/ISO MARKETS?19

A. The California Independent System Operator Corp. (“CAISO”), MISO, and New 20

York Independent System Operator, Inc. (“NYISO”) also use Scarcity Pricing and 21

Demand Curves as part their integrated market designs to address shortage 22

situations. 23
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Q. WHY ARE SUCH PRICING MECHANISMS APPROPRIATE FOR THE 1

INTEGRATED MARKETPLACE?2

A. Under Order No. 719, FERC recognized that a pricing mechanism to incent entry 3

of demand response, generation Resource, and other innovative solutions in 4

response to capacity shortage conditions was necessary.  Although the SPP 5

Region has significant generation Resources compared to the peak load (62 GW 6

vs. 46 GW), there still may be times of Operating Reserve shortage.  The use of 7

Demand Curves and related pricing mechanisms results in equitable 8

compensation for Resources required during such shortages.  In Order No. 719, 9

FERC specifically found that Demand Curves constitute a reasonable pricing tool 10

during times of Operating Reserve shortages and identified six (6) criteria that 11

should be considered in any Scarcity Pricing proposal.12

Q. WHAT WERE THE SIX (6) CRITERIA IDENTIFIED BY THE 13

COMMISSION IN ORDER NO. 719?14

A. In Order No. 719, the Commission explained that a pricing mechanism for use 15

during a period of reserve shortages should (i) improve reliability by reducing 16

demand and increasing generation; (ii) make it more worthwhile for customers to 17

invest in demand response technologies; (iii) encourage existing generation and 18

Demand Response Resources to continue to be relied upon; (iv) facilitate entry of 19

new generation and Demand Response Resources; (v) ensure continued 20

applicability of comparable treatment of and compensation to all Resources; and 21

(vi) ensure that market power is mitigated and gaming behavior is deterred. 22
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Q. DOES SPP’S SCARCITY PRICING MECHANISM CONSIDER THESE 1

CRITERIA?2

Yes.  In developing its Scarcity Pricing proposal, SPP was mindful of each of 3

these considerations.  SPP relied heavily on historical market data in setting 4

proposed Operating Reserve Demand Curve prices.  These data showed that 5

prices within the SPP Region are historically below the price at which Demand 6

Response submits Offers, based on the history of 1,500 MW of Demand Response 7

participating as price takers, rather than price makers.  Thus, timely application of 8

SPP’s proposed Scarcity Pricing Demand Curves can reasonably be expected to 9

result in higher prices for Demand Response to expand participation of, and 10

investment in, Demand Response Resources and technologies. Moreover, the 11

development and use of the Safety Net Offer Cap results in the last MW of 12

economic Offers setting a price that could not go any higher for the deployment of 13

emergency Resources without Scarcity Pricing.  In this way, SPP’s proposed 14

pricing mechanism recognizes the additional value for Resources to operate in the 15

Emergency ranges, both promoting the continued use of existing generation and 16

Demand Response Resources and incenting development of new such Resources.  17

Q. DOES SPP’S PROPOSAL ENSURE THE CONTINUATION OF 18

COMPARABLE TREATMENT TO ALL RESOURCES DURING 19

RESERVE SHORTAGES?20

A. Yes.  There is nothing in SPP’s Scarcity Pricing proposal that permits disparate 21

treatment of, or compensation to, Resources relied upon during Operating Reserve 22

shortages. 23
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Q. FINALLY, DID SPP’S MARKET MONITORING UNIT (“MMU”) 1

REVIEW SPP’S SCARCITY PRICING PROPOSAL AS PART OF ITS 2

REVIEW OF THE INTEGRATED MARKETPLACE DESIGN?3

A. Yes.  SPP’s MMU evaluated all aspects of the Integrated Marketplace design, 4

including the Scarcity Pricing mechanism, in issuing its report.  The findings of 5

the MMU are detailed in the testimony of the MMU’s Supervisor, Dr. John Hyatt, 6

which is being submitted as part of this filing.7

(3) “Must-Offer” Requirements in Day-Ahead Market8

Q. PLEASE DESCRIBE THE “MUST OFFER” REQUIREMENT 9

PROPOSED FOR THE DAY AHEAD MARKET.10

A. The purpose of the must-offer requirement is to ensure that sufficient Resources 11

are available in both the Day-Ahead Market and in RTBM to serve load and 12

provide sufficient Operating Reserve.  Accordingly, in the Day-Ahead Market, 13

each Market Participant is required to offer sufficient Resources to cover its load 14

plus Operating Reserve obligation for the next day to the extent that its Resources 15

are available.  In the RUC process and RTBM, Market Participants must submit 16

Resource Offers for all Resources to the extent that the Resources are available. 17

Q. WHAT WAS THE RATIONALE FOR HAVING A “MUST-OFFER” 18

REQUIREMENT FOR THE DAY AHEAD MARKET?19

A. Under the EIS Market today, Market Participants are required to commit 20

sufficient generation to meet forecasted load and to submit ancillary service plans 21

to meet their Operating Reserve obligations.  As the details for the Integrated 22

Marketplace evolved, the members debated whether such a similar policy should 23

be carried forward as part of the Integrated Marketplace design.  The policy 24
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decision to include a “must-offer” requirement for Resources reflects the highly 1

regulated nature of the retail market in the SPP Region.  Exceptions to the “must-2

offer” requirement are recognized for Resources in outage or Reserve Shutdown.  3

Q. HOW DOES SPP’S “MUST-OFFER” DESIGN FEATURE COMPARE TO 4

THE MUST-OFFER PROVISIONS IN OTHER FERC-APPROVED 5

ISO/RTO MARKETS?6

A. Other RTOs, such as CAISO, PJM, MISO, and ISO-NE, have “must-offer” 7

requirements in their market design requiring specific Resources to offer in their 8

Day-Ahead Market.  In contrast, SPP’s “must-offer” requirement is tied to 9

expected load requirements:  To the extent available, Resources must be offered 10

to meet the expected load and Operating Reserve requirements.  Market 11

Participants without load or Operating Reserve requirements are not required to 12

offer in the Day-Ahead Market.  Market Participants with capacity in excess of 13

their load and Operating Reserve requirement may voluntarily offer them in the 14

Day-Ahead Market. 15

Q. WHY ARE THE PROPOSED “MUST-OFFER” PROVISIONS 16

APPROPRIATE FOR SPP AND THE INTEGRATED MARKETPLACE?17

A. All of SPP’s market area load is subject to retail regulation, including a must-18

serve obligation.  Additionally, the Day-Ahead Market is a financially binding 19

market within which load participation is voluntary.  In recognition of these two 20

facts, and the “economic” nature of the Day-Ahead Market versus the “reliability” 21

nature of the RUC process, a “must-offer” floor was determined to be necessary 22

to ensure sufficient physical Resources were offered into the Day-Ahead Market 23

to meet the Energy Bids (excluding virtuals) and Operating Reserve requirements 24
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of the Operating Day.  I would emphasize that the “must-offer” provisions were 1

the subject of extensive stakeholder study and discussion prior to being approved 2

by SPP’s Board of Directors.3

(4) Co-Optimization in Day-Ahead Market4

Q. PLEASE DESCRIBE THE OBJECTIVE OF CO-OPTIMIZATION IN THE 5

DAY-AHEAD MARKET.6

A. The objective of co-optimization in the Day-Ahead Market is to ensure that 7

Market Participants are indifferent as to whether the Resource is cleared for 8

Energy or Operating Reserve through a rational clearing of the products, 9

considering operational constraints and the least total cost solution.10

Q. PLEASE DESCRIBE THE KEY FEATURES/FUNCTIONS OF CO-11

OPTIMIZATION IN THE DAY-AHEAD MARKET.12

A. The co-optimization process is integral to both the unit commitment and dispatch 13

logic of the Day-Ahead Market.  The product substitution logic includes the use 14

of more economic Offers for Regulation-Up to meet Contingency Reserve 15

requirements and more economic Offers for Spinning Reserve to meet 16

Supplemental Reserve requirements once the requirements for Energy, 17

Regulation-Up, and Spinning Reserve, respectively, are met.  The co-optimization 18

logic incorporates opportunity costs into the setting of the Market Clearing Prices 19

for Operating Reserve in order to keep Market Participants indifferent as to the 20

whether the Resource is cleared for Energy or Operating Reserve.   21
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Q. HOW DOES SPP’S PROPOSED CO-OPTIMIZATION DESIGN 1

COMPARE TO THE DESIGN OF OTHER COMMISSION-APPROVED 2

RTO/ISO MARKETS?3

A. Similar co-optimization features have been approved in the design of the Day-4

Ahead Markets for other regions, including CAISO, ISO-NE, MISO, NYISO, and 5

PJM.6

Q. IS THERE ANYTHING ABOUT CO-OPTIMIZATION IN THE DAY-7

AHEAD MARKET THAT IS UNIQUE TO SPP?8

A. No.9

(5) Marginal Losses in Day-Ahead Market 10

Q. PLEASE DESCRIBE THE OBJECTIVE OF INCLUDING MARGINAL 11

LOSSES IN THE DAY-AHEAD MARKET DESIGN.12

A. The objective of including marginal losses in the Day-Ahead Market design is to 13

increase the economic efficiency of the solution by recognizing the impact on 14

total cost caused by the potential reduced Energy deliveries to load due to 15

Resource distance from load and transmission line configurations.16

Q. PLEASE DESCRIBE THE KEY FEATURES/FUNCTIONS OF 17

INCLUDING MARGINAL LOSSES IN THE DAY-AHEAD MARKET 18

DESIGN.19

A. In the Day-Ahead Market, physical load Bids are submitted consistent with how 20

actual load is submitted for settlement in the RTBM:  i.e., net of transmission 21

losses.  This differs from the so-called “average losses” approach where load 22

value is represented on the basis of “generation needs.”  The “generation needs” 23
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amount reflects the MWh that would need to be produced to result in load being 1

served, including an estimate of Transmission System losses.    2

Under a marginal losses approach, the dispatch algorithm considers the 3

total cost of the Resource injections, including cost impacts relating to changes in 4

marginal system losses, in order to meet the delivered needs of the load (exclusive 5

of Transmission System losses) at least cost, thus producing a more optimal 6

solution than under the average losses approach.  The LMP includes a Marginal 7

Loss Component (“MLC”) that is representative of these cost impacts.  Because 8

the MLC is reflective of marginal cost changes associated with changes in 9

marginal system losses (as opposed to average system losses), revenue will be 10

collected in excess of the amounts needed to fund the average system losses, 11

where the average system losses are equal to the difference between cleared total 12

injections and cleared total withdrawals.  However, unlike revenue over-13

collection resulting from Transmission System congestion (via the Marginal 14

Congestion Component (“MCC”)), a hedge instrument does not exist for 15

refunding the excess revenues collected due to the MLC.16

Q. HOW IS SPP PROPOSING TO REFUND THE OVER-COLLECTIONS 17

DUE TO INCLUSION OF MARGINAL LOSSES?18

A. The net over-collections attributed to the MLC (i.e., Marginal Loss Surplus) are 19

refunded to Asset Owners based on a proxy estimate of each Asset Owner’s 20

contribution to the Marginal Loss Surplus.  This proxy contribution is calculated 21

at each Settlement Location included in the Asset Owner’s “Loss Pool,” but only 22

at Settlement Locations where the total of all Resource, load, virtual transactions, 23

and interchange transactions at that Settlement Location is a net withdrawal, and 24
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is calculated based upon differences between the MLC at each Asset Owner Loss 1

Pool withdrawal Settlement Location and its corresponding set of injection 2

Settlement Locations, as more fully described under (a), (b), and (c) below.  An 3

Asset Owner’s Loss Pool is defined as the set of Settlement Locations at which 4

the Asset Owner has transactional activity, which would include: cleared 5

Resource MW; cleared load MW; cleared interchange transactions; cleared virtual 6

transactions and Bilateral Settlement Schedules.  Using this method, Loss Pools 7

can be defined dynamically and will automatically include the proper treatment of 8

jointly owned Resource shares that are modeled using Bilateral Settlement 9

Schedules.  Key features in the calculation of the proxy contribution are:10

(a) At each Settlement Location in an Asset Owner’s Loss Pool, only 11

positive differences between that Asset Owner’s MLC at withdrawal 12

Settlement Locations and that Asset Owner’s weighted average generation 13

MLC are included in the calculation of the proxy contribution.  The 14

weighted average generation MLC is calculated at the Loss Pool level by 15

assuming that all of that Asset Owner’s injection transactions are first used 16

to meet all of that Asset Owner’s withdrawal transactions within that Loss 17

Pool.  To the extent that the Loss Pool injection transactions are less than 18

that Loss Pool’s withdrawal transactions, that Loss Pool weighted average 19

MLC includes a weighted average portion of an SPP injection weighted 20

MLC, where the SPP injected weighted MLC is the weighted average of 21

all injection MLCs of Loss Pools where total injections exceed total 22

withdrawals.  This calculation method ensures that: (i) the refund of the 23

Marginal Loss Surplus is not in exactly the same proportion as it was 24
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collected; (ii) provides an equitable distribution of refunds through 1

recognition of the relative level in which each Market Participant overpaid 2

while taking into account any increased loss costs incurred due to delivery 3

of Energy to load from Resources geographically distant from the load; 4

and (iii) preserves the intended pricing signals to generators since 5

Marginal Loss Surplus refunds are only allocated to withdrawals. 6

(b) Net withdrawals are calculated at the Settlement Location prior to 7

the calculation of the Asset Owner’s proxy contribution.  The net 8

withdrawal calculation includes the sum of all transactional activity by all 9

Asset Owners at that Settlement Location.  Because both injections and 10

withdrawals are netted, gaming opportunities relating to wash trades at 11

single Settlement Locations and offsetting wash trade transactions at 12

separate Settlement Locations are eliminated.13

(c) Once the net withdrawals at a Settlement Location are determined, 14

the calculation of each Asset Owner’s proxy contribution is performed but 15

all virtual transaction activity is excluded, thus eliminating any refunds 16

resulting from withdrawals created solely from virtual transaction activity.   17

Q. HOW DOES SPP’S PROPOSED REFUND OF MARGINAL LOSS 18

SURPLUS COMPARE TO OTHER COMMISSION-APPROVED RTO/ISO 19

MARKETS?20

A. The distribution of Marginal Loss Surplus is on a Loss Pool basis, similar to 21

MISO.  However, the Loss Pools proposed in the Integrated Marketplace are more 22

granular than MISO’s Loss Pools in that they are created dynamically on an 23

hourly basis for each Asset Owner that a Market Participant represents and are 24
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defined at the Asset Owner level as being equal to the subset of Settlement 1

Locations at which the Asset Owner has any transactional activity.  Creation of 2

Loss Pools in this manner provides a more equitable distribution of the refund to 3

each individual Asset Owner.4

(6) Virtual Trading in Day-Ahead Market 5

Q. PLEASE DESCRIBE THE OBJECTIVE OF VIRTUAL TRANSACTIONS 6

IN THE DAY-AHEAD MARKET.7

A. Virtual transactions allow Market Participants to transact in the Day-Ahead 8

Market by submitting “virtual” Offers to supply Energy, and “virtual” Bids to 9

purchase Energy, even though such Market Participants own no Resources and 10

serve no load.  Virtual transactions increase market liquidity and, as a result, 11

facilitate the convergence of the Day-Ahead Market and RTBM LMPs.  Virtual 12

transactions can be used to support Offers at Settlement Locations with an offline 13

Resource and/or to support interchange transactions with Offers and Bids at 14

External Interfaces.15

Q. PLEASE DESCRIBE THE KEY FEATURES/FUNCTIONS OF VIRTUAL 16

TRANSACTIONS IN THE DAY-AHEAD MARKET.17

A. A Virtual Energy Offer or Bid may be submitted in the Day-Ahead Market at any 18

Settlement Location (including Market Hubs).  These Offers and Bids are 19

included in the Day-Ahead security constrained unit commitment and economic 20

dispatch solution and, to the extent cleared by the solution, are accounted for in 21

the calculation of LMPs.  A Market Participant whose Offer or Bid is cleared in 22

the Day-Ahead Market is paid or charged, as appropriate, at the Day-Ahead 23

Market LMP.24
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Q. HOW DOES SPP’S PROPOSED TREATMENT OF VIRTUAL 1

TRANSACTIONS IN THE DAY-AHEAD MARKET COMPARE TO 2

OTHER COMMISSION-APPROVED RTO/ISO MARKETS?3

A. The general design parameters for virtual transactions in the Integrated 4

Marketplace are essentially the same as those approved for MISO and PJM, with 5

one exception.  While a Market Participant is free to submit a Virtual Energy 6

Offer or Bid at any Settlement Location as in other jurisdictions, SPP is proposing 7

to limit a Market Participant to a single Offer or Bid per hour at each Settlement 8

Location for each Asset Owner it represents.  For example, a Market Participant 9

that represents two Asset Owners who share a Settlement Location may submit 10

two Offers or Bids at that Settlement Location.  Each Virtual Energy Offer or 11

Virtual Energy Bid may contain up to 10 price/quantity pairs.12

Q. WHY IS THIS OFFER/BID LIMITATION APPROPRIATE FOR 13

VIRTUAL TRANSACTIONS IN SPP’S DAY-AHEAD MARKET?14

A. The single Offer/Bid per hour at each Settlement Location by Asset Owner is for 15

the purpose of allowing adequate time for the Day-Ahead Market software to 16

arrive at a feasible solution.  The nature of a virtual transaction is that it is not 17

limited by any physical reality, e.g., Resource maximum capability or actual Real-18

Time load.  These characteristics invite a large number of virtual transactions to 19

be submitted by a single participant and introduce administrative problems and 20

model solution issues due to the compressed timelines in which such numerous 21

transactions must be processed.  In fact, the sheer number of virtual transactions 22

could cause the market software to be unable to solve.    23
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(7) Make Whole Payments in Day-Ahead Market  1

Q. PLEASE DESCRIBE THE OBJECTIVE OF THE MAKE WHOLE 2

PAYMENT IN THE DAY-AHEAD MARKET.3

A. All physical Resources committed by SPP in the Day-Ahead Market are eligible 4

for make whole payments.  Make whole payments are included in the Day-Ahead 5

Market in order to fully compensate Market Participants owning committed 6

Resources for their submitted Offer costs.  By ensuring compensation for Start-7

Up, No-Load, Energy Offer Curve Costs, and Operating Reserve Offer costs 8

through the make whole payment mechanism, Market Participants should be 9

indifferent to the commitment decision of the market. 10

Q. PLEASE DESCRIBE THE KEY FEATURES OF THE MAKE WHOLE 11

PAYMENT IN THE DAY-AHEAD MARKET.12

A. The make whole payment is calculated based on each Resource’s submitted Start-13

Up Offer costs, No-Load Offer costs, Energy Offer Curve costs and Operating 14

Reserve Offer costs compared to the Resource revenues for the commitment 15

period.  The commitment period is from the start-up to shutdown period.  16

However, a portion of the Start-Up Offer costs are included in each hour up to the 17

lesser of the Resource’s minimum run time or 24 hours.  There may be multiple 18

commitment periods within an Operating Day for a Resource and a commitment 19

period may cross over into the following Operating Day for purposes of ensuring 20

Start-Up Offer cost recovery.21

The make whole payment is funded through a daily charge applied to net 22

Energy withdrawals (inclusive of all physical and virtual transactions) at every 23

Settlement Location.  24
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Q. HOW DOES THE DESIGN OF THE MAKE WHOLE PAYMENT IN 1

SPP’S PROPOSED DAY-AHEAD MARKET COMPARE TO THAT OF 2

OTHER COMMISSION-APPROVED RTO/ISO MARKETS?3

A. Make whole payments and recovery through charges to Energy withdrawals are 4

used in other RTOs, such as MISO.  However, SPP’s make whole payment 5

proposal differs by allowing the commitment period to span across two Operating 6

Days.  In contrast, other markets typically limit the period in which Start-Up costs 7

may be recovered to a single Operating Day.  In both instances, however, the 8

inclusion of Start-Up costs for recovery is limited to the lesser of the Resource’s 9

minimum run time or 24 hours.  10

Q. WHY IS THIS APPROACH APPROPRIATE FOR SPP AND THE 11

INTEGRATED MARKETPLACE?12

A. Any Resource committed by SPP should be guaranteed recovery of their 13

submitted Offer costs in order to provide incentive for Market Participants to 14

allow SPP to optimize unit commitment decisions for the entire SPP BAA, as 15

opposed to Market Participants self-committing their Resources.    16

Q. PLEASE SUMMARIZE THE OUTCOMES OF THE DAY-AHEAD 17

MARKET.18

A. The outcomes of the Day-Ahead Market are (1) a financially binding solution 19

(Energy MW and Operating Reserve MW) with LMP for every Settlement 20

Location and MCP (for each Operating Reserve product) at each Reserve Zone 21

that are used for Day-Ahead Market settlement of Energy, Operating Reserve, and 22

TCRs, and (2) a preliminary unit commitment plan for use in the RUC processes.23
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C. RELIABILITY UNIT COMMITMENT1

Q. PLEASE DESCRIBE THE OBJECTIVE OF THE RUC PROCESS.2

A. The RUC process is employed immediately following the completion of the Day-3

Ahead Market (Day-Ahead RUC) and throughout the Operating Day (Intra-Day 4

RUC) as needed.  All Resources not on outage are required to be offered in the 5

RUC process.  The Day-Ahead RUC is reliability based and performs an initial 6

assessment of Resource adequacy prior to the Operating Day to meet projected 7

Energy and Operating Reserve requirements.  The commitment of additional 8

Resources above those committed in the Day-Ahead Market, or the de-9

commitment of Day-Ahead Market committed Resources (only in an excess 10

generation emergency situation) may occur.   11

The Intra-Day RUC process runs at least every four hours throughout the 12

Operating Day and otherwise as needed to address changes in Resource 13

availability, load, and transmission availability in order to ensure sufficient 14

Resources are committed to meet the Energy and Operating Reserve needs for the 15

remainder of the Operating Day.16

Q. PLEASE DESCRIBE THE KEY FEATURES/FUNCTIONS OF THE RUC 17

PROCESSES.18

A. Both the Day-Ahead and Intra-Day RUC processes perform a Resource adequacy 19

assessment which includes consideration of all available Resources, expected 20

wind Resource output, and Import Interchange Transactions to meet projected 21

SPP Balancing Authority forecasted load, Export Interchange Transactions, and 22

Operating Reserve requirements, while recognizing Transmission System limits.  23

The difference between the two processes is that in the Intra-Day RUC, the 24
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solution is for the remaining hours in the Operating Day as opposed to the entire 1

Operating Day that is evaluated in the Day-Ahead RUC process.  2

Q. HOW DOES THE DESIGN OF SPP’S RUC PROCESS COMPARE TO 3

THAT OF OTHER COMMISSION-APPROVED RTO/ISO MARKETS?4

A. It is substantially similar, recognizing that there may be some regional variations 5

in determining expected wind generation output.  However, I am aware of at least 6

one other RTO (MISO) that considers wind Resources in its reliability 7

commitment stack through forecasting similarly to SPP’s approach.  The MISO 8

Tariff allows Dispatchable Intermittent Resources, including wind, to participate 9

in MISO’s real-time security-constrained dispatch process and set market prices.  10

Q. PLEASE DESCRIBE HOW WIND FORECASTS ARE USED IN THE RUC 11

PROCESSES?12

A. SPP calculates the expected wind Resource Energy for each hour of the Operating 13

Day and uses this forecast as an input into the RUC processes.  This is important 14

in SPP because of the substantial volume of wind Energy – approximately 5,000 15

MW – and its fluctuating output, and will have a significant impact on unit 16

commitment.  As noted, MISO similarly accounts for wind generation to inform 17

its RUC process. 18

Q. WHAT IS THE END-RESULT OF THE RUC PROCESSES?19

A. The RUC processes result in Resource commitment orders, including start-time 20

instructions, to Market Participants.  Any Resource committed by SPP through 21

the RUC processes is eligible for a make whole payment.  The RUC processes 22

also provide SPP with a preliminary indication of anticipated capacity surplus or 23

shortage conditions for the Operating Day. Anticipated emergency conditions 24
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are communicated to Market Participants as needed in accordance with North 1

American Electric Reliability Corporation (“NERC”) emergency procedure 2

guidelines. 3

D. REAL-TIME BALANCING MARKET4

Q. PLEASE DESCRIBE THE OBJECTIVE OF THE RTBM.5

A. The objective of the RTBM is to produce a reliable and least cost Energy dispatch 6

and Operating Reserve procurement to meet the projected load and Operating 7

Reserve requirements.  To accomplish this, the RTBM uses a security constrained 8

economic dispatch (“SCED”) algorithm to produce a solution every five minutes.  9

The SCED algorithm used in the RTBM is consistent with the SCED algorithm 10

used to clear the Day-Ahead Market. 11

Q. PLEASE DESCRIBE THE KEY FEATURES/FUNCTIONS OF THE 12

RTBM.13

A. Consistent with the Day-Ahead Market, the RTBM design incorporates:14

(a) Scarcity Pricing for capacity shortages on both an SPP Balancing 15

Authority Area-wide basis and Reserve Zone basis using Demand Curves;16

(b) Inclusion of marginal losses; and  17

(c) Co-optimization of Energy and Operating Reserve.   18

Q. DO OTHER RTOS HAVE SIMILAR COMPENSATION MECHANISMS 19

AS PART OF THEIR REAL-TIME MARKETS?20

A. ISO-NE, MISO, and the NYISO also have mechanisms intended to compensate 21

providers for the financial impact of being dispatched in circumstances under 22

which the Resource is unable to fully recover its Real-Time Energy costs.  CAISO 23

also utilizes make whole payments for LMP corrections.24
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Q. PLEASE DESCRIBE MORE SPECIFICALLY HOW THE RTBM WILL 1

OPERATE IN THE INTEGRATED MARKETPLACE. 2

A. The RTBM is designed to operate on a continuous basis, calculating every five 3

minutes the necessary Resource Dispatch Instructions and Operating Reserve 4

procurement to meet the projected load and Operating Reserve requirements.  All 5

available Resources that are registered in the SPP market are required to be 6

offered into the market.  SPP calculates the load forecast and includes the impact 7

of any scheduled off-system commitments to determine the projected load.  8

Resource Offers for Energy and Operating Reserve are submitted on an hourly 9

basis.  Every five minutes the SCED model yields Dispatch Instructions for the 10

production of Energy and the clearing of Operating Reserve on a co-optimized 11

basis.  Settlement of the RTBM is based on the difference between the actual 12

production/consumption of Energy and RTBM cleared Operating Reserve for 13

each registered asset, compared to the Day-Ahead Market clearing levels for those 14

same assets.  The price applied to the Energy differences is the RTBM LMP, and 15

the price applied to Operating Reserve clearing differences are the RTBM MCP.  16

The RTBM is settled every five minutes and these detailed results are available to 17

Asset Owners through the Settlement Statement.  Daily totals are included in the 18

weekly invoices to each Market Participant.  19

Q. HOW DOES THE DESIGN OF SPP’S RTBM COMPARE TO THAT OF 20

OTHER COMMISSION-APPROVED RTO/ISO MARKETS?21

A. The basic design of SPP’s RTBM is comparable to the market designs of other 22

approved RTOs.  To the extent that certain design features of SPP’s RTBM vary 23

from other approved regional markets, they are identified and discussed below. 24
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(1) Settlements in RTBM1

Q. PLEASE DESCRIBE THE OBJECTIVE OF FIVE-MINUTE 2

SETTLEMENTS IN THE RTBM.3

A. The purpose of settling the RTBM on a five-minute basis is to incent submission 4

of actual Resource ramping capability and to acknowledge the shifting of capacity 5

between Energy and Operating Reserve every five minutes.6

Q. PLEASE DESCRIBE THE KEY FEATURES/FUNCTIONS RELATED TO 7

THE FIVE-MINUTE SETTLEMENTS IN THE RTBM.8

A. The RTBM LMPs and MCPs are applied to the differences between the Real-9

Time and Day-Ahead cleared amounts of Energy, Operating Reserve, and virtual 10

transactions.  The actual amount for Energy is the metered values for a five-11

minute interval.  These values may be from actual meter values submitted for 12

each five-minute interval or hourly meter values which are then profiled into five-13

minute values by SPP using five-minute state estimator output.  The RTBM 14

Operating Reserve “actual” is the amount cleared in the RTBM for the five-15

minute period.  The RTBM “actual” for cleared Day-Ahead Market virtual 16

transactions is zero.17

Q. HOW DOES THE USE OF FIVE-MINUTE SETTLEMENTS IN SPP’S 18

RTBM COMPARE TO OTHER COMMISSION-APPROVED RTO/ISO 19

MARKETS?20

A. The five-minute settlement process is used in other RTOs for Operating Reserve 21

products.  However, settlement of Energy in other RTOs is typically performed on 22

an hourly basis, using some form of LMP averaging.  This includes ISO-NE, 23
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MISO, and PJM.  (NYISO is an exception; it settles Energy every five minutes, as 1

proposed by SPP.)2

Q. WHY IS A FIVE-MINUTE SETTLEMENT APPROPRIATE FOR SPP 3

AND THE INTEGRATED MARKETPLACE?4

A. A five-minute settlement incents the submission of ramp capability by the 5

Resources because the capability to move quickly is rewarded by an LMP 6

commensurate with the five-minute instructions.  It represents a more nimble 7

pricing mechanism than an hourly LMP settlement process because the latter does 8

not recognize, in a financial sense, a Resource’s ability to move quickly within 9

the hour to balance changes in load.  Without this pricing feature, Resource-10

owners may be disinclined to offer all their ramp capability, perceiving that they 11

are not being fully compensated for the actions required.  Additionally, the co-12

optimization of Operating Reserve with Energy results in Operating Reserve 13

capacity shifting on a five-minute basis.  Since this is capacity, and not Energy, 14

meaningful integration of these amounts to hourly values is difficult.  To maintain 15

equity of settlement, a settlement interval equal to the co-optimization interval 16

was chosen.17

Q. PLEASE SUMMARIZE THE OUTCOMES OF THE RTBM?18

A. The RTBM results in Dispatch Instructions for Energy and cleared Operating 19

Reserve through the SCED process.  This process also results in LMP and 20

Operating Reserve product MCPs for use in the settlement process.21
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E. MODELING OF NON-TRADITIONAL RESOURCES IN THE 1
INTEGRATED MARKETPLACE2

(1) Jointly-Owned, Combined Cycle, and Variable Energy 3
Resources4

Q. PLEASE DESCRIBE THE OBJECTIVE OF SPP’S PROPOSED 5

TREATMENT OF JOINTLY-OWNED GENERATION RESOURCES IN 6

THE INTEGRATED MARKETPLACE.7

A. The joint-owned Resource logic is designed to facilitate each joint owner’s right 8

to independently submit Offers for its portion of the Resource, subject to the 9

physical operating characteristics of the Resource – e.g., commitment of a single 10

share must be operationally feasible.  However, registration of each ownership 11

share is optional.  Market Participants may register their joint-owned Resource as 12

a single Resource which SPP will treat the same as any other registered Resource. 13

Q. PLEASE DESCRIBE HOW JOINT OWNERS WILL REGISTER THEIR 14

RESOURCES IN THE INTEGRATED MARKETPLACE.15

A. There are two options available to Market Participants for registering their jointly-16

owned unit shares:  Individual Resource Option and Combined Resource Option.  17

Individual Resource Option:18

Under the Individual Resource Option, all independent shares must be 19

able to be committed independent of one another and each Market Participant 20

owner can submit Resource Offers for its share the same as any other Resource.  21

Combined Resource Option:22

Under the Combined Resource Option, one or more shares, if committed, 23

would not be operationally feasible.  As such, under this option, all shares must be 24

committed or none at all.  Each Market Participant owner can submit Resource 25
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Offers for its share the same as any other Resource but only for Offer parameters 1

that are not dependent upon unit commitment.  For price related unit commitment 2

Offer parameters, the designated Market Participant, typically the owner/operator, 3

submits the Start-Up and No-Load Offers for the entire physical Resource.  4

Market Participant owners submit Energy Offers and Operating Reserve Offers 5

for their portion of the Resource.  The make whole payments are calculated for 6

each individual Resource share the same as any other Resource, with the 7

submitted Start-Up Offer and No-Load Offer costs allocated to each Resource 8

share using the submitted ownership percentages.9

Q. HOW DOES SPP’S PROPOSED TREATMENT OF JOINTLY-OWNED 10

GENERATION RESOURCES COMPARE TO THAT OF OTHER 11

COMMISSION-APPROVED RTO/ISO MARKETS?12

A. Joint-owned generation is supported in many market designs, including the 13

approved design of MISO, where similar registration and Offer requirements 14

apply to jointly-owned Resources.  However, SPP has adopted two design 15

features based on lessons learned in other markets.  These two features – (1) 16

commitment logic for the physical Resource and (2) distribution of the make 17

whole payments – are designed to address the operational difficulties encountered 18

by other RTOs in independently committing physical Resource shares and 19

handling of the Start-Up and No-Load costs for individual Resource shares.   20
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Q. PLEASE DESCRIBE THE OBJECTIVE OF THE PROPOSED 1

TREATMENT OF COMBINED CYCLE GENERATION RESOURCES IN 2

THE INTEGRATED MARKETPLACE.3

A. The objective of this design feature is to recognize the multiple configurations 4

under which a combined cycle generator may produce Energy.  SPP’s proposal 5

allows Market Participants to register their combined cycle generators using 6

several options in order to allow Market Participants to economically optimize the 7

commitment and dispatch consistent with the generator’s operational 8

configuration.9

Q. PLEASE DESCRIBE HOW COMBINED CYCLE GENERATION 10

RESOURCES WILL BE REGISTERED IN THE INTEGRATED 11

MARKETPLACE.12

A. Similar to a joint-owned generator under the Individual Resource Option, the 13

combined cycle generator may be modeled as several pseudo Resources.  The 14

Market Participant may submit Start-Up, No-Load, and Energy Offer Curves, and 15

Operating Reserve Offers for each modeled Resource.  The Market Participant is 16

responsible for creation and submission of configurations and Offers so that each 17

modeled Resource is properly sequenced and capable of responding to the 18

instructions of SPP.  In addition, Market Participants may elect to model their 19

combined cycle Resource as a single aggregate Resource or they may register 20

each of the component units (Combustion Turbines and Steam Turbines) as 21

separate Resources.  One of these three options must be declared at registration. 22
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Q. WHAT IS THE BASIS FOR THE PROPOSED REGISTRATION AND 1

MODELING PROCEDURES GOVERNING COMBINED CYCLE 2

RESOURCES?3

A. During a year, a significant portion of the Energy to serve the load is produced by 4

combined cycle generation.  Due to the current and anticipated Energy production 5

by combined cycle generation within the SPP market area, the Integrated 6

Marketplace must consider the unique operational parameters of combined cycle 7

generation.  The registration and modeling procedures proposed by SPP will 8

allow for more efficient integration of these Resources in the commitment and 9

dispatch of a centralized Energy and Operating Reserve Market.10

Q. HOW DOES SPP’S PROPOSED TREATMENT OF COMBINED CYCLE 11

GENERATION RESOURCES COMPARE TO OTHER COMMISSION-12

APPROVED ISO/RTO MARKETS?13

A. FERC has approved similar registration and modeling procedures for combined 14

cycle Resources in MISO.  MISO allows generation Resources with combined 15

cycle capability to be submitted as independent or aggregate offers.  Under SPP’s 16

proposed design, these Resources will be able to model and submit Offers 17

reflecting their combined cycle configurations.  However, SPP and its 18

stakeholders have committed to enhance the modeling of combined cycle 19

Resources beyond that in certain other regional markets by capturing the cost of 20

transitioning from one configuration to the next.  SPP expects to implement this 21

design feature one year after start-up of the Integrated Marketplace.22
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Q. PLEASE DESCRIBE THE OBJECTIVE OF SPP’S PROPOSED 1

TREATMENT OF VARIABLE ENERGY RESOURCES IN THE 2

INTEGRATED MARKETPLACE DESIGN.3

A. The Integrated Marketplace is designed to optimize the participation of Variable 4

Energy Resources (“VER”), given the significant presence of VER (primarily 5

wind) in the SPP footprint.  6

Q. PLEASE DESCRIBE THE KEY DESIGN FEATURES OF SPP’S 7

PROPOSED TREATMENT OF VER.8

A. Consistent with the Commission’s directive in Docket No. ER11-3154-000, the 9

proposed market design requires all wind-powered VERs with an interconnection 10

agreement executed after May 21, 2011 to register as a Dispatchable VER and to 11

make any necessary control changes to meet Dispatchable VER requirements.  12

The design also provides an option for non-wind powered VERs to register as a 13

Dispatchable VER.  All other VERs are considered Non-Dispatchable.  14

Dispatchable VERs are capable of being incrementally dispatched by SPP and 15

will generally follow the Offer requirements applicable to other Resources.  For 16

the Day-Ahead Market, VERs are treated the same as any other Resource except 17

that submitted minimum limits for Dispatchable VERs must be equal to zero.  For 18

the RUC processes, VERs are treated the same as any other Resource except that 19

the maximum limit for Dispatchable VERs is calculated by SPP as the lesser of 20

the Resource’s submitted maximum operating limits or SPP’s output forecast for 21

the Resource.  However, recognizing their unique operational characteristics, 22

certain other exceptions have been incorporated into SPP’s RTBM market design 23

in order to more efficiently integrate VERs.24
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Q. PLEASE DESCRIBE THE OFFER REQUIREMENT EXCEPTIONS 1

APPLICABLE TO DISPATCHABLE VER IN THE RTBM.2

A. There are five such exceptions.  First, the submitted Dispatchable VER minimum 3

operating limits must equal zero.  Second, SPP will calculate Dispatchable VER 4

maximum operating limits as the lesser of the Resource’s submitted maximum 5

operating limits or SPP’s output forecast for the Resource.  Third, ramp rate limits 6

will apply to submitted ramp rates of Dispatchable VERs based on the maximum 7

capability of the Resource in order to limit the VER response in the up direction.  8

Fourth, when SPP issues a Dispatch Instruction to a Dispatchable VER to reduce 9

output in the RTBM, the Resource’s Setpoint Instruction shall be equal to the sum 10

of the Dispatch Instruction and any Regulation-Down deployment, even if the 11

Market Participant has indicated that the Resource is not dispatchable, such that 12

the VER will be subject to deployment failure charges if they do not follow the 13

instructions.  Finally, when SPP issues a Dispatch Instruction to a Dispatchable 14

VER to increase output in the RTBM following a Dispatch Instruction to decrease 15

output in the previous Dispatch Interval, SPP will calculate the Resource’s 16

maximum operating limit to be equal to the lesser of SPP’s output forecast for the 17

Resource or the sum of the Resource’s Dispatch Instruction to reduce in the 18

previous Dispatch Interval plus five times the Resource’s ramp rate.  19

Q. DOES SPP PROPOSE TO ACCEPT OFFERS FROM NON-20

DISPATCHABLE VER?21

A. Yes.  Non-Dispatchable VERs are required to use the same Offer parameters as 22

other Resources, except that the Energy Offer Curve does not apply in the RTBM 23

and the Non-Dispatchable VER’s Dispatch Instruction in the RTBM is equal to 24
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the Resource’s actual output at the start of the Dispatch Interval.  The Non-1

Dispatchable VER’s Energy Offer Curve is assumed to be zero for purposes of 2

calculating RUC make whole payments and cost allocation thereof.  These 3

revisions reflect the non-dispatchable nature of these VERs, and therefore are 4

appropriate.5

Q. HOW DOES SPP’S PROPOSED TREATMENT OF VER COMPARE TO 6

OTHER APPROVED RTOS?7

A. The proposed registration and modeling procedures for VERs are similar to those 8

approved in MISO.9

(2) Treatment of Demand Response Resources10

Q. HOW DOES SPP’S PROPOSED MARKET DESIGN ADDRESS DEMAND 11

RESPONSE RESOURCES?12

A. The Integrated Marketplace design facilitates participation by Demand Response 13

Resources by essentially treating them comparable to more traditional Resources, 14

but with exceptions to accommodate the unique nature of demand response.  As 15

proposed, Demand Response Resources will be dispatched in economic merit in 16

place of more expensive generation and may be offered as both Energy and 17

Operating Reserve (to the extent qualified to provide Operating Reserve).  Two 18

categories of Demand Response Resources are established -- Dispatchable and 19

Block.  Dispatchable Demand Response Resources are generally associated with a 20

controllable load and/or a Behind-the-Meter generator that is dispatchable on a 21

five-minute basis, while Block Demand Response Resources are Demand 22

Response Resources that can only be committed and dispatched in hourly blocks.  23

Modeling of demand response relating to aggregators of retail customers is also 24
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accommodated through registration of such demand response as Dispatchable 1

Demand Response Resources (if qualified) or Block Demand Response 2

Resources. 3

(3) Treatment of External Reserve4

Q. PLEASE DESCRIBE HOW EXTERNAL RESERVE WILL PARTICIPATE 5

IN THE INTEGRATED MARKETPALCE. 6

A. SPP will continue to honor existing contractual arrangements between Market 7

Participants and Balancing Authorities external to the SPP Balancing Authority 8

relating to purchases of Operating Reserve through creation, for modeling 9

purposes, of Resources that represent the MW level of Operating Reserve being 10

purchased externally, combined with submission of corresponding Dynamic 11

Schedules for proper accounting when deployed.  Market Participants also have 12

the option of creating a Pseudo-Tie arrangement (as that term is defined by 13

NERC) for delivery of Energy and Operating Reserve from a specific Resource 14

that is outside of the SPP Balancing Authority.  Once Pseudo-Tied, that Resource 15

is treated the same as any other Resource that is internal to the SPP Balancing 16

Authority for purposes of commitment, dispatch, Operating Reserve clearing and 17

settlement.  The Pseudo-Tie requirements are described in more detail in 18

Attachment AO to the SPP Open Access Transmission Tariff (“SPP Tariff”).   19
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Q. ARE THERE ANY FEATURES UNIQUE TO THE TREATMENT OF 1

EXTERNAL RESERVE?2

A. Unlike the design of other RTOs, participation of Operating Reserve external to3

the SPP Balancing Authority in the Integrated Marketplace is allowed without the 4

requirement to be associated with a Resource-specific Pseudo-Tied arrangement.5

6
F. TRANSMISSION CONGESTION RIGHTS MARKETS (“TCR 7

MARKETS”) AND ARRS8

Q. PLEASE EXPLAIN THE OBJECTIVE OF THE TCR MARKETS 9

PROCESS IN THE INTEGRATED MARKETPLACE.10

A. The objective of the TCR Markets process is to provide Market Participants a 11

mechanism in the Integrated Marketplace to hedge against congestion costs 12

between generation and load using their existing rights (per firm transmission 13

reservations).  14

Q. PLEASE DESCRIBE THE KEY FEATURES/FUNCTIONS OF THE TCR 15

MARKETS PROCESS IN THE INTEGRATED MARKETPLACE.16

A. The TCR Markets process allows Market Participants to nominate candidate 17

ARRs associated with their firm transmission reservations (including reservations 18

under network, point-to-point, and Grandfathered Agreements (“GFAs”) and 19

nominated ARRs are awarded based on the submitted nominations, subject to 20

simultaneous feasibility.  Market Participants holding ARRs may then either self-21

convert them into TCRs or hold the ARRs and receive a portion of the net 22

revenue created in the annual TCR auction which occurs following completion of 23

the annual ARR allocation.  During the annual TCR auction, credit-qualified 24

Market Participants may submit Bids to “purchase” TCRs and TCRs are awarded 25
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based on Bids submitted, subject to simultaneous feasibility.  Following 1

completion of the annual TCR auction, a monthly incremental ARR allocation 2

may also occur for the upcoming operating month if there are new firm 3

transmission reservations submitted for consideration following completion of the 4

annual process or if there were confirmed firm transmission reservations in the 5

annual process that did not span an entire season.  A monthly TCR auction occurs 6

every month.  All of the allocations and auctions are subject to simultaneous 7

feasibility analysis which includes consideration of the impacts of parallel (or 8

loop) flow on the available capability.9

ARRs and TCRs obtained in the annual and monthly TCR Markets 10

processes are settled on a daily basis based on the applicable TCR Auction 11

Clearing Prices consistent with the timing of the Day-Ahead Market settlement.  12

TCRs are then settled on a daily basis using the MCC of the LMP from the Day-13

Ahead Market as part of the Day-Ahead Market settlement. 14

Q. PLEASE DESCRIBE THE DEVELOPMENT AND DESIGN OF THE 15

ARRS PROPOSAL IN THE CONTEXT OF THE TCR MARKETS 16

PROCESS.17

A. Design of the ARR proposal received considerable attention in the SPP 18

stakeholder process.  It was developed under the leadership and oversight of 19

SPP’s Regional State Committee (“RSC”) pursuant to the requirement in Section 20

7.2 of SPP’s Bylaws that vested the RSC with design authority.  Specifically, this 21

section provides that the RSC shall have primary responsibility for regional 22

proposals and transitional processes with regard to “. . .(c) FTR allocation, where 23

a locational price methodology is used; and (d) the transition mechanism to be 24
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used to assure that existing firm customers receive FTRs equivalent to the 1

customer’s existing firm rights.”  The principal design objective of the ARR 2

proposal is to translate firm transmission reservations into a product that allows 3

the Market Participant to obtain a credit against daily congestion costs, either 4

through a TCR or through payment for the ARR.  Through annual and monthly 5

auctions, ARRs recognize the value of a transmission reservation within SPP.  6

Q. PLEASE EXPLAIN HOW ARRs RECOGNIZE THE VALUE OF 7

TRANSMISSION.8

A. As proposed, Market Participants will be allowed to nominate ARRs from their 9

firm transmission reservations on an annual basis, subject to a limit of 103% of 10

the historical load for network service, or the point-to-point reservation amount, 11

as applicable.  The Market Participant annually nominates 14 distinct periods, 12

comprised of iterations using (a) on-peak and off-peak periods, (b) months of 13

June through September, and (c) seasons of fall, winter, and spring.  This 14

periodicity is designed to address the reality that load, transmission, and 15

Resources change throughout the year.  In addition to facility outages (both 16

transmission and Resources), agricultural water pumping doubles the load for 17

certain Market Participants, and parallel flows change and reverse during the year.  18

The periodicity was selected to address the balance between significant annual 19

workload (for an all monthly periodicity) and the uncertainty of the topology 20

projections by shifting from a monthly periodicity to a seasonal periodicity.  21

The annual ARR allocation process consists of three rounds in which 22

candidate ARRs may be nominated.  Following the final simultaneous feasibility 23

analysis of the nominations, ARRs are awarded and the Market Participants 24
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proceed into the annual TCR auction where they may choose to self-convert their 1

ARRs into TCRs.  The net revenues from the auctions collected from TCR awards 2

are allocated to ARR holders on a path basis using the Auction Clearing Prices of 3

the path.  Additionally, a monthly incremental ARR allocation occurs for firm 4

transmission reservations that were confirmed after the annual process or were for 5

only a partial period of a seasonal allocation.  All of the allocations and auctions 6

are subject to simultaneous feasibility analysis which includes impacts of parallel 7

(or loop) flow on the available capability.8

Q. HOW DOES THE DESIGN OF THE TCR MARKETS PROCESS 9

COMPARE TO THE DESIGN OF OTHER COMMISSION-APPROVED 10

RTO/ISO MARKETS?11

A. Two design features of SPP’s proposal distinguish it from designs adopted in 12

other RTOs:  (1) the ARR allocation process, and (2) the annual nomination 13

periods.14

The ARR allocation process approved by the RSC uses firm transmission 15

reservations under all firm service agreements, including GFAs, as the candidates 16

for Market Participants to nominate for ARRs.17

The annual nomination periods are (1) on-peak and off-peak, (2) months 18

of June through September, and (3) seasons of fall, winter, spring.  The fall season 19

is composed of the months of October and November.  The Winter season is 20

composed of the months of December through March.  The Spring season is 21

composed of the months of April and May.22
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In addition, SPP is proposing Tariff revisions in Attachment AE to impose 1

TCR-specific remedies in the event of a Market Participant default.  These TCR-2

specific default remedies are not unique and exist in other markets such as PJM.3

Q. PLEASE DESCRIBE THESE TCR-SPECIFIC DEFAULT REMEDIES.4

A. The proposed provisions are found in Section 7.8 of Attachment AE and set forth 5

procedures for SPP to follow in order to close out and liquidate the TCRs of a 6

Market Participant after it has been declared in default.  Specifically, SPP may 7

close out the defaulting Market Participant’s TCR positions as of the date of 8

default by unilaterally accelerating and terminating all forward TCR positions, 9

and liquidating the TCR portfolio through regularly or specially scheduled 10

auctions, with some limitations to ensure that the liquidated TCRs offered for sale 11

do not set price.  If SPP is able to liquidate the TCRs, the amount of the default 12

should be decreased.  If SPP elects not to, or is unable to, close out and liquidate a 13

TCR position, then the defaulting Market Participant remains liable for the full 14

final value of its default associated with the TCR.  15

Q. WHY ARE THESE REMEDIES APPROPRIATE IN THE DESIGN OF 16

THE INTEGRATED MARKETPLACE?17

A. As currently proposed, the life of a TCR can be for a month or a season.  18

Consequently, additional remedies are needed in order to potentially lessen the 19

impact of defaults of TCRs on remaining Market Participants.  20

Q. DOES SPP PROPOSE TO OFFER TCR OPTIONS AS PART OF THE 21

INTEGRATED MARKETPLACE?22

A. No.  The issue of TCR options was examined in the stakeholder process, with the 23

consensus being reached that the market design should not include this feature.  I 24
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am aware that MISO currently offers TCR options, but they are rarely utilized in 1

that market.  In addition, incorporating this design feature would be expensive and 2

could materially reduce the level of TCRs available for allocation.  For these 3

reasons, the decision was made not to propose TCR options.  4

Q. PLEASE SUMMARIZE WHY SPP’S PROPOSED APPROACH TO TCRS 5

IS APPROPRIATE FOR SPP AND THE INTEGRATED MARKETPLACE.6

A. As previously noted, the SPP region is a regulated retail provider environment, 7

with the Load Serving Entities having a must-serve obligation and their own 8

Resources and contracts for Energy deliveries to load.  The use of transmission to 9

meet those obligations is represented through Network Integration Transmission 10

Service and the associated Designated Resources, Firm Point-To-Point 11

Transmission Service, and GFAs.  Therefore, the credit for the congestion charges 12

and the funding of the Resources and transmission through retail rates are 13

matched through the translation of the firm reservations into a product 14

(ARR/TCR) usable in the Integrated Marketplace.15

G. MARKET SETTLEMENTS PROCESS16

Q. PLEASE DESCRIBE THE OBJECTIVE OF THE SETTLEMENTS 17

PROCESS IN THE INTEGRATED MARKETPLACE.18

A. The settlements process facilitates the exchange of funds between Market 19

Participants for transactions in the Integrated Marketplace.  Under the proposed 20

settlements process, SPP serves as the conduit and facilitator of all funds related 21

to Integrated Marketplace activity.  In addition to settling the Day-Ahead Market, 22

RTBM, and TCRs, the process maintains the settlement neutrality of SPP for 23

transactions in those markets.24
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Q. PLEASE DESCRIBE THE KEY FEATURES/FUNCTIONS OF THE 1

SETTLEMENTS PROCESS IN THE INTEGRATED MARKETPLACE.2

A. The Initial Settlement Statements for the Day-Ahead Market, RTBM, and TCRs 3

are produced on an Operating Day basis on the seventh day following the 4

Operating Day.  Settlement Statements may be disputed until 90 days following 5

the Final Settlement Statement.  Invoices are issued weekly.  The Day-Ahead 6

Market and TCRs are settled on an hourly granularity with the RTBM settled on a 7

five-minute basis.  8

The settlement calculations for the Day-Ahead Market include: settlement 9

of cleared Energy injections and withdrawals; payments to Resources for cleared 10

Operating Reserve; calculation of make whole payments to Resources committed 11

by SPP; charges to Market Participants for recovery of Operating Reserve 12

procurement costs; charges to Market Participants for recovery of make whole 13

payments to Resources; payments or charges to Market Participants for settlement 14

of TCRs; and payments to Market Participants associated with refunds of the 15

Day-Ahead Market Marginal Loss Surplus. 16

The settlement calculations for the RTBM include: settlement of 17

deviations between actual Energy injections and withdrawals and those amounts 18

cleared in the Day-Ahead Market; payments or charges to Resources for 19

deviations between RTBM cleared Operating Reserve and amounts cleared in the 20

Day-Ahead Market; calculation of make whole payments to Resources committed 21

by SPP in the RUC processes; charges or payments to Market Participants for 22

recovery of net RTBM Operating Reserve procurement costs; charges to Market 23

Participants for recovery of make whole payments to Resources; charges to 24
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Market Participants associated with refunds of the RTBM Marginal Loss Surplus.  1

I would note that SPP’s formula for allocating RUC make whole payments under 2

Section 8.6.7 of Attachment AE is designed to comply with the requirements of 3

Order No. 719, which instructs that deviation charges not be assessed to buyers 4

whose Real-Time deviations (i.e., purchases below cleared Day-Ahead amounts) 5

occur during Real-Time Emergency Conditions.  Under Section 8.6.7 of 6

Attachment AE, such deviations are excluded from the allocation of make whole 7

charges.   8

The settlement calculations for the TCR auctions include payments and 9

charges to Market Participants with ARR awards and charges, and payments to 10

Market Participants with TCR awards are calculated based upon the related TCR 11

Auction Clearing Prices. 12

Q. HOW WILL SPP ENSURE REVENUE NEUTRALITY IN THE 13

INTEGRATED MARKETPLACE?14

A. SPP’s Revenue Neutrality Uplift (“RNU”) charge, as currently effective for the 15

EIS Market, will be retained, with two modifications.  First, virtual transactions 16

will be subject to RNU charges or credits.  Second, the RNU rate for charge or 17

credit will be calculated on a daily basis, rather than on an hourly basis.  The first 18

change simply reflects the introduction of virtual trading in the Integrated 19

Marketplace, since virtual activity is not part of the EIS Market; the second 20

change is the product of stakeholder review and consensus to move to a more 21

static, one-time, daily RNU calculation.  It does not affect the overall amounts 22

that are ultimately reflected in RNU charges or credits.  23
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Q. HOW DOES THE DESIGN OF SPP’S PROPOSED SETTLEMENTS 1

PROCESS COMPARE TO OTHER COMMISSION-APPROVED RTO/ISO 2

MARKETS?3

A. Settlement timelines vary from RTO to RTO.  However, like other RTO 4

processes, the SPP process allows for initial and revised settlements, and provides 5

Market Participants with a means to dispute bills and invoices.  Settlement occurs 6

daily and invoicing occurs weekly.  7

H. OTHER IMPORTANT DESIGN FEATURES OF INTEGRATED 8
MARKETPLACE9

(1) Consolidation of Balancing Authorities10

Q. PLEASE DESCRIBE THE OBJECTIVE OF SPP’S PROPOSAL TO 11

SERVE AS THE SINGLE BALANCING AUTHORITY FOR THE 12

INTEGRATED MARKETPLACE.13

A. The justification for this proposal is covered in detail by Mr. Monroe.  As he 14

explains, this is a critical design feature of the Integrated Marketplace and serves, 15

through the consolidation of sixteen Balancing Authorities, to improve the 16

efficiency of the markets and increase the capability to support changes in the 17

regional Resource and transmission configuration (e.g., increased wind and 18

demand response generation).19
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(2) Treatment of GFAs in Integrated Marketplace 1

Q. PLEASE DESCRIBE THE OBJECTIVE OF SPP’S PROPOSED 2

TREATMENT OF TRANSMISSION SERVICE UNDER GFAS IN THE 3

INTEGRATED MARKETPLACE. 4

A. As with other unique features of the Integrated Marketplace (e.g., External 5

Reserve), SPP’s proposed market design does not require abrogation of existing 6

contractual arrangements between parties, in order for the Transmission Service 7

provided to be recognized as the equivalent of firm Transmission Service under 8

the SPP Tariff.  SPP’s design allows these GFAs to be accommodated within the 9

Integrated Marketplace.  Current market operations under the EIS Market 10

recognize GFAs and integrate them with the practices for service granted under 11

the SPP Tariff.  This practice will continue under the Integrated Marketplace, with 12

firm Transmission Service under a GFA of one month or longer granted the same 13

rights as Firm Point-To-Point and Network Integration Transmission Service 14

under the SPP Tariff.  Market Participants with GFAs then have the right to 15

nominate candidate ARRs associated with the GFA service and to convert 16

awarded ARRs to TCRs or hold the ARRs in the annual TCR auction the same as 17

other Market Participants holding ARRs granted for firm Transmission Service 18

under the SPP Tariff.  The parties to the GFAs may designate which party is to 19

receive the ARRs.  If the parties do not designate the party to receive the 20

candidate ARR, the Transmission Owner that is a party to the GFA receives the 21

candidate ARR.  22
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Q. HOW DOES THE PROPOSED TREATMENT OF GFAS IN THE 1

INTEGRATED MARKETPLACE COMPARE TO OTHER 2

COMMISSION-APPROVED RTO/ISO MARKETS?3

A. The proposed treatment of GFAs in the Integrated Marketplace design extends the 4

practice under the current SPP Tariff of treating such agreements comparably to 5

other firm Transmission Service, just as these agreements are treated under 6

existing scheduling protocols.  GFAs will not be subject to a “carve out,” as in 7

some other markets, but rather will be accorded treatment comparable to firm 8

service under the SPP Tariff. 9

Q. WHY IS THAT APPROPRIATE FOR SPP AND THE INTEGRATED 10

MARKETPLACE?11

A. SPP’s proposal gives continuing effect to existing third-party contractual 12

arrangements by accommodating these agreements within the proposed rules and 13

design of the Integrated Marketplace.  Treating GFAs on a comparable, non-14

discriminatory basis with other firm transmission usage avoids the problems 15

experienced in other markets where the “carve out” of such agreements produced 16

revenue shortfalls in the funding of TCRs.17

(3) Bilateral Settlement Schedules 18

Q. PLEASE DESCRIBE THE OBJECTIVE OF SPP’S PROPOSED 19

BILATERAL SETTLEMENT PROCESS.20

A. The proposed use of Bilateral Settlement Schedules will allow Market 21

Participants to remove the impact of their contractual arrangements within the 22

SPP market area from the settlement of the Integrated Marketplace.23
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Q. PLEASE DESCRIBE THE KEY FEATURES/FUNCTIONS OF 1

BILATERAL SETTLEMENT SCHEDULES.2

A. Market Participants mutually record their arrangements as a standing transaction 3

reflecting the desired Settlement Location.  Against those standing transactions, a 4

Market Participant may submit a Bilateral Settlement Schedule.  The effect of the 5

Bilateral Settlement Schedule is to settle the buyer as a source at the specified 6

Settlement Location and the seller as a sink at the specified Settlement Location.  7

The Bilateral Settlement Schedule process includes the capability to split the 8

congestion and marginal loss costs by allowing the parties, through mutual 9

agreement, to determine at which Settlement Location the Bilateral Settlement 10

Schedule settles.  Bilateral Settlement Schedules may represent transactions for 11

both Energy and Operating Reserve.  Bilateral settlement schedules for Operating 12

Reserve (“Operating Reserve Bilateral Settlement Schedules”) are restricted to the 13

same Reserve Zone and are only applicable in the Day-Ahead Market.14

Q. HOW DOES THE DESIGN OF BILATERAL SETTLEMENT 15

SCHEDULES IN THE INTEGRATED MARKETPLACE COMPARE TO 16

OTHER COMMISSION-APPROVED RTO/ISO MARKETS?17

A. MISO allows bilateral transactions between parties for the transfer of Energy and 

financial responsibility for Energy from suppliers to consumers.

Q. DOES THIS CONCLUDE YOUR TESTIMONY?

A. Yes.
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UNITED STATES OF AMERICA
BEFORE THE

FEDERAL ENERGY REGULATORY COMMISSION

SOUTHWEST POWER POOL, INC. ) Docket No. ER12-____-000

PREPARED DIRECT TESTIMONY

OF

THOMAS P. DUNN

Q. PLEASE STATE YOUR NAME AND BUSINESS ADDRESS.1

A. My name is Thomas P. Dunn.  My business address is 415 N. McKinley, Suite 2

140, Little Rock, AR 72205.3

Q. BY WHOM AND IN WHAT CAPACITY ARE YOU EMPLOYED?4

A. I am employed by Southwest Power Pool, Inc. (“SPP”) as Vice President of 5

Finance and Chief Financial Officer (“CFO”).  I am responsible for all aspects of 6

SPP’s financial operations, risk management operations, employee and corporate 7

services, and tariff settlement functions.  Significant among these duties is 8

oversight of SPP’s budget, financial accounting, and rate setting processes.  9

Ultimately, I ensure that SPP has sufficient financial resources to perform its 10

duties as required by SPP’s members, customers, and regulators.  11

Q. PLEASE SUMMARIZE YOUR EDUCATIONAL AND PROFESSIONAL12

BACKGROUND.13

A. I received a Bachelor of Science degree in Business Administration from the 14

University of Missouri at Columbia in 1987.  In 1994, I received a Master of 15
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Business Administration degree from the University of Missouri at Columbia.  I 1

hold a Chartered Financial Analyst designation from the CFA Institute.  In 2007, I 2

completed the Stanford Executive Program at Stanford University.3

My professional experience includes 14 years of experience in commercial 4

banking.  In 2001, I began my employment at SPP as Vice President – Finance 5

and assumed the title of CFO in 2003.  6

Q. MR. DUNN, HAVE YOU PREVIOUSLY FILED TESTIMONY BEFORE 7

THE FEDERAL ENERGY REGULATORY COMMISSION (“FERC” OR 8

“COMMISSION”)?9

A. Yes, I have provided testimony to the Commission in Docket Nos. ER08-1338-10

000 and ER12-277-000. 11

Q. PLEASE DESCRIBE YOUR RESPONSIBILITIES WITH SPP AS THEY 12

RELATE TO THIS FILING.13

A. I prepared, or caused to be prepared, revisions to SPP’s Credit Policy, which is set 14

forth in Attachment X to the SPP Open Access Transmission Tariff (“SPP 15

Tariff”).  16

Q. WHAT IS THE PURPOSE OF YOUR TESTIMONY?17

A. The purpose of my testimony is to explain the proposed revisions to the SPP 18

Credit Policy to accommodate the implementation of SPP’s proposed Integrated 19

Marketplace.20

Q. HOW IS YOUR TESTIMONY ORGANIZED?21

A. My testimony is divided into five sections, which are listed below:22
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 Section I, Background, which provides an overview of the current SPP Credit 1

Policy, the guiding principles of the Credit Policy, Order No. 741 2

Compliance, and a brief review of other credit policies.3

 Section II, Changes to the Credit Policy to Incorporate the Integrated 4

Marketplace, which provides an overview of the changes to the Credit Policy, 5

including the Total Potential Exposure calculation, the treatment of virtual 6

transactions, and the treatment of Transmission Congestion Rights (“TCRs”).7

 Section III, Minimum Participation Criteria.8

 Section IV, Default in the Integrated Marketplace.9

 Section V, Stakeholder Process for Policy Development.10

I. BACKGROUND11

A. OVERVIEW OF CURRENT CREDIT POLICY12

Q. DOES SPP CURRENTLY HAVE A CREDIT POLICY?13

A. Yes.  SPP’s current Credit Policy is found in Attachment X of the SPP Tariff.14

Q. WHO DOES THE CREDIT POLICY APPLY TO?15

A. The Credit Policy applies to any Credit Customer, which is defined as “[a]ny 16

person that takes or seeks to take service under the Tariff including all 17

Transmission Service or other services under the Tariff, including any market 18

services.”  All Market Participants and Transmission Customers must comply 19

with the relevant provisions of the SPP Credit Policy.  Additionally, meeting 20

SPP’s credit requirements is a condition for taking service under the SPP Tariff.21
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Q. BRIEFLY DESCRIBE THE CREDIT POLICY.1

A. The Credit Policy provides that SPP evaluates the creditworthiness of all Credit 2

Customers.  SPP conducts initial and ongoing Credit Assessments of Credit 3

Customers based on both quantitative and qualitative measures.  Based on these 4

Credit Assessments, SPP determines and specifies the amount, if any, of 5

unsecured credit to be extended to a Credit Customer.  SPP also determines the 6

amount of exposure and potential exposure that a Credit Customer has to services 7

provided or to be provided under the SPP Tariff, and the amount of Financial 8

Security required, if any, for the Credit Customer.  9

The Credit Policy also includes a methodology to address situations where 10

a customer’s exposure exceeds allowable limits or a customer defaults on its 11

obligations under the SPP Tariff.   12

SPP also evaluates whether an entity meets the minimum participation 13

criteria.  14

Q. IS THERE A LIMIT ON THE AMOUNT OF UNSECURED CREDIT 15

EXTENDED TO A CREDIT CUSTOMER?16

A. Yes.  The amount of unsecured credit extended is capped at $25 million for a 17

Credit Customer or the combined unsecured credit extended to a Credit Customer 18

and its Affiliates.   19

Q. HOW IS THE CURRENTLY EFFECTIVE CREDIT POLICY 20

ORGANIZED?21

A. The currently effective Credit Policy is organized in nine articles:  Article One –22

General Provisions; Article Two – Definitions; Article Three – Credit 23
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Assessments; Article Four – Creditworthiness and Total Credit Limits; Article 1

Five – Calculation of Total Potential Exposure; Article Six – Guarantees; Article 2

Seven – Financial Security; Article Eight – Default and Remedies; and Article 3

Nine – Notices.  The Credit Policy also includes several appendices, including 4

Appendix A – Credit Application Form; Appendix B – Credit and Security 5

Agreement; Appendix C – Form of Irrevocable Standby Letter of Credit; and 6

Appendix D – Guaranty Agreement.7

B. GUIDING PRINCIPLES OF THE CREDIT POLICY8

Q. ARE THERE GUIDING PRINCIPLES THAT UNDERLIE THE CREDIT 9

POLICY?10

A. Yes.  11

Q. PLEASE DESCRIBE THEM.12

A. The guiding principle that underlies the Credit Policy is to balance the desire to 13

insulate Transmission Customers and Market Participants from undue financial 14

exposure with the need to minimize the required Financial Security.  Additionally, 15

the Credit Policy is intended to encourage the maximum participation of large and 16

small participants in all market sectors while minimizing the likelihood of losses 17

due to defaults.18

Q. WERE THESE GUIDING PRINCIPLES USED IN DEVELOPING THE 19

REVISIONS TO THE CREDIT POLICY TO REFLECT THE 20

INTEGRATED MARKETPLACE?21

A. Yes.  22
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C. ORDER NO. 741 COMPLIANCE1

Q. WHAT IS ORDER NO. 741?2

A. Order No. 741 is a recent Commission order adopting reforms to credit policies 3

used in organized wholesale electric power markets, including reforms to 4

establish minimum participation criteria.  It directed regional transmission 5

organizations (“RTOs”) and independent system operators (“ISOs”) to revise their 6

credit policies to comply with the reforms.  7

Q. DID SPP SUBMIT FILINGS TO COMPLY WITH THE COMMISSION’S 8

ORDER NO. 741?9

A. Yes, on June 30, 2011, SPP submitted a filing to comply with Order No. 741, 10

which the Commission conditionally accepted on September 15, 2011.  SPP 11

submitted its filing to comply with the September 15 order on December 14, 12

2011.  The Commission has not yet acted on the December 14, 2011 compliance 13

filing.  14

SPP has not yet submitted its filing to comply with the requirement of 15

Order No. 741 that RTOs and ISOs enhance their ability to offset market 16

obligations in bankruptcy.  On January 24, 2012, the Commission issued a notice 17

granting an extension of time to April 30, 2012, to comply with that requirement 18

of Order No. 741.  SPP plans to submit a request for a waiver to enable it to file 19

its compliance filing regarding this requirement of Order No. 741 later this year, 20

to be effective coincident with the start of the Integrated Marketplace.  This will 21

provide SPP and its members additional needed time to evaluate how to comply 22

with the requirement in the context of the Integrated Marketplace.23
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Q. BRIEFLY DESCRIBE THE CHANGES INCLUDED IN THE ORDER NO. 1

741 COMPLIANCE FILINGS.2

A. In the June 2011 Order No. 741 compliance filing, SPP demonstrated that its 3

existing billing and credit policies already complied with many Order No. 741 4

requirements, including unsecured credit limits, and it proposed revisions to the 5

SPP Tariff to adopt minimum risk management and capitalization criteria for 6

Market Participants, shorten the cure period, and revise material adverse change 7

provisions.  8

In the December 14, 2011 further compliance filing, SPP proposed 9

revisions to (1) adopt a standard risk management attestation form for SPP Market 10

Participants as Appendix E to the Credit Policy; (2) establish a two-day cure 11

period for deficiencies in a Market Participant’s risk management attestation; and 12

(3) implement a periodic compliance verification process for SPP to verify that 13

Market Participants are following their risk management policies, practices, and 14

procedures.15

D. OTHER RTO/ISO AND INDUSTRY CREDIT POLICIES16

Q. DID SPP REVIEW AND CONSIDER THE CREDIT POLICIES OF ANY 17

OTHER RTOS/ISOS IN THE DEVELOPMENT OF THE REVISIONS TO 18

THE CREDIT POLICY PROPOSED IN THIS FILING?19

A. Yes.  SPP reviewed and considered portions of many of the credit policies of 20

other RTOs and ISOs  with emphasis on the credit policies of PJM 21

Interconnection, L.L.C., Midwest Independent Transmission System Operator, 22

Inc., and the New York Independent System Operator, Inc.23
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Q. DID SPP CONSIDER THE CREDIT POLICIES OF MARKETS IN 1

OTHER INDUSTRIES?2

A. Yes, SPP considered the credit policies of commodity markets generally, but not 3

specifically other industries.  4

Q. HOW DO THE PROPOSED REVISIONS TO THE CREDIT POLICY 5

CONTAINED IN THIS FILING COMPARE WITH THE FERC-6

ACCEPTED CREDIT POLICIES OF OTHER RTOS/ISOS YOU 7

REVIEWED?8

A. In a broad sense, the revisions proposed to the SPP Credit Policy essentially 9

conform the credit policies to the FERC-accepted credit policies of other 10

RTOs/ISOs.  For example, the current SPP Credit Policy contains a methodology 11

for determining a customer’s allowed unsecured credit exposure, a methodology 12

for determining the amount of exposure, and potential exposure, a customer has to 13

services provided or to be provided under the SPP Tariff, and a methodology to 14

address situations where a customer’s exposure exceeds allowable limits or a 15

customer defaults on its obligations under the SPP Tariff.  The SPP Credit Policy, 16

as revised, will differ from FERC-accepted credit policies of other RTOs/ISOs in 17

that the details of the methodologies represent the methodologies appropriate for 18

the SPP region and characteristics and risk appetites of the stakeholders of SPP.19
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II.  CHANGES TO THE CREDIT POLICY TO INCORPORATE1
THE INTEGRATED MARKETPLACE2

A. OVERVIEW OF CHANGES TO THE CREDIT POLICY3

Q. BRIEFLY DESCRIBE THE CHANGES TO THE CREDIT POLICY THAT 4

SPP IS PROPOSING IN ORDER TO INCORPORATE THE 5

INTEGRATED MARKETPLACE. 6

A. Only a few changes are needed to the Credit Policy to incorporate the Integrated 7

Marketplace.  Briefly, the changes reflect:  (1) the new Energy and Operating 8

Reserve Market, which includes the Day-Ahead and Real-Time Balancing 9

Markets; (2) the institution of TCR Markets; (3) implementation of virtual 10

transactions; and (4) how a Credit Customer’s transactions or activity in the 11

Integrated Marketplace will affect its Total Potential Exposure, and therefore the 12

amount of unsecured credit and Financial Security it needs to support its activity.  13

The revisions also reflect that unsecured credit cannot be used to support TCR 14

activity.  15

Q. DO THE CHANGES TO THE CREDIT POLICY REVISE WHO MUST 16

COMPLY WITH THE CREDIT POLICY?17

A. No.  The Credit Policy continues to apply to all Credit Customers.  This is 18

unchanged from the currently approved Credit Policy.  19

Q. WHAT ARTICLES OF THE CREDIT POLICY ARE AFFECTED BY THE 20

CHANGES?21

A. The proposed changes revise Article One – General Provisions; Article Two –22

Definitions; Article Four – Creditworthiness and Total Credit Limit; and Article 23

Five – Calculation of Total Potential Exposure. 24
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The revisions also add two new articles:  Article Four A – Virtual Energy 1

Bids and Virtual Energy Offers; and Article Five A – Transmission Congestion 2

Rights (TCRs).  3

Q. ARE THERE PORTIONS OF THE CREDIT POLICY THAT ARE NOT 4

CHANGING?5

A. Yes.  Most of the Credit Policy is not changing.  No changes are being made 6

regarding how the Credit Assessment is completed, whether a Credit Customer 7

meets the minimum criteria for market participation, whether a Credit Customer 8

qualifies for unsecured credit, and the amount of unsecured credit being extended, 9

if any.  Those determinations are based on the Credit Assessment and credit 10

information already required under the currently effective Credit Policy.  The 11

Credit Assessment and minimum criteria for market participation are set forth in 12

Article Three of the Credit Policy.13

Similarly, no changes are necessary for Articles Six (Guarantees), Seven 14

(Financial Security), Eight (Default and Remedies), Nine (Notice), and the 15

Appendices.  16

Q. DOES THE INTEGRATED MARKETPLACE AFFECT THE CREDIT 17

ASSESSMENT FOR A CREDIT CUSTOMER OR THE INFORMATION 18

REQUIRED FOR THE CREDIT ASSESSMENT?19

A. No.  The Integrated Marketplace does not affect the Credit Assessment or the 20

Unsecured Credit Allowance for a Credit Customer.  There also are no changes to 21

the information required to be provided by a Credit Customer.22
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Q. WITH THE NEW INTEGRATED MARKETPLACE, HOW DOES SPP 1

PROPOSE TO DETERMINE THE UNSECURED CREDIT LIMIT FOR A 2

CREDIT CUSTOMER?3

A. SPP will determine the Credit Customer’s Unsecured Credit Allowance based 4

upon the Composite Credit Score which is a determination of financial strength 5

and creditworthiness, based upon the Credit Assessment.  This is unchanged from 6

the currently approved Credit Policy.  The Credit Assessment is an evaluation of 7

the Credit Customer and is independent from the services the Credit Customer 8

takes under the SPP Tariff.9

Q. DO THE CHANGES FOR THE INTEGRATED MARKETPLACE 10

INCLUDE REVISIONS TO THE MAXIMUM AMOUNT OF UNSECURED 11

CREDIT THAT CAN BE EXTENDED TO A CREDIT CUSTOMER? 12

A. No.  As mentioned before, the maximum amount of Unsecured Credit Allowance 13

granted to a Credit Customer and affiliates is $25 million.  SPP is not proposing 14

any changes to this maximum.  15

Q. WHY DOES SPP CAP THE MAXIMUM UNSECURED CREDIT AT $25 16

MILLION?17

A. SPP and its stakeholders have long believed the $25 million limit was appropriate 18

for the risk appetite in the SPP region.  The amount fits well with the size of the 19

SPP Credit Customers and it is a rare case when a single Credit Customer 20

approaches this amount.  SPP and its stakeholders continue to believe that this 21

limit is appropriate with the implementation of the Integrated Marketplace.  22
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Q. IS UNSECURED CREDIT AVAILABLE TO SUPPORT ALL ACTIVITIES 1

IN THE INTEGRATED MARKETPLACE AND TRANSMISSION 2

SERVICE?  IF NOT, PLEASE EXPLAIN.3

A. No.  SPP proposes that unsecured credit is available to support all activity of a 4

Credit Customer except for TCR activity.  In Order No. 741, the Commission 5

directed RTOs/ISOs to eliminate the use of unsecured credit to support TCR type 6

transactions because of the different risks associated with TCRs compared to 7

other transactions in the Integrated Marketplace and Transmission Service.  8

Therefore, SPP proposes that only Financial Security may be used to satisfy any 9

credit requirements associated with TCR activity.  10

Q. DOES SPP ANTICIPATE ANY PROBLEMS WITH THE 11

IMPLEMENTATION OF THE REVISED CREDIT POLICY WITH THE 12

COMMENCEMENT OF THE INTEGRATED MARKETPLACE?13

A. No.  The overall structure of the Credit Policy is largely unchanged.  The changes 14

only involve addressing Day-Ahead Market activity, virtual transactions, and 15

TCR activity.  The stakeholder process of revising Attachment X for these matters 16

was straightforward and non-controversial.17

B. TOTAL POTENTIAL EXPOSURE18

Q. PLEASE DESCRIBE THE PROCESS SPP PROPOSES TO USE TO 19

EVALUATE A CREDIT CUSTOMER’S CREDITWORTHINESS, 20

INCLUDING INTEGRATED MARKETPLACE ACTIVITY.21

A. The process is essentially the same as under the currently effective Credit Policy.  22

SPP will establish a Total Potential Exposure for each Credit Customer based on 23
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the Credit Customer’s estimated cumulative financial obligation arising under the 1

SPP Tariff or otherwise to SPP.  This excludes TCR activity, which requires 2

Financial Security.  The Total Potential Exposure is the amount that the Credit 3

Customer must support with credit, i.e., its Unsecured Credit Allowance or 4

Financial Security.  A Credit Customer’s Total Credit Limit is the total of its 5

Unsecured Credit Allowance and available Financial Security.  The Total 6

Potential Exposure is compared to a Credit Customer’s Total Credit Limit on a 7

daily basis, and, if the Total Potential Exposure is found to be more than the Total 8

Credit Limit, this is an Event of Default which must be cured within two days.9

Q. PLEASE DESCRIBE THE DETERMINATION OF TOTAL POTENTIAL10

EXPOSURE UNDER THE CURRENTLY EFFECTIVE CREDIT POLICY.11

A. The Total Potential Exposure calculation is included in Article Five of the Credit 12

Policy.  SPP calculates a value that is applied to assure that a Credit Customer 13

engages in activities within its Total Credit Limit.  The Total Potential Exposure 14

is based on a Credit Customer’s estimated cumulative financial obligation under 15

the SPP Tariff or otherwise to SPP.  It is the sum of the potential exposure to non-16

payment for market transactions and Transmission Service transactions billed, or 17

to be billed, pursuant to the SPP Tariff and includes a maximum estimated 18

exposure amount.  19

Q. DOES THE INTEGRATED MARKETPLACE AFFECT THE TOTAL 20

POTENTIAL EXPOSURE CALCULATION?21

A. Yes.  Because the Integrated Marketplace includes the Energy and Operating 22

Reserve Market and TCR Market, in addition to Transmission Service, SPP is 23
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proposing to revise the calculation of Total Potential Exposure to incorporate 1

these changes in the market and reflect the potential exposure to non-payment for 2

transactions in these markets.  3

Q. IS TCR ACTIVITY INCLUDED IN THE TOTAL POTENTIAL 4

EXPOSURE CALCULATION?  IF NOT, WHY?5

A. No.  Because only Financial Security may be used to meet credit requirements 6

associated with TCR activity, TCR activity is not included in the Total Potential 7

Exposure calculation.  A separate calculation is used to determine the potential 8

exposure to non-payment associated with a Credit Customer’s TCR activity.9

Q. IS TCR ACTIVITY REFLECTED IN DETERMINING CREDIT POLICY 10

VIOLATIONS?  IF SO, HOW?11

A. Yes, TCR activity is reflected in determining whether there is a Credit Policy 12

violation.  First, a Credit Customer must maintain Financial Security in an amount 13

equal to or greater than its TCR credit requirement.  If that amount of Financial 14

Security is not maintained, it is a Credit Policy violation.  Second, the amount of 15

Financial Security used to support a Credit Customer’s TCR activity is excluded 16

from the amount of Financial Security included in the Total Credit Limit.  It17

therefore is reflected when SPP compares the Total Credit Limit for a Credit 18

Customer to the Total Potential Exposure calculation for that Credit Customer.  19

This is reflected in the comparison of the Total Potential Exposure and the Total 20

Credit Limit to determine if there is a Credit Policy violation.  21
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Q. IN GENERAL, DESCRIBE THE PROPOSED CHANGES TO THE TOTAL 1

POTENTIAL EXPOSURE CALCULATION.2

A. SPP is proposing to revise the Market Exposure portion of the calculation to 3

include Day-Ahead Market and Real-Time Balancing Market Transactions 4

(including virtual transactions) activity.  The Market Exposure includes elements 5

based on (1) invoiced, but not paid, market settlement charges; (2) calculated, but 6

not invoiced, market settlement charges; (3) the maximum estimated Market 7

Exposure for both Real-Time Balancing Market activity and Day-Ahead Market 8

activity; and (4) the estimated exposure from virtual transactions.  9

The calculation of the Transmission Service Potential Exposure remains 10

unchanged.  11

Q. PLEASE DESCRIBE THE MAXIMUM ESTIMATED EXPOSURE 12

ELEMENTS OF THE CALCULATION.13

A. The maximum estimated market exposure elements are the estimated exposure 14

resulting from the Credit Customer’s market activity.  Two of the calculations are 15

based on an average of settlement activity or updated estimated activity in the 16

Real-Time Balancing Market and Day-Ahead Market times the number of days 17

before the Credit Customer’s service can be terminated pursuant to the SPP 18

Tariff.  The Estimated Virtual Exposure (“EVE”) is the estimated exposure for 19

credit approved Virtual Energy Bids and Virtual Energy Offers prior to the close 20

of the Day-Ahead Market for an Operating Day or Days that have not yet been 21

settled and cleared.22
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Q. DOES SPP PROPOSE TO “NET” OR OFFSET AMOUNTS DUE TO THE 1

PARTICIPANT AGAINST AMOUNTS DUE FROM PARTICIPANTS FOR 2

THIS PURPOSE?  3

A. Yes, Transmission Customer obligations will be offset against Transmission 4

Owner revenues when the Transmission Customer and Transmission Owner have 5

executed a Netting Agreement.  This is unchanged from today.  For Market 6

Participants, daily transactions in the Energy and Operating Reserve Market will 7

be netted against each other to produce a daily net settlement statement.  The 8

daily net settlement statements will be combined on a weekly invoice to produce a 9

net amount due to SPP or owed by SPP 10

Q. WHAT WERE THE ITEMS CONSIDERED BY SPP WHEN 11

DEVELOPING THE NETTING PROVISIONS? 12

A. If netting is not incorporated into the calculation of Total Potential Exposure, the 13

Market Participants will have to provide greater amounts of financial assurance.  14

This instance would reduce the robustness of the SPP market by limiting or 15

eliminating entities from being productive Market Participants thereby decreasing 16

the efficiency of the market pricing resulting in greater mis-pricing of services 17

ultimately paid for by end use customers.  18

Q. HOW DOES SPP PLAN TO ADDRESS ANY BANKRUPTCY RISKS 19

ASSOCIATED WITH THIS NETTING OF TRANSACTIONS?20

A. As noted, SPP plans to address these matters in a separate policy after this year.  21
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Q. CAN PARTICIPANTS OBTAIN ADDITIONAL INFORMATION ABOUT 1

HOW SPP PROPOSES TO DETERMINE THE TOTAL POTENTIAL 2

EXPOSURE FROM THE VARIOUS ELEMENTS OF THE ENERGY AND 3

OPERATING RESERVE MARKETS?  IF SO, WHERE?4

A. In addition to the detailed tariff provisions, further detail regarding the calculation 5

of Total Potential Exposure for Energy and Operating Reserve Markets will be 6

posted on the SPP website.  7

C. VIRTUAL TRANSACTIONS8

Q. ARE THERE CREDIT REQUIREMENTS SPECIFIC TO VIRTUAL 9

TRANSACTIONS? 10

A. Yes.  Article Four A sets forth proposed credit requirements for Virtual Energy 11

Bids and Offers.  Specifically, it provides the calculation of the estimated 12

exposure to non-payment and credit requirements associated with the submission 13

of Virtual Energy Bids and Offers as well as for the Virtual Energy Bids and 14

Offers that clear in the Day-Ahead Market.  15

Q. WHY IS THERE A SEPARATE ARTICLE FOR VIRTUAL 16

TRANSACTIONS?17

A. Virtual Energy Bids and Offers in the Day-Ahead Market have different risks 18

associated with them than other transactions in the Day-Ahead Market and have 19

the potential to create large obligations, and therefore large potential exposures to 20

non-payment.  The specific credit requirements address the different level of risk 21

presented by virtual transactions.  22
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Additionally, as part of the credit requirements, SPP will analyze a Credit 1

Customer’s Virtual Energy Bids and Offers to determine if the Credit Customer 2

has credit available to support the Bids and Offers in advance of their submission.  3

A Credit Customer’s Virtual Energy Bids and Offers require pre-approval that 4

they are supported by credit, i.e., credit approved, before they are included in the 5

Day-Ahead Market.  A Credit Customer’s Virtual Energy Bids and Offers will be 6

accepted only if the Credit Customer has credit available to support the activity.  7

Q. HOW DOES SPP DETERMINE IF A CREDIT CUSTOMER HAS 8

AVAILABLE CREDIT TO SUPPORT ITS VIRTUAL ENERGY BIDS AND 9

OFFERS?10

A. SPP calculates the EVE based on the Credit Customer’s Virtual Energy Bids and 11

Offers prior to the close of the Day-Ahead Market as well as post Day-Ahead 12

Market clearing to update the calculation to reflect the actual cleared Virtual 13

Energy Bids and Offers.  These amounts are used in the Total Potential Exposure 14

calculation as well as to determine if a Virtual Energy Bid or Offer is credit 15

approved.16

Q. PLEASE BRIEFLY DESCRIBE THE CALCULATION OF THE EVE.17

A. SPP calculates the EVE for a Virtual Energy Bid or Offer using reference prices 18

for the Settlement Location for the Virtual Energy Bid or Offer times the 19

maximum megawatts submitted plus the virtual transaction fee.  The reference 20

prices are based on the difference of historic Day-Ahead Locational Marginal 21

Prices and Real-Time Locational Marginal Prices during the prior year at each 22

node.  The calculations of the EVE for a single submission of Virtual Energy Bids 23
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and Offers is the sum of the hourly EVEs calculated for each Bid and Offer in the 1

submission, except that if a Virtual Energy Bid and Offer are submitted for the 2

same location for the same hour, only the one with the greater EVE is used in the 3

calculation of the EVE for the submittal.  4

Q. DURING THE FIRST YEAR OF THE IMPLEMENTATION OF THE 5

INTEGRATED MARKETPLACE, IS THERE AN ALTERNATIVE 6

CALCULATION FOR REFERENCE PRICES, AND IF SO WHAT IS IT?7

A. Yes.  During the initial year of the Integrated Marketplace when the historic 8

prices are not available for the full year, SPP will use data representative of the 9

expected Day-Ahead Market and Real-Time Balancing Market results based on 10

simulations of the Day-Ahead Market or other available information.  11

Q. HOW WILL SPP DETERMINE IF THE CREDIT CUSTOMER HAS 12

SUFFICIENT CREDIT TO SUPPORT ITS SUBMITTED VIRTUAL 13

ENERGY BIDS AND OFFERS?14

A. If the EVE for a submission of Virtual Energy Bids and Offers is less than a 15

Credit Customer’s available credit, which is equal to the Credit Customer’s Total 16

Credit Limit less its Total Potential Exposure, then SPP determines that the Credit 17

Customer has sufficient available credit for the submission and the Virtual Energy 18

Bids and Offers is credit approved and will be included in the Day-Ahead Market 19

unless the Credit Customer withdraws them.  On the other hand, if the EVE for a 20

submission of Virtual Energy Bids and Offers is greater than a Credit Customer’s 21

available credit, then the submission will be rejected and the Bids and Offers will 22
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not be included in the Day-Ahead Market and will not affect the Credit 1

Customer’s Total Potential Exposure calculation.  2

Q. HOW DO THE VIRTUAL ENERGY BIDS AND OFFERS AFFECT A 3

CREDIT CUSTOMER’S TOTAL POTENTIAL EXPOSURE 4

CALCULATION?5

A. The EVEs calculated for the credit approved Virtual Energy Bids and Offers that 6

have not yet settled or cleared in the Day-Ahead Market or have not been 7

cancelled by the Credit Customer are included in the Total Potential Exposure 8

calculation.  Additionally, after the clearing of the Day-Ahead Market for an 9

Operating Day, the EVEs for the credit approved Virtual Energy Bids and Offers 10

will be updated to reflect the actual megawatts that cleared.  If Virtual Energy 11

Bids and Offers cleared at the same location, the megawatts will be netted for the 12

updated EVE calculation.  13

Q. WHY ARE THESE CALCULATIONS INCLUDED IN THE TOTAL 14

POTENTIAL EXPOSURE CALCULATION?15

A. These calculations are included in the Total Potential Exposure calculation to 16

ensure that a Credit Customer has credit available to support all of its Virtual 17

Energy Bids and Offers and transactions.  These EVE calculations are included to 18

reflect the estimated exposure from credit approved Virtual Energy Bids and 19

Offers as well as Virtual Energy Bids and Offers that cleared the Day-Ahead 20

Market.  This ensures that all estimated exposures associated with Virtual Energy 21

Bids and Offers will be included in the determination of the estimated exposure of 22

the Credit Customer.  It also ensures that the determination of whether a Virtual 23
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Energy Bid and Offer submission is credit approved will take into account the 1

credit requirements for previously determined credit approved Virtual Energy 2

Bids and Offers as well as the estimated exposure associated with cleared Virtual 3

Energy Bids and Offers.  4

Q. WHY IS CREDIT APPROVAL OF VIRTUAL ENERGY BIDS AND 5

OFFERS NEEDED?6

A. The credit approval process ensures from the time of submission of the Bids and 7

Offers that a Credit Customer has the credit to support its virtual transaction 8

activity, should all or a subset of its Bids and Offers clear in the Day-Ahead 9

Market.  The estimated exposure of a submittal of Bids and Offers is intended to 10

provide an estimate of the maximum exposure that could result from the submittal 11

clearing the Day-Ahead Market.  12

Q. IS THIS REQUIREMENT SIMILAR TO THE REQUIREMENTS IN 13

OTHER RTOS/ISOS REGARDING VIRTUAL TRANSACTIONS?14

A. Yes, other RTOs/ISOs have credit requirements for approving in advance all 15

Virtual Energy Bids and Offers.  The details of the requirements and 16

methodologies of determining the requirements vary.  SPP’s proposed 17

requirements reflect the characteristics and risk tolerances of the SPP 18

stakeholders.19

D. TRANSMISSION CONGESTION RIGHTS20

Q. ARE THERE SPECIFIC CREDIT REQUIREMENTS FOR TCRS?21

A. Yes, new Article Five A provides the credit requirements for a Credit Customer’s 22

TCR activity.  Other articles of the Credit Policy also incorporate that only 23
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Financial Security can be used to support TCR activity and that unsecured credit 1

cannot be used to support TCR activity.  2

Q. PLEASE BRIEFLY DESCRIBE THE CREDIT REQUIREMENTS FOR 3

TCR ACTIVITY.4

A. To establish the credit requirements for TCRs, SPP will analyze (1) the TCRs that 5

a Credit Customer holds, (2) the Credit Customer’s Bids and Offers for TCRs in 6

the TCR auctions; (3) TCR payments or charges for which settlement has been 7

calculated but not yet invoiced, and (4) the TCR payments or charges for which 8

an invoice has been issued but payment has not yet occurred.  The concepts are 9

similar to the potential exposure to non-payment calculations for activity in the 10

Energy and Operating Reserve Market, but reflect the different nature of TCRs.  11

SPP will determine a Total TCR Credit Requirement for each Credit Customer 12

holding TCRs or participating in a TCR auction.  Additionally, SPP’s prior 13

approval is required for a Credit Customer to acquire or transfer TCRs through 14

bilateral transactions.  The overall purpose of the requirements is to determine the 15

Financial Security required to support the potential exposure of holding a TCR or 16

a portfolio of TCRs, and to provide that a Credit Customer does not acquire TCRs 17

through a TCR auction or bilateral transfer for which it has not provided Financial 18

Security.  19

Specifically, SPP will (1) calculate the potential exposure associated with 20

the full portfolio of TCRs that are held by the Credit Customer; (2) evaluate 21

individually each TCR Bid in the TCR auctions to ensure that a Credit Customer 22

has sufficient Financial Security to cover the credit requirements to acquire and 23
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hold the TCR and determine whether the Bid is credit approved; (3) evaluate 1

individually each TCR Offer in the TCR auctions to ensure that the Credit 2

Customer has sufficient Financial Security to cover any credit requirements 3

associated with the Offer and the credit requirements for the retained TCR 4

portfolio that would result if the TCR Offer clears in the TCR auction and 5

determine whether the Offer is credit approved; and (4) analyze the credit 6

requirements associated with TCRs that are the subject of a proposed bilateral 7

transfer prior to providing approval of such transfers.  8

The estimate of the potential value of the TCR over the life of the TCR is 9

part of the calculation of the credit requirements for TCR activity.  SPP will 10

update a Credit Customer’s Total TCR Credit Requirement after a TCR auction 11

and on an ongoing basis to reflect the actual TCRs the Credit Customer holds and 12

the TCR auction results.  The calculation of the estimate of the potential value of 13

the TCR uses historical reference prices for the prior two years and the megawatts 14

associated with the TCR.  The estimated exposure related to TCR activity also 15

includes exposure for the acquisition or disposal costs associated with the TCRs.  16

Q. WHY ARE THERE SEPARATE CREDIT REQUIREMENTS FOR TCRS?17

A. There are several reasons for the separate credit requirements for TCRs.  First, 18

TCRs can have either positive or negative obligations that can vary over time and 19

in general present more risk than Energy and Operating Reserve Market activity.  20

For example, a TCR can initially result in payments to the Credit Customer, but 21

could flip and result in an obligation of the Credit Customer because of system 22

conditions.  The potential for Credit Customers to have obligations associated 23
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with TCRs and the life of the TCR, and therefore the potential obligations, are 1

two examples of the increased risks associated with TCRs and the concerns to be 2

addressed by the TCR credit requirements.  3

Second, credit also is required for activity in the TCR auctions, because 4

SPP has to ensure that a Credit Customer that participates in a TCR auction has 5

sufficient Financial Security in place to cover the obligations should they end up 6

holding the TCRs resulting in the greatest exposure from their Bids and Offers.  7

Finally, consistent with the Commission’s directives in Order No. 741 and 8

the increased risks associated with TCRs, such as those discussed in Order No. 9

741, unlike other market activity, only Financial Security can be used to support 10

TCR activity.  11

Q. PLEASE DESCRIBE HOW BIDS AND OFFERS IN THE TCR AUCTIONS 12

ARE CREDIT APPROVED AND WHY THIS PRE-APPROVAL IS 13

NECESSARY.14

A. This pre-approval of Bids and Offers in the TCR auctions is needed to protect 15

against a Credit Customer obtaining TCRs for which it does not have or cannot 16

provide the Financial Security required for holding the TCR.  The analysis of the 17

credit requirements for Bids and Offers looks at the estimated exposure for each 18

Bid and each Offer independently, without netting.  This method is used because 19

there is the potential that in the TCR auction, a Credit Customer could have all or 20

a subset of its Bids and Offers clear.  Because the outcome is unknown, and the 21

resulting cleared Bids and Offers may not include any offsetting positions, the 22
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credit requirements estimate the potential exposure of each Bid or Offer 1

independently.  2

The Bids and Offers are credit approved if the Credit Customer has 3

provided sufficient Financial Security to cover the credit requirements of the 4

TCRs it currently holds as well as the credit requirements to support the Bids and 5

Offers.  If the Bids and Offers are not credit approved, they will not be included in 6

the TCR auctions.  7

Q. HOW ARE THE REFERENCE PRICES DETERMINED DURING THE 8

FIRST TWO YEARS OF THE INTEGRATED MARKETPLACE WHEN 9

THE HISTORICAL PRICES ARE NOT AVAILABLE?10

A. During the initial two years of the Integrated Marketplace, to the extent the 11

historical complete Day-Ahead Market Marginal Congestion Components that are 12

used in the reference price determination are not available, SPP will use the 13

applicable historical Energy imbalance service price differences. 14

Q. DO THE ESTIMATED EXPOSURE FOR A CREDIT CUSTOMER’S 15

PORTFOLIO AND THE ASSOCIATED CREDIT REQUIREMENTS 16

TAKE INTO ACCOUNT THAT THE TCRS IN A PORTFOLIO MAY 17

HAVE OFFSETTING OBLIGATIONS?18

A. Yes.  The estimated exposure for a TCR portfolio looks at the portfolio as a 19

whole.  The estimated value of the TCRs that are held in the portfolio may offset 20

and that would be included in the calculation.  The costs to acquire or dispose of 21

the TCRs in the TCR auctions are only included in the calculation if they are 22

amounts the Credit Customer would have to pay.  The estimated exposure for a 23
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TCR portfolio can only increase the total credit requirements for TCR activity and 1

will not offset the other elements included in the determination of the total credit 2

requirements for a Credit Customer’s TCR activity.3

Q. WHY DOES SPP REQUIRE THAT CREDIT CUSTOMERS OBTAIN 4

PRIOR APPROVAL FOR BILATERAL TRANSFERS OF TCRS?5

A. For the same reasons that SPP requires credit approval for Bids and Offers in the 6

TCR auctions, SPP requires credit approval prior to a bilateral transfer of TCRs.  7

Because a bilateral transfer of a TCR can affect the Financial Security 8

requirements for both the transferor and transferee depending on their TCR 9

portfolios, SPP requires that bilateral transfers be approved to ensure that both 10

Credit Customers that are parties to the bilateral transfer have sufficient Financial 11

Security to meet the TCR credit requirements that would result from the bilateral 12

transfer.  13

Q. ARE TCRS ACQUIRED THROUGH AUCTION REVENUE RIGHTS 14

SELF-CONVERSIONS SUBJECT TO THE TCR CREDIT 15

REQUIREMENTS?16

A. Yes.  The proposed Credit Policy includes all TCRs including those acquired 17

through Auction Revenue Rights self-conversions in determining the Financial 18

Security requirements for TCR activity.  While the acquisition costs for such 19

TCRs in the calculations is zero (because they do not have to be “bought” in the 20

auction), the estimated potential exposure to non-payment associated with holding 21

the TCR may or may not require Financial Security depending on the TCR.  22
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Q. ARE THE TCR CREDIT REQUIREMENTS SIMILAR TO THE 1

REQUIREMENTS FOR SIMILAR PRODUCTS IN OTHER RTOS/ISOS?2

A. Yes.  While the exact methodologies vary from other RTOs/ISOs, the concepts 3

are similar including the estimating of the exposure resulting from holding the 4

TCR and requiring pre-approval of Bids and Offers to ensure Financial Security is 5

provided to support the Bids and Offers.  6

III. MINIMUM PARTICIPATION CRITERIA7

Q. EARLIER, YOU MENTIONED THAT THE CREDIT POLICY INCLUDES 8

MINIMUM CRITERIA FOR MARKET PARTICIPATION.  DO THE 9

MINIMUM CRITERIA APPLY TO CREDIT CUSTOMERS 10

PARTICIPATING IN THE INTEGRATED MARKETPLACE?11

A. Yes, the minimum criteria for market participation set forth in the Credit Policy 12

applies to Credit Customers that participate in the Integrated Marketplace.  13

Q. WERE THERE ANY REVISIONS TO THE MINIMUM CRITERIA FOR 14

MARKET PARTICIPATION TO REFLECT THE INTEGRATED 15

MARKETPLACE?16

A. No.  SPP and its stakeholders reviewed the minimum criteria set forth in the 17

Credit Policy, which the Commission conditionally accepted as in compliance 18

with Order No. 741, and determined that no revisions or additional criteria were 19

necessary for Credit Customers to be able to participate in the Integrated 20

Marketplace.  21
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IV. DEFAULT IN THE INTEGRATED MARKETPLACE1

Q. ARE THERE SPECIFIC TARIFF PROVISIONS TO ADDRESS 2

DEFAULTS IN THE INTEGRATED MARKETPLACE? IF SO, PLEASE 3

DESCRIBE THEM.4

A. Customer defaults associated with the Integrated Marketplace are handled in 5

accordance with the SPP Credit Policy.  Article 8 of the proposed Credit Policy 6

addresses defaults and uncollectible amounts and remains unchanged from the 7

currently approved Credit Policy.  It will apply to defaults associated with 8

Integrated Marketplace Activity.  9

V. STAKEHOLDER PROCESS FOR POLICY DEVELOPMENT10

Q. PLEASE DESCRIBE THE SPP STAKEHOLDER PROCESS THROUGH 11

WHICH THE PROPOSED CREDIT POLICY CHANGES WERE 12

DEVELOPED.13

A. Stakeholders were involved in developing the changes to incorporate the 14

Integrated Marketplace.  Two separate stakeholder working groups were involved 15

in developing the revisions – the Credit Policy Working Group (“CPWG”) drafted 16

the major changes and then the Regional Tariff Working Group (“RTWG”) made 17

minor non-substantive changes to assure they were was ready to file as tariff 18

language.19
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Q. PLEASE DESCRIBE THE STAKEHOLDER INVOLVEMENT IN THE 1

SIGNIFICANT POLICY ISSUES DESCRIBED EARLIER IN YOUR 2

TESTIMONY.3

A. The CPWG drafted changes to the existing Credit Policy to include virtual 4

transactions and the TCR Markets, beginning in late June 2011.  The CPWG met 5

weekly until all Credit Policy changes were approved.  The Credit Policy SPP 6

Tariff language for virtual transactions was approved by the CPWG on August 7

31, 2011; the Credit Policy Tariff language revisions to accommodate Day-Ahead 8

Market, Real-Time Balancing Market, and TCRs were approved by the CPWG on 9

September 14, 2011.10

On November 2, 2011, I with the Chair and Vice Chair of the CPWG, 11

presented the CPWG draft changes of the Credit Policy to the RTWG.  In 12

subsequent RTWG meetings throughout November the group made minor non-13

substantive changes to the Credit Policy.  The RTWG approved the revised Credit 14

Policy on November 18, 2011.  The SPP Board approved the revised Credit 15

Policy on January 31, 2012.  16

Q. DOES THIS CONCLUDE YOUR TESTIMONY?17

A. Yes.18
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UNITED STATES OF AMERICA
BEFORE THE

FEDERAL ENERGY REGULATORY COMMISSION

SOUTHWEST POWER POOL, INC. ) Docket No.  ER12-____-000

PREPARED DIRECT TESTIMONY 

OF 

JOHN HYATT, PH.D. 

Q. PLEASE STATE YOUR NAME AND BUSINESS ADDRESS.1

A. My name is John Hyatt.  My business address is 415 N. McKinley, Suite 140, 2

Little Rock, AR 72205.3

Q. BY WHOM AND IN WHAT CAPACITY ARE YOU EMPLOYED?4

A. I am employed by Southwest Power Pool, Inc. (“SPP”) as a Supervisor in the SPP 5

Market Monitoring Unit (“MMU”).  I supervise a team whose primary 6

responsibility is monitoring the SPP Energy Imbalance Service Market (“EIS 7

Market”) and Transmission Services for market power, gaming, and market 8

manipulation.  Additionally, we conduct inquiries and monitor the market design 9

for both the EIS Market and proposed Integrated Marketplace.10
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Q. PLEASE SUMMARIZE YOUR PROFESSIONAL EXPERIENCE AND 1

EDUCATIONAL BACKGROUND.2

A. I have worked in the MMU for four years.  My focus is market power monitoring 3

and metric development.  I am responsible for monitoring the market design and 4

serving as the MMU representative at Stakeholder meetings focused on market 5

design issues. 6

Prior to joining the MMU, I worked as a Financial Analyst for the 7

Arkansas Public Service Commission.  I performed economic and financial 8

studies, calculated the overall required rate of return for jurisdictional utilities, 9

and testified before the Arkansas Public Service Commission as a cost of capital 10

expert witness.  Other relevant experience includes seven years working as an 11

actuarial analyst and five years teaching mathematics at the Colorado School of 12

Mines. 13

I hold a Ph.D. in Applied Mathematics, a Masters degree in Mineral & 14

Energy Economics from the Colorado School of Mines, a Masters degree in 15

Mathematics from the University of North Texas, and a Bachelor degree in 16

Mathematics from Hendrix College. 17

Q. DR. HYATT, HAVE YOU PREVIOUSLY FILED TESTIMONY BEFORE 18

THIS COMMISSION?19

A. No.  20

Q. WHAT IS THE PURPOSE OF YOUR TESTIMONY?21

A. The purpose of this testimony is to describe and support the changes to the SPP 22

Market Power Mitigation Plan (“Mitigation Plan”) and Market Monitoring Plan 23
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(“Monitoring Plan”) contained in Attachments AF and AG, respectively, of the 1

SPP Open Access Transmission Tariff (“SPP Tariff”).2

Q. WHY WAS THE MARKET POWER MITIGATION PLAN UPDATED?3

A. The Mitigation Plan has been updated to include mitigation measures for SPP’s 4

proposed Integrated Marketplace.  The operational and structural details of the 5

Integrated Marketplace are reflected in proposed revisions to Attachment AE of 6

the SPP Tariff, which are included as part of this filing.  As more fully explained 7

in the testimony of SPP witnesses Monroe and Dillon, the Integrated Marketplace 8

is a Day-Ahead Market and Real-Time Balancing Market for Energy and 9

Operating Reserve, and a Reliability Unit Commitment (“RUC”) process.  10

Q. BRIEFLY DESCRIBE THE PROCESS FOLLOWED IN DEVELOPING 11

THE NEW MITIGATION MEASURES.12

A. The MMU worked closely with SPP staff and Stakeholders throughout the design 13

of the Integrated Marketplace.  The MMU regularly participated in Stakeholder 14

meetings where the design features were presented, discussed, refined, and 15

ultimately approved.  Throughout this process, the Integrated Marketplace design 16

has been compared to that of the other Regional Transmission Organizations 17

(“RTOs”) and the mitigation plans for the Midwest Independent Transmission 18

System Operator, Inc. (“MISO”), PJM Interconnection, L.L.C. (“PJM”), and ISO 19

New England Inc. (“ISO-NE”) were reviewed by the MMU and the Stakeholders.  20

The MMU recommended updates to the Mitigation Plan and Monitoring Plan and 21

included several new mitigation measures to address the complexity of the 22

Integrated Marketplace.  At the same time, the MMU suggested keeping intact 23

several existing mitigation and monitoring elements of the EIS Market design that 24
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the MMU determined to be relevant and properly applied to the Integrated 1

Marketplace.  The new measures are similar to mitigation measures found in the 2

mitigation plans at other RTOs.  Following stakeholder review and vetting, SPP’s 3

Board of Directors, at its April 26, 2011 meeting, approved the Mitigation Plan 4

and Monitoring Plan as part of the Markets and Operations Policy Committee’s 5

recommendation to initiate the Integrated Marketplace build and implementation 6

phase with an implementation date of March 1, 2014. 7

Q. WHAT ARE THE NEW MITIGATION MEASURES?8

A. The new measures include mitigation measures for Start-Up and No-Load Offers, 9

physical offer parameters, and virtual transactions. 10

Q. WHAT EXISTING PROVISIONS WERE RETAINED IN THE REVISED 11

MITIGATION PLAN?12

A. The mitigation measures for Energy Offer Curves that are currently being 13

employed in the SPP EIS Market will apply in the Integrated Marketplace for 14

both the Day-Ahead Market and the Real-Time Balancing Market.  While the 15

methodology for determining when a Resource has the potential for local market 16

power abuse has not changed, tariff revisions were required to clarify the 17

applicability of the existing methodology to the Integrated Marketplace.  These 18

conforming revisions are reflected throughout revised Section 3 of Attachment 19

AF; the details on the calculation of the Energy Offer Cap are found in revised 20

Section 3.2.4 of Attachment AF.21
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Q. PLEASE PROVIDE ADDITIONAL DETAIL ON THE PROPOSED NEW 1

MITIGATION MEASURES FOR START-UP AND NO-LOAD OFFERS.2

A. Unit commitment in the Day-Ahead Market and the RUC processes will be 3

largely based on the economic costs associated with unit Start-Up and Energy 4

generation.  These costs will be communicated to SPP through the submission of 5

Energy Offer Curves, Start-Up Offers, and No-Load Offers. 6

Under revised Section 3.2.2 of Attachment AF, if a Resource is 7

determined to possess local market power in the Day-Ahead Market or RUC8

process, the Transmission Provider may apply mitigation measures by capping the 9

Resource’s Start-Up Offer and No-Load Offer at the Resource’s Default Start-Up 10

Offer and Default No-Load Offer values.  The determination of when and where 11

to apply the mitigation measure is identical to the test used in the application of 12

mitigation measures to the Energy Offer Curves.13

Q. HOW ARE THE DEFAULT START-UP AND DEFAULT NO-LOAD 14

OFFER CAPS DETERMINED?15

A. Under proposed Section 3.2.5 of Attachment AF, the Transmission Provider will 16

compute a Default Start-Up Offer Cap and a Default No-Load Offer Cap for each 17

Resource on a daily basis.  The cap will be based on the lower of the mean or 18

median of Resource-specific, uncapped offers identified over the prior 90-day 19

period.  A 110% multiplier will then be applied to the mean or median to establish 20

the cap.  In cases where a Resource lacks sufficient offer history to calculate the 21

cap based on the foregoing equation, proposed Section 3.2.5 provides for the use 22

of three alternative approaches for setting Offer Caps, including: setting the cap 23

based on consultation between the Market Participant and Market Monitor; setting 24
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the cap based on a Resource’s Start-Up and No-Load costs, as estimated by the 1

Market Monitor; and/or setting the cap based on averages of offers from similar 2

Resources.  Other RTOs, such as MISO and PJM, use a similar combination of 3

cost-based and negotiation-based methodologies to set price caps for unit offers.  4

Q. PLEASE PROVIDE ADDITIONAL DETAIL ON THE MITIGATION 5

MEASURES FOR PHYSICAL OPERATING PARAMETERS FOR 6

RESOURCES.7

A. Competitive outcomes can be distorted by submitting offers that do not reflect the 8

physical operating capabilities of Resources.  Such behavior may constitute 9

physical withholding or uneconomic overproduction.  The mitigation measures in 10

revised Section 3.3 of Attachment AF are intended to provide the Transmission 11

Provider with the means to mitigate the effects of physical parameter offers that 12

are inconsistent with competitive conduct.  The physical operating parameter 13

mitigation measures apply to all Resource Offer parameters expressed in units 14

other than dollars and only in the presence of local market power.  Reference 15

levels for the physical parameters will be established prior to the start of the 16

Integrated Marketplace and will be updated on an as needed basis.  The MMU, in 17

consultation with the Market Participant, will determine reference levels.  18

Thresholds for identifying offers that may warrant mitigation are included in 19

revised Section 3.3.  The threshold values were chosen after a review of 20

parameter mitigation measures at other RTOs.  The threshold values in revised 21

Section 3.3 are identical to those used by MISO and ISO-NE.  22



Exhibit No. SPP-5
Page 7 of 14

Q. ARE THERE RELIABILITY CONCERNS ASSOCIATED WITH 1

MITIGATING OPERATING PHYSICAL PARAMETERS OF 2

RESOURCES?3

A. Yes.  Reliability conditions must be considered prior to applying mitigation 4

measures to physical operating parameters of Resources.  The MMU will initiate 5

a discussion with the Market Participant concerning an explanation of the 6

operating parameter changes and inform the Transmission Provider of any 7

potential issue.  Except where reliability concerns are demonstrated, the 8

Transmission Provider, after consultation with the MMU, will apply the 9

mitigation measures.10

Q. HOW DOES THE MITIGATION PLAN ADDRESS THE POTENTIAL 11

FOR MARKET MANIPULATION THROUGH VIRTUAL 12

TRANSACTIONS?13

A. An attempt to manipulate the market through the use of virtual transactions, either 14

solely or in combination with physical operating parameters or Transmission 15

Congestion Rights, will generally be detected in the market data as causing a 16

divergence between the Day-Ahead and Real-Time Energy prices.  The MMU 17

will monitor the divergence between Day-Ahead and Real-Time Energy prices by 18

computing a rolling four-week average of the percentage deviation.  Average 19

deviations greater than 10% or less than -10% are considered an excessive price 20

divergence for purposes of this mitigation measure.  If the Market Monitor, in 21

consultation with the Transmission Provider, determines that an excessive Energy 22

price divergence is the result of virtual transactions by one or more Market 23

Participants, the Transmission Provider will restrict the virtual activity of the 24
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identified Market Participants as specified in revised Section 4 of Attachment AF.  1

Additional details concerning mitigation of anti-competitive, virtual bidding 2

activity are provided in proposed Sections 4.6.2 and 4.6.3 of Attachment AG.3

Q. ARE THERE ANY OTHER SIGNIFICANT CHANGES TO THE 4

MITIGATION PLAN?5

A. Yes.  A Market Impact Test is included in the Mitigation Plan.  This test lessens 6

the potential for over-mitigation by distinguishing between an exercise of local 7

market power and a legitimate supply shortage.  The Market Impact Test assays 8

whether application of mitigation measures produces a substantial effect on the 9

market solution.  If substantial effects are shown due to mitigation measures, then 10

local market power is deemed to exist, allowing the increase in prices or make 11

whole payments.  Consequently, the application of mitigation is warranted.  If, on 12

the other hand, the Market Impact Test does not detect a substantial effect on the 13

market solution, then either the mitigation measures are not binding or there is a 14

legitimate supply shortage.  In this case, the application of mitigation measures is 15

not warranted.  Additional details and threshold levels are set forth in proposed 16

Section 3.5 of Attachment AF.17

Q. WERE THERE MAJOR CHANGES TO THE MONITORING PLAN?18

A. No.  The purpose and objectives of the Monitoring Plan remain unchanged and 19

the organization of the MMU remains unchanged.  The changes to the Monitoring 20

Plan reflect the additional monitoring responsibilities that are required due to the 21

addition of new markets and rules, and descriptions of the data access that will be 22

required for monitoring.  The most substantial of the Monitoring Plan changes are 23

the additions to the Market Monitoring scope in revised Section 4.2 of 24
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Attachment AG.  The additions include monitoring Resources’ non-price offer 1

parameters, Demand Bids for Energy in the Day-Ahead Market, Virtual Energy 2

Bids and Offers in the Day-Ahead Market, Export and Import Transaction Bids 3

and Offers, the Auction Revenue Rights allocation process, and the Transmission 4

Congestion Rights Market. 5

Q. HAVE YOU REVIEWED THE MARKET DESIGN FOR CONCERNS 6

ABOUT MARKET EFFICIENCY AND GAMING?7

A. Yes.  The MMU reviewed the market design and issued a report to the SPP Board 8

of Directors in January 2011.  See Recommendations for the SPP Integrated 9

Marketplace Design, SPP Market Monitoring Unit, 73 (Jan. 18, 2011), 10

http://www.spp.org/publications/MWG%202%202%2011%20Minutes%20.pdf 11

(“MMU Report”).  The MMU recognizes the paramount importance of a robust 12

market design that encourages market efficiency and provides safeguards against 13

anti-competitive behavior such as market manipulation and gaming.  14

Q. PLEASE SUMMARIZE THE MMU’S RECOMMENDATIONS AND 15

FINDINGS, AS REFLECTED IN ITS JANUARY 2011 REPORT.16

A. The MMU offered two recommended changes to the Integrated Marketplace 17

design.  These changes were subsequently endorsed by stakeholders, approved by 18

the SPP Board, and incorporated in the design of the Integrated Marketplace.  19

With these modifications, the MMU Report found that the proposed market 20

design, would “. . . increase market efficiency, lead to competitive pricing, and 21

induce competitive behavior from Market Participants.”  MMU Report at 2.  22
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Q. WAS A MARKET POWER STUDY PREPARED FOR SPP’S PROPOSED 1

ANCILLARY SERVICES MARKETS?2

A. Yes.  In the fall, 2011, the MMU engaged Potomac Economics, Ltd., to examine 3

market power issues in SPP’s proposed ancillary services markets.  The Potomac 4

Economics, Ltd. Study is included as Exhibit No. SPP-6 to this testimony 5

(“Market Power Study”).  6

Q. WHAT WAS THE SCOPE OF THE MARKET POWER STUDY 7

UNDERTAKEN BY POTOMAC ECONOMICS, LTD?8

A. The Market Power Study assessed the competitiveness of SPP’s proposal to 9

implement, in conjunction with its planned Day-Ahead Energy and Real-Time 10

Balancing Markets, market-based procurement for three types of ancillary 11

services: Regulation, Spinning Reserve, and Supplemental Reserve (collectively, 12

“Operating Reserve”).  In defining relevant product markets, the study found that 13

Spinning and Supplemental Reserve constituted a single product.  Accordingly, 14

with respect to the two defined product markets, i.e., (i) Regulation service, and 15

(ii) Spinning and Supplemental Reserve contingency services, the study 16

considered market power issues based on relevant geographic markets, which the 17

study determined to be:  (i) the entire SPP market footprint, and (ii) submarkets 18

corresponding to SPP’s Reserve Zones.  The analysis took into account the joint 19

optimization of the Energy and Operating Reserve Markets as well as the 20

substitutability of the contingency reserve products.21
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Q. PLEASE DESCRIBE HOW THE MARKET POWER STUDY WAS 1

CONDUCTED.2

A. The MMU prepared historical data describing the supply and demand for both 3

reserve products under the prevailing requirements in 2010.  The data included 4

each Resource’s availability, commitment, dispatch, and ramp rates for Energy 5

and reserve.  Also included were historical transmission congestion data 6

describing the import and export limits between the six potential Reserve Zones.  7

Potomac Economics Ltd. used these data to calculate market shares and 8

concentration indices and to conduct the pivotal supplier analyses included in the 9

study.10

Q. WHAT IS THE “PIVOTAL SUPPLIER ANALYSIS”?11

A. The pivotal supplier analysis was included as a supplement to the market share 12

and Herfindahl-Hirschman Index (“HHI”) statistics to provide “[a] more accurate 13

evaluation of market power in electricity markets.”  Market Power Study at 14.  14

According to the study, the pivotal supplier analysis “. . .  recognizes the dynamic 15

nature of market power” in these markets by focusing on competitive factors not 16

captured in either a typical market share or HHI analysis.  More specifically, the 17

pivotal supplier analysis takes into account the competitive impact of certain 18

electricity suppliers whose output is needed, in whole or in part, to meet market 19

demand.  These so-called “pivotal suppliers” have the ability to unilaterally raise 20

prices and, therefore, introduce the possibility of substantial market power.  For 21

this reason, the presence or absence of pivotal suppliers in the studied market may 22

affect the ultimate conclusions regarding market power.  23
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Q. WHAT WERE THE RESULTS OF THE MARKET POWER STUDY?1

A. The study finds that market shares and HHIs were moderately high on both a 2

zonal basis and in the SPP-wide Regulation-Up and -Down markets.  However, 3

the study noted that the import of these statistics must be considered in 4

conjunction with other key factors that are accounted for in the pivotal supplier 5

analysis.  When so evaluated, the study found that suppliers were rarely pivotal in 6

the supply of Regulation services.  7

For contingency reserve services in the SPP-wide market (i.e., Spinning 8

and Supplemental Reserve), the study found that market shares and HHIs were 9

below the 20% and 1,800 thresholds, respectively.  However, at the Reserve Zone 10

level, there was statistical evidence of high market share and high market 11

concentration in the SPP zones.  The pivotal supplier analysis confirmed the 12

potential for competitive concerns within individual Reserve Zones, even as it 13

recognized that suppliers were generally not pivotal in SPP as a whole.  The study 14

concluded that the zonal competitive concerns in the contingency reserve market 15

should be addressed through effective monitoring and mitigation measures.   16

Q. DO YOU BELIEVE SPP’S PROPOSED MITIGATION MEASURES 17

ADDRESS THE MARKET POWER ISSUES IDENTIFIED IN POTOMAC 18

ECONOMICS LTD’S STUDY?19

A. Yes.  The monitoring, referral, and mitigation measures in Attachment AF and 20

AG adequately address these issues.  As demonstrated in the EIS Market, 21

monitoring, referral, and mitigation is an ongoing activity and, accordingly, the 22

MMU is continuously evaluating new or additional ways to address issues as they 23

arise.  The mitigation measures for the Energy Offer Curves and the co-24
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optimization between Energy and Operating Reserve will reduce the effectiveness 1

of an attempt to economically withhold Operating Reserve.  If a Market 2

Participant withholds Operating Reserve but continues to offer Energy at 3

competitive price and output levels, the behavior will not create a shortage in the 4

Operating Reserve Market because of the substitutability of Energy and reserve.  5

The Resources with high reserve offers will be dispatched for Energy allowing 6

other Resources to be dispatched down creating Operating Reserve.  The market 7

structure within each Reserve Zone will also deter economic withholding in that 8

the largest supplier in each Reserve Zone is also the largest customer in that same 9

zone.  If the largest supplier succeeds in raising reserve prices above competitive 10

levels, then all customers in the Reserve Zone, including the largest customer, 11

will pay for reserve at a price that exceeds competitive levels.  This market 12

structure acts as a deterrent to economic withholding.  13

Q. ARE THERE OTHER STEPS AVAILABLE TO THE MMU TO ENSURE 14

VIGILANCE OVER POTENTIAL MARKET ABUSES?15

A. Yes.  The duties and responsibilities of the MMU are not static.  Rather, the 16

MMU is obligated to closely and continuously monitor market design and market 17

behavior.  With respect to potential zonal issues, the MMU will regularly track 18

prices and transactional activity through conduct and impact analyses, price 19

comparisons with other RTOs, and price comparisons between SPP Reserve 20

Zones.  More broadly, the MMU will continue to monitor all design aspects of the 21

Integrated Marketplace; as necessary, the MMU will recommend additional 22

mitigation measures and take other appropriate actions to address market power 23

concerns.  24
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Q. DOES THIS CONCLUDE YOUR TESTIMONY?1

A. Yes.2
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I. INTRODUCTION AND SUMMARY 

This report presents the results of our market power analysis of the ancillary services markets 

proposed by the Southwest Power Pool (SPP).  Our market power analysis seeks to determine if 

any market participants could have market power in providing ancillary services.  Consistent 

with prior Federal Energy Regulatory Commission (“Commission”) precedent, to support an 

application for market-based ancillary services the SPP must perform a market power analysis to 

determine whether sellers lack, or have adequately mitigated, market power with regard to each 

proposed ancillary services market.  The market power analysis must include: 

1) Definition of relevant product market; 

2) Definition of relevant geographic market; 

3) Analysis of market concentration in the relevant product and geographic market; and 

4) Analysis of entry barriers and potential entry.  

We conduct our market power analysis in accordance with this guidance.  In particular, we 

define relevant product and geographic markets and explain how to measure market shares in 

these markets.  Using these market shares, we calculate concentration statistics, including the 

Herfindahl-Hirschman Index (HHI), and conduct a pivotal supplier analysis.   

Based on these analyses, we find no significant competitive concerns in the markets for 

regulation service (regulation-up and regulation-down service) and contingency reserves 

(spinning and supplemental reserves).  In the individual reserve zones, we focused on total 

operating reserves because there is no specific requirement as to the individual components of 

the total reserves.  We find potential market power in all zones that should be addressed by 

effective market power mitigation measures.   

Our analysis is presented in the following two sections.  In Section II, we provide the first part of 

our market power analysis.  In that section, we explain our relevant market definitions and 

measures of market shares.  We also present market share and concentration analysis.  These 

analyses provide preliminary insight into potential market power.  In Section III, we provide our 

pivotal supplier analysis which provides a basis for more definitive market power conclusions. 
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In the remainder of this section, we explain the overall approach to our analyses and provide a 

summary of the quantitative results. 

A.  Proposed Ancillary Services Markets 

Ancillary services are needed by the transmission operator (SPP in this case) to ensure reliable 

operation of the transmission network.  SPP is proposing to implement market-based 

procurement of three types of ancillary services: regulation (regulation-up and regulation-down), 

spinning contingency reserves, and non-spinning contingency reserves.  These services are 

supplied by generators and will be purchased by SPP based on a pre-determined requirement that 

is independent of suppliers’ offer prices.  (In this way, demand for ancillary services is said to be 

completely inelastic.)  

The market-based mechanisms for ancillary service procurement are proposed as part of the SPP 

Integrated Marketplace, whereby ancillary services will be introduced in conjunction with the 

SPP’s proposed day-ahead energy and the real-time balancing markets.  Furthermore, SPP is 

proposing to “co-optimize” procurement of ancillary services with day-ahead and real-time 

energy.  These proposals are similar to the co-optimized markets of most other RTOs. 

The implementation of the ancillary services markets in conjunction with the energy market 

design promises to deliver substantial benefits in both the short-term and long-term.  In the short-

term, these co-optimized markets will improve the commitment and dispatch of resources for 

satisfying the region’s energy and ancillary service requirements by inducing competitive offers.  

In the long-term, the more efficient price signals produced from these markets should result in 

improved investment, maintenance, and retirement decisions.   

Co-optimizing ancillary services and energy markets tends to diminish market power concerns 

and reduce the need for market power mitigation measures.  As we explain more below, this is 

because the co-optimization approach evaluates trade-offs between scheduling a resource to 

produce energy and scheduling it to provide ancillary services, and selects the least-cost 

combination of resources to provide energy and reserves.  A resource owner that submits a 

relatively high offer price for reserves can be dispatched for energy instead, allowing the market 

to back down another energy provider to supply reserves in its place.  This simultaneous 
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evaluation increases substitutability between different products.  As explained below, this 

increased substitutability expands the pool of suppliers for both products and inherently reduces 

market power.  However, this does not eliminate market power in all instances so monitoring and 

market power mitigation measures remain important. 

B.   The Commission’s Market Power Analysis 

In Ocean Vista,1(and as affirmed Order 697)2 the Commission established its policy regarding 

approval of market-based ancillary services.  In particular, the Commission requires a 

demonstration of a lack of market power in the proposed ancillary services market in order to 

obtain approval to sell such services at market-based rates.  Accordingly, in this report, we 

follow the Commission policy by conducting a market power analysis for the proposed ancillary 

services markets. 

1. Product Market Definition 

Like any market power analysis, the first step in analyzing ancillary service market power is to 

define the “relevant market.”  Relevant market is an antitrust concept used to delineate the group 

of products that are close substitutes for one another and, thus, should be analyzed within the 

same market for competitive analysis.  Defining the relevant market allows measurement of 

market concentration and identification of supply and demand factors that can support 

conclusions about market power.  The relevant market concept reflects a product dimension and 

a geographic dimension, both of which depend on an analysis of available substitutes.  In the 

case of the product market, products are considered together if they are suitable for the same 

purpose.  A geographic market will depend on the ability of suppliers at different locations to 

satisfy demand. 

As introduced above, the SPP is proposing three ancillary services: regulation, spinning reserves, 

and supplemental reserves.  These services are defined as follows: 

                                                 
1  See, Ocean Vista Power Generation, L.L.C., 82 FERC ¶ 61,114 (1998) (Ocean Vista).   

2  Market-Based Rates For Wholesale Sales Of Electric Energy, Capacity And Ancillary Services By Public 
Utilities, 119 FERC ¶ 61,295 (2007), Slip op. at ¶1069. 
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Regulation.  Regulation is a power supply product that is used to continuously supply the 

SPP balancing authority area in order to maintain Area Control Error (ACE) in 

accordance with NERC control performance criteria.  Regulation is provided by 

generators that are specially equipped with Automatic Generation Control (“AGC”) that 

allows near-continuous adjustment to meet the regulation “set points.”  It is offered as 

regulation-up service and regulation-down service. 

Spinning Reserves.   Spinning reserves are the portion of contingency reserve service that 

is supplied by synchronized resources that stand ready to supply the system within the 

ten-minute contingency reserve deployment period following a contingency event 

(unexpected generator or transmission equipment outages). 

Supplemental Reserves.  Supplemental reserves are the portion of contingency reserve 

service that is supplied by either synchronized or non-synchronized resources that stand 

ready to supply the system within the ten-minute contingency reserve deployment period 

following a contingency event (unexpected generator or transmission equipment 

outages).   

The basic approach to defining the relevant product market, which is well established in 

competition analysis, involves identifying the group of products that are reasonably 

interchangeable by consumers for the same purpose.3  There is a wide range of power supply 

products commonly used in electricity markets.  The customary distinctions among these 

products are generally related to the reliability of the product (firmness), the product’s source of 

supply (e.g., unit-contingent versus seller’s choice), the lead-time in scheduling the product, and 

the flexibility for the buyer to alter the quantities of supply.  For example, the difference between 

firm and non-firm power products is well recognized – the conditions under which a supplier 

may fail to deliver a firm power supply product are much more stringent than those associated 

with an interruptible product.  Likewise, it is common for products to be designated as “block 

purchases” whose quantity is constant over a block of hours; or as “dispatchable”, whose output 

may change over some designated time period. 

Within the broad range of power supply products, ancillary services are distinguished from other 

power supply products based on specific technical characteristics.  These characteristics are 

primarily related to the ability of suppliers to respond to particular transmission operator 

                                                 
3  See, e.g., United States v. E.I du Pont De Nemours & Co. (Cellophane), 351 U.S. 377 (1956). 
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instructions.  Indeed, in terms of defining the relevant market, the specific requirements of 

ancillary services limit substitution with other power supply products and, accordingly, make 

each service a distinct relevant product.4 

Regulation as a Relevant Product 

Regulation service supplies power in response to changing system conditions on a near-real time 

basis (using AGC equipment).  Other power supply products that cannot meet this response time 

do not meet the key requirements of this product and, hence, are not interchangeable for 

purposes of meeting the system’s regulation requirements.  Hence, regulation is a separate 

product from energy and other reserve products and it is appropriate to analyze market power in 

this product separately from other ancillary services (as well as other power supply products). 

Spinning and Supplemental Reserves as Relevant Products 

Spinning reserves and supplemental reserves are the two components of contingency reserves.  

The defining characteristic of contingency reserves is that they must replace interrupted power 

supplies on the grid within ten minutes following a system contingency.  Other resources that 

cannot respond in ten minutes are not qualified to supply this product and are not 

interchangeable from the operator’s perspective.  Accordingly, contingency reserve service is a 

separate relevant product from other power supply products.   

When considering contingency reserves as a separate relevant product market, recall that 

contingency reserves are defined such that a minimum portion must be supplied by spinning 

reserves already synchronized to the grid.  The balance of the contingency reserves can be 

supplied by either spinning reserves or non-spinning reserves, also called supplemental reserves.  

Supplemental reserves must respond in ten minutes but can be off-line.  Because there is a 

distinction between spinning and supplemental reserves, one may be inclined to treat them as 

separate products.  However for at least two reasons, the differentiation of spinning and non-

                                                 
4  This is consistent with the  Commission’s guidance: 

A relevant product market would include the applicant's product, together with other products that – 
from the buyer’s perspective – are good substitutes.  Products are generally regarded as good 
substitutes if each substitute is shown to be comparable in terms of price, quality and availability.  We 
have concluded, as an initial matter, that each ancillary service is a separate product (Ocean Vista at 
¶61,407). 
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spinning contingency reserves does not create separate contingency reserve products in an 

economic sense. 

First, the main purpose of contingency reserves is to restore system capacity in ten minutes.  

Both spinning and non-spinning reserves can perform this function.  A minimum amount of 

spinning reserves is generally required because they can respond more quickly and reliably to a 

deployment instruction than supplemental reserves.  However, ensuring that a certain portion of 

contingency reserves is held as spinning reserves is generally less valuable to RTOs than 

ensuring that the overall contingency reserve requirement is met.  This is because the overall 

requirement is needed to respond to a major contingency in 10 minutes, which is the primary role 

of contingency reserves.  The requirement that a given portion of contingency reserves be 

spinning is essentially a means to manage the quality of the reserves, given that some off-line 

units may actually not start-up when needed. 

A second reason that the distinction between spinning and non-spinning reserves does not create 

separate contingency reserve products is that non-spinning resources can be used to create 

spinning reserves.  Under the SPP Integrated Marketplace, the markets will co-optimize reserves 

and energy.  Therefore, off-line quick-start units can be committed for the energy market and 

allow synchronized units to be partially committed (in the day-ahead horizon) or unloaded (in the 

real-time horizon) to provide additional spinning reserves.  Because of the transformation, a MW 

of quick-start capacity is indistinguishable from a MW of synchronized, spinning reserves.  As 

explained above, in analyzing relevant markets, if services are close substitutes, then they are in 

the same relevant product market.   

To further understand the substitution, consider how the co-optimized market process will work 

in the day-ahead and the real-time horizons.  In the day-ahead time horizon, the co-optimized 

market mechanism will identify the lowest-cost combination of energy and ancillary services 

supplies.  In this time frame, an off-line, ten-minute quick-start unit can be committed for energy 

in order to allow a dispatchable unit to be scheduled at less than full load.  This allows the 

dispatchable unit to hold synchronized capacity for contingency reserves.  As a result, both quick 

start units and dispatchable units have dispatchable ramp available to meet contingency reserves 

in the day-ahead markets.  Therefore, quick-start units directly substitute for synchronized 
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reserves in the day-ahead market.  In accordance with standard market analysis, this 

substitutability means that supplemental reserves (off-line quick-start resources) are in the same 

relevant product market as spinning reserves.5   

In the real-time balancing market, co-optimized energy and reserves enable substitution similar 

to that which can occur in the day-ahead market.  In particular, in minimizing overall cost of 

serving load, the real-time market can commit a quick-start unit and ramp down an already-

committed dispatchable unit to provide spinning reserves.   

As a result, spinning reserve capability can be created through commitment of supplemental- 

qualified units.  Therefore, like in the day-ahead time frame, supplemental reserves and spinning 

reserves are interchangeable from the perspective of the market operator and, hence, are the same 

relevant market. 

In conclusion, supplemental and spinning reserves are substitutable in both the day-ahead and 

real-time horizons and represent a single contingency reserve relevant product. 

2. Geographic Market Definition 

Once the relevant product is defined, the locations of suppliers that can supply the relevant 

product are assessed in order to establish the relevant geographic market.  Similar to the relevant 

product market analysis, the relevant geographic market analysis focuses on substitution.  Where 

the relevant product market analysis focuses on the substitution from a functional perspective — 

whether the products are interchangeable from a consumer standpoint – the relevant geographic 

market analysis evaluates whether suppliers of the relevant product in one location can substitute 

for suppliers of the relevant product in another location.  

The Commission has found that for an RTO, the relevant geographic market is defined by the 

bounds of the region under a single, security-constrained commitment and dispatch market, 

except when delivery is limited by binding internal transmission network constraints.  When 

                                                 
5   This substitution is possible as long as capacity offered in the day-ahead market has enough ramp 

capability to meet both energy and spinning reserves to enable the quick-start unit to be used for energy 
instead of a rampable unit.  This is not a problem as the ramp capability offered in the day-ahead market is 
generally sufficient.     
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internal transmission constraints are binding, a supplier within the constrained geographic area 

faces limited competition.  The Commission reiterated its commitment to this approach in Order 

No. 697.  In that order, the Commission said it would continue to use the RTO region as the 

default relevant geographic market, except in cases in which the Commission has made a 

specific finding that there is a submarket within an RTO.  In these latter cases, submarkets must 

be examined separately in the market power analysis. 

Accordingly, we use the SPP region as the default relevant geographic market. In addition, we 

evaluate submarkets within the SPP that are demarcated by internal transmission constraints.  

The Commission has not specifically identified these submarkets, but the SPP identified 

“Reserve Zones” as part of the ancillary services market design that qualify as valid submarkets.  

These zones are established through reserve zone studies that identify transmission-constrained 

areas where supply may be limited under certain circumstances.  In particular, when transmission 

constraints are such that an area cannot reliably withstand a system contingency, a Reserve Zone 

is activated and the rules require that a minimum amount of ancillary services be procured from 

within that zone.  Reserve Zones may also have maximum limits in the case of generation 

pockets.  In such cases, the SPP will not rely on resources that cannot be delivered to the broader 

SPP region.   

The presence of transmission constraints and the associated Reserve Zones must be taken into 

account when assessing market power.  When a Reserve Zone minimum requirement is in effect, 

suppliers within the zone may have local market power and a market power analysis focusing on 

such areas is appropriate.     

Table 1 contains some key statistics associated with the six current SPP Reserve Zones.  In 

particular, we show the number of resources in each zone, the total capacity and the largest 

supplier. 
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Table 1:  Distribution of Resources Across Reserve Zones 

 

The data presented in the table reveals some aspects of the size and potential concentration in the 

six reserves zones as well as in the SPP as a whole.  The data shows that there is typically a 

dominant capacity owner in each zone.  As explained below, we find a similar pattern of 

concentration when examining each specific ancillary service product market.  Hence, while the 

total capacity measure does not provide a basis for assessing market power in the individual 

ancillary services markets, it does foreshadow the results for the ancillary services products.  

3. Day-Ahead versus Real-Time Market 

Ancillary services are bought and sold in both the day-ahead and the real-time markets.  Many 

important factors are similar between the day-ahead and real-time markets, such as ownership of 

generating assets and their capabilities (e.g., ramp rates).  The key difference between the day-

ahead and real-time markets is the increased flexibility in the day-ahead to switch capacity 

between the energy market and the ancillary services markets.  As explained previously, co-

optimization of energy and ancillary reserves enables the market to distribute available capacity 

between energy or ancillary services in the most efficient manner based on participants’ offers of 

the various products.  In particular, dispatchable resources can supply either energy or ancillary 

services.  This ability to switch resources between supplying energy and ancillary services is 

greater in the day-ahead market because of the greater latitude in committing resources.   

In the real-time market, the latitude to commit additional resources is confined to quick-start 

units.  In the very short-term, the real-time market is limited to ramping-down or ramping-up 

dispatchable units that are already providing energy in order to create ancillary services.  Hence, 

the real-time market has less flexibility than is available to the day-ahead market.  

Zone
Number of 
Resources Total MW Largest Supplier in Zone

Share of Largest 
Supplier

#1 Nebraska 64 7,267       NPPD 47%
#2 West Kansas/North SPS 48 3,969       Southwset Public Service 55%
#3 South SPS 33 4,757       Southwset Public Service 83%
#4 East Kansas/Missouri 162 16,746     Western Resources 37%
#5 Oklahoma/NW Ark 88 18,922     OG&E 41%
#6 AEP Texas Louisiana 28 6,040       American Electric Power 83%

SPP Total 423 57,701     American Electric Power 18%
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As a consequence of the above factors, market power is more likely an issue in the real-time 

market than in the day-ahead market.  Hence, our market power analysis is focused on the real-

time market.  If market power is lacking or is mitigated in the real-time market, then it should 

also be effectively addressed in the day-ahead market.   

4. Supply and Demand for Operating Reserves 

As explained in more detail in the body of our report, our analysis is based on existing supply 

and demand data.  This data includes historical commitment, dispatch instructions, ramp rates 

and reserve requirements that prevailed during 2010.  During this period, the proposed markets 

were not in place and, instead, the commitment and dispatch of resources was done under 

existing rules and structures.  However, this historical operating data provides the best available 

indication of expected resource availability and local reserve requirements. 

5. Measures of Market Power 

Market Share Analysis: Market share analysis provides the most basic measure of potential 

market power.  A market share is simply an individual participant’s capacity to supply the 

relevant market compared to the total supply in the relevant market.  A market share provides a 

very general measure of a seller’s position in the relevant market.   

The Commission has used a market share threshold of 20 percent in market power analyses for 

market-based pricing applications.6  However, the Commission has said that the 20-percent 

threshold does not constitute a bright-line test: 

While the Commission generally concludes that market power is not a concern when the 
results are below the threshold, it does not necessarily follow that market power is a 
concern when the thresholds are exceeded, depending on other relevant factors.7   

In particular, when supply far exceeds demand, even a supplier with a 20-percent market share 

would be unable to exercise market power.  Therefore, in our analyses below, we consider the 

market share measures as being a first indicator of market power, but not one that supports a 

definitive conclusion. 

                                                 
6  Order No. 697 at P 89-91. 

7  Atlantic City Electric Company, 86 ¶ FERC 61,248 at 61,903 (1999). 
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Herfindahl-Hirschman Index: An alternative analysis of market structure adopted by the 

Commission evaluates the market’s concentration using the Herfindahl-Hirschman Index 

(“HHI”).  The HHI is a standard measure of market concentration calculated by summing the 

square of each supplier’s market share in the relevant market.  It takes into account not just a 

single supplier’s dominance, but the shares of all firms.  It produces a statistic that rises as the 

market supply is concentrated among a smaller number of firms.  The antitrust agencies 

generally characterize markets with HHIs of greater than 1,800 as highly concentrated.8  

Concentration statistics can indicate the likelihood of coordinated interaction in a market.  All 

else being equal, the higher the HHI, the more likely it is that firms would be able to extract 

excess profits from the market. 

The market share assessment and HHI statistics provide only general indicators of market 

concentration in electric power markets, not definitive measures of market power.9  The 

usefulness of these statistics is limited by the fact that they reflect only the supply-side, and 

ignore demand-side factors affecting competition.  Also, these statistics are relatively static in 

orientation, which limits their value for characterizing the constantly changing balance of 

resources and load affecting market power in electric markets.  Because electricity cannot be 

stored economically in large scale, production must match demand on a real-time basis.  When 

demand rises, an increasing quantity of generation is utilized to satisfy the demand, leaving 

fewer alternative resources that can respond by increasing output and displace any supplier 

seeking to withhold resources.  Hence, markets with higher resource margins tend to be more 

competitive, but both the market share and HHI statistics neglect this aspect of the market.  The 

pivotal supplier analysis that we discuss next account for this important analytical dimension. 

Pivotal Supplier Analysis: A more accurate evaluation of market power in electricity markets 

that recognizes the dynamic nature of market power is the pivotal supplier analysis.  In the 

pivotal supplier analysis, a supplier is considered to be “pivotal” when the output of all or some 

                                                 
8     The Department of Justice and the Federal Trade Commission evaluate the change in HHI as part of 

standard merger analysis.  However, this is only a preliminary analysis that would typically be followed by 
a more rigorous simulation of the likely price effects of the merger. 

9  For example, see Severin Borenstein, James B. Bushnell, and Christopher R. Knittel, “Market Power in 
Electricity Markets: Beyond Concentration Measures,” Energy Journal 20(4), 1999, pp. 65-88. 
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of its resources is needed to meet demand in the market.  A pivotal supplier has the ability to 

unilaterally raise market prices by offering its energy and/or operating reserves at a very high 

price level.  The market may be subject to substantial market power abuse when one or more 

pivotal suppliers have the incentive to take advantage of their position to raise prices.10   

The pivotal supplier analysis is performed by calculating a Residual Supply Index (RSI).  The 

RSI uses the supply accounted for by all suppliers except the supplier being evaluated and 

compares this “residual supply” to total demand.  Hence, it is the ratio of the residual supply to 

total demand.  An RSI greater than one indicates that sufficient resources are available even 

without the resources of the supplier being evaluated, meaning the supplier is not pivotal.  An 

RSI less than one indicates that the resources of the supplier are necessary to meet load and 

reserves, i.e., the supplier is pivotal.  We present our pivotal supplier analysis in the form of RSI 

duration curves, which show how often a given supplier was pivotal over the period analyzed. 

In the case of co-optimized ancillary services, the pivotal supplier analysis must recognize that 

the supplier can withhold energy and/or reserves.  When the supplier withholds from the energy 

market, it can cause the dispatch of competitors’ resources for energy, which draws those 

resources out of the ancillary services markets.   

We conduct two types of pivotal supplier analyses.  The first type is focused on the overall 

supply of and demand for operating reserves (which is the sum of contingency reserves and 

regulation).  The primary rationale for confining this analysis to total operating reserves is that 

the zonal requirements are based on operating reserves, without specific requirements for the 

individual reserve products.  In this pivotal supplier analysis, we evaluate whether the capacity 

controlled by a supplier being evaluated is necessary to satisfy zonal energy and operating 

reserve requirements or whether the other suppliers have sufficient capability without the 

supplier being evaluated.  Capability in this context relates to the “rampable” capacity that could 

be cleared in the real-time market.  The analysis determines whether the other suppliers have 

                                                 
10  A pivotal supplier analysis is not required under the Commission’s Ocean Vista requirements.  The analysis 

is presented here to give a more complete view of the potential for market power in the proposed ancillary 
services markets. 
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sufficient rampable capacity to satisfy the operating reserves requirements and replace the energy 

output withheld by the supplier being evaluated.  

The second type of pivotal supplier analysis focuses on the individual ancillary services 

products.  Because there are no product-specific zonal requirements, this analysis is confined to 

the SPP-wide market.  Here we examine each ancillary service separately and determine whether 

the corresponding reserve requirement can be met if the supplier being evaluated withholds its 

ancillary service capability. 

6. Summary of Empirical Results 

We conducted our empirical analyses at the zonal level and at the SPP-wide level.  These 

analyses include market concentration analyses, as well as pivotal supplier analyses. The latter 

analyses provide the most reliable indicators of potential market power.   

Concentration Analysis.  The concentration analysis was based on historical data from 2010.   

We calculated the share of each ancillary service supplied by each individual suppler.  These 

were calculated both on a zonal level and the SPP-wide level.  We show these results on a zonal 

level even though the individual zones do not have specific product requirements.     

Our analysis shows that the market share of the largest supplier for regulation up and regulation 

down service is relatively high in each individual zone, as well as in the SPP as a whole.  In the 

SPP as a whole, the largest supplier of regulation up has an average market share of 40 percent 

and the largest supplier of regulation down has an average market share of 24 percent.  In 

individual zones, the largest suppliers have regulation-up market shares ranging from 64 percent 

to 100 percent.  For regulation down, the range for the largest supplier’s average market share is 

53 percent to 100 percent.  Whether this raises market power concerns, however, should be 

evaluated in light of other key factors that are accounted for in the Pivotal Supplier analysis, 

Pivotal Supplier Analysis.  On the zonal level, we conducted our pivotal supplier analysis based 

on the total demand for energy and operating reserve since the zones will only have a total 

operating reserve requirement.  In each zone, there were a significant percentage of hours when a 

supplier was pivotal in satisfying the total energy and operating reserve requirements.  In the SPP 

as a whole, we performed pivotal supplier analyses for: a) supplying the energy and total 
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operating reserve requirements (including regulation up), b) the energy and contingency reserve 

requirements, and c) regulation down requirements.  We found that suppliers were generally not 

pivotal for the supply of contingency reserves or regulation. 

7. Barriers to Entry and Potential Competitors 

Entry Barriers.  In determining whether to grant market-based rate authority, the Commission 

also generally considers whether a supplier has the ability to erect barriers to entry.  This is 

primarily a concern regarding control over the transmission system, but plausible scenarios could 

arise regarding control of natural gas supplies or essential building sites or other resources or 

inputs that could be used to restrict market entry by competing suppliers.  Aside from vertical 

market power from control of transmission, we are not aware of entry barriers in the SPP region 

that are envisioned within these latter set of scenarios. 

Regarding control over transmission, the Commission has found that having an Open Access 

Transmission Tariff (OATT) that meets or exceeds the minimum terms and condition of the 

Commission’s Order 888 pro forma OATT (as revised in Order 890) satisfy the vertical market 

power concerns associated with control of transmission in the context of market-based rates.  

Under the SPP tariff, the SPP transmission owners have conveyed the SPP operational control 

over transmission facilities.  The SPP operates the transmission grid under the open access 

transmission and tariff filed with the Commission.  Therefore, market participants are unable to 

restrict access to transmission facilities by competing suppliers through transmission operations. 

Potential Competition.  The proposed ancillary services markets should facilitate increased 

competition in the provision of operating reserves.  Relative to existing practices, the proposed 

markets will allow for a more open and transparent approach to supplying operating reserves 

needed in the SPP region to maintain reliability.  Transparent price signals should encourage 

provision of operating reserves by existing resources and promote long-term investment in 

reserves-capable resources in areas with prices high enough to support such investment.   
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II. ANCILLARY SERVICES MARKET SHARES AND CONCENTRATION 

A. Regulation 

1. Market Definition 

Regulation is a power supply product that is used to continuously supply the SPP balancing 

authority area in order to maintain Area Control Error (ACE) in accordance with NERC control 

performance criteria.  Regulation is provided by generators that are specially equipped with 

Automatic Generation Control (“AGC”) that allows near-continuous adjustment to meet the 

regulation “set points.”  It is offered as regulation-up service and regulation-down service. 

Because regulation service must be supplied in response to changing system conditions on a 

near-real time basis, other power resources that cannot meet this response time do not meet the 

key requirements of this product.  Hence, they are not interchangeable for purposes of meeting 

the system’s regulation requirements.  Therefore, regulation is a separate relevant product from 

longer-response-time power products and it is appropriate to analyze market power in this 

product separately from other ancillary services (as well as other power supply products). 

As discussed above, the geographic market for regulation service is defined based on previous 

Commission determinations.  The Commission has determined that the default relevant 

geographic market for centralized RTO markets is the entire region covered by the RTO (in this 

case, SPP region).  In addition, smaller sub-regional Reserve Zones (identified in Table 1, above) 

that have experienced congestion historically will have minimum and maximum procurement 

restrictions that should be evaluated separately.  Regulating service is supplied by automatic 

control equipment to raise or lower the output of on-line Resources as necessary to follow the 

moment-by-moment changes in demand and frequency.  Only Regulation-Qualified Resources 

will be permitted to supply regulating reserve in SPP’s Integrated Market Place.  A Regulation-

Qualified Resource must be registered with the SPP Integrated Markets and satisfy the following 

requirements: 

 Equipment that is able to respond to Automatic Generation Control on a 4-second basis, 
including telemetering that can be scanned and updated on a 2-second basis; and 

 Be capable of deploying 100 percent of cleared Regulation-Up or cleared Regulation-
Down within the Regulation Response Time for a continuous duration of 60 minutes. 
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2. Supply and Demand for Regulation Service 

Regulating reserve can only be supplied by Regulation Qualified Resources that are online and 

otherwise available to provide regulation.  The quantity of regulating reserves that can be 

supplied by particular regulation Qualified Resource is equal to its ability to ramp up or down in 

five minutes (i.e., ramp rate times five).  Based on the ramp rates of suppliers that actually 

provided regulation in 2010, we estimate regulation supply in the SPP region.  Our estimate is 

based on the amount of capacity that can be supplied by regulation-capable units over a five-

minute period from units that supplied regulation in 2010.  Because ramp rates can be different 

over different ranges of a unit’s output, we used the segment of the ramp curves at the highest 

output levels.  It is these segments that are most likely to be used for regulation by units during 

peak hours.  We estimated both up- and down-regulation quantities.  Table 2 contains a summary 

of our analysis presented by market participant. 

Table 2:  Five-Minute Ramp Capability for Regulation-Capable Units 

 

Redacted for Confidentiality 

 

 

 

 

 

The table shows a maximum of 2782 MW of regulation up and a maximum of 2878 MW of 

down regulation (we explain below why these are referred to as maximum values).  The values 

for regulation up and down regulation are very close in magnitude because, in nearly every 

instance in the data, a unit’s up-ramp rate was identical to the unit’s down ramp rate.  And 

because the capability in both instances is estimated using the top segment of the unit’s ramp rate  
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curve, the estimated down-regulation capability and the regulation up capability values will be 

the same in almost every instance.  The SPP peak regulation procurement in 2010 was 650 MW 

for up regulation and 569 MW for down regulation.  Hence, capability shown in the table is far 

in excess of that which is necessary for operations, which generally supports the competitiveness 

of the market. 

The values in the Table 2 provide a high-level view of the capacity available to supply regulation 

and are likely to over-state the regulation available in any hour.  This is true because much of 

this capacity will be dispatched for energy or be uncommitted on an hour-to-hour basis.  This is 

why we refer to them as the “maximum” quantities.  In our market share analysis presented in 

the next subsection, we use actual energy dispatch and reserve levels from 2010 and analyze the 

data in light of the proposed co-optimization of resources in the proposed SPP Integrated Market.     

3. Regulation Market Share Analysis – Measurement  

As we discussed above, the real-time market is our focus in our market power analysis.  

Therefore, in our empirical analysis below, we measure market shares based on the supply 

conditions in the real-time market.  The real-time market provides dispatch instructions every 

five minutes.  Therefore, in each five minute interval, the optimal combination of energy and 

ancillary services is determined in light of system requirements and supply offers.  The available 

capacity that a unit can supply for regulation will depend on what it is able to supply at its 

current dispatch point plus any additional regulation capacity that can be made available in five-

minutes by ramping up or ramping down regulation-capable units.  

To estimate the supply of regulation service available from each regulation-capable resource, we 

use actual operating data from 2010.  For each unit and for each hour, we identified the energy 

dispatch point and calculated a maximum regulation range based on that dispatch point.  Our 

analysis seeks to determine how the co-optimized energy and ancillary service markets will 

actually operate in the real-time by allowing operators to ramp-up and ramp-down units to create 

regulation capability.  This range was calculated in the same way for our analysis of both 

regulation up and down regulation.  Therefore, we simply refer to it as the “regulation range.”    
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The upper-bound of the regulation range is the dispatch level that can be reached from the 

current dispatch point within five minutes by dispatching up plus the regulation up capability 

without exceeding the unit’s upper dispatch limit.   

The lower-bound of the regulation range is the output level that can be reached from the 

observed dispatch point within five minutes plus the regulation down capability without 

exceeding the unit’s lower dispatch limit.  Or, more precisely, the maximum of either (1) the 

observed energy dispatch point less five minutes of down-ramp capability or (2) the lower limit 

of the dispatch range.   

Within this regulation range, a unit can provide regulation up in the amount of its five-minute 

ramp-up capability, but only to the extent there is ramp-up capability available.  We also assume 

regulation-up capacity can be created by ramping down below the observed energy dispatch 

point to the extent that the regulation range is constrained by the resources’ maximum dispatch 

limit.  This latter quantity reflects the benefits of co-optimizing energy and reserves markets. 

In a similar fashion, a unit can provide regulation down in the amount of its five-minute ramp-

down capability but only to the extent there is ramp-down capability available.  In other words, 

in counting capacity that is available for regulation down, not only do we count capacity that is 

available below the observed energy dispatch point, but we also assume ramp-down capability 

can sometimes be created by ramping up above the observed energy dispatch point.   

These calculations provide hourly unit capability values for both regulation up and regulation 

down.  We use these values in calculating various concentration statistics in the following 

subsection.   

4. Regulation Market Share Analysis – Empirical Results 

In this section, we provide regulation capability values from the previous subsection to calculate 

empirical market share statistics.  We calculate simple market shares and concentration statistics 

(three-firm concentration ratios and the Herfindahl Hirschman Index (HHI)).  These are 

commonly used statics for market power analysis.  
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Market Shares.  Market share is the simple the ratio of an individual supplier’s capability divided 

by the entire capability within a geographic location.  In our analysis, we examine market shares 

in SPP region as a whole and in each of the individual reserve zones.   

Using the hourly market share statistics, we calculated the maximum and average market share 

values for each market participant, both on the SPP region as a whole and in each zone for both 

regulation up and down regulation.11  These are presented in the following four tables.  Table 3 

(redacted for confidentiality) presents the maximum and average market share values for 

regulation-up service for hours during the summer of 2010.   

Table 3:  Maximum and Average Hourly Market Shares by Zone – Regulation Up 
Summer 2010 

 

 

Redacted for Confidentiality 

 

  

                                                 
11  Nuclear units and intermittent units are assumed to not be able to provide regulation service; all other units 

that have provided regulation service and were online and available for dispatch during an hour were 
included in the analysis.  Units that are owned by affiliated entities were aggregated for the purposes of the 
analysis.  The capacity of jointly-owned units is attributed to the entity that offers the unit into the market.  
The available interface capability into each zone is counted as part of the supply, but is assumed to be 
distributed among many outside suppliers (so the total market share of these suppliers is zero). 
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The table shows market share of regulation up is relatively high in each individual zone, as well 

as in the SPP as a whole.  Of course maximum shares will be higher than the average market 

shares, but even the averages are relatively high, ranging from 38 percent to 100 percent.  As we 

discussed above, the Commission has used a market share threshold of 20 percent in market 

power analyses for market-based pricing applications, but it has indicated that the 20-percent 

threshold does not constitute a bright line test.  Accordingly, we consider the market share 

measures as being a first indicator of market power, but not one that supports a definitive market 

power conclusion.  This caution is even more appropriate in instances when the market demand 

is small relative to the supply.  For regulation-up services, the average SPP-wide requirement in 

2010 was 399 MW while the average supply was 695 MW.  For regulation-down service, the 

average requirement was 349 MW while the average supply available was 712 MW.  Hence, the 

typical regulation supply is significantly greater than the regulation requirements.  Of course, this 

may not be the case in some hours and market power could arise.  In the pivotal supplier analysis 

in the next section, we take supply and demand into account explicitly by including the market 

requirements in the Residual Supply Index. 

The calculation of these same market share statistics for the winter months of 2010 are presented 

in Appendix A (redacted for confidentiality).  The results for the winter are comparable to the 

results for the summer. 

In Table 4 (redacted for confidentiality), we present the maximum and average hourly market 

share statistics for regulation-down service for Summer 2010.  Table 4 shows that the results for 

regulation down are similar to the results for regulation up, except the market shares at the SPP 

level are slightly lower.  However, in the individual zones, shares range between 53 percent and 

100 percent, a range that indicates slightly lower shares than the regulation up shares, but the 

results still show considerable levels of dominance of the largest suppliers.  (See Appendix A 

(redacted for confidentiality) for comparable results for regulation down in the winter months.)  

Like for the regulation-up analysis, the market share itself should be considered in light of the 

market conditions, especially the regulation down requirements.  This closer analysis is 

undertaken in the Pivotal Supplier Analysis presented in section IV. 
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Table 4:  Maximum and Average Hourly Market Shares by Zone – Regulation Down 

Summer 2010 

 

Redacted for Confidentiality 

 

 

 

 

 

 

 

 

 

 

Concentration Statistics.  We use the market shares calculated above to calculate two 

concentration statistics:  the three-firm concentration ratio (CR) and the Herfindahl Hirschman 

Index (HHI). 

The three-firm concentration ratio is simply the sum of the market share of the largest three 

firms.  It is an indicator of potential conspiratorial market power, the ability of firms to act in 

concert to raise prices.  When the three-firm concentration ratio is high, the potential for 

collusion among the largest suppliers increases.  Figure 1 and Figure 2 shows average hourly 

market shares for the largest three suppliers for regulation-up and regulation-down.   
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Figure 1:  Hourly Average Regulation Up Three-Firm CR 

Summer 2010

Figure 2:  Hourly Average Regulation Down Three-Firm CR 

Summer 2010 
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For both the regulation-up and the regulation-down service in summer, the three-firm 

concentration ratios are relatively high.  In more than one-half of the cases, the ratio was 100 

percent.  Moreover, in Zone 2, the 100 percent capacity values for both regulation up and 

regulation down is comprised of the top two suppliers and in Zone 3 they comprised of a single 

supplier.  In the SPP-wide area, the three-firm concentration ration is approximately 60 percent 

for regulation up and approximately 50 percent for regulation down.  While these are lower than 

the individual zone values, they still signal a concentrated market with the potential for collusion. 

We again defer final market power conclusions to the pivotal supplier analysis, which accounts 

for important factors not reflected in market shares or these market concentration measures. 

Herfindahl Hirschman Index (HHI).  The second concentration statistic that we present is the 

HHI.  Recall that the HHI is a statistic that uses the square of all market shares and sums the 

squared values into a single statistic, which can range between 0 and 10,000 (10,000 being a 

market supplied by a single entity, i.e., 100x100).  We calculated hourly HHI values for the SPP 

and the six subzones.  The results of these calculations are shown in Figure 3 and Figure 4.  

These figures report mean, minimum, and maximum hourly HHI by geographic region.  The 

mean value is shown in the box next to each bar. 

The results for regulation-up service in the entire SPP is shown by the left-most bar in Figure 3 

and indicates HHI values between 1200 and 3800.  The average level at 1,917 indicates a highly 

concentrated market.  Hours when the HHI is closer to 3,800 raise higher potential market power 

concerns.  The average is closer to the bottom range of the hourly HHI values because the 

prevalence of HHI values close to 3,800 is relatively infrequent.  On a zonal level the HHI values 

are higher.  On a zonal level, the HHI are well above 2,000 in almost all hours and peak at levels 

that raise competitive concerns.  Zone 3 has only a single supplier of regulation down and the 

HHI is 10,000.  Figure 4 shows the same results for the regulation down product. 
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Figure 3:  Regulation Up HHI Values 
Summer 2010 

 

Figure 4:  Regulation Down HHI Values 
Summer 2010 
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The regulation down results for the entire SPP is shown in the left-most bar in Figure 4.  This 

figure shows HHI values between 1,000 and 3,000.  The average level at 1,425 does not 

generally raise competitive concerns.  For those hours when the HHI is closer to 3,000, potential 

competitive concerns are slightly higher, but these hours are relatively infrequent.  On a zonal 

level, as expected, the HHI values are significantly higher.  The average zonal HHIs are well 

above 2,000 in all zones and the peak levels are above 5,000.  These are levels that raise 

potential competitive concerns, especially in Zone 3, which has only a single supplier of 

regulation down and an HHI of 10,000.   

However, definitive market power conclusions require additional analysis, which we provide in 

section IV. 

5. Barriers to Entry and Potential Competitors – Regulating Reserves 

As we discuss above in section I.A.6, the Commission considers whether a supplier may be able 

to use transmission to erect barriers to entry.  Given the presence of the SPP open-access tariff 

and the SPP Market place, which transfers control of transmission and the market mechanism to 

the independent control of SPP, we do not find it feasible for a participant to exert control over 

transmission or market operations.  The Commission also has indicated that having a 

Commission-compliant Open Access Transmission Tariff satisfies these vertical market power 

concerns.   

B.  Contingency Reserves  

Contingency reserves are supplied by resources that stand ready to supply the system within the 

ten-minute deployment period following a contingency event (unexpected generator or 

transmission equipment outages).  Contingency reserves are comprised of synchronized 

(spinning) reserves held on online reserves and non-spinning (supplemental) reserves held on 

offline resources.   

1. Market Definition 

Contingency reserves must replace interrupted power supplies on the system within ten minutes 

following a system contingency.  As explained above, other power supply products that cannot 

respond in ten-minutes are not qualified to supply this product and are not interchangeable from 
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the operator’s perspective.  Accordingly, contingency reserve service is a separate relevant 

product from other power supply products.   

We also explained in the prior section why the separate components of contingency reserves 

(spinning reserves and supplemental reserves) can substitute for one another by virtue of the co-

optimization of reserves and energy proposed in the SPP Integrated Marketplace.  The basic idea 

is that ten-minute quick-start units can be committed for energy and allow synchronized units to 

be partially committed (in the day-ahead horizon) or unloaded (in the real-time horizon) for 

spinning reserves.  In this way, a MW of quick-start capacity is indistinguishable from a MW of 

synchronized, spinning reserves.  As a result, because supplemental and spinning reserves are 

substitutable they represent a single contingency reserve relevant product. 

As discussed above, the geographic market for contingency reserves is defined based on previous 

Commission determinations, which is that the default relevant geographic market for centralized 

RTO markets is the entire region covered by the RTO (in this case, SPP region).  In addition, 

smaller sub regional Reserve Zones (identified in Table 1, above) which have experienced 

congestion historically and will have minimum and maximum procurement restrictions should 

also be evaluated as separate geographic markets.   

2. Supply and Demand for Contingency Reserves 

Contingency reserve can only be supplied by the ten-minute ramp capability of on-line resources 

and by quick-start units.  Based on the ramp rates of suppliers that actually provided contingency 

reserves in 2010, we estimated contingency reserve supply in the SPP region based on the 

amount of capacity that can be supplied by these units over a ten-minute period.  Because ramp 

rates can be different over different ranges of a unit’s output, we used the segment of the ramp 

curves at the highest output levels.  It is these segments that are most likely to be used for 

contingency reserves.  Table 5 (redacted for confidentiality) contains a summary of our analysis 

presented by market participant. 
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Table 5:  SPP Contingency Reserve Capability 

 

 

Redacted for Confidentiality 

 

 

 

 

 

 

The table shows a 6229 MW of contingency reserve capability associated with units that 

provided reserves in 2010 (compared to a peak contingency reserve requirement of 979 MW).  

The values in Table 2 likely overstate the reserves available because much of this capacity will 

be dispatched for energy or uncommitted on an hour-to-hour basis.  In our market share analysis 

presented in the next subsection, we use actual energy dispatch and reserve deployment data 

from 2010 to refine the estimates. 

3. Contingency Reserves Market Share Analysis – Measurement 

As we discussed previously, the focus in our market power analysis is the real-time market and, 

therefore, we measure market shares based on the supply conditions in the real-time market.  

Because the real-time market provides dispatch instructions every five minutes, every five 

minutes the optimal combination of energy and ancillary services is determined in light of 

system requirements and supply offers.  The available capacity that a unit can supply for 

contingency reserves will depend on the dispatch level it can achieve in the next five minutes 

plus the amount of contingency reserves it can provide (usually ten minutes of ramp capability). 

To estimate the contingency reserve available from each resource, we use actual operating data 

from 2010.  For each unit and for each hour, we identified the energy dispatch point and 
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calculated a “contingency reserve range” based on that dispatch point.  This is similar in concept 

to the regulation range calculated above in the analysis of the regulation service. 

The upper-bound of the contingency reserve range is the output level that can be reached from 

the observed dispatch point within five minutes plus the contingency reserves it can provide 

without exceeding the unit’s upper dispatch limit.  More precisely, it is the minimum of either (1) 

the observed energy dispatch point plus fifteen minutes of ramp-up capability or (2) the upper 

limit of the dispatch range.   

The lower-bound of the contingency reserve range is the output level that can be reached from 

the observed dispatch point within five minutes by dispatching down without exceeding the 

unit’s lower dispatch limit.  Or, more precisely, the maximum of either (1) the observed energy 

dispatch point less five minutes of down-ramp capability or (2) the lower limit of the dispatch 

range.   

Within this contingency reserve range, a unit can provide contingency reserve in the amount of 

its ten-minute ramp-up capability that is available below its upper limit.  Additionally, we 

quantify the contingency reserves that can be created by ramping a resource down below the 

observed energy dispatch point if that would allow it to provide more reserves (e.g., a unit 

dispatched at its maximum).  This latter quantity reflects the benefits of co-optimizing energy 

and reserves.  These calculations provide hourly unit capability values for contingency that we 

use in calculating various concentration statistics in the following subsection. 

4. Contingency Reserve Market Share Analysis – Empirical Results  

In this section, we provide the contingency reserve values measured in the previous subsection to 

calculate hourly market shares.  Like for the regulation service analysis, we calculate simple 

market values and concentration statistics (three-firm concentration ratios and the Herfindahl 

Hirschman Index (HHI)).  These are the commonly used statics for market power analysis.  

Market Shares.  Market share is simply a percentage value arrived at by dividing an individual 

supplier’s capability by the entire capability within a geographic market.  In our analysis, we 

examine market shares in SPP region as a whole and in each of the individual reserve zones.   
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Using the hourly market share statistics, we calculated the maximum and average market share 

values for each market participant, both on the SPP region as a whole and in each zone for both 

regulation up and down regulation.  Table 6 (redacted for confidentiality) presents the maximum 

and average market share values for contingency reserves for hours during the summer of 2010. 

Table 6:  Maximum and Average Hourly Market Shares -- Contingency Reserves 
Summer 2010 

 

 

 

Redacted for Confidentiality 

 

 

 

 

 

 

The table shows that peak contingency reserves market shares range from 43 percent in the SPP 

as a whole to 100 percent in two individual zones.  The averages still rise to over 90 percent in 

Zone 6 and are greater than 50 percent in three other zones.  As we discussed above, the 

Commission has used a market share threshold of 20 percent in market power analyses for 

market-based pricing applications, but it has said the 20-percent threshold does not constitute a 

bright line test.  As we also stated previously, market share measures are only a preliminary 

indicator of potential market power, and reliable competitive inferences cannot be drawn solely 

from market shares and concentration measures.  One important factor that these metrics ignore 

is excess capacity.  In 2010, the average SPP-wide contingency reserve requirement was 885 
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MW while the average supply was 3073 MW.  Therefore, it is typical that supply greatly exceeds 

demand, which increases the competitiveness of the market.  The pivotal supplier analyses in the 

following sections account for this explicitly by including the market requirements in the 

Residual Supply Index calculation.  The calculation of these same market share statistics for the 

winter months of 2010 are in Appendix A (redacted for confidentiality).  The results for the 

winter are comparable to the results for the summer. 

Concentration Statistics.  We use the market shares calculated above to calculate two 

concentration statistics:  the three-firm concentration ratio (CR) and the Herfindahl Hirschman 

Index (HHI).  Concentration statistics are generally more useful than simple market shares 

because they allow one to better evaluate the potential for collusive market power. 

The three-firm concentration ratio is simply the sum of the market share of the largest three 

firms.  When the three-firm concentration ratio is high, the potential for collusion among the 

largest suppliers increases.  Figure 5 shows average hourly market shares for the largest three 

suppliers of contingency reserves.   

Figure 5:  Hourly Average Contingency Reserve Three-Firm CR 
Summer 2010 
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The figure shows that three-firm concentration ratios for contingency reserves are relatively 

high.  In Zone 1, Zone 3, and Zone 6, the ratio is 100 percent.  In Zone 3, the 100 percent 

capacity is owned by only two suppliers.  In the SPP-wide area, the three-firm concentration 

ratio averages 40 percent, and no firm averages more than 20 percent.  The values for the SPP-

wide market do not raise significant competitive concerns, although market power conclusions 

cannot be drawn by this analysis alone.  

Herfindahl Hirschman Index (HHI).  The second concentration statistic that we present is the 

HHI.  Recall that the HHI is a statistic that uses the square of all market shares and sums the 

squared values in single statistic, which ranges ranging between 0 and 10,000 (10,000 being a 

market supplied by a single entity, i.e., 100x100).  We calculated hourly HHI values for the SPP 

and the six subzones.  The results of these calculations are shown in Figure 6.  The figure reports 

mean, minimum, and maximum hourly HHI by geographic region.  The mean value is shown in 

the box next to each bar. 

Figure 6:  Contingency Reserves HHI Values 
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The HHI value for the SPP region as a whole is relatively low and does not raise competitive 

concerns.  At the zonal levels, however, the HHI statistics are relatively high, especially in Zone 

6.  Like the other market-share based statistics, other factors must be evaluated before drawing 

market power conclusions.   

5. Barriers to Entry and Potential Competitors – Contingency Reserves 

As we discussed above, SPP is an RTO with an open access transmission tariff that substantially 

mitigates any potential vertical market power.  Hence, we find no unreasonable barriers to entry 

that would compromise the competitiveness of the contingency reserve market. 
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III. PIVOTAL SUPPLIER ANALYSIS 

Recall from Section I that a more complete evaluation of market power in electricity markets 

must recognize the dynamic nature of market power caused by the wide fluctuations in load and 

supply.  The pivotal supplier analysis accounts for these fluctuations in supply and demand.  In 

the pivotal supplier analysis, a supplier is considered to be “pivotal” when the output of all or 

some of its resources is needed to meet demand in the market.  A pivotal supplier has the ability 

to unilaterally raise market prices by offering its energy and/or operating reserves at very high 

prices.   

The key statistic in the pivotal supplier analysis is the Residual Supply Index (RSI), which is a 

comparison of market demand to the supply accounted for by all suppliers except the supplier 

being evaluated.  Hence, it is the ratio of the residual supply to total demand.  An RSI greater 

than one indicates that sufficient resources are available even without the resources of the 

supplier being evaluated, meaning the supplier is not pivotal.  An RSI less than one indicates that 

the supplier’s resources are necessary to meet load, i.e., the supplier is pivotal.   

We conduct two types of pivotal supplier analyses.  The first type is focused on the overall 

supply of and demand for operating reserves (contingency reserves plus regulation).  We confine 

our analysis of the individual zones to total operating reserves because zonal requirements are 

based on operating reserves (i.e., SPP does not plan on imposing zonal requirements for 

individual reserve products).  In this first type of analysis, we evaluate whether a supplier is 

necessary to satisfy operating reserve requirements or whether the other suppliers’ resources are 

sufficient to satisfy the zones’ requirements.   

The second type of pivotal supplier analysis focuses on the individual ancillary services 

products.  Because there are no product-specific requirements on a zonal level, this analysis is 

conducted only on the SPP-wide market.  Here we examine each ancillary service separately and 

determine whether the corresponding reserve requirement can be met if the supplier being 

evaluated withholds energy and/or ancillary service capability.  This second analysis is presented 

in subsection B. 
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A. Pivotal Supplier Analysis -- Operating Reserves 

Our first pivotal supplier analysis focuses on the minimum operating reserve requirements for 

individual zones.  As we discussed above, there are six individual zones within the SPP.  When 

import capability into a zone is expected to become constrained, the market will require a 

minimum amount of operating reserves be procured within that zone.  In particular, when the 

capacity of the largest resource within the zone is greater than the available import capability, 

then the minimum operating reserve requirement is set equal to the amount by which the largest 

resource’s capacity exceeds the available import capability.  This ensures each zone will have 

sufficient reserves to withstand the loss of the largest resource.  The minimum requirement does 

not have to be met with any particular combination of regulation or contingency reserves.  

Hence, it is an operating reserve constraint.   

A key step in this analysis is identifying the minimum zonal operating reserve requirement (if 

any) that would be in effect in each hour.  In principle, this is a straight comparison of the import 

capability into the zone and the capacity of the largest unit.  However, while the largest supplier 

in any given hour can be identified in the historical 2010 data, the available import capability 

into the zone in each hour is not directly available.  Therefore, we used estimated load in each 

zone and compared it to actual generation to estimate the hourly zonal imports.  We used the 

maximum hourly import for 2010 as the total interface import capability.  As an alternative, we 

also reviewed the maximum actual flow in 2010 on the major lines into each zone and we found 

the results were comparable. 

Using the estimate of the annual maximum import capability for each zone, we subtracted the 

actual imports in each hour to estimate the hourly zonal import capability.  We compared this 

hourly import capability to the largest on-line generator in each hour.  If the generator was larger 

than the available import capability, a minimum zonal reserve requirement was in effect and this 

minimum requirement was equal to the difference between the largest generator and the 

available import capability.   

In conducting the pivotal supplier analysis, it is important to reflect the relationship between 

energy and operating reserves because a supplier may withhold energy to affect the supply of 

operating reserves.  In other words, the supplier in question can withhold its capacity from the 
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energy or other ancillary services markets (or both), which would cause the markets to rely on 

other units to supply those products.  This would result in less capacity available to supply 

operating reserves.  To account for this accurately in the analysis, we assume that the supplier 

being evaluated withholds its operating reserve capability and ramps down its output as much as 

possible in specific timeframe.12  Other suppliers are assumed to ramp up as quickly as possible 

to replace the withheld capacity (which naturally occurs through the real-time market dispatch).  

Hence, we assess whether the operating reserve requirements can be met with just the other 

suppliers’ capacity, given that (1) the supplier being evaluated withholds its resources and (2) the 

other suppliers’ unloaded capacity is reduced as they ramp up to satisfy the zone’s energy 

demands.   

Table 7 shows a summary of the zonal pivotal supplier statistics.  The table shows the percentage 

of hours in each zone when the RSI was below 1.0.  Recall that when the RSI is below 1.0, the 

supply of contingency reserves is less than the demand, meaning the supplier being evaluated is 

pivotal.  Hence, the larger the percentage value shown in the table, the more frequently a supplier 

is pivotal. 

Table 7:  Frequency of Pivotal supplier – Operating Reserve 

 

 

The market share and market concentration analyses presented in previous sections indicated 

potential competitive concerns in the individual zones.  This pivotal supplier analysis confirms 

the competitive concerns in the individual zones.  The table shows that the frequency with which 

                                                 
12  We use 60 minutes for purposes of this analysis because it generally captures virtually all of the capacity 

that the pivotal supplier can withhold, while recognizing that the pivotal supplier may have the ability 
create sharp transitory price increases.  

Zone
1
2
3
4
5
6

All SPP 1%

Percentage of Hours RSI <1
53%
47%
81%
7%

29%
100%
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a supplier is pivotal in the local zones range from 7 percent in Zone 4 to 100 percent in Zone 6.  

As we previously discussed, this analysis assumes the supplier can withhold energy or reserves.  

When the supplier withholds energy, the energy must be replaced by imports or internal 

generation.  When the import constraints are binding, the market would dispatch internal 

resources that may be needed to satisfy the operating reserve requirements.  These results are 

conservative because we assume that the supplier will withhold only the energy above the 

minimum generation level on its online resources (i.e., that the supplier will not take online 

generators offline).  Nonetheless, the results show that a supplier is frequently pivotal in each of 

the zones. 

These values in conjunction with the relatively high market concentration and high market shares 

indicate substantial competitive concerns in the individual reserve zones.  To satisfy the 

Commission’s market-based pricing standards, these competitive concerns must be addressed by 

effective monitoring and mitigation measures.   

Although these results for individual zones show that a supplier is frequently pivotal, the market-

wide statistics indicate that a supplier is rarely pivotal in the overall SPP market area for 

satisfying the system’s total energy and operating reserve requirements. This is evaluated further 

in the next subsection where we analyze the individual ancillary service requirements that will 

exist for the SPP region.  

B. Pivotal Supplier Analysis – Ancillary Services for the SPP-Wide Market  

Our next analysis focuses on the individual ancillary service products that comprise SPP’s 

proposed operating reserves – regulation and contingency reserves.  This analysis is conducted 

on the SPP-wide level only because there are no requirements for individual ancillary services 

products at the zonal level.   

In our analysis, we compare the SPP-wide residual supply in each hour to the corresponding 

ancillary service requirement.  The hourly residual supply is the quantity of the ancillary service 

that the residual suppliers (i.e., all supplier excluding the pivotal supplier) are able to supply 

given the historical dispatch points in that hour and resource ramp rates.    
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We present our pivotal supplier analysis in the form of RSI duration curves.  The curves show 

the hourly RSI values sorted from the highest to the lowest to show how long in duration certain 

RSI values persisted during the year.   

Regulation Up Service.  For regulation-up service, we calculate the RSI in the same manner as in 

the prior subsection.  We allow the largest supplier to ramp-down the energy output from its 

online units, and withhold both its contingency reserve capability and regulation capability.  This 

methodology reflects the fact that regulation has a lower value than energy or contingency 

reserves.  Therefore, by withholding energy and contingency reserves (as well as regulation), 

SPP may be compelled to utilize regulation-capable resources for energy or contingency reserves 

and causing a regulation shortage.  The RSI in this case compares available regulation up 

capability to the regulation up requirement after the other suppliers’ resources have been 

dispatched to satisfy the energy and contingency reserves requirements.  The RSI duration curve 

is shown in Figure 7.   

Figure 7:  Regulation Up RSI Duration Curve 

 

The RSI is less than 1.0 in 86 hours, indicating that a supplier was pivotal in less than one 

percent of all hours in the regulation-up market.  While the presence of a pivotal supplier may 
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indicate a potential market power concern, such is not likely the case here.  In most of these 

hours, the pivotal supplier would have to have withheld more than 75 percent of its resources in 

order to cause the shortage.  Given that regulation up generally will be assigned a maximum 

value of $100 to $300 per MWh, which effectively limits the extent to which the pivotal supplier 

can raise energy or ancillary services prices, the pivotal supplier will not likely have the 

incentive to withhold its resources. 

Regulation-Down Service.  For regulation-down service, we estimated the five-minute ramp-

down capability for regulation-capable units based on the dispatch points in each hour, the down 

ramp rate, and the unit’s minimum generation limit.  We then removed the regulation capability 

of the supplier with the largest amount of regulation down capability and compared this to the 

regulation-down requirement in each hour.  The RSI duration curve is shown in Figure 8.   

Figure 8:  Regulation Down RSI Duration Curve 

 

The RSI is less than 1.0 in 99 hours, indicating that a supplier was pivotal in 1.1 percent of all 

hours in the regulation-down market.  As for regulation up, this result does not raise significant 

competitive concerns.  In most hours, the pivotal supplier would have to have withheld more 

than 75 percent of its resources in order to cause the shortage.  Additionally, a regulation down 

shortage would generally require the system to be in an over-generation state, which can be 
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mitigated by decommitting one or more generating units.  The factors limit the supplier’s 

incentive and ability to raise regulation down prices. 

Contingency Reserve Service.  For contingency reserve service, we allow the large supplier to 

ramp down its energy production from its resources and withhold both its spinning reserve and 

supplemental reserve capability.  Its spinning reserve capability is equal to the ten-minute ramp-

up capability for on-line units based on the dispatch points in each hour, the up ramp rate, and 

the unit’s economic maximum output.  The supplemental reserves are the reserves available from 

the suppliers combustion turbines that can start within ten minutes. 

As in the other pivotal supplier analyses, we removed the largest supplier’s contingency reserves 

and allowed its energy output to ramp down, and calculated the ratio of the remaining available 

contingency reserves to the contingency reserve requirement in each hour (i.e., the RSI).  The 

RSI duration curve is shown in Figure 9.   

Figure 9:  Contingency Reserves RSI Duration Curve 

 

The RSI is less than 1.0 in only 36 hours so a supplier was pivotal in only 0.4 of one percent of 
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percent of its resources in order to cause the shortage.  Additionally, these hours are not always 
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easy to forecast in advance.  Therefore, we do not find that these results raise significant 

competitive concerns regarding the provision of contingency reserves. 

Based on the results of these analyses, there is limited potential for market power in the 

regulation market and contingency reserves markets. Therefore, we do not find market power 

that mitigation measures are necessary for the SPP-wide regulation or reserve markets.  

However, these markets should be carefully monitored to determine whether competitive issues 

arise in the future that may warrant mitigation.
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APPENDIX A – CONCENTRATION STATISTICS FOR WINTER MONTHS 

Redacted for Confidentiality 
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Att. AE (IM) 6.5 New

Att. AE (IM) 6.5.1 New

Att. AE (IM) 7 New

Att. AE (IM) 7.1 New

Att. AE (IM) 7.1.1 New

Att. AE (IM) 7.1.2 New

Att. AE (IM) 7.1.3 New

Att. AE (IM) 7.2 New

Att. AE (IM) 7.2.1 New

Att. AE (IM) 7.2.2 New

Att. AE (IM) 7.2.3 New

Att. AE (IM) 7.3 New

Att. AE (IM) 7.3.1 New

Att. AE (IM) 7.3.2 New

Att. AE (IM) 7.3.3 New

Att. AE (IM) 7.3.4 New

Att. AE (IM) 7.4 New

Att. AE (IM) 7.4.1 New

Att. AE (IM) 7.4.2 New

Att. AE (IM) 7.4.3 New

Att. AE (IM) 7.4.4 New

Att. AE (IM) 7.5 New

Att. AE (IM) 7.5.1 New

Att. AE (IM) 7.5.2 New

Att. AE (IM) 7.5.3 New

Att. AE (IM) 7.5.4 New

Att. AE (IM) 7.6 New

Att. AE (IM) 7.7 New

Att. AE (IM) 7.8 New

Att. AE (IM) 8 New

Att. AE (IM) 8.1 New

Att. AE (IM) 8.2 New

Att. AE (IM) 8.3 New

Att. AE (IM) 8.3.1 New

Att. AE (IM) 8.3.2 New

Att. AE (IM) 8.3.3 New

Att. AE (IM) 8.3.4 New

Att. AE (IM) 8.4 New

Att. AE (IM) 8.5 New

Att. AE (IM) 8.5.1 New

Att. AE (IM) 8.5.2 New

Att. AE (IM) 8.5.3 New

Att. AE (IM) 8.5.4 New

Att. AE (IM) 8.5.5 New

Att. AE (IM) 8.5.6 New
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Att. AE (IM) 8.5.7 New

Att. AE (IM) 8.5.8 New

Att. AE (IM) 8.5.9 New

Att. AE (IM) 8.5.10 New

Att. AE (IM) 8.5.11 New

Att. AE (IM) 8.5.12 New

Att. AE (IM) 8.5.13 New

Att. AE (IM) 8.5.14 New

Att. AE (IM) 8.5.15 New

Att. AE (IM) 8.5.16 New

Att. AE (IM) 8.5.17 New

Att. AE (IM) 8.6 New

Att. AE (IM) 8.6.1 New

Att. AE (IM) 8.6.2 New

Att. AE (IM) 8.6.3 New

Att. AE (IM) 8.6.4 New

Att. AE (IM) 8.6.5 New

Att. AE (IM) 8.6.6 New

Att. AE (IM) 8.6.7 New

Att. AE (IM) 8.6.8 New

Att. AE (IM) 8.6.9 New

Att. AE (IM) 8.6.10 New

Att. AE (IM) 8.6.11 New

Att. AE (IM) 8.6.12 New

Att. AE (IM) 8.6.13 New

Att. AE (IM) 8.6.14 New

Att. AE (IM) 8.6.15 New

Att. AE (IM) 8.6.16 New

Att. AE (IM) 8.6.17 New

Att. AE (IM) 8.6.18 New

Att. AE (IM) 8.7 New

Att. AE (IM) 8.7.1 New

Att. AE (IM) 8.7.2 New

Att. AE (IM) 8.7.3 New

Att. AE (IM) 8.7.4 New

Att. AE (IM) 8.7.5 New

Att. AE (IM) 8.7.6 New

Att. AE (IM) 8.8 New

Att. AE (IM) 9 New

Att. AE (IM) 10 New

Att. AE (IM) 10.1 New

Att. AE (IM) 10.2 New

Att. AE (IM) 10.3 New

Att. AE (IM) 10.4 New

Att. AE (IM) 10.5 New

Att. AE (IM) 11 New

Att. AE (IM) 11.1 New

Att. AE (IM) 11.1.1 New

Att. AE (IM) 11.1.2 New

Att. AE (IM) 11.1.3 New

Att. AE (IM) 11.1.4 New

Att. AE (IM) 11.1.5 New

Att. AE (IM) 11.1.6 New

Att. AE (IM) 11.2 New

Att. AE (IM) 11.3 New

Att. AE (IM) 11.4 New

Att. AE (IM) 11.4.1 New

Att. AE (IM) 11.4.2 New
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Att. AE (IM) 11.4.3 New

Att. AE (IM) 11.4.4 New

Att. AE (IM) 11.4.5 New

Att. AE (IM) 11.4.6 New

Att. AE (IM) 11.4.7 New

Att. AE (IM) 11.5 New

Att. AE (IM) 11.6 New

Att. AE (IM) Add. 1 New

Attachment AF Revised

Attachment AF Section 2 Revised

Attachment AF Section 3 Revised

Attachment AF Section 4 Revised

Attachment AF Section 5

New in eTariff -  
language from 

current 
Attachment AF 

Section 4

Attachment AG Revised

Attachment AG Section 1 Revised

Attachment AG Section 2 Revised

Attachment AG Section 3 Revised

Attachment AG Section 4 Revised

Attachment AG Section 5 Revised

Attachment AG Section 6 Revised

Attachment AG Section 8 Revised

Attachment AH Revised

Attachment AL Revised

Attachment AM Revised

Attachment AM Article I Revised

Attachment AM Article II Revised

Attachment AM Exhibit A Revised

Attachment AO Revised
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B - Definitions  

Balanced Portfolio:  A set of transmission upgrades that provides economic benefits 

across the SPP Region that meet the requirements in Sections IV.3 and IV.4 of 

Attachment O.   

 

Balanced Portfolio Region-wide Annual Transmission Revenue Requirement:  The 

annual transmission revenue requirement for an approved Balanced Portfolio determined 

in accordance with Attachment J to this Tariff. 

 

Balancing Authority:  The responsible entity that integrates resource plans ahead of 

time, maintains load-interchange-generation balance within a Balancing Authority Area, 

and supports Interconnection frequency in real time in order to: 

(1) Match, at all times, the power output of the generators within the electric power 

system(s) and capacity and energy purchased from entities outside the electric 

power system(s), with the load within the electric power system(s);  

(2) Maintain scheduled interchange with other Balancing Authority Areas, within the 

limits of Good Utility Practice; 

(3) Maintain the frequency of the electric power system(s) within reasonable limits in 

accordance with Good Utility Practice; and  

(4) Provide for sufficient generating capacity to maintain operating reserves in 

accordance with Good Utility Practice. 

 

Balancing Authority Area:  The collection of generation, transmission, and loads within 

the metered boundaries of the Balancing Authority. The Balancing Authority maintains 

load-resource balance within this area.  

 

 Base Plan Region-wide Annual Transmission Revenue Requirement:  The sum of the 

annual transmission revenue requirement for each Base Plan Upgrade and of the 

Accredited Revenue Requirement(s), if any, that are allocated to the SPP Region in 

accordance with Attachment J to this Tariff. 

 



 

 

 

 

 Base Plan Upgrades:  Those upgrades included in and constructed pursuant to the SPP 

Transmission Expansion Plan in order to ensure the reliability of the Transmission 

System.  Base Plan Upgrades shall also include: (i) those Service Upgrades required for 

new or changed Designated Resources to the extent allowed for in Attachment J to this 

Tariff, (ii) ITP Upgrades that are approved for construction by the SPP Board of 

Directors, and (iii) high priority upgrades, excluding Balanced Portfolios, that are 

approved for construction by the SPP Board of Directors.  For Zones 1 through 15, all 

such upgrades shall specifically exclude planned Transmission System facilities 

identified in the SPP Transmission Expansion Plan that are: (i) placed in service during 

the 2005 calendar year or (ii) required to be in service to meet the SPP Criteria and the 

NERC Reliability Standards for the summer of 2005.  For Zones 16, 17, and 18, all such 

upgrades shall specifically exclude planned Transmission System facilities in those zones 

identified in the SPP Transmission Expansion Plan Report (2009 – 2018) that are 

required to be in service to meet the SPP Criteria and the NERC Reliability Standards for 

the summer of 2008 or which are in operation prior to January 1, 2009, except for those 

upgrades that are in service prior to January 1, 2009 and are components of Phase 1 of the 

NPPD 345kV Norfolk to Lincoln (ETR) project or OPPD Sub 1255/3455 Transformer 

project.   Network Upgrades that are components of Phase 1 of the NPPD 345kV Norfolk 

to Lincoln (ETR) project or OPPD Sub 1255/3455 Transformer project that are in service 

prior to January 1, 2009 will be Base Plan Upgrades, however, the Zonal component of 

the costs shall be 100% allocated to the respective host zone.  

 

 Base Plan Zonal Annual Transmission Revenue Requirement:  For each Zone, the 

sum of the annual transmission revenue requirement for each Base Plan Upgrade and of 

the Accredited Revenue Requirement(s), if any, that are allocated to the Zone in 

accordance with Attachments J and S to this Tariff.  

 

 Base Plan Zonal Charge:  Zonal component of the charge assessed by the Transmission 

Provider in accordance with Schedule 11 to recover the revenue requirement of facilities 

classified as Base Plan Upgrades. 

 



 

 

 

 

Base Plan Zonal Load Ratio Share:  Ratio of a Network Customer's or Transmission 

Owner’s Resident Load in a Zone to the total load in that Zone computed in accordance 

with Section II.A. to Schedule 11 of this Tariff and calculated on a calendar year basis, 

for the prior calendar year. 

 

 Base Plan Zonal Rate:  Zonal component of the rate (per kW of Reserved Capacity for 

Point-To-Point Transmission Service) assessed by the Transmission Provider in 

accordance with Schedule 11 to recover the revenue requirement of facilities classified as 

Base Plan Upgrades. 

 

 Business Day:  A day on which the Federal Reserve System is open for business. 



 

 

C - Definitions 

 Calendar Day:  Any day including Saturday and Sunday. 

 

 Commission:  The Federal Energy Regulatory Commission. 

 

 Completed Application:  An Application that satisfies all of the information and other 

requirements of the Tariff, including a Credit Application and any required Financial 

Security.  

  

Credit Policy:  The Credit Policy set forth in Attachment X to the Tariff. 

 

 Curtailment:  A reduction in firm or non-firm transmission service in response to a 

transmission capacity shortage as a result of system reliability conditions.  

 



 

 

D - Definitions 

 

Day-Ahead Market:  The market for Energy and Operating Reserve that is conducted on 

the day prior to the Operating Day. 

 

Delivering Party:  The entity supplying capacity and energy to be transmitted at Point(s) 

of Receipt.  

 

 Delivery Point Transfer:  The transfer of responsibility for serving an existing delivery 

point from one Network Customer or Transmission Customer to a different Network 

Customer or Transmission Customer.  

 

 Designated Agent:  Any entity that performs actions or functions required under the 

Tariff on behalf of the Transmission Provider, a Transmission Owner, an Eligible 

Customer, or the Transmission Customer. 

 

 Designated Resource:  Any designated generation resource owned, purchased or leased 

by a Transmission Customer to serve load in the SPP Region.  Designated Resources do 

not include any resource, or any portion thereof, that is committed for sale to third parties 

or otherwise cannot be called upon to meet the Transmission Customer's load on a non-

interruptible basis. 

 

 Directly Assigned Upgrade Costs:  An Eligible Customer’s share of the cost of a 

Service Upgrade or a Project Sponsor’s share of the cost of a Sponsored Upgrade, 

determined in accordance with Attachments J and Z1, including: (i) any costs directly 

assigned to an Eligible Customer for a Service Upgrade in excess of the normally 

applicable transmission access charges for the associated transmission service; (ii) any 

costs directly assigned to an Eligible Customer that are in excess of the Safe Harbor Cost 

Limit for Service Upgrades associated with new or changed Designated Resource; and 

(iii) any costs directly assigned to a Project Sponsor for a Sponsored Upgrade. 

 



 

 

 

 

 Direct Assignment Facilities:  Facilities or portions of facilities that are constructed by 

any Transmission Owner(s) for the sole use/benefit of a particular Transmission 

Customer or a particular group of customers or a particular Generation Interconnection 

Customer requesting service under the Tariff. Direct Assignment Facilities shall be 

specified in the Service Agreements that govern service to the Transmission Customer(s) 

and Generation Interconnection Customer(s) and shall be subject to Commission 

approval. 



 

 

E - Definitions 

Effective Date:  For Short-Term Firm and Non-Firm Point-To-Point Transmission 

Service the Effective Date of this Tariff is June 1, 1998. For Long-Term Firm Point-To-

Point Transmission Service the Effective Date of this Tariff is April 1, 1999.  For 

Network Integration Transmission Service the Effective Date of this Tariff is February 1, 

2000. 

 

Eligible Customer:  (i) Any electric utility (including the Transmission Owner(s) and 

any power marketer), Federal power marketing agency, or any person generating electric 

energy for sale for resale.  Electric energy sold or produced by such entity may be electric 

energy produced in the United States, Canada or Mexico.  However, with respect to 

transmission service that the Commission is prohibited from ordering by Section 212(h) 

of the Federal Power Act, such entity is eligible only if the service is provided pursuant to 

a state requirement that a Transmission Owner offer the unbundled transmission service, 

or pursuant to a voluntary offer of such service by a Transmission Owner.  (ii) Any retail 

customer or eligible person taking unbundled transmission service pursuant to a state 

requirement that a Transmission Owner offer the transmission service, or pursuant to a 

voluntary offer of such service by a Transmission Owner, is an Eligible Customer under 

the Tariff. 

 

Emergency Condition:  A condition or situation determined by the Transmission 

Provider that is imminently likely to cause a material adverse effect on the security of, or 

damage to the Transmission System. 

 

Energy and Operating Reserve Markets:  The Day-Ahead Market and Real-Time 

Balancing Market, including the Reliability Unit Commitment processes. 

 

External Resource:  A Resource, other than a Designated Resource, located outside of 

the SPP Balancing Authority that is included in the SPP Balancing Authority through an 

External Resource Pseudo-Tie. 

 



 

 

 

 

External Resource Pseudo-Tie:  A non-physical electrical interconnection point 

between Balancing Authorities, whereby all or a portion of an External Resource is 

electronically moved from a Balancing Authority external to the SPP Balancing 

Authority.  Energy delivered from an External Resource to the SPP Balancing Authority 

is treated as a Balancing Authority interchange from the source Balancing Authority to 

the SPP Balancing Authority. 

 



 

 

M - Definitions 

 Market Participant:  An entity that generates, transmits, distributes, purchases, or sells 

electricity or provides Ancillary Services with respect to such services (or contracts to 

perform any of the foregoing activities) within, into, out of, or through the Transmission 

System.  Market Participant expressly includes:   

 (a) Transmission Owner(s) and any of their Affiliates including Transmission Owners 

providing transmission service to: (i) bundled retail load for which such Transmission 

Owners are taking neither Network Integration Transmission Service nor Firm Point-To-

Point Transmission Service under this Tariff; and (ii) load being served under 

Grandfathered Agreements for which such Transmission Owners are taking neither 

Network Integration Transmission Service nor Firm Point-To-Point Transmission Service 

under this Tariff, (b) Transmission Customers, (c) Network Customers, (d) Generation 

Interconnection Customers, (e) any Eligible Customer offering Resources for sale into the 

Energy and Operating Reserve Markets that executes the Service Agreement specified in 

Attachment AH, or on whose behalf an unexecuted Service Agreement has been filed at 

the Commission, (f) any retail customer or eligible person that is not precluded under the 

laws or regulations of the relevant electric retail regulatory authority including state-

approved retail tariff(s) from participating directly in wholesale demand response 

programs in the Energy and Operating Reserve Markets and that is technically qualified 

to offer controllable load into the Energy and Operating Reserve Markets or an 

aggregator of such retail customers that offers qualified controllable load into the Energy 

and Operating Reserve Markets under Section 2.8 of Attachment AE, and (g) an entity 

that executes the Service Agreement specified in Attachment AH and registers the assets 

of one or more Asset Owners. 

 

 Market Protocols:  The protocols implementing the Integrated Marketplace as amended 

from time to time in accordance with the SPP Membership Agreement. 

 

 Member:  A member of SPP. 



 

 

O - Definitions 

 Open Access Same-Time Information System (OASIS):  The information system and 

standards of conduct contained in Part 37 of the Commission's regulations and all 

additional requirements implemented by subsequent Commission orders dealing with 

OASIS. 

 Operating Reserve Only Resource:  A Resource that cannot be cleared or dispatched 

for Energy that is qualified to provide any or all of the Operating Reserve products: 

Regulation-Up, Regulation-Down, Spinning Reserve, or Supplemental Reserve.  



 

 

R - Definitions 

 

 Real-Time Balancing Market (“RTBM”):  The market operated by the Transmission 

Provider continuously in real-time to balance the system through deployment of Energy 

and to clear Regulation-Up, Regulation-Down, Spinning Reserve and Supplemental 

Reserve. 

 

 Receiving Party:  The entity receiving the capacity and energy transmitted by the 

Transmission Provider to Point(s) of Delivery. 

 

 Region-wide Annual Transmission Revenue Requirement:  The sum of the Base Plan 

Region-wide Annual Transmission Revenue Requirement and each Balanced Portfolio 

Region-wide Annual Transmission Revenue Requirement, as set forth in Attachment H, 

Table 2. 

 

 Region-wide Charge:  Regional component of the charge assessed by the Transmission 

Provider in accordance with Schedule 11 to recover the Region-wide Annual 

Transmission Revenue Requirement. 

 

 Region-wide Load Ratio Share:  Ratio of a Network Customer's or Transmission 

Owner’s Resident Load in the SPP Region to the total load in the SPP Region computed 

in accordance with Section II.B to Schedule 11 of this Tariff and calculated on a calendar 

year basis, for the prior calendar year. 

 

 Region-wide Rate:  Regional component of the rate per kW of Reserved Capacity 

assessed by the Transmission Provider in accordance with Schedule 11 to recover the 

Region-wide Annual Transmission Revenue Requirement. 

 

 Regional State Committee: A voluntary organization comprised of one designated 

commissioner from each participating state regulatory commission having jurisdiction 



 

 

 

 

over an SPP Member, established to collectively provide both direction and input on all 

matters pertinent to the participation of the Members in SPP pursuant to the SPP Bylaws.  

 

 Regional Transmission Group (RTG):  A voluntary organization of Transmission 

Owners, transmission users and other entities approved by the Commission to efficiently 

coordinate transmission planning (and expansion), operation and use on a regional (and 

interregional) basis. 

 

  Reserved Capacity:  The maximum amount of capacity and energy that the 

Transmission Provider agrees to transmit for the Transmission Customer over the 

Transmission Provider's Transmission System between the Point(s) of Receipt and the 

Point(s) of Delivery under Part II of the Tariff.  Reserved Capacity shall be expressed in 

terms of whole megawatts on a sixty (60) minute interval (commencing on the clock 

hour) basis.   

 

 Resident Load:  The load specified in Section 41 of the Tariff.   

 

 Revenue Requirements and Rates File (RRR File):  A file posted on the SPP website 

as a reference to:  (i) Annual Transmission Revenue Requirements (ATRRs) for Network 

Integration Transmission Service, as referenced in Attachment H to this Tariff; (ii) Base 

Plan ATRR allocation; (iii) allocation factors for Base Plan funded projects; (iv) notes on 

the calculation of Base Plan ATRR amounts on a Region-wide and Zonal basis; (v) 

ATRR reallocation for Balanced Portfolio projects; (vi) the calculation of Base Plan 

Point-To-Point Transmission Service rates on a Region-wide and Zonal basis in 

accordance with Schedule 11; and (vii) the rates for Point-To-Point Transmission Service 

as referenced in Attachment T in accordance with Schedules 7 and 8. 



 

 

3 Ancillary Services 

As shown on Schedules 1 and 2, the Transmission Provider will provide Scheduling and 

Tariff Administration Service and will facilitate and arrange for the supply of Reactive Supply 

and Voltage Control from Generation or Other Sources Service.  All Transmission Customers are 

required to purchase these two services from the Transmission Provider based on the charges in 

Schedules 1 and 2.  In addition, the Transmission Owners may continue to provide Scheduling, 

System Control and Dispatch Services related to transmission service under this Tariff.  Each 

Transmission Owner must maintain a schedule showing the charges for such services.  Any 

amounts charged the Transmission Provider by a Transmission Owner for such service shall be 

passed through to the Transmission Customer without mark-up.  Each Transmission Owner's 

schedules for Scheduling, System Control and Dispatch Service and for Reactive Supply and 

Voltage Control from Generation or Other Sources Service shall be available through the SPP 

OASIS. 

The Transmission Provider also shall maintain the Ancillary Service schedules which 

provide (1) Regulation and Frequency Response Service, (2) Energy Imbalance Service, 

(3) Operating Reserve - Spinning Reserve Service, and (4) Operating Reserve - Supplemental 

Reserve Service as described under Schedules 3, 4, 5 and 6 respectively.  Transmission 

Customers shall pay the Transmission Provider providing any of these services directly for the 

service.  The Transmission Customer serving load within the SPP Balancing Authority Area is 

required to acquire these four Ancillary Services, whether from the Transmission Provider, from 

a third party, or by self-supply.  The Transmission Customer may not decline the Transmission 

Provider’s offer of Ancillary Services unless it demonstrates that it has acquired the Ancillary 

Services from another source.   

A Transmission Customer that exceeds its firm reserved capacity at any Point of Receipt 

or Point of Delivery or an Eligible Customer that uses Transmission Service at a Point of Receipt 

or Point of Delivery that it has not reserved is required to pay for all of the Ancillary Services 

identified in this section that were provided by the Transmission Provider associated with the 

unreserved service.  The Transmission Customer or Eligible Customer will pay for Ancillary 

Services based on the amount of transmission service it used but did not reserve.  The 

Transmission Provider shall determine whether the Transmission Customer has adequately 

demonstrated that it has acquired the Ancillary Services from another source.  If the 



 

 

 

 

Transmission Provider determines that the Transmission Customer is taking Ancillary Services 

that it has not paid for  or otherwise has not made adequate arrangements for Ancillary Services, 

then the Transmission Provider may impose a penalty equal to 200% of the applicable Ancillary 

Service charge for the entire length of the reserved period but not exceeding one month.   

A Transmission Customer that is serving load utilizing Network Integration Transmission 

Service will not require any additional transmission service arrangements for the delivery of 

Ancillary Services. 

A Transmission Customer with load not served under Network Integration Transmission 

Service must have sufficient transmission service arrangements for the delivery of all services 

including Ancillary Services. 



 

 

7 Billing and Payment 

 This Section 7 shall not apply to the Integrated Marketplace.  All billing and payment 

matters associated with the Integrated Marketplace shall be as specified in Attachment AE. 

 



 

 

13.3 Use of Firm Transmission Service by the Transmission Owners: 

Each Transmission Owner will be subject to the rates, terms and 

conditions of Part II of the Tariff when making third-party sales under (i) 

agreements executed on or after the Effective Date of the Tariff or (ii) agreements 

executed prior to the aforementioned date that the Commission requires to be 

unbundled after the Effective Date of the Tariff. 



 

 

13.5 Transmission Customer Obligations for Facility Additions or Redispatch 

Costs: 

  In cases where the Transmission Provider determines that the 

Transmission System is not capable of providing Firm Point-To-Point 

Transmission Service without (1) degrading or impairing the reliability of service 

to Native Load Customers, Network Customers and other Transmission 

Customers taking Firm Point-To-Point Transmission Service, or (2) interfering 

with a(the) Transmission Owner's(s’) ability to meet prior firm contractual 

commitments to others, the relevant Transmission Owner(s)  will be obligated to 

expand or upgrade its (their) Transmission System(s) pursuant to the terms of 

Section 15.4.  The Transmission Customer must agree to pay the Transmission 

Provider for any necessary transmission facility additions pursuant to the terms of 

Section 27.  To the extent that the Transmission Provider can relieve a system 

constraint by redispatching resources registered to participate in the Energy and 

Operating Reserve Markets, it shall do so, provided that the Eligible Customer 

agrees to compensate the Transmission Provider pursuant to the terms of Section 

27.  Any redispatch, Network Upgrade or Direct Assignment Facilities costs to be 

charged to the Transmission Customer on an incremental basis under the Tariff 

will be specified in the Service Agreement prior to initiating service.  Any 

redispatch costs to be charged to the Transmission Customer shall be calculated as 

part of the Energy and Operating Reserve Market settlement procedures described 

under Attachment AE.  Firm Point-To-Point Transmission Service that is 

requested and that requires this redispatch shall be ineligible for the portion of the 

Auction Revenue Right (―ARR‖)  allocation associated with such redispatch until 

the transmission facility additions have been made and redispatch is no longer 

required. 



 

 

13.6 Curtailment of Firm Transmission Service: 

In the event that a Curtailment on the Transmission Provider’s 

Transmission System, or a portion thereof, is required to maintain reliable 

operation of such System and the systems directly and indirectly connected with 

the Transmission System, Curtailments will be made on a non-discriminatory 

basis to the transaction(s) that effectively relieve the constraint.  The 

Transmission Provider may elect to implement such Curtailments pursuant to the 

Transmission Loading Relief procedures specified in Attachment R.  If multiple 

transactions require Curtailment, to the extent practicable and consistent with 

Good Utility Practice, the Transmission Provider will curtail (or cause to be 

curtailed) service to Network Customers and Transmission Customers taking 

Firm Point-To-Point Transmission Service on a basis comparable to the 

curtailment of service to the Transmission Owner’s(s’) Native Load Customers, 

and to transmission customers taking firm transmission service under 

Grandfathered Agreements.  All Curtailments will be made on a non-

discriminatory basis; however, Non-Firm Point-To-Point Transmission Service as 

well as any non-firm transmission service provided under Grandfathered 

Agreements shall be subordinate to Firm Point-To-Point Transmission Service.  

When the Transmission Provider determines that an electrical emergency exists 

on the Transmission System and implements emergency procedures to curtail firm 

Transmission Service, the Transmission Customer shall make the required 

reductions upon request of the Transmission Provider.  However, the 

Transmission Provider reserves the right to curtail or to effect the Curtailment of, 

in whole or in part, any firm Transmission Service provided under the Tariff 

when, in the Transmission Provider's sole discretion, an emergency or other 

unforeseen condition impairs or degrades the reliability of the Transmission 

System.  The Transmission Provider will notify all affected Transmission 

Customers in a timely manner of any scheduled Curtailments.  In the event that 

the Transmission Customer fails to cease or reduce service in response to a 

directive by the Transmission Provider, the Transmission Customer shall pay any 

applicable charges and the following penalty (in addition to the charges for all of 



 

 

 

 

the firm capacity used):  100% of the Firm Point-To-Point Transmission Service 

charges under Schedules 7 and 11 for the entire length of the reserved period but 

not exceeding one month. This penalty shall apply only to the portion of the 

service that the Transmission Customer fails to curtail in response to a 

Curtailment directive.   



 

 

13.7 Classification of Firm Transmission Service:  

(a) The Transmission Customer taking Firm Point-To-Point Transmission 

Service may (1) change its Receipt and Delivery Points to obtain service 

on a non-firm basis consistent with the terms of Section 22.1 or (2) request 

a modification of the Points of Receipt or Delivery on a firm basis 

pursuant to the terms of Section 22.3.   

(b) The Transmission Customer may purchase transmission service to make 

sales of capacity and energy from multiple generating units that are 

interconnected to the Transmission Provider's Transmission System.  For 

such a purchase of transmission service, the resources will be designated 

as multiple Points of Receipt, unless (i) the multiple generating units are at 

the same generating plant in which case the units would be treated as a 

single Point of Receipt, or (ii) the generating units or plants comprise a 

registered Market Hub as defined in Attachment AE in which case the 

units or plants also would be considered as a single Point of Receipt.  In 

the event of a change in the ownership or control of generation resources 

previously aggregated as a single Point of Receipt under this provision, 

such generation may be disaggregated and treated as multiple Points of 

Receipt, provided that all other terms of this Tariff and the Service 

Agreement are met. 

(c) The Transmission Provider shall provide firm deliveries of capacity and 

energy from the Point(s) of Receipt to the Point(s) of Delivery.  Each 

Point of Receipt at which firm transfer capability is reserved by the 

Transmission Customer shall be set forth in the Firm Point-To-Point 

Service Agreement for long-term firm Transmission Service along with a 

corresponding capacity reservation associated with each Point of Receipt.  

Points of Receipt and corresponding capacity reservations shall be as 

mutually agreed upon by the Parties for short-term firm Transmission. 

Each Point of Delivery at which firm transfer capability is reserved by the 

Transmission Customer shall be set forth in the Firm Point-To-Point 

Service Agreement for long-term firm Transmission Service along with a 



 

 

 

 

corresponding capacity reservation associated with each Point of Delivery. 

Points of Delivery and corresponding capacity reservations shall be as 

mutually agreed upon by the Parties for short-term firm Transmission 

Service.  The greater of either (1) the sum of the capacity reservations at 

the Point(s) of Receipt, or (2) the sum of the capacity reservations at the 

Point(s) of Delivery shall be the Transmission Customer's Reserved 

Capacity.  The Transmission Customer will be billed for its Reserved 

Capacity under the terms of Schedules 7 and 11.  The Transmission 

Customer may not exceed its firm capacity reserved at each Point of 

Receipt and each Point of Delivery except as otherwise specified in 

Section 22.  In the event that a Transmission Customer (including third-

party sales by a Transmission Owner) exceeds its firm reserved capacity at 

any Point of Receipt or Point of Delivery or uses Transmission Service at 

a Point of Receipt or Point of Delivery that it has not reserved, the 

Transmission Customer shall pay the following penalty (in addition to the 

applicable charges for all of the firm capacity actually used):  100% of the 

Firm Point-To-Point Transmission Service charges under Schedules 7 and 

11 for the period for which the unreserved service was actually used.  The 

charges for the unreserved service shall be based upon the duration of the 

period when the unreserved capacity was used.  For example, one hour 

shall be billed at the charge for weekday deliveries, repeated daily use of 

unreserved capacity within a seven day period shall increase the duration 

of the period to a weekly duration and multiple instances of unreserved 

use during more than one seven day period during a calendar month shall 

increase the duration of the period to a monthly duration.  The 

Transmission Provider shall compensate the Transmission Owners for 

100% of the (i) Firm Point-To-Point Transmission Service charge, (ii) 

Base Plan Zonal Charge and (iii) Region-wide Charge for the period for 

which they have provided service.  For the amounts exceeding reserved 

capacity, the Transmission Customer also must purchase losses as required 

by this Tariff. 



 

 

13.8 Scheduling of Firm Point-To-Point Transmission Service: 

All scheduling practices and schedules submitted by Transmission 

Customers will comply with applicable North American Electric Reliability 

Council Policies and SPP Criteria.  Transmission Customers shall submit all 

schedules electronically in a form specified by the Transmission Provider.  

Schedules for the Transmission Customer's Firm Point-To-Point Transmission 

Service associated with transactions into, out of or through the SPP Balancing 

Authority Area must be submitted to the Transmission Provider in accordance 

with the times in Attachment P.  Schedules submitted after the applicable time 

specified on Attachment P will be accommodated, if practicable.  Hour-to-hour 

schedules of any capacity and energy that is to be delivered must be stated in 

increments of 1,000 kW per hour.  Transmission Customers within a 

Transmission Owner's service area with multiple requests for Transmission 

Service at a Point of Receipt, each of which is under 1,000 kW per hour, may 

consolidate their service requests at a common point of receipt into units of 1,000 

kW per hour for scheduling and billing purposes.  Scheduling changes will be 

accommodated as provided in Attachment P.  However, in the event of a system 

contingency such as a generation or transmission outage, or curtailment or 

interruption of transmission service, scheduling changes will be implemented as 

soon as practicable.  The Transmission Provider will furnish to the Delivering 

Party's system operator, hour-to-hour schedules equal to those furnished by the 

Receiving Party and shall deliver the capacity and energy provided by the 

Delivering Party.  Should the Transmission Customer, Delivering Party or 

Receiving Party revise or terminate any schedule, such party shall immediately 

notify the Transmission Provider, and the Transmission Provider shall have the 

right to adjust accordingly the schedule for capacity and energy to be received and 

to be delivered.  



 

 

14.3 Use of Non-Firm Point-To-Point Transmission Service by the Transmission 

Owner(s): 

Each Transmission Owner will be subject to the rates, terms and 

conditions of Part II of the Tariff when making third-party sales under (i) 

agreements executed on or after the Effective Date of the Tariff or (ii) agreements 

executed prior to the aforementioned date that the Commission requires to be 

unbundled after the Effective Date of the Tariff. 

 



 

 

14.5 Classification of Non-Firm Point-To-Point Transmission Service: 

Non-Firm Point-To-Point Transmission Service shall be offered under 

terms and conditions contained in Part II of the Tariff.  The Transmission 

Provider and Transmission Owners undertake no obligation under the Tariff to 

plan the Transmission System in order to have sufficient capacity for Non-Firm 

Point-To-Point Transmission Service.  Parties requesting Non-Firm Point-To-

Point Transmission Service for the transmission of firm power do so with the full 

realization that such service is subject to availability and to Curtailment or 

Interruption under the terms of the Tariff.  The Transmission Customer will be 

billed for its Reserved Capacity under the terms of Schedules 8 and 11.  In the 

event that a Transmission Customer (including third-party sales by a 

Transmission Owner) exceeds its non-firm capacity reservation, the Transmission 

Customer shall pay the following penalty (in addition to the charges for all of the 

non-firm capacity used):  100% of the Non-Firm Point-To-Point Transmission 

Service charges under Schedules 8 and 11 for the duration of the period when the 

additional service was used as specified below not to exceed one month for the 

amount in excess of such capacity reservation.  An excess of one hour or less shall 

be billed at the charge for weekday deliveries, repeated daily use of unreserved 

capacity within a seven day period shall increase the duration of the period to a 

weekly duration and multiple instances of unreserved use during more than one 

seven day period during a calendar month shall increase the duration of the period 

to a monthly duration.  The Transmission Provider shall compensate the 

Transmission Owners for 100% of the (i) Non-Firm Point-To-Point Transmission 

Service charge, (ii) Base Plan Zonal Charge and (iii) Region-wide Charge for the 

period for which they have provided service.  For the amounts exceeding the non-

firm capacity reservation, the Transmission Customer must purchase losses as 

required by this Tariff.  Non-Firm Point-To-Point Transmission Service shall 

include transmission of energy on an hourly basis and transmission of scheduled 

short-term capacity and energy on a daily, weekly or monthly basis, but not to 

exceed one month's reservation for any one Application, under Schedules 8 and 

11.   



 

 

14.6 Scheduling of Non-Firm Point-To-Point Transmission Service: 

All scheduling practices and schedules submitted by Transmission 

Customers will be consistent with applicable North American Electric Reliability 

Council Policies and SPP Criteria.  Transmission Customers shall submit all 

schedules electronically in a form specified by the Transmission Provider.  

Schedules for Non-Firm Point-To-Point Transmission Service, other than for 

Next-Hour-Market Service, associated with transactions into, out of or through 

the SPP Balancing Authority Area must be submitted to the Transmission 

Provider in accordance with the times in Attachment P.  Schedules submitted after 

the applicable time specified in Attachment P will be accommodated if 

practicable.  Schedules for Non-Firm Point-To-Point Transmission Service for 

Next-Hour-Market Service must be submitted to the Transmission Provider no 

later than 20 minutes and no earlier than 60 minutes before the start of the next 

clock hour.  Schedules submitted less than 20 minutes prior to the start of the next 

clock hour will be accommodated, if practicable.  Hour-to-hour schedules of 

energy that is to be delivered must be stated in increments of 1,000 kW per hour.  

Transmission Customers within a Transmission Owner's service area with 

multiple requests for Transmission Service at a Point of Receipt, each of which is 

under 1,000 kW per hour, may consolidate their schedules at a common Point of 

Receipt into units of 1,000 kW per hour.  Scheduling changes will be 

accommodated in accordance with Attachment P.  The Transmission Provider 

will furnish to the Delivering Party's system operator, hour-to-hour schedules 

equal to those furnished by the Receiving Party and shall deliver the capacity and 

energy provided by the Delivering Party.  Should the Transmission Customer, 

Delivering Party or Receiving Party revise or terminate any schedule, such party 

shall immediately notify the Transmission Provider, and the Transmission 

Provider shall have the right to adjust accordingly the schedule for capacity and 

energy to be received and to be delivered. 

 



 

 

14.7 Curtailment or Interruption of Service: 

The Transmission Provider reserves the right to curtail (or cause to be 

Curtailed), in whole or in part, Non-Firm Point-To-Point Transmission Service 

provided under the Tariff for reliability reasons when, an emergency or other 

unforeseen condition threatens to impair or degrade the reliability of the 

Transmission System or the systems directly or indirectly interconnected with the 

Transmission Provider’s Transmission System.  The Transmission Provider may 

elect to implement such Curtailments pursuant to the Transmission Loading 

Relief procedures specified in Attachment R.  The Transmission Provider reserves 

the right to Interrupt(or to effect the Interruption of), in whole or in part, Non-

Firm Point-To-Point Transmission Service provided under the Tariff for 

economic reasons in order to accommodate (1) a request for firm Transmission 

Service under this Tariff or for firm transmission service provided by a 

Transmission Owner under a Grandfathered Agreement, (2) a request for Non-

Firm Point-To-Point Transmission Service, from the same Point of Receipt to the 

same Point of Delivery, of greater duration under this Tariff or for non-firm 

transmission of greater duration provided by a Transmission Owner under a 

Grandfathered Agreement, (3) a request for Non-Firm Point-To-Point 

Transmission Service, from the same Point of Receipt to the same Point of 

Delivery, of equal duration with a higher price under this Tariff or for non-firm 

transmission of equal duration, from the same Point of Receipt to the same Point 

of Delivery, with a higher price provided by a Transmission Owner under a 

Grandfathered Agreement, or (4) transmission service for Network Customers 

from non-designated resources under this Tariff or under a Grandfathered 

Agreement.  Point-To-Point Transmission Service for Next-Hour-Market Service 

will always have the lowest priority. The Transmission Provider also will 

discontinue or reduce service to the Transmission Customer to the extent that 

deliveries for transmission are discontinued or reduced at the Point(s) of Receipt.  

Where required, Curtailments or Interruptions will be made on a non-

discriminatory basis to the transaction(s) that effectively relieve the constraint; 

however, Non-Firm Point-To-Point Transmission Service shall be subordinate to 



 

 

 

 

firm Transmission Service under this Tariff or firm transmission service provided 

by a Transmission Owner under Grandfathered agreements.  If multiple 

transactions require Curtailment or Interruption, to the extent practicable and 

consistent with Good Utility Practice, Curtailments or Interruptions will be made 

first to Next-Hour-Market Service and then to remaining transactions beginning 

with those to transactions of the shortest term (e.g., hourly non-firm transactions 

will be Curtailed or Interrupted before daily non-firm transactions and daily non-

firm transactions will be Curtailed or Interrupted before weekly non-firm 

transactions).  Transmission service for Network Customers from resources other 

than designated Network Resources will have a higher priority than any Non-Firm 

Point-To-Point Transmission Service under the Tariff.  Non-Firm Point-To-Point 

Transmission Service over secondary Point(s) of Receipt and Point(s) of Delivery 

will have a higher priority than Next-Hour-Market Service, but will have a lower 

priority than any other Non-Firm Point-To-Point Transmission Service under the 

Tariff.  The Transmission Provider will provide advance notice of Curtailment or 

Interruption where such notice can be provided consistent with Good Utility 

Practice.  In the event that the Transmission Customer fails to cease or reduce 

service in response to a directive by the Transmission Provider, the Transmission 

Customer shall pay any applicable charges and the following penalty (in addition 

to the charges for all of the non-firm capacity used): 100% of the Non-Firm Point-

To-Point Transmission Service charge under Schedules 8 and 11 for the entire 

length of the reserved period not to exceed one month for the amount in excess of 

such capacity reservation.  This penalty shall apply only to the portion of the 

service that the Transmission Customer fails to curtail in response to a 

Curtailment directive.   



 

 

15.4 Obligation to Provide Transmission Service that Requires Expansion or 

Modification of the Transmission System:  

If the Transmission Provider determines that it cannot accommodate a 

Completed Application for Firm Point-To-Point Transmission Service because of 

insufficient capability on the Transmission System, the Transmission Provider 

and the affected Transmission Owner(s) will use due diligence to expand or 

modify the Transmission System to provide the requested firm Transmission 

Service, consistent with its planning obligations in Attachment O, provided the 

Transmission Customer agrees to compensate the Transmission Provider for such 

costs pursuant to the terms of Section 27.  The Transmission Provider and the 

affected Transmission Owner(s) will conform to Good Utility Practice and its 

planning obligations in Attachment O, in determining the need for new facilities 

and in the design and construction of such facilities. The obligation applies only 

to those facilities that the affected Transmission Owner(s) has (have) the right to 

expand or modify. 

 



 

 

17.7 Extensions for Commencement of Service: 

The Transmission Customer can obtain, subject to availability up to five 

(5) one-year extensions for the commencement of service.  The Transmission 

Customer may postpone service by paying a non-refundable annual reservation 

fee equal to one-month's charge for firm Transmission Service for each year or 

fraction thereof within 15 days of notifying the Transmission Provider it intends 

to extend the commencement of service.  For extensions of one (1) year or more, 

the Transmission Customer must request the extension no later than ninety (90) 

days before the Service Commencement Date.  For extensions of less than one (1) 

year, the Transmission Customer must request the extension no later than sixty 

(60) days before the Service Commencement Date.  If during any extension for 

the commencement of service an Eligible Customer submits a Completed 

Application for firm Transmission Service, and such request can be satisfied only 

by releasing all or part of the Transmission Customer's Reserved Capacity, the 

original Reserved Capacity will be released unless the following condition is 

satisfied.  Within thirty (30) days, the original Transmission Customer agrees to 

pay the Firm Point-To-Point transmission rate for its Reserved Capacity 

concurrent with the new Service Commencement Date.  In the event the 

Transmission Customer elects to release the Reserved Capacity, the reservation 

fees or portions thereof previously paid will be forfeited. 



 

 

22.1 Modifications On a Non-Firm Basis: 

The Transmission Customer taking Firm Point-To-Point Transmission 

Service may request the  provision of transmission service on a non-firm basis 

over Receipt and Delivery Points other than those specified in the Service 

Agreement for long-term firm Transmission Service or the confirmed Application 

for Short-Term Transmission Service ("Secondary Receipt and Delivery Points"), 

in amounts not to exceed its firm capacity reservation, without incurring an 

additional Non-Firm Point-To-Point Transmission Service charge (except as 

provided in Section 22.2) or executing a new Service Agreement for long-term 

firm Transmission Service or submitting a new Application for short-term firm 

Transmission Service, subject to the following conditions.  

(a) Service provided over Secondary Receipt and Delivery Points will be non-

firm only, on an as-available basis and will not displace any firm or non-

firm service reserved or scheduled by third-parties under the Tariff or 

under any other transmission tariff or agreement where the service is being 

provided by the Transmission Owner or by the Transmission Owner on 

behalf of its (their) Native Load Customers.  

(b) The sum of all Firm and Non-Firm Point-To-Point Transmission Service 

provided to the Transmission Customer at any time pursuant to this 

section shall not exceed the Reserved Capacity in the relevant Service 

Agreement for Long-Term Firm Transmission or Application for Short-

Term Firm Transmission Service under which such services are provided.  

(c) The Transmission Customer shall retain its right to schedule Firm Point-

To-Point Transmission Service at the Receipt and Delivery Points 

specified in the relevant Service Agreement for long-term firm 

Transmission Service or Application for short-term firm Transmission 

Service in the amount of its original capacity reservation.  

(d) Service over Secondary Receipt and Delivery Points on a non-firm basis 

shall not require the filing of an Application for Non-Firm Point-To-Point 

Transmission Service under the Tariff.  However, all other requirements of 

Part II of the Tariff (except as to transmission rates) shall apply to 



 

 

 

 

transmission service on a non-firm basis over Secondary Receipt and 

Delivery Points. 



 

 

22.3 Modification On a Firm Basis:  

Any request by a Transmission Customer to modify Receipt and Delivery 

Points on a firm basis shall be treated as a new request for service in accordance 

with Section 17 hereof.  While such new request is pending, the Transmission 

Customer shall retain its priority for service at the existing firm Receipt and 

Delivery Points specified in its Service Agreement for long-term firm 

Transmission Service or confirmed Application for short-term firm Transmission 

Service.  In any instance where the remaining term of service, after modification 

pursuant to this provision, is less than twelve (12) months the Transmission 

Customer will maintain existing rights of reservation priority on the original 

reservation. 

 



 

 

23.2 Limitations on Assignment or Transfer of Service: 

If the Assignee requests a change in the Point(s) of Receipt or Point(s) of 

Delivery, or a change in any other specifications set forth in the original Service 

Agreement for long-term firm Transmission Service or original confirmed 

Application for short-term firm Transmission Service, the Transmission Provider 

will consent to such change subject to the provisions of the Tariff and the 

Transmission Customer's or the Assignee's agreement to pay any additional 

charges consistent with Section 22 of the Tariff, provided that the change will not 

impair the operation and reliability of the Transmission Owner’s(s') generation, 

transmission, or distribution systems.  The Assignee shall pay the Transmission 

Provider for the costs of performing any System Impact Study or Aggregate 

Transmission Service Study needed to evaluate the capability of the Transmission 

System to accommodate the proposed change and any additional costs resulting 

from such change.  The Reseller shall remain liable for the performance of all 

obligations under the Service Agreement, except as specifically agreed to by the 

Transmission Provider and the Reseller through an amendment to the Service 

Agreement.   

 



 

 

25 Compensation for Transmission Service 

Rates for Firm and Non-Firm Point-To-Point Transmission Service are provided in the 

Schedules appended to the Tariff:  Firm Point-To-Point Transmission Service (Schedule 7); and 

Non-Firm Point-To-Point Transmission Service (Schedule 8).  In addition the Transmission 

Customer shall pay any applicable Ancillary Service costs, Wholesale Distribution Service 

charges (Schedule 10), Base Plan Zonal Charges (Schedule 11), and Region-wide Charges 

(Schedule 11). 

 



 

 

28.1 Scope of Service: 

Network Integration Transmission Service is a transmission service that 

allows Network Customers to efficiently and economically utilize their Network 

Resources (as well as other non-designated generation resources) to serve their 

Network Load.  The Network Customer taking Network Integration Transmission 

Service must obtain or provide Ancillary Services pursuant to Section 3. 

 



 

 

29.2 Application Procedures:  

An Eligible Customer requesting service under Part III of the Tariff must 

submit an Application, which includes all information required for SPP to 

complete a Credit Assessment pursuant to its Credit Policy set out in Attachment 

X and satisfaction of all requirements set out therein.  Unless subject to the 

procedures in Section 2, Completed Applications for new or changed designated 

Network Resources, having a term of one year or longer, associated with Network 

Integration Transmission Service will be part of the Aggregate Transmission 

Service Study as defined in Attachment Z1.  Completed Applications for new 

designated Network Resources, having a term of less than one year, will be 

assigned a priority according to the date and time the Application is received, with 

the earliest Application receiving the highest priority.  Applications should be 

submitted by entering the information listed below on the Transmission Provider's 

OASIS.  A Completed Application shall provide all of the information included in 

18 CFR § 2.20 including but not limited to the following: 

(i) The identity, address, telephone number and facsimile number of the party 

requesting service;  

(ii) A statement that the party requesting service is, or will be upon 

commencement of service, an Eligible Customer under the Tariff; 

(iii) A description of the Network Load at each delivery point.  This 

description should separately identify and provide the Eligible Customer's 

best estimate of the total loads to be served at each transmission voltage 

level, and the loads to be served from each Transmission Provider 

substation at the same transmission voltage level.  The description should 

include a ten (10) year forecast of summer and winter load and resource 

requirements beginning with the first year after the service is scheduled to 

commence; 

(iv) The amount and location of any interruptible loads included in the 

Network Load.  This shall include the summer and winter capacity 

requirements for each interruptible load (had such load not been 

interruptible), that portion of the load subject to interruption, the 



 

 

 

 

conditions under which an interruption can be implemented and any 

limitations on the amount and frequency of interruptions.  An Eligible 

Customer should identify the amount of interruptible customer load (if 

any) included in the 10 year load forecast provided in response to (iii) 

above; 

(v) A description of Network Resources (current and 10-year projection).  For 

each on-system Network Resource, such description shall include: 

- Unit size and amount of capacity from that unit to be designated as 

Network Resource 

- Regulation Qualified resource capability 

- Spin Qualified resource capability 

- Supplemental Qualified resource capabilty 

- VAR capability (both leading and lagging) of all generators  

- Operating restrictions 

 - Any periods of restricted operations through-out the year 

 - Maintenance schedules 

 - Minimum loading level of unit 

 - Normal operating level of unit 

 - Any must-run unit designations required for system reliability -

 or contract reasons 

- Arrangements governing sale and delivery of power to third parties from 

generating facilities located in the Transmission Provider Balancing 

Authority Area, where only a portion of unit output is designated as a 

Network Resource: 

For each off-system Network Resource, such description shall include: 

- Identification of the Network Resource as an off-system resource 

- Amount of power to which the customer has rights 

- Identification of the Balancing Authority Area from which the power will 

originate 

- Delivery point(s) to the Transmission Provider's Transmission System 

- Transmission arrangements on the external transmission system(s) 



 

 

 

 

- Operating restrictions, if any 

- Any periods of restricted operations thoughout the year 

- Maintenance schedules 

- Minimum loading level of unit 

- Normal operating level of unit 

- Any must-run designations required for system reliability or contract 

reasons 

 

(vi) Description of Eligible Customer's transmission system: 

- Load flow and stability data, such as real and reactive parts of the load, 

lines, transformers, reactive devices and load type, including normal and 

emergency ratings of all transmission equipment in a load flow format 

compatible with that used by the Transmission Provider  

- Operating restrictions needed for reliability 

- Operating guides employed by system operators 

- Contractual restrictions or committed uses of the Eligible Customer's 

transmission system, other than the Eligible Customer's Network Loads 

and Resources 

- Location of Network Resources described in subsection (v) above   

- 10 year projection of system expansions or upgrades 

- Transmission System maps that include any proposed expansions or 

upgrades 

- Thermal ratings of Eligible Customer's ties with Balancing Authority 

Areas other than the SPP Balancing Authority Area; 

(vii) Service Commencement Date and the term of the requested Network 

Integration Transmission Service.  The minimum term for Network 

Integration Transmission Service is one year; however, if service is 

provided hereunder pursuant to a state retail pilot program, the minimum 

term may be the lesser of one year or the remainder of the pilot, but not 

less than one month; 



 

 

 

 

(viii) A statement signed by an authorized officer from or agent of the Network 

Customer attesting that all of the Network Resources listed pursuant to 

Section 29.2(v) satisfy the following conditions: (1) the Network 

Customer owns the resource, has committed to purchase generation 

pursuant to an executed contract, or has committed to purchase generation 

where execution of a contract is contingent upon the availability of 

transmission service under Part III of the Tariff; and (2) the Network 

Resources do not include any resources, or any portion thereof, that are 

committed for sale to non-designated third party load or otherwise cannot 

be called upon to meet the Network Customer's Network Load on a 

noninterruptible basis, except for purposes of fulfilling obligations under a 

reserve sharing program; and 

(ix) Any additional information required of the Transmission Customer as 

specified in the Transmission Provider’s planning process established in 

Attachment O. 

 

Unless the Parties agree to a different time frame, the Transmission 

Provider must acknowledge the request within ten (10) days of receipt.  The 

acknowledgment must include a date by which a response, including a Service 

Agreement, will be sent to the Eligible Customer.  If an Application fails to meet 

the requirements of this section, the Transmission Provider shall notify the 

Eligible Customer requesting service within fifteen (15) days of receipt and 

specify the reasons for such failure.  Wherever possible, the Transmission 

Provider will attempt to remedy deficiencies in the Application through informal 

communications with the Eligible Customer.  If such efforts are unsuccessful, the 

Transmission Provider shall return the Application without prejudice to the 

Eligible Customer filing a new or revised Application that fully complies with the 

requirements of this section.  The Eligible Customer will be assigned a new 

priority consistent with the date of the new or revised Application.  The 

Transmission Provider shall treat this information consistent with the standards of 

conduct contained in Part 37 of the Commission's regulations. The Transmission 



 

 

 

 

Provider may, on a non-discriminatory basis, waive the requirements of 

subsections 29.2 (iii), (iv), (v) and (vi), to the extent such information is not 

applicable or, in the case of service being requested for retail access load, is 

unknown at the time of the Application. 



 

 

30.4 Operation of Network Resources: 

The Network Customer shall not operate its designated Network 

Resources such that the output of those facilities exceeds its designated Network 

Load, plus Non-Firm sales delivered pursuant to Part II of the Tariff, plus losses, 

plus power sales under a reserve sharing program, plus sales that permit 

curtailment without penalty to serve its designated Network Load.  This limitation 

shall not apply to changes in the operation of a Transmission Customer's Network 

Resources at the request of the Transmission Provider through normal operation 

of the Energy and Operating Reserve Markets as described under Attachment AE 

or to respond to an emergency or other unforeseen condition which may impair or 

degrade the reliability of the Transmission System.  For all Network Resources 

not physically connected with the Transmission Provider’s Transmission System, 

the Network Customer may not schedule delivery of energy in excess of the 

Network Resource’s capacity, as specified in the Network Customer’s 

Application pursuant to Section 29, unless the Network Customer supports such 

delivery within the Transmission Provider’s Transmission System by either 

obtaining Point-To-Point Transmission Service or utilizing secondary service 

pursuant to Section 28.4.  In the event that a Network Customer’s schedule at the 

delivery point for a Network Resource not physically interconnected with the 

Transmission Provider's Transmission System exceeds the Network Resource’s 

designated capacity, excluding energy delivered using secondary service or Point-

To-Point Transmission Service, it shall pay the penalty set forth in Section 13.7 

for the amount of the service exceeding the Network Resource’s designated 

capacity.   



 

 

30.5 Network Customer Redispatch Obligation:  

As a condition to receiving Network Integration Transmission Service, the 

Network Customer agrees to redispatch its Network Resources as requested by 

the Transmission Provider pursuant to Section 33.2 and in accordance with the 

Energy and Operating Reserve Markets procedures in Attachment AE.   



 

 

30.8 Use of Interface Capacity by the Network Customer: 

There is no specific limitation upon a Network Customer's use of the 

Transmission System at the interface(s) to the SPP Balancing Authority Area 

(where the Network Customer's load is located) to integrate the Network 

Customer's Network Resources (or substitute economy purchases) with its 

Network Loads.  However, a Network Customer's use of the interface capacity 

with other transmission systems may not exceed the Network Customer's Load or 

the applicable interface capacity.  

 



 

 

33.2 Transmission Constraints: 

During any period when the Transmission Provider determines that a 

transmission constraint exists on the Transmission System, and such constraint 

may impair the reliability of the Transmission System, the Transmission Provider 

will take whatever actions, consistent with Good Utility Practice, that are 

reasonably necessary to maintain the reliability of the Transmission System.  To 

the extent the Transmission Provider determines that the reliability of the 

Transmission System can be maintained by redispatching resources, the 

Transmission Provider will initiate procedures pursuant to the Network Operating 

Agreement to redispatch all Network Resources on a least cost basis without 

regard to the ownership of such resources in accordance with the Energy and 

Operating Reserve Markets procedures in Attachment AE.  Any redispatch under 

this section may not unduly discriminate between the Transmission Owners’ use 

of the Transmission System on behalf of their Native Load Customers and any 

Network Customer’s use of the Transmission System to serve its designated 

Network Load. 



 

 

33.3 Cost Responsibility for Relieving Transmission Constraints: 

Whenever the Transmission Provider implements least cost redispatch 

procedures in response to a transmission constraint, all Transmission Owners and 

Network Customers shall pay their share of redispatch costs as determined 

through the operation and settlement of the Energy and Operating Reserve 

Markets as described in Attachment AE. 



 

 

33.4 Curtailments of Scheduled Deliveries: 

If the Transmission Provider determines that it is necessary to curtail 

scheduled deliveries, the Parties and the affected Transmission Owner(s) shall 

curtail such schedules in accordance with the Network Operating Agreement and 

pursuant to the Transmission Loading Relief procedures specified in Attachment 

R. 

 



 

 

33.5 Allocation of Curtailments: 

The Transmission Provider shall, on a non-discriminatory basis, curtail the 

transaction(s) that effectively relieve the constraint.  However, to the extent 

practicable and consistent with Good Utility Practice, any Curtailment will be 

shared by the affected Transmission Owner(s) and Network Customer in 

proportion to their respective Load Ratio Shares.  The Transmission Provider 

shall not direct the Network Customer to curtail schedules to an extent greater 

than the Transmission Provider would curtail the Transmission Owner's schedules 

under similar circumstances. 

 



 

 

33.7 System Reliability:  

Notwithstanding any other provisions of this Tariff, the Transmission 

Provider reserves the right, consistent with Good Utility Practice and on a not 

unduly discriminatory basis, to curtail Network Integration Transmission Service 

without liability on the Transmission Provider's or Transmission Owner's part for 

the purpose of making necessary adjustments to, changes in, or repairs on the 

Transmission Owner's lines, substations and facilities, and in cases where the 

continuance of Network Integration Transmission Service would endanger 

persons or property.  In the event of any adverse condition(s) or disturbance(s) on 

the Transmission System or on any other system(s) directly or indirectly 

interconnected with the Transmission System, the Transmission Provider, 

consistent with Good Utility Practice, also may curtail Network Integration 

Transmission Service in order to (i) limit the extent or damage of the adverse 

condition(s) or disturbance(s), (ii) prevent damage to generating or transmission 

facilities, or (iii) expedite restoration of service.  The Transmission Provider will 

give the Network Customer as much advance notice as is practicable in the event 

of such Curtailment.  Any Curtailment of Network Integration Transmission 

Service will be not unduly discriminatory relative to the Transmission Owner's 

use of the Transmission System on behalf of its (their) Native Load Customers.  

In the event that the Network Customer (or any Transmission Owner that is not a 

Network Customer with regard to its bundled load) fails to respond to established 

Load Shedding and Curtailment procedures or to cease or reduce service in 

response to a directive by the Transmission Provider, the Network Customer shall 

pay any applicable charges and the following penalty (in addition to the charges 

for all of the service used):  For the applicable month, 100% of the Network 

Integration Transmission Service charge under Schedule 9 plus 100% of the 

charges assessed under Schedule 11.  This penalty shall apply only to the portion 

of the service that the Transmission Customer fails to curtail in response to a 

Curtailment directive.  The Transmission Provider shall compensate the 

Transmission Owners for 100% of the (i) Network Integration Transmission 



 

 

 

 

Service charge, (ii) Base Plan Zonal Charge  and (iii) Region-wide Charge for the 

period for which they have provided service.   

 



 

 

34.6 Redispatch Charge: 

The Network Customer shall pay redispatch costs associated with its 

transactions through the operation and settlement of the Energy and Operating 

Reserve Markets as described in Attachment AE.   



 

 

35.2 Network Operating Agreement: 

The terms and conditions under which the Network Customer shall 

operate its facilities and the technical and operational matters associated with the 

implementation of Part III of the Tariff shall be specified in the Network 

Operating Agreement.  The Network Operating Agreement shall provide for the 

Parties, including the affected Transmission Owner(s), to (i) operate and maintain 

equipment necessary for integrating the Network Customer within the 

Transmission System (including, but not limited to, remote terminal units, 

metering, communications equipment and relaying equipment), (ii) transfer data 

between the Transmission Provider and the Network Customer (including, but not 

limited to, heat rates and operational characteristics of Network Resources, 

generation schedules for units outside the Transmission System, interchange 

schedules, unit outputs for redispatch required under Section 33, voltage 

schedules, loss factors and other real time data), (iii) use software programs 

required for data links and constraint dispatching, (iv) exchange data on 

forecasted loads and resources necessary for long-term planning, and (v) address 

any other technical and operational considerations required for implementation of 

Part III of the Tariff, including scheduling protocols.  The Network Operating 

Agreement will recognize that the Network Customer shall either (i) satisfy its 

Balancing Authority Area requirements, including all necessary Ancillary 

Services, by contracting with the Transmission Provider, or (ii) satisfy its 

Balancing Authority Area requirements, including all necessary Ancillary 

Services requirements, by contracting with another entity, consistent with Good 

Utility Practice, which satisfies the applicable reliability guidelines of the Electric 

Reliability Organization and SPP Criteria.  The Transmission Provider shall not 

unreasonably refuse to accept contractual arrangements with another entity for 

Ancillary Services.  The Network Operating Agreement is included in Attachment 

G. 



 

 

36. Scheduling 

Each Network Customer shall ensure that all necessary information required for the 

Energy and Operating Reserve Markets is submitted in accordance with Attachment AE. 



 

 

SCHEDULE 1 

SCHEDULING, SYSTEM CONTROL AND DISPATCH SERVICE 

 

Scheduling, System Control and Dispatch Service is required to schedule the movement 

of power through, out of, within or into the SPP Balancing Authority Area.  Charges for such 

service shall be as follows: 

1) For Customers taking Firm or Non-Firm Point-To-Point Transmission Service, for through 

and out transactions, the Schedule 1 charge shall be the product of the capacity reserved, 

expressed in MW and the appropriate rate set forth in the Revenue Requirements and Rates 

File (―RRR File‖), Schedule 1 tab, posted on the SPP website.  The yearly rate for such 

transactions is computed as the ratio of the sum of the accepted or approved revenue 

requirements most recently determined for each Control Area operator having a scheduling 

charge and the prior calendar year’s average of the  12 monthly peaks of the total Resident 

Load (expressed in MW) in the SPP Region. 

On-Peak: 

Monthly Rate/MW:  the yearly rate divided by 12  

Weekly Rate/MW:  the yearly rate divided by 52 

Daily Rate/MW:  the yearly rate divided by 260 

Hourly Rate/MW:  the yearly rate divided by 4160 

Off-Peak: 

Daily Rate/MW:  the yearly rate divided by 365 

Hourly Rate/MW:  the yearly rate divided by 8760 

On-Peak and Off-Peak Periods 

Off-Peak days shall be Saturdays and Sundays and all NERC holidays.  All other 

days shall be On-Peak.  All hours during Off-Peak days shall be Off-Peak.  On-Peak 

hours during On-Peak days shall be all hours from HE 0700 through HE 2200 Central 

Prevailing Time.  All other hours during On-Peak days shall be Off-Peak. 

2) For Customers taking Firm or Non-Firm Point-To-Point Transmission Service, for 

transactions into and within the Transmission System, the Schedule 1 charge shall be the 

charge computed pursuant to the approved rate schedule of the Zone that is the Point of 

Delivery. 



 

 

 

 

3) For Customers taking Network Integration Transmission Service, the Schedule 1 charge shall 

be the charge computed pursuant to the approved rate schedule of the Zone in which the load 

is located. 

Revenue associated with the provision of Schedule 1 service for Customers taking Firm 

or Non-Firm Point-To-Point Transmission Service for through and out transactions shall be 

allocated to Control Area operators in proportion to the respective scheduling revenue 

requirement of each such Control Area operator associated with the provision of this service.  

Such scheduling revenue requirements are set forth in the RRR File, Schedule 1 tab, posted on 

the SPP website. 



 

 

SCHEDULE 2 

REACTIVE SUPPLY AND VOLTAGE CONTROL FROM GENERATION OR OTHER 

SOURCES SERVICE 

 

I. GENERAL 

1. Definitions (These definitions are to be used in this Schedule 2 only; to the 

extent of a conflict between these definitions and other definitions in the 

Tariff, these definitions control in the interpretation of this Schedule 2; other 

capitalized terms are defined elsewhere in this Tariff) 

1.1 Dead Band (DB): A contiguous range of Power Factor operation where 

an hourly PF is greater than or equal to 0.95 (lead or lag).  

1.2 Point of Interconnection (POI): The location where the generator 

connects to the Transmission System. 

1.3. Power Factor (PF): The power factor of a QG as measured or determined 

by the integrated hourly MW and MVAr values at its POI. 

1.4 Qualified Generator (QG): A generator, or a single generator that is part 

of a group of generators at a single Point of Receipt, that has been 

recognized by the Transmission Provider as meeting the criteria specified 

in Section II to receive compensation under this Schedule 2. 

1.5 Reactive Compensation (RC): The monthly amount as calculated in 

Section III.B. 

1.6 Reactive Compensation Rate (RCR):  The amount per MVArh specified 

in Section III.A. 

1.7 Reactive Power Inside Deadband (RPID): As defined in Section III.B.2. 

1.8 Reactive Power Outside Deadband (RPOD): As calculated in Section 

III.B.2. 

1.9 Through and Out Reactive Revenue (T&O Reactive Revenue): The 

amount of reactive power revenue allocated to a Zone each month that was 

collected by the Transmission Provider from Through and Out 

transactions. 

1.10 Zonal Reactive Compensation (ZRC): The monthly sum of the RC for 

all QGs in the pricing zone. 



 

 

 

 

1.11 Zonal Peak Demand: The Zone’s monthly transmission peak. 

1.12 Zone: SPP pricing zone as defined in the SPP OATT.  

2. Purpose 

In order to maintain Transmission System voltages within acceptable 

limits, generation facilities and non-generation resources capable of providing this 

service that are connected to the Transmission System are operated to produce (or 

absorb) reactive power.  Reactive Supply and Voltage Control from Generation or 

Other Sources Service (Reactive Supply) must be provided to support each 

transaction on the Transmission System.  The amount of Reactive Supply required 

in real time to maintain Transmission System voltages within limits that are 

generally accepted in the region and consistently adhered to by the Transmission 

Provider will vary with conditions on the Transmission System.  Generators 

operating within a range of 0.95 leading to 0.95 lagging PF will not receive 

compensation for supplying such reactive power.  Generators meeting the 

requirements of this Schedule 2 will be compensated for producing reactive 

power outside the DB when such operation is at the direction of the Transmission 

Provider or local Balancing Authority. This Schedule 2 provides the criteria 

specifying which generators qualify to receive compensation for reactive power 

and sets out the rates and charges necessary to comparably compensate all QGs 

for such operation. 

 

II. QUALIFIED GENERATOR REQUIREMENTS 

A. General:  All existing generation owners eligible to collect charges for Reactive 

Supply for generators connected to the Transmission System under a cost-based 

rate schedule on file with the Commission as of October 1, 2006, as well as non-

jurisdictional generation owners operating generating facilities that are being  

compensated for the provision of reactive supply and voltage control services to 

SPP as of October 1, 2006, are deemed to have met the technical requirements of 

Section II.B and therefore are QGs. Initially, in order to receive compensation 

under this Schedule 2, all other owners of generation must apply to the 

Transmission Provider for QG status and provide the necessary operating data set 



 

 

 

 

forth in Addendum 1 to this Schedule 2 to the Transmission Provider no later than 

30 days following the final approval of this Schedule 2 by the Commission.  

Subsequently, owners of other generation must apply to the Transmission 

Provider for QG status and provide the necessary operating data to the 

Transmission Provider. The Transmission Provider shall recognize new QGs 

throughout the year if the generator meets the requirements set out in Section II.B. 

A new QG will be eligible for compensation at the beginning of the first month 

after SPP acceptance of the generation owner’s application.  To the extent the 

operating data requested in Addendum 1 has been previously provided to SPP 

pursuant to a generation interconnection agreement or through input for SPP 

transmission operational or planning models, that operating data shall not be 

required with the application.  Once the QG provides the necessary operating data 

to SPP, it shall be eligible to receive compensation under this Schedule 2 as 

provided in Section III.  The QG’s RC will be included under this Schedule 2 in 

the first full billing month after the required information is received.  The 

Transmission Provider shall have the right to remove the QG status of any 

generation resource that fails to meet any requirements of Section II.B.   

B. Technical: 

1. Each QG shall designate the entity that is to receive dispatch instructions 

and the entity to receive compensation.   

2. The generation resource must be able to produce reactive power outside 

the Dead Band at its Point of Interconnection with the Transmission 

System. 

3. Each QG shall maintain the capability to provide MWh, MVArh and 

voltage data, by such means of transmittal, at such intervals and at such 

accuracy level as SPP shall require. 

4. The generation resource must be able to follow a voltage schedule and 

respond to dispatch instructions from the Transmission Provider and/or the 

local Balancing Authority. 

 

III. RATES, CHARGES, AND REVENUE DISTRIBUTION 



 

 

 

 

The following sets forth the rates, charges and revenue distribution pursuant to this 

Schedule 2. All QGs shall be treated the same.  

A. Reactive Compensation Rate 

The RCR shall be based on the cost of reactive power production from recently 

constructed generators so as to reflect the upper end of such costs.  The RCR shall 

be $2.26 per MVArh.  The Transmission Provider may periodically review the 

RCR to determine whether it remains at or near the upper end of a reasonable 

range of cost of producing reactive power by generators recently connected to the 

Transmission System. 

B. Qualified Generator Compensation 

The compensation paid to QGs each month will be based on the calculations as 

set forth below. 

1. Determine the integrated hourly values for real and reactive power 

generated by each Qualifying Generator for each month. 

2. Calculate the Reactive Power Outside the Dead Band (RPOD).  For each 

hour of each month, calculate the amount of Reactive Power inside the 

Dead Band (in MVArh) that the QG would have had to produce or absorb 

to maintain a PF of 0.95 at its actual real power output level (RPID).  Then 

subtract the absolute value of the RPID from the absolute value of the 

actual reactive power output from the QG for that hour (in MVArh).  If the 

absolute value of RPID is greater than the absolute value of the actual 

reactive power output of the QG, then the RPOD for that hour is zero.  

The monthly RPOD is the sum of the hourly RPOD calculations for each 

QG for each month. 

3. Calculate the total compensation that the owner of each QG will receive 

for each month (RC) by multiplying the QG’s monthly RPOD, times the 

RCR.   

RCmonthly = RCR * RPOD monthly 

C. Calculation of Rates 



 

 

 

 

The rates paid by Transmission Customers will be based on the calculations set 

forth below.  All of the amounts calculated below shall be actuals for each month 

with no true-ups. 

1. Calculate the amount of T&O Reactive Revenue allocated to each Zone by 

taking the total amount of revenue generated by this Schedule 2 from 

Through and Out transactions for each month and allocate it on a pro-rata 

share based on the ZRC for the same month. 

  

2. Calculate the total amount of revenue to be collected for each month by 

Zone, by summing the RC for each QG by Zone less the T&O Reactive 

Revenue. 

ZRC = Σn=1 to x(RC)– T&O Reactive Revenue; where: x=Total 

number of QGs in the Zone 

3. Calculate the Schedule 2 Rates, for each Zone, as shown below. 

a. Monthly Rate ($/MW/Mo) = ZRC / Zonal Peak Demand 

b. Weekly Rate ($/MW/Wk) = Monthly Rate times 12 / 52 

c. Daily Off-Peak Rate  ($/MW/Day) = Weekly Rate / 7 

d. Daily On-Peak Rate ($/MW/Day) = Weekly Rate / 5  

e. Hourly Off-Peak Rate ($/MW/Hr) = Daily Off-Peak Rate / 24 

f. Hourly On-Peak Rate ($/MW/Hr) = Daily On-Peak Rate / 16  

The total charge in any day, pursuant to an hourly service reservation, 

shall not exceed the applicable rate for daily service specified above for 

the applicable Zone, times the highest amount of hourly service reserved 

in any hour during such day.  In addition, the total charge in any week 

pursuant to a reservation for hourly or daily service shall not exceed the 

rate for weekly service specified above for the applicable Zone, times the 

highest amount of hourly or daily service reserved in any hour or day 

during such week. 

On-Peak and Off Peak 

Off-Peak days shall be Saturdays and Sundays and all NERC holidays.  

All other days shall be On-Peak.  All hours during Off-Peak days shall be 



 

 

 

 

Off-Peak.  On-Peak hours during On-Peak days shall be all hours from HE 

0700 through HE 2200 Central Prevailing Time.  All other hours during 

On-Peak days shall be Off-Peak.  

4. For the purposes of determining the charge applicable to transactions 

under this Tariff, the transaction will be charged based on the applicable 

zonal rate where the load is physically located.  

5. If the service is a Through and Out transaction, the transaction will be 

charged based on the simple average of all zonal rates for the applicable 

period of service. 

6. The data used in the calculations under this Section III. C. shall be from 

the same month as the monthly RPOD used to calculate the RC in Section 

III. B. 

D. Collection of Charges and Distribution of Revenues 

1. All load shall pay the Transmission Provider a charge for Reactive Supply 

determined by multiplying the applicable rate as calculated in Section 

III.C by the Reserved Capacity for the Transmission Customer taking 

Point-To-Point Transmission Service during that month or the Network 

Customer’s and non-rate terms and conditions customer’s coincident peak 

during the month.  The billing units used herein will be for the same 

month as the month used to determine the RPOD.  After it has sufficient 

data to calculate the monthly RPOD, SPP shall bill customers for monthly 

charges under this Schedule 2 in the next billing cycle.  SPP also will post 

the applicable monthly Schedule 2 charges promptly after it possesses the 

data necessary to calculate such charges.  

 

2. In the event that the monthly revenue collected for a Zone does not match 

the ZRC in a month,  the revenues distributed that month to each QG in 

the affected Zone shall be based upon its RC for that month divided by the 

applicable ZRC for that month multiplied by total zonal revenues collected 

pursuant to this Schedule 2 for that month.  

E. Joint Owned Units 



 

 

 

 

The Transmission Provider will compensate the entity designated in II.B.1 for a 

jointly owned QG.  The Transmission Provider is not responsible for disbursing 

revenue to other owners.  

F. Multiple Generators Behind a Common Meter 

If more than one generator exists behind a single meter, the Transmission 

Provider must individually certify all the generators behind the meter as QGs. 

Compensation will be handled in the same way as an owner with multiple units in 

the same Zone. 

 

IV. QUALIFIED GENERATOR STATUS 

A. Re-Evaluation of Qualified Generator Status 

1. If a QG fails to comply with the Transmission Provider’s or Transmission 

Owner’s voltage control requirements three or more times in a calendar 

month, or six or more times in the preceding twelve month period, for 

reasons other than planned or unscheduled outages, the Transmission 

Provider shall determine whether the generation resource should continue 

to be a QG based on the criteria established in Section II.B of this 

Schedule 2. 

2. In making a determination of whether a generation resource should 

continue to be a QG, the Transmission Provider will evaluate, among 

other factors, whether the generation resource was operated consistently 

with its design characteristics, if the QG responded in accordance with 

other agreements and whether system conditions prevented it from 

responding as required by the Balancing Authority or Transmission 

Provider. 

3. If the Transmission Provider determines that the generator should not 

continue to be a QG, the Transmission Provider shall notify the owner and 

stop providing reactive compensation to such generator owner. 

B. Regaining Qualified Generator Status: 

If a generator has had its status as a QG removed by the Transmission Provider, 

such generator may be reinstated to receive reactive compensation six (6) billing 



 

 

 

 

months after disqualification.  If the owner of the generator desires to be 

reinstated, it must make application for such reinstatement to the Transmission 

Provider and demonstrate that the cause(s) for the disqualification has been 

remedied.  The Transmission Provider shall waive the six month period and 

immediately reinstate the QG status if it determines that such status was 

erroneously removed. 

 

V. QUALIFIED GENERATOR DISPATCH CRITERIA 

All QGs will be required to maintain reactive supply pursuant to a voltage schedule 

provided by the Transmission Provider or the applicable Transmission Owner.  The 

Transmission Provider and the Transmission Owner shall issue voltage schedules to all 

QGs on a non-discriminatory basis. 

 

In the event of a system contingency or emergency situation that requires specific 

attention to reactive production, the Transmission Provider or the applicable 

Transmission Owner will determine, based on real-time data and engineering studies of 

current and prospective conditions, the most effective solution to maintain transmission 

system reliability. For a circumstance that requires specific attention to reactive 

production, the Transmission Provider or the applicable Transmission Owner will 

perform an engineering study to determine the most effective operational plan.  The 

Transmission Provider or the applicable Transmission Owner will issue reactive dispatch 

instructions or revised voltage schedules on a non-discriminatory basis based upon 

generator availability, location, and reactive capability, for such purpose. 



 

 

 

 

ADDENDUM 1 TO SCHEDULE 2 

 

Operating Data to be Provided by Generator Operators Seeking QG Status 

 

 

The following is the list of necessary operating data to be provided as part of an application to 

become a QG.   

 

1. Nameplate data, certified factory test reports, and reactive capability curves for the 

generator. 

 

2. Real and reactive power loads at maximum generator output for station service load 

served from the generator leads before delivery into the transmission system. 

 

3. Nameplate data and copies of certified factory test reports for the generator step-up 

transformer. For transformers having tapped windings, identify the tap connections at 

which the transformer is operated. 

 

4. One line schematics showing the connection of the generator to the SPP Transmission 

System, location of service to station service loads, and the location of metering and 

telemetry points. 

 

5. Identification of the interconnection agreement governing the connection of the 

generator to the transmission system and citation to those provisions in the agreement 

that govern the production of reactive power and voltage regulation. 

 

6. Self assessment (or certification) by generator owner of the ability of the generator to 

provide deliveries of real and reactive power to the SPP Transmission System, net of 

all loads served prior to the connection with the SPP Transmission System, with a 

power factor outside the +/- 95% deadband, to receive and follow reactive power 

dispatch instructions, and to regulate the voltage at a the point of interconnection with 

transmission system pursuant to a voltage schedule. 

 

7. A copy of the most recent tests of the generator, the generator’s protection system, the 

generator’s control system and the generator’s excitation system as performed in 

accord with the SPP Criteria. 



 

 

SCHEDULE 3 

REGULATION AND FREQUENCY RESPONSE SERVICE 

 

Regulation and Frequency Response Service is necessary to provide for the continuous 

balancing of resources (generation and interchange) with load and for maintaining scheduled 

Interconnection frequency at sixty cycles per second (60 Hz). Regulation and Frequency 

Response Service is accomplished by committing on-line generation whose output is raised or 

lowered (predominantly through the use of automatic generating control equipment) and by other 

non-generation resources capable of providing this service as necessary to follow the moment-

by-moment changes in load.  The obligation to maintain this balance between resources and load 

lies with the Transmission Provider.  The Transmission Customer must either purchase this 

service from the Transmission Provider or make alternative comparable arrangements to satisfy 

its Regulation and Frequency Response Service obligation.  Unless the Transmission Customer 

makes alternative comparable arrangements, the Transmission Provider will provide this service 

and the Transmission Customer will pay the Transmission Provider for this service through the 

operation and settlement of the Energy and Operating Reserve Markets as described in 

Attachment AE. 



 

 

SCHEDULE 4 

ENERGY IMBALANCE SERVICE  

 

Energy Imbalance Service is provided when a difference occurs between Energy cleared 

in the Day-Ahead Market and the actual delivery of Energy to/from the Transmission System 

over a single Dispatch Interval.  The Market Participant must purchase this service from the 

Transmission Provider or make comparable alternate arrangements with another Market 

Participant who will purchase this service from the Transmission Provider.  All loads on the 

Transmission System will be subject to settlement in the Real-Time Balancing Market.  The 

Transmission Provider will obtain and provide this service and the Market Participant shall 

utilize this service in accordance with Attachment AE.  Charges and payments for use and 

provision of this service shall be calculated by the Transmission Provider pursuant to Attachment 

AE. 



 

 

SCHEDULE 5 

OPERATING RESERVE - SPINNING RESERVE SERVICE 

 

Spinning Reserve Service is needed to serve load immediately in the event of a system 

contingency.  Spinning Reserve Service may be provided by generating units that are on-line and 

loaded at less than maximum output and by non-generation resources capable of providing this 

service.  The Transmission Customer must either purchase this service from the Transmission 

Provider or make alternative comparable arrangements to satisfy its Spinning Reserve Service 

obligation.  Unless the Transmission Customer makes alternative comparable arrangements, the 

Transmission Provider will provide the service and the Transmission Customer will pay for this 

service through the operation and settlement of the Energy and Operating Reserve Markets as 

described in Attachment AE. 



 

 

SCHEDULE 6 

OPERATING RESERVE - SUPPLEMENTAL RESERVE SERVICE 

 

Supplemental Reserve Service is needed to serve load in the event of a system 

contingency; however, it is not available immediately to serve load but rather within a short 

period of time.  Supplemental Reserve Service may be provided by generating units that are on-

line but unloaded, by quick-start generation or by interruptible load or other non-generation 

resources capable of providing this service.  The Transmission Customer must either purchase 

this service from the Transmission Provider or make alternative comparable arrangements to 

satisfy its Supplemental Reserve Service obligation.  Unless the Transmission Customer makes 

alternative comparable arrangements, the Transmission Provider will provide this service and the 

Transmission Customer will pay for this service through the operation and settlement of the 

Energy and Operating Reserve Markets as described in Attachment AE. 



 

 

SCHEDULE 7 

LONG-TERM FIRM AND SHORT-TERM FIRM POINT-TO-POINT TRANSMISSION 

SERVICE 

 

The Transmission Customer shall compensate the Transmission Provider each month for 

Reserved Capacity at the sum of the applicable charges set forth below in addition to other 

applicable charges specified in the Tariff.  All effective rates under this schedule shall be posted 

on the SPP OASIS. 

1. Zonal Rates:  The Transmission Customer shall pay the zonal rate (per kW of 

reserved capacity) based upon the Zone where the load is located for Firm Point-To-Point 

Transmission Service where the generation source is outside the SPP Region and the load is 

located within the SPP Region and for Firm Point-To-Point Transmission Service where both the 

generation source and the load are located within the SPP Region.  For Firm Point-To-Point 

Transmission Service where the generation source is located within the SPP Region and the load 

is located outside of the SPP Region, and for Firm Point-To-Point Transmission Service where 

both the generation source and the load are located outside of the SPP Region, the Transmission 

Customer shall pay the zonal rate (per kW of reserved capacity) for the Zone interconnected with 

the Balancing Authority Area, external to the SPP Region, that is the designated Point of 

Delivery. Where there is more than one Zone interconnected with such Balancing Authority 

Area, the lowest zonal rate of the interconnected Zones is applicable. The zonal rates are stated 

in Attachment T. 

The Zones are as follows: 

Zone 1: American Electric Power – West 

Zone 2: Reserved for Future Use 

Zone 3: City Utilities of Springfield, Missouri 

Zone 4: Empire District Electric Company 

Zone 5: Grand River Dam Authority 

Zone 6: Kansas City Power & Light Company 

Zone 7: Oklahoma Gas & Electric Company 

Zone 8: Midwest Energy, Inc. 

Zone 9: KCP&L Greater Missouri Operations Company 

Zone 10: Southwestern Power Administration 



 

 

 

 

Zone 11: Southwestern Public Service 

Zone 12: Sunflower Electric Cooperative 

Zone 13: Western Farmers Electric Cooperative 

Zone 14: Westar Energy, Inc. (Kansas Gas & Electric and Westar Energy) 

Zone 15: Mid-Kansas Electric Company  

Zone 16: Lincoln Electric System 

Zone 17: Nebraska Public Power District 

Zone 18: Omaha Public Power District 

No changes in Zones shall be made without submitting a filing to the Commission. 

2. Caps:  The total demand charge in any week, pursuant to a reservation for Daily 

delivery, shall not exceed the weekly rate times the highest amount in kilowatts of Reserved 

Capacity in any day during such week. 

3. Redispatch Costs:  The redispatch costs shall be calculated in accordance with 

the formula and protocols shown on Attachment K.   

4. Losses:  The Transmission Customer shall replace losses determined in 

accordance with Attachment M. 

5. a.  Direct Assignment Costs:  Where a Facilities Study indicates the need to 

construct Direct Assignment Facilities to accommodate a request for Transmission Service, the 

Transmission Customer shall be charged the full cost of such Direct Assignment Facilities in 

addition to the charges specified in this Schedule and Tariff.  The annual costs of the facility 

shall be calculated by multiplying the levelized  fixed charge rate of the Transmission Owner by 

the nondepreciated cost of the facility.  Each month the Transmission Customer shall pay a 

charge based on such annual costs divided by twelve.  Any such charge will be filed with the 

Commission. 

b.  Directly Assigned Upgrade Costs:  Where a Facilities Study indicates the 

need to construct Network Upgrades to accommodate a request for Transmission Service, the 

Transmission Customer may be allocated Directly Assigned Upgrade Costs in accordance with 

Attachments J and Z1.  Any such charge will be filed with the Commission.  The Transmission 

Customer shall be charged the higher of (i) the charges specified in Schedules 7 and 11  or (ii) 

the Directly Assigned Upgrade Costs.  The Transmission Customer shall also be charged any 

other applicable charges under the Tariff.  If the Transmission Customer is charged the Directly 



 

 

 

 

Assigned Upgrade Costs, upon completion of construction of such assigned upgrades, the 

Transmission Provider shall reconcile the Directly Assigned Upgrade Costs against the actual 

construction costs.  Based on the reconciliation, the Transmission Customer’s cost responsibility 

shall be adjusted as appropriate. 

6. Wholesale Distribution Service:  Where Wholesale Distribution Service is 

provided to effectuate Firm Point-To-Point Transmission Service, the Transmission Customer 

shall pay all charges levied pursuant to the Wholesale Distribution Service Agreement and 

Schedule 10. 

7. Base Plan Zonal Charges and Region-wide Charges:  The Transmission 

Customer shall pay all charges assessed pursuant to Schedule 11 to the extent the revenue from 

such charges is not recovered by the Transmission Provider from the Transmission Customer 

pursuant to Section 5.b of this Schedule. 

8. Resales: The rates and rules governing charges and discounts stated above shall 

not apply to resales of transmission service, compensation for which shall be governed by 

section 23.1 of the Tariff. 



 

 

SCHEDULE 8 

NON-FIRM POINT-TO-POINT TRANSMISSION SERVICE 

 

The Transmission Customer shall compensate the Transmission Provider for Non-Firm 

Point-To-Point Transmission Service up to the sum of the applicable charges set forth below in 

addition to other applicable charges specified in the Tariff.  All effective rates under this 

schedule shall be posted on the SPP OASIS.   

1. Zonal Rates: The Transmission Customer shall pay the zonal rate (per KW of 

reserved capacity) based upon the Zone where the load is located for Non-Firm Point-To-Point 

Transmission Service where the generation source is outside the SPP Region and the load is 

located within the SPP Region and for Non-Firm Point-To-Point Transmission Service where 

both the generation source and the load are located within the SPP Region.  For Non-Firm Point-

To-Point Transmission Service where the generation source is located within the SPP Region 

and the load is located outside of the SPP Region, and for Non-Firm Point-To-Point 

Transmission Service where both the generation source and the load are located outside of the 

SPP Region, the Transmission Customer shall pay the zonal rate (per KW of reserved capacity) 

for the Zone interconnected with the Balancing Authority Area, external to the SPP Region, that 

is the designated Point of Delivery. Where there is more than one Zone interconnected with such 

Balancing Authority Area, the lowest zonal rate of the interconnected Zones is applicable. The 

zonal rates are stated in Attachment T. 

The Zones are as follows: 

Zone 1: American Electric Power – West 

Zone 2: Reserved for Future Use 

Zone 3: City Utilities of Springfield, Missouri 

Zone 4: Empire District Electric Company 

Zone 5: Grand River Dam Authority 

Zone 6: Kansas City Power & Light Company 

Zone 7: Oklahoma Gas & Electric Company 

Zone 8: Midwest Energy, Inc. 

Zone 9: KCP&L Greater Missouri Operations Company 

Zone 10: Southwestern Power Administration 

Zone 11: Southwestern Public Service 



 

 

 

 

Zone 12: Sunflower Electric Cooperative 

Zone 13: Western Farmers Electric Cooperative 

Zone 14: Westar Energy, Inc. (Kansas Gas & Electric and Westar Energy) 

Zone 15: Mid-Kansas Electric Company 

Zone 16: Lincoln Electric System 

Zone 17: Nebraska Public Power District 

Zone 18: Omaha Public Power District 

No changes in Zones shall be made without submitting a filing to the Commission. 

2. Caps:  The total demand charge in any week, pursuant to a reservation for Daily 

delivery, shall not exceed the weekly rate times the highest amount in kilowatts of Reserved 

Capacity in any day during such week.  The total demand charge in any day, pursuant to a 

reservation for Hourly delivery, shall not exceed the daily rate times the highest amount in 

kilowatts of Reserved Capacity in any hour during such day.  In addition, the total demand 

charge in any week, pursuant to a reservation for Hourly or Daily delivery, shall not exceed the 

weekly rate above times the highest amount in kilowatts of Reserved Capacity in any hour 

during such week. 

3. Redispatch Costs:  The redispatch costs shall be calculated in accordance with 

the formula and protocols shown on Attachment K.   

4. Discounts:  The Transmission Provider may offer discounts under this Schedule.  

Three principal requirements apply to discounts for transmission service as follows:  (1) any 

offer of a discount made by the Transmission Provider must be announced to all Eligible 

Customers solely by posting on the OASIS, (2) any customer-initiated requests for discounts 

must occur solely by posting on the OASIS, and (3) once a discount is negotiated, details must 

be immediately posted on the OASIS.  For any discount agreed upon for service on a path, from 

Point(s) of Receipt to Point(s) of Delivery, the Transmission Provider must offer the same 

discounted transmission service rate for the same time period to all Eligible Customers on all 

unconstrained transmission paths that go to the same Point(s) of Delivery on the Transmission 

System.  In offering discounts, the Transmission Provider’s goal shall be to maximize 

transmission revenues. 

4(a) Next-Hour-Market Service:  The basic charge shall be that agreed upon by the 

Parties at the time this service is reserved and in no event shall exceed the applicable charges 



 

 

 

 

posted on  OASIS. In the event that transmission service is curtailed or interrupted by the 

Transmission Provider, either acting directly or indirectly at the request of another transmission 

provider or a Security Coordinator, the Transmission Customer shall be charged only for that 

portion of the hour of actual transmission service used.  The pro-rata portion must be agreed 

upon between the Transmission Provider and the Transmission Customer. 

5. Losses:  The Transmission Customer shall replace losses determined in 

accordance with Attachment M. 

6. Wholesale Distribution Service: Where Wholesale Distribution Service is 

provided to effectuate Non-Firm Point-To-Point Transmission Service, the Transmission 

Customer shall pay all charges levied pursuant to the Wholesale Distribution Service Agreement 

and Schedule 10. 

7. Base Plan Zonal Charges and Region-wide Charges:  The Transmission 

Customer shall pay all charges assessed pursuant to Schedule 11. 

8. Resales: The rates and rules governing charges and discounts stated above shall 

not apply to resales of transmission service, compensation for which shall be governed by 

section 23.1 of the Tariff. 



 

 

SCHEDULE 9 

NETWORK INTEGRATION TRANSMISSION SERVICE 

 

The Transmission Customer shall compensate the Transmission Provider for Network 

Integration Transmission Service at the applicable charges set forth below in addition to other 

applicable charges specified in the Tariff. 

1. Zonal Rates:  The Transmission Customer taking Network Integration 

Transmission Service shall pay a monthly demand charge for the Zone where the load is located.  

Each month, the Transmission Customer shall pay the Transmission Provider the applicable 

monthly zonal Demand Charge, determined in accordance with Section 34.1.  If a Transmission 

Customer has load in multiple Zones, the Transmission Customer shall pay the monthly demand 

charge for each Zone in which its load is located.  For load not physically interconnected with 

the Transmission System designated as Network Load pursuant to Section 31.3, the Network 

Customer shall pay the zonal Demand Charge for the Zone interconnected with the Balancing 

Authority Area, external to the SPP Region, that is the designated Point of Delivery.  Where 

there is more than one Zone interconnected with such Balancing Authority Area, the lowest 

zonal Demand Charge of the interconnected Zones is applicable.  A Transmission Customer that 

is serving load on the Xcel Energy Operating Companies’ transmission system taking Network 

Integration Transmission Service under the Xcel Energy Operating Companies’ OATT and also 

takes transmission service under Part III of this Tariff to export over the Lamar Tie Line 

resources from the SPS Zone to serve load on the Public Service Company of Colorado (PSCo) 

transmission system shall have its zonal rate charges under this Schedule 9 reduced by 100%.  A 

Transmission Customer that is serving load on the Xcel Energy Operating Companies’ 

transmission system taking Network Integration Transmission Service under the Xcel Energy 

Operating Companies’ OATT and also takes transmission service under Part III of this Tariff to 

import over the Lamar Tie Line resources to serve its load in the SPS Zone shall be subject to the 

applicable charges under this Schedule 9, without reduction.   The Zonal Annual Transmission 

Revenue Requirement of each Zone is stated in Attachment H.Notwithstanding anything to the 

contrary in this Tariff, a Transmission Owner taking Network Integration Transmission Service 

may elect not to pay (in whole or in part) the monthly demand charges specified in the preceding 

paragraph to the extent that the Transmission Owner would have received under Attachment L 

(revenue distribution) the amounts it seeks to not pay under this provision.  A Transmission 



 

 

 

 

Owner electing this option shall remain obligated to pay any applicable charges for transmission 

services using any other Transmission Owner’s facilities unless the transmission is provided 

pursuant to a Grandfathered Agreement (in which case compensation provisions under the 

Grandfathered Agreement control).  A Transmission Owner electing this option shall remain 

responsible for any credits pursuant to Section 30.9 and for all other applicable charges under 

this Tariff.  This election will only be effective through January 31, 2010. 

The Zones are as follows: 

Zone 1: American Electric Power - West 

Zone 2: Reserved for Future Use 

Zone 3: City Utilities of Springfield, Missouri 

Zone 4: Empire District Electric Company 

Zone 5: Grand River Dam Authority 

Zone 6: Kansas City Power & Light Company 

Zone 7: Oklahoma Gas & Electric Company 

Zone 8: Midwest Energy, Inc. 

Zone 9: KCP&L Greater Missouri Operations Company 

Zone 10: Southwestern Power Administration 

Zone 11: Southwestern Public Service 

Zone 12: Sunflower Electric Cooperative 

Zone 13: Western Farmers Electric Cooperative 

Zone 14: Westar Energy, Inc. (Kansas Gas & Electric and Westar Energy) 

Zone 15: Mid-Kansas Electric Company 

Zone 16: Lincoln Electric System 

Zone 17: Nebraska Public Power District 

Zone 18: Omaha Public Power District 

No changes in Zones shall be made without submitting a filing to the Commission. 

2. Redispatch Costs:  The redispatch costs shall be calculated in accordance with 

the formula and protocols shown on Attachment K.   

3. Losses:  The Transmission Customer shall replace losses determined in 

accordance with Attachment M. 



 

 

 

 

4. a.)  Direct Assignment Costs:  Where a Facilities Study indicates the need to 

construct Direct Assignment Facilities to accommodate a request for Transmission Service, the 

Transmission Customer shall be charged the full cost of such Direct Assignment Facilities in 

addition to the charges specified in this Schedule and Tariff.  The annual costs of the facility 

shall be calculated by multiplying the levelized fixed charge rate of the Transmission Owner by 

the nondepreciated cost of the facility.  Each month the Transmission Customer shall pay a 

charge based on such annual costs divided by twelve.  Any such charge will be filed with the 

Commission. 

b.)  Directly Assigned Upgrade Costs:  Where a Facilities Study indicates the 

need to construct Network Upgrades to accommodate a request for Transmission Service, the 

Transmission Customer may be allocated Directly Assigned Upgrade Costs in accordance with 

Attachments J and Z1.  Any such charge will be filed with the Commission.  The Transmission 

Customer shall be charged the Directly Assigned Upgrade Costs in addition to the charges 

specified in this Schedule and any other applicable charges under this Tariff.  If the Transmission 

Customer is charged the Directly Assigned Upgrade Costs, upon completion of construction of 

such assigned upgrades, the Transmission Provider shall reconcile the Directly Assigned 

Upgrade Costs against the actual construction costs.  Based on the reconciliation, the 

Transmission Customer’s cost responsibility shall be adjusted as appropriate. 

5. Wholesale Distribution Service:  Where Wholesale Distribution Service is 

provided to effectuate Network Integration Transmission Service, the Network Customer shall 

pay all charges levied pursuant to the Wholesale Distribution Service Agreement and Schedule 

10.  

6. Base Plan Zonal Charges and Region-wide Charges:  The Transmission 

Customer shall pay all charges assessed pursuant to Schedule 11. 



 

 

SCHEDULE 11 

BASE PLAN ZONAL CHARGE AND REGION-WIDE CHARGE 

 

I. Introduction 

Pursuant to Part V of this Tariff, Base Plan Zonal Charges and Region-wide 

Charges shall be assessed to Network Customers and, where applicable, Transmission 

Owners based on Resident Load.  Likewise, Base Plan Zonal Charges and the Region-

wide Charge shall be assessed to each Transmission Customer taking Point-To-Point 

Transmission Service under the Tariff based on Reserved Capacity. The charges stated in 

Schedule 11 shall not be changed absent a filing with the Commission.   

II. Base Plan Zonal Charges and Region-wide Charge to Resident Load 

A. Base Plan Zonal Charge to Resident Load 

The Network Customer and the Transmission Owner shall pay a monthly Base 

Plan Zonal Charge, which shall be determined by multiplying its Base Plan Zonal Load 

Ratio Share by one twelfth (1/12) of the Base Plan Zonal Annual Transmission Revenue 

Requirement specified in Attachment H less any amount reallocated in accordance with 

Section IV.A of Attachment J for each Zone in which the Network Customer’s or 

Transmission Owner’s Resident Load is physically located. Where a Network Customer 

has designated Network Load not physically interconnected with the Transmission 

System under Section 31.3, Network Customer shall pay a monthly Zonal Base Plan 

Charge, which shall be determined by multiplying its Base Plan Zonal Load Ratio Share 

by one twelfth (1/12) of the Base Plan Zonal Annual Transmission Revenue Requirement 

specified in Attachment H less any amount reallocated in accordance with Section IV.A 

of Attachment J  for the Zone that is the basis for charges under Schedule 11. 

1. Determination of Network Customer's and Transmission Owner’s 

Monthly Zonal Resident Load 

The Network Customer's or Transmission Owner’s monthly zonal 

Resident Load is its integrated hourly load coincident with the monthly peak of 

the Zone where the Resident Load is physically located.  Where a Network 

Customer or Transmission Owner has Resident Load in more than one Zone, the 

monthly Resident Load will be determined separately for each Zone.  Where a 

Network Customer has designated Network Load not physically interconnected 



 

 

 

 

with the Transmission System under Section 31.3, the Network Customer's 

monthly Resident Load will be its hourly load coincident with the monthly peak 

of the Zone that is the basis for charges under Schedule 11. 

2. Determination of Transmission Provider’s Monthly Zone 

Transmission Load 

The Transmission Provider's monthly Transmission System load shall be 

determined in accordance with Section 34.5 of this Tariff. 

B. Region-wide Charge to Resident Load 

Network Customers and Transmission Owners shall pay a monthly Region-wide 

Charge, which shall be determined by multiplying its Region-wide Load Ratio Share by 

one twelfth (1/12) of the Region-wide Annual Transmission Revenue Requirement 

specified in Attachment H.   

1. Determination of Network Customer's and Transmission Owner’s 

Monthly Regional Resident Load 

The Network Customer's or Transmission Owner’s monthly regional 

Resident Load is the sum of its monthly zonal Resident Load for each Zone, 

where the monthly zonal Resident Load is determined separately for each Zone 

coincident with the monthly peak of the Zone in accordance with Section II.A.1.  

2. Determination of Transmission Provider’s Monthly Regional 

Transmission Load 

The Transmission Provider's monthly regional Transmission System load 

is the sum of the monthly Zone transmission load for each Zone, where the 

monthly zone transmission load for each Zone is determined on a non-coincident 

basis in accordance with Section II.A.2. 

III. Base Plan Zonal Charge and Region-wide Charge for Point-To-Point Transmission 

Service 

A. Base Plan Zonal Charge for Point-To-Point Transmission Service 

The Base Plan Zonal Charge shall be assessed to Transmission Customers taking 

Firm or Non-Firm Point-To-Point Transmission Service under the SPP Tariff.  The 

Transmission Customer shall pay the Base Plan Zonal Rate (per kW of Reserved 

Capacity) based upon the Zone where the load is located for Point-To-Point Transmission 

Service where the generation source is outside the SPP Region and the load is located 



 

 

 

 

within the SPP Region and for Point-To-Point Transmission Service where both the 

generation source and the load are located within the SPP Region.  For Point-To-Point 

Transmission Service where the generation source is located within the SPP Region and 

the load is located outside of the SPP Region, and for Point-To-Point Transmission 

Service where both the generation source and the load are located outside of the SPP 

Region, the Transmission Customer shall pay the Base Plan Zonal Rate (per kW of 

Reserved Capacity) for the Zone interconnected with the Balancing Authority Area, 

external to the SPP Region, that is the designated Point of Delivery. Where there is more 

than one Zone interconnected with such Balancing Authority Area, the lowest Base Plan 

Zonal Rate of the interconnected Zones is applicable.  The Base Plan Zonal Rates shall be 

calculated in accordance with Section III.D. 

B. Region-wide Charge for Point-To-Point Transmission Service 

The Region-wide Charge shall be assessed to Transmission Customers taking 

Firm or Non-Firm Point-To-Point Transmission Service under the SPP Tariff.  The 

Transmission Customer shall pay the Region-wide Rate (per kW of Reserved Capacity) 

for Point-To-Point Transmission Service.  The Region-wide Rate shall be calculated in 

accordance with Section III.C. 

C. Region-wide Rate for Point-To-Point Transmission Service 

1. Determination of Annual Region-wide Rate 

The Region-wide Annual Transmission Revenue Requirement specified in 

Attachment H is the basis for the Region-wide Rate.  The annual Region-wide Rate for 

Firm Point-To-Point Transmission Service shall be determined in accordance with the 

following formula: 

RR = RATRR/MRTL 

in which 

RR = the annual Region-wide Rate 

RATRR = the Region-wide Annual Transmission Revenue 

Requirement as specified in Attachment H 

MRTL = the average of the sum of the monthly regional 

Transmission System load for the twelve months of the 

calendar year on which the rate is based.  The monthly 



 

 

 

 

regional Transmission System load is determined in 

accordance with Section II.B.2. 

2. Region-wide Rate for Firm Point-To-Point Transmission Service 

The Region-wide Rate for Firm Point-To-Point Transmission Service shall be: 

Per month =  annual Region-wide Rate divided by 12; 

Per week =  annual Region-wide Rate divided by 52; 

Per day ―on-peak‖ = the ―per week‖ Region-wide Rate divided by 5; 

provided that the rate for 5 to 7 consecutive days 

may not exceed the ―per week‖ Region-wide Rate; 

and 

Per day ―off-peak‖ = the ―per week‖ Region-wide Rate divided by 7. 

3. Region-wide Rate for Non-Firm Point-To-Point Transmission Service 

The Region-wide Rate for Non-Firm Point-To-Point Transmission Service shall 

be: 

Per month =  annual Region-wide Rate divided by 12; 

Per week =  annual Region-wide Rate divided by 52: 

Per day ―on-peak‖ = the ―per month‖ Region-wide Rate multiplied by 12 

then divided by 260; 

Per day ―off-peak‖ = the ―per month‖ Region-wide Rate multiplied by 12 

then divided by 365; 

Per hour ―on-peak‖ = the ―per month‖ Region-wide Rate multiplied by 12 

then divided by 4160; and 

Per hour ―off-peak‖ = the ―per month‖ Region-wide Rate multiplied by 12 

then divided by 8760. 

4. Total Region-wide Charge 

The total Region-wide Charge paid by a Transmission Customer pursuant 

to a reservation for hourly delivery shall not exceed the above on-peak daily rate 

multiplied by the highest amount of Reserved Capacity in any hour during such 

day.  The total Region-wide Charge in any week, pursuant to a reservation for 

hourly or daily delivery, shall not exceed the above Region-wide Rate specified 

for weekly delivery multiplied by the highest amount of Reserved Capacity in any 

hour during such week. 

5. Rate Sheet for Region-wide Point-To-Point Transmission Service 

Firm Point-To-Point Transmission Service 



 

 

 

 

The Transmission Customer shall compensate the Transmission Provider 

each month for Reserved Capacity at the sum of the applicable charges set 

forth in the Revenue Requirements and Rates File (―RRR File‖) posted on 

the SPP website. 

Non-Firm Point-To-Point Transmission Service 

The Transmission Customer shall compensate the Transmission Provider 

for Non-Firm Point-To-Point Transmission Service up to the sum of the 

applicable charges set forth in the RRR File posted on the SPP website. 

D. Base Plan Zonal Rates for Point-To-Point Transmission Service 

1. Determination of Annual Base Plan Zonal Rate 

The Base Plan Zonal Annual Transmission Revenue Requirements specified in 

Attachment H less any amount reallocated in accordance with Section IV.A of Attachment J 

are the basis for the Base Plan Zonal Rates.  The annual Base Plan Zonal Rates for Firm 

Point-To-Point Transmission Service shall be determined in accordance with the following 

formula for each Zone. 

BPZR = BPZATRR/MZTL 

in which 

BPZR = the annual Base Plan Zonal Rate for the Zone 

BPZATRR = the Base Plan Zonal Annual Transmission Revenue 

Requirement for the Zone as specified in Attachment H less 

any amount reallocated in accordance with Section IV.A of 

Attachment J 

MZTL = the average of the sum of the monthly zone transmission 

load for the Zone for the twelve months of the calendar 

year on which the rate is based.  The monthly zone 

transmission load is determined in accordance with Section 

II.A.2. 

2. Base Plan Zonal Rate for Firm Point-To-Point Transmission Service 

The Base Plan Zonal Rate for Firm Point-To-Point Transmission Service for each 

Zone shall be: 

Per month = annual Base Plan Zonal Rate for the Zone divided 

by 12; 

Per week = annual Base Plan Zonal Rate for the Zone divided 

by 52; 



 

 

 

 

Per day ―on-peak‖ = the ―per week‖ Base Plan Zonal Rate for the Zone 

divided by 5; provided that the rate for 5 to 7 

consecutive days may not exceed the ―per week‖ 

Base Plan Zonal Rate; 

Per day ―off-peak‖ = the ―per week‖ Base Plan Zonal Rate for the Zone 

divided by 7. 

3. Base Plan Zonal Rate for Non-Firm Point-To-Point Transmission 

Service 

The Base Plan Zonal Rate for Non-Firm Point-To-Point Transmission Service for 

each Zone shall be: 

Per month = annual Base Plan Zone Rate for the Zone divided by 

12; 

Per week = annual Base Plan Zonal Rate for the Zone divided 

by 52: 

Per day ―on-peak‖ = the ―per month‖ Base Plan Zonal Rate for the Zone 

multiplied by 12 then divided by 260; 

Per day ―off-peak‖ = the ―per month‖ Base Plan Zonal Rate for the Zone 

multiplied by 12 then divided by 365; 

Per hour ―on-peak‖ = the ―per month‖ Base Plan Zonal Rate for the Zone 

multiplied by 12 then divided by 4160; and 

Per hour ―off-peak‖ = the ―per month‖ Base Plan Zonal Rate for the Zone 

multiplied by 12 then divided by 8760. 

4. Total Zonal Base Plan Charge 

The total zonal charge paid by a Transmission Customer for each Zone 

pursuant to a reservation for hourly delivery shall not exceed the above on-peak 

daily rate multiplied by the highest amount of Reserved Capacity in any hour 

during such day.  The total zonal charge for each Zone in any week, pursuant to a 

reservation for hourly or daily delivery, shall not exceed the above Base Plan 

Zonal Rate for the Zone specified for weekly delivery multiplied by the highest 

amount of Reserved Capacity in any hour during such week. 

5. Rate Sheets for Base Plan Zonal Point-To-Point Transmission Service 

Firm Point-To-Point Transmission Service 

The Transmission Customer shall compensate the Transmission 

Provider each month for Reserved Capacity at the sum of the applicable 

charges set forth in the RRR File posted on the SPP website. 

Non-Firm Point-To-Point Transmission Service 



 

 

 

 

The Transmission Customer shall compensate the Transmission 

Provider for Non-Firm Point-To-Point Transmission Service up to the sum 

of the applicable charges set forth in the RRR File posted on the SPP 

website. 

 E. On-Peak and Off-Peak 

Off-Peak days shall be Saturdays and Sundays and all NERC holidays.  All other 

days shall be On-Peak.  All hours during Off-Peak days shall be Off-Peak.  On-Peak 

hours during On-Peak days shall be all hours from HE 0700 through HE 2200 Central 

Prevailing Time.  All other hours during On-Peak days shall be Off-Peak. 
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ATTACHMENT A 

FORM OF SERVICE AGREEMENT FOR FIRM POINT-TO-POINT TRANSMISSION 

SERVICE 

 

1.0 This Service Agreement, dated as of _______________, is entered into, by and between 

Southwest Power Pool, Inc. ("The Transmission Provider"), and ____________ 

("Transmission Customer"). 

2.0 The Transmission Customer has been determined by The Transmission Provider to have 

a Completed Application for Firm Point-To-Point Transmission Service under the Tariff. 

3.0 The Transmission Customer has completed all credit arrangements required pursuant to 

Section 17.3 and Attachment X of the Tariff. 

4.0 Service under this agreement shall commence on the later of (l) the requested service 

commencement date, or (2) the date on which construction of any Direct Assignment 

Facilities and/or Network Upgrades are completed, or (3) such other date as it is 

permitted to become effective by the Commission.  Service under this agreement shall 

terminate on such date as mutually agreed upon by The Transmission Provider and the 

Transmission Customer. 

5.0 The Transmission Customer agrees to supply information The Transmission Provider 

deems reasonably necessary in accordance with Good Utility Practice in order for it to 

provide the requested service. 
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6.0 The Transmission Provider, as agent for the Transmission Owners, agrees to 

provide and the Transmission Customer agrees to take and pay for Firm Point-To-

Point Transmission Service in accordance with the provisions of Parts I, II and V 

of the Tariff and this Service Agreement.   

7.0 To the extent necessary to effectuate any transaction entered into pursuant to this 

Service Agreement, the following Transmission Owner(s) shall provide 

Wholesale Distribution Service over Distribution Facilities: 

______________________________________________________ 

8.0 Any notice or request made to or by either Party regarding this Service 

Agreement shall be made to the representative of the other Party as indicated 

below. 

Southwest Power Pool:  

_____________________________________ 

 

415 N. McKinley,140 Plaza West 

 

Little Rock, AR 72205 

 

Transmission Customer: 

_____________________________________  

 

_____________________________________  

 

_____________________________________  

 

9.0 The Tariff is incorporated herein and made a part hereof. 
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IN WITNESS WHEREOF, the Parties have caused this Service Agreement to be 

executed by their respective authorized officials.  

 

Southwest Power Pool:  

  

  

By:______________________   _______________    ______________  

   Name     Title      Date  

  

  

Transmission Customer:  

 

  

By:______________________   _______________    ______________ 

   Name     Title      Date    
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Specifications For Long-Term Firm Point-To-Point 

Transmission Service 

 

l.0 Term of Transaction: __________________________________ 

Start Date: ___________________________________________ 

Termination Date: _____________________________________ 

2.0 Description of capacity and energy to be transmitted by Transmission Provider including 

the electric Balancing Authority Area in which the transaction originates. 

_______________________________________________________ 

3.0 Point(s) of Receipt:___________________________________ 

Delivering Party:______________________________________ 

4.0 Point(s) of Delivery:__________________________________ 

Receiving Party:_______________________________________ 

5.0 Maximum amount of capacity and energy to be transmitted (Reserved 

Capacity):___________________________________ 

6.0 Designation of party(ies) subject to reciprocal service obligation: 

________________________________________________________________________

________________________________________________________________________

________________________________________________________________________ 

7.0 Name(s) of any Intervening Systems providing transmission service: 

_______________________________________________________________________ 

_______________________________________________________________________ 
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8.0 Service under this Agreement may be subject to some combination of the charges 

detailed below.  (The appropriate charges for individual transactions will be determined 

in accordance with the terms and conditions of the Tariff.) 

8.1 Transmission Charge:______________________________ 

__________________________________________________ 

8.2 System Impact and/or Facilities Study Charge(s): 

__________________________________________________ 

__________________________________________________ 

8.3 Direct Assignment Facilities Charge:______________ 

__________________________________________________ 

8.4 Ancillary Services Charges: ______________________ 

__________________________________________________  

__________________________________________________  

__________________________________________________  

__________________________________________________  

__________________________________________________  

__________________________________________________ 
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ATTACHMENT A-1 

 

FORM OF SERVICE AGREEMENT FOR THE RESALE, REASSIGNMENT OR 

TRANSFER OF POINT-TO-POINT TRANSMISSION SERVICE 

 

1.0  This Service Agreement, dated as of _______________, is entered into, by and between 

_____________ (the Transmission Provider), and____________ (the Assignee). 

 

2.0  The Assignee has been determined by the Transmission Provider to be an Eligible 

Customer under the Tariff pursuant to which the transmission service rights to be 

transferred were originally obtained. 

 

3.0  The terms and conditions for the transaction entered into under this Service Agreement 

shall be subject to the terms and conditions of Part II of the Transmission Provider’s 

Tariff, except for those terms and conditions negotiated by the Reseller of the reassigned 

transmission capacity (pursuant to Section 23.1 of this Tariff) and the Assignee , to 

include: contract effective and termination dates, the amount of reassigned capacity or 

energy, Point(s) of Receipt and Delivery. Changes by the Assignee to the Reseller’s 

Points of Receipt and Points of Delivery will be subject to the provisions of Section 23.2 

of this Tariff. 

 

4.0  The Transmission Provider shall credit the Reseller for the price reflected in the 

Assignee’s Service Agreement or the associated OASIS schedule. 

 

5.0  Any notice or request made to or by either Party regarding this Service Agreement shall 

be made to the representative of the other Party as indicated below. 
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Transmission Provider: 

 

______________________________ 

 

______________________________ 

 

______________________________ 

 

 

Assignee: 

 

______________________________ 

 

______________________________ 

 

______________________________ 

 

6.0  The Tariff is incorporated herein and made a part hereof. 

 

IN WITNESS WHEREOF, the Parties have caused this Service Agreement to be 

executed by their respective authorized officials. 

 

Transmission Provider: 

 

 

By: __________________________ ____________________  ___________ 

Name      Title     Date 

 

 

 

Assignee: 

 

 

By: _________________________ ______________________  _________ 

Name      Title     Date 
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Specifications For The Resale, Reassignment Or Transfer of 

Long-Term Firm Point-To-Point Transmission Service 

 

1.0  Term of Transaction: ___________________________________ 

 

Start Date: ___________________________________________ 

 

Termination Date: _____________________________________ 

 

2.0  Description of capacity and energy to be transmitted by Transmission Provider including 

the electric Balancing Authority Area in which the transaction originates. 

 

_______________________________________________________ 

 

3.0  Point(s) of Receipt:_______________________________________ 

 

Delivering Party:_________________________________________ 

 

4.0  Point(s) of Delivery:______________________________________ 

 

Receiving Party:_________________________________________ 

 

5.0  Maximum amount of reassigned capacity: ____________________ 

 

6.0 Designation of party(ies) subject to reciprocal service obligation: 

____________________________________________________________ 

 

____________________________________________________________ 

 

____________________________________________________________ 

 

7.0 Name(s) of any Intervening Systems providing transmission service: 

 

____________________________________________________________ 

 

____________________________________________________________ 
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8.0  Service under this Agreement may be subject to some combination of the charges 

detailed below. (The appropriate charges for individual transactions will be determined in 

accordance with the terms and conditions of the Tariff.) 

 

8.1  Transmission Charge:________________________________ 

 

__________________________________________________ 

 

8.2  System Impact and/or Facilities Study Charge(s): 

 

__________________________________________________ 

 

__________________________________________________ 

 

8.3  Direct Assignment Facilities Charge:____________________ 

 

__________________________________________________ 

 

8.4  Ancillary Services Charges: ___________________________ 

 

__________________________________________________ 

 

__________________________________________________ 

 

__________________________________________________ 

 

__________________________________________________ 

 

__________________________________________________ 

 

__________________________________________________ 

 

 

9.0  Name of Reseller of the reassigned transmission capacity: 

 

_______________________________________________________ 

 



 

 

1. General 

 

1.1 General Statement. 

 

This Attachment C prescribes the specific methodology for calculating Available Transfer 

Capability (―ATC‖) posted on the Transmission Provider’s OASIS, as required in Section 4 of 

this OATT.  The Transmission Provider utilizes a Flowgate Methodology for calculating ATC.  

The Transmission Provider will develop and maintain implementation documents for the 

calculations specified below. 

 

1.2 Definitions 

 

The terms used in this Attachment C shall have the meanings as defined in this section 

1.2 or as otherwise defined in this OATT. 

 

1.2.1 Available Flowgate Capability (―AFC‖)  

 

A measure of the flow capability remaining on a Flowgate for further commercial activity over 

and above already committed uses.  It is defined as TFC less ETC, less a CBM, less a TRM, plus 

Postbacks, and plus Counterflows. 

 

1.2.2 Available Transfer Capability (―ATC‖) 

 

A measure of the transfer capability remaining in the physical transmission network for further 

commercial activity over and above already committed uses.  It is defined as TTC less ETC 

(including retail customer service), less a CBM, less a TRM, plus Postbacks, plus Counterflows. 

 

1.2.3 Available Transfer Capability Implementation Document (―ATCID‖) 

 

A document that describes the implementation of a methodology for calculating ATC or AFC, 

and provides information related to a Transmission Service Provider’s calculation of ATC or 

AFC. 

 

1.2.4 Base Loading  

 

The determined loading on a Flowgate resulting from the net effect of modeled existing 

transmission service commitments for the purpose of serving firm network load from NR and 

impacts from existing OASIS commitments, including rollover rights as established in section 

2.2 of the OATT.  

 

1.2.5 Capacity Benefit Margin (―CBM‖) 

 

The amount of firm transmission transfer capability preserved by the transmission provider for 

LSE, whose loads are located on the Transmission Provider’s system, to enable access by the 

LSEs to generation from interconnected systems to meet generation reliability requirements.  

Preservation of CBM for an LSE allows that entity to reduce its installed generating capacity 



 

 

 

 

below that which may otherwise have been necessary without interconnections to meet its 

generation reliability requirements.  The transmission transfer capability preserved as CBM is 

intended to be used by the LSE only in times of emergency generation deficiencies. 

 

1.2.6 Contractual Limit  

 

Contractual arrangements among two or more Transmission Owners that define transfer 

capability.  

 

1.2.7 Counterflows 

 

Adjustments to AFC as determined by the Transmission Provider and specified in [the] its  

ATCID. 

 

1.2.8 Designated Resource (―DR‖) 

 

As defined in Section 1 of the Tariff. 

 

1.2.9 Existing Transmission Commitments (―ETC‖) 

 

Committed uses of the Transmission Provider’s Transmission System considered when 

determining ATC or AFC.   

 

1.2.10 Flowgate 

 

A mathematical construct, comprised of one or more monitored transmission facilities and 

optionally one or more contingency facilities, used to analyze the impact of power flows upon 

the bulk electric system.   

 

1.2.11 Load-Serving Entity (―LSE‖) 

 

Secures energy and transmission service (and related Interconnected Operations Services) to 

serve the electrical demand and energy requirements of its end-use customers. 

 

1.2.12 Network Customer 

 

An entity receiving transmission service pursuant to the terms of the Transmission Provider's 

Network Integration Transmission Service under Part III of the Tariff. (OATT Section 1.20) 

 

1.2.13 Network Integration Transmission Service 

 

The transmission service provided under Part III of the Tariff. (OATT Section 1.21) 

 

1.2.14 Network Resource (―NR‖) 

 

As defined in Section 1 of the Tariff. 



 

 

 

 

 

1.2.15 Operating Procedure 

 

A document that identifies specific steps or tasks that should be taken by one or more specific 

operating positions to achieve specific operating goal(s).  The steps in an Operating Procedure 

should be followed in the order in which they are presented, and should be performed by the 

position(s) identified.   

 

1.2.16 Outage Transfer Distribution Factor (―OTDF‖) 

 

In the post-contingency configuration of the Transmission Provider’s system, the electric PTDF 

with one or more system facilities removed from service (outaged).   

 

1.2.17 Postbacks  

 

Positive adjustments to ATC or AFC. 

 

1.2.18 Power Transfer Distribution Factor (―PTDF‖) 

 

In the pre-contingency configuration of the Transmission Provider’s system, a measure of the 

responsiveness or change in electrical loadings on transmission system facilities due to a change 

in electric power transfer from one area to another, expressed in percent (up to 100%) of the 

change in power transfer.   

 

1.2.19 Real-Time Response Factor Calculator (―RTRFCALC‖) 

 

The application used for constructing models and calculating a component of ETC and DFs 

utilizing forecasted inputs and expected topology of future horizons for AFC calculations. 

 

 1.2.20 SPP Reliability Coordination Area 

 

The collection of generation, transmission, and load that operate within the boundaries of the 

Balancing Authority Areas for which SPP provides Reliability Coordination services. 

 

1.2. 21 Total Flowgate Capability (―TFC‖) 

 

The maximum flow capability on a Flowgate, is not to exceed its thermal rating, or in the case of 

a Flowgate used to represent a specific operating constraint (such as a voltage or stability limit), 

is not to exceed the associated system operating limit. 

 

1.2.22 Distribution Factor (―DF‖) 

 

The portion of an Interchange Transaction, typically expressed in per unit that flows across a 

transmission facility (Flowgate). Used interchangeably for either OTDF or PTDF.   

 

1.2.23 Transmission Reliability Margin (―TRM‖) 



 

 

 

 

 

The amount of transmission transfer capability necessary to provide reasonable assurance that 

the interconnected transmission network will be secure.  TRM accounts for the inherent 

uncertainty in system conditions and the need for operating flexibility to ensure reliable system 

operation as system conditions change.   



 

 

3. ATC Calculations 

 

3.1 ATC Mathematical Equations. 

 

The following equations are used in calculating ATC: 

 

3.1.1 Firm Existing Transmission Commitments (Firm ETC)
*
 

 

Operating Horizon 

 

Firm ETC = (Impacts of NRs and DRs serving load within the SPP Balancing Authority Area) + 

(Σ flows due to Firm Schedules into, out of and through the SPP Balancing Authority Area) 

 

Planning Horizon 

 

Firm ETC = (Impacts of NR serving load within the SPP Balancing Authority Area) + (Σ 

Positive Impacts due to Firm OASIS Commitments, Confirmed, Accepted, and Study)  

 

Study Horizon 

 

Firm ETC = (Impacts of NR serving load within the SPP Balancing Authority Area) + (Σ 

Positive Impacts > 3% due to Firm OASIS Commitments, Confirmed, Accepted, and Study) 

 

3.1.2 Non-Firm Existing Transmission Commitments (Non-Firm ETC) 

 

Operating Horizon 

 

Non-Firm ETC = (Σ Flows due to Non-Firm Schedules into, out of and through the SPP 

Balancing Authority Area) + (Σ Positive Impacts > 3% due to Non-Firm OASIS Commitments, 

Confirmed, Accepted and Study since last AFC calculation) 

 

*Applicable pre-emption requirements of lower priority service types will be considered when 

evaluating requests for transmission service.  Impacts resulting from queued Study reservations 

will be applied according to priority when evaluating requests for transmission service. 

 

Planning Horizon 

 

Non-Firm ETC = (Σ Positive Impacts due to Non-Firm OASIS Commitments, Confirmed, 

Accepted, and Study) - (Σ 50% of Counterflows due to Confirmed Firm OASIS Commitments)  

 

Study Horizon 

 

Non-Firm ETC = (Σ Positive Impacts due to Non-Firm OASIS Commitments, Confirmed, 

Accepted, and Study) 

 

3.1.3 Firm AFC:  



 

 

 

 

 

 • AFC
F 

= TFC – ETC
Fi 

– CBM
i 
– TRM

i 
+ Postbacks

Fi 
+ Counterflows

Fi 
 

 

Where: 

AFC
F 

is the firm Available Flowgate Capability for the Flowgate for that period.  

TFC is the Total Flowgate Capability of the Flowgate.  

ETC
Fi 

is the sum of the impacts of existing firm transmission commitments for the 

Flowgate during that period.  

CBM
i 
is the impact of the Capacity Benefit Margin on the Flowgate during that 

period.  

TRM
i 
is the impact of the Transmission Reliability Margin on the Flowgate during 

that period.  

Postbacks
Fi 

are changes to firm AFC due to a change in the use of Transmission 

Service for that period, as defined in Business Practices.  

Counterflows
Fi 

are adjustments to firm AFC as determined by the Transmission 

Provider and specified in its Available Transfer Capability Implementation 

Document.  

 

3.1.4  Non-Firm AFC:   

 

 • AFC
NF 

= TFC – ETC
Fi 

– ETC
NFi 

– CBM
Si 

– TRM
Ui 

+ Postbacks
NFi 

+ Counterflows  

 

Where: 

AFC
NF 

is the non-firm Available Flowgate Capability for the Flowgate for that 

period.  

TFC is the Total Flowgate Capability of the Flowgate.  

ETC
Fi 

is the sum of the impacts of existing firm transmission commitments for the 

Flowgate during that period.  

ETC
NFi 

is the sum of the impacts of existing non-firm transmission commitments for 

the Flowgate during that period.  

CBM
Si 

is the impact of any schedules during that period using Capacity Benefit 

Margin.  

TRM
Ui 

is the impact on the Flowgate of the Transmission Reliability Margin that has 

not been released (unreleased) for sale as non-firm capacity by the Transmission 

Provider during that period.  



 

 

 

 

Postbacks
NF 

are changes to non-firm Available Flowgate Capability due to a change 

in the use of Transmission Service for that period, as defined in Business 

Practices.  

Counterflows
NF 

are adjustments to non-firm AFC as determined by the Transmission 

Provider and specified in its Available Transfer Capability Implementation 

Document.   

 

3.1.5 Converting Flowgate AFCs to ATCs for ATC Paths: 

  

When converting Flowgate AFCs to ATCs for ATC Paths, the Transmission Provider shall 

convert those values based on the following algorithm:  

 

ATC = min(P)  

P ={PATC
1
, PATC

2
,…PATC

n
}  

PATC
n 

= AFCn / DFnp  

Where:  

ATC is the Available Transfer Capability.  

P is the set of partial ATCs for all ―impacted‖ Flowgates honored by the Transmission 

Provider; a Flowgate is considered ―impacted‖ by a path if the Distribution Factor for that 

path is greater than the percentage threshold
 

used for short-term transmission service used 

by the Transmission Provider on an OTDF Flowgate or PTDF Flowgate. 

  

PATC
n 

is the partial Available Transfer Capability for a path relative to a Flowgate n.  

AFC
n 

is the Available Flowgate Capability of a Flowgate n.  

DF
np 

is the Distribution Factor for Flowgate n relative to path p.  

 

3.2 AFC Calculation Horizons 

 

AFC and ATC values are calculated for the following periods and frequency: 

 

 Hourly values for at least the next 48 hours are calculated at least once per 

hour 

 Daily values for at least the next 31 calendar days are calculated at least 

once per day 

 Monthly values for at least the next 12 months (months 2-13) are 

calculated at least once per week 

 

3.3 Transmission Model Update 

 



 

 

 

 

The transmission models used for AFC calculations are updated for the following periods and 

frequency: 

 

- Operating Horizon, including all hours of the current day (Day 1), and after 12:00 p.m., 

 all hours of the next day (Day 2).  Updated at least once per day. 

 

- Planning Horizon, which extends from the end of the Operating Horizon through the 

 thirty-first day (Day 31).  Updated at least once per day. 

 

- Study Horizon, which extends from the end of the Planning Horizon through the  twelfth 

month (month 12).  Updated at least once per month. 

 

The actual mathematical algorithms for calculating AFC and ATC are posted on the 

Transmission Provider’s website at: http://www.oatioasis.com/SWPP/SWPPdocs/ATC_Algorithm.doc 



 

 

4. Base Case Models 

 

The AFC process generates a base case model that simulates anticipated system conditions.  The 

base system conditions include projected load, generation dispatch, network topology (based on 

system configuration and both planned and contingency outages), and base flow transactions.   

 

The impacts on Flowgates due to transactions outside the purpose of representing NR exchange 

are removed by applying the DFs determined to each transaction identified in the base case. In 

addition to adjusting the model flow in this manner, positive and Counterflows of existing 

OASIS commitments are applied according to the type of Base Loading (Firm or Non-Firm) 

under consideration.  50% of Counterflows resulting from firm Confirmed reservations act to 

reduce the Non-Firm Base Loading.  This process establishes the Base Loading expected to serve 

the Network Load.  

 

The base flows are based on AC power flow calculations performed by RTRFCALC using the 

following data: 

 

- Network topology  

- Hourly load forecast data of the Balancing Authority Areas  

- Net interchange of the Balancing Authority Areas 

- Unit dispatch data  

 

4.1 Operating Horizon 

 

The AFC calculations of the Operating, Planning, and Study Horizons are performed by 

RTRFCALC in combination with webTrans. 

 

WebTrans receives the following information from RTRFCALC: 

 

- base flows for all Flowgates, 

- DFs for all paths, and 

- TFC values for all Flowgates. 

 

The base flows are the product of the AC powerflow calculations performed by RTRFCALC 

using following data: 

 

4.1.1  Network Topology 

 

Network topology is established by the State Estimator. The models for the first four hours 

following the latest State Estimator snapshot include all outages, both planned and contingency, 

that existed in the State Estimator snapshot. Models for the remaining hours of the Operating 

Horizon are adjusted with hour-to-hour outage data of generators, transmission lines and 

transformers as submitted by Balancing Authorities within the SPP Reliability Coordination 

Area and approved by the Reliability Coordinator.  This outage data includes both planned 

outages and contingency outages that are expected to remain in effect for each hour modeled.  



 

 

 

 

The Transmission Provider shall also include outage data from neighboring Reliability 

Coordinators that is available through NERC System Data Exchange (SDX). 

 

  4.1.2 Load Forecast 

 

The hourly load forecast data (for day 1 – day 7) is created by the Transmission Provider for the 

State Estimator model from the short-term and mid-term load forecast tools that use weather data 

from weather stations spread over the Transmission System and historical actual load data 

received from Balancing Authorities within the SPP Reliability Coordination Area. The 

Transmission Provider also includes load forecast data from neighboring Reliability 

Coordinators that is available through NERC SDX. The Transmission Provider derives load 

forecast data for day 8 – day 31 from the data of day 1 – day 7 by applying a factor that 

represents an historical increase or decrease of load on weekly basis during the year. 

 

  4.1.3 Net Interchange 

 

The net interchange of the Balancing Authority Areas that are part of the State Estimator Model 

is based on the existing schedules at the time the RTRFCALC application perform its Operating 

Horizon run at least once per day.  The schedule data is retrieved from NERC Tagdump and 

from SPP’s scheduling system (RTOSS).  

 

  4.1.4 Unit Dispatch  

 

RTRFCALC utilizes unit dispatch data for all units within the SPP Balancing Authority Area and 

for the Balancing Authority Areas adjacent to the SPP Balancing Authority Area. The unit 

dispatch data of commonly dispatched units of a Balancing Authority Area is based on real time 

behavior of the units in the last 3 weeks. The unit dispatch data of units not commonly 

dispatched with the other units of an external Balancing Authority Area, is based on the Firm 

confirmed reservations that have the units’ zone name identified as the source on the 

reservations. 

 

4.2 Planning Horizon 

 

The AFC calculations of the Operating, Planning, and Study Horizons are performed by 

RTRFCALC application in combination with webTrans. 

 

WebTrans receives the following information from RTRFCALC: 

 

- base flows for all Flowgates, 

- DFs for all paths, and 

- TFC values for all Flowgates. 

 

The base flows are a product of the AC power flow calculations performed by RTRFCALC 

using following data: 

 

4.2.1 Network Topology 



 

 

 

 

 

Network topology is established by the State Estimator and adjusted with hour-to-hour outage 

data of generators, transmission lines and transformers. Such outage data shall be as submitted 

by Transmission Operators and Generation Operators that are within the SPP Reliability 

Coordination Area and approved by the Reliability Coordinator.  This outage data includes both 

planned outages and contingency outages that are expected to remain in effect for each time 

period modeled.  The Transmission Provider shall also include outage data from neighboring 

Reliability Coordinators that is available through NERC SDX. 

 

  4.2.2 Load Forecast 

 

The hourly load forecast data (for day 1 – day 7) is created by the Transmission Provider for the 

State Estimator from the short-term and mid-term load forecast tools that use weather data from 

weather stations spread over the Transmission System and historical actual load data received 

from Transmission Operators within the SPP Reliability Coordination Area. The Transmission 

Provider also includes load forecast data from neighboring Reliability Coordinators that is 

available through NERC SDX. The Transmission Provider derives load forecast data for day 8 – 

day 31 from the data of day 1 – day 7 by applying a factor that represents an historical increase 

or decrease of load on weekly basis during the year. 

 

  4.2.3 Net Interchange 

 

Initially, the model assumes the net interchange of the Balancing Authority Areas is 0.  If a 

Balancing Authority Area has a confirmed network reservation from a NR outside the Balancing 

Authority Area boundary, that reservation is incorporated into the net interchange of both 

Balancing Authority Areas.  That particular network reservation will be added to the exclude file 

to prevent double counting of impacts. 

 

  4.2.4 Unit Dispatch 

 

RTRFCALC utilizes unit dispatch data for all units within the SPP Balancing Authority Area and 

for the Balancing Authority Areas adjacent to the the SPP Balancing Authority Area. The unit 

dispatch data of commonly dispatched units of a Balancing Authority Area is based on real time 

behavior of the units in the last 3 weeks. The unit dispatch data of units not commonly 

dispatched with the other units of an external Balancing Authority Area is based on the Firm 

confirmed reservations that have the units’ zone identified as the source on the reservations. 

 

4.3  Study Horizon 

 

The AFC calculations of the Operating, Planning, and Study Horizon are performed by 

RTRFCALC application in combination with webTrans. 

 

WebTrans receives the following information from RTRFCALC: 

- Base flows for all Flowgates, 

- DFs for all paths, and 

- TFC values for all Flowgates. 



 

 

 

 

 

The base flows are a product of the AC power flow calculations performed by RTRFCALC 

using the following data: 

  

  4.3.1  Network Topology 

Network topology is established by the State Estimator and adjusted for outages of generators, 

transmission lines and transformers. Such outage data shall be as submitted by Transmission 

Operators and Generation Operators that are within the SPP Reliability Coordination Area and 

approved by the Reliability Coordinator.  This outage data includes both planned outages and 

contingency outages that are expected to remain in effect for some period within this horizon.  

The Transmission Provider also includes outage data from neighboring Reliability Coordinators 

that is available through NERC SDX. The Transmission Provider includes approved planned 

outages and contingency outages which are active on 15
th

 of the month and last more than 15 

days. 

 

4.3.2  Load Forecast 

 

The Transmission Provider utilizes monthly forecast data from the EIA411 annual report.  For 

Balancing Authority Areas not included in the EIA411 annual report, the Transmission Provider 

uses forecast data that is available through NERC SDX. 

 

  4.3.3  Net Interchange 

 

Initially, the model assumes net interchange of the Balancing Authority Areas is 0.  If a 

Balancing Authority Area has a confirmed network reservation from a NR outside the Balancing 

Authority Area boundary, that reservation is incorporated into the net interchange of both 

Balancing Authority Areas. That particular network reservation will be added to the exclude file 

to prevent double counting of impacts. 

 

  4.3.4  Unit Dispatch 

 

RTRFCALC utilizes unit dispatch data for all units within the SPP Balancing Authority Area and 

for the Balancing Authority Areas adjacent to the Transmission System.  The unit dispatch data 

of commonly dispatched units of a Balancing Authority Area is based on real time behavior of 

the units in the last three weeks.  The unit dispatch data of units not commonly dispatched with 

the other units of an external Balancing Authority Area is based on the Firm confirmed 

reservations that have the units’ zone identified as the source on the reservations. 

 

4.4  Exclusion of Reservations in the Calculations of AFC Values 

 

The Transmission Provider shall exclude or limit certain reservations under the following 

conditions: 

 - If total sum of reservations (Confirmed, Accepted, Study) impacting a specific corridor  

   exceeds the total capacity of the corridor, 



 

 

 

 

 

 - If total sum of reservations (Confirmed, Accepted, Study) sinking in a Balancing  

   Authority Area exceeds the total load of the Balancing Authority Area, 

 

 - If total sum of reservations (Confirmed, Accepted, Study) sourcing from a group of  

   commonly dispatched units exceeds the total available generation capacity of that group  

   of units.  

 

 - If the reservation is a network reservation from a NR outside the Balancing Authority  

   Area boundary and that particular reservation is already included in the base flow  

   calculations of the Study Horizon.  

 

4.5  Resynchronization of Base Loading Values 

 

The Transmission Provider uses webTrans to evaluate Transmission Service requests that are 

submitted by Transmission Customers on OASIS.  RTRFCALC recalculates the base flows and 

DF values of the Operating Horizon every hour at least once per day. 

 

RTRFCALC recalculates the base flows and DF values of the Planning Horizon at least once per 

day. 

 

The base flows of the Study Horizon are calculated and updated in webTrans once per month.  

Every month the Transmission Provider reviews the changes to outage data and, if necessary, 

recalculates the base flows for the Study Horizon to account for the changes in outage data. 

   

Finally, webTrans recalculates Firm and Non-Firm Base Loading upon each change of status of a 

reservation that impacts the relevant Base Loading. WebTrans makes adjustments to Firm and 

Non-Firm Base Loading upon the change of the following inputs: 

 

For Firm ETC 

 

• The transmission capability utilized in serving native load commitments, to include 

native load growth, load forecast error and losses not otherwise included in TRM or 

CBM. 

 

• The impact of Firm Network Integration Transmission Service serving Network Load, 

to 

include load forecast error and losses not otherwise included in TRM or CBM. 

 

• The impact of grandfathered firm Transmission Service agreements and bundled 

contracts for energy and transmission, where executed prior to the effective date of a 

Transmission Service Provider’s OATT or Safe Harbor Tariff accepted by FERC. 

 

• The impact of Firm Point-To-Point Transmission Service into, out of or through the 

SPP Balancing Authority Area. 

 



 

 

 

 

• The impact of maintaining roll-over rights for firm Transmission Service contracts, five 

years or longer in duration, granting Transmission Customers the right of first refusal to 

take or continue to take Transmission Service from a Transmission Owner when the 

Transmission Customer’s Transmission Service contract expires or is eligible for 

renewal. 

 

• The impact of any Ancillary Services not otherwise included in CBM or TRM. 

 

• Postbacks of redirected or released Firm services. 

 

• The impact of Counterflows not otherwise accounted for in the AFC calculation. 

 

• The impact of any other services, contracts, or agreements not specified above using 

transmission that serves native load or Firm Network Integration Transmission Service. 

 

• The impact of any relevant third-party firm Transmission Service that has not already 

been accounted for. 

 

For Non-Firm ETC,  

 

• The impact of Non-Firm Network Integration Transmission Service serving load, to 

include load forecast error and losses not otherwise included in TRM or CBM. 

 

• The impact of grandfathered non-firm Transmission Service Agreements and 

bundled contracts for energy and transmission, where executed prior to the effective date 

of a Transmission Service Provider’s OATT or Safe Harbor Tariff accepted by FERC. 

 

• The impact of Non-Firm Point-To-Point Transmission Service into, out of or through 

the SPP Balancing Authority Area. 

 

• The impact of Counterflows not otherwise accounted for in the ATC calculation. 

 

• Capacity utilized for TRM that the Transmission Service Provider has elected to be 

released for as Non-Firm ATC. 

 

• Postbacks due to the reinstating of Firm from a ―Firm-to-Non-Firm‖ redirect. 

 

• The impact of any relevant third-party non-firm Transmission Service that has not 

already been accounted for. 

 

 4.6  Changes in TFC 

 

In the event of a change in Network Topology due to actual or anticipated system conditions that 

impacts one or more TFC values, the Transmission Provider shall adjust the TFC in the EMS 

RTRFCALC for the applicable time periods. The Network Topology from the SPP State 



 

 

 

 

Estimator shall be adjusted as described in sections 4.1.1, 4.2.1, and 4.3.1 for the applicable 

horizons. 



 

 

ATTACHMENT D 

METHODOLOGY FOR COMPLETING A SYSTEM IMPACT STUDY 

 

Upon receipt of a Completed Application for Short-Term Service and non-firm 

Transmission Service requests of less than one year, the Transmission Provider will determine 

whether transmission transfer capability ("Available Transfer Capability" or "ATC") will be 

available to accommodate the transmission service requested in such Application by applying the 

criteria and practices described in Attachment C to this Tariff.  If sufficient ATC will exist to 

support the transaction described in the Eligible Customer's Application, as supplemented with 

necessary details such as the sources and sinks of the power to be scheduled under the request, 

the Transmission Provider will so inform the Eligible Customer.  If the Transmission Provider 

determines that existing ATC is insufficient to provide the requested service, the Transmission 

Provider will notify the Eligible Customer.  Upon a request by the Eligible Customer, the 

Transmission Provider will tender a Study Agreement to the Eligible Customer for a System 

Impact Study. 

Upon receipt of a completed Study Agreement, the Transmission Provider, in 

coordination with the affected Transmission Owners, will perform a System Impact Study to 

determine whether the request for transmission service can be accommodated through 

construction of Direct Assignment Facilities or Network Upgrades or through redispatch, if 

available. The System Impact Study will provide an estimate of the cost of redispatch.   

If the studies predict that a constraint will occur in the system of a non-SPP transmission 

provider or external Balancing Authority Area, the Transmission Provider will so inform the 

Eligible Customer requesting service.  The Transmission Provider and Eligible Customer will 

need to work with the appropriate parties to determine if the limitation is valid and to determine 

the facility additions or redispatch that may be required by others to support the transfer. The 

Eligible Customer requesting service shall have the option to reduce the request to a level that 

can be sustained without experiencing the constraint. 

System Impact Studies are not performed for Long-Term Service requests.  Long-Term 

Service requests are evaluated through an Aggregate Facilities Study in accordance with the 

procedures set forth in Attachment Z1 to this Tariff.  



 

 

Attachment 1 to the Network Integration Transmission Service Agreement 

BETWEEN SOUTHWEST POWER POOL AND _______________ 

SPECIFICATIONS FOR NETWORK INTEGRATION TRANSMISSION SERVICE 

 

1.0 Network Resources 

The Network Resources are listed in Appendix 1. 

2.0 Network Loads 

The Network Load consists of the bundled native load or its equivalent for Network 

Customer load in the _______________ Zone(s) as listed in Appendix 3. 

 

The Network Customer’s Network Load shall be measured on an hourly integrated basis, 

by suitable metering equipment located at each connection and delivery point, and each 

generating facility.  The meter owner shall cause to be provided to the Transmission 

Provider, Network Customer and applicable Transmission Owner, on a monthly basis 

such data as required by Transmission Provider for billing.  The Network Customer’s 

load shall be adjusted, for settlement purposes, to include applicable Transmission Owner 

transmission and distribution losses, as applicable, as specified in Sections 8.5 and 8.6, 

respectively.  For a Network Customer providing retail electric service pursuant to a state 

retail access program, profiled demand data, based upon revenue quality non-IDR meters 

may be substituted for hourly integrated demand data.  Measurements taken and all 

metering equipment shall be in accordance with the Transmission Provider’s standards 

and practices for similarly determining the Transmission Provider’s load.  The actual 

hourly Network Loads, by delivery point, internal generation site and point where power 

may flow to and from the Network Customer, with separate readings for each direction of 

flow, shall be provided. 

3.0 Affected Zone(s) and Intervening Systems Providing Transmission Service 

The affected Zone(s) is/are ______________.  The intervening systems providing 

transmission service are _______________. 

4.0 Electrical Location of Initial Sources 

See Appendix 1. 

5.0 Electrical Location of the Ultimate Loads 



 

 

 

 

The loads of _______________ identified in Section 2.0 hereof as the Network Load are 

electrically located within the ________________ Zone(s). 

6.0 Delivery Points 

The delivery points are the interconnection points of _______________ identified in 

Section 2.0 as the Network Load. 

7.0 Receipt Points 

The Points of Receipt are listed in Appendix 2. 

8.0 Compensation 

Service under this Service Agreement may be subject to some combination of the charges 

detailed below.  The appropriate charges for individual transactions will be determined in 

accordance with the terms and conditions of the Tariff. 

8.1 Transmission Charge 

Monthly Demand Charge per Section 34 and Part V of the Tariff. 

8.2 System Impact and/or Facility Study Charge 

Studies may be required in the future to assess the need for system reinforcements in light 

of the ten-year forecast data provided.  Future charges, if required, shall be in accordance 

with Section 32 of the Tariff. 

8.3 Direct Assignment Facilities Charge 

8.4 Ancillary Service Charges 

8.4.1 The following Ancillary Services are required under this Service Agreement. 

a) Scheduling, System Control and Dispatch Service per Schedule 1 of the 

Tariff. 

b) Tariff Administration Service per Schedule 1-A of the Tariff. 

c) Reactive Supply and Voltage Control from Generation Sources Service 

per Schedule 2 of the Tariff. 

d) Regulation and Frequency Response Service per Schedule 3 of the Tariff. 

e) Energy Imbalance Service per Schedule 4 of the Tariff. 

f) Operating Reserve - Spinning Reserve Service per Schedule 5 of the 

Tariff. 

g) Operating Reserve - Supplemental Reserve Service per Schedule 6 of the 

Tariff. 



 

 

 

 

The Ancillary Services may be self-supplied by the Network Customer or 

provided by a third party in accordance with Sections 8.4.2 through 8.4.4, with the 

exception of the Ancillary Services for Schedules 1, 1-A, and 2, which must be 

purchased from the Transmission Provider. 

8.4.2 In accordance with the Tariff, when the Network Customer elects to self-supply 

or have a third party provide Ancillary Services, the Network Customer shall 

indicate the source for its Ancillary Services to be in effect for the upcoming 

calendar year in its annual forecasts.  If the Network Customer fails to include this 

information with its annual forecasts, Ancillary Services will be purchased from 

the Transmission Provider in accordance with the Tariff. 

8.4.3 When the Network Customer elects to self-supply or have third party provide 

Ancillary Services and is unable to provide its Ancillary Services, the Network 

Customer will pay the Transmission Provider for such services and associated 

penalties in accordance with the Tariff as a result of the failure of the Network 

Customer’s alternate sources for required Ancillary Services. 

8.4.4 All costs for the Network Customer to supply its own Ancillary Services shall be 

the responsibility of the Network Customer. 

8.5 Real Power Losses - Transmission 

The Network Customer shall replace losses in accordance with Attachment M of the 

Tariff. 

8.6 Real Power Losses - Distribution 

8.7 Power Factor Correction Charge 

8.8 Redispatch Charge 

Redispatch charges shall be in accordance with Section 33.3 of the Tariff. 

8.9 Wholesale Distribution Service Charge 

8.10 Network Upgrade Charges 

8.11 Meter Data Processing Charge 

8.12 Other Charges 

9.0 Credit for Network Customer-Owned Transmission Facilities 

10.0 Designation of Parties Subject to Reciprocal Service Obligation 

11.0 Other Terms and Conditions 



 

 

ATTACHMENT G 

NETWORK OPERATING AGREEMENT 

 

This Network Operating Agreement ("Operating Agreement") is entered into this ____ 

day of __________, ____, by and between _______________ ("Network Customer"), Southwest 

Power Pool, Inc. ("Transmission Provider") and ___________ ("Host Transmission Owner").  

The Network Customer, Transmission Provider and Host Transmission Owner shall be referred 

to individually as a ―Party‖ and collectively as "Parties." 

WHEREAS, the Transmission Provider has determined that the Network Customer has 

made a valid request for Network Integration Transmission Service in accordance with the 

Transmission Provider’s Open Access Transmission Tariff ("Tariff") filed with the Federal 

Energy Regulatory Commission ("Commission"); 

WHEREAS, the Transmission Provider administers Network Integration Transmission 

Service for Transmission Owners within the SPP Region and acts as an agent for these 

Transmission Owners in providing service under the Tariff; 

WHEREAS, the Host Transmission Owner(s) owns the transmission facilities to which 

the Network Customer’s Network Load is physically connected;  

WHEREAS, the Network Customer has represented that it is an Eligible Customer under 

the Tariff; 

WHEREAS, the Network Customer and Transmission Provider have entered into a 

Network Integration Transmission Service Agreement (―Service Agreement‖) under the Tariff; 

and 

WHEREAS, the Parties intend that capitalized terms used herein shall have the same 

meaning as in the Tariff, unless otherwise specified herein. 

NOW, THEREFORE, in consideration of the mutual covenants and agreements herein, 

the Parties agree as follows: 



 

 

1.0 Network Service 

This Operating Agreement sets out the terms and conditions under which the 

Transmission Provider, Host Transmission Owner, and Network Customer will cooperate 

and the Host Transmission Owner and Network Customer will operate their respective 

systems and specifies the equipment that will be installed and operated.  The Parties shall 

operate and maintain their respective systems in a manner that will allow the Host 

Transmission Owner and the Network Customer to operate their systems and the 

Transmission Provider to perform its obligations consistent with Good Utility Practice.  

The Transmission Provider may, on a non-discriminatory basis, waive the requirements 

of Section 4.1 and Section 8.3 to the extent that such information is unknown at the time 

of application or where such requirement is not applicable. 



 

 

4.0 System Planning & Protection 

4.1 No later than October 1 of each year, the Network Customer shall provide the 

Transmission Provider and Host Transmission Owner the following information: 

a) A ten (10) year projection of summer and winter peak demands with the 

corresponding power factors and annual energy requirements on an 

aggregate basis for each delivery point.  If there is more than one delivery 

point, the Network Customer shall provide the summer and winter peak 

demands and energy requirements at each delivery point for the normal 

operating configuration; 

b) A ten (10) year projection by summer and winter peak of planned 

generating capabilities and committed transactions with third parties 

which resources are expected to be used by the Network Customer to 

supply the peak demand and energy requirements provided in (a); 

c) A ten (10) year projection by summer and winter peak of the estimated 

maximum demand in kilowatts that the Network Customer plans to 

acquire from the generation resources owned by the Network Customer, 

and generation resources purchased from others; and 

d) A projection for each of the next ten (10) years of transmission facility 

additions to be owned and/or constructed by the Network Customer which 

facilities are expected to affect the planning and operation of the 

transmission system within the Host Transmission Owner’s Zone. 

This information is to be delivered to the Transmission Provider’s and Host 

Transmission Owner’s Designated Representatives pursuant to Section 2.0. 

4.2 Information exchanged by the Parties under this article will be used for system 

planning and protection only, and will not be disclosed to third parties absent 

mutual consent or order of a court or regulatory agency. 

4.3 The Host Transmission Owner, and Transmission Provider, if applicable, will 

incorporate this information in its system load flow analyses performed during the 

first half of each year.  Following completion of these analyses, the Transmission 

Provider or Host Transmission Owner will provide the following to the Network 

Customer: 



 

 

 

 

a) A statement regarding the ability of the Host Transmission Owner’s 

transmission system to meet the forecasted deliveries at each of the 

delivery points; 

b) A detailed description of any constraints on the Host Transmission 

Owner’s system within the five (5) year horizon that will restrict 

forecasted deliveries; and  

c) In the event that studies reveal a potential limitation of the Transmission 

Provider’s ability to deliver power and energy to any of the delivery 

points, a Designated Representative of the Transmission Provider will 

coordinate with the Designated Representatives of the Host Transmission 

Owner and the Network Customer to identify appropriate remedies for 

such constraints including but not limited to: construction of new 

transmission facilities, upgrade or other improvements to existing 

transmission facilities or temporary modification to operating procedures 

designed to relieve identified constraints.  Any constraints within the 

Transmission System will be remedied pursuant to the procedures of 

Attachment O of the Tariff.  

For all other constraints the Host Transmission Owner, upon 

agreement with the Network Customer and consistent with Good Utility 

Practice, will endeavor to construct and place into service sufficient 

capacity to maintain reliable service to the Network Customer. 

An appropriate sharing of the costs to relieve such constraints will 

be determined by the Parties, consistent with the Tariff and with the 

Commission’s rules, regulations, policies, and precedents then in effect.  If 

the Parties are unable to agree upon an appropriate remedy or sharing of 

the costs, the Transmission Provider shall submit its proposal for the 

remedy or sharing of such costs to the Commission for approval consistent 

with the Tariff. 

4.4 The Host Transmission Owner and the Network Customer shall coordinate with 

the Transmission Provider: (1) all scheduled outages of generating resources and 

transmission facilities consistent with the reliability of service to the customers of 



 

 

 

 

each Party, and (2) additions or changes in facilities which could affect another 

Party’s system.  Where coordination cannot be achieved, the Designated 

Representatives shall intervene for resolution. 

4.5 The Network Customer shall coordinate with the Host Transmission Owner 

regarding the technical and engineering arrangements for the delivery points, 

including one line diagrams depicting the electrical facilities configuration and 

parallel generation, and shall design and build the facilities to avoid interruptions 

on the Host Transmission Owner’s transmission system. 

4.6 The Network Customer shall provide for automatic and underfrequency load 

shedding of the Network Customer Network Load in accordance with the SPP 

Criteria related to emergency operations. 



 

 

6.0 Scheduling Procedures 

6.1 The Network Customer is responsible for providing its Resource and load 

information to the Transmission Provider in accordance with Attachment AE. 

6.2 For Interchange Transactions the Network Customer shall submit, or arrange to 

have submitted, the schedule of Energy to or from the Transmission Provider and 

a NERC transaction identification Tag for each such schedule where required by 

NERC Standard INT-001.   



 

 

7.0 Ancillary Services 

7.1 The Network Customer must make arrangements in appropriate amounts for all of 

the required Ancillary Services described in the Tariff.  The Network Customer 

must obtain these services from the Transmission Provider or, where applicable, 

self-supply or obtain these services from a third party. 

7.2 Where the Network Customer elects to self-supply or have a third party provide 

Ancillary Services, the Network Customer must demonstrate to the Transmission 

Provider that it has either acquired the Ancillary Services from another source or 

is capable of self-supplying the services. 

7.3 The Network Customer must designate the supplier of Ancillary Services. 



 

 

9.0 Connected Generation Resources 

9.1 The Network Customer’s connected generation resources that have automatic 

generation control and automatic voltage regulation shall be operated and 

maintained consistent with regional operating standards, and the Network 

Customer or the operator shall operate, or cause to be operated, such resources to 

avoid adverse disturbances or interference with the safe and reliable operation of 

the transmission system as instructed by the Transmission Provider. 

9.2 For all Network Resources of the Network Customer, the following generation 

telemetry readings shall be submitted to the Transmission Provider and Host 

Transmission Owner: 

1) Analog MW; 

2) Integrated MWHRS/HR; 

3) Analog MVARS; and 

4) Integrated MVARHRS/HR. 



 

 

10.0 Redispatching, Curtailment and Load Shedding 

10.1 In accordance with Section 33 of the Tariff, the Transmission Provider may 

require redispatching of Resources to relieve existing or potential transmission 

system constraints.  The Transmission Provider shall redispatch Resources in 

accordance with the Energy and Operating Reserve Markets operations specified 

in Attachment AE.  The Network Customer shall respond immediately to requests 

for redispatch from the Transmission Provider.  The Transmission Provider will 

bill or credit the Network Customer as appropriate using the settlement 

procedures specified in Attachment AE.   

10.2 The Parties shall implement load-shedding procedures to maintain the reliability 

and integrity for the Transmission System as provided in Section 33.1 of the 

Tariff and in accordance with applicable NERC and SPP requirements and Good 

Utility Practice.  Load shedding may include (1) automatic load shedding, (2) 

manual load shedding, and (3) rotating interruption of customer load.  When 

manual load shedding or rotating interruptions are necessary, the Host 

Transmission Owner shall notify the Network Customer’s dispatcher or 

schedulers of the required action and the Network Customer shall comply 

immediately. 

10.3 The Network Customer will coordinate with the Host Transmission Owner to 

ensure sufficient load shedding equipment is in place on their respective systems 

to meet SPP requirements.  The Network Customer and the Host Transmission 

Owner shall develop a plan for load shedding which may include manual load 

shedding by the Network Customer. 



 

 

11.0 Communications 

11.1 The Network Customer shall, at its own expense, install and maintain 

communication link(s) for scheduling.  The communication link(s) shall be used 

for data transfer and for voice communication. 

11.2 A Network Customer self-supplying Ancillary Services or securing Ancillary 

Services from a third-party shall, at its own expense, install and maintain 

telemetry equipment communicating between the generating resource(s) 

providing such Ancillary Services and the Host Transmission Owner's Zone. 



 

 

13.0 Billing and Payments 

Billing and Payments shall be in accordance with Attachment AE and Section 7 of the 

Tariff. 

 



 

 

I. Redispatch to Accommodate a request for Firm Transmission Service 

A. Purpose 

This Procedure shall apply only to entities that, when applying for Firm Point-To-Point or 

Network Integration Transmission Service, were told that the service could be provided only if 

redispatch occurs, and that agreed to pay redispatch costs.  If an entity in these circumstances 

does not agree to pay redispatch costs, then its request for Firm Point-to-Point or Network 

Integration Transmission Service will be denied in whole or in part.  To the extent the 

Transmission Provider can relieve any system constraint for Firm Point-To-Point or Network 

Integration Transmission Service by redispatching the generation resources of the Transmission 

Owner(s) or other willing generators, it shall do so, provided that the Eligible Customer agrees to 

compensate the Transmission Provider pursuant to the terms of Section 27 of this Tariff and this 

procedure.  The procedure under this Section I is not for the purpose of sustaining non-firm 

service. 

B. Obligations 

The Transmission Provider shall arrange for the redispatch of the generation resources of 

the Transmission Owner(s) or other willing generators for the stated purpose.  As a condition 

precedent to receiving Firm Point-to-Point or Network Integration Transmission Service, a 

Transmission Customer agrees to pay (1) the applicable Transmission Service charges described 

in Schedules 1 through 11; and (2) the actual redispatch cost necessary to relieve transmission 

constraints.  To the extent practical, the redispatch of all such resources shall be on a least cost 

basis.  The total charges to be paid by the Transmission Customer under this Tariff shall not 

exceed the total charges the Transmission Customer would have paid under the Transmission 

Service Tariffs of the Transmission Owners for the Transmission Service in the same amount 

from the same Point of Receipt to the same Point of Delivery unless any additional charges to the 

Transmission Customer are permitted by Commission policy. 

C. Assessment Process 

Upon receipt of an Application for Firm Point-to-Point or Network Integration 

Transmission Service, the Transmission Provider shall make a determination of the availability 

of the requested Firm Transmission Service.  The Transmission Provider's Security Coordination 

Center will identify transmission constraints utilizing generally accepted power system analysis 

techniques.  Where the requested Firm Transmission Service is determined to be not fully 



 

 

 

 

available because of transmission constraints, then the Transmission Provider will assess the 

need for redispatch of generation. 

The procedure to be implemented is as follows: 

1. Determine the available transmission capacity for the requested Firm Transmission 

Service utilizing a load flow computer simulation of the transmission system recognizing 

all firm uses of the system. 

2. Determine the owned generation resources of the Transmission Owners or others that will 

relieve the transmission constraint and the amount of transmission capacity available 

through redispatch. 

3. The Transmission Provider shall inform the Eligible Customer if the Transmission 

Provider concludes that redispatch can sustain the requested Firm Transmission Service. 

4. Any disputes as to compensation for service under this Tariff shall go to dispute 

resolution in accord with the provisions of this Tariff. 

D. Redispatch Costs 

If redispatch services are provided pursuant to this Attachment K, the Transmission Provider will 

in good faith attempt to relieve the constraint through operation of the Energy and Operating 

Reserve Markets described in Attachment AE.  Costs associated with redispatch services shall be 

collected and paid in accordance with the Energy and Operating Reserve Markets settlement 

procedures described in Attachment AE. 



 

 

[Reserved for Future Use] 

 



 

 

[Reserved for Future Use] 

 



 

 

[Reserved for Future Use] 

 



 

 

I. Payments And Distribution Of Revenues 

Payments received under Section 7 of this Tariff by the Transmission Provider, as agent 

for the Transmission Owners, will be distributed in accordance with the provisions of this 

Attachment L.  Payments and distribution of revenues associated with the Integrated 

Marketplace will be made in accordance with Section 8 of Attachment AE.   

 



 

 

IV. Distribution Of Other Revenues 

1. Revenues associated with redispatch service will be paid to the Resource owner 

providing the service for the Transmission Provider in accordance with the 

settlement procedures specified in Attachment AE. 

2. Revenues associated with Reactive Supply and Voltage Control from Generation 

Sources Services under Schedule 2 of the Tariff will be paid to the generation 

owner providing the service for the Transmission Provider consistent with the 

development of the charges under Schedule 2. 

3. Energy or revenues received as compensation for transmission losses shall be 

distributed consistent with Attachment M to the Tariff.  

4. Revenues associated with Scheduling, System Control and Dispatch Service 

under Schedule 1 shall be allocated to the Transmission Owners within the 

transmission system that provide such service as follows: 

 a. For Firm or Non-Firm Point-To-Point Transmission Service, for 

through and out transactions, Schedule 1 charge revenues shall be 

allocated to Transmission Owners in proportion to the respective 

scheduling revenue requirement of each such Transmission Owner 

associated with the provision of this service. 

 b. For Customers taking Firm or Non-Firm Point-To-Point Transmission 

Service, for transactions into and within the Transmission System, 

Schedule 1 charge revenues shall be allocated to Transmission Owner 

whose Zone is the Point of Delivery.  

 c. For Customers taking Network Integration Transmission Service, 

Schedule 1 charge revenues shall be allocated to Transmission Owner 

in whose Zone the load is located. 

5. Revenues associated with Tariff Administration Service under Schedule 1 will 

remain with the Transmission Provider to pay for the costs of providing that 

service.  

6. Payments associated with penalties imposed under this Tariff will be used to 

reduce the Transmission Provider's Scheduling and Tariff Administration Service 



 

 

 

 

costs (though the non-penalty portion of the charge will go back to the 

Transmission Owner(s) that actually provided the service). 

7. Transmission Owner costs associated with System Impact and Facilities Studies 

compensated by the Transmission Customer shall go to the appropriate 

Transmission Owner(s). 

8. The revenues associated with Direct Assignment Facilities shall go directly to the 

Transmission Owner(s) owning the facilities. 

9. The revenues associated with Network Upgrades, not otherwise provided for in 

Section III of this Attachment L, shall be first assigned to the Transmission 

Owner building the Network Upgrades to meet the annual revenue requirements 

of such facilities.  If multiple Transmission Owners construct the facilities, the 

revenues shall be shared in accordance with each Transmission Owner’s 

respective revenue requirement for such facilities or as otherwise agreed by the 

Transmission Owners.  The remaining revenues shall be allocated in accordance 

with Section II of this Attachment L. 

10. The revenues associated with Wholesale Distribution Service shall go directly to 

the Transmission Owner(s) owning the facilities consistent with Schedule 10.  

11. Any additional revenues received under Section 22.1 of the Tariff shall be treated 

in the same manner as revenues under Section II.B.2 for single-owner Zones, and 

Section II.C.2 for multi-owner Zones, of this Attachment L. 

12. All revenues received by the Transmission Provider to compensate a 

Transmission Owner(s) not party to a generation interconnection agreement for 

the construction of Network Upgrades and Distribution Upgrades (as defined in 

Attachment V to the Tariff) associated with such generation interconnection 

agreement will be distributed by the Transmission Provider to the applicable 

Transmission Owner(s). 



 

 

ATTACHMENT M 

LOSS COMPENSATION PROCEDURE 

 

I. PURPOSE 

 This loss compensation procedure will be used to quantify transmission loss energy that 

the Transmission Customer is required to replace to the Transmission Owner(s) under this Tariff.  

The Transmission Customer shall be responsible for replacing the losses due on a real time basis.  

The Transmission Customer shall replace the loss energy to the Control Area(s) affected by the 

transactions in accordance with the options set forth below. 

 Each Transmission Owner shall maintain a schedule showing its allocation of loss energy 

for the provision of transmission service on its system.  For the Commission regulated 

Transmission Owners, these allocations shall be pursuant to Commission approved schedules.  

The average loss factor (LAVG) for each Transmission Owner is stated in Appendix 1 to this 

Attachment M. 

II. LOSS DETERMINATION - NETWORK INTEGRATION TRANSMISSION 

SERVICE 

 The Network Customer is responsible for replacing losses, associated with Network 

Integration Transmission Service to its Network Load, to each Zone in which its Network Load 

is located.  The Network Customer’s loss responsibility is the product of the Zone loss factor and 

the energy delivered within that Zone by the Network Customer. 

 Where a Network Customer has designated Network Load not physically interconnected 

with the Transmission System under Section 31.3, the Network Customer is responsible for 

replacing losses, associated with Network Integration Transmission Service to its Network Load, 

for schedules from Network Resources (as well as other non-designated generation resources) 

located within the Transmission System.  These deemed loss impacts will be determined, and 

allocated to the Transmission Owners, in the same manner as losses for Point-To-Point 

Transmission Service. 

III. LOSS DETERMINATION - POINT-TO-POINT TRANSMISSION SERVICE 

The Transmission Provider shall calculate a loss matrix twice each year to show the 

composite loss factors for each transaction, as a percentage of the transaction, based on the total 

of each Transmission Owner’s pro rata MW-mile impact multiplied by the applicable loss factor 

for energy for such Transmission Owner.  The factors for inclusion in the loss matrix shall be 

determined as follows: 



 

 

 

 

1) For each Transmission Owner, determine a Transaction Participation 

Factor (TPF) which is the MW-mile impact on that Owner expressed as a 

percentage of the MW-mile impacts on all Transmission Owners for the 

given transaction.  The MW mile impacts will be calculated in accordance 

with Attachment S. 

2) The seasonal application of the individual Transmission Owner’s loss 

factors under this Tariff shall be consistent with the Transmission 

Provider’s seasonal calculation of the MW-Mile impact factors under 

Attachment S. 

3) Calculate a weighted system loss factor for each transaction as the sum of 

the products of:  TPF x LAVG for the system of each Transmission Owner. 

The amount of loss energy supplied to and to be replaced by each Transmission Customer for 

each transaction will be determined by multiplying the MWh’s of the schedule by the composite 

loss factor for the transaction.  The amount of loss energy impact on the transmission facilities of 

each Transmission Owner for each transaction will be determined by multiplying the MW’s of 

the schedule by that Owner’s TPF and loss factor (LAVG).  The Transmission Customer shall 

replace the loss energy shown in the loss matrix (as a percentage of the transaction) to the 

Transmission Owners for each transaction.  The Transmission Provider shall be responsible for 

allocating the replaced loss energy among the Transmission Owners consistent with the above 

methodology. 

IV. SETTLEMENT OF LOSSES  

Losses shall be settled in accordance with the Integrated Marketplace settlement 

procedures specified in Attachment AE. 
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ARTICLE ONE 

General Provisions 

1.1 Policy Statement.  In furtherance of competition and the orderly administration of the 

Tariff, SPP shall administer, implement and enforce this Credit Policy.  This Credit 

Policy is intended to encourage the maximum participation of large and small participants 

in all market sectors while minimizing the likelihood of losses due to default.   

 

1.2 Applicability of Credit Policy and Overview. 
 

1.2.1 This Credit Policy is applicable to each Credit Customer.  It applies to each Credit 

Customer regardless of whether SPP previously extended credit to, or established 

a Total Credit Limit for, the Credit Customer. . 

 

1.2.2 As a condition to taking any service subject to this Credit Policy, SPP must 

determine that the Credit Customer satisfies SPP’s credit requirements under this 

Credit Policy and the terms and conditions for an extension of credit.  SPP’s 

determination is a Credit Assessment.  The Credit Assessment is based upon 

quantitative and qualitative credit scoring under the formulae and procedures set 

forth in this Credit Policy.  This Credit Policy provides for initial and ongoing 

Credit Assessments.  In order to facilitate continuous evaluation of credit, it 

requires the submission of Credit Information to SPP periodically and, 

additionally, upon the occurrence of certain events.  Based upon the ongoing 

Credit Assessment, SPP is authorized, at any time, to revise a Credit Customer’s 

Total Credit Limit and the terms and conditions for the extension of credit. 

 

1.2.3 SPP shall conduct initial and ongoing Credit Assessments for each Credit 

Customer, based, as applicable, upon the Credit Application, Credit Information, 

and Credit Ratings.  Credit Information includes: (a) the information contained in 

and submitted with the Credit Customer’s duly executed Credit Application; and 

(b) updated and additional information the Credit Customer is required to submit 

from time to time under this Credit Policy.  Credit Information and Credit 

Ratings, if any, shall be sufficient to enable SPP to determine under this Credit 

Policy whether to approve an extension of credit, and the amount, terms, and 

conditions thereof, including the extent and nature of any Guaranty or Financial 

Security. 

 

1.2.4 Based upon its Credit Assessment, SPP will: (a) determine the Credit Customer’s 

Total Potential Exposure; (b) determine the amount of credit the Credit Customer 

requires; (c) determine whether to grant, and the amount of, any Unsecured Credit 

Allowance; (d) evaluate any Guaranty the Credit Customer offers to provide, 

including a Credit Assessment for the proposed Guarantor; and (e) determine the 

amount of any required Financial Security.  Based on these determinations, which 

shall include consideration of the Credit Customer’s ability to fulfill SPP’s 

requirements to obtain credit, SPP will set the Total Credit Limit for the Credit 

Customer. 



 

 

 

 

 

1.2.5 To facilitate the Credit Assessment, each Credit Customer shall submit a duly 

executed Credit Application in the form attached as Appendix ―A,‖ and the Credit 

Information required under this Credit Policy.  If SPP determines that an 

extension of credit to a Credit Customer must be supported by Financial Security, 

the Credit Customer shall, upon SPP’s request, duly execute the Credit and 

Security Agreement in the form attached as Appendix ―B,‖ without variation.  

Any Letter of Credit shall be substantially in the form attached as Appendix ―C,‖ 

and any Guaranty shall be substantially in the form attached as Appendix ―D.‖  

Any variations in the forms of Letter of Credit and Guaranty must be reasonably 

acceptable to SPP.  

 

1.2.6 This Credit Policy also sets forth separately stated Financial Security 

requirements for Transmission Congestion Rights. 

 

1.3 Components of Credit Policy.  This Credit Policy includes the following elements: 

 

1.3.1 Requirements for the establishment and maintenance of credit applicable to Credit 

Customers. 

 

1.3.2 The basis for establishing a Total Credit Limit for a Credit Customer in order to 

extend credit, but diminish the possibility of failure of payment under the Tariff 

and Agreements. 

 

1.3.3 Forms of Guaranty and Financial Security acceptable to SPP, to be provided if 

SPP does not approve an Unsecured Credit Allowance sufficient to cover the 

Credit Customer’s Total Potential Exposure or to cover Transmission Congestion 

Right activity. 

 

1.3.4 Requirements to facilitate ongoing Credit Assessments. 

 

1.3.5 Specification of Defaults under this Credit Policy and remedies. 

 

1.4 Fairness, Objectivity, and Non-Discrimination.  SPP will seek and receive information 

and explanation from a Credit Customer as appropriate to help ensure that the Credit 

Assessment is fair and thorough.  SPP will base each Credit Assessment upon SPP’s 

evaluation of the Credit Information, Credit Ratings, and other pertinent indicators of 

financial strength identified under this Credit Policy.  SPP shall make each Credit 

Assessment objectively and without undue discrimination in favor of or against any 

market sector.  Whenever this Credit Policy permits SPP to exercise discretion in the 

implementation of the provisions of this Credit Policy, SPP shall exercise that discretion 

in a fair and impartial manner that treats all Credit Customers in a non-discriminatory 

manner.   
 

1.5 Construction and Interpretation.  
 



 

 

 

 

1.5.1 The word ―including‖ shall be understood to mean ―including without limitation.‖  

The singular form of a word shall be understood to include the plural form, and 

vice versa, as appropriate to implement the applicable term or condition. 
 

1.5.2 Except as otherwise stated, the words ―Section‖ and ―Article‖ refer to sections 

and articles of this Credit Policy.  A Section reference includes all subsections and 

subparts of the Section. 
 

1.5.3 All references to amounts of cash, cash deposits, and to monies paid, provided, 

due or otherwise, shall be construed to refer to United States dollars. 
 

1.6 Disputes.  Any disputes arising under this Credit Policy will be subject to the dispute 

resolution procedures set forth in Section 12 of the Tariff. 

 



 

 

ARTICLE TWO 

Definitions 

2.1 Definitions.  The following definitions apply in this Credit Policy.  Capitalized terms 

used herein and not defined herein shall be given the meaning assigned to them under the Tariff. 

 

Affiliate 

A business concern, organization, or individual is an affiliate of another business concern, 

organization, or individual, including a Credit Customer, that directly or indirectly: (a) has the 

power to control or is controlled by it; or (b) is under common control of a third party.  Elements 

of control include interlocking management or ownership, shared facilities and equipment, and 

common use of employees. 

 

Affiliated Credit Customers 

Credit Customers that are Affiliates. 

 

Agreements 

The Tariff, including this Credit Policy, any and all agreements entered into by the Credit 

Customer under, pursuant to or in connection with the Tariff and/or this Credit Policy, and any 

and all other Agreements to which SPP and the Credit Customer are parties. 

 

Auction Clearing Price 

This term shall have the meaning given in Attachment AE of the Tariff. 

 

Auction Revenue Right (ARR) 

This term shall have the meaning given in Attachment AE of the Tariff.   

 

Bid 

This term shall have the meaning given in Attachment AE of the Tariff. 

 

Business Day  

A day on which the Federal Reserve System is open for business. 

 

Cash Deposit 

Cash collateral provided to SPP to secure a Credit Customer’s performance under the Tariff, this 

Credit Policy, and/or any other Agreements, and any other cash to which the Credit Customer 

has title or rights in the possession of SPP (cash SPP has applied to payment of an obligation 

under the Tariff or Agreements is not cash to which a Credit Customer has title or rights). 

 

Central Prevailing Time 

As established by national time standards, either Central Standard Time or Central Day-Light 

Time. 

 

Composite Credit Score or Credit Score 

This term shall have the meaning given in Section 4.2. 

 



 

 

 

 

Credit and Security Agreement 

A legal document, outlining certain terms pursuant to which a security interest in certain 

collateral is granted to SPP, in the form incorporated herein as Appendix ―B‖. 

 

Credit Application 

The completed, executed, and submitted Credit Application in the form attached as Appendix 

―A‖ hereto, together with the Credit Information required under this Credit Policy.  

 

Credit Assessment 

This term shall have the meaning given in Article Three. 

 

Credit Contact 

This term shall have the meaning given in Section 9.1. 

 

Credit Customer 

Any person that takes or seeks to take service under the Tariff including all Transmission Service 

or other services under the Tariff, including any market services. 

 

Credit Information 

This term shall have the meaning given in Section 1.2.3.   

 

Credit Ratings 

Rating assigned by a Rating Agency based on an obligor’s creditworthiness to pay financial 

obligations.  

 

Day-Ahead Market 

This term shall have the meaning given in Attachment AE of the Tariff. 

 

Day-Ahead Market Marginal Congestion Component (MCC)  
This term shall have the meaning given in Section 8.3.1.2 of Attachment AE of the Tariff. 

 

Default or Event of Default 

Any default under Article Eight or otherwise under this Credit Policy. 

 

Estimated TCR Exposure (ETCRE) 

This term shall have the meaning given in Section 5A.1.3. 

 

Estimated Virtual Exposure (“EVE”) 

This term shall have the meaning given in Section 4A.2.   

 

ETCRE Bid 
This term shall have the meaning given in Section 5A.4. 

 

ETCRE Hold 

This term shall have the meaning given in Section 5A.2. 

 



 

 

 

 

ETCRE Offer 

This term shall have the meaning given in Section 5A.5. 

 

FERC 

The Federal Energy Regulatory Commission. 

 

Financial Security 

A Cash Deposit or Irrevocable Letter of Credit in amount and in forms as described in Article 

Seven of this Credit Policy, provided by a Credit Customer to SPP as security. 

 

Financial Statements 

This term shall have the meaning given in Section 3.1.1.1.   

 

Guarantor 

An entity that guarantees the obligation of another entity under a Guaranty. 

 

Guaranty 

A legal document used by an Affiliate of a Credit Customer pursuant to Article Six to guarantee 

the obligations of such Credit Customer for the benefit of SPP. 

 

Irrevocable Letter of Credit 

An irrevocable standby letter of credit, with SPP as beneficiary, substantially in the form 

attached as Appendix ―C‖ to this Credit Policy and reasonably acceptable to SPP. 

 

Large Company Credit Customers or Large Company 

This term shall have the meaning given in Section 4.2.1. 

 

Locational Marginal Price 

This term shall have the meaning given in Attachment AE of the Tariff. 

 

Market Exposure 

This term has the meaning given in Section 5.2.1. 

 

Material  

The lesser of (i) the materiality standard established by the certified public accounting firm 

performing the Credit Customer’s annual audit, (ii) an amount that equals or exceeds 

five percent (5%) of the Credit Customer’s Tangible Net Worth using the last audited financial 

statements, calculated in accordance with generally acceptable accounting principles; and (iii) a 

change, event, proceeding, or other occurrence, that results (or if adversely determined could 

result) in a change of five percent (5%) or more in the Credit Customer’s Tangible Net Worth 

compared to the Tangible Net Worth of the Credit Customer using the last audited financial 

statements, calculated in accordance with generally acceptable accounting principles. 

 

Material Adverse Change 

This term shall have the meaning given in Section 3.2.7.  

 



 

 

 

 

Not-For Profit Credit Customers or Not-For-Profit 

This term shall have the meaning given in Section 4.2.3. 

 

Offer 

This term shall have the meaning given in Attachment AE of the Tariff. 

 

Operating Day 

This term shall have the meaning given in Attachment AE of the Tariff. 

 

Operating Hour 
This term shall have the meaning given in Attachment AE of the Tariff. 

 

Peak Market Activity Day 

The day in which a Credit Customer’s calculated charges owed to SPP are the greatest, over a 

specified period.  

 

Potential Exposure Window 

The number of days of credit exposure for a Credit Customer equal to the sum of days of service 

that have been invoiced but not paid, days of service that have been calculated but not invoiced, 

days of service in the cure period, and days before service can be terminated. 

 

Qualitative Score 

This term has the meanings applicable under Article Four.  

 

Quantitative Score 

This term has the meanings applicable under Article Four. 

 

Rating Agency(ies) 

Any Rating Agency that is a ―Nationally Recognized Statistical Rating Organizations‖ as defined 

by the US Securities Exchange Commission.  Currently there are four — Dominion Bond Rating 

Service Ltd., Fitch, Inc., Moody's Investors Service, and the Standard & Poor's Division of the 

McGraw Hill Companies Inc. 

 

Real-Time 

This term shall have the meaning given in Attachment AE of the Tariff. 

 

Real-Time Balancing Market 

This term shall have the meaning given in Attachment AE of the Tariff. 

 

SEC 

The Securities and Exchange Commission. 

 

Settlement Location 

This term shall have the meaning given in Attachment AE of the Tariff. 

 

Settlement Statement 



 

 

 

 

This term shall have the meaning given in Attachment AE of the Tariff. 

 

Small Company Credit Customers or Small Company 

This term shall have the meaning given in Section 4.2.2. 

 

Tangible Net Worth 

This term shall have the meaning given in Section 4.3.   

 

TCR Final Reference Price 
This term shall have the meaning given in Section 5A.2.1. 

 

TCR Mean Price 

This term shall have the meaning given in Section 5A.2.1. 

 

TCR Portfolio Credit Requirement 

This term shall have the meaning given in Section 5A.3. 

 

TCR Stress Test Price 

This term shall have the meaning given in Section 5A.2.1. 

 

Total Credit Limit 

This term shall have the meaning given in Section 4.5. 

 

Total Potential Exposure or TPE 

SPP’s estimate of the Credit Customer’s current or anticipated transaction activity and resulting 

obligations for all services under the Tariff or otherwise, excluding Transmission Congestion 

Rights activity.  

 

Total Potential Exposure Violation 

This term shall have the meaning given in Section 5.4.1.   

 

Total TCR Credit Requirement 

Total TCR Credit Requirement is the amount of Financial Security a Credit Customer must 

provide in order to support the TCR positions that it holds and/or for which it is submitting Bids 

and Offers.   

 

Transmission Congestion Right (TCR)  

This term shall have the meaning given in Attachment AE of the Tariff. 

 

Transmission Congestion Right Auction (TCR Auction) 
This term shall have the meaning given in Attachment AE of the Tariff. 

 

Transmission Service Potential Exposure 

This term shall have the meaning give in Section 5.2.2. 

 

Unsecured Credit Allowance 



 

 

 

 

This term shall have the meaning given in Section 4.3. 

 

Virtual Energy Bid,  

This term shall have the meaning given in Attachment AE of the Tariff. 

 

Virtual Energy Offer 

This term shall have the meaning given in Attachment AE of the Tariff. 

 



 

 

ARTICLE THREE 

Credit Assessment 

 

3.1 Minimum Criteria for Market Participation and Initial Credit Assessment.  

 

3.1.1 Credit Application and Credit Information.  A Credit Customer must submit a 

completed and duly executed Credit Application.  A completed Credit 

Application includes submission of the Credit Application form (Appendix ―A‖), 

all information required under Section 3.1.1, and additional information that SPP 

may request.  The Credit Customer must submit the following information with 

its Credit Application. 

 

3.1.1.1 Audited Financial Statements and Related Information.  All 

annual Financial Statements submitted must be audited.  Financial 

Statements are the following. 

 

a. If the Credit Customer is subject to SEC reporting 

requirements, Financial Statements are: 

 

i. Annual Reports on Form 10-K for the three fiscal 

years most recently ended, together with any 

amendments thereto; 

ii. Quarterly Reports on Form 10-Q for each 

completed fiscal quarter of the then current fiscal 

year, together with any amendments thereto; and 

iii.  Form 8-K reports, if any, filed after the most recent 

Form 10-K. 

b. If the Credit Customer is not subject to SEC reporting 

requirements, Financial Statements are: 

 

i. For each of the three fiscal years most recently 

ended, the Report of Independent Accountants (for 

each of the three fiscal years most recently ended); 

and audited financial statements, including balance 

sheet, income statement, statement of cash flow, 

and statement of stockholder’s equity; 

ii. For each completed fiscal quarter of the then current 

fiscal year; financial statements as described in (i) 

above. Unaudited quarterly financial statements are 

acceptable. 

iii. Notes to financial statements; and  

iv. Management’s discussion and analysis, if any. 

 

c. The Credit Customer may submit Financial Statements by 

informing SPP, in writing, where the Financial Statements 



 

 

 

 

can be retrieved through the internet.  Successful retrieval 

by SPP will satisfy the Financial Statements submission 

requirements of this Section.  If SPP is not satisfied with 

the retrieval through the internet, it may require the Credit 

Customer to submit Financial Statements in hard copy 

form. 

 

d. In the event any parts of the Financial Statements required 

under this Section are inapplicable to the Credit Customer, 

SPP may specify alternate requirements.  SPP may request 

additional Financial Statements and related information at 

its sole discretion. 

 

e. For Not-For-Profit Credit Customers, some of the above 

financial submittals may not be applicable, and alternate 

requirements may be specified by SPP. 

 

f. In the credit evaluation of Not-For-Profit Credit Customers, 

SPP may request additional information as part of the 

overall financial review process and will consider other 

relevant factors in determining financial strength and 

creditworthiness.   

 

3.1.1.2 References.  The Credit Customer must provide at least one bank 

reference and at least three references from entities that have 

significant commercial relationships with the Credit Customer.  

 

3.1.1.3 Loss Contingencies.  The Credit Customer must fully and 

accurately identify and describe each of the following, or state that 

there are no such matters applicable to the Credit Customer: 

 

a. known pending or, to the Credit Customer’s knowledge, 

threatened, court actions, arbitration proceeding, 

investigations, commitments, claims, contingencies, or 

existing or potential liabilities that are or would be Material 

if determined adversely to the Credit Customer;  

 

b. ongoing investigations by the SEC, the FERC, or of any 

other governing, regulatory, or standards body that is 

Material or would be Material if determined adversely to 

the Credit Customer; 

 

c. prior bankruptcy declarations or petitions, voluntary or 

involuntary, by or against the Credit Customer, its 

predecessors, subsidiaries or Affiliates; and 

 



 

 

 

 

d. Material defalcations or fraud by or involving the Credit 

Customer, its predecessors, subsidiaries or Affiliates, or 

any of their respective assets. 

 

3.1.1.4 Affiliates.  The Credit Customer must identify all Affiliates that 

are Credit Customers.   

 

3.1.1.5 Total Potential Exposure Information.  The Credit Customer 

shall provide an estimate of its current or anticipated transaction 

activity for all services under the Tariff or otherwise over the 

succeeding twelve months, excluding Transmission Congestion 

Rights activity, sufficient to permit SPP to determine the Credit 

Customer’s Total Potential Exposure. 

 

3.1.1.6 Attestation of Risk Management Capabilities.  Each applying 

Market Participant shall submit to SPP a notarized statement 

signed by an authorized officer in the form attached as “Appendix 

E” to this Attachment X: 

a. Attesting that the officer has signature authority to make 

the statement; 

b. Describing its risk management capabilities and 

procedures, including whether the applying Market 

Participant is engaged in hedging; 

c. Identifying the employee(s) of the Market Participant who 

perform the activities described in (b) above, or if those 

activities are contracted to an external organization, 

identifying such organization; 

d. Defining the special training, skills, experience, and 

industry tenure of those person(s) performing the activities 

described in (b) above; and 

e. Providing any other information that may assist SPP in 

determining the risk management capabilities of the 

applying Market Participant. 

 

Such attestation shall be renewed and updated for each successive 

year of market participation, and shall be submitted to SPP no 

later than April 30 of each year. 

 

If the risk management capabilities of the applying Market 

Participant are deemed insufficient by SPP for the type of service 

that will be undertaken or if the attestation is deemed insufficient 

by SPP to determine the risk management capabilities of the 

applying Market Participant, the applying Market Participant shall 

be declined participation in all SPP markets.  A Market Participant 

will have two (2) Business Days from receipt of notice from SPP 

that its attestation was deemed insufficient to cure any deficiency 



 

 

 

 

identified by SPP prior to being declined participation in SPP 

markets. 

 

3.1.1.7 Additional Information.  At any time and from time to time, SPP 

may request such additional information as SPP determines is 

necessary and appropriate for the Credit Assessment and the Credit 

Customer shall timely provide such additional information.  At any 

time, the Credit Customer may provide SPP with additional 

information that the Credit Customer considers relevant to the 

Credit Assessment. 

 

3.1.1.8 Minimum Criteria for Market Participation.  Each Market 

Participant shall, at a minimum, possess: 

a. A Tangible Net Worth of One Million Dollars ($1,000,000) 

as shown in the most recent fiscal year end audited 

financial statements as described in Section 3.1.1.1; or 

b. Ten Million Dollars ($10,000,000) in assets as shown in the 

most recent fiscal year end audited financial statement as 

described in Section 3.1.1.1; or 

c. A Credit Rating of, or equivalent to, BBB-; or 

d. A Guaranty as described in Article Six of this Attachment 

X, and approved by SPP, through which the audited 

financials or Credit Rating of the Guarantor is used to meet 

at least one of the alternatives specified in (a) through (c) 

above; or 

e. In the event a Market Participant cannot meet at least one 

of the alternatives specified in (a) through (d) above, the 

Market Participant shall, at a minimum, deposit with SPP 

Two Hundred Thousand Dollars ($200,000) in Financial 

Security to be segregated and unavailable to secure any 

market or transmission activity.  Pursuant to election of this 

alternative, if the anticipated activity at time of application 

or actual market activity as determined in Article Five, of 

the Market Participant exceeds One Hundred Thousand 

Dollars ($100,000) in Market Exposure, the Market 

Participant shall provide SPP twice the amount of Financial 

Security that would otherwise be required of the Market 

Participant pursuant to Section 4.4. 

 

If the applying Market Participant  is unable to meet the minimum 

criteria for market participation, the applying Market Participant 

shall be declined participation in all SPP markets.   

 

Failure at any time of a Market Participant to continue to satisfy 

these minimum criteria for market participation shall be deemed a 

Material Adverse Change pursuant to Section 3.2.7. 



 

 

 

 

 

3.1.1.9 Risk Management Verification Process 

 

Through a periodic compliance verification process, SPP shall 

review and verify Market Participants’ risk management policies, 

practices, and procedures pertaining to the Market Participants’ 

activities in the SPP markets.  Such review shall include 

verification that:  

 

1. The risk management framework is documented in a risk 

policy addressing market, credit, and liquidity risks;  

2. The Market Participant maintains an organizational 

structure with clearly defined roles and responsibilities that 

clearly segregates trading and risk management functions;  

3. There is clarity of authority specifying the types of 

transactions into which traders are allowed to enter;  

4. The Market Participant has requirements that traders have 

adequate training or expertise relative to their authority in 

the systems and SPP markets in which they transact;  

5. As appropriate, risk limits are in place to control risk 

exposures;  

6. Reporting is in place to ensure that risks and exceptions 

are adequately communicated throughout the organization;  

7. Processes are in place for qualified independent review of 

trading activities; and 

8. As appropriate, there is periodic valuation or mark-to-

market of risk positions.  

 

SPP may select Market Participants for review on a random basis 

and/or based on identified risk factors such as, but not limited to, 

the SPP markets in which the Market Participant is transacting, 

the magnitude of the Market Participant’s transactions, or the 

volume of the Market Participant’s open positions.  Those Market 

Participants notified by SPP that they have been selected for 

review shall, upon fourteen (14) calendar days notice, provide a 

copy of their current governing risk control policies, procedures, 

and controls applicable to their SPP market activities and shall 

also provide such further information or documentation pertaining 

to the Market Participants’ activities in the SPP markets as SPP 

may reasonably request.  Market Participants selected for risk 

management verification through a random process and 

satisfactorily verified by SPP shall be excluded from such 

verification process based on a random selection for the 

subsequent two years.  SPP shall annually randomly select for 

review no more than twenty percent (20%) of the Market 

Participants. 



 

 

 

 

  

Each selected Market Participant’s continued eligibility to 

participate in the SPP markets is conditioned upon SPP notifying 

the Market Participant of successful completion of SPP’s 

verification, provided, however, that if SPP notifies the Market 

Participant in writing that it could not successfully complete the 

verification process, SPP shall allow such Market Participant 

fourteen (14) calendar days to provide sufficient evidence for 

verification prior to declaring the Market Participant as ineligible 

to continue to participate in SPP’s markets, which declaration 

shall be in writing with an explanation of why SPP could not 

complete the verification.  If, prior to the expiration of such 

fourteen (14) calendar days, the Market Participant demonstrates 

to SPP that it has filed with the Federal Energy Regulatory 

Commission an appeal of SPP’s risk management verification 

determination, then the Market Participant shall retain its 

transaction rights, pending the Commission’s determination on the 

Market Participant’s appeal.  SPP may retain outside expertise to 

perform the review and verification function described in this 

section.  SPP and any third party it may retain will treat as 

confidential the documentation provided by a Market Participant 

under this section, consistent with the applicable provisions of the 

Tariff.  

 

3.1.2 Rating Agency Information.  In the initial Credit Assessment and in subsequent 

and ongoing assessments, SPP will consider Rating Agency reports applicable to 

the Credit Customer.  This review will be focused on the Credit Customer’s 

unsecured, senior long-term debt ratings.  If these ratings are not available, SPP 

will consider issuer ratings. 

 

3.1.3 Power Supply Agent Disclosure Requirements.  A Not-For-Profit Credit 

Customer may request that its suggested Unsecured Credit Allowance calculation 

reflect as equity the outstanding balance of revenue bonds issued by the Not-For-

Profit Credit Customer when such revenue bonds are issued solely in support of 

the Not-For-Profit Credit Customer’s role as power supply agent for not-for-profit 

electric distribution utilities.  In support of such request, the Not-For-Profit Credit 

Customer must provide SPP with the following information: 

 

(a)  Management representation letter stating: 

(i)  Principal amount, in dollars, of revenue bonds outstanding; 

(ii)  Prior to default and after default, debt service on the revenue bonds 

is payable only after operating expenses are paid; 

(iii)  Amounts payable to SPP under this Tariff are operating expenses 

for purposes of the revenue bonds; and 

(iv)  The trustee for the revenue bonds has a valid and binding security 

interest in the revenues or net revenues from the power supply 



 

 

 

 

contracts to secure payment of the revenue bonds and the Not-For-

Profit Customer has not granted any lien thereon prior to the lien of 

the bond resolution.   

 

(b)  Opinion of counsel stating: 

(i)  The power supply contracts are binding obligations of the Not-For-

Profit Credit Customer enforceable in accordance with their terms; 

(ii)  The trustee of the revenue bonds has a valid and binding security 

interest in, or assignment and pledge of, the revenues or net 

revenues from the power supply contracts to secure payment of the 

revenue bonds; 

(iii)  The resolution or other document creating the security interest or 

pledge and providing for the priority of payment is enforceable in 

accordance with its terms; 

(iv)  Prior to default and after default, debt service on the revenue bonds 

is payable only after operating expenses are paid; and 

(v)  All amounts payable to SPP arising from transactions under this 

Tariff are operating expenses for purposes of the revenue bonds. 

 

(c)  All Rating Agency ratings on revenue bond(s). 

 

The opinion of counsel referenced above shall be provided to SPP together with 

copies of the most recent written opinions of counsel, if any, for each member of 

the Not-For-Profit Credit Customer that relate to the enforceability of the power 

supply contract(s). 

 

3.1.4 Guaranties.  If the Credit Customer proposes a Guaranty to establish, contribute 

to, or maintain an Unsecured Credit Allowance, Credit Information required 

under Section 3.1.1 must be submitted with respect to both the Credit Customer 

and the proposed Guarantor. 

 

3.2. Annual and Other Ongoing Credit Assessments. 

 

3.2.1 Purpose of Annual and Other Ongoing Credit Assessments.  At least once 

annually, SPP will review and update its Credit Assessment for each Credit 

Customer.  This will include a review of the Credit Customer’s creditworthiness 

and consideration of revisions of the Credit Customer’s (a) Unsecured Credit 

Allowance; (b) Financial Security requirements; and (c) Total Credit Limit.  In its 

sole discretion, SPP may conduct additional reviews and updates, including 

reviews in response to new facts or occurrences that may bear upon the Credit 

Customer’s creditworthiness.  Unless otherwise stated, all annual information 

required under Section 3.2 shall be provided to SPP no later than 120 days after 

the end of the Credit Customer’s fiscal year. 

 

3.2.2 Procedures for Posting Additional Financial Security or Taking Other 

Corrective Measures.  In the event a Credit Customer experiences a Material 



 

 

 

 

Adverse Change, SPP may invoke its right to require the Credit Customer to post 

additional Financial Security, cease one or more transactions, or take other 

measures to restore confidence in the Credit Customer’s ability to transact safely.  

In addition, based upon the annual or other Credit Assessment, SPP may, at any 

time, revise any (a) Unsecured Credit Allowance; (b) Financial Security 

requirements; and (c) Total Credit Limit, applicable to the Credit Customer.  If 

SPP has upwardly revised the required amount of Financial Security, the Credit 

Customer will have two (2) Business Days from receipt of the notice from SPP to 

provide the required Financial Security, in an amount and form acceptable to SPP.    

Failure to provide additional required Financial Security shall be a Default under 

this Credit Policy and a default under the Tariff. 

 

3.2.3 Rating Agency Information.  The Credit Customer will give notice to SPP of 

any changes to its Credit Ratings within five (5) Business Days of the 

announcement of the change.  

 

3.2.4 Financial Statements.  On an annual basis, and except as otherwise stated with 

respect to quarterly reports, each Credit Customer must provide SPP with updated 

Financial Statements within ten (10) days after they become available, and in no 

event later than 120 days after the end of the Credit Customer’s fiscal year.  

Quarterly reports must be provided quarterly, within ten (10) days after they 

become available.  Financial Statements may be submitted in the manner provided 

under Section 3.1.1.1.  

 

3.2.5 Power Supply Agent Disclosure Requirements.  A Not-For-Profit Credit 

Customer that initially qualified to have its suggested Unsecured Credit 

Allowance calculation reflect as equity the outstanding balance of revenue bonds 

issued by the Not-For-Profit Credit Customer, and is requesting to continue to 

have its suggested Unsecured Credit Allowance calculation reflect as equity the 

outstanding balance of revenue bonds issued by the Not-For-Profit Credit 

Customer when such revenue bonds are issued solely in support of the Not-For-

Profit Credit Customer’s role as power supply agent for not-for-profit electric 

distribution utilities, must at all times comply with the following information 

reporting requirements: 

 

(a)  The Not-For-Profit Credit Customer must advise SPP of the principal 

amount of revenue bonds outstanding on an annual basis; 

 

(b) The Not-For-Profit Credit Customer must advise SPP within ten (10) days 

if the principal amount of the revenue bonds outstanding is reduced by 

more than twenty percent (20%) from the amount last certified by the Not-

For-Profit Credit Customer; 

 

(c)  The Not-For-Profit Credit Customer must advise SPP immediately if the 

security interest of the trustee is released or the Not-For-Profit Credit 

Customer grants any lien prior to the lien of the bond resolution; and 



 

 

 

 

 

(d)  The Not-For-Profit Credit Customer must advise SPP within ten (10) days 

of any downgrade of any of the Not-For-Profit Credit Customer’s revenue 

bond ratings issued by a Rating Agency. 

 

3.2.6 Other Credit Information.  On an annual basis, each Credit Customer must 

provide SPP with the information specified in Section 3.1.1.3 (Loss 

Contingencies), 3.1.1.4 (Affiliates), 3.1.1.6 (Additional Information).  

 

3.2.7 Material Adverse Changes.  Each Credit Customer  must give SPP notice of any 

Material Adverse Change in its financial condition (and, as applicable, the 

financial condition of its Guarantor) within two (2) Business Days of the 

occurrence of the Material Adverse Change.  If a Credit Customer or Guarantor 

files a Form 10-K, Form 10-Q, or Form 8-K with the SEC, notice of such filing, 

timely delivered to SPP in accordance herewith, will suffice on the condition that 

such notice states that the filing addresses a Material Adverse Change.  

 

 A Material Adverse Change in financial condition includes any Material change 

in operations or financial condition that a reasonable examiner of creditworthiness 

would deem material to decisions concerning the extension of credit, including 

but not limited to, any of the following (―Material Adverse Change‖): 

 

a. A downgrade of any debt rating or issuer rating, or change in the outlook 

of any Credit Rating, including debt rating or issuer rating;  

 

b. Any placement on a credit watch with negative implication by a Rating 

Agency; 

 

c. The filing of a lawsuit or initiation of an arbitration, investigation or other 

proceeding (including regulatory proceeding) which if decided adversely 

could have a Material effect on any current or future financial results or 

financial condition; 

 

d. The merger, acquisition or any other form of business combination 

involving the credit customer.  

 

e. Any adverse changes in financial condition which, individually, or in the 

aggregate, are Material; 

 

f. Any adverse changes, events or occurrences which, individually or in the 

aggregate, could affect the ability of the Credit Customer to pay its debts 

as they become due or could have a Material adverse effect on any current 

or future financial results or financial condition;  

 

g. Discovery or disclosure of conflict of interest issues; 

 



 

 

 

 

h. Resignation or removal of a key officer or director; 

 

i. Any action requiring the filing of a Form 8-K; 

 

j. Any report of a quarterly or annual loss or a decline in earnings of ten (10) 

percent or greater compared to the prior period;  

 

k. Any restatement of prior financial statements; and 

 

l. Failure of a Market Participant to continue to satisfy the minimum criteria 

 for market participation specified in 3.1.1.8. 

 

3.2.7.1 Notification of a Material Adverse Change by SPP to a Credit 

Customer.  Upon the occurrence of a Material Adverse Change and prior 

to SPP compelling a Credit Customer to post additional Financial 

Security, cease one or more transactions, or take other measures to restore 

confidence in the Credit Customer’s ability to transact business safely as a 

result of any Material Adverse Change, SPP shall provide, when feasible, 

reasonable advance notice in writing, by fax, electronic mail, hand 

delivery, reputable overnight courier, or first-class mail, to the Credit 

Contact designated by the Credit Customer pursuant to Section 9.1 of this 

Credit Policy.  If delivery to the Credit Contact fails, then SPP may effect 

delivery to any officer, executive, or manager of the Credit Customer.  

Such notice shall identify the reasoning behind the invocation of the 

Material Adverse Change clause and be signed by an authorized 

representative of SPP. 

 

3.2.8 Affiliates.  Each Credit Customer must identify all Affiliates that are Credit 

Customers.   

 

3.2.9 Additional Information.  At any time and from time to time, SPP may request 

such additional information as SPP determines is necessary and appropriate for 

the Credit Assessment and the Credit Customer shall timely provide such 

additional information.  At any time, the Credit Customer may provide SPP with 

additional information that the Credit Customer considers relevant to the Credit 

Assessment. 

 

3.2.10 Guaranties.  If the Credit Customer relies upon a Guaranty to maintain an 

Unsecured Credit Allowance, Credit Information required under Section 3.2 must 

be submitted with respect to both the Credit Customer and the Guarantor. 

 

3.2.11 Alternate Requirements.  For Not-For-Profit Credit Customers, some of the 

above financial submittals may not be applicable, and alternate requirements may 

be specified by SPP.   

 



 

 

 

 

3.2.12 In the credit evaluation of Not-For-Profit Credit Customers, SPP may request 

additional information as part of the overall financial review process and will 

consider other relevant factors in determining financial strength and 

creditworthiness.   

 

3.3 SPP Rights to Use Other Information.  Notwithstanding any provision of this Credit 

Policy, SPP shall have the right to utilize, in a Credit Assessment, any information of 

which it is aware concerning the Credit Customer. 

 

3.4 Positive Material Change in Financial Condition of the Credit Customer.  If there is 

a positive Material change in the financial condition of the Credit Customer, a significant 

reduction in the Total Potential Exposure of the Credit Customer, or any other change 

that the Credit Customer believes may warrant an increase in the Credit Customer’s 

Unsecured Credit Allowance and/or a reduction in the Financial Security required of the 

Credit Customer, the Credit Customer may make a written request to SPP to update the 

Credit Assessment and include or refer to any supporting information.  SPP may request 

any Credit Information described in Section 3.2 to evaluate the merit of the Credit 

Customer’s request.  SPP anticipates that it will respond to the Credit Customer’s request 

within a reasonable period of time, generally within ten (10) Business Days after 

receiving all information that is required for an ongoing review as required in this Article.  



 

 

ARTICLE FOUR 

Creditworthiness and Total Credit Limit 

 

4.1 Creditworthiness Overview.  SPP will establish a Total Potential Exposure for each 

Credit Customer based on the Credit Customer’s estimated cumulative financial 

obligation arising under the Tariff or otherwise to SPP, excluding Transmission 

Congestion Rights activity, as provided in Article 5.  The Total Potential Exposure is the 

amount that the Credit Customer must support with credit.  Transmission Congestion 

Rights activity must be supported with Financial Security as provided in Article 5A.  The 

credit will consist of a combination of the Unsecured Credit Allowance and Financial 

Security, or either of them.  SPP will determine the Credit Customer’s Unsecured Credit 

Allowance based upon the Composite Credit Score.  The Composite Credit Score, as 

defined herein, is a determination of financial strength and creditworthiness, based upon 

the Credit Assessment.  Where Credit Customers are Affiliates of each other, an 

aggregate Unsecured Credit Allowance will be established for the Affiliates, as provided 

below. Financial Security is an Irrevocable Letter of Credit or other collateral in 

accordance with this Credit Policy.  If the Credit Customer’s Unsecured Credit 

Allowance is less than its Total Potential Exposure, the Credit Customer will be required 

either to establish additional credit in the amount of the difference by posting Financial 

Security or to decrease its Total Potential Exposure.  A Credit Customer’s total credit 

with SPP, consisting of the Unsecured Credit Allowance and any Financial Security, is 

the Credit Customer’s Total Credit Limit.  A Credit Customer may provide additional 

Financial Security at any time to increase or maintain its Total Credit Limit, for example, 

in order to increase its Total Potential Exposure or to compensate for a reduction in its 

Unsecured Credit Allowance. 

 

4.2 Composite Credit Score.  The ―Composite Credit Score‖ is the numerical result of 

SPP’s scoring process based upon various quantitative and qualitative predictors of 

creditworthiness as set forth in this Section.  The results are scaled from one (1) to six (6) 

with one (1) being the strongest score and six (6) being the weakest.  Key factors in the 

scoring process include financial ratios, years in business, and Credit Ratings.  SPP will 

apply all measures used to determine Composite Credit Scores in a consistent manner.  

The respective models SPP will use to determine the Composite Credit Score for Large 

Company Credit Customers, Small Company Credit Customers, and Not-For-Profit 

Credit Customers are set forth in this Section. 

 

4.2.1 Large Company Credit Scoring.  The Large Company Credit Customer model 

will be utilized for Credit Customers with net fixed assets equal to or in excess of 

$250 million (―Large Company Credit Customers‖ or ―Large Company‖).  The 

Large Company Credit Score will be comprised of a Quantitative Score and a 

Qualitative Score.  Each score is then weighted as shown below to build a 

Composite Credit Score. 

 



 

 

 

 

   Large Company Analysis   Weight 

   Quantitative Score    70%     

   Qualitative Score    30% 

 

4.2.1.1 Quantitative Score.  The Quantitative Score is based on the 

financial ratios below.  These measures will be calculated for each 

Large-Company Credit Customer and compared with benchmarks 

to assign a score of one (1) to six (6) for each measure.  A score of 

one (1) indicates that the Credit Customer has a strong financial 

health with regard to the measure, while a score of six (6) indicates 

poor financial health with regard to the measure.  The following 

measures are used: 

 

a. Current Ratio—Current Assets/Current Liabilities 

 

b. EBIT Interest Coverage—(Interest Expense + Income 

Taxes + Net Income) / Interest Expense 

 

c. Total Debt to Total Capitalization (―TD/TC‖)—(Long 

Term Debt + Current Portion + Other Short Term 

Borrowings) / (Total Debt + Preferred Equity + Common 

Equity) 

 

d. Funds from Operations (―FFO‖) to Total Debt—(Cash 

from Operating Activities - Changes in Operating Assets 

and Liabilities) / (Long Term Debt + Current Portion + 

Other Short Term Borrowings) 

 

The measures are then assessed as follows to calculate the total 

Quantitative Score: 

 
Scale Current EBIT Interest   TD/TC FFO to Total Debt 

1 >1.34  >4.99    <.30  >.350  

2 1.15 – 1.34 3.50 – 4.99   .30 - .39 .271 - .350 

3 1.00 – 1.14 2.50 – 3.49    .40 - .49 .181 - .270 

4 0.85 – 0.99 2.00 – 2.49   .50 - .59 .120 - .180 

5 0.70 – 0.84 1.25 – 1.99   .60 - .69 .070 - .119 

6 <0.70  <1.25    >.69  <.070 

 

The measures are weighted as follows: 

 

Large Company Financial Ratios  Weight 

Current Ratio      10% 

EBIT Interest Coverage    25% 

Total Debt to Total Capitalization  25% 

FFO to Total Debt    40% 

      100% 



 

 

 

 

 

If one or more ratios cannot be calculated due to insufficient data 

to calculate the ratio, the weight that would have been assigned to 

that ratio or ratios will be allocated equally among the remaining 

ratios. 

 

4.2.1.2 Qualitative Score.  The Qualitative Score, also on a scale of one 

(1) to six (6), will assess non-financial measure information about 

a Credit Customer’s creditworthiness.  A score of one (1) indicates 

that the Credit Customer has strong qualitative measures, while a 

score of six (6) indicates poor qualitative measures.  The 

qualitative analysis will take into account a variety of information, 

but at a minimum will include the assessment of the following 

characteristics: 

 

-Management 

-Regional / Commodity Diversity 

-Physical Liquidity 

-Financial Liquidity 

-Quality of Equity 

-Volatility of Earnings 

-Regulation/Rates 

-Senior Unsecured Debt Rating 

-SPP Payment Record 

-Risk Procedures 

 

4.2.1.3 Composite Credit Score.  The Composite Credit Score is the 

weighted average of the Quantitative Score and the Qualitative 

Score.  To illustrate, assume the following: 

 

Large Company Qualitative Score = 4.0 

 

Large Company Financial Measures: 

 

      Value  Score            Weight 

Current Ratio      .82  5            10% 

EBIT Interest Coverage    2.08  4            25% 

Total Debt to Total Capitalization .63  5            25% 

FFO to Total Debt    .17  4            40% 

 

Large Company Quantitative Score =  

(5 x 10%) + (4 x 25%) + (5 x 25%) + (4 x 40%) = 4.35 

 

Large Company Credit Score = (4.35 x 70%) + (4 x 30%) = 4.25 

 



 

 

 

 

4.2.2 Small Company Credit Scoring.  The Small Company model will be utilized for 

Credit Customers with net fixed assets less than $250 million (―Small Company 

Credit Customers‖ or ―Small Company‖).  The Small Company Composite Credit 

Score will be comprised of a Quantitative Score and a Qualitative Score.  Each 

score is then weighted as shown below to build a Composite Credit Score. 

 

Small Company Analysis   Weight 

Quantitative Score    70%     

Qualitative Score    30% 

 

4.2.2.1 Quantitative Score.  The Quantitative Score is based on the 

financial ratios below.  These measures will be calculated for each 

Small Company Credit Customer and compared with benchmarks 

to assign a score of one (1) to six (6) for each measure.  A score of 

one (1) indicates that the Credit Customer has a strong financial 

health with regard to the measure, while a score of six (6) indicates 

poor financial health with regard to the measure.  The following 

measures are used:  

 

a. Current Ratio—Current Assets/Current Liabilities 

 

b. EBIT Interest Coverage—(Interest Expense + Income 

Taxes + Net Income) / Interest Expense 

 

c. Total Liabilities to Total Net Worth (―TL/TNW‖)—(Total 

Liabilities) / (Total Equity-Intangibles-Treasury Stock) 

 

d. Funds from Operations (―FFO‖) to Total Debt—(Cash 

from Operating Activities - Changes in Operating Assets 

and Liabilities) / (Long Term Debt + Current Portion + 

Other Short Term Borrowings) 

 

e. Return on Assets (―ROA‖)—Net Income / Total Assets 

 

The values are then assessed as follows to calculate the total 

Quantitative Score: 

 

Scale    Current EBIT Interest   TL/TNW FFO to Total Debt    ROA 
1   >2.50  >4.99         <0.40  >.350     >.120 

2   1.75 – 2.50 3.50 – 4.99      0.40 - 0.70  .271-.350                  .100 - .120 

3   1.40 – 1.74 2.50 – 3.49      0.71 – 1.49  .181 - .270               .075 - .099 

4   1.15 – 1.39 2.00 – 2.49      1.50 – 2.25  .120 - .18                 .045 - .074 

5   1.00 – 1.14 1.25 – 1.99      2.26 – 4.00  .070 - .119               .015 - .044 

6   <1.00  <1.25        >4.00   <.070    <.015 

 

The measures are weighted as follows: 

 

Small Company Financial Ratios  Weight 



 

 

 

 

Current Ratio      25% 

    EBIT Interest Coverage    10% 

    Total Liabilities / Total Net Worth  25% 

    FFO to Total Debt    15% 

    ROA      25% 

                   100% 

 

If one or more ratios cannot be calculated due to insufficient data 

to calculate the ratio, the weight that would have been assigned to 

that ratio or ratios will be allocated equally among the remaining 

ratios. 
 

4.2.2.2 Qualitative Score.  The Qualitative Score, also on a scale of one 

(1) to six (6), will assess non-financial measure information about 

a Credit Customer’s creditworthiness.  A score of one (1) indicates 

that the Credit Customer has strong qualitative measures, while a 

score of six (6) indicates poor qualitative measures.  The 

qualitative analysis will take into account a variety of information, 

but at a minimum will include the assessment of the following 

characteristics: 

 

-Management 

-Regional / Commodity Diversity 

-Physical Liquidity 

-Financial Liquidity 

-Quality of Equity 

-Volatility of Earnings 

-Regulation/Rates 

-Peer Comparison using SIC codes 

-Senior Unsecured Debt Rating 

-SPP Payment Record 

 

4.2.2.3 Composite Credit Score.  The Composite Credit Score is the 

weighted average of the Quantitative Score and the Qualitative 

Score.  To illustrate, assume the following: 

 

Small Company Qualitative Score = 4 

 

Small Company Financial Measures: 

 

      Value  Score             Weight 

Current Ratio     1.10  5            25% 

EBIT Interest Coverage    1855.00 1           10% 

Total Liabilities / Total Net Worth 2.47  5            25% 

FFO to Total Debt    0.03  6           15% 

ROA     0.02  5               25% 

 



 

 

 

 

Small Company Quantitative Score = 

(5 x 25%) + (1 x 10%) + (5 x 25%) + (6 x 15%) + (5 x 25%) = 4.75 

 

Small Company Credit Score = 

(4.75 x 70%) + (4 x 30%) = 4.53 

 

4.2.3 Not-For-Profit Credit Scoring.  The Not-For-Profit model will be utilized for 

Credit Customers who are not structured to generate profits for investors (―Not-

For-Profit Credit Customers‖ or ―Not-For-Profit‖), including electric 

cooperatives, municipalities, and government agencies.  The Not-For-Profit 

Composite Credit Score will be comprised of a Quantitative Score and a 

Qualitative Score.  The lower of the Composite Credit Score calculated using two 

alternative weights for the Quantitative Score and the Qualitative Score as shown 

below shall be used in determining the allocation of the Not-For-Profit Credit 

Customer’s Unsecured Credit Allowance.   

 

 

Not For Profit Credit Customer Analysis Weight 

 Alternative 1 Alternative 2 

Quantitative Score 40% 50% 

Qualitative Score 60% 50% 

 

 

4.2.3.1 Quantitative Score.  The Quantitative Score is based on the 

financial ratios below.  These measures will be calculated for each 

Not-For-Profit Credit Customer and compared with benchmarks to 

assign a score of one (1) to six (6) for each measure.  A score of 

one (1) indicates that the Credit Customer has a strong financial 

health with regard to the measure, while a score of six (6) indicates 

poor financial health with regard to the measure.  The following 

measures, or their substantive equivalents for not-for-profit 

entities, are used: 

 

a. Current Ratio (―CR‖)—Current Assets / Current Liabilities 

 

b. Debt Service Coverage (―DSC‖)—(Operating Income + 

Interest Expense + Depreciation + Interest Income + Cash 

Portion of Capital Credits - Onetime Charges)/(Interest 

Expense + Debt Amortization)  

 

c. Times Interest Earned Ratio (―TIER‖)—(Interest Expense 

+ Patronage Capital or Margins or Changes in Net Assets) / 

(Interest Expense) 

 

d. Total Debt to Total Capitalization (―TD/TC‖)—(Long 

Term Debt + Current Portion + Other Short Term 



 

 

 

 

Borrowings) / (Total Debt + Preferred Equity + Common 

Equity).  Members’ Equity could also be called Net Assets 

or Patronage Capital. 

 

The values are then assessed as follows to calculate the total 

Quantitative Score: 

 

  Not-For-Profit Credit Customer Model Ratio Scales 

 

Scale  CR   DSC  TIER  TD/TC 

1 >1.34  >1.99  >2.00  <.50 

2 1.15 – 1.34 1.50 – 1.99 1.50 – 2.00 .51 - .74 

3 1.00 – 1.14 1.00 – 1.49 1.00 – 1.49 .75 - .85 

4 0.85 – 0.99 0.80 – 0.99 0.80 – 0.99 .86 - .93 

5 0.70 – 0.84 0.60 – 0.79 0.50 – 0.79 .94 - .99 

6 <0.70  <0.60  <0.50  >.99 

 

The measures are weighted as follows: 

 

Not-For-Profit Credit Customer Financial Ratios Weight 

Current Ratio        15% 

Debt Service Coverage     35% 

Times Interest Earned Ratio     20% 

Total Debt / Total Capitalization    30% 

                            100% 

 

If one or more ratios cannot be calculated due to insufficient data to 

calculate the ratio, the weight that would have been assigned to that ratio 

or ratios will be allocated equally among the remaining ratios. 
 

4.2.3.2 Qualitative Score.  The Qualitative Score, also on a scale of one 

(1) to six (6), will assess non-financial measure information about 

a Credit Customer’s creditworthiness.  A score of one (1) indicates 

that the Credit Customer has strong qualitative measures, while a 

score of six (6) indicates poor qualitative measures.  The 

qualitative analysis will take into account a variety of information, 

but at a minimum will include the assessment of the following 

characteristics: 

 

-Regulation/Rates 

-Terms of wholesale power contracts 

-Customer count served 

-Power supply portfolio (e.g., contracts, assets, etc) 

-Management 

-Ability to access short-term capital 

-Senior Unsecured Debt Rating 

-SPP Payment Record 



 

 

 

 

 

4.2.3.3 Composite Credit Score.  The Composite Credit Score is the 

weighted average of the Quantitative Score and the Qualitative 

Score.  To illustrate, assume the following: 

Not-For-Profit Qualitative Score = 2 

 

Not-For-Profit Financial Measures: 

 

      Value  Score  Weight 

Current Ratio     1.42  1  15% 

Debt Service Coverage   1.17  3  35% 

Times Interest Earned Ratio  0.73  5  20% 

Total Debt / Total Capitalization  1.50  6  30% 

 

Not-For-Profit Quantitative Score = 

(1 x 15%) + (3 x 35%) + (5 x 20%) + (6 x 30%) = 4.00  

 

Not-For-Profit Credit Score = 

(4.00 x 40%) + (2.0 x 60%) = 2.80 using Alternative 1, or; 

 

(4.00 x 50%) + (2.0 x 50%) = 3.00 using Alternative 2. 

 

The lower Composite Credit Score resulting from utilizing the two alternatives is 

2.80, so it will be the Composite Credit Score used in allocating this Not-For-Profit 

Credit Customer’s Unsecured Credit Allowance as described in Section 4.3 below. 

 

4.3 Unsecured Credit Allowance.  

 The Composite Credit Score is converted into an ―Unsecured Credit Allowance,‖ which 

is a percentage of Tangible Net Worth. (Tangible Net Worth = Total Equity – Intangibles 

– Treasury Stock).  The Composite Credit Score is a numeric value on a scale of one (1) 

to six (6) with one (1) indicating stronger creditworthiness and six (6) indicating weaker 

creditworthiness.  The conversion into an Unsecured Credit Allowance is based on the 

percentage values stated in Table 1. 

 

Table 1 

 

Composite Credit 
Score  

% Tangible Net Worth 
Small Company 
Model  

% Tangible Net Worth 
Large Company Model  

% Tangible Net Worth 
Not For Profit Model 

       

1.00 - 1.99  5.00%  5.00%  7.500% 

2.00 - 2.99  3.00%  3.00%  4.500% 

3.00 - 3.59  2.00%  2.00%  3.000% 

3.60 - 4.39  0.75%  0.75%  1.125% 

4.40 - 4.99  0.25%  0.25%  0.375% 

5.00 - 6.00  0%  0%  0.000% 

 



 

 

 

 

To illustrate, a Large Company Credit Customer with a Composite Credit Score of 4.36 

and Tangible Net Worth of $501,468,000 would have a suggested Unsecured Credit 

Allowance calculated as follows: 

Unsecured Credit Allowance = Table 1 Percentage x Tangible Net Worth 

= 0.75% x $501,468,000 

= $3,761,010 

 

4.3.1 Revenue Bond Adjustment to Tangible Net Worth Value for Power Supply 

Agents.  For Not-For-Profit Credit Customers that issue revenue bonds solely in 

support of their role as power supply agent for not-for-profit electric distribution 

utilities and meet: (a) the disclosure requirements in: (i) Section 3.1.3 of this 

Credit Policy and (ii) Section 3.2.5 of this Credit Policy; and (b) have a revenue 

bond rating or revenue bond ratings equal to or better than Baa1 issued by 

Moody’s Investor Services or BBB+ issued by Standard & Poor’s, the calculation 

of the suggested Unsecured Credit Allowance shall be based on an adjusted value 

for Tangible Net Worth. The adjusted value for Tangible Net Worth shall include 

the outstanding balance of revenue bonds as of the date of the calculation. 

 

To illustrate, if the Not-For-Profit Credit Customer met all of the disclosure 

requirements for power supply agents, had a Tangible Net Worth of $2,000,000, 

and had $8,000,000 principal amount of revenue bonds outstanding, the adjusted 

Tangible Net Worth to be used in computing the suggested Unsecured Credit 

Allowance would be $10,000,000 (the sum of the adjusted Tangible Net Worth 

and the principal amount of revenue bonds outstanding as of the date of the 

calculation). 

 

4.3.2 Maximum and Minimum Unsecured Credit Allowances.  Notwithstanding the 

calculation under Section 4.3: 

 

4.3.2.1 No Credit Customer shall have an Unsecured Credit Allowance in 

excess of $25 million; and 

 

4.3.2.2 On the condition that a Not-For-Profit provides all required Credit 

Information and executes all documents required under this Credit 

Policy, and subject to the Default provisions of this Credit Policy, 

a Not-For-Profit Credit Customer shall have a minimum 

Unsecured Credit Allowance in the amount of $250 thousand. 

  

4.3.3 Guaranty.  In the event that the Credit Customer has a Guaranty, the Unsecured 

Credit Allowance will be based on the Credit Assessments of the Credit Customer 

and the Guarantor. 

 

4.3.4 Unsecured Credit Allowance for Affiliates. 

 



 

 

 

 

4.3.4.1 Determination of Creditworthiness of Combined Affiliates.  If 

two or more Credit Customers are Affiliates, and each is granted 

an Unsecured Credit Allowance and a corresponding Total Credit 

Limit, SPP will consider the overall creditworthiness of the 

Affiliated Credit Customers when determining the Unsecured 

Credit Allowances in order not to grant more unsecured credit than 

the overall group of affiliated entities could support.  SPP will 

work with Affiliated Credit Customers to allocate the total 

Unsecured Credit Allowance among the Affiliates while assuring 

that no individual Credit Customer, nor common guarantor, 

exceeds the Unsecured Credit Allowance appropriate for its credit 

strength.  A $25 million maximum Unsecured Credit Allowance 

shall apply to all Affiliates as though the Affiliates are a single 

Credit Customer.   

 

Example: Credit Customers A and B each have a $10.0 million 

Guaranty from their common parent, a holding company with an 

Unsecured Credit Allowance calculation of $12.0 million. SPP 

may limit the Unsecured Credit Allowance for each Credit 

Customer to $6.0 million, so the total Unsecured Credit Allowance 

does not exceed the corporate total of $12.0 million. 

 

4.3.4.2 Guaranty.  If the Guaranty is applicable to Affiliates (i.e., more 

than one Credit Customer), then the Unsecured Credit Allowance 

of the Guarantor shall be allocated among such Affiliates and the 

applicable allocation shall be utilized in determining each 

Affiliated Credit Customer’s Unsecured Credit Allowance. 

 

4.3.5 Continuous Right to Modify.  SPP has the right at any time to modify any 

Unsecured Credit Allowance and/or require additional Financial Security as may 

be reasonably necessary to support the Credit Customer’s ability to pay for 

Transmission Service and any market services SPP may provide.  If the 

modification results in a reduction or revocation of Unsecured Credit Allowance 

and the reduction or revocation results in the need to provide Financial Security, 

then the rights and duties of SPP and the Credit Customer shall be as set forth in 

Section 3.2.2. 

 

4.4 Financial Security Requirement.  If a Credit Customer (i) is denied an Unsecured 

Credit Allowance, or (ii) is granted an Unsecured Credit Allowance that is below its 

Total Potential Exposure calculated pursuant to Article 5, then the Credit Customer may 

submit Financial Security to cover or exceed the difference in the amount of the 

Unsecured Credit Allowance granted to the Credit Customer and the amount of its Total 

Potential Exposure.  A Credit Customer electing to satisfy the alternative criteria for 

market participation specified in Section 3.1.1.8(d) and whose anticipated or actual 

market activity exceeds One Hundred Thousand Dollars ($100,000) in Market Exposure 

shall provide Financial Security that is twice the amount calculated to satisfy its Financial 



 

 

 

 

Security Requirement pursuant to this Section 4.4.  Any Credit Customer may provide 

Financial Security in lieu of or in addition to the Unsecured Credit Allowance it was 

granted.  Upon the Credit Customer’s request, SPP shall provide a written explanation of 

how it determined the amount of required Financial Security for that Credit Customer.  A 

Credit Customer also is required to submit Financial Security to cover or exceed its Total 

TCR Credit Requirement pursuant to Section 5A.8. 

 

4.5 Total Credit Limit.  The ―Total Credit Limit‖ is the amount of any Unsecured Credit 

Allowance approved by SPP for the Credit Customer, plus the amount of any Financial 

Security the Credit Customer has provided to SPP.  SPP shall determine the Total Credit 

Limit for each Credit Customer. Upon the Credit Customer’s request, SPP shall provide a 

written explanation of how it determined the Unsecured Credit Allowance and the amount 

of required Financial Security for that Credit Customer.  SPP will respond to the Credit 

Customer’s request within five (5) Business Days. 



 

 

ARTICLE FOUR A 

Virtual Energy Bids and Virtual Energy Offers 

4A.1 Overview.   

 

4A.1.1 Virtual Energy Bids and Virtual Energy Offers create potential exposure of non-

payment, and therefore, have a credit requirement.  SPP does not require the 

Credit Customer to segregate, allocate, or reserve a portion of its Total Credit 

Limit to support its Virtual Energy Bids and Virtual Energy Offers in the Day-

Ahead Market.  However, SPP analyzes the Credit Customer’s Virtual Energy 

Bids and Virtual Energy Offers to determine if the Credit Customer has credit 

available to support its Virtual Energy Bids and Virtual Energy Offers at the time 

the Bids or Offers are submitted.  Only the Virtual Energy Bids and Virtual 

Energy Offers that the Credit Customer has credit available to support will be 

credit approved for the Day-Ahead Market.   

 

4A.1.2 In its analysis, SPP will calculate the Estimated Virtual Exposure (―EVE‖) based 

on the Credit Customer’s Virtual Energy Bids and Virtual Energy Offers.  Using 

the EVE, SPP will determine if the Credit Customer has available credit to 

support its Virtual Energy Bids and Virtual Energy Offers.  After the close of the 

Day-Ahead Market for an Operating Day, the credit requirement associated with 

the Credit Customer’s cleared Virtual Energy Bids and Virtual Energy Offers will 

be adjusted to reflect the actual megawatts that cleared.   

 

4A.1.3 The total EVE for a Credit Customer includes both (i) the calculation of EVE for 

Virtual Energy Bids and Virtual Energy Offers prior to the close of the Day-

Ahead Market; and (ii) the EVE calculations post Day-Ahead Market clearing 

updated to reflect the actual cleared Virtual Energy Bids and Virtual Energy 

Offers.   

 

4A.1.4 This Article addresses the calculation of the EVE and the credit requirements 

associated with the submission of Virtual Energy Bids and Virtual Energy Offers 

in the Day-Ahead Market and the Virtual Energy Bids and Virtual Energy Offers 

that clear in the Day-Ahead Market. 

 

4A.2 Calculation of Estimated Virtual Exposure (EVE) Prior to the Close of the Day-

Ahead Market for an Operating Day.  When a Virtual Energy Bid or Virtual Energy 

Offer is submitted, SPP will calculate the EVE using reference prices for the Virtual 

Energy Bid or Virtual Energy Offer and the maximum megawatts submitted.  If multiple 

Virtual Energy Bids and Virtual Energy Offers are submitted in a single submission, the 

EVE will be calculated for the single submission as a whole.  If a Virtual Energy Bid or 

Virtual Energy Offer contains multiple hours, all of the hours will be included in the EVE 

calculation.  The EVE is calculated for the submittal of Virtual Energy Bids and Virtual 

Energy Offers.  In the event that both a Virtual Energy Bid and Virtual Energy Offer are 

submitted in the same submission for the same node and same operating hour, the one 

with the higher dollar value will be used in the EVE calculation for that submission.  



 

 

 

 

 

4A.2.1 For a given Virtual Energy Bid the Virtual Energy Bid EVE is the sum of (i) the 

product of the Virtual Energy Bid reference price for the Settlement Location of 

the Virtual Energy Bid times the maximum megawatt value of the submitted Bid 

curve plus (ii) the virtual transaction fee.  For a given Virtual Energy Offer the 

Virtual Energy Offer EVE is the sum of (i) the product of the Virtual Energy 

Offer reference price for the Settlement Location of the Virtual Energy Offer 

times the maximum megawatt value of the submitted Offer curve plus (ii) the 

virtual transaction fee.  

 

4A.2.1.1 If a Market Participant submits both a Virtual Energy Bid and a 

Virtual Energy Offer at the same location for the same hour, only 

the Virtual Energy Bid or Virtual Energy Offer with the greater 

EVE is included in the calculation of the EVE for the submission.  

 

4A.2.1.2 The EVE for a single submission of Virtual Energy Bids and 

Virtual Energy Offers is equal to the sum of the hourly Virtual 

Energy Bid EVEs for each Virtual Energy Bid in the submission 

and the sum of the hourly Virtual Energy Offer EVEs in the 

submission, with the adjustment described in 4A.2.1.1 if both a 

Virtual Energy Bid and Virtual Energy Offer are received for the 

same location and hour.  If Credit Customer cancels a Virtual 

Energy Bid or Virtual Energy Offer prior to the close of the Day-

Ahead Market for the Operating Day for which it is submitted, the 

EVE associated with the canceled portion of the submission is 

removed from the calculation of the EVE for the submission.  

 

4A.2.1.3 The Virtual Energy Bid reference price is based on the difference 

between the Day-Ahead Locational Marginal Prices and the Real-

Time Locational Marginal Prices in the prior year, at each node.  

The Virtual Energy Bid reference price for a given day is the 97
th

 

percentile hourly difference from the same quarter in the previous 

year. 

 

4A.2.1.4 The Virtual Energy Offer reference price is based on the difference 

between the Real-Time Locational Marginal Price and the Day-

Ahead Locational Marginal Price in the prior year, at each node. 

The Virtual Energy Offer reference price for a given day is the 97
th

 

percentile hourly difference from the same quarter in the previous 

year. 

 

4A.2.1.5 Calculation of Virtual Energy Bid and Virtual Energy Offer 

Reference Prices During the Initial Year of the Integrated 

Marketplace.  During the initial year of the Integrated 

Marketplace, prior to the accumulation of complete Real-Time and 

Day-Ahead Locational Marginal Price data sufficient to calculate 



 

 

 

 

the Virtual Energy Bid and Virtual Energy Offer references prices 

pursuant to sections 4A.2.1.3 and 4A.2.1.4, SPP shall use data 

representative of the expected Day-Ahead and Real-Time Market 

results based on simulations of the Day-Ahead Market or other 

available information.  

 

4A.2.1.6 Calculation of Virtual Energy Bid and Virtual Energy Offer 

Reference Prices for New Settlement Locations.  When a new 

Settlement Location is created and until actual Virtual Energy Bid 

and Virtual Energy Offer reference prices can be calculated 

pursuant to section 4A.2.1.3 and 4A.2.1.4 for that Settlement 

Location, SPP will use the system average virtual reference price.  

The system average virtual reference price for a given quarter is 

the mean of all of the Virtual Energy Bid and Virtual Energy Offer 

reference prices for that quarter.  

 

4A.3 Determination of Credit Approved Virtual Energy Bids and Virtual Energy Offers.   
 

4A.3.1 If the EVE for a submission of Virtual Energy Bids and Virtual Energy Offers is 

less than the Credit Customer’s available credit, which is equal to the Credit 

Customer’s Total Credit Limit less its Total Potential Exposure, then the 

submission is credit approved.  Credit approved Virtual Energy Bids and Virtual 

Energy Offers, unless withdrawn will be included in the Day-Ahead Market.   

 

4A.3.2  If the EVE for a submission of Virtual Energy Bids and Virtual Energy Offers is 

greater than the Credit Customer’s available credit, which is equal to the Credit 

Customer’s Total Credit Limit less its Total Potential Exposure, then the 

submission will be rejected.  Rejected Virtual Energy Bids and Virtual Energy 

Offers will not be included in the Day-Ahead Market and will not affect the Total 

Potential Exposure calculation.   

 

4A.3.3 Modifications to Virtual Energy Bids and Virtual Energy Offers prior to the close 

of the Day-Ahead Market for the Operating Day for which they were submitted 

will be evaluated using the same procedures.  Modifications are evaluated based 

on their net credit impact.  The EVE for the modified Virtual Energy Bids and 

Virtual Energy Offers submission will be revised to incorporate the modifications 

to the submission.   

 

4A.3.3 The EVE for credit approved Virtual Energy Bids and Virtual Energy Offers 

submissions that have not yet settled or cleared in the Day-Ahead Market is 

included in the Total Potential Exposure calculation as set forth in Article 5.  

Therefore, the determination of whether a Virtual Energy Bid and Virtual Energy 

Offer submission is credit approved will take into account the credit requirements 

for previously determined credit approved Virtual Energy Bids and Virtual 

Energy Offers.   

 



 

 

 

 

4A.3.4 If a Credit Customer cancels a credit approved Virtual Energy Bid or Virtual 

Energy Offer submission prior to the close of the Day-Ahead Market for the 

Operating Day for which it is submitted, that Virtual Energy Bid or Virtual 

Energy Offer will no longer have a credit requirement associated with it and its 

EVE will be zero.   

 

4A.4 Updated EVE Calculations Post Day-Ahead Market Clearing.  After clearing of the 

Day-Ahead Market for an Operating Day, the EVEs for credit approved Virtual Energy 

Bids and Virtual Energy Offers shall be updated to replace the maximum megawatts with 

the actual megawatts that cleared.  If there are Virtual Energy Bids and Virtual Energy 

Offers that cleared at the same location, the megawatt amounts will be netted in the 

updated EVE calculation.   



 

 

ARTICLE FIVE 

Calculation of Total Potential Exposure 

 

5.1 Overview.  The Total Potential Exposure is a calculated value applied to assure that the 

Credit Customer engages in activities within its Total Credit Limit.  The Total Potential 

Exposure is based on the Credit Customer’s estimated cumulative financial obligation 

under the Tariff or otherwise to SPP, excluding TCR activity.  Potential Exposure to non-

payment is calculated separately for each applicable category of service and then summed 

together to obtain the amount of Total Potential Exposure.  This Article addresses the 

calculation and use of the value for Total Potential Exposure.  As explained in Article 

5A, only Financial Security may be used for credit requirements associated with TCR 

activity. 

 

5.2 Calculation of Total Potential Exposure for a Credit Customer.  A Credit Customer’s 

Total Potential Exposure shall be the sum of the potential exposure to non-payment for 

market transactions and Transmission Service transactions billed pursuant to the Tariff.  

Because only Financial Security may be used to satisfy the credit requirements associated 

with TCR activity, TCR activity is not included in the Total Potential Exposure 

determination, but is reflected in the determination of whether there is a Total Potential 

Exposure Violation. 

 

5.2.1 Market Exposure (“ME”).  Potential exposure to non-payment associated with 

market transactions in the Integrated Marketplace is calculated under the 

following formula: 

 

ME = IMSC + CMSC + MEMERT + MEMEDA + EVE 

 

IMSC = Invoiced Market Settlement Charges (all Real-Time Balancing 

Market and Day-Ahead Market, including virtual transaction activity, 

charges or credits that have been invoiced but not yet paid).  

 

CMSC = Calculated Market Settlement Charges (all Real-Time Balancing 

Market and Day-Ahead Market, including virtual transactions, daily 

settlement activity, including charges or credits, that has been calculated 

but not yet invoiced). 

 

MEMERT = Maximum Estimated Market Exposure for Real-Time Balancing 

Market activity shall be the greater of: 

 

(a) The average of the last three hundred sixty five (365) days of daily Real 

Time Balancing Market settlement activity (or if settlement activity occurred for a 

lesser period, the average settlement activity during such lesser period), or  

 



 

 

 

 

(b) The average of the last seven (7) days of daily Real-Time Balancing 

Market settlement activity (or if settlement activity occurred for a lesser period, 

the average settlement activity during such lesser period). 

 

Once the greater value is determined that value is multiplied by the number of 

days remaining in the Potential Exposure Window.  Inasmuch as the Potential 

Exposure Window refers to ―days before service can be terminated,‖ the time 

period for purposes of calculating the MEMERT does not include additional time 

for service termination.  

 

MEMEDA = Maximum Estimated Market Exposure for Day-Ahead Market activity 

shall be the greater of: 

 

(a) The average of the last three hundred sixty five (365) days of most 

recently calculated Settlement Statements for Day-Ahead Market activity 

(or if settlement activity occurred for a lesser period, the average 

settlement activity during such lesser period), or  

 

(b) The average of the seven (7) most recent Operating Days for which SPP 

has calculated either (i) updated estimated Day-Ahead Market activity 

results calculated four days after the Operating Day; or (ii) initial 

Settlement Statements for Day Ahead Market activity (or if updated 

estimated activity results or settlement activity occurred for a lesser 

period, the average updated estimated activity and settlement activity 

resulting during such lesser period).  The initial Settlement Statements are 

created at the end of the 7th calendar day following the Operating Day.  

As initial Settlement Statements become available such statements will be 

used instead of the updated estimated activity results calculated four days 

after the Operating Day.   

 

For the time period prior to commencement of the Day-Ahead Market for which there are 

no calculated initial Settlement Statements for Day-Ahead Market activity 

for use in the determination of the MEMEDA for a Credit Customer, SPP 

shall use data representative of the expected Day-Ahead Market activity 

for the Credit Customer based on simulations of the Day-Ahead Market or 

other available information. 

 

Once the greater value is determined that value is multiplied by the number of days 

remaining in the Potential Exposure Window.  Inasmuch as the Potential 

Exposure Window refers to ―days before service can be terminated,‖ the 

time period for purposes of calculating the MEMEDA does not include 

additional time for service termination.  

 

EVE =  Estimated Virtual Exposure, calculated pursuant to Article 4A (for all 

credit approved Virtual Energy Bids and Virtual Energy Offers prior to the 

close of the Day-Ahead Market for an Operating Day or Days that have 



 

 

 

 

not yet been settled and cleared Virtual Energy Bids and Virtual Energy 

Offers)   

 

 

5.2.2 Transmission Service Potential Exposure (“TSPE”).  Potential exposure to 

non-payment associated with Transmission Service transactions is calculated 

under the following formula: 
 

TSPE = ITSC + CTSC + METE 

ITSC =  Invoiced Transmission Service Charges (all transmission service charges 

or credits that have been invoiced but not yet been paid).  

 

CTSC = Calculated Transmission Service Charges (transmission service charges or 

credits that have been calculated but not yet invoiced).  

 

METE = Maximum Estimated Transmission Exposure (an estimate of the charges 

for the remainder of the Potential Exposure Window).  METE will be calculated 

as follows:  

 

METE will be the value of all charges based on reserved transmission 

capacity for each confirmed Transmission Service reservation for the 

period beginning on the day following the latest date included in the 

CTSC calculation and ending on the TSPE calculation date, plus the value 

of all charges for confirmed reservations for the number of days which 

when added to the number of days included in the ITSC and the CTSC 

would total 50 days.  The number of days included in the ITSC is the 

number of days of transmission service included in an unpaid invoice.  If 

there are no unpaid invoices, the number of days included in the ITSC 

would be zero.  The number of days included in the CTSC are the days for 

which the transmission service charges or credits have been calculated, but 

not yet invoiced.   

 

METE for Network Service reservations will be calculated by taking the highest monthly 

Network Service charge over the most recent twelve (12) month period (or, if Network 

Service has been taken for a shorter period, the period for which it was taken), divided by the 

number of days included in the month of the highest charge and multiplying the resulting 

amount by the number of days which when added to the number of days included in the 

ITSC and the CTSC would total 50 days.  For this calculation, each Network Service charge 

is the amount of the Network Service invoice, less the amount of transmission revenue due to 

the invoiced Credit Customer for Network Service during the period covered by the 

applicable invoice  

5.2.3 Total Potential Exposure Calculation.  A Credit Customer’s Total Potential 

Exposure (―TPE‖) shall be the sum of the potential exposure to non-payment for 

market transactions, excluding TCR transactions, and Transmission Service 

transactions billed pursuant to the Tariff and may be calculated using the formula: 

TPE = ME + TSPE 



 

 

 

 

 

5.3 Total Potential Exposure Violations.  

 

5.3.1 Transaction Limits. At all times, the Credit Customer shall maintain additional 

Financial Security equal to or greater than the Total TCR Credit Requirement, 

calculated pursuant to section 5A.8.  Also at all times, the Credit Customer shall 

maintain its Total Potential Exposure to a value equal to or less than its Total 

Credit Limit excluding any Financial Security required for TCR activity.  A 

―Total Potential Exposure Violation‖ occurs when either or both (i) a Credit 

Customer’s Total Potential Exposure equals or exceeds its Total Credit Limit 

excluding any Financial Security required for TCR activity; or (ii) a Credit 

Customer’s Total TCR Credit Requirement exceeds the Credit Customer’s 

Financial Security excluded from the Total Credit Limit.  SPP will regularly 

monitor each Credit Customer’s use of services and associated financial 

obligations.  If a Credit Customer’s Total Potential Exposure equals or exceeds 

ninety percent (90%) of its Total Credit Limit, SPP shall promptly give notice to 

the Credit Customer (excluding any Financial Security required for TCR activity 

pursuant to Article 5A).  Failure by SPP to give this notice shall not relieve the 

Credit Customer of its duties under this Section.   

 

5.3.2 Cure of Total Potential Exposure Violation.  A Credit Customer shall cure a 

Total Potential Exposure Violation by: (i) payment to SPP of invoiced amounts to 

reduce the Credit Customer’s Total Potential Exposure, and/or (ii) provision of 

Financial Security in an amount sufficient to increase the Credit Customer’s Total 

Credit Limit, such that after making such payments of invoiced amounts and/or 

providing such Financial Security, the Credit Customer’s Total Potential 

Exposure will not exceed its Total Credit Limit; and/or (iii) provision of Financial 

Security in an amount sufficient to satisfy the Total TCR Credit Requirement as 

provided in Article 5A.  The Credit Customer shall have two (2) Business Days 

from receipt of notice from SPP to cure the violation.  SPP, in its sole discretion, 

may determine to treat any amount tendered under (i) as an increase of Financial 

Security under (ii) and not as a payment to SPP.  

 

5.3.3 Failure to Cure Total Potential Exposure Violation.  A failure to cure a Total 

Potential Exposure Violation as required under Section 5.3.2 is a Default.  In the 

event of such a Default, SPP has all rights under section 7 of the Tariff or section 

10.5 of Attachment AE and all other rights and remedies in accordance with 

applicable law.  Without prejudice to other remedies, a Credit Customer that fails 

timely to cure a Total Potential Exposure Violation shall be suspended from 

requesting any future services, including all Transmission Service and market 

services SPP may provide, unless and until the Credit Customer’s Total Potential 

Exposure Violation is cured. 

 

5.4. Excess Financial Security.  In the event a Credit Customer has provided additional 

Financial Security under Section 5.3.2 to address a Total Potential Exposure Violation, 

and the Credit Customer’s outstanding invoiced amounts subsequently return to levels 



 

 

 

 

preceding that violation such that the total amount of Financial Security exceeds the 

amount required under this Credit Policy, the Credit Customer may request return of the 

excess Financial Security and SPP shall comply with the request within two (2) Business 

Days; provided, that if SPP determines to review the Credit Assessment for the Credit 

Customer due to the violation, it shall not be required to respond to the request, including 

return of any excess Financial Security, until two (2) Business Days after completing the 

new Credit Assessment. 



 

 

ARTICLE FIVE A 

Transmission Congestion Rights (TCRs) 

5A.1 Overview.   

 

5A.1.1 Transmission Congestion Rights create potential exposure of non-

payment, and therefore, have a credit requirement.  SPP will establish a 

Total TCR Credit Requirement for each Credit Customer holding TCRs or 

participating in a TCR Auction.  A Credit Customer may satisfy its Total 

TCR Credit Requirement by providing Financial Security.  Unsecured 

Credit is not available to support a Credit Customer’s holding of TCRs or 

activity in TCR Auctions.  Additionally, SPP’s prior approval is required 

for a Credit Customer to acquire or transfer TCRs through bilateral 

transactions.   

 

5A.1.2 To establish the credit requirement associated with TCRs, SPP analyzes:  

(i) the TCRs the Credit Customer holds; (ii) the Credit Customer’s Bids 

and Offers for TCRs in the TCR Auctions; (iii) TCR payments or charges 

for which settlement has been calculated but not yet invoiced; and (iv) 

TCR payments or charges for which an invoice has been issued but 

payment has not occurred.   

 

(a) SPP calculates the potential exposure associated with the full 

portfolio of TCRs that are held by the Credit Customer.   

 

(b) SPP evaluates individually each TCR Bid in the TCR Auctions to 

ensure that the Credit Customer has sufficient Financial Security to 

cover the credit requirements to purchase and hold the TCR.  Only 

the TCR Bids for which the Credit Customer has sufficient 

Financial Security will be credit approved for consideration in the 

TCR Auction.   

 

(c) SPP evaluates individually each TCR Offer in the TCR Auctions to 

ensure that the Credit Customer has sufficient Financial Security to 

cover any credit requirements associated with the Offer and the 

credit requirements for the retained TCR portfolio that would 

result if the TCR Offer clears in the TCR Auction.  Only the TCR 

Offers for which the Credit Customer has sufficient Financial 

Security will be credit approved for consideration in the TCR 

Auction.   

 

(d) Additionally, SPP analyzes the credit requirements associated with 

TCRs that are the subject of a proposed bilateral transfer prior to 

providing approval of such transfers.  SPP approval of a bilateral 

transfer for TCRs is required for such bilateral transfers to be 

completed.   



 

 

 

 

 

5A.1.3 As part of the determination of the credit requirement associated with 

TCRs, SPP calculates the Estimated TCR Exposure (ETCRE), which is an 

estimate of the potential value of the TCR over the life of the TCR.  It will 

be calculated for all TCRs the Credit Customer holds, the Credit 

Customer’s TCR Bids and TCR Offers, proposed TCR bilateral transfers, 

and TCRs acquired through ARR self-conversion.  SPP will determine the 

credit requirement associated with TCRs and whether the Credit Customer 

has available Financial Security to support its TCR activity.  After the 

close of a TCR Auction and on an ongoing basis, SPP will update the 

Credit Customer’s Total TCR Credit Requirement associated with TCRs 

to reflect the actual TCRs the Credit Customer holds and TCR Auction 

results, including the costs to acquire or sell TCRs in a TCR Auction.  

 

5A.1.4 This Article addresses the calculation of the Total TCR Credit 

Requirement associated with TCRs, including the ETCRE calculations for 

the TCRs the Credit Customer holds and the Credit Customer’s Bids and 

Offers for TCRs in the TCR Auctions and the acquisition and disposal 

costs of the TCR in the TCR Auctions; as well as the TCR payments or 

charges for which settlement has been calculated but not yet invoiced; and 

the TCR payments or charges for which an invoice has been issued but 

payment has not occurred.  This Article also addresses the determination 

whether a Credit Customer has sufficient Financial Security available for 

the Credit Customer’s proposed TCR Auction activity or proposed 

bilateral transfers of TCRs.   

 

5A.2 Calculation of Estimated TCR Exposure (ETCRE) for TCRs that a Credit 

Customer Holds (ETCRE Hold).  SPP will calculate the ETCRE Hold, which is an 

estimate of the potential value (positive or negative) of the TCR contract for the term of 

the TCR, for TCRs that a Credit Customer holds.  A negative ETCRE Hold means SPP 

estimates that the potential value of the TCR will result in a payment to the Credit 

Customer.  A positive ETCRE Hold means SPP estimates that the potential value of the 

TCR will result in a payment by the Credit Customer.  The ETCRE Hold calculation is 

determined for each TCR on an individual basis.  ETCRE Hold is the product of the TCR 

Final Reference Price times the TCR megawatts times the complete duration of the TCR.  

SPP will calculate the TCR Final Reference Price for each TCR based on the difference 

of historical Day-Ahead Market Marginal Congestion Cost (MCC) between the TCR 

source and TCR sink.  

 

5A.2.1 TCR Final Reference Price.  For a given source and sink combination and with 

respect to time (season or month) and class (on-peak and off-peak), the TCR Final 

Reference Price has two components:  (i) a TCR Mean Price; and (ii) a TCR 

Stress Test Price.  The Final Reference Price is the TCR Mean Price plus the TCR 

Stress Test Price.   

 



 

 

 

 

5A.2.1.1 Both the TCR Mean Price and TCR Stress Test Price are 

determined using the Day-Ahead Market Marginal Congestion 

Component (MCC) prices from the prior two years.  Each year of 

the prior two year period will be weighted, with the more recent 

year receiving a 75% weighting and the more distant year 

receiving a 25% weighting.  The MCC prices used in the 

calculations for a TCR match the definition of the TCR with 

respect to time (season or month) and class (on-peak and off-peak).  

The MCC prices used in the calculation must be complete for each 

hour of the time (season or month) to be considered in the 

calculation.  If the MCC prices for each hour of a time (season or 

month) are not complete, then that entire time (season or month) is 

not included in the prior two year period for a given TCR.   

 

5A.2.1.1.1 A TCR Final Reference Price determination is used 

in the calculations for ETCRE Hold, ETCRE Bid, 

and ETCRE Offer calculations.  For each such 

calculation, the prior two year period used in the 

calculation is measured from the time of the 

calculation.  ETCRE Hold calculations will be 

updated to reflect updated prior two year periods for 

a given TCR as MCC prices are completed for a 

season or month that previously was not included in 

the prior two year period.   

 

5A.2.1.2 The TCR Mean Price is the sum of 75% of the mean of the hourly 

Day-Ahead Market MCC difference between the source and sink 

combination for the more recent year in the prior two year period 

plus 25% of the mean of the hourly Day-Ahead Market MCC 

difference between the source and sink combination for the more 

distant year in the prior two year period. 

 

5A.2.1.3 The TCR Stress Test Price calculation differs for TCRs with 

positive and negative Mean Prices.  For a TCR with a negative 

TCR Mean Price, the TCR Stress Test Price is the 75
th

 percentile 

of the opposite flow value (i.e. if the source and sink were 

reversed) in the prior two year period.  For a TCR with a positive 

TCR Mean Price, the TCR Stress Test Price is the 90
th

 percentile 

of the opposite flow value (i.e. if the source and sink were 

reversed) in the prior two year period.  The TCR Stress Test Price 

is included only if it is has a positive value, otherwise, zero will be 

included in the calculation. 

 

5A.2.2 Calculation of TCR Final Reference Price during the Initial Two-Years of 

the Integrated Marketplace.  Prior to the accumulation of complete MCC data 

sufficient to calculate the TCR Final Reference Price pursuant to Section 5A.2.1, 



 

 

 

 

to calculate both the Mean Price and Stress Test Price, to the extent complete 

MCC price data for the applicable prior two year period is not available, SPP will 

use the applicable historical energy imbalance service price differences.   

 

5A.2.3 Calculation of TCR Final Reference Price for New Settlement Locations.  
When a new Settlement Location is created, SPP will use the system average 

Day-Ahead Market MCC to calculate the TCR Mean Price and TCR Stress Test 

Price for the new Settlement Location.  The system average Day-Ahead Market 

MCC for each defined TCR is the mean of the hourly Day-Ahead Market MCC 

for all Settlement Locations for which a Day-Ahead Market MCC exists for each 

hour in the prior two year period for a defined TCR. 

 

5A.3 TCR Portfolio Credit Requirement.  The Financial Security required for a Credit 

Customer’s TCR portfolio is the TCR Portfolio Credit Requirement and is one 

component of the Total TCR Credit Requirement.  The TCR Portfolio Credit 

Requirement is the sum of (i) the sum of the ETCRE Hold values for each TCR in the 

Credit Customer’s TCR portfolio; (ii) the portion of the cost to acquire each TCR in a 

TCR Auction that has not yet been settled; and (iii) the disposal cost for TCR Offers that 

clear a TCR Auction that has not yet been settled.   

 

5A.3.1 The sum of the ETCRE Hold values for each TCR in the Credit Customer’s TCR 

portfolio used in the calculation of the TCR Portfolio Credit Requirement is equal 

to the net sum of the ETCRE Hold values for each TCR in the Credit Customer’s 

TCR portfolio, with individual positive and negative ETCRE Hold values netted, 

for the month in the future with the largest net sum of ETCRE Hold values of the 

Credit Customer’s TCR portfolio.  For a TCR with a term longer than a month, 

the ETCRE Hold for each month of the TCR is equal to the total ETCRE Hold for 

the TCR divided by the number of months of the term of the TCR.  SPP calculates 

the ETCRE Hold for each day for which at least one TCR in the portfolio is valid.  

 

5A.3.2 The portion of the acquisition cost to acquire each TCR in a TCR Auction that has 

not yet been settled includes the amounts that the Credit Customer is required to 

pay for TCRs it acquires in a TCR Auction, that have not yet been settled, and 

does not include amounts that may be owed to a Credit Customer to acquire a 

TCR.  For TCRs acquired through self-scheduled ARRs, the acquisition cost is 

zero.  For TCRs acquired through a bilateral transfer the acquisition cost is zero 

for the buyer because the acquisition cost remains the responsibility of the 

participant who originally acquired the TCR in a TCR Auction.   

 

5A.3.3 The portion of the disposal cost for each TCR Offer that clears a TCR Auction 

that has not yet been settled is the portion of a Credit Customer’s loss associated 

with the difference between the Offer price and the original Auction Clearing 

Price for the TCR that is the subject of the TCR Offer.  For TCRs acquired 

pursuant to a bilateral transfer that are the subject of a TCR Offer, zero will be 

used for the Auction Clearing Price for this calculation.   

 



 

 

 

 

5A.3.4 Only positive TCR Portfolio Credit Requirements are included in the Total TCR 

Credit Requirement.  If the TCR Portfolio Credit Requirement is a negative value 

it does not add to the Financial Security requirement for TCRs and zero will be 

used for the TCR Portfolio Credit Requirement in the calculation of the Total 

TCR Credit Requirement.    

 

5A.4 Calculation of ETCRE Bid.  SPP evaluates the Bids for TCRs to ensure that the Credit 

Customer has sufficient Financial Security to cover any Financial Security requirements 

to purchase and hold the TCR.  The ETCRE Bid calculates the Financial Security 

requirements for each Bid.  When a TCR Bid is submitted, SPP will calculate the ETCRE 

Bid for the Bid, which is the maximum sum of (i) the ETCRE Segment and (ii) the TCR 

Segment Cost, for the segments in the Bid.  SPP calculates the ETCRE Segment for each 

megawatt point on the submitted Bid curve, and the TCR Segment Cost for each 

megawatt point on the submitted Bid curve.  For each segment, SPP calculates the sum of 

(i) the ETCRE Segment and (ii) the TCR Segment Cost.  

 

5A.4.1 ETCRE Segment.  In evaluating TCR Bids, SPP calculates the ETCRE Segment 

for each megawatt point on the submitted Bid curve.  The ETCRE Segment can 

be positive or negative.  It is the potential value of holding the TCR in the Bid.  It 

is calculated in the same manner as the ETCRE Hold, using the Final Reference 

Price, and the TCR Bid megawatts and duration.   

 

5A.4.2 TCR Segment Cost.  In evaluating TCR Bids, SPP estimates the TCR acquisition 

cost by calculating the TCR Segment Cost for each megawatt point on the 

submitted Bid curve by multiplying the Bid price for that megawatt point times 

the megawatts and hours for that point on the submitted Bid curve.  The TCR 

Segment Cost is the potential cost for the Credit Customer to acquire any 

megawatt point on the submitted Bid segment.  For TCRs with negative 

acquisition costs, e.g., if the Bid curve has a negative Bid price, the TCR Segment 

Cost will be zero.  For TCR Bids resulting from an ARR self-conversion, the TCR 

Segment Cost also will be zero. 

 

5A.4.3 If multiple TCR Bids and Offers are included in a single submission, the Credit 

Customer must have sufficient Financial Security to cover all of the Bids and 

Offers in the submission.  The Financial Security requirement for a single 

submission is the sum of the positive ETCRE Bid and ETCRE Offer for the Bids 

and Offers in the submission without any netting of the individual ETCRE Bid or 

ETCRE Offer for the TCR Bids and Offers that are included in the submission.   

 

5A.5 Calculation of ETCRE Offer.  SPP evaluates the Offers for TCRs to ensure that the 

Credit Customer has sufficient Financial Security to cover any Financial Security 

requirements resulting if the TCR is no longer held and potential losses resulting from the 

sale.  The ETCRE Offer calculates the Financial Security requirement for each Offer.  

When a TCR Offer is submitted, SPP will calculate the ETCRE Offer for the Offer which 

is the maximum sum of (i) the ETCRE Offer Segment; and (ii) the TCR Offer Segment 

Cost, for the segments in the Offer.  SPP calculates the ETCRE Offer Segment for each 



 

 

 

 

megawatt point on the submitted Offer curve.  For each segment, SPP calculates the sum 

of (i) the ETCRE Offer Segment, and (ii) the TCR Offer Segment Cost.  

 

5A.5.1 ETCRE Offer Segment.  In evaluating TCR Offers, SPP calculates the ETCRE 

Offer Segment for each megawatt point on the submitted Offer curve.  It is the 

potential value of disposing of an existing TCR in the Offer.  It is calculated in the 

same manner as the ETCRE Hold, using the Final Reference Price, and the TCR 

Offer megawatts and duration.  If the calculated ETCRE Offer Segment is 

negative, SPP sets the ETCRE Offer to zero. 

 

5A.5.2 TCR Offer Segment Cost.  In evaluating TCR Offers, SPP estimates the TCR 

disposal cost by calculating the TCR Offer Segment Cost for each megawatt point 

on the submitted Offer curve by multiplying the difference between the original 

Auction Clearing Price for the TCR from the TCR Auction in which the TCR 

originally was acquired and the Offer price for that megawatt point times the 

megawatts and hours for that point on the submitted Offer curve.  The TCR Offer 

Segment Cost is the potential cost for the Credit Customer to dispose of any 

megawatt point on the submitted Offer segment.  If the TCR was originally 

acquired from an ARR self-schedule or pursuant to a bilateral transfer, zero is 

used for the original Auction Clearing Price.  If the calculated ETCRE Offer 

Segment Cost is negative SPP sets the ETCRE Offer to zero. 

 

5A.5.3 If multiple TCR Bids and Offers are included in a single submission, the Credit 

Customer must have sufficient Financial Security to cover all of the Bids and 

Offers in the submission.  The Financial Security requirement for a single 

submission is the sum of the positive ETCRE Bid and ETCRE Offer for the Bids 

and Offers in the submission without any netting of the individual ETCRE Bid or 

ETCRE Offer for the TCR Bids and Offers that are included in the submission.    

 

5A.6 Determination of Credit Approved TCR Bids and Offers and Rejection of TCR Bids 

and Offers which are Credit Disapproved. 

 

5A.6.1 If the sum of the ETCRE Bid and ETCRE Offer for all TCRs included in a single 

submission of Bids and Offers for a TCR Auction, calculated pursuant to sections 

5A.4 and 5A.5, without netting, is less than the Credit Customer’s available 

amount of Financial Security, then the submission is credit approved for inclusion 

in the TCR Auction.   

 

5A.6.2 If the sum of the ETCRE Bid and ETCRE Offer for all TCRs included in a single 

submission of Bids and Offers for a TCR Auction, calculated pursuant to sections 

5A.4 and 5A.5, without netting, is greater than the Credit Customer’s available 

Financial Security, then the entire submission is credit disapproved and the Bids 

and Offers will not be included in the TCR Auction. 

 

5A.7 Updated ETCRE Calculation Post TCR Auction.  After the clearing of a TCR 

Auction, the TCR Portfolio Credit Requirement will be updated to reflect the TCRs 



 

 

 

 

awarded in the TCR Auction, including the acquisition cost for TCR Bids that cleared the 

TCR Auction and the disposal cost for TCR Offers that cleared the TCR Auction.  For 

TCR Bids, the TCR acquisition cost is calculated as the product of the Auction Clearing 

Price times the awarded megawatts times the duration of a given TCR.  For TCR Offers, 

the TCR disposal cost is calculated as the product of the dollar per megawatt profit or 

loss times the megawatts sold times the duration of the TCRs sold.  The ETCRE Hold 

portion of the TCR Portfolio Credit Requirement will be updated to reflect the actual 

TCRs in the portfolio.   

 

5A.8 Total TCR Credit Requirement.  The total Financial Security requirement associated 

with the Credit Customer’s holding of TCRs and participating in the TCR Auctions is the 

Total TCR Credit Requirement.  The Total TCR Credit Requirement for a Credit 

Customers is the sum of (i) the TCR Portfolio Credit Requirement for the Credit 

Customer’s TCR portfolio, reflecting all of the TCRs held by the Credit Customer, 

calculated pursuant to section 5A.3; (ii) the Financial Security required for the Credit 

Customer’s participation in a TCR Auction, determined by the credit approved ETCRE 

Bid, calculated pursuant to section 5A.4, and ETCRE Offer, calculated pursuant to 

section 5A.5, for a TCR Auction that has not yet occurred; (iii) all TCR charges or credits 

that have been invoiced but not yet paid; and (iv) TCR charges or credits that have been 

calculated but not yet invoiced.  

 

Total TCR Credit Requirement =  

TCR Portfolio Credit Requirement + ETCRE Bid + ETCRE Offer + (ITCRC + CTCRC) 

 

Where, 

 

TCR Portfolio Credit Requirement is calculated pursuant to section 5A.3. 

 

ETCRE Bid is the sum of the ETCRE Bid amounts for the Credit Customer’s credit 

approved Bids for an auction that has not yet occurred, as calculated pursuant to section 

5A.4, without netting ETCRE Bid or ETCRE Offers in a submission. 

 

ETCRE Offer is the sum of the ETCRE Offer amounts for the Credit Customer’s credit 

approved Offers for an auction that has not yet occurred, as calculated pursuant to section 

5A.5, without netting ETCRE Bid or ETCRE Offers in a submission. 

 

ITCRC is the Invoiced TCR Charges (all TCR charges or credits that have been invoiced 

but not yet paid).  If the sum of ITCRC and CTCRC for a Credit Customer is negative, 

then zero will be included for the sum of ITCRC and CTCRC in the calculation of the 

Total TCR Credit Requirement. 

 

CTCRC is the Calculated TCR Charges (TCR charges or credits that have been 

calculated but not yet invoiced).  If the sum of ITCRC and CTCRC for a Credit Customer 

is negative, then zero will be included for the sum of ITCRC and CTCRC in the 

calculation of the Total TCR Credit Requirement. 

 



 

 

 

 

5A.8.1  If a Credit Customer’s available Financial Security is less than its Total TCR 

Credit Requirement, then the Credit Customer shall be required to provide 

additional Financial Security within two (2) Business Days from receipt of notice 

of such violation.  Failure to provide such Financial Security is a Default under 

this Credit Policy.   

 

5A.9 Transfer of TCRs.  If a Credit Customer proposes to sell or acquire TCRs through a 

bilateral transfer with another Credit Customer, SPP will evaluate the effect of the 

proposed transfer on the Total TCR Credit Requirement of each party to the proposed 

bilateral transfer and determine if both the buyer and the seller have sufficient Financial 

Security for the bilateral transfer to occur.  SPP approval of such bilateral transfers, based 

on whether both the buyer and seller have provided sufficient Financial Security to 

support the transfer, is required prior to such transfers.   

 

5A.9.1 For the seller in a bilateral transfer, SPP calculates the impact of the proposed 

transfer on the TCR Portfolio Credit Requirement that would result from the 

removal of the TCRs that are the subject of the proposed bilateral transfer from 

the TCR portfolio of the Credit Customer that is the seller in the bilateral transfer. 

 

5A.9.2 For the buyer in a bilateral transfer, SPP calculates the impact of the proposed 

transfer on the TCR Portfolio Credit Requirement that would result from the 

addition of the TCRs that are the subject of the proposed bilateral transfer from 

the TCR portfolio of the Credit Customer that is the buyer in the bilateral transfer. 

 

5A.9.3 If multiple TCRs are included in a single proposed bilateral transfer, both parties 

to the bilateral transfer must have sufficient Financial Security for the transfer of 

all of the TCRs in the proposed transfer.  

 

5A.9.4  SPP, in its sole discretion, may approve bilateral transfers if a Credit Customer 

does not have sufficient Financial Security to support the transfer, but the transfer 

would result in a reduction in Total TCR Credit Requirement for that Credit 

Customer.  

 

5A.9.5 The bilateral TCR transfer price is not included in SPP’s evaluation of a bilateral 

transfer of TCRs.  After an approved bilateral transfer of TCRs is completed, each 

Credit Customer’s Total TCR Credit Requirement is updated. 

 

5A.10 Return of TCR Financial Security.  A Credit Customer may request that SPP return 

any Financial Security no longer required to hold TCRs or participate in TCR Auctions if 

it is not needed to support other market services.  SPP may limit the frequency of such 

requested Financial Security returns, provided that Financial Security returns will be 

made by SPP at least once per month, if requested by a Credit Customer.   
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1. Introduction 

This Attachment sets forth the Bidding, Offering and dispatching responsibilities of the 

Transmission Provider and Market Participants relating to the Integrated Marketplace and sets 

forth the operation, pricing and settlement of the Day-Ahead Market, the Real-Time Balancing 

Market (―RTBM‖) and the Transmission Congestion Rights (―TCRs‖) Market.  All time 

references in this Attachment AE shall be the prevailing time as specified in the Market 

Protocols.  Figure 1 shows the relationships and general timing sequence between the various 

market processes.   

 

Figure 1 

 

 
 



 

 

1.1 Definitions and Acronyms 



 

 

1.1 Definitions A 

Asset Owner 

An owner of any combination of: (1) registered physical assets (Resource, load, Import 

Interchange Transaction, Export Interchange Transaction, Through Interchange Transaction), (2) 

Transmission Congestion Rights, (3) Virtual Energy Offers, (4) Virtual Energy Bids, or (5) 

Bilateral Settlement Schedules. 

 

Asset Owner Reserve Zone Load Ratio Share 

The sum of an Asset Owner’s Reported Load and Export Interchange Transactions in a Reserve 

Zone divided by the sum of all Asset Owners’ Reported Load and Export Interchange 

Transactions in all Reserve Zones for a given hour. 

 

Auction Clearing Price (“ACP”) 

The price generated at each source and sink Settlement Location in each round of the Annual 

Transmission Congestion Right Auction and Monthly Transmission Congestion Right Auction 

based upon the Transmission Congestion Right Offers and Bids submitted. 

 

Auction Revenue Right (“ARR”) 

A right, awarded during the annual Auction Revenue Right allocation process and the 

incremental Auction Revenue Right allocation process, which entitles the holder to a share of the 

auction revenues generated in the applicable Transmission Congestion Rights auction(s) and 

entitles the holder to self-convert the Auction Revenue Right to a Transmission Congestion 

Right. 

 

Auction Revenue Right Nomination Cap (“ARR Nomination Cap”) 

A cap on the maximum total amount of Auction Revenue Rights that an Eligible Entity may 

nominate in each month and season in the annual Auction Revenue Right allocation process and 

the monthly incremental Auction Revenue Right allocation process. 



 

 

1.1 Definitions B 

Balancing Authority 

As defined in Section 1 of the Tariff  

 

Balancing Authority Area  

As defined in Section 1 of the Tariff. 

 

Behind-The-Meter Generation 

A generation unit that is connected on the load side of a load Meter Settlement Location and is 

used by the load Market Participant that is the registered owner for the Meter Settlement 

Location to serve all or part of its capacity, Energy or Ancillary Service needs. 

 

Bid 

A commitment to pay a specific maximum price for a quantity of Energy or Transmission 

Congestion Rights that includes a Demand Bid, a Virtual Energy Bid, an Export Interchange 

Transaction Bid or a Transmission Congestion Right Bid, where such quantities may be 

submitted in 0.1 Megawatt increments. 

 

Bilateral Settlement Schedule 

An arrangement between two Market Participants for transfer of Energy or Operating Reserve 

obligations. 

 

Block Controllable Load 

A registered load at a Settlement Location associated with a Block Demand Response Resource.  

 

Block Demand Response Resource 

A Resource created to model demand reduction that can only be committed and dispatched in 

hourly blocks. 



 

 

1.1 Definitions C 

Commercial Model 

A representation of the attributes of and the relationships between Market Participants, Asset 

Owners, Resource and load assets and Price Nodes for use in the Integrated Marketplace. 

 

Commitment Instruction 

An instruction issued by the Transmission Provider to a Market Participant to either start up or 

shut down a specified Resource in the Day-Ahead Market or any Reliability Unit Commitment 

process. 

 

Commit Time 

The time specified by the Transmission Provider in a Commitment Instruction at which a 

Resource is to be synchronized and operating at or above its Minimum Economic Capacity 

Operating Limit. 

 

Common Bus 

A single bus to which two or more Resources owned by the same Asset Owner are connected in 

an electrically equivalent manner where such Resources may be treated as interchangeable for 

certain compliance monitoring purposes. 

 

Confidential Information  

As referenced within Attachments AE, AF and AG to this Tariff, information containing or 

revealing: 

(1) (a) Any confidential, proprietary, or commercially sensitive information, or 

information of a plan, specification, pattern, procedure, design, device, list, 

concept, policy or compilation relating to the present or planned business of a 

Market Participant that is conspicuously designated as Confidential Information 

in writing, on each page of the document, by disclosing party at the time the 

information is provided to receiving party, whether conveyed electronically, in 

writing, through inspection, or otherwise; 



 

 

 

 

(b) Any confidential, proprietary, or commercially sensitive information, or 

information of a plan, specification, pattern, procedure, design, device, list, 

concept, policy or compilation relating to the present or planned business of a 

Market Participant that is provided orally and designated as Confidential 

Information by disclosing party at the time the information is provided to 

receiving party; 

(c) Any customer information designated by the customer as proprietary, unless the 

customer has authorized the release for public disclosure of such information;  

(d) Any software, products of software or other vendor information that the 

Transmission Provider is required to keep confidential under its agreements. 

(2) Confidential Information does not include Critical Energy Infrastructure Information 

(―CEII‖) materials as designated by FERC, which must be obtained in accordance with 

FERC regulations. 

 

Contingency Reserve 

Resource capacity held in reserve for Resource contingencies that is the sum of Spinning 

Reserve and Supplemental Reserve. 

 

Contingency Reserve Deployment Instruction 

An instruction issued by the Transmission Provider to Resources cleared for Contingency 

Reserve in the Real-Time Balancing Market to deploy a specific Megawatt quantity of 

Contingency Reserve as communicated as a component of the Setpoint Instructions. 

 

Contingency Reserve Deployment Period 

The time allowed to deploy Contingency Reserve following the issuance of a reserve sharing 

event, as specified in the SPP Criteria. 

 

Control  Status 

A parameter communicated electronically to the Transmission Provider by a Market Participant 

at any time during an Operating Hour indicating a Resource’s ability to follow Setpoint 

Instructions. 



 

 

 

 

 

Coordinated Flowgate  

A flowgate defined within a joint operating agreement between the Transmission Provider and 

another transmission provider as being affected by the transmission of Energy on either party’s 

transmission system.  

 

Current Operating Plan 

The Transmission Provider’s internal hourly Resource commitment schedule for the Operating 

Day resulting from the Day-Ahead Market and Day-Ahead Reliability Unit Commitment 

processes and updated, as required, during the Intra-Day Reliability Unit Commitment process 

that is used as input into the Real-Time Balancing Market. 



 

 

1.1 Definitions D  

Day-Ahead  

The time period starting at 0001 and ending at 2400 on the day prior to the Operating Day. 

 

Day-Ahead Market 

As defined in Section 1 of the Tariff. 

 

Day-Ahead Market Commitment Period 

The contiguous period of time between a Resource’s Day-Ahead Market Commit Time and Day-

Ahead Market De-Commit Time. 

 

Day-Ahead Reliability Unit Commitment (“Day-Ahead RUC”) 

The process performed by the Transmission Provider following the close of the Day-Ahead 

Market and prior to the Operating Day to assess Resource and Operating Reserve adequacy for 

the Operating Day, commit or de-commit Resources as necessary, and communicate 

commitment or de-commitment of Resources to the appropriate Market Participants as 

necessary. 

 

De-Commit Time 

The time specified by the Transmission Provider in a Commitment Instruction at which a 

Resource is to begin de-synchronization procedures. 

 

Demand Bid 

A proposal by a Market Participant associated with a physical load to purchase a fixed or price 

sensitive amount of Energy at a specified location and period of time in the Day-Ahead Market. 

 

Demand Bid Curve  

A Demand Bid specified as Megawatt and dollars per Megawatt hour with up to ten (10) 

price/quantity pairs. 

 

Demand Curve 



 

 

 

 

A series of quantity/price points used to set Operating Reserve Market Clearing Prices when 

there is a supply shortage of Operating Reserve and to set Locational Marginal Prices when there 

is shortage of capacity to meet Energy requirements. 

 

Demand Response Load 

A registered measurable load that is capable of being reduced at the instruction of the 

Transmission Provider and subsequently may be increased at the instruction of the Transmission 

Provider. 

 

Demand Response Resource 

A Dispatchable Demand Response Resource or a Block Demand Response Resource. 

 

Designated Resource 

As defined in Section 1 of the Tariff. 

 

Desired Dispatch 

A Megawatt value calculated from a Resource’s Real-Time Balancing Market Energy Offer 

Curve that represents the point at which the Resource’s incremental Energy Offer is equal to the 

Resource’s Real-Time Balancing Market Locational Marginal Price. 

 

Dispatch Interval 

The five (5) minute interval for which the Transmission Provider issues Dispatch Instructions for 

Energy and clears Operating Reserve in the Real-Time Balancing Market. 

 

Dispatch Instruction 

The communicated Resource target Energy Megawatt output level at the end of the Dispatch 

Interval. 

 

Dispatchable Controllable Load 

A registered load at a Settlement Location associated with a Dispatchable Demand Response 

Resource. 



 

 

 

 

 

Dispatchable Demand Response Resource 

A Resource created to model demand reduction associated with controllable load or a Behind-

The-Meter generator that is dispatchable on a five (5) minute basis. 

 

Dispatchable Resource 

A Resource for which an Energy Offer Curve has been submitted and that is available for 

dispatch by the Transmission Provider on a Dispatch Interval basis. 

 

Dispatchable Variable Energy Resource 

A Variable Energy Resource that is capable of being incrementally dispatched by the 

Transmission Provider.    



 

 

1.1 Definitions E 

Electrical Node (“ENode”) 

A physical node represented in the Network Model where electrical equipment and components 

are connected. 

 

Eligible Entity 

A Transmission Customer or Market Participant having firm SPP Transmission Service or firm 

non-SPP transmission service (referred to as a ―grandfathered agreement‖ or ―GFA‖) into, out 

of, within or through the SPP Region. 

 

Emergency Condition  

As defined in Section 1 of the Tariff. 

 

Energy 

An amount of electricity that is Bid or Offered, produced, purchased, consumed, sold or 

transmitted over a period of time, which is measured or calculated in Megawatt hours. 

 

Energy and Operating Reserve Markets 

As defined in Section 1 of the Tariff. 

 

Energy Offer Curve 

A set of price/quantity pairs that consists of Megawatts and dollars per Megawatt hour with up to 

ten (10) price/quantity pairs. 

 

Export Interchange Transaction  

A Market Participant schedule for exporting Energy out of the SPP Balancing Authority Area. 

 

Export Interchange Transaction Bid 

A proposal by a Market Participant to purchase a fixed or price sensitive amount of Energy for 

delivery outside of the SPP Balancing Authority Area at a specified External Interface and for a 

period of time. 



 

 

 

 

 

External Interface 

A Settlement Location representing a physical interconnection point(s) between the SPP 

Balancing Authority Area and an external Balancing Authority Area. 



 

 

1.1 Definitions F 

Firm Point-To-Point Auction Revenue Right Nomination Cap 

The maximum total amount of Firm Point-To-Point Candidate Auction Revenue Rights that an 

Eligible Entity may nominate in each month and season in the annual Auction Revenue Right 

allocation process and the monthly incremental Auction Revenue Right allocation process. 

 

Firm Point-To-Point Candidate Auction Revenue Right 

All or portion of the Megawatt quantity of a confirmed Firm Point-To-Point Transmission 

Service reservation which the holder of the Transmission Service reservation can nominate for 

conversion into an Auction Revenue Right in the annual Auction Revenue Right allocation 

process. 

 

Firm Point-To-Point Incremental Candidate Auction Revenue Right 

All or portion of the Megawatt quantity of a confirmed Firm Point-To-Point Transmission 

Service reservation which the holder of the Transmission Service reservation can nominate for 

conversion into an Auction Revenue Right in the incremental Auction Revenue Right allocation 

process. 

 

Firm Point-To-Point Transmission Service 

As defined in Section 1 of the Tariff. 



 

 

1.1 Definitions G 

Good Utility Practice 

As defined in Section 1 of the Tariff. 

 

Grandfathered Agreement (“GFA”) 

As defined in Section 1 of the Tariff. 

 

Grandfathered Agreement Firm Point-To-Point Auction Revenue Right Nomination Cap 

The maximum amount of Grandfathered Agreement Firm Point-To-Point Candidate Auction 

Revenue Rights and Grandfathered Agreement Firm Point-To-Point Incremental Candidate 

Auction Revenue Rights that an Eligible Entity may nominate in each month and season in the 

annual Auction Revenue Right allocation process or the incremental Auction Revenue Right 

allocation process. 

 

Grandfathered Agreement Firm Point-To-Point Candidate Auction Revenue Right 

All or a portion of the Megawatt quantity of the transmission service component of a 

Grandfathered Agreement providing service equivalent to Firm Point-To-Point Transmission 

Service, as defined in the Tariff which the applicable Eligible Entity can nominate for conversion 

into an Auction Revenue Right in the annual Auction Revenue Right allocation process. 

 

Grandfathered Agreement Firm Point-To-Point Incremental Candidate Auction Revenue 

Right 

All or a portion of the Megawatt quantity of the transmission service component of a 

Grandfathered Agreement providing service equivalent to Firm Point-To-Point Transmission 

Service, as defined in the Tariffwhich the applicable Eligible Entity can nominate for conversion 

into an Auction Revenue Right in the incremental Auction Revenue Right allocation process. 

 

Grandfathered Agreement Network Integration Transmission Service Auction Revenue 

Right Nomination Cap 

The maximum amount of Grandfathered Agreement Network Integration Transmission Service 

Candidate Auction Revenue Rights that an Eligible Entity may nominate in each month and 



 

 

 

 

season in the annual Auction Revenue Right allocation process and the monthly Incremental 

Auction Revenue Right allocation process. 

 

Grandfathered Agreement Network Integration Transmission Service Candidate Auction 

Revenue Right 

All or a portion of the Megawatt quantity of the transmission service component of a 

Grandfathered Agreement providing service equivalent to Network Integration Transmission 

Service, as defined in the Tariff. 

 

Grandfathered Agreement Network Integration Transmission Service Incremental 

Candidate Auction Revenue Right 

All or a portion of the Megawatt quantity of the transmission service component of a 

Grandfathered Agreement providing service equivalent to Network Integration Transmission 

Service, as defined in the Tariffwhich the applicable Eligible Entity can nominate for conversion 

into an Auction Revenue Right in the annual Auction Revenue Right allocation process. 



 

 

1.1 Definitions I 

Import Interchange Transaction  

A schedule for importing Energy into the SPP Balancing Authority Area. 

 

Import Interchange Transaction Offer 

A proposal by a Market Participant to provide Energy from a source external to the SPP 

Balancing Authority Area at a specified External Interface and period of time. 

 

Integrated Marketplace 

The Day-Ahead Market, the Real-Time Balancing Market, the Transmission Congestion Rights 

Market and the Reliability Unit Commitment processes. 

 

Interchange Transaction  

Any Energy transaction that is crossing the boundary of the SPP Balancing Authority Area and 

requires checkout with one or more external Balancing Authority Areas.  This includes any 

Import Interchange Transaction, Export Interchange Transaction or Through Interchange 

Transaction. 

 

Intra-Day Reliability Unit Commitment (“Intra-Day RUC”) 

The process performed by the Transmission Provider following the completion of the Day-

Ahead Reliability Unit Commitment process and throughout the Operating Day to assess 

Resource and Operating Reserve adequacy for the Operating Day, commit or de-commit 

Resources as necessary, and communicate commitment or de-commitment of Resources to the 

appropriate Market Participants as necessary. 



 

 

1.1 Definitions J 

Jointly Owned Unit 

A Resource that is owned by more than one Asset Owner or a Resource for which multiple Asset 

Owners have contractual rights that allow the submittal of a Resource Offer into the Integrated 

Marketplace. 



 

 

1.1 Definitions L 

Locational Marginal Price (“LMP”) 

The price for Energy at a given Price Node which is equivalent to the marginal cost of serving 

demand at the Price Node while meeting the Transmission Provider Operating Reserve 

requirements. 

 

Loss Pool 

A collection of Settlement Locations that is determined hourly for each Market Participant based 

on that Market Participant’s transactional activity and is used for the purpose of determining that 

Market Participant’s allocation of over-collected loss revenues. 



 

 

1.1 Definitions M 

Manual Dispatch Instruction 

A Dispatch Instruction that originates from SPP outside of the normal Real-Time Balancing 

Market security constrained economic dispatch solution to address a system reliability condition. 

 

Market Clearing Price (“MCP”) 

The price used for settlements of an Operating Reserve product in each Reserve Zone.  A 

separate price is calculated for Regulation-Up, Regulation-Down, Spinning Reserve and 

Supplemental Reserve. 

 

Market Flow 

The aggregate Megawatt flow on a Coordinated Flowgate or a Reciprocal Coordinated Flowgate 

caused by the Real-Time Balancing Market. 

 

Market Hub 

A Settlement Location consisting of an aggregation of Price Nodes. 

 

Market Participant 

As defined in Section 1 of the Tariff. 

 

Marginal Congestion Component (“MCC”) 

The calculated portion of the Locational Marginal Price at a Settlement Location representing 

transmission congestion costs between that Settlement Location and a reference location as 

calculated under Section 8.3 of this Attachment AE. 

 

Marginal Loss Component (“MLC”) 

The calculated portion of the Locational Marginal Price at a Settlement Location representing 

marginal loss costs between that Settlement Location and a reference location as calculated 

under Section 8.3 of this Attachment AE. 

 

Maximum Economic Capacity Operating Limit  



 

 

 

 

An economic MW level at or below a Resource’s Maximum Normal Capacity Operating Limit 

used for constraining Energy dispatch and Contingency Reserve clearing during normal system 

conditions. 

 

Maximum Emergency Capacity Operating Limit 

The maximum Megawatt level at which a Resource other than a Block Demand Response 

Resource may operate under Emergency Conditions. 

 

Maximum Normal Capacity Operating Limit 

The maximum Megawatt level at which a Resource may operate continuously. 

 

Maximum Regulation Capacity Operating Limit 

The maximum Megawatt level at which a Regulation Qualified Resource, a Regulation-Up 

Qualified Resource or a Regulation-Down Qualified Resource may operate while providing 

Regulation Deployment. 

 

Megawatt (“MW”) 

A measurement unit of the instantaneous demand for Energy. 

 

Meter Agent 

An entity responsible for collecting load and Resource data associated with identified Meter 

Settlement Locations within a Settlement Area for the purpose of energy accounting that impacts 

market settlements. 

 

Meter Data Submittal Location 

One or more Meter Settlement Locations contained within a single Settlement Area for which 

meter data is submitted to the Transmission Provider by the Meter Agent for settlement 

purposes. 

 

Meter Settlement Location 



 

 

 

 

The point at which a Market Participant’s registered load and Resources interchange Energy with 

the Real-Time Balancing Market. 

 

Minimum Economic Capacity Operating Limit  

A Megawatt level at or above a Resource’s Minimum Normal Capacity Operating Limit used for 

energy dispatch at a minimum level during normal operating conditions. 

 

Minimum Emergency Capacity Operating Limit 

The minimum Megawatt level at which a Resource other than a Block Demand Response 

Resource may operate under Emergency Conditions. 

 

Minimum Normal Capacity Operating Limit 

The minimum Megawatt level at which a Resource may operate continuously. 

 

Minimum Regulation Capacity Operating Limit 

The minimum Megawatt level at which a Regulation Qualified Resource, a Regulation-Up 

Qualified Resource or a Regulation-Down Qualified Resource may operate while providing 

Regulation Deployment. 

 

Minimum Run Time 

The minimum length of time a Resource must run from the time the Resource is put online to the 

time the Resource is shut-down. 

 

Multi-Day Reliability Assessment 

The process to assess Resource adequacy for the Operating Day, commit Resources with long 

Start-Up Times that cannot be considered as part of the Day-Ahead Market or Day-Ahead 

Reliability Unit Commitment, and communicate commitment of such Resources as necessary. 



 

 

1.1 Definitions N 

Network Integration Transmission Service 

As defined in Section 1 of the Tariff. 

 

Network Integration Transmission Service Auction Revenue Right Nomination Cap  

The maximum amount of Network Integration Transmission Service Candidate Auction Revenue 

Rights and Network Integration Transmission Service Incremental Candidate Auction Revenue 

Rights that an Eligible Entity may nominate in each month and season in the annual Auction 

Revenue Right allocation process and the monthly incremental Auction Revenue Right 

allocation process. 

 

Network Integration Transmission Service Candidate Auction Revenue Right 

The Megawatt quantity associated with Network Integration Transmission Service from Network 

Resources, which is verified prior to the start of the annual Auction Revenue Right allocation 

process, and that the holder of the Network Integration Transmission Service can nominate for 

conversion into an Auction Revenue Right, subject to the Network Integration Transmission 

Service Auction Revenue Right Nomination Cap, in the annual Auction Revenue Right 

allocation process. 

 

Network Integration Transmission Service Incremental Candidate Auction Revenue Right  

The Megawatt quantity associated with Network Integration Transmission Service from Network 

Resources, that the holder of the Network Integration Transmission Service can nominate for 

conversion into an Auction Revenue Right, subject to the Network Integration Transmission 

Service Auction Revenue Right Nomination Cap, in the incremental Auction Revenue Right 

allocation process. 

 

Network Model 

A representation of the transmission, generation, and load elements of the interconnected 

Transmission System and the transmission systems of other regions in the Eastern 

Interconnection. 

 



 

 

 

 

No-Load Offer 

The compensation request in a Resource Offer, in dollars, by a Market Participant representing 

the hourly fee for operating a synchronized Resource at zero (0) Megawatt output.  For a 

generating unit, No-Load Offers are generally representative of the fuel expense required to 

maintain synchronous speed at zero (0) Megawatt output.  For a Dispatchable Demand Response 

Resource or Block Demand Response Resource, No-Load Offers are generally representative of 

a combination of the fuel expense required to maintain synchronous speed at zero (0) Megawatt 

output for Behind-The-Meter Generation and the ongoing hourly costs associated with 

manufacturing process changes associated with a reduction in load consumption. 

 

Non-Conforming Load 

Load that is process driven that does not follow a predictable pattern.   

 

Non-Dispatchable Variable Energy Resource 

A Variable Energy Resource that is not capable of being incrementally dispatched by the 

Transmission Provider.   



 

 

1.1 Definitions O 

Offer 

A commitment to sell a quantity of Energy at a specific minimum price that includes a Resource 

Offer, a Virtual Energy Offer or an Import Interchange Transaction Offer where such quantities 

may be submitted in 0.1 MW increments. 

 

Off-Peak 

As defined in Schedule 1 of the Tariff. 

 

On-Peak 

As defined in Schedule 1 of the Tariff. 

 

Operating Day 

A daily period beginning at midnight. 

 

Operating Hour  

A sixty (60) minute period of time during the Operating Day corresponding to a clock hour 

typically expressed as hour-ending. 

 

Operating Reserve 

Resource capacity held in reserve for Resource contingencies and NERC control performance 

compliance that includes the following products: Regulation-Up, Regulation-Down, Spinning 

Reserve and Supplemental Reserve. 

 

Operating Tolerance 

The Megawatt range of actual Resource output above and below the Resource’s average Setpoint 

Instruction over the Dispatch Interval where the Resource will not be subject to charges 

associated with Uninstructed Resource Deviation. 



 

 

1.1 Definitions P 

Parallel Flow 

Flow on the Transmission System not scheduled with SPP caused by entities external to the SPP 

Balancing Authority Area (also known as loop flow). 

 

Portal 

Internet interface between SPP and its Members. 

 

Pre-Day-Ahead 

The time period starting six (6) days prior to Day-Ahead and ending midnight on the day prior to 

Day-Ahead. 

 

Price Node (“Pnode”) 

A single node in the Commercial Model that has a one-to-one relationship to an Electrical Node 

where Locational Marginal Prices are calculated. 



 

 

1.1 Definitions Q 

Quick-Start Resource 

A Resource that can start, synchronize and generate electricity within ten (10) minutes of 

Transmission Provider notification. 



 

 

1.1 Definitions R 

Real-Time 

The continuous time period during which the Real-Time Balancing Market is operated. 

 

Real-Time Balancing Market (“RTBM”) 

As defined in Section 1 of the Tariff. 

 

Real-Time Load Ratio Share 

The sum of a Market Participant’s Reported Load and Export Interchange Transactions at all 

Settlement Locations divided by the sum of all Market Participants’ Report Load and Export 

Interchange Transactions at all Settlement Locations for a given hour. 

 

Reciprocal Coordinated Flowgate  

A Coordinated Flowgate defined within a joint operating agreement between SPP and another 

transmission provider as being affected by the transmission of Energy on both of their respective 

transmission systems. 

 

Reference Bus  

The location on the Transmission System relative to which all mathematical quantities, including 

shift factors and penalty factors relating to physical operation, will be calculated. 

 

Regulation Deployment  

The utilization of Regulation-Up and Regulation-Down through automatic generation control 

equipment to automatically and continuously adjust Resource output to balance the SPP 

Balancing Authority Area in accordance with NERC control performance criteria. 

 

Regulation-Down 

An Operating Reserve product procured by the Transmission Provider from Resources that 

reduce their energy output in response to a Regulation Deployment instruction from the 

Transmission Provider. 

 



 

 

 

 

Regulation-Down Offer 

The price at which a Regulation Qualified Resource or a Regulation-Down Qualified Resource 

has committed to sell Regulation-Down. 

 

Regulation-Down Qualified Resource  

A Resource that has met the requirements to be eligible to submit Regulation-Down Offers into 

the Energy and Operating Reserve Markets. 

 

Regulation Qualified Resource  

A Resource that has met the requirements to be eligible to submit Regulation-Up Offers and 

Regulation-Down Offers into the Energy and Operating Reserve Markets. 

 

Regulation Response Time  

The maximum amount of time allowed for a Resource to move its output from zero (0) 

Regulation Deployment to the full amount of Regulation-Up cleared or to move from zero (0) 

Regulation Deployment to the full amount of Regulation-Down cleared. 

 

Regulation-Up 

An Operating Reserve product procured by the Transmission Provider from Resources that 

increase their energy output in response to a Regulation Deployment instruction from the 

Transmission Provider. 

 

Regulation-Up Offer 

The price at which a Regulation Qualified Resource or a Regulation-Up Qualified Resource has 

committed to sell Regulation-Up. 

 

Regulation-Up Qualified Resource  

A Resource that has met the requirements to be eligible to submit Regulation-Up Offers into the 

Energy and Operating Reserve Markets. 

 

Reliability Unit Commitment (“RUC”) 



 

 

 

 

The process performed by the Transmission Provider to assess resource and Operating Reserve 

adequacy for the Operating Day, commit or de-commit resource as necessary, and communicate 

commitment or de-commitment of Resources to the appropriate Market Participants as 

necessary. 

 

Reliability Unit Commitment Period (“RUC Commitment Period”) 

The contiguous period of time between a Resource’s Reliability Unit Commitment Commit Time 

and Reliability Unit Commitment De-Commit Time. 

 

Reported Load 

A Market Participant's actual value of energy withdrawn from the Transmission System at a 

Settlement Location adjusted as described under Section 8.6.1.1 of Attachment AE and further 

adjusted, if necessary, to account for distribution system losses between the actual metering point 

and the Transmission System Settlement Location as described under Appendix D of the Market 

Protocols. 

 

Reservation Capacity  

The reservation Megawatt between a specified source and sink associated with SPP 

Transmission Service. 

 

Reserve Sharing Event  

A request for assistance to deploy Contingency Reserve by any signatory to the Reserve Sharing 

Group Agreement following the sudden loss of a Resource. 

 

Reserve Sharing Group 

A group whose members consist of two or more Balancing Authorities that collectively maintain, 

allocate, and supply operating reserves required for each Balancing Authority’s use in recovering 

from contingencies within the group.  

 

Reserve Sharing Group Agreement 



 

 

 

 

The Agreement detailing the rights and obligations of the Reserve Sharing Group members for 

use in recovering from contingencies within the group. 

 

Reserve Zone  

A zone containing a specific group of Price Nodes for which a minimum and maximum 

Operating Reserve requirement is calculated. 

 

Residual Load 

Settlement Area Net Load less all other directly metered Reported Load within the Settlement 

Area. 

 

Resource 

An asset that injects energy into the transmission grid or reduces the withdrawal of energy from 

the transmission grid. 

 

Resource Offer 

For a Resource, the combination of its Start-Up Offer, No-Load Offer, Energy Offer Curve, 

Regulation-Up Offer, Regulation-Down Offer, Spinning Reserve Offer, Supplemental Reserve 

Offer and Resource physical operating parameters. 



 

 

1.1 Definitions S 

Scarcity Price 

The Market Clearing Price levels determined by Demand Curves when there is insufficient 

Operating Reserve available to meet the Operating Reserve requirement. 

 

Scarcity Pricing 

The setting of Scarcity Prices in accordance with Section 8.3.4.2 of this Attachment AE. 

 

Security Constrained Economic Dispatch (“SCED”) 

An algorithm capable of clearing, dispatching, and pricing Energy and Operating Reserve on a 

co-optimized basis that minimizes overall cost while enforcing security constraints. 

 

Security Constrained Unit Commitment (“SCUC”) 

An algorithm capable of committing Resources to supply Energy and Operating Reserve on a co-

optimized basis that minimizes capacity costs while enforcing security constraints. 

 

Setpoint Instruction 

The Real-Time desired Megawatt output signal calculated for a specific Resource by SPP’s 

control system for a specified period. 

 

Settlement Area  

A geographic area within the SPP Balancing Authority Area for which transmission interval 

metering can account for the net area load within the geographic area. 

 

Settlement Area Metered Net Interchange 

The algebraic sum of all Energy flowing into or out of a Settlement Area during an hour. 

 

Settlement Area Net Load 

The sum of (a) net injections at each Settlement Location within the Settlement Area and (b) 

Settlement Area Metered Net Interchange. 

 



 

 

 

 

Settlement Invoice 

A weekly summary of the Integrated Marketplace net daily charges and payments by Asset 

Owner and Operating Day that is generated for each Market Participant and contains data for all 

of the Operating Days settled, either on an initial, final or resettlement basis, during the invoice 

period.  

 

Settlement Location 

A location of finest granularity for calculation of Day-Ahead Market and Real-Time Balancing 

Market settlements. 

 

Settlement Statement 

A daily summary of the Integrated Marketplace total daily charges and payments by charge type, 

Asset Owner and Operating Day. 

 

Simultaneous Feasibility Test 

A test for a state in which each set of injections and withdrawals associated with Auction 

Revenue Rights and Transmission Congestion Rights would not exceed any thermal, voltage, or 

stability limits within the Transmission System under normal operating conditions or for 

monitored contingencies. 

 

Shadow Price 

A price for a commodity that measures the marginal value of the commodity. 

 

Spinning Reserve 

The portion of Contingency Reserve consisting of Resources synchronized to the system and 

fully available to serve load within the Contingency Reserve Deployment Period following a 

contingency event. 

 

Spinning Reserve Offer 

The price at which a Spin Qualified Resource has agreed to sell Spinning Reserve. 

 



 

 

 

 

Spin Qualified Resource 

A Resource that has met the requirements to be eligible to submit Spinning Reserve Offers into 

the Energy and Operating Reserve Markets. 

 

SPP Holidays 

New Year's Day, President's Day, Memorial Day, Independence Day, Labor Day, Thanksgiving 

Day, Day After Thanksgiving, Christmas Eve, Christmas Day. 

 

SPP Region 

As defined in Section 1 of the Tariff. 

 

Start-Up Offer  

The compensation required by a Market Participant for bringing an off line Resource on line or 

for reducing consumption of a Dispatchable Demand Response Resource or Block Demand 

Response Resource. 

 

Start-Up Time 

The time required to start a Resource and reach the Minimum Economic Capacity Operating 

Limit following receipt of a Commitment Instruction to start-up from the Transmission Provider. 

 

State Estimator 

A standard industry tool that produces a power flow model based on available Real-Time 

metering information, information regarding the current status of lines, generators, transformers, 

and other equipment, bus load distribution factors, and a representation of the electric network, 

to provide a complete description of system conditions, including conditions at busses for which 

Real-Time information is unavailable. 

 

Supplemental Qualified Resource 

A Resource that has met the requirements to be eligible to submit Supplemental Reserve Offers 

into the Energy and Operating Reserve Markets. 

 



 

 

 

 

Supplemental Reserve 

The portion of Operating Reserve consisting of on-line Resources or off-line Resources capable 

of being synchronized to the system that is fully available to serve load within the Contingency 

Reserve Deployment Period following a contingency event. 

 

Supplemental Reserve Offer 

The price at which a Supplemental Qualified Resource has agreed to sell Supplemental Reserve. 

 

Synchronized Resource 

A Resource that is electrically connected to the grid as evidenced by the closing of the Resource 

circuit breaker. 

 

Sync-To-Min Time 

The time required for a Resource’s output to reach Minimum Economic Capacity Operating 

Limit following synchronization to the grid. 



 

 

1.1 Definitions T 

Through Interchange Transaction 

A Market Participant schedule submitted between two External Interfaces for use in the Day-

Ahead Market or Real-Time Balancing Market for moving Energy through the SPP Balancing 

Authority Area. 

 

Transmission Congestion Right (“TCR”) 

A right that entitles the holder to be compensated or charged for congestion in the Day-Ahead 

Market between two Settlement Locations. 

 

Transmission Congestion Rights Markets (“TCR Markets”) 

The annual and monthly Transmission Congestion Rights auctions and the Auction Revenue 

Rights annual and monthly allocation processes. 

 

Transmission Customer 

As defined in Section 1 of the Tariff. 

 

Transmission Provider 

As defined in Section 1 of the Tariff. 

 

Transmission Service 

As defined in Section 1 of the Tariff. 

 

Transmission System 

As defined in Section 1 of the Tariff. 

 

Tariff 

The Transmission Provider’s Open Access Transmission Tariff. 



 

 

1.1 Definitions U 

Uninstructed Resource Deviation (“URD”) 

The Megawatt amount by which a Resource’s actual output in a Dispatch Interval is above or 

below that Resource’s average Setpoint Instruction in the Dispatch Interval. 



 

 

1.1 Definitions V 

Variable Energy Resource 

A Resource powered solely by wind, solar Energy, run-of-river hydro or other unpredictable fuel 

source that is beyond the control of the Resource operator. 

 

Violation Relaxation Limit (“VRL”) 

The values described under Section 8.3.2 of this Attachment AE. 

 

Virtual Energy Bid 

A proposal by a Market Participant to purchase Energy at a specified price, Settlement Location 

and period of time in the Day-Ahead Market that is not associated with a physical load. 

 

Virtual Energy Bid Curve 

A set of price/quantity pairs that consists of Megawatt and dollars per Megawatt hour with up to 

ten (10) price/quantity pairs. 

 

Virtual Energy Offer 

A proposal by a Market Participant to sell Energy at a specified price, Settlement Location and 

period of time in the Day-Ahead Market that is not associated with a physical Resource. 



 

 

2.0 Market Participant Obligations 

 



 

 

2.1 Service Agreement 

 Each Market Participant must execute the Service Agreement specified in 

Attachment AH.  If the Market Participant fails or refuses to execute this service 

agreement, the Transmission Provider will file an unexecuted agreement with the 

Commission in accordance with Section 2.2(6) of this Attachment AE. 



 

 

2.2 Application and Asset Registration 

(1) Applications for a Market Participant to provide services in the Integrated 

Marketplace must be submitted to the Transmission Provider prior to the expected 

date of participation consistent with Section 6.4 of the Market Protocols.  

Applications must conform to the procedures specified in the Market Protocols 

and may be rejected if not complete. New Market Participants will follow the 

timeframe as specified in Section 6.4 of the Market Protocols in addition to the 

detailed model update timing requirements in Appendix E of the Market 

Protocols. 

(2) As part of the application process, Market Participants must register all Resources 

and load, including applicable load associated with Grandfathered Agreements 

(―GFAs‖), Non-Conforming Load and Demand Response Load with the 

Transmission Provider in accordance with the registration process specified in the 

Market Protocols.  Both Non-Conforming Load and Demand Response Load may 

only be associated with a single Price Node. 

(3) Market Participants may elect to define a single Settlement Location that 

aggregates multiple Meter Data Submittal Locations associated with their load 

assets. 

(4) In addition to the responsibilities described in Section 4.1.2 of this Attachment 

AE and under the Market Protocols, Market Participants wishing to model each 

participant’s share of a Jointly Owned Unit as a separate Resource must choose 

one of the two options described below and provide the specified additional 

information.  A Resource registered as a combined cycle Resource may not 

register as a Jointly Owned Unit. 

(a) Individual Resource Option 

Under the individual Resource option, each participant’s share is 

modeled as a separate Resource for the purposes of commitment and 

dispatch and each Resource may be committed independent of the other 

Resource shares.  In order to qualify for this option, each Market 

Participant must register its share and certify that it is greater than or equal 



 

 

 

 

to the minimum physical capacity operating limit of the physical Jointly 

Owned Unit. 

The operating owner’s Meter Agent will be the Meter Agent for 

that Jointly Owned Unit unless each individual Jointly Owned Unit 

participant registers a Meter Agent for its share of the Resource. 

Unless otherwise agreed to by the Jointly Owned Unit participants, 

the operating owner will be responsible for submitting the following data: 

 Jointly Owned Unit maximum physical capacity operating 

limit;  

 Jointly Owned Unit minimum physical capacity operating 

limit; and 

 Maximum physical ten (10) minute response from an off-

line state. 

(b) Combined Resource Option 

Under the combined Resource option each participant’s share is 

modeled and must be registered as a separate Resource.  Under this option, 

the commitment decision is made assuming that all Resource shares must 

be committed or none at all.  Once committed, each share is dispatched 

independently.  This option must be selected if the eligibility criteria stated 

under the individual Resource option cannot be met. 

The operating owner’s Meter Agent will be the Meter Agent for 

that Jointly Owned Unit unless each individual Jointly Owned Unit 

participant registers a Meter Agent for its share of the Resource. 

Unless otherwise agreed to by the Jointly Owned Unit participants, 

the operating owner will be responsible for submitting the following data: 

 Jointly Owned Unit maximum physical capacity operating 

limit;  

 Jointly Owned Unit minimum physical capacity operating 

limit;  

 Maximum physical ten (10) minute response from an off-

line state; and 

 Participant share percentage by Market Participant. 



 

 

 

 

(5) Market Participants may modify their registered assets in accordance with the 

asset registration procedures specified in the Market Protocols. 

(6) All loads and all Resources, excluding Behind-The-Meter Generation less than 10 

Megawatts (―MWs‖), must register.  Failure or refusal to register a Resource will 

result in the Transmission Provider filing an unexecuted version of the service 

agreement as specified in Attachment AH of this Tariff for that Resource with the 

Commission under the name of the generation interconnection customer under an 

interconnection agreement with the Transmission Provider or the applicable 

Transmission Owner.  In the case of a Qualifying Facility exercising its rights 

under PURPA to deliver all of its net output to its host utility, such registration 

will not require the Qualifying Facility to participate in the Energy and Operating 

Reserve Markets or subject the Qualifying Facility to any charges or payments 

related to the Energy and Operating Reserve Markets. 

(7) A Market Participant wishing to Offer an External Resource in the Energy and 

Operating Reserve Markets will utilize an External Resource Pseudo-Tie in 

accordance with Attachment AO.  In addition to the responsibilities outlined in 

Attachment AO, the Market Participant registering the External Resource will be 

responsible for registering and performing all responsibilities that are required of 

Resources in the Energy and Operating Reserve Markets. 

(8) A Market Participant wishing to offer controllable load as a Demand Response 

Resource in the Energy and Operating Reserve Markets must include in its 

application and registration a certification that participation in the Energy and 

Operating Reserve Markets by its Demand Response Resource is not precluded 

under the laws or regulations of the relevant electric retail regulatory authority. 

Consistent with Section 2.8 of this Attachment, an aggregator of retail customers 

wishing to offer Demand Response Load in the form of a Demand Response 

Resource on behalf of one or more retail customers must also include in its 

application and registration a certification that participation of each retail 

customer is either: (1) not precluded by the laws or regulations of the relevant 

electric retail regulatory authority if the customer is served by a utility that 

distributed more than 4 million MWh in the previous fiscal year; or (2) 



 

 

 

 

affirmatively permitted by the laws or regulations of the relevant electric retail 

regulatory authority if the customer is served by a utility that distributed 4 million 

MWh or less in the previous fiscal year.  Demand Response Resources must meet 

all application, registration and technical requirements applicable to the Energy 

and Operating Reserve Markets.  The Transmission Provider is not responsible for 

interpreting the laws or regulations of a relevant electric retail regulatory authority 

and shall be required only to verify that the Market Participant has included such 

a certification in its application materials.  The Transmission Provider is not liable 

or responsible for Market Participants participating in the Energy and Operating 

Reserve Markets in violation of any law or regulation of a relevant electric retail 

regulatory authority including state-approved retail tariff(s). 

(9) An aggregator of retail customers offering Demand Response Load of one or 

more end-use retail customers as a Demand Response Resource in the Energy and 

Operating Reserve Markets must be a Market Participant, satisfying all 

registration and certification requirements applicable to Market Participants as 

well as certification consistent with Section 2.8 of this Attachment. 

(10) A wind-powered Variable Energy Resource with an interconnection agreement 

executed after May 21, 2011 must register as a Dispatchable Variable Energy 

Resource.  Variable Energy Resources with fuel sources other than wind may 

optionally register as a Dispatchable Variable Energy Resource.  Otherwise, 

Variable Energy Resources must register as Non-Dispatchable Variable Energy 

Resources.    



 

 

2.3 Market Manipulation 

 Market Participants shall not engage in any market manipulation activities.  Such 

actions or transactions that are without a legitimate business purpose and that are 

intended to, or foreseeably could, manipulate market prices, market conditions, or market 

rules for electric energy or electric products are prohibited.  Such activities include, but 

shall not be limited to, the activities specified in Attachment AG. 



 

 

2.4 Commitment and Dispatch 

Market Participants shall, where applicable: 

(1) Follow the Transmission Provider’s Commitment Instructions and Dispatch 

Instructions as described under this Attachment AE;  

(2) Abide by the procedures set forth in the Market Protocols. 



 

 

2.5 Provision of Load and Generation Data 

 Market Participants, or their designated Meter Agent, shall submit to the 

Transmission Provider data for the Operating Day representing the actual generation 

output and actual load consumption, or where actual data is not available, estimates 

thereof, associated with their registered load and Resources in accordance with the 

timelines specified in the Market Protocols.  A Market Participant may designate any 

qualified entity to perform the Meter Agent function or perform this function on its own 

behalf. 

 Any entity performing the Meter Agent function for a Market Participant must 

execute the Meter Agent Agreement specified in Attachment AM prior to performing 

such function. 



 

 

2.6 Dispatchable Demand Response Resource 

In addition to the responsibilities described in Section 4.1.2 of this Attachment 

AE and under the Market Protocols, Market Participants registering a Dispatchable 

Demand Response Resource must: 

(1) Identify an associated Demand Response Load Meter Data Submittal Location; 

(2) Identify an associated Dispatchable Controllable Load Settlement Location; 

(3) Specify one of the following two options for calculation of the Dispatchable 

Demand Response Resource output as described in Section 4.1.2 of this 

Attachment AE: 

(a) Submitted Resource production option; or 

(b) Calculated Resource production option.  

 

The Transmission Provider will notify the applicable retail provider and the 

relevant electric retail regulatory authority of the registration and the expected MW level 

of participation. 



 

 

2.7 Block Demand Response Resource 

 In addition to the responsibilities described in Section 4.1.2 of this Attachment 

AE and under the Market Protocols, Market Participants registering a Block Demand 

Response Resource must:  

(1) Identify an associated Demand Response Load Meter Data Submittal Location; 

and 

(2) Identify an associated Block Controllable Load Settlement Location 

 

 The Transmission Provider will notify the applicable retail provider and the 

relevant electric retail regulatory authority of the registration and the expected MW level 

of participation. 



 

 

2.8 Aggregators of Retail Customers 

(1) An aggregator of retail customers offering a Block Demand Response Resource 

or a Dispatchable Demand Response Resource associated with one or more end-

use retail customers in the Energy and Operating Reserve Markets must be a 

Market Participant, satisfying all registration and certification requirements 

applicable to Market Participants. 

(2) For purposes of participation in the Energy and Operating Reserve Markets, an 

aggregator of retail customers may aggregate Block Controllable Load or 

Dispatchable Controllable Load of: (1) End-use retail customers of utilities that 

distributed more than 4 million MW hours (―MWh‖) in the previous fiscal year, 

unless precluded by the laws or regulations of the relevant electric retail 

regulatory authority including state-approved retail tariff(s); and (2) End-use retail 

customers of utilities that distributed 4 million MWh or less in the previous fiscal 

year, where the relevant electric retail regulatory authority, including any state-

approved retail tariff(s), affirmatively permits such customer’s demand response 

to be offered into the Energy and Operating Reserve Markets by an aggregator of 

retail customers.  Aggregators of retail customers shall be treated comparably to 

other Market Participants offering Resources in the Energy and Operating 

Reserve Markets.  

Aggregations pursuant to this section shall be subject to the following 

requirements: 

(a) End-use customers aggregated into a single Dispatchable Demand 

Response Resource or a single Block Demand Response Resource must be 

located at the same electrically equivalent withdrawal point from the 

Transmission System and must be served by the same retail provider; 

(b) All end-use customers in an aggregation shall be specifically identified. 

(c) For a Block Demand Response Resource or a Dispatchable Demand 

Response Resource of an aggregator of retail customers that chooses to 

measure demand reductions using the calculated Real-Time response 

methodology, a single hourly baseline for each registered Resource shall 



 

 

 

 

be used to determine settlements pursuant to Section 8 of this Attachment 

AE. 



 

 

2.9 Combined Cycle Resource 

Market Participants registering Resources with combined cycle capability as described in 

Section 4.1.2.2 of this Attachment AE shall select only one configuration during market 

registration.  Market Participants that jointly participate in a combined cycle Resource 

that desire to use the Jointly Owned Unit modeling options described under Section 

2.2(4) of this Attachment AE must register as a Jointly Owned Unit and cannot register 

the Resource as a combined cycle Resource.  Modifications to Resource configurations 

may be made in accordance with timing requirements defined in the Market Protocols. 



 

 

2.10 Operating Reserve Certification 

 In order to be eligible to submit Operating Reserve Offers, a Market Participant’s 

Resource must meet the certification requirements in the Subsections below. 



 

 

2.10.1 Spin Qualified Resources 

 There are no specific testing requirements for a Resource to become a Spin 

Qualified Resource.  A Market Participant will self-certify that its Resource is capable of 

deploying Spinning Reserve or on-line Supplemental Reserve during the registration 

process.  In such case, that Resource will become a Spin Qualified Resource.  The 

Transmission Provider may perform, at its discretion, Contingency Reserve deployment 

tests, as described in the Market Protocols, in order to verify that any cleared Spinning 

Reserve or on-line Supplemental Reserve is capable of being deployed.  Such 

Contingency Reserve deployment tests may also test deployment of Spinning Reserve or 

on-line Supplemental Reserve resulting from a Reserve Sharing Event. 

 If the Resource deploys less than seventy-five percent (75%) of the MW 

deployment instruction, the Resource has failed the test and the Resource will not be 

eligible for compensation for out-of-merit Energy (―OOME‖) and the maximum online 

Contingency Reserve available for sale in the Integrated Marketplace shall be limited to 

the actual MW deployed during the test.  Such restriction shall continue to apply until the 

Resource passes a retest.  The Market Participant representing the Resource must obtain 

Transmission Provider approval regarding the timing of a retest and the Resource will not 

be eligible for compensation for OOME as a result of the retest. 



 

 

2.10.2 Supplemental Qualified Resources 

 There are no specific testing requirements for an off-line Resource to become a 

Supplemental Qualified Resource.  A Market Participant will self-certify that its off-line 

Resource is capable of deploying Supplemental Reserve during the registration process.  

In such case, that Resource will become a Supplemental Qualified Resource.  The 

Transmission Provider may perform, at its discretion, Contingency Reserve deployment 

tests, as described in the Market Protocols, in order to verify that any cleared 

Supplemental Reserve is capable of being deployed. Such Contingency Reserve 

deployment tests may also test deployment of off-line Supplemental Reserve resulting 

from a Reserve Sharing Event 

 If the Resource deploys less than seventy-five percent (75%) of the MW 

deployment instruction, the Resource has failed the test and the Resource will not be 

eligible for Reliability Unit Commitment (―RUC‖) make whole payment compensation 

and the maximum off-line Supplemental Reserve available for sale in the Integrated 

Marketplace shall be limited to the actual MW deployed during the test.  Such restriction 

shall continue to apply until the Resource passes a retest.  The Market Participant 

representing the Resource must obtain Transmission Provider approval regarding the 

timing of a retest and the Resource will not be eligible for RUC make whole payment 

compensation as a result of the retest. 



 

 

2.10.3 Regulation Qualified Resources 

 The specific testing procedures for a Resource to become a Regulation Qualified 

Resource, Regulation-Up Qualified Resource or Regulation-Down Qualified Resource 

are described in the Market Protocols and are coordinated by the Transmission Provider 

under the following guidelines: 

(1) A resource may be certified as a Regulation Qualified Resource, Regulation-Up 

Qualified Resource or Regulation-Down Qualified Resource only after it achieves 

three consecutive regulation test scores of seventy-five percent (75%) or above 

where the calculation of the regulation test score is defined in the Market 

Protocols; 

(2) The first of these tests may be performed internally by the Market Participant.  

Notification to perform a regulation test must be made to the Transmission 

Provider at least twenty (20) minutes before the test;  

(3) The Transmission Provider makes the final determination about whether a 

regulation test can be performed; 

(4) Only one test may be performed on a Resource each Operating Day; 

(5) The Transmission Provider may perform a regulation test on any Regulation 

Qualified Resource, Regulation-Up Qualified Resource or Regulation-Down 

Qualified Resource to verify continued certification; 

(6) The Transmission Provider may disqualify a previously qualified resource for 

persistent failure to follow regulation deployment instructions as described in the 

Market Protocols.  A Market Participant may request a re-test if the Resource was 

disqualified as a Regulation Qualified Resource, Regulation-Up Qualified 

Resource or Regulation-Down Qualified Resource.  The Resource must attain a 

test score of seventy-five percent (75 %) or greater in order to be re-qualified. 

(7) After initial certification, a compliance rating of seventy-five percent (75%) or 

above must be maintained where the compliance rating calculation is defined in 

the Market Protocols. 



 

 

2.11 Must-Offer Requirement 



 

 

2.11.1 Day-Ahead Market 

Each Market Participant must offer sufficient Resources to the Day-Ahead Market 

to cover its load plus Operating Reserve obligation to the extent its Resources are 

available. 

(1) A Market Participant’s load for purposes of this section shall be equal to that 

Market Participant’s expected daily peak load for the Operating Day as estimated 

by the Market Participant. 

(2) A Market Participant’s daily Operating Reserve obligation shall be equal to the 

sum of that Market Participant’s maximum daily Regulation-Up, Regulation-

Down and Contingency Reserve obligations as estimated by the Transmission 

Provider in accordance with Section 3.1.4(3) if this Attachment AE. 



 

 

2.11.2 Reliability Unit Commitment and the Real-Time Balancing Market 

For the RUC processes and RTBM, Market Participants must submit Resource 

Offers for all Resources to the extent these Resources are available.  Market Participants 

must include in their Resource Offers the full amount of physical capacity available as 

reflected in the Resource’s submitted Maximum Normal Capacity Operating Limit and 

Maximum Emergency Capacity Operating Limit. 



 

 

2.12 Non-Conforming Load 

Market Participants must: 

(1) Provide hourly estimates of their registered Non-Conforming Load to the 

Transmission Provider no later than 1700 hours Day-Ahead for the remainder of 

the Operating Day and for the next six (6) Operating Days; 

(2) Update their submitted Non-Conforming Load estimates on a five (5) minute 

rolling ten (10) minute ahead basis;  

(3) Provide the Transmission Provider with actual Non-Conforming Load data in 

Real-Time to the extent that telemetering is available.   



 

 

2.13 Market Protocols and SPP Criteria 

Market Participants must comply with the requirements and procedures described 

in the Transmission Provider’s Tariff, the Market Protocols and the SPP Criteria. 



 

 

3.0 Transmission Provider Rights and Obligations 



 

 

3.1 Transmission Provider Scope of Services 

The Transmission Provider shall perform the services pertaining to the Integrated 

Marketplace specified in this Tariff, including, but not limited to, the following. 

(1) Develop and maintain rules, practices and procedures for the Integrated 

Marketplace. 

(2) Operate and administer the Integrated Marketplace, 

In addition, the Transmission Provider, in its functional entity roles as the 

Reliability Coordinator, Balancing Authority, Transmission Service Provider, Planning 

Coordinator, Reserve Sharing Group Administrator, Interchange Authority and Market 

Operator shall act in compliance with and perform such functional entity roles as defined 

by NERC in the Reliability Functional Model. 



 

 

3.1.1 Market Hub Establishment and Modification 

The Transmission Provider must establish and maintain at least one Market Hub 

in accordance with the provisions of this section.  In addition, the Transmission Provider 

may establish additional Market Hubs.  The Transmission Provider shall review the 

proposed establishment, modification or deletion of a Market Hub with stakeholders.  

The Markets and Operations Policy Committee will consider the proposed establishment, 

modification or deletion of a Market Hub and will provide its own recommendation 

regarding such action to the SPP Board of Directors for review and approval.  After the 

start of the Integrated Marketplace, the Transmission Provider shall post any approved 

establishment, modification or deletion of a Market Hub at least six (6) months prior to 

the proposed effective date. 

The Transmission Provider shall maintain and facilitate the use of a Market Hub 

or Market Hubs for the Day-Ahead Market and the RTBM, comprised of a set of nodes 

within the SPP Balancing Authority Area, which nodes shall be identified by the 

Transmission Provider on the Portal.  The Transmission Provider shall use the following 

criteria to establish Market Hubs: 

(1) Each Market Hub shall contain a sufficient number of nodes to ensure that a 

Market Hub Locational Marginal Price (―LMP‖) can be calculated for that Market 

Hub at all times; 

(2) Each Market Hub shall contain a sufficient number of nodes to ensure that the 

unavailability of, or an adjacent line outage to, any one node or set of nodes 

would have only a minor impact on the Market Hub LMP;  

(3) Each Market Hub shall consist of nodes with a relatively high rate of service 

availability; and 

(4) Each Market Hub shall consist of nodes among which Transmission Service is 

relatively unconstrained. 



 

 

3.1.2 Forecasting 

(1) The Transmission Provider shall develop load forecasts for the SPP Balancing 

Authority Area for use in the RUC processes and RTBM.  The Transmission 

Provider shall adjust such forecasts in order to remove average system losses prior 

to execution of the market applications in order for the dispatch to properly reflect 

the treatment of marginal losses.  

(2) The Transmission Provider shall develop output forecasts for wind powered 

Variable Energy Resources as defined in the Market Protocols for use in the RUC 

processes and RTBM.    



 

 

3.1.3 Reserve Zone Establishment 

(1) The Transmission Provider shall establish Reserve Zones on a semiannual basis to 

ensure the deliverability of cleared Operating Reserve throughout the SPP 

Balancing Authority Area. 

(2) The Transmission Provider shall identify the need for Reserve Zones within the 

SPP Balancing Authority Area through Reserve Zone studies that identify 

constrained areas that may require a minimum amount of Operating Reserve 

procurement and/or that may be limited to a maximum amount of Operating 

Reserve procurement to ensure system-wide procurement of Operating Reserve is 

deliverable when deployed. 

(3) The Transmission Provider may add or reconfigure a Reserve Zone between 

semiannual updates to address significant changes in system conditions that 

would cause adverse reliability impacts absent the Reserve Zone addition or 

reconfiguration. 



 

 

3.1.4 Operating Reserve Requirements 

The Transmission Provider shall calculate the amount of Operating Reserves 

required for the Operating Day, on both a system-wide and Reserve Zone basis, in order 

to comply with the reliability requirements specified in the SPP Criteria.  The 

Transmission Provider shall, on a daily basis: 

(1) Calculate the hourly Regulation-Up, Regulation-Down and Contingency Reserve 

requirements on an SPP Balancing Authority Area basis and post such results by 

0700 hours Day-Ahead for use in the Day-Ahead Market, Day-Ahead RUC, Intra-

Day RUC and RTBM; 

(2) Calculate the total minimum and total maximum Operating Reserve requirement 

for Operating Reserve deployment in the up direction and for deployment of 

Operating Reserve in the down direction for each Reserve Zone.  The 

Transmission Provider may, at its option, set specific Regulation-Up and/or 

Spinning Reserve minimum requirements for each Reserve Zone, as needed, to 

address reliability issues that can only be alleviated through carrying 

synchronized reserves.  In such cases, the Transmission Provider will include 

these minimum Regulation-Up and/or Spinning Reserve requirements when 

posting the Operating Reserve requirements by 0700 Day-Ahead;  

(3) Estimate each Market Participant’s Operating Reserve obligation in each Reserve 

Zone and provide such information to Market Participants by 0700 hours Day-

Ahead.  The Transmission Provider shall calculate such estimates by multiplying 

the system-wide Operating Reserve requirements calculated in (1) above by the 

Transmission Provider’s estimate of each Market Participant’s load in each 

Reserve Zone divided by the Transmission Provider’s estimate of system-wide 

load; and 

(4) The Transmission Provider may increase Operating Reserve requirements for the 

Day-Ahead RUC, Intra-Day RUC and RTBM above the requirements used in the 

Day-Ahead Market, including changes to Reserve Zone minimums and 

maximums, as required to meet increases in reliability requirements caused by 

changes in system conditions. 



 

 

3.1.5 Outage Scheduling and Reporting 

The Transmission Provider is responsible for coordinating and approving the 

scheduling of outages on all transmission and generation facilities in the Transmission 

System.  Procedures regarding submittal of requested transmission and generation 

outages and reporting of unplanned outages through the Transmission Provider’s outage 

scheduler are described in Appendix 12 to the SPP Criteria.  The Transmission Provider 

shall approve all requested outages to the extent that such outage requests can be 

accommodated reliably.  To the extent that granting a requested outage would cause a 

reliability issue on the Transmission System, the Transmission Provider may deny the 

request.  When the Transmission Provider denies an outage request, the Transmission 

Provider shall recommend an alternative timeframe within which the outage can be 

accommodated reliably.    



 

 

3.2 Market Protocols 

 The Transmission Provider shall prepare, maintain and update the Market 

Protocols consistent with this Tariff.  The Market Protocols shall be posted on the 

Transmission Provider’s website. 



 

 

3.3 Integrated Marketplace Operations 

 The Transmission Provider shall evaluate Offers and Bids submitted by Market 

Participants for use in the Day-Ahead Market and Offers submitted for use in the Day-

Ahead RUC to ensure sufficient Resources are committed to meet the SPP Balancing 

Authority Area projected load and Operating Reserve requirements for the upcoming 

Operating Day.  For the Intra-Day RUC, the Transmission Provider shall evaluate Offers 

to ensure sufficient Resources are committed to meet the SPP Balancing Authority Area 

projected load and Operating Reserve requirements throughout the Operating Day.  In 

performing these processes, the Transmission Provider shall commit Resources on a least 

cost security constrained basis and shall clear Energy and Operating Reserve in the Day-

Ahead Market on the basis of security constrained economic dispatch (―SCED‖) in 

accordance with Sections 5 and 6 of this Attachment AE. 

 Throughout the execution of the RTBM, the Transmission Provider shall dispatch 

Energy and clear Operating Reserve on Resources on the basis of SCED as described 

under Section 6 of this Attachment AE. 

The Transmission Provider shall conduct the annual Auction Revenue Right (―ARR‖) 

allocation, annual TCR auction, monthly TCR auction and monthly incremental ARR 

allocation in accordance with Section 7 of this Attachment AE. 



 

 

3.4 Violation Relaxation Limit Reporting 

 Each year, prior to November 1, the Transmission Provider will provide analysis 

as well as a set of proposed Violation Relaxation Limits (―VRLs‖) for review by the 

applicable working groups and committees as described in the Market Protocols.  Each 

year by November 1, VRLs and their associated values shall be reviewed and approved 

by the SPP Board of Directors.  Any changes to the VRLs or associated values must be 

approved by the Commission prior to their implementation.  The most recent 

Commission approved VRLs and their associated values are listed in Addendum 1 to this 

Attachment AE. 

 



 

 

3.5 Integrated Marketplace Pricing 

 The Transmission Provider shall calculate Day-Ahead Market and RTBM LMPs 

for Energy at each Settlement Location. 

 The Transmission Provider shall calculate the Reserve Zone Market Clearing 

Prices (―MCPs‖) for Regulation-Up, Regulation-Down, Spinning Reserve and 

Supplemental Reserve for the Day-Ahead Market and RTBM. 

 The Transmission Provider shall calculate annual and monthly Auction Clearing 

Prices (―ACPs‖) at each Settlement Location. 



 

 

3.6 Integrated Marketplace Settlements 

 For both the Day-Ahead Market and the RTBM, the Transmission Provider shall 

calculate Energy and Operating Reserve settlement quantities at each Settlement 

Location, calculate charges and payments associated with the provision of Energy and 

Operating Reserve based upon the settlement quantities and the associated LMPs and 

MCPs for each Asset Owner and render invoices to Market Participants detailing net 

charges or payments associated with provision of Energy and Operating Reserve. 

 The Transmission Provider shall calculate charges and payments to ARR and 

TCR holders based upon the ARRs determined in the annual allocation and TCRs cleared 

in the annual and monthly TCR auctions.  Such charges and payments shall be included 

on the Settlement Statements consistent with the timing of the Day-Ahead Market 

settlement and RTBM settlement. 



 

 

3.7 Integrated Marketplace Participation Readiness 

 The Transmission Provider shall validate each Market Participant’s ability to 

provide services for which the Market Participant has registered in the Integrated 

Marketplace.  Such validation shall include verification that the Market Participant has 

met the technical and communications requirements specified in the Market Protocols 

and has met the credit requirements specified under Attachment X of this Tariff. 



 

 

4.0 Pre-Day-Ahead Period Activities 



 

 

4.1 Offer Submittal 

Beginning seven (7) days prior to the Operating Day, Market Participants may 

begin to submit Offers for use in the Day-Ahead Market and Offers for use in the RTBM.  

Day-Ahead Market Offers may be updated up to 1100 hours Day-Ahead and RTBM 

Offers may be updated thirty (30) minutes prior to each Operating Hour.  Offer 

submittals shall conform to the following: 

(1) Offers submitted in the Day-Ahead Market are independent from Offers 

submitted in the RTBM; 

(2) Market Participants may specify that the Offers submitted in the Day-Ahead 

Market also apply in the RTBM; 

(3) Submitted Resource Offers will automatically roll forward hour to hour until 

changed within each respective market; 

(4) Offers may be submitted that vary for each hour of the Operating Day, except the 

Offer parameters related to unit commitment as defined in the Market Protocols 

for which a single value is submitted.  These unit commitment Offer parameters 

will automatically roll forward in each hour until updated; 

(5) Offers submitted for use in the RTBM are also used in the RUC; 

(6) Resource Offers may only be submitted at Resource Settlement Locations, Import 

Interchange Transaction Offers may only be submitted at External Interface 

Settlement Locations and Virtual Energy Offers may be submitted at any 

Settlement Location, including a Market Hub; 

(7) For Regulation Qualified Resources and Regulation-Up Qualified Resources, 

Market Participants may submit Resource Offers for Regulation-Up, Spinning 

Reserve and Supplemental Reserve.  For Regulation-Down Qualified Resources 

and Regulation Qualified Resources, Market Participants may submit Resource 

Offers for Regulation-Down.  For Spin Qualified Resources, Market Participants 

may submit Resource Offers for Spinning Reserve and Supplemental Reserve.  

For Supplemental Qualified Resources, Market Participants may submit Resource 

Offers for Supplemental Reserve.  Resource qualifications are verified by the 

Transmission Provider as part of the registration process as follows: 



 

 

 

 

(a) A Regulation Qualified Resource, Regulation-Up Qualified Resource or 

Regulation-Down Qualified Resource must pass a specific regulation test 

as defined in Section 2.10.3 of this Attachment AE and must be capable of 

deploying one hundred percent (100%) of cleared Regulation-Up and/or 

Regulation-Down within the Regulation Response Time for a continuous 

duration of sixty (60) minutes and provide telemetered output data that 

meets the technical requirements specified in the Market Protocols. 

(b) A Spin Qualified Resource must self-certify that the Resource is capable 

of deploying one hundred percent (100%) of cleared Spinning Reserve or 

cleared Supplemental Reserve within the Contingency Reserve 

Deployment Period for a continuous duration of sixty (60) minutes and 

provide telemetered output data that meets the technical requirements 

specified in the Market Protocols. 

(c) A Supplemental Qualified Resource must self-certify that the Resource is 

capable of deploying one hundred percent (100%) of cleared 

Supplemental Reserve from an off-line state within the Contingency 

Reserve Deployment Period for a continuous duration of sixty (60) 

minutes and provide telemetered output data that meets the technical 

requirements specified in the Market Protocols. 

(8) Resource Offers are limited by the Offer caps and floors specified in Section 4.1.1 

of this Attachment AE; 

(9) The Resource Offer parameters that constitute a valid Offer for use in either the 

Day-Ahead Market or RTBM are submitted using the data formats, procedures, 

and information defined in the Market Protocols and will include the following 

(as further defined in the Market Protocols): 

 Resource Name 

 Resource Type 

 Start-up Offer 

 No-Load Offer 

 Energy Offer Curve 

 Regulation–Up and Regulation-Down Offers 



 

 

 

 

 Spinning and Supplemental Reserve Offers 

 Sync-To-Min and Min-To-Off Times 

 Start-Up Time 

 Hot to Intermediate and Hot to Cold Times 

 Maximum Daily and Weekly Starts 

 Maximum Daily Energy 

 Maximum and Minimum Run Times 

 Minimum Down Time 

 Minimum Emergency Capacity Operating Limit and Run Time 

 Minimum Normal, Economic, and Regulation Capacity Operating Limits 

 Maximum Normal, Economic, and Regulation Capacity Operating Limits 

 Maximum Emergency Capacity Operating Limits and Run Time 

 Maximum Quick-Start Response Limit 

 Ramp-Rate-Up and Ramp-Rate-Down 

 Turn-Around Ramp Rate Factor 

 Regulation Ramp Rate 

 Contingency Reserve Ramp Rate 

 Resource Status 

 JOU Ownership Share 

(10) Market Participants must specify a Resource commitment status as part of the 

Resource Offer using the data formats, procedures, and information defined in the 

Market Protocols.  Market Participants use the commitment status to indicate; 

(a) Whether they are self-committing a Resource; 

(b) Whether the Resource may be committed by the Transmission Provider;   

(c) Whether the Resource may be committed by the Transmission Provider 

only to alleviate an anticipated Emergency Condition or local reliability 

issue; or 

(d) Whether the Resource is unavailable. 

(11) Market Participants must specify a Resource dispatch status as part of the 

Resource Offer using the data formats, procedures and information defined in the 



 

 

 

 

Market Protocols.  Market Participants use the dispatch status to notify the 

Transmission Provider whether the Resource is: 

(a) Eligible for Energy Dispatch; 

(b) Eligible for Operating Reserve clearing; or 

(c) Self-scheduled for Operating Reserve. 

(12) Resource limits submitted as part of the Resource Offer must pass the validation 

rules defined in the Market Protocols, otherwise, the Resource Offer will be 

rejected; and 

(13) The Market Participant must comply with the must-offer requirements as defined 

in Section 2.11 of this Attachment AE. 



 

 

4.1.1 Offer Caps and Floors 

Submission of Energy Offer Curves and Operating Reserve Offers by Market 

Participants for use in the Day-Ahead Market and the RTBM shall be limited by the 

following Offer caps and floors: 

(1) Safety-net Energy Offer cap = $1,000/MWh; 

(2) Regulation Offer cap = $500/MW; 

(3) Contingency Reserve Offer cap = $100/MW; 

(4) Energy Offer floor = Negative $500/MWh; 

(5) Regulation Offer floor = Negative $500/MW; 

(6) Contingency Reserve Offer floor = Negative $100/MW; 

In addition to these Offer caps and floors, submission of Offers may be limited by 

the requirements of Attachment AF of this Tariff. 



 

 

4.1.2 Additional Provisions for Non-Traditional Resources 

4.1.2.1  Demand Response Resources 

(1) Dispatchable Demand Response Resource - A Dispatchable Demand Response 

Resource is modeled in the Commercial Model the same as any other Resource, 

except that the Settlement Location associated with the Dispatchable Demand 

Response Resource must contain the Price Node associated with the Demand 

Response Load.  The Market Participant must submit the Real-Time value of the 

Demand Response Load to the Transmission Provider via telemetering that meets 

the technical requirements specified in the Market Protocols.  A Dispatchable 

Demand Response Resource may select one of two options for reporting of the 

actual Dispatchable Demand Response Resource output: 

(a) Submitted Resource production option: 

The Dispatchable Demand Response Resource output is sent directly to 

the Transmission Provider by the Market Participant via telemetering for 

Real-Time operational purposes and the Meter Agent submits either five 

(5) minute or hourly actual output values to the Transmission Provider for 

use in settlements.  The submitted Resource production option is only 

allowed for Demand Response Resources that are utilizing strictly Behind-

The-Meter Generation to provide the response, or Demand Response 

Resources where the Market Participant is offering the Resource under a 

retail tariff provision that includes near Real-Time measurement and 

verification terms. 

(b) Calculated Resource production option: 

(i)  For each Dispatch Interval in each hour in which the Demand 

Response Resource has been committed, the Demand Response 

Resource output for Real-Time operational purposes is calculated 

by the Transmission Provider as the greater of zero (0) or the 

difference between: 

 The lesser of the Real-Time consumption of the Demand 

Response Load associated with the Demand Response 



 

 

 

 

Resource in the Dispatch Interval immediately preceding 

initial deployment of the Demand Response Resource or 

the hourly baseline as described in (3) below for the hour, 

and 

 The actual value of the associated Demand Response Load 

received via telemetering. 

(ii) For each Dispatch Interval in each hour in which the Demand 

Response Resource has been committed, the Demand Response 

Resource output for settlement purposes is calculated by the 

Transmission Provider as the maximum of zero (0) or the 

difference between: 

 The lesser of the Real-Time consumption of the Demand 

Response Load associated with the Demand Response 

Resource in the Dispatch Interval immediately preceding 

initial deployment of the Demand Response Resource or 

the hourly baseline as described in (3) below for the hour, 

and 

 The actual value of the associated Demand Response Load 

received from the Meter Agent either on a five (5) minute 

basis or an hourly basis. 

(2) Block Demand Response Resource – A Block Demand Response Resource is 

modeled in the Commercial Model the same as any other Resource except that the 

Settlement Location associated with the Block Demand Response Resource must 

contain the Price Node associated with the Demand Response Load.  The Market 

Participant must submit the Real-Time value of the Demand Response Load to the 

Transmission Provider via telemetering that meets the technical requirements 

specified in the Market Protocols.  All Block Demand Response Resources will 

use the calculated Resource production option, described in Section 4.1.2.1(1)(b) 

above, to determine the amount of Real-Time Resource production and actual 

Resource production. 



 

 

 

 

(a) If the Block Demand Response Resource is committed and dispatched in 

the Day-Ahead Market, Day-Ahead RUC or Intra-Day RUC, the Block 

Demand Response Resource’s Minimum Economic Capacity Operating 

Limit will be increased in the RTBM to match the dispatched amount. 

Spinning Reserve or Supplemental Reserve will be allowed to clear above 

minimum output if the Block Demand Response Resource is a Spin 

Qualified Resource and Supplemental Reserve will be allowed to clear 

above minimum output if the Block Demand Response Resource is a 

Supplemental Qualified Resource. 

(b) Spinning Reserve and/or Supplemental Reserve clearing will be based 

upon submitted ramp rates for the Block Demand Response Resource, the 

submitted Spinning Reserve Offer, the Supplemental Reserve Offer and 

the Block Demand Response Resource’s Maximum Economic Capacity 

Operating Limit. 

(3) Hourly Baseline 

(a) The Market Participant must submit an hourly baseline for the Demand 

Response Load indicating the level of energy consumption expected at 

that location in MWh if the Demand Response Resource is not dispatched.  

The baseline must cover, at a minimum, all hours the Resource is 

submitting Offers for in the Energy and Operating Reserve Markets.  This 

baseline must be submitted by 1100 hours on the day prior to the 

Operating Day and may be updated up to thirty (30) minutes in advance of 

the operating hour.  The baseline should be based on the average of the 

hourly integrated Controllable Load for the same hours in the last 30 

calendar days when the Resource was not dispatched, adjusted by the 

Market Participant as necessary to account for changes in the expected 

level of energy consumption by the Controllable Load. 

(b) If there have been deviations in hourly integrated metered load from the 

hourly baseline during periods when the Resource was not dispatched the 

hourly baseline will be adjusted as follows by the Transmission Provider 

prior to the calculation of the Demand Response Load.  If the average of 



 

 

 

 

the hourly deviation between integrated metered load and submitted 

hourly baseline for the hours in the last thirty (30) calendar days when the 

Resource was not dispatched is more than five percent (5%) below the 

hourly baseline, the hourly baseline will be adjusted by the average 

deviation.  The Transmission Provider will perform this assessment each 

day and notify the Market Participant of any adjustment. 

4.1.2.2 Combined Cycle Resource  

Market Participants shall select from one of the three following options 

regarding submitting Resource Offers for their registered combined cycle 

Resources, which will be declared during asset registration as described under 

Sections 2.2 and 2.9 of this Attachment AE: 

(1) A Resource Offer may be submitted for a single aggregate combined cycle 

Resource, where the aggregate will represent a Market Participant selected 

operating configuration of combustion turbines and steam turbines.  Under 

this option, the combined cycle Resource will be committed, dispatched 

and settled the same as any other Resource; or 

(2) A Resource Offer may be submitted for each combined cycle Resource 

combustion turbine and/or steam turbine and each component will be 

committed and dispatched independently and settled the same as any other 

single Resource; or 

(3) A Resource Offer may be submitted for each pseudo combined cycle 

Resource, where each pseudo combined cycle Resource will represent the 

combination of one combustion turbine and a portion of the steam turbine.  

Under this option, each pseudo combined cycle Resource must be capable 

of being committed and dispatched independently the same as any other 

Resource and each pseudo combined cycle Resource will be settled the 

same as any other Resource. 

4.1.2.3  Jointly Owned Unit  



 

 

 

 

Each Market Participant may submit Resource Offers for its share of the 

Jointly Owned Unit.  Offer parameters must meet the following criteria in order to 

be accepted as valid Offers: 

(1) The sum of the Maximum Emergency Capacity Operating Limits of all 

shares of the Jointly Owned Unit must be less than or equal to the Jointly 

Owned Unit maximum physical capacity operating limit; 

(2) The sum of the Minimum Emergency Capacity Operating Limits of all 

shares of the Jointly Owned Unit must be greater than or equal to the 

Jointly Owned Unit minimum physical capacity operating limit; and  

(3) The sum of the Maximum Quick Start Response Limits of all shares of the 

Jointly Owned Unit must be less than or equal to the Jointly Owned Unit 

maximum physical ten (10) minute response from an off-line state. 

Commitment of individual Jointly Owned Unit shares that have registered under 

the individual Resource option will be evaluated by security constrained unit 

commitment (―SCUC‖) based on the individually submitted Offers for each 

Jointly Owned Unit share. 

Commitment of Jointly Owned Unit shares that have registered under the 

combined Resource option will be evaluated by SCUC based on a combination of 

the individually submitted Offers for each Jointly Owned Unit share and the 

commitment related Offer parameters submitted by the designated Market 

Participant that apply to the entire Jointly Owned Unit given the additional 

constraint that if one of the Jointly Owned Units is committed, all Resource shares 

for each Jointly Owned Unit must be committed.  This rule also applies to 

clearing of Supplemental Reserve from off-line Quick-Start Resources. 

4.1.2.4  Dispatchable Variable Energy Resource   

Each Market Participant may submit Resource Offers for Dispatchable 

Variable Energy Resources using the same Offer parameters available to any 

other Resource, except that:  

(1) The minimum operating limits specified in the Resource Offer must be 

equal to zero; 



 

 

 

 

(2) The maximum operating limits submitted in the Resource Offer for use in 

the Day-Ahead Market, the Day-Ahead RUC and the Intra-Day RUC for a 

wind powered Dispatchable Variable Energy Resource shall be calculated 

by the Transmission Provider as equal to the lesser of the submitted 

maximum operating limits or the Transmission Provider’s output forecast 

for that Resource; 

(3) For  Dispatchable Variable Energy Resources with a maximum capability 

of less than two-hundred (200) MWs, submitted ramp rates multiplied by 

five (5) cannot exceed forty (40) MWs;  

(4) For Dispatchable Variable Energy Resources with a maximum capability 

of greater than two-hundred (200) MWs, submitted ramp rates multiplied 

by five (5) cannot exceed twenty percent (20%) of the maximum 

capability;  

(5) For the RTBM, during times when the Transmission Provider issues a 

Dispatch Instruction to a Dispatchable Variable Energy Resource to 

reduce output, the Resource’s Setpoint Instruction shall be equal to the 

sum of the Resource’s Dispatch Instruction and any Regulation-Down 

deployment, even if the Market Participant has indicated that the Resource 

is not dispatchable; and    

(6) For the RTBM, during times when the Transmission Provider issues a 

Dispatch Instruction to a Dispatchable Variable Energy Resource to 

increase output and has issued a Dispatch Instruction in the previous 

Dispatch Interval to reduce output, the Transmission Provider shall 

calculate the Resource maximum operating limit to be equal to the lesser 

of:  

(a) The Transmission Provider’s Dispatchable Variable Energy 

Resource output forecast for that Resource; or 

(b) The sum of the Dispatch Instruction issued in the previous 

Dispatch Interval and five (5) times the Resource’s ramp rate. 



 

 

 

 

Otherwise, the Resource’s maximum operating limit for use in the current 

Dispatch Interval shall be equal to the Resource’s actual output at the start of the 

Dispatch Interval. 

4.1.2.5  Non-Dispatchable Variable Energy Resource   

Each Market Participant may submit Resource Offers for Non-

Dispatchable Variable Energy Resources using the same Offer parameters 

available to any other Resource, except that 

(1) For the RTBM, the Resource’s Energy Offer Curve shall not apply;  

(2) For the RTBM, the Resource’s Dispatch Instruction shall be equal to the 

Resource’s actual output at the start of the Dispatch Interval and the 

Resources must operate as non-dispatchable; and 

(3) Resource Energy Offer Curve prices shall be assumed equal to zero (0) for 

the purposes of calculating production costs relating to RUC make whole 

payments and cost allocation thereof under Sections 8.6.5 and 8.6.7 of this 

Attachment AE.    



 

 

4.2 Provisions for Non-Resource Related Offers 



 

 

4.2.1 Virtual Energy Offers 

(1) Virtual Energy Offers are submitted in the Day-Ahead Market only. 

(2) A Virtual Energy Offer consists of an Energy Offer Curve only. 

(3) A Market Participant may submit no more than one Virtual Energy Offer for itself 

at each Settlement Location for each Operating Hour.  Where a Market 

Participant represents multiple Asset Owners, the Market Participant may submit 

no more than one Virtual Energy Offer for each Asset Owner it represents at each 

Settlement Location for each Operating Hour. 

(4) Each Market Participant submitting Virtual Energy Offers shall be subject to a 

transaction fee for each Virtual Energy Offer submitted as described under 

Section 8.5.17 of this Attachment AE. 



 

 

4.2.2 Import Interchange Transaction Offers  

(1) The MW amount of Import Interchange Transactions will be limited on a 

Dispatch Interval basis by the amount of the Transmission Provider system 

ramping capability available.  A Market Participant must use the Transmission 

Provider ramp reservation system as described in the Market Protocols to ensure 

there is sufficient ramp to accommodate its transaction.  An Import Interchange 

Transaction Offer must have an associated Transmission Service reservation.  

There are three types of Import Interchange Transaction Offers: 

(a) A fixed Offer – Specifies a MW amount that will be cleared regardless of 

the price at the External Interface Settlement Location.  If the fixed Import 

Interchange Transaction is submitted for use in the Day-Ahead Market, it 

will be cleared in the Day-Ahead Market and automatically roll forward as 

a fixed schedule for use in RUC and the RTBM.  If specified for use in the 

RTBM only, the fixed Import Interchange Transaction will be considered 

a fixed schedule for the Day-Ahead RUC, Intra-Day RUC and RTBM. 

(b) A Dispatchable Offer - Specifies both a MW amount and a minimum 

dollars per MW hour price that the Market Participant must be paid if the 

transaction clears the Day-Ahead Market.  Dispatchable Offers are only 

available for use in the Day-Ahead Market and cannot be submitted for 

use in the RTBM.  If the transaction clears the Day-Ahead Market, it 

automatically rolls forward as a fixed schedule for use in Day-Ahead 

RUC, Intra-Day RUC and the RTBM.  Any adjustment to the schedule 

will be settled in the RTBM as a deviation from the Day-Ahead Market 

schedule. 

(c) An up-to-transmission usage charge Offer - Specifies both a MW amount 

and the combined maximum amount of congestion cost and marginal loss 

cost between the specified Source and Sink Settlement Location that the 

Market Participant is willing to pay if the transaction clears the Day-

Ahead Market.  Up-to-transmission usage charge Offers are only available 

for use in the Day-Ahead Market and cannot be submitted for use in the 

RTBM.  If the transaction clears the Day-Ahead Market, it automatically 



 

 

 

 

rolls forward as a fixed schedule for use in the Day-Ahead RUC, Intra-

Day RUC and RTBM.  Any adjustment to the schedule will be settled in 

the RTBM as a deviation from the Day-Ahead Market schedule. 

4.2.2.1 External Operating Reserve 

  Market Participant’s may purchase Operating Reserve from sources external to 

the SPP Balancing Authority Area to meet their Operating Reserve obligations in 

accordance with the technical requirements and operating procedures specified in the 

Market Protocols. 



 

 

4.3 Bid Submittal 

(1) Beginning seven (7) days prior to the Operating Day, Market Participants may 

submit Demand Bids and Virtual Energy Bids for the purchase of Energy in the 

Day-Ahead Market. 

(2) Beginning seven (7) days prior to the Operating Day, Market Participants may 

submit Export Interchange Transaction Bids for the purchase of Energy in the 

Day-Ahead Market or RTBM. 

(3) Submitted Bids do not roll forward hour to hour. 

(4) Demand Bids may only be submitted at load Settlement Locations. 

(5) Export Interchange Transaction Bids may only be submitted at External Interface 

Settlement Locations. 

(6) Virtual Energy Bids may be submitted at any Settlement Location. 



 

 

4.3.1 Demand Bids 

(1) Only Market Participants with registered physical load assets may submit 

Demand Bids for use in the Day-Ahead Market. 

(2) A Market Participant can submit Demand Bids only at Settlement Locations 

where its physical load assets are registered. 

(3) A fixed Demand Bid is a specified MW that will be cleared in the Day-Ahead 

Market regardless of the price at the load Settlement Location based on the start 

and stop time submitted for the applicable Operating Day. 

(4) A price sensitive Demand Bid is specified as a Demand Bid Curve.  A price 

sensitive Demand Bid will clear only if the price at the load Settlement Location 

is less than or equal to the specified Demand Bid Curve price within the specified 

start and stop time submitted for the applicable Operating Day with the highest 

Megawatt quantity submitted in the Demand Bid Curve representing the 

maximum Megawatt amount that can be cleared. 



 

 

4.3.2 Virtual Energy Bids 

(1) Virtual Energy Bids may be submitted in the Day-Ahead Market only. 

(2) Virtual Energy Bids only apply to Energy, are not associated with a physical load 

asset and can be submitted at any Settlement Location in the form of a Virtual 

Energy Bid Curve. 

(3) A Market Participant may submit no more than one Virtual Energy Bid at each 

Settlement Location for each Operating Hour.  Where a Market Participant 

represents multiple Asset Owners, the Market Participant may submit no more 

than one Virtual Energy Bid for each Asset Owner it represents at each Settlement 

Location for each Operating Hour. 

(4) Each Market Participant submitting Virtual Energy Bids shall be subject to a 

transaction fee for each Virtual Energy Bid submitted as described under Section 

8.5.17 of this Attachment AE. 



 

 

4.3.3 Export Interchange Transaction Bids 

(1) Market Participants may submit bids to purchase Energy from the Day-Ahead 

Market for sale outside of the SPP Balancing Authority Area.  A Market 

Participant must reserve Transmission Service prior to submittal of the Bid.  

There are three types of Export Interchange Transaction Bids: 

(a) A fixed Bid: 

 Specifies a MW amount that will be cleared regardless of the price at the 

External Interface Settlement Location.  If the fixed Export Interchange 

Transaction is submitted for use in the Day-Ahead Market, it will be 

cleared in the Day-Ahead Market and automatically roll forward as a fixed 

schedule for use in RUC and the RTBM.  If specified for use in the RTBM 

only, the fixed Export Interchange Transaction will be considered a fixed 

schedule for the Day-Ahead RUC, Intra-Day RUC and RTBM; 

(b) A dispatchable Bid: 

 Specifies both a MW amount and a maximum price that the Market 

Participant is willing to pay if the transaction clears the Day-Ahead 

Market.  Dispatchable Bids are only available for use in the Day-Ahead 

Market and cannot be submitted for use in the RTBM only.  If the 

transaction clears the Day-Ahead Market, it automatically rolls forward as 

a fixed schedule for use in the Day-Ahead RUC, Intra-Day RUC and the 

RTBM.  Any adjustment to the schedule will be settled in the RTBM as a 

deviation from the Day-Ahead Market schedule; and 

(c) An up-to transmission usage charge Bid: 

 Specifies both a MW amount and the combined maximum amount of 

congestion cost and marginal loss cost the Market Participant is willing to 

pay if the transaction clears the Day-Ahead Market.  Up-to transmission 

usage charge Bids are only available for use in the Day-Ahead Market.  If 

the transaction clears the Day-Ahead Market, it automatically rolls 

forward as a fixed schedule for use in the Day-Ahead RUC, Intra-Day 

RUC and RTBM.  Any adjustment to the schedule will be settled as a 

deviation in the RTBM from the Day-Ahead Market schedule. 



 

 

 

 

(2) The total MW amount of Export Interchange Transactions is limited on a 

Dispatch Interval basis by the amount of the Transmission Provider system 

ramping capability available.  A Market Participant must use the Transmission 

Provider ramp reservation system as described in the Market Protocols to ensure 

there is sufficient ramp to accommodate its transaction. 

(3) An Export Interchange Transaction Bid is eligible to reduce a Market 

Participant’s Supplemental Reserve obligation subject to meeting the eligibility 

requirements under subsections (a) through (c) below.  The reduction to a Market 

Participant’s Supplemental Reserve obligation will be the lesser of (i) the 

reduction in the system requirement based on the delivery of reserve energy 

provided by the curtailment of the export schedule as determined by the 

Transmission Provider; or (ii) the Market Participant’s Supplemental Reserve 

obligation.  The reduction, if applied, will be proportional to the Market 

Participant’s zonal Supplemental Reserve obligations, 

(a) The Export Interchange Transaction Bid must be fixed and submitted for 

use in the Day-Ahead Market and cannot be submitted for use in the 

RTBM only; 

(b) The Export Interchange Transaction must be fully recallable within a ten 

(10) minute period for the amount of Supplemental Reserve specified;  

(c) Supplemental Reserve supplied by an Export Interchange Transaction in 

excess of the Market Participant’s Supplemental Reserve obligation within 

the applicable Reserve Zone will not be eligible for payment; and 

(d) Provision of Supplemental Reserve from an Export Interchange 

Transaction Bid is limited to Export Interchange Transactions associated 

with DC tie-lines. 



 

 

4.4 Through Interchange Transactions 

 Market Participants may submit Through Interchange Transactions in the Day-

Ahead Market, RTBM or both.  A Market Participant must reserve Transmission Service 

prior to submittal of the schedule in accordance with the procedures specified in the 

OATT Business Practices in an amount sufficient to cover the request.  There are two 

types of Through Interchange Transactions: 

(1) Fixed transaction: 

Defines a specific MW amount that will be cleared regardless of the price at either 

of the External Interface Settlement Locations.  If submitted for use in the Day-

Ahead Market, a fixed Through Interchange Transaction will automatically roll 

forward as a fixed schedule for use in RUC and the RTBM.  If submitted for use 

in the RTBM, the fixed Through Interchange Transaction will clear in the RTBM 

and will be considered a fixed schedule for use in the Day-Ahead RUC and the 

Intra-Day RUC; and 

(2) Up-to transmission usage charge transaction: 

Specifies both a specific MW amount and the combined maximum amount of 

congestion cost and marginal loss cost the Market Participant is willing to pay if 

the transaction clears the Day-Ahead Market.  Up-to transmission usage charge 

Through Interchange Transactions are only available for use in the Day-Ahead 

Market.  If the transaction clears the Day-Ahead Market, it will automatically roll 

forward as a fixed schedule for use in the Day-Ahead RUC, the Intra-Day RUC 

and the RTBM. 



 

 

4.5 Multi-Day Reliability Assessment 

 The Multi-Day Reliability Assessment identifies Resources that must be given 

Commitment Instructions prior to completion of the Day-Ahead RUC in order for such 

Resources to be available in the applicable Operating Day.  Each day, the Transmission 

Provider will perform a Multi-Day Reliability Assessment for at least three (3) days prior 

to the Operating Day, to assess capacity adequacy for each Operating Day.  The purpose 

of the Multi-Day Reliability Assessment is to evaluate the need to issue Commitment 

Instructions to start-up for Resources that cannot be committed in the Day-Ahead RUC 

because of their long lead times. 



 

 

4.5.1 Multi-Day Reliability Assessment Inputs 

Inputs to the Multi-Day Reliability Assessment will include the following: 

(1) RTBM Resource Offers; 

(2) Estimated fixed Export Interchange Transaction Bids; 

(3) Estimated fixed Import Interchange Transaction Offers; 

(4) Estimated Operating Reserve requirements (system-wide and Reserve Zone 

minimum and maximum) based on historical requirements; 

(5) Transmission Provider load forecast; 

(6) Transmission Provider wind Resource MWh output forecast; 

(7) Transmission Provider’s estimate of Parallel Flows; 

(8) Transmission System topology with approved Transmission System outages; and 

(9) Actual and approved scheduled Resource outages as documented in the 

Transmission Provider’s outage scheduler. 



 

 

4.5.2 Multi-Day Reliability Assessment Analysis 

Using the inputs described above, the Transmission Provider will perform a 

capacity adequacy analysis for the upcoming Operating Day as follows: 

(1) The Transmission Provider will calculate a Transmission Provider system 

requirement for each hour of the Operating Day as the sum of (a) Transmission 

Provider load forecast, (b) fixed Interchange Transaction Bids, (c) Regulation-Up 

requirement and (d) the Contingency Reserve requirement in each hour reduced 

by the wind Resource output forecast; 

(2) The Transmission Provider will then calculate available Resource capacity in each 

hour as the sum of (a) Maximum Emergency Capacity Operating Limit for 

Resources other than long lead time Resources that are not on an approved 

Transmission Provider outage as submitted as part of the Resource Offer and (b) 

fixed Import Interchange Transaction Offers;  

(3) For each hour of the Operating Day, the Transmission Provider will then compare 

the values calculated under (1) above and (2) above.  If in any hour of the 

Operating Day, the values calculated under (1) above exceed the values calculated 

under (2) above, the Transmission Provider will commit available long lead time 

Resources on an economic basis to eliminate the deficiency as follows: 

(a) For each available long lead time Resource, the Transmission Provider 

will calculate a commitment cost in dollars that is equal to: 

(i) The sum of 1) the Resources Start-Up Offer, 2) the Resource’s No-

Load Offer multiplied by the greater of the Resource’s Minimum 

Run Time (in hours) or the number of hours the Resource would be 

committed ignoring the Minimum Run Time, and 3) the Resources 

average cost to operate at Minimum Economic Capacity Operating 

Limit, as calculated from the Resource’s Energy Offer Curve, 

multiplied by the greater of the Resource’s Minimum Run Time (in 

hours) or the number of hours the Resource would be committed 

ignoring the Minimum Run Time. 



 

 

 

 

(ii) The Transmission Provider will then create a merit order list 

starting with the least cost Resource based upon the commitment 

cost calculated in (i) above.  The Transmission Provider will then 

select Resources for commitment in merit order until sufficient 

capacity is committed to relieve the anticipated capacity shortage 

with the objective of minimizing the total capacity committed to 

meet the anticipated shortage at the lowest overall commitment 

cost. 

(4) In additional to the analysis in (3) above, the Transmission Provider may also 

commit long lead time Resources to address Transmission System related 

reliability problems.  The Transmission Provider will select such Resources for 

commitment using the methodology described in (3) above except that the merit 

order list of available Resources will be limited to specific Resources that are in 

the needed geographic location. 



 

 

4.5.3 Multi-Day Reliability Assessment Results 

The Transmission Provider will communicate the Commitment Instructions 

resulting from the Multi-Day Reliability Assessment to the affected Market Participants.  

At the time of this notification, the submitted Offers become binding and the selected 

Resource(s) Offers are committed in the Day-Ahead Market.  Multi-Day Reliability 

Assessment Resources committed by the Transmission Provider will be eligible for Day-

Ahead Market make whole payment guarantees. 



 

 

5.0 Day-Ahead Period Activities 



 

 

5.1 Day-Ahead Market 

The Transmission Provider shall conduct the Day-Ahead Market beginning at 

1100 hours Day-Ahead as described in the Subsections below.  Offers and Bids must be 

submitted by 1100 hours Day-Ahead.  The Transmission Provider shall post the Day-

Ahead Market results by 1600 hours Day-Ahead.  The Transmission Provider may extend 

these times to account for unforeseen circumstances and, under such circumstances, the 

Transmission Provider shall notify Market Participants of any such timing delays. 



 

 

5.1.1 Day-Ahead Market Inputs 

Inputs to the Day-Ahead Market will include the following:  

(1) Day-Ahead Market Resource Offers, Virtual Energy Offers, Demand Bids and 

Virtual Energy Bids; 

(2) Resource Offers for long lead time Resources selected by the Transmission 

Provider for commitment during the Multi-Day Reliability Assessment process; 

(3) Through Interchange Transactions with confirmed Transmission Service 

reservations; 

(4) Export Interchange Transaction Bids with confirmed Transmission Service 

reservations; 

(5) Import Interchange Transaction Offers with confirmed Transmission Service 

reservations; 

(6) Operating Reserve requirements (system-wide and Reserve Zone minimum and 

maximum); 

(7) Transmission System topology consistent with the Network Model in place for 

the upcoming Operating Day; 

(8) Actual and approved scheduled Transmission System outages as documented in 

the Transmission Provider’s outage scheduler; 

(9) Actual and approved scheduled Resource outages as documented in the 

Transmission Provider’s outage scheduler; and 

(10) The Transmission Provider’s estimate of Parallel Flows. 



 

 

5.1.2 Day-Ahead Market Execution 

The Transmission Provider will employ a simultaneous co-optimization 

methodology to perform the following tasks in order to clear the Day-Ahead Market for 

each hour of the upcoming Operating Day: 

(1) Commit Offered Resources, Import Interchange Transaction Offers and Virtual 

Energy Offers using the SCUC algorithm to meet the Demand Bids, Virtual 

Energy Bids, Export Interchange Transactions Bids and Operating Reserve 

requirements on a least cost basis for each hour of the upcoming Operating Day. 

(a) The Day-Ahead Market SCUC algorithm will initially consider 

commitment of Resources not specified for reliability only use as 

described in Section 4.1(10)(c) of this Attachment AE, including 

Resources committed in the Multi-Day Reliability Assessment, up to the 

Resources’ Maximum Economic Capacity Operating Limit or Maximum 

Regulation Capacity Operating Limit if selected for Regulation-Up, and 

down to the Resources’ Minimum Economic Capacity Operating Limit or 

Minimum Regulation Capacity Operating Limit if selected for Regulation-

Down. 

(i) If this capacity is not sufficient to meet the fixed Demand Bids and 

fixed Export Interchange Transaction Bids plus Operating Reserve 

requirements on a system-wide basis, the Day-Ahead Market 

SCUC algorithm will, in priority order: (1) curtail non-firm fixed 

Export Interchange Transaction Bids until the capacity shortage is 

eliminated; and (2) incorporate capacity up to Resources’ 

Maximum Emergency Capacity Operating Limits and/or commit 

Resources designated as reliability only use, as described in 

Section 4.1(10)(c) of this Attachment AE, on an economic basis 

until the capacity shortage is eliminated while attempting to 

maintain the Regulation-Up requirement to the extent possible . 

(ii) If there is a capacity surplus on a system-wide basis calculated as 

the sum of self-committed capacity at minimum output, fixed 

Import Interchange Transaction Offers and the Regulation-Down 



 

 

 

 

requirement that is in excess of the sum of fixed Demand Bids and 

fixed Export Interchange Transaction Bids, the Day-Ahead Market 

SCUC algorithm will, in priority order: (1) curtail non-firm fixed 

Import Interchange Transaction Offers until the capacity surplus is 

eliminated; and (2) incorporate capacity down to Resources’ 

Minimum Emergency Capacity Operating Limits for Resources 

not selected for Regulation-Down until the capacity surplus is 

eliminated. 

(b) To the extent that a particular reliability issue cannot be directly addressed 

within the Day-Ahead Market SCUC algorithm as described under 

Subsections (i) and (ii) above, the Transmission Provider may manually 

commit Resources to alleviate such reliability issues.  The Transmission 

Provider will re-run the Day-Ahead SCUC algorithm after such manual 

commitments, time permitting, and will notify the Market Participants that 

units were manually committed.   

(2) Using the Resource commitment results from the SCUC, clear Resource Offers, 

Virtual Energy Offers and Import Interchange Transaction Offers to meet 

Demand Bids, Virtual Energy Bids, Export Interchange Transaction Bids and 

Operating Reserve requirements on a least cost basis for each hour of the 

upcoming Operating Day using the SCED algorithm. 

(a) The SCED algorithm includes marginal loss sensitivity factors that 

approximate the change in marginal system losses for a change in Energy 

dispatch. 

(b) In certain situations, enforcing constraints may result in a solution that is 

not feasible at a Shadow Price less than an appropriately priced VRL.  In 

such cases, the Transmission Provider must apply VRLs in SCED as 

described in Section 8.3.2 of this Attachment AE. 

(c) The SCED algorithm will include product substitution logic as follows to 

clear Operating Reserve Offers: 

(i) Any Regulation-Up Offers remaining once the Regulation-Up 

Requirement is satisfied may be used to meet Contingency Reserve 



 

 

 

 

requirements if Regulation-Up Offer is more economic or is 

required to meet the overall Operating Reserve requirement;  

(ii) Any Spinning Reserve Offers remaining once the Spinning 

Reserve Requirement is satisfied may be used to meet 

Supplemental Reserve requirements if Spinning Reserve Offer is 

more economic or is required to meet the overall Operating 

Reserve requirement; and 

(iii) The product substitution logic ensures that the MCP for 

Regulation-Up is always greater than or equal to the Spinning 

Reserve MCP and that the Spinning Reserve MCP is always 

greater than or equal to the Supplemental Reserve MCP. 

(d) Use of co-optimization logic will provide, through the Shadow Price 

calculation, MCPs for Operating Reserve that include any lost opportunity 

costs incurred as a result of Operating Reserve clearing. 

5.1.2.1 Clearing During Capacity Shortage 

(1) In the event of an Operating Reserve shortage in any hour that is not due to ramp 

limitations, Scarcity Pricing shall be implemented. 

(2) In the event of a capacity shortage to meet the fixed Demand Bids and fixed firm 

Export Interchange Transactions in any hour, the fixed Demand Bids and fixed 

firm Export Interchange Transactions will be reduced on a pro-rata reduction 

basis based on the fixed MW amounts to match the available capacity and 

Scarcity Pricing shall be implemented. 

(3) The Transmission Provider may implement sharing of ramping capability 

between Energy and Operating Reserve product clearing to ensure, to the extent 

possible, that short-term ramping deficiencies from hour to hour do not initiate 

Scarcity Pricing as described in Section 8.3.4.2(2) of this Attachment AE.  To the 

extent that ramp sharing is implemented, it shall remain in effect in all hours of 

the Day-Ahead Market, in order to clear sufficient amounts of Energy, 

Regulation-Up and Spinning Reserve to meet the requirements.  The 

Transmission Provider will not implement ramp sharing that will result in the 



 

 

 

 

inability to meet applicable NERC reliability standards and control performance 

requirements. 

(4) If a transmission constraint cannot be relieved due to a shortage of capacity in any 

hour, the SCED algorithm will clear the bid-in demands on a pro-rata basis based 

upon the impact on relieving the constraint. 

5.1.2.2 Clearing During Excess Generation Conditions 

In the event the sum of the Minimum Emergency Capacity Operating Limits on 

self-committed Resources plus the Regulation-Down requirement is in excess of the 

cleared bid-in demands in any hour, the SCED algorithm will reduce Resources on a pro-

rata reduction basis such that the resulting sum of minimum limits matches the bid-in 

demand.  LMPs will be set by the Offer prices associated with Energy down to the 

Minimum Emergency Capacity Operating Limit to the extent that the Regulation-Down 

requirement can be maintained.  If the actions under Section 5.1.2(1)(a)(ii) above create a 

Regulation-Down shortage during any hour either on a system-wide basis or Reserve 

Zone basis, the MCPs for Regulation-Down will reflect Scarcity Prices and LMPs will 

reflect negative Scarcity Prices as set by the Regulation-Down Demand Curve price 

described under Section 8.3.4.2 of this Attachment AE. 



 

 

5.1.3 Day-Ahead Market Results 

No later than 1600 hours Day-Ahead, the Transmission Provider will notify each 

Market Participant of the Day-Ahead Market results for each hour of the Operating Day. 

The following results are communicated to each Market Participant for only its 

specific Resources: 

(1) Cleared Resource Offers for Energy, Regulation-Up, Regulation-Down, Spinning 

Reserve or Supplemental Reserve; 

(a) Cleared Offers for Energy associated with Resource Offers represent a 

physical Resource commitment. 

(b) Resources committed by the Transmission Provider in the Day-Ahead 

Market that incur one or more start-up costs within the Operating Day as a 

result of the Transmission Provider Day-Ahead Market commitment are 

guaranteed to receive revenues that are at least equal to the Resource Offer 

costs for the cleared amount of Energy, Regulation-Up, Regulation-Down 

Spinning Reserve or Supplemental Reserve for that Resource. 

(2) Cleared Virtual Energy Offers; 

(3) Cleared Import Interchange Transaction Offers; 

(4) Cleared Demand Bids; 

(5) Cleared Virtual Energy Bids; 

(6) Cleared Export Interchange Transaction Bids; and 

(7) Cleared Through Interchange Transactions. 

 

The following results are communicated to all Market Participants:  

(1) LMPs for each Settlement Location, the marginal Energy component (―MEC‖) of 

the LMP, the Marginal Congestion Component (―MCC‖) of the LMP and the 

Marginal Loss Component (―MLC‖) of the LMP for each Settlement Location; 

and 

(2) MCPs for Regulation-Up, Regulation-Down, Spinning Reserve and Supplemental 

Reserve for each Reserve Zone. 



 

 

5.2 Day-Ahead Reliability Unit Commitment 

At 1700 hours Day-Ahead or one hour following the posting of the Day-Ahead 

Market results, whichever is later, the Transmission Provider will begin the Day-Ahead 

RUC to assess capacity adequacy during the Operating Day.    



 

 

5.2.1 Day-Ahead Reliability Unit Commitment Inputs 

Inputs to the Day-Ahead RUC will include the following:  

(1) RTBM Resource Offers; 

(2) Confirmed cleared Export Interchange Transaction Bids from the Day-Ahead 

Market; 

(3) Confirmed cleared Import Interchange Transaction Offers from the Day-Ahead 

Market; 

(4) Confirmed cleared Through Interchange Transactions from the Day-Ahead 

Market; 

(5) Confirmed Export Interchange Transactions specified for use in the RTBM only; 

(6) Confirmed Import Interchange Transactions specified for use in the RTBM only; 

(7) Confirmed Through Interchange Transactions specified for use in the RTBM 

only; 

(8) Operating Reserve requirements (system-wide and Reserve Zone minimum and 

maximum); 

(9) Transmission Provider load forecast; 

(10) Transmission System topology consistent with Network Model in place for the 

upcoming Operating Day; 

(11) Resource commitment schedules from the Day-Ahead Market unless the 

Transmission Provider is informed by the Market Participant that the Resource is 

unable to meet its Day-Ahead Market cleared Resource Offers.; 

(12) Commitment schedules for long lead time Resources selected in the Multi-Day 

Reliability Assessment unless the Transmission Provider is informed by the 

Market Participant that the Resource is unable to meet its commitment schedule; 

(13) The Transmission Provider’s wind Resource MWh output forecast; 

(14) Actual and approved scheduled Transmission System outages as documented in 

the Transmission Provider’s outage scheduler; 

(15) Actual and approved scheduled Resource outages as documented in the 

Transmission Provider’s outage scheduler; and 

(16) The Transmission Provider’s estimate of Parallel Flows. 



 

 

5.2.2 Day-Ahead Reliability Unit Commitment Execution 

The Transmission Provider will perform a capacity adequacy analysis for the 

upcoming Operating Day using the SCUC algorithm with the objective of committing 

Resources to meet the Transmission Provider load forecast and Operating Reserve 

requirements over the Operating Day such that commitment costs are minimized while 

adhering to Transmission System security constraints and the Resource operating 

parameter constraints submitted as part of the RTBM Offers. 

(1) Commitment costs used in the SCUC are defined as Start-Up Offer, No-Load 

Offer and incremental cost to operate at minimum output as defined in the 

submitted Energy Offer Curve. 

(2) The SCUC algorithm will initially consider commitment of Resources not 

specified for reliability only use as described in Section 4.1(10)(c) of this 

Attachment AE, up to the Resources’ Maximum Economic Capacity Operating 

Limit or Maximum Regulation Capacity Operating Limit if selected for 

Regulation-Up, and down to the Resources’ Minimum Economic Capacity 

Operating Limit or Minimum Regulation Capacity Operating Limit if selected for 

Regulation-Down. 

(a) If this capacity is not sufficient on a system-wide basis to meet the 

Transmission Provider load forecast plus Operating Reserve requirements, 

the SCUC algorithm will, in priority order: (1) Curtail non-firm fixed 

Export Interchange Transaction Bids until the capacity shortage is 

eliminated; and (2) Incorporate capacity up to Resources’ Maximum 

Emergency Capacity Operating Limits and/or commit Resources 

designated as reliability only use, as described in Section 4.1(10)(c) of this 

Attachment AE, on an economic basis until the capacity shortage is 

eliminated while attempting to maintain the Regulation-Up requirement, 

to the extent possible. 

(b) If there is a capacity surplus on a system-wide basis calculated as the sum 

of self-committed capacity at minimum output, fixed Import Interchange 

Transaction Offers and the Regulation-Down requirement that is in excess 

of the sum of the Transmission Provider load forecast and fixed Export 



 

 

 

 

Interchange Transaction Bids, the SCUC algorithm will, in priority order: 

(1) curtail non-firm fixed Import Interchange Transaction Offers until the 

capacity surplus is eliminated; (2) incorporate capacity down to 

Resources’ Minimum Emergency Capacity Operating Limits for 

Resources not selected for Regulation-Down until the capacity surplus is 

eliminated; (3) de-commit Resources that were committed by the 

Transmission Provider in the Day-Ahead Market that were not self-

committed until the capacity surplus is eliminated; and (4) de-commit self-

committed Resources until the capacity surplus is eliminated. 

(3) To the extent that a particular Transmission System security constraint cannot be 

directly addressed within the SCUC algorithm, the Transmission Provider may 

manually commit Resources and/or decommit self-committed Resources to 

alleviate such a Transmission System security constraint in accordance with its 

authority as Reliability Coordinator. 



 

 

5.2.3 Day-Ahead Reliability Unit Commitment Results 

No later than 2000 hours or three (3) hours following the start of the Day-Ahead 

RUC, whichever is later, the Transmission Provider shall communicate the following 

results to Market Participants.  The Transmission Provider will update the Current 

Operating Plan, if needed, and issue start-up and/or shut-down orders simultaneously, 

which may occur anytime after 2000 hours.  The Day-Ahead RUC results include: 

(1) For any future hours in which the Transmission Provider anticipates an 

emergency situation, the Transmission Provider shall notify all Market 

Participants identifying: the hours in which the emergency capacity of any 

Resources are expected to be required; the hours in which Resources are 

identified for reliability only use, as described in Section 4.1(10)(c) of this 

Attachment AE, are expected to be committed; the hours in which non-firm fixed 

Export Interchange Transactions are expected to be curtailed; and the hours in 

which non-firm fixed Import Interchange Transactions are expected to be 

curtailed.   

(a) Affected Market Participants will be notified at least ten (10) minutes 

prior to the beginning of the Operating Hour but not more than thirty (30) 

minutes prior to the beginning of the Operating Hour that the Maximum 

Emergency Capacity Operating Limit will be used; and  

(b) Affected Market Participants will be notified at least ten (10) minutes 

prior to the beginning of the Operating Hour but not more than thirty (30) 

minutes prior to the beginning of the Operating Hour that the Minimum 

Emergency Capacity Operating Limit will be used. 

(2) Using the results from the Day-Ahead RUC analysis, the Transmission Provider 

will update the Current Operating Plan and will issue start-up and shut-down 

orders as appropriate.  The Transmission Provider can only de-commit Day-

Ahead Market committed Resources to address an anticipated excess supply 

condition as described under Section 5.2.2(2)(b) of this Attachment AE and/or to 

address any other Emergency conditions. If the Transmission Provider de-

commits a Transmission Provider committed Resource for any hour of the Day 

Market commitment schedule, and causes that the Resource to buy back its 



 

 

 

 

Energy and/or Operating Reserve position at RTBM prices that exceed the Day 

Ahead Market prices for the comparable products, that Resource is eligible for 

compensation under Section 8.6.6(2) of this Attachment AE.   



 

 

6.0 Operating Day Activities 

 



 

 

6.1 Intra-Day Reliability Unit Commitment 

The Transmission Provider will continually evaluate the need to execute an Intra-

Day RUC.  The Transmission Provider will perform an Intra-Day RUC consistent with 

the timing requirements specified in the Market Protocols.  Consistent with the Day-

Ahead RUC, these Intra-Day RUCs assess capacity adequacy during the Operating Day. 

 



 

 

6.1.1 Intra-Day Reliability Unit Commitment Inputs 

Inputs to the RUC will include the following: 

(1) RTBM Resource Offers; 

(2) Confirmed Export Interchange Transactions; 

(3) Confirmed Import Interchange Transactions; 

(4) Confirmed Through Interchange Transactions; 

(5) Operating Reserve requirements (system-wide and Reserve Zone minimum and 

maximum); 

(6) Transmission Provider load forecast; 

(7) Transmission System topology consistent with Network Model; 

(8) Resource commitment and de-commitment schedules from the Day-Ahead RUC 

or previous Intra-Day RUCs; 

(9) Resources providing Regulation-Up and Regulation-Down from the Day-Ahead 

RUC or previous Intra-Day RUCs; 

(10) The Transmission Provider’s wind Resource MWh output forecast; 

(11) Actual and approved scheduled Transmission System outages as documented in 

the Transmission Provider’s outage scheduler; 

(12) Actual and approved scheduled Resource outages as documented in the 

Transmission Provider’s outage scheduler; and 

(13) The Transmission Provider’s estimate of Parallel Flows. 

 



 

 

6.1.2 Intra-Day Reliability Unit Commitment Execution 

Using the inputs described in Section 6.1.1, the Transmission Provider will 

perform a capacity adequacy analysis using the SCUC algorithm with the objective of 

committing Resources to meet the Transmission Provider’s load forecast and Operating 

Reserve requirements over the Operating Day such that commitment costs are minimized 

while adhering to Transmission System security constraints and the resource operating 

parameter constraints submitted as part of the RTBM Offers. 

(1) Commitment costs used in the SCUC are defined as Start-Up Offer, No-Load 

Offer and incremental cost to operate at minimum output as defined on the 

submitted Energy Offer Curve.  Incremental Energy costs above minimum output 

and Operating Reserve Offers are not considered by the SCUC in making 

commitment decisions. 

(2) The SCUC algorithm will initially consider commitment of Resources not 

specified for reliability only use as described in Section 4.1(10)(c) of this 

Attachment AE, only including capacity up to the Resources’ Maximum 

Economic Capacity Operating Limits (or Maximum Regulation Capacity 

Operating Limits if selected for Regulation-Up) and down to the Resources’ 

Minimum Economic Capacity Operating Limits (or Minimum Regulation 

Capacity Operating Limits if selected for Regulation-Down). 

(a) If this capacity is not sufficient on a system-wide basis to meet the 

Transmission Provider’s load forecast plus Operating Reserve 

requirements, the SCUC algorithm will, in priority order: (1) Curtail non-

firm fixed Export Interchange Transaction Bids until the capacity shortage 

is eliminated; and (2) Incorporate capacity up to Resources’ Maximum 

Emergency Capacity Operating Limits and/or commit Resources 

designated as reliability only use, as described in Section 4.1(10)(c) of this 

Attachment AE, on an economic basis until the capacity shortage is 

eliminated while attempting to maintain the Regulation-Up requirement to 

the extent possible. 

(b) If there is a system-wide capacity surplus calculated as the sum of self-

committed capacity at minimum output, fixed Import Interchange 



 

 

 

 

Transaction Offers and the Regulation-Down requirement that is in excess 

of the sum of the Transmission Provider load forecast and fixed Export 

Interchange Transaction Bids, the Day-Ahead Market SCUC algorithm 

will, in priority order: (1) Curtail non-firm fixed Import Interchange 

Transaction Offers until the capacity surplus is eliminated; (2) Incorporate 

capacity down to Resources’ Minimum Emergency Capacity Operating 

Limits for Resources not selected for Regulation-Down until the capacity 

surplus is eliminated; (3) De-commit Resources that were committed by 

the Transmission Provider in the Day-Ahead Market that were not self-

committed until the capacity surplus is eliminated; and (4) De-commit 

self-committed Resources until the capacity surplus is eliminated. 

(3) To the extent that a particular reliability issue cannot be directly addressed within 

the SCUC algorithm as described under subsections (a) and (b) above, the 

Transmission Provider may manually commit Resources and/or decommit self-

committed Resources to alleviate such reliability issues in accordance with its 

authority as Reliability Coordinator. 

 



 

 

6.1.3 Intra-Day Reliability Unit Commitment Results 

The Transmission Provider will electronically communicate the Intra-Day RUC 

results for each hour of the Operating Day to Market Participants following completion 

of each Intra-Day RUC execution.  The results consist of the following:  

(1) For any future hours in which the Transmission Provider anticipates an 

Emergency situation, SPP shall notify all Market Participants identifying: the 

hours in which the emergency ranges of any Resources are expected to be 

required; the hours in which identified or reliability only use, as described in 

Section 4.1(10)(c) of this Attachment AE, are expected to be committed; the 

hours in which non-firm fixed Export Interchange Transactions are expected to be 

curtailed; and the hours in which non-firm fixed Import Interchange Transactions 

are expected to be curtailed.   

(a) Affected Market Participants will be notified at least ten (10) minutes 

prior to the beginning of the Operating Hour but not more than thirty (30) 

minutes prior to the beginning of the Operating Hour that the Maximum 

Emergency Capacity Operating Limit will be used; and  

(b) Affected Market Participants will be notified at least ten (10) minutes 

prior to the beginning of the Operating Hour but not more than thirty (30) 

minutes prior to the beginning of the Operating Hour that the Minimum 

Emergency Capacity Operating Limit will be used. 

(2) Using the results from the Intra-Day RUC, the Transmission Provider will update 

the Current Operating Plan and will issue start-up and shut-down orders as 

appropriate.  The Transmission Provider can only de-commit a Transmission 

Provider committed Day-Ahead Market Resource to address an anticipated excess 

supply condition as described under Section 6.1.2(2)(b) of this Attachment AE 

and/or to address any other Emergency conditions.  If the Transmission Provider 

de-commits a Transmission Provider committed Resource for any hour of the 

Day-Ahead Market commitment schedule and causes that the Resource to buy 

back its Energy and/or Operating Reserve position at RTBM prices that exceed 

the Day-Ahead Market prices for the comparable products, that Resource is 

eligible for compensation under Section 8.6.6(2) of this Attachment AE. 



 

 

6.2 Real-Time Balancing Market 

The Transmission Provider will clear the RTBM by determining the security-

constrained dispatch that is the least costly means of balancing generation and load while 

meeting Operating Reserve requirements within the SPP Balancing Authority Area. 



 

 

6.2.1 Real-Time Balancing Market Inputs 

Inputs into the RTBM will include the data provided prior to each Operating Hour 

and data provided within each Operating Hour. 

6.2.1.1 Pre-Operating Hour Inputs 

Pre-Operating hour inputs to the RTBM will include the following: 

(1) RTBM Resource Offers; 

(2) Approved and tagged Export Interchange Transactions, Import Interchange 

Transactions and Through Interchange Transactions; 

(3) Operating Reserve requirements (system-wide and Reserve Zone minimum and 

maximum); 

(4) Resources selected to provide Regulation-Up or Regulation-Down from the most 

recent RUC.  This set of Resources will remain on regulation control for the 

Operating Hour and will be used by SCED to clear Regulation-Up and 

Regulation-Down on a five (5) minute basis to meet the regulation requirements; 

(5) Resource commitment from the Current Operating Plan.  The Current Operating 

Plan includes Resource commitments and Resource de-commitments from the 

Multi-Day Reliability Assessment, Day-Ahead Market, Day-Ahead RUC and 

Intra-Day RUC; 

(6) Maximum Emergency Capacity Operating Limits on Resources identified in the 

Day-Ahead RUC or Intra-Day RUC; and 

(7) Minimum Emergency Capacity Operating Limits on Resources identified in the 

Day-Ahead RUC or Intra-Day RUC. 

6.2.1.2 Intra-Operating Hour Inputs 

Intra-operating hour inputs to the RTBM will include the following:  

(1) Latest State Estimator solution for: 

(a) Distribution of load forecast throughout the Network Model; 

(b) Latest transmission topology for the Network Model; and 

(c) Backup initial Energy injection of Resources if SCADA not available; 



 

 

 

 

(2) Actual Resource output from latest SCADA snapshot to determine initial Energy 

injection of Resources and Generator outages; 

(3) Active transmission constraints;  

(4) Intra-operating hour adjustments to Interchange Transactions due to curtailments 

or initiation of a Reserve Sharing Event involving external Balancing Authorities; 

(5) Intra-operating hour adjustments to Resource Offer physical operating parameters 

due to changes in a Resource’s capability.  Market Participants shall notify the 

Transmission Provider of a change in a Resource Offer physical operating 

parameter during an Operating Hour.  For the current Operating Hour the 

Transmission Provider will make the requested modification to the Resource 

Offer physical operating parameter.  For subsequent hours the Market Participant 

shall remain responsible for accurately reflecting Resource operating parameters 

in its Resource Offer submissions; 

(6) Transmission Provider load forecast; 

(7) The Transmission Provider’s wind Resource MWh output forecast; and 

(8) The Transmission Provider’s estimate of Parallel Flows. 



 

 

6.2.2 Real-Time Balancing Market Execution 

The Transmission Provider will execute the RTBM every five (5) minutes for the 

next Dispatch Interval based on the inputs described above. 

(1) A simultaneous co-optimization methodology utilizing a SCED algorithm is 

employed to calculate Resource Dispatch Instructions and clear Regulation-Up, 

Regulation Down, Spinning Reserve and Supplemental Reserve to meet the 

Transmission Provider load forecast and Operating Reserve requirements at 

minimum costs based upon submitted Offers while respecting Resource operating 

constraints and transmission constraints. 

(2) The SCED algorithm includes marginal loss sensitivity factors that approximate 

the change in marginal system losses for a change in Energy dispatch. 

(3) In certain situations, enforcing constraints may result in a solution that is not 

feasible at a Shadow Price less than an appropriately priced VRL.  In such cases, 

the Transmission Provider must apply VRLs in SCED. 

(4) To ensure rational pricing of cleared Operating Reserve products, the SCED 

algorithm will include product substitution logic as follows: 

(a) Any Regulation-Up Offers remaining once the Regulation-Up 

Requirement is satisfied will be used to meet Contingency Reserve 

requirements if Regulation-Up Offer is more economic or is needed to 

meet the overall Operating Reserve requirement;  

(b) Any Spinning Reserve Offers remaining once the Spinning Reserve 

Requirement is satisfied will be used to meet the Supplemental Reserve 

requirements if the Spinning Reserve Offer is more economic or is needed 

to meet the overall Operating Reserve requirement. 

(5) The co-optimization logic will provide through the Shadow Price calculation, 

MCPs for Operating Reserve that include lost opportunity costs incurred as a 

result of Operating Reserve clearing. 

(6) Additionally, the Transmission Provider will execute a look-ahead SCED prior to 

the RTBM SCED process.  The look-ahead SCED will perform at least these two 

functions: (1) anticipate the need to adjust Dispatch Instructions for the current 

Dispatch Interval to prepare to meet forecasted changes in the load several 



 

 

 

 

Dispatch Intervals into the future and (2) determine commitment of Quick-Start 

Resources within the Operating Hour.  The look-ahead period is at least two 

Dispatch Intervals, one of which is the next Dispatch Interval following the 

current Dispatch Interval. 

6.2.2.1 Emergency Operations – Capacity Shortage 

(1) In addition to the incorporation of the capacity up to Resources’ Maximum 

Emergency Capacity Operating Limits prior to the Operating Hour as described 

under Sections 5.1.2(1)(a)(i) and 5.2.2(2)(a) of this Attachment AE, the 

Transmission Provider may incorporate any remaining emergency capacity limits 

as needed during the Operating Hour.  The Transmission Provider shall continue 

implementation of emergency procedures which may have been implemented 

prior to the Operating Hour or shall begin implementation of emergency 

procedures within the Operating Hour, as needed, in accordance with its authority 

as Reliability Coordinator.  

(a) If there is an actual Operating Reserve shortage during a Dispatch Interval, 

either on a system-wide or a Reserve Zone basis, the system-wide or 

Reserve Zone Scarcity Prices will be implemented as specified in Section 

8.3.4.2 of this Attachment AE. 

(b) If there is a shortage of available capacity to meet Energy requirements on 

a system-wide, LMPs will be set through Scarcity Pricing procedures as 

specified in Section 8.3.4.2 of this Attachment AE. 

(2) Ramp sharing will continue to be applied consistent with its application in the 

Day-Ahead Market as described under Section 5.1.2.1(3) of this Attachment AE. 

6.2.2.2 Emergency Operations – Excess Generation 

(1) The Transmission Provider will take any or all of the following actions within the 

Operating Hour to address excess generation conditions on either a system-wide 

or Reserve Zone basis: 



 

 

 

 

(a) Notify any remaining Resources not cleared for Regulation-Down and not 

notified prior to the Operating Hour that they will be dispatched down to 

their Minimum Emergency Capacity Operating Limits; 

(b) De-commit any remaining Resources that were self-committed following 

the Day-Ahead RUC; 

(c) Curtail any remaining fixed Import Interchange Transactions that were 

submitted and approved following the Day-Ahead RUC; 

(d) Pro-rata curtail, on a per MW basis, any remaining fixed Import 

Interchange Transactions;  

(e) Reduce Resources with cleared Regulation-Down economically, as 

needed, down to Minimum Emergency Capacity Operating Limit; and 

(f) Coordinate with generation Operators, SPP Balancing Authority Operator 

and SPP Reliability Coordinator to de-commit generation to meet power 

balance. 

(2) If actions taken under (1) above are not sufficient to relieve the excess generation 

condition in any Dispatch Interval either on a system-wide or Reserve Zone basis, 

LMPs will be set to the lesser of zero (0) or the Offer prices associated with 

Energy down to the Minimum Emergency Capacity Operating Limit, to the extent 

that the Regulation-Down requirement can be maintained.  If the actions under (1) 

above create a Regulation-Down shortage during any Dispatch Interval either on a 

system-wide or Reserve Zone basis, the MCPs for Regulation-Down will reflect 

Scarcity Prices and LMPs will reflect negative Scarcity Prices. 

(3) In parallel with the actions under (1) above, if there is a transmission constraint 

within a Reserve Zone occurring simultaneously with a Reserve Zone excess 

capacity event, the Transmission Provider may take any or all of the following 

additional actions: 

(a) Identify and communicate with the Market Participant concerning 

Resources with greater than a five percent (5%) generation shift factor on 

the constraint and fixed Import Interchange Transactions with greater than 

a three percent (3%) transfer distribution factor on constraint; 



 

 

 

 

(b) Issue Transmission Loading Relief (―TLR‖) provisions, in accordance 

with Attachment R, to curtail any Interchange Transactions that may be 

contributing to the loading; 

(c) Commit Quick Start Resources in the constrained area if they can be re-

dispatched with other Resources in the constrained area to relieve 

constraint without contributing to the excess capacity situation. 

6.2.2.3 Seams Coordination 

The Transmission Provider shall use the following process to coordinate the 

operations of the RTBM to manage congestion between the SPP Balancing Authority 

Area and external Balancing Authority Areas:   

(a) The Transmission Provider shall submit the Market Flow impact on each 

Coordinated Flowgate and Reciprocal Coordinated Flowgate to the NERC 

IDC.   

(b) The Transmission Provider shall assign curtailment priorities to the 

Market Flow on each flowgate in the following priority categories: 

(i) Curtailment priorities for flowgates that have not been defined as a 

Coordinated Flowgate or a Reciprocal Coordinated Flowgate shall 

be assigned in accordance with NERC TLR procedures. 

(ii) For Coordinated Flowgates, the Transmission Provider will assign 

Market Flow in the firm priority up to the firm limit with any 

excess Market Flow assigned as non-firm network.   

(iii) For Reciprocal Coordinated Flowgates, the Transmission Provider 

will divide its Market Flows into firm, non-firm network, and non-

firm hourly curtailment priorities.  The Transmission Provider will 

first assign Market Flow in the firm priority up to the firm limit, 

then assign remaining Market Flow in the non-firm network 

priority up to the non-firm network limit, and finally assign any 

excess Market Flow as non-firm hourly. 

(c) The Market Flow associated with operation of the RTBM shall be 

determined by the Transmission Provider.  For Coordinated Flowgates, 



 

 

 

 

any Market Flow from RTBM operation in excess of that assigned to the 

firm priority shall be assigned a non-firm priority.  For Reciprocal 

Coordinated Flowgates, any Market Flow from RTBM operation  in 

excess of amounts assigned to firm or non-firm network priorities shall be 

assigned a non-firm hourly priority. 

(d) When congestion occurs on a flowgate that requires a TLR event, the 

NERC IDC will identify the amount of relief required from Market Flows 

on the Coordinated Flowgate or Reciprocal Coordinated Flowgate.   

(e) The Transmission Provider shall achieve the required reduction in Market 

Flows provided by the NERC IDC using its security constrained dispatch 

software in the following order until the desired reduction in Market 

Flows is achieved: 

(i) To the extent that Market Flows are contributing to the constrained 

condition, the Transmission Provider shall restrict the ability of the 

market operating system from contributing further to the 

constrained condition by binding the Coordinated Flowgate or 

Reciprocal Coordinated Flowgate constraint.  The security 

constrained dispatch of Dispatchable Resources shall continue 

within each priority level until the Market Flows within that 

priority level have been reduced to zero or the flowgate constraint 

is eliminated, whichever comes first. 



 

 

6.2.3 Real-Time Balancing Market Results 

Following execution of the RTBM SCED, the Transmission Provider shall 

communicate the results to Market Participants prior to the start of the applicable 

Dispatch Interval. 

(1) The following results are communicated to each Market Participant for only its 

specific Resources: 

(a) Resource Dispatch Instructions.  The Dispatch Instruction is a MW output 

target for the end of the applicable Dispatch Interval. 

(b) Cleared Regulation-Up, Regulation-Down, Spinning Reserve and 

Supplemental Reserve MW by Resource. 

(2) The following results are communicated to all Market Participants and are used 

for settlement purposes;  

(a) LMPs for each Settlement Location, the MCC of LMP for each Settlement 

Location and the MLC of LMP for each Settlement Location. 

(b) MCPs for Regulation-Up, Regulation-Down, Spinning Reserve and 

Supplemental Reserve for each Reserve Zone. 



 

 

6.2.4 Out-of-Merit Energy Dispatch 

The Transmission Provider may issue OOME dispatch directives to any on-line 

Resource to resolve Emergency Conditions.  The Transmission Provider will make every 

effort to define and activate the appropriate constraints in RTBM SCED within one (1) 

hour of the manual reconfiguration. 

When an OOME event occurs, the Transmission Provider will take the following actions: 

(1) A Resource will receive Setpoint Instructions that include a Manual Dispatch 

Instruction for the duration of the reliability directive; 

(2) The Transmission Provider will issue Manual Dispatch Instructions at the MW 

level the Resource is expected to produce until such time as the constraint can be 

resolved by SCED through the RTBM; 

(3) Notifications are immediately issued for all future intervals for which a SCED 

Dispatch Instruction has already been calculated and included in the Resource 

Setpoint Instruction; 

(4) Setpoint Instructions for future intervals not yet dispatched will include the 

Manual Dispatch Instruction instead of the SCED Dispatch Instruction for the 

same interval; 

(5) The Transmission Provider will notify the Market Participant when the OOME 

event has ended; and 

(6) Market Participants are compensated for OOME events in accordance with 

Section 8.6.6 of this Attachment AE. 



 

 

6.3 Energy and Operating Reserve Deployment 

The Transmission Provider will deploy Energy, Regulation-Up, Regulation-

Down, Spinning Reserve and on-line Supplemental Reserve simultaneously through the 

issuance of Setpoint Instructions to each Resource in accordance with the technical 

requirements specified in the Market Protocols.  Deployment of Supplemental Reserve 

from off-line Quick-Start Resources is accomplished through the Transmission Provider 

issuance of a Commitment Instruction to start-up following a Contingency Reserve event.   

(1) The Setpoint Instruction for a Resource that has indicated that it is dispatchable is 

equal to the sum of: 

(a) The Resource MW Dispatch Instruction for the current Dispatch Interval 

either as developed by SCED or by Manual Dispatch Instruction; 

(b) Regulation-Up deployment instruction for Resources with cleared 

Regulation-Up; 

(c) Regulation-Down deployment instruction for Resources with cleared 

Regulation-Down;  

(d) Spinning Reserve deployment instruction for Resources with cleared 

Spinning Reserve; and 

(e) On-Line Supplemental Reserve deployment instruction for Resources with 

cleared on-line Supplemental Reserve. 

(2) The Setpoint Instruction for a Resource that has indicated that it is non-

dispatchable shall be equal to the most recently recorded actual telemetered 

Resource output. 



 

 

6.3.1 Regulation Deployment 

Regulation Deployment is limited to Resources that have cleared Regulation-Up 

or Regulation-Down.  Regulation-Up and Regulation-Down are deployed on specific 

Resources through Setpoint Instructions via the automatic generation control system on a 

pro-rata basis based upon Regulation-Up or Regulation-Down cleared MW, adjusted as 

needed to ensure deliverability.  No Regulation Deployment will occur on Resources that 

have not cleared Regulation-Up or Regulation-Down.  Market Participants providing 

Regulation-Up or Regulation-Down service during the Operating Hour are obligated to 

report to the Transmission Provider when their Resources are no longer capable of 

providing the service due to physical problems. 



 

 

6.3.2 Contingency Reserve Deployment 

Contingency Reserve procured in the RTBM will be deployed through a 

Contingency Reserve Deployment Instruction following a Reserve Sharing Event in 

accordance with the following rules: 

(1) Contingency Reserve is deployed on Resources with cleared Contingency 

Reserve and Export Interchange Transactions providing Supplemental Reserve in 

the Dispatch Interval immediately following system events;  

(2) Spinning Reserve and on-line Supplemental Reserve is deployed ahead of off-line 

Supplemental Reserve;  

(3) If the amount of Spinning Reserve and on-line Supplemental Reserve cleared is 

greater than or equal to the Contingency Reserve amount required in response to a 

contingency, no off-line Supplemental Reserve is deployed;  

(4) Spinning Reserve and on-line Supplemental Reserve is deployed in proportion to 

the amount of Spinning Reserve and on-line Supplemental Reserve cleared on 

each Resource, adjusted as needed to ensure deliverability; and 

(5) Supplemental Reserve from off-line Quick-Start Resources is deployed on 

Resources in merit order of Start-Up Offer, No-Load Offer, Energy Offer Curves 

and Minimum Run Time, adjusted as needed to ensure deliverability.  For the 

purposes of deploying Supplemental Reserve supplied from Export Interchange 

Transactions, the merit order cost will be equal to zero (0). 



 

 

6.3.3 Reserve Sharing Group Scheduling Procedures 

NERC Reliability Standards and applicable SPP Criteria will dictate Contingency 

Reserve deployment between Reserve Sharing Group members.  The Energy schedules 

implemented through the reserve sharing Contingency Reserve deployment, are created 

automatically by the Reserve Sharing System and are settled through the RTBM as either 

a fixed Export Interchange schedule or a fixed Import Interchange schedule in accordance 

with Attachment AK to the Tariff and Sections 8.6.17 and 8.6.18 of this Attachment AE. 

Deployment of Contingency Reserve by the SPP Balancing Authority to provide 

assistance to a Reserve Sharing Group member will be in accordance with the 

deployment procedures specified in Section 6.3.2 of this Attachment AE. 



 

 

6.3.4 Contingency Reserve Recovery  

Following an Operating Reserve contingency, the SPP Balancing Authority will 

restore its Contingency Reserve to its pre-disturbance Contingency Reserve requirement 

by the end of the assistance period, as defined in the SPP Criteria.  During the assistance 

period, the RTBM will clear Contingency Reserve up to the pre-disturbance Contingency 

Reserve requirement or to the level of available capacity, whichever is less, and Scarcity 

Pricing will not apply. 



 

 

6.4 Energy and Operating Reserve Deployment Failure 



 

 

6.4.1 Uninstructed Resource Deviation 

The following rules apply to the calculation of Uninstructed Resource Deviation 

(―URD‖). 

(1) A Market Participant with Resources registered at a Common Bus will be 

aggregated and treated as a single Resource and the Resources’ combined average 

ramped MW Setpoint Instruction and the Resources’ combined actual average 

MW output at the Common Bus will be used for URD calculation purposes for 

the Dispatch Interval. 

(2) A Resource’s URD is allocated a portion of the RUC make whole payment costs, 

as described under Section 8.6.7 of this Attachment AE, in any Dispatch Interval 

where Resource’s URD is outside of its Operating Tolerance unless that Resource 

has been exempted from URD. 

(a) A generating unit Resource’s Operating Tolerance in each Dispatch 

Interval is equal to the Resource’s Maximum Emergency Capacity 

Operating Limit multiplied by five percent (5%), subject to a minimum of 

five (5) MW and a maximum of twenty (20) MW. 

(b) A Dispatchable Demand Response Resource’s Operating Tolerance in 

each Dispatch Interval is equal to the resource’s Maximum Emergency 

Capacity Operating Limit multiplied by five percent (5%), subject to a 

minimum of five (5) MW and a maximum of twenty (20) MW. 

(c) A Block Demand Response Resource’s Operating Tolerance in each 

Dispatch Interval is equal to the resource’s Maximum Economic Capacity 

Operating Limit multiplied by five percent (5%), subject to a minimum of 

five (5) MW and a maximum of twenty (20) MW. 

(d) The Common Bus Operating Tolerance for each Market Participant 

registered at a Common Bus is equal to the sum of that Market 

Participant’s Resources’ Maximum Emergency Capacity Operating Limits 

for Resources that are on-line multiplied by five percent (5%), subject to a 

minimum of five (5) MW and a maximum of twenty (20) MW. 

(e) If the absolute value of a Resource’s URD is greater than the Resource’s 

Operating Tolerance in any Dispatch Interval, the Resource URD / 12 is 



 

 

 

 

included in the hourly allocation of RUC make whole payment cost 

allocation.  The Hourly URD amount is calculated as the sum of Dispatch 

Interval URD for the hour.  Additionally, if that Resource was eligible to 

receive a RUC make whole payment, the payment may be reduced in 

accordance with Section 8.6.5 of this Attachment AE. 

6.4.1.1 Uninstructed Resource Deviation Exemptions 

A Resource’s URD in a Dispatch Interval will be considered equal to zero (0) 

under the following situations:  

(1) The Resource is deployed for Contingency Reserve; or 

(2) The Resource trips off-line or is derated after receiving Dispatch Instructions; or 

(3) There is missing or bad Resource SCADA data in the Dispatch Interval; or 

(4) If during Emergency Conditions the URD is above the Resource’s Setpoint 

Instruction in a shortage condition or the URD is below the Resource’s Setpoint 

Instruction during an excess generation condition; or 

(5) If a Dispatch Instruction is issued to a Resource beyond the reported capabilities 

due to the application of a VRL; or 

(6) If the Resource is part of a Common Bus and the URD calculated at the Common 

Bus is less than the Operating Tolerance calculated at the Common Bus; or 

(7) A Market Participant can demonstrate such deviation was caused solely by events 

or conditions beyond its control, and without the fault or negligence of the Market 

Participant.  The Market Participant must provide the Transmission Provider with 

adequate documentation through the invoice dispute process in order for the 

Market Participant to be eligible to avoid such URD.  The Transmission Provider 

will determine through the dispute process whether such URD should be waived. 



 

 

6.4.2 Regulation Deployment Failure Charges 

In any Dispatch Interval, if the URD of a Resource with cleared Regulation-Up, 

Regulation-Down or both is outside of the Resource’s Operating Tolerance, that Market 

Participant will incur a Regulation Deployment failure charge as described in Section 

8.6.11 of this Attachment AE. 



 

 

6.4.3 Contingency Reserve Deployment Failure Charges 

A Market Participant receiving a Contingency Reserve Deployment Instruction 

must pass one of four tests described below in order to be in full compliance with the 

instruction.  Each of these tests is performed by the Transmission Provider, either at the 

individual Resource level, or at a Common Bus level if the Market Participant’s Resource 

receiving the Contingency Reserve Deployment Instruction is registered at a Common 

Bus.  A Resource that fails all four tests will receive a Contingency Reserve deployment 

failure charge as described in Section 8.6.13 of this Attachment AE.  The Setpoint 

Instructions used in these tests are calculated in accordance with Section 6.3(1). 

(1) Test 1 compares the Resource expected output or Common Bus expected output 

at the end of the Contingency Reserve Deployment Period to the Resource actual 

output or Common Bus actual output as measured at the end of the Contingency 

Reserve Deployment Period using the instantaneous ramped Setpoint Instruction.  

(2) Test 2 is the same as Test 1 except that the expected output is calculated using the 

instantaneous stepped Setpoint Instruction instead of the instantaneous ramped 

Setpoint Instruction. 

(3) Test 3 compares the change in Resource expected output or Common Bus 

expected output between the beginning and the end of the Contingency Reserve 

Deployment Period to the change in Resource actual output or Common Bus 

actual output between the beginning and the end of the Contingency Reserve 

Deployment Period using the instantaneous ramped Setpoint Instruction. 

(4) Test 4 is the same as Test 3 except that the expected output is calculated using the 

instantaneous stepped Setpoint Instruction instead of the instantaneous ramped 

Setpoint Instruction. 



 

 

6.5 Inadvertent Management 

The Transmission Provider will maintain inadvertent accounts and administer 

inadvertent payback for the SPP Balancing Authority Area.  In doing so, the 

Transmission Provider will adhere to the following principles: 

(1) Inadvertent payback will be administered in accordance with NERC criteria, 

applicable joint operating agreements, and Good Utility Practice; and 

(2) Inadvertent payback decisions will be made without regard to possible profits or 

losses resulting from changes in Energy costs over time. 



 

 

6.5.1 Inadvertent Payback Reporting 

The SPP Balancing Authority will report its Inadvertent Interchange balance with 

the applicable NERC interconnection.  The Transmission Provider reporting will be 

consistent with the requirements and timelines for Balancing Authorities outlined in 

NERC Reliability Standard BAL-006-0. 

The SPP Balancing Authority will manage and pay back its net Inadvertent 

Interchange balance following NAESB WEQBPS-005-000 Inadvertent Interchange 

payback.  Inadvertent payback will be initiated based on an objective and publicly 

available process that is triggered on balances exceeding statistical norms.  Inadvertent 

payback will be done during periods and in amounts such that payback will not burden 

others or interfere with time corrections.  Settlement impact will not factor into the 

decision to payback or recover inadvertent interchange. 



 

 

7.0 Transmission Congestion Rights Markets 

The TCR Markets process includes an annual ARR allocation, annual and 

monthly TCR auctions and a monthly incremental ARR allocation in accordance with the 

timelines specified in the Market Protocols.  ARRs are obtained by Eligible Entities 

during the annual ARR allocation or the incremental ARR allocation.  TCRs are obtained 

by Market Participants through the annual and monthly TCR auctions. 

There are seven (7) key processes associated with ARRs and TCRs: 

(1) Annual ARR verification; 

(2) Annual ARR allocation; 

(3) Annual TCR auction; 

(4) Monthly TCR auction; 

(5) Incremental ARR allocation (if requested by Eligible Entity); 

(6) ARR allocation and TCR auction settlements; and 

(7) TCR secondary markets. 

Table 7-1 in Section 7.3.2 of this Attachment AE provides additional details 

related to auction timing and Transmission System capability available for the TCR 

auctions. 



 

 

7.1 Annual Auction Revenue Right Verification 

Only Eligible Entities are permitted to nominate candidate ARRs.  The following 

rules apply to verification of firm Transmission Service for conversion to ARRs. 



 

 

7.1.1 Transmission Service Verification 

In order for Eligible Entities to obtain candidate ARRs, the Transmission Provider 

must first verify existing Transmission Service entitlements.  An Eligible Entity’s 

Transmission Service must span the entire monthly or seasonal period for which ARRs 

are allocated to qualify for candidate ARRs in a particular month or season.  The 

Transmission Provider will verify Eligible Entity existing Transmission Service 

entitlements as follows:  

(1) The following will be performed prior to each annual ARR allocation for Eligible 

Entities taking Network Integration Transmission Service or Firm Point-To-Point 

Transmission Service under the Tariff: 

(a) The Transmission Provider will obtain source, sink and Reservation 

Capacity information from the OASIS for each monthly and seasonal 

period for which ARRs are allocated in which the Transmission Service 

spans the entire period for the current annual allocation; 

(i) For a Transmission Service reservation with a source inside the 

SPP Balancing Authority Area that is not a specific Resource or 

Resource Market Hub, the Transmission Provider will determine 

the load Settlement Location that most electrically corresponds to 

the source on the Transmission Service reservation that will be 

utilized as the source for candidate ARRs.  

(ii) For a Transmission Service reservation with a source outside of the 

SPP Balancing Authority Area, the interface between the 

Transmission Provider and the first tier Balancing Authority Area 

associated with the transmission reservation will be utilized as the 

source for candidate ARRs.   

(iii) For a Transmission Service reservation with a sink outside of the 

SPP Balancing Authority Area, the interface between the 

Transmission Provider and the first tier Balancing Authority Area 

associated with the transmission reservation will be utilized as the 

sink for candidate ARRs. 



 

 

 

 

(b) The Transmission Provider will provide this information to each Eligible 

Entity for verification; and 

(c) Eligible Entities will notify the Transmission Provider within 2 weeks 

following receipt of this information, identifying and correcting inaccurate 

data on the OASIS.  Otherwise, the Transmission Provider provided data 

will be considered verified. 

(2) The following will be performed prior to each annual ARR allocation for the 

Eligible Entity taking GFA service: 

(a) Each Transmission Owner shall register any GFA for which candidate 

ARRs are to be provided to the Transmission Owner or the transmission 

customer under the GFA on the Transmission Provider’s OASIS.  The 

Transmission Owner must provide the Transmission Provider with source, 

sink and Reservation Capacity information for each GFA on the 

Transmission Provider’s OASIS.  If both parties to the GFA are Market 

Participants with respect to the GFA load, then the parties may jointly 

inform the Transmission Provider which Market Participant will be 

allocated the candidate ARRs.  If the parties to the GFA do not so inform 

the Transmission Provider, or if only the Transmission Owner that sold the 

GFA service is a Market Participant, then the Transmission Owner that 

sold the GFA service will be allocated the candidate ARRs associated with 

the GFA. 

(i) For a GFA with a source inside the SPP Balancing Authority Area 

that is not a specific Resource or Resource Market Hub, the 

Transmission Provider will determine the load Settlement Location 

that most electrically corresponds to the source on the 

Transmission Service reservation that will be utilized as the source 

for candidate ARRs.  

(ii) For a GFA with a source outside of the SPP Balancing Authority 

Area, the interface between the Transmission Provider and the first 

tier Balancing Authority Area associated with the transmission 

reservation will be utilized as the source for the candidate ARRs.   



 

 

 

 

(iii) For a GFA with a sink outside of the SPP Balancing Authority 

Area, the interface between the Transmission Provider and the first 

tier Balancing Authority Area associated with the transmission 

reservation will be utilized as the sink for the candidate ARRs. 

(b) If the transmission customer under the GFA is receiving the candidate 

ARRs, to the extent that the transmission service specified in the GFA is 

identified as the equivalent of SPP Network Integration Transmission 

Service, the transmission customer under the GFA must provide the 

historical annual peak loads being served under the GFA since February 1, 

2007. 



 

 

7.1.2 Candidate Auction Revenue Rights 

Following verification of Eligible Entity Transmission Service, candidate ARRs 

associated with such Transmission Service are assigned as follows: 

(1) For each Eligible Entity with Network Integration Transmission Service, the 

Eligible Entity’s Network Integration Transmission Service Candidate ARRs 

from a specific source is equal to the source Reservation Capacity.  An Eligible 

Entity may nominate Network Integration Transmission Service Candidate ARRs, 

as described in Section 7.2.1 of this Attachment AE from a specific source to one 

or more sinks up to the amount of its Network Integration Transmission Service 

Candidate ARRs associated with the source subject to the total nomination cap 

described in Section 7.1.3 of this Attachment AE. 

(2) For each Eligible Entity with Firm Point-To-Point Transmission Service, the 

Eligible Entity’s Firm Point-To-Point Candidate ARRs for a specific source and 

sink is equal to the Reservation Capacity associated with that source and sink.  An 

Eligible Entity may nominate Firm Point-To-Point Candidate ARRs, as described 

in Section 7.2.1 of this Attachment AE, for this specific source and sink up to the 

amount of its Firm Point-To-Point Candidate ARRs subject to the total 

nomination cap described in Section 7.1.3 of this Attachment AE. 

(3) For each Eligible Entity with equivalent Network Integration Transmission 

Service GFA service, the Eligible Entity’s Grandfathered Agreement Network 

Integration Transmission Service Candidate ARRs from a specific source is equal 

to the source Reservation Capacity.  An Eligible Entity may nominate 

Grandfathered Agreement Network Integration Transmission Service Candidate 

ARRs, as described in Section 7.2.1 of this Attachment AE, from a specific 

source to one or more sinks up to the amount of its Grandfathered Agreement 

Network Integration Transmission Service Candidate ARRs subject to the total 

nomination cap described in Section 7.1.3 of this Attachment AE. 

(4) For each Eligible Entity with equivalent Firm Point-To-Point GFA service, the 

Eligible Entity’s Grandfathered Agreement Firm Point-To-Point Candidate ARRs 

for a specific source and sink is equal to the Reservation Capacity associated with 

that source and sink.  An Eligible Entity may nominate Grandfathered Agreement 



 

 

 

 

Firm Point-To-Point Candidate ARRs, as described in Section 7.2.1 of this 

Attachment AE, for this specific source and sink up to the amount of its 

Grandfathered Agreement Firm Point-To-Point Candidate ARRs subject to the 

total nomination cap described in Section 7.1.3 of this Attachment AE. 



 

 

7.1.3 Auction Revenue Right Nomination Cap 

An Eligible Entity’s ARR Nomination Cap will be as follows: 

(1) For Network Integration Transmission Customers, the Network Integration 

Transmission Service ARR Nomination Cap is equal to the minimum of a) the 

sum of Network Integration Transmission Service Candidate ARRs as calculated 

in Section 7.1.2 of this Attachment AE and Network Integration Transmission 

Service Incremental Candidate ARRs as calculated in Section 7.5.2 of this 

Attachment AE or b) One hundred and three percent (103%) of the average of that 

customer’s three highest annual peak Network Loads since February 1, 2007.  

This value may be adjusted as required to account for wholesale load shifts 

between Transmission Customers. 

(2) For Firm Point-To-Point Transmission Customers, the Firm Point-To-Point ARR 

Nomination Cap is equal to the sum of Firm Point-To-Point Candidate ARRs as 

calculated in Section 7.1.2 of this Attachment AE and Firm Point-To-Point 

Incremental Candidate ARRs as calculated in Section 7.5.2 of this Attachment 

AE. 

(3) For GFA customers taking the equivalent of SPP Network Integration 

Transmission Service, the Grandfathered Agreement Network Integration 

Transmission Service ARR Nomination Cap is equal to the minimum of a) the 

sum of Grandfathered Agreement Network Integration Transmission Service 

Candidate ARRs as calculated in Section 7.1.2 of this Attachment AE and 

Grandfathered Agreement Network Integration Transmission Service Incremental 

Candidate ARRs as calculated in Section 7.5.2 of this Attachment AE or b) One 

hundred and three percent (103%) of the average of that customer’s three highest 

GFA annual peak loads since February 1, 2007. 

(4) For GFA customers taking the equivalent of SPP Firm Point-To-Point, the 

Grandfathered Agreement Firm Point-To-Point ARR Nomination Cap is equal to 

the sum of Grandfathered Agreement Firm Point-To-Point Candidate ARRs as 

calculated in Section 7.1.2 of this Attachment AE and Grandfathered Agreement 

Firm Point-To-Point Incremental Candidate ARRs as calculated in Section 7.5.2 

of this Attachment AE. 



 

 

 

 

(5) An Eligible Entity’s ARR Nomination Cap is equal the sum of its Network 

Integration Transmission Service ARR Nomination Cap, Firm Point-To-Point 

ARR Nomination Cap, Grandfathered Agreement Network Integration 

Transmission Service ARR Nomination Cap and Grandfathered Agreement Firm 

Point-To-Point ARR Nomination Cap. 



 

 

7.2 Annual Auction Revenue Right Allocation 

The annual ARR allocation addresses how candidate ARRs verified in the annual 

ARR verification may be nominated and awarded.  Eligible Entities may nominate the 

candidate ARRs that they wish to receive up to their ARR nomination caps.  The portion 

of the nominated candidate ARRs that are simultaneously feasible are allocated to each 

Eligible Entity during the annual allocation.  Candidate ARRs are nominated on a 

monthly and seasonal basis in a three round process. 

The Transmission Provider shall make available one hundred percent (100%) of 

the projected maximum Transmission System capability for the purpose of ARR 

allocation in the annual ARR allocation process.  No later than five (5) days prior to the 

start of the annual ARR allocation process, the Transmission Provider will post the 

Transmission System network topology data for each of the monthly and seasonal On-

Peak and Off-Peak models, including the corresponding Parallel Flow and transmission 

line outage assumptions, used to determine the projected maximum Transmission System 

capability that will be used in the upcoming allocations. 



 

 

7.2.1 Auction Revenue Right Nominations 

For each month and season included in the annual ARR allocation period, as 

defined in Table 7-1 in Section 7.3.2 of this Attachment AE, Eligible Entities may 

nominate candidate ARRs in 0.1 MW increments for specific source to sink pairs that 

total up to their ARR nomination caps as calculated in Section 7.1.3 of this Attachment 

AE.  Nominations occur separately for On-Peak and Off-Peak periods.  Prior to each 

ARR nomination round, Eligible Entities shall submit the following information: 

(1) Source: valid candidate ARR source Settlement Location for rounds 1 and 2, and 

any applicable source Settlement Location for round 3; 

(2) Sink: valid candidate ARR sink Settlement Location for rounds 1 and 2, and any 

applicable sink Settlement Location for round 3;  

(3) Class: On-Peak or Off-Peak; 

(4) Period: specific month or season; and 

(5) Nominated ARR MW:  

(a) In round 1 and round 2, the total candidate ARR MW nominated from a 

source Settlement Location cannot exceed the source candidate ARRs. 

(b) In round 3, any source to sink path may be nominated, subject to the 

limitation described in Section 7.2.2(3) of this Attachment AE. 



 

 

7.2.2 Auction Revenue Right Allocation 

ARRs are allocated in a three round process as follows: 

(1) In round 1, Eligible Entities may nominate: 

(a) ARRs from their Network Integration Transmission Service Candidate 

ARRs that totals no more than fifty percent (50%) of their Network 

Integration Transmission Service ARR Nomination Cap; 

(b) ARRs from their Grandfathered Agreement Network Integration 

Transmission Service Candidate ARRs that totals no more than fifty 

percent (50%) of their Grandfathered Agreement Network Integration 

Transmission Service ARR Nomination Cap; 

(c) ARRs from their Firm Point-To-Point Candidate ARRs that totals no more 

than fifty percent (50%) of their Firm Point-To-Point ARR Nomination 

Cap; and 

(d) ARRs from their Grandfathered Agreement Firm Point-To-Point 

Candidate ARRs that totals no more than fifty percent (50%) of their 

Grandfathered Agreement Firm Point-To-Point ARR Nomination Cap. 

(2) In round 2, Eligible Entities may nominate: 

(a) ARRs from their Network Integration Transmission Service Candidate 

ARRs that totals no more than one hundred percent (100%) of their 

Network Integration Transmission Service ARR Nomination Cap less any 

nominated Network Integration Transmission Service Candidate ARRs 

awarded in round 1; 

(b) ARRs from their Grandfathered Agreement Network Integration 

Transmission Service Candidate ARRs that totals no more than one 

hundred percent (100%) of their Grandfathered Agreement Network 

Integration Transmission Service ARR Nomination Cap less any 

nominated Grandfathered Agreement Network Integration Transmission 

Service Candidate ARRs awarded in round 1; 

(c) ARRs from their Firm Point-To-Point Candidate ARRs that totals no more 

than one hundred percent (100%) of their Firm Point-To-Point ARR 



 

 

 

 

Nomination Cap less any nominated Firm Point-To-Point Candidate ARRs 

awarded in round 1; and 

(d) ARRs from their Grandfathered Agreement Firm Point-To-Point 

Candidate ARRs that totals no more than one hundred percent (100%) of 

their Grandfathered Agreement Firm Point-To-Point ARR Nomination 

Cap less any nominated Grandfathered Agreement Firm Point-To-Point 

Candidate ARRs awarded in round 1. 

(3) In round 3, any Eligible Entity may nominate ARRs from any source to sink that 

totals no more than one hundred percent (100%) of its ARR Nomination Cap less 

any nominated candidate ARR amounts awarded in rounds 1 and 2.  In this round 

an Eligible Entity is limited to a maximum combined submittal of two-thousand 

(2,000) ARR nominations for each Asset Owner it represents. 



 

 

7.2.3 Annual Auction Revenue Right Awards 

A Simultaneous Feasibility Test is performed in each round of the ARR allocation 

to determine the amount of nominated ARRs to be awarded.  The Simultaneous 

Feasibility Test is performed using the Network Model projected for the corresponding 

ARR allocation period.  For the Simultaneous Feasibility Test, a nominated candidate 

ARR is modeled as a generation injection at the source and a corresponding load 

withdrawal at the sink.   

If the nominated candidate ARRs are not feasible, the amount of nominated 

candidate ARRs to be awarded will be reduced based on their relative impact on the 

constraint to produce a simultaneously feasible result.    



 

 

7.3 Annual Transmission Congestion Right Auction 

Market Participants may obtain TCRs by purchasing them in the annual TCR 

auction or through direct conversion of ARRs into TCRs.  The percentages of the 

Transmission System capability made available during the annual TCR auction are listed 

in Table 7-1 in Section 7.3.2 of this Attachment AE.  TCRs in the annual auction are 

auctioned in a single round.  No later than three (3) days prior to the start of the annual 

TCR auction, the Transmission Provider will post any changes to the Transmission 

System topology or input data assumptions that occurred after the conclusion of the 

annual ARR allocation. 



 

 

7.3.1 Transmission Congestion Right Offer and Bid Submittal 

(1) Market Participants that have satisfied the applicable credit requirements may 

participate in the annual TCR auction. 

(2) Market Participants holding ARRs associated with a specific source and sink may 

elect to self-convert all or a portion of those ARRs into TCRs by specifying the 

self-convert option as part of the TCR Bid submittal. 

(3) For each month and season included in the annual TCR auction, Market 

Participants may submit TCR Bids in 0.1 MW increments, for On-Peak and Off-

Peak periods.  A valid TCR Bid must contain the following information: 

(a) Source: any valid Settlement Location; 

(b) Sink: any valid Settlement Location; 

(c) Class: On-Peak or Off-Peak; 

(d) Period: specific month or season; 

(e) Type: Bid or self-convert; 

(f) TCR MW; and 

(g) TCR Price; 

(i) TCR Bids cannot exceed $100,000/MW-Month;  

(ii) TCR Bids cannot be less than negative $100,000/MW-Month; 

(4) For each TCR round, a Market Participant is limited to a maximum of 2,000 TCR 

Bids for each Asset Owner it represents. 



 

 

7.3.2 Annual Transmission Congestion Right Auction 

In the annual TCR auction, TCRs are made available in a single round for each 

month and season as follows: 

(1) For the month of June, one hundred percent (100%) of the Transmission System 

capability is made available, for the July-September period ninety percent (90%) 

is made available, and for the Fall, Winter and Spring seasons sixty percent (60%) 

is made available.  For additional details see Table 7-1; 

(a) Only Eligible Entities holding ARRs may submit a self-convert TCR Bid. 

(b) The self-convert TCR MWs are evaluated simultaneously with TCR Bids 

and are subject to reductions that may result from the Simultaneous 

Feasibility Test.  

(c) The self-convert TCR Bid must specify the same source and sink as the 

associated ARR and the TCR MW must be less than or equal to the 

associated ARR MW. 

(d) The self-convert type option will convert ARRs associated with the 

specified source to sink pair into the TCR MW specified subject to 

simultaneous feasibility. 



 

 

 

 

Table 7-1: TCR Auction Summary 

 

 

______________________ 

1
 October and November 

2
 December, January, February, March 

3
 April and May 

Auction 

Month 

Auction 

Type 

TCR Award Periods TCR 

Products 

Auction 

Rounds 

Total 

Auctions 

 May         Annual 

(System Capability %) 

Jun 

(100) 

Jul 

(90) 

Aug 

(90) 

Sep 

(90) 

Fall1 

(60)  

Winter2 

(60) 

Spring3 

(60) 
On-

Peak/ 

Off-Peak 

1  

 

14 

  Jun         Monthly 

(System Capability %) 

Jul 

(100) 

      On-

Peak/ 

Off-Peak 

1 2 

 Jul         Monthly 

(System Capability %) 

Aug 

(100) 

      On-

Peak/ 

Off-Peak 

1 2 

 Aug         Monthly 

(System Capability %) 

Sep 

(100) 

      On-

Peak/ 

Off-Peak 

1 2 

 Sep         Monthly 

(System Capability %) 

Oct 

(100) 

      On-

Peak/ 

Off-Peak 

2 4 

 Oct        Monthly 

(System Capability %) 

Nov 

(100) 

      On-

Peak/ 

Off-Peak 

2 4 

 Nov         Monthly 

(System Capability %) 

Dec 

(100) 

      On-

Peak/ 

Off-Peak 

2 4 

 Dec         Monthly 

(System Capability %) 

Jan 

(100) 

      On-

Peak/ 

Off-Peak 

2 4 

 Jan         Monthly 

(System Capability %) 

Feb 

(100) 

      On-

Peak/ 

Off-Peak 

2 4 

 Feb         Monthly 

(System Capability %) 

Mar 

(100) 

      On-

Peak/ 

Off-Peak 

2 4 

 Mar        Monthly 

(System Capability %) 

Apr 

(100) 

      On-

Peak/ 

Off-Peak 

2 4 

 Apr        Monthly 

(System Capability %) 

May 

(100) 

      On-

Peak/ 

Off-Peak 

2 4 



 

 

7.3.3 Annual Transmission Congestion Right Auction Clearing and Simultaneous 

Feasibility 

The auction is performed with an objective of maximizing the total TCR auction 

value while ensuring that the cleared TCRs are also simultaneously feasible.  A 

Simultaneous Feasibility Test is performed in each round. 

The Simultaneous Feasibility Test is performed using the Network Model 

projected for the corresponding ARR allocation period.  For the Simultaneous Feasibility 

Test, TCR submittals of both the self-convert type and Bid type are modeled as a 

generation injection at the source and a corresponding load withdrawal at the sink. 



 

 

7.3.4 Annual Transmission Congestion Right Awards 

Simultaneously feasible TCRs are awarded based upon the TCR Bid prices such 

that the total TCR auction value is maximized.  Self-converted TCRs are evaluated 

concurrently with all other submitted TCR Bids and are given the highest priority subject 

to simultaneous feasibility.  ACPs are calculated for each Settlement Location using the 

formula for the MCC as described in Section 8.3.1.2 of this Attachment AE. 



 

 

7.4 Monthly Transmission Congestion Right Auctions 

Market Participants may obtain TCRs, in addition to those obtained in the annual 

TCR auction, by purchasing TCRs in the monthly TCR auction or through direct 

conversion of ARRs awarded in the annual and incremental ARR allocations.  Market 

Participants may also offer for sale TCRs awarded in the annual TCR auction.  The TCRs 

for the months of July through September are auctioned in a single round.  The TCRs for 

the months of October through May are auctioned in two rounds.  No later than three (3) 

days prior to the monthly TCR auction, the Transmission Provider will post any changes 

to the Transmission System topology or input data assumptions that occurred after the 

conclusion of the annual ARR allocation. 



 

 

7.4.1 Monthly Transmission Congestion Right Offer and Bid Submittal 

(1) Market Participants that have satisfied the applicable credit requirements may 

participate in the monthly TCR auction. 

(2) Market Participants may submit TCR Bids and Offers for On-Peak and Off-Peak 

periods.  The following information is submitted for a TCR Bid or Offer: 

(a) Source: any valid Settlement Location; 

(b) Sink: any valid Settlement Location; 

(c) Class: On-Peak or Off-Peak; 

(d) Type: Bid, Offer or self-convert; 

(e) TCR MW: 0.1 MW increments, may not exceed ARR MW held on path if 

self-convert type selected; and 

(f) TCR Price: 

(i) TCR Bids cannot exceed $100,000/MW-Month; 

(ii) TCR Bids cannot be less than negative $100,000/MW-Month; 

(3) Market Participants may not submit more than a total of 2,000 TCR Bids, Offers 

and self-conversions in each TCR round for each Asset Owner it represents. 



 

 

7.4.2 Monthly Transmission Congestion Right Auction 

TCRs are auctioned in a single round for the months of July through September 

and one hundred percent (100%) of the Transmission System capability is made 

available.  Any amounts of ARRs awarded in the incremental ARR allocation plus: the 

lesser of (i) ten percent (10%) of the ARRs obtained in the annual ARR allocation or (ii) 

the difference between the ARRs obtained in the annual ARR allocation and the amount 

of self-converted TCRs awarded in the annual TCR auction may be self-converted during 

this auction and any TCRs obtained in the annual TCR auction may be Offered for sale. 

TCRs are auctioned in a two round process for the months of October through 

May.  In the two round process: 

(1) Round 1 - Fifty percent (50%) of the Transmission System capability remaining 

following the annual TCR auction is made available; 

(a) All ARRs awarded in the Incremental ARR Allocation Process may be 

submitted for self-conversion.  

(i) ARRs obtained in the annual allocation may be submitted for self-

conversion subject to the following limitations: Eligible Entities 

may submit the lesser of (i) forty percent (40%) of the ARRs 

obtained in the annual ARR allocation or (ii) the difference 

between the ARRs awarded in the annual ARR allocation and the 

quantity of self-converted TCRs awarded in the annual TCR 

auction.    

(ii) A self-convert TCR Bid must specify the same source and sink as 

the associated ARR and must be less than or equal to the 

associated ARR MW. 

(iii) The self-convert TCR MWs are evaluated simultaneously with 

TCR Bids and Offers and are subject to reductions that may result 

from the Simultaneous Feasibility Test. 

(b) Any TCRs awarded in the annual TCR auction may be offered for sale by 

the TCR holder. 

(d) Any Market Participant may also submit TCR Bids for any source-sink 

pair.   



 

 

 

 

 (2) Round 2 - The remaining Transmission System capability is made available; 

(a) An Eligible Entity may submit self-convert TCR Bids in this round that 

are limited to the values calculated under Section 7.6(2)(c) of this 

Attachment AE.  The self-convert TCR MWs are evaluated 

simultaneously with TCR Bids and Offers and are subject to reductions 

that may result from the Simultaneous Feasibility Test. 

(b) Any TCRs awarded in round 1 or the annual TCR auction, including self-

converted TCRs, may be offered for sale by the TCR holder. 

(c) Any Market Participant may also submit TCR Bids for any source-sink 

pair.   



 

 

7.4.3 Monthly Transmission Congestion Right Auction Clearing and Simultaneous 

Feasibility 

The auction is performed with an objective of maximizing the total TCR auction 

value while ensuring that the cleared TCRs are also simultaneously feasible.  A 

Simultaneous Feasibility Test is performed in each round using the Network Model 

projected for the corresponding monthly TCR auction period with all TCRs awarded in 

the annual TCR auction modeled as fixed injections and withdrawals.  To the extent that 

these fixed injections and withdrawals are no longer feasible, the Transmission Provider 

will make the minimum adjustments necessary to the ratings of the applicable 

transmission facilities in the model in order to allow the model to produce a feasible 

solution prior to the start of the monthly TCR auction solely for the purpose of the 

monthly TCR auction.  The Transmission Provider will report to the stakeholders on a 

quarterly basis regarding the number of times that the transmission facility ratings had to 

be adjusted in the model to ensure feasibility. 

For the Simultaneous Feasibility Test, monthly TCR submittals of the self-convert 

type and TCR Bid type are modeled as a generation injection at the source and a 

corresponding load withdrawal at the sink.  A monthly TCR submittal of the Offer type is 

modeled as a generation injection at the sink and a load withdrawal at the source.   



 

 

7.4.4 Monthly Transmission Congestion Right Awards 

Simultaneously feasible TCRs are awarded based upon the TCR Bid prices such 

that the total TCR auction value is maximized.  Self-converted TCRs are evaluated 

concurrent with all other submitted TCR Bids and are given the highest priority subject to 

simultaneous feasibility.  ACPs are calculated for each Settlement Location using the 

formula for the MCC as described in Section 8.3.1.2 of this Attachment AE. 



 

 

7.5 Incremental Auction Revenue Right Allocation 

Eligible Entities with firm Transmission Service that has been confirmed 

following completion of the annual TCR auction and prior to the next annual ARR 

verification are eligible to nominate incremental candidate ARRs associated with such 

services for each remaining month in the current annual ARR allocation period for which 

the firm Transmission Service applies.  To the extent that the Eligible Entity’s firm 

Transmission Service term extends beyond the current annual ARR allocation period, 

such remaining service will be included in the next annual ARR verification. 



 

 

7.5.1 Incremental Auction Revenue Right Transmission Service Verification 

In order to qualify for incremental candidate ARRs in a particular month, an 

Eligible Entity’s Transmission Service must span the entire month within the applicable 

year.  The Transmission Provider will verify Eligible Entity existing Transmission 

Service entitlements as follows: 

(1) No later than ten (10) days prior to the start of the applicable monthly TCR 

auction, an Eligible Entity must submit a request to the Transmission Provider for 

an allocation of incremental candidate ARRs associated with the approved and 

confirmed Transmission Service request.  The request must contain source, sink 

and Reservation Capacity information; 

(2) The Transmission Provider will verify that the source, sink and Reservation 

Capacity information submitted has been accurately reflected on the OASIS for 

the applicable month; 

(3) The Transmission Provider will notify the Eligible Entity no later than two (2) 

days following receipt of the request if the OASIS data does not match the data 

submitted in the request.  Otherwise the Eligible Entity may consider the request 

approved; and 

(4) If the Transmission Provider notifies the Eligible Entity as described in (3) above 

that it cannot verify the Eligible Entity’s service, the Eligible Entity must either 

correct the OASIS data or resubmit its request with corrected data that matches 

the OASIS data no later than six (6) days prior to the start of the applicable 

monthly TCR auction. 



 

 

7.5.2 Incremental Candidate Auction Revenue Rights 

Following verification of Eligible Entity Transmission Service, incremental 

candidate ARRs associated with such Transmission Service are assigned as follows: 

(1) For each Eligible Entity with Network Integration Transmission Service 

confirmed and verified following completion of the annual TCR auction, the 

Eligible Entity’s Network Integration Transmission Service Incremental 

Candidate ARRs from a specific source is then equal to the source Reservation 

Capacity.  An Eligible Entity may nominate Network Integration Transmission 

Service Incremental Candidate ARRs, as described in Section 7.5.3 of this 

Attachment AE from a specific source to one or more sinks up to the amount of 

its Network Integration Transmission Service Incremental Candidate ARRs 

associated with the source subject to its Network Integration Transmission 

Service ARR Nomination Cap described in Section 7.1.3 of this Attachment AE; 

(2) For each Eligible Entity with Firm Point-To-Point service confirmed and verified 

following completion of the annual TCR auction, the Eligible Entity’s Firm Point-

To-Point Incremental Candidate ARRs for a specific source to sink pair is equal 

to the Reservation Capacity for that source to sink pair.  An Eligible Entity may 

nominate Firm Point-To-Point Incremental Candidate ARRs, as described in 

Section 7.5.3 of this Attachment AE, for this specific source and sink pair up to 

the amount of its Firm Point-To-Point Incremental Candidate ARRs subject to its 

Firm Point-To-Point ARR Nomination Cap described in Section 7.1.3 of this 

Attachment AE; 

(3) For each Eligible Entity with equivalent Network Integration Transmission 

Service GFA service confirmed and verified following completion of the annual 

TCR auction, the Eligible Entity’s Grandfathered Agreement Network Integration 

Transmission Service Incremental Candidate ARRs from a specific source is 

equal to the source Reservation Capacity.  An Eligible Entity may nominate 

Grandfathered Agreement Network Integration Transmission Service Incremental 

Candidate ARRs, as described in Section 7.5.3 of this Attachment AE, from a 

specific source to one or more sinks up to the amount of its Grandfathered 

Agreement Network Integration Transmission Service Incremental Candidate 



 

 

 

 

ARRs subject to the total nomination limit described in Section 7.1.3 of this 

Attachment AE; and 

(4) For each Eligible Entity with equivalent Firm Point-To-Point GFA service 

confirmed and verified following completion of the annual TCR auction, the 

Eligible Entity’s Grandfathered Agreement Firm Point-To-Point Incremental 

Candidate ARRs for a specific source to sink pair is equal to the Reservation 

Capacity associated with that source to sink pair.  An Eligible Entity may 

nominate Grandfathered Agreement Firm Point-To-Point Incremental Candidate 

ARRs, as described in Section 7.5.3 of this Attachment AE, for this specific 

source to sink pair up to the amount of its Grandfathered Agreement Firm Point-

To-Point Incremental Candidate ARRs subject to the total nomination limit 

described in Section 7.1.3 of this Attachment AE. 



 

 

7.5.3 Incremental Auction Revenue Right Nominations 

Five (5) days prior to the start of the monthly TCR auction, Eligible Entities may 

nominate in a single round: (i) Network Integration Transmission Service Incremental 

Candidate ARRs in 0.1 MW increments along specific source to sink paths that totals no 

more than the difference between their Network Integration Transmission Service ARR 

Nomination Cap and ARRs associated with Network Integration Transmission Service 

Candidate ARRs awarded in the annual ARR allocation; (ii) Firm Point-To-Point 

Incremental Candidate ARRs in 0.1 MW increments along specific source to sink paths 

that totals no more than the difference between their Firm Point-To-Point ARR 

Nomination Cap and ARRs associated with Firm Point-To-Point Candidate ARRs 

awarded in the annual ARR allocation; (iii) Grandfathered Agreement Network 

Integration Transmission Service Incremental Candidate ARRs in 0.1 MW increments 

along specific source to sink paths that totals no more than the difference between their 

Grandfathered Agreement Network Integration Transmission Service ARR Nomination 

Cap and ARRs associated with Grandfathered Agreement Network Integration 

Transmission Service Candidate ARRs awarded in the annual ARR allocation; and (iv) 

Grandfathered Agreement Firm Point-To-Point Incremental Candidate ARRs in 0.1 MW 

increments along specific source to sink paths that totals no more than the difference 

between their Grandfathered Agreement Firm Point-To-Point ARR Nomination Cap and 

ARRs associated with Grandfathered Agreement Firm Point-To-Point Candidate ARRs 

awarded in the annual ARR allocation.  Nominations occur separately for On-Peak and 

Off-Peak periods.  Eligible Entities submit the following information: 

(1) Source: valid incremental candidate ARR source Settlement Location; 

(2) Sink: valid incremental candidate ARR sink Settlement Location; 

(3) Class: On-Peak or Off-Peak; and 

(4) ARR MW: 

(a)  The total ARR MW nominated from a source Settlement Location 

cannot exceed the source incremental candidate ARRs. 



 

 

7.5.4 Incremental Auction Revenue Rights Awards 

A Simultaneous Feasibility Test is performed to determine the amount of 

nominated candidate incremental ARRs to be awarded.  For the Simultaneous Feasibility 

Test a nominated candidate ARR is modeled as a generation injection at the source and a 

corresponding load withdrawal at the sink. The Simultaneous Feasibility Test is 

performed using the following assumptions.  

(1) The Transmission System model used in will be the same Network Model 

to be used in the upcoming monthly TCR auction; 

(2) One hundred percent (100%) of the projected maximum Transmission 

System capability is made available; and 

(3) All TCRs previously awarded in the annual TCR auction and all 

remaining ARRs not accounted for in the annual TCR auction (as defined 

in Section 7.6 of this Attachment AE) for the applicable month are 

modeled as fixed injections at the specified sources and fixed withdrawals 

at the specified sinks.  To the extent that these fixed injections and 

withdrawals are no longer feasible, the Transmission Provider will make 

the minimum adjustments necessary to the ratings of the applicable 

transmission facilities in the model in order to allow the model to produce 

a feasible solution solely for the purpose of assessing incremental ARR 

feasibility.  The Transmission Provider will report to the stakeholders on a 

quarterly basis regarding the number of times that the transmission facility 

ratings had to be adjusted in the model to ensure feasibility. 

If the nominated candidate incremental ARRs are not feasible, the amount of 

nominated candidate incremental ARRs to be awarded will be reduced based on their 

relative impact on the constraint to produce a simultaneously feasible result. 



 

 

7.6 Auction Revenue Right Allocation and Transmission Congestion Right Auction 

Settlements 

The charges and payments to ARR and TCR holders will be calculated on a daily 

basis and included on the Settlement Statements consistent with the timing of the Energy 

and Operating Reserve Markets settlement as described in Section 8.7 of this Attachment 

AE.  For the purposes of calculating charges and payments to ARR holders, the following 

amounts of ARR awards will be used: 

(1) ARR Settlement for annual TCR auction: 

(a) For the month of June, one hundred percent (100%) of annual 

ARR award; 

(b) For the months of July through September, the greater of (i) ninety 

(90%) of annual ARR award or (ii) self-convert TCR award; and 

(c) For the Fall, Winter and Spring seasons, the greater of (i) sixty 

(60%) of annual ARR award or (ii) self-convert TCR award. 

(2) ARR Settlement for monthly TCR auction: 

(a) For the months of July through September, ARRs not accounted 

for in ARR Settlement in the annual TCR auction as described in 

(1)(b) above plus all incremental ARR awards; 

(b) For the months of October through May for round 1, the greater of 

(i) fifty (50%) of incremental ARR awards plus: fifty percent 

(50%) of the difference between the annual ARR award and the 

ARRs accounted for in the annual TCR auction as described in 

(1)(c) above or (ii) Self-convert TCR awards; and  

(c) For the months of October through May for round 2, the difference 

between: (i) the sum of annual ARR awards and incremental ARR 

awards and (ii) the sum of ARR MW accounted for in Section 

(1)(c) above and the ARR MW accounted for in Section (2)(b) 

above. 



 

 

7.7 Transmission Congestion Right Secondary Market 

The Transmission Provider will facilitate a secondary market for TCRs.  Both 

purchaser and seller in the secondary market must be a Market Participant.  The 

secondary market is described as follows:  

(1) Bilateral trading of existing TCRs is facilitated through a bulletin board system; 

(2) TCRs may be broken down into increments that are not smaller than 0.1 MW and 

that totals no more than the original TCR; 

(3) TCRs may be traded daily, for On-Peak or Off-Peak periods; 

(4) Trades must be completed no later than two (2) calendar days prior to the 

applicable Operating Day to which the TCR instrument applies. 

(5) The TCR purchaser pays TCR seller directly; 

(6) TCRs may not be reconfigured (path must remain the same); 

(7) The Market Participants must inform the Transmission Provider of any proposed 

transfer and the Transmission Provider must confirm that the credit requirements 

in Attachment X of this Tariff have been met prior to the transfer of ownership of 

a TCR through a bilateral transaction; and 

(8) The Transmission Provider records the transfer of TCR ownership. 



 

 

7.8 Liquidation of Transmission Congestion Rights in the Event of Market Participant 

Default 

In the event the Transmission Provider declares a Market Participant to be in 

default in accordance with Attachment X of this Tariff, the Transmission Provider shall 

initiate the following procedures to close out and liquidate the TCRs of the Market 

Participant as soon as practicable after such default is declared:  

(1) Transmission Provider may close out the defaulting Market Participant’s positions 

as of the date of default, by unilaterally accelerating and terminating all forward 

TCR positions. 

(2) Transmission Provider shall post on its website all salient information relating to a 

closed out portfolio of TCRs. 

(3) In liquidating the defaulting Market Participant’s TCR portfolio, the Transmission 

Provider shall not allow the liquidated TCRs offered for sale to set price.   

(4) Transmission Provider may offer for sale all of the TCR positions within the 

defaulting Market Participant’s TCR portfolio in any or all upcoming regularly 

scheduled TCR auctions.  

(5) Alternatively, the Transmission Provider may conduct one or more specially 

scheduled TCR auctions, in which all of the portfolio of the defaulting Market 

Participant’s TCRs are offered for sale.   

(6) If Transmission Provider elects not to, or is unable to, close out and liquidate a 

TCR position under these procedures, the close out shall be deemed void and the 

defaulting Market Participant shall remain liable for the full final value of its 

default, such full final value being based upon the results of the applicable Day-

Ahead Market settlements. 



 

 

8.0 Post Operating Day and Settlement Activities 

Post Operating Day activities begin on the day immediately following the 

Operating Day.  The Transmission Provider issues initial Settlement Statements for each 

Operating Day on the seventh (7) day following the Operating Day and final Settlement 

Statements on the forty-seventh (47) day following the Operating Day to both Asset 

Owners and Market Participants.  Settlement Invoices are issued to Market Participants 

on a weekly basis. 



 

 

8.1 Settlement Sign Conventions 

For the purposes of settlement calculation of charges and payments described 

under this Section 8, negative signs shall reflect payments to Market Participants and 

positive signs to shall reflect charges to Market Participants.  Throughout the settlement 

calculations, multiplication by (-1) is used to attain the proper sign convention where 

needed.  The following sign conventions for variables used in the settlement calculations 

are assumed as follows: 

(1) Cleared Resource MWh and Virtual Energy Offer MWh in the Day-Ahead 

Market is negative value; 

(2) Cleared load MWh and Virtual Energy Bid MWh in the Day-Ahead Market is a 

positive value; 

(3) Import Interchange Transaction MWh is a negative value; 

(4) Export Interchange Transaction MWh is a positive value; 

(5) Cleared Operating Reserve MWs in the Day-Ahead Market and RTBM are 

positive values; 

(6) All MWs associated with TCRs are positive values; 

(7) Actual Meter values and telemetered/State Estimator values for Resource output 

is a negative value; and  

(8) Actual meter values and telemetered/State Estimator values for load consumption 

is a positive value. 



 

 

8.2 Bilateral Settlement Schedules 

Market Participants may create Bilateral Settlement Schedules for Energy and Operating 

Reserve obligations by registering and confirming the parameters of the agreement between 

buyer and seller as described in the Market Protocols.  Either the buyer or seller may terminate 

the Bilateral Settlement Schedule at any time.  In addition, the Transmission Provider may 

terminate the Bilateral Settlement Schedule if it encounters recurring settlement disputes or if 

either party is in Default and Transmission Provider will resettle with Market Participants as if 

the Bilateral Settlement Schedule did not exist. 

Market Participants may submit Bilateral Settlement Schedule quantities for Energy and 

Operating Reserve obligation for use in the Day-Ahead Market and may submit Bilateral 

Settlement Schedule quantities for Energy for use in the Real-Time Balancing Market up to four 

(4) days following the applicable Operating Day for the initial settlement.  New submittals and 

revisions to previously submitted values may be submitted up to forty-four (44) days following 

the applicable Operating Day to be included in the final settlement.  Submittals not confirmed by 

both parties will not be included in any settlement execution. 

Transactions related to Bilateral Settlement Schedules for Energy must specify the 

Settlement Location, the MW amount, the buyer, the seller and which market it applies to (Day-

Ahead Market or RTBM).  The seller receives an increase in load obligation equal to the 

specified MW amount and the buyer receives a reduction in load obligation equal to the specified 

MW amount (the equivalent of a Resource settlement) at the specified Settlement Location. 

Transactions related to Bilateral Settlement Schedules for Operating Reserve obligation 

must specify the buyer, the seller, the Operating Reserve product, the MW obligation transfer 

and the Reserve Zone within which the obligation transfer applies.  The seller receives an 

increase in Operating Reserve obligation equal to the specified MW and the buyer receives a 

corresponding decrease in Operating Reserve obligation within the specified Reserve Zone. 



 

 

8.3 Calculation of Locational Marginal Prices, Locational Marginal Price Components, 

and Market Clearing Prices 

An LMP shall be calculated for each Meter Settlement Location for the Day-

Ahead Market and RTBM and shall be calculated as the price at that location based on 

the SCED and Operating Reserve clearing, the Dispatchable Resource Energy Offer 

Curve, Operating Reserve Offer prices and Resource characteristics submitted by Market 

Participants and data from the State Estimator.  The following rules will be used in 

calculating the LMPs: 

(1) LMPs are calculated by the Transmission Provider for each hour in the Day-

Ahead Market and each Dispatch Interval in the RTBM as part of the SCED 

solution described under Section 6.2.2 of this Attachment AE.  In performing 

these calculations, Dispatchable Resources will be eligible to set the LMP under 

the following conditions: 

(a) The Dispatchable Resource must be operating below its maximum 

capacity limit; 

(b) The Dispatchable Resource must be operating above its minimum capacity 

limit; and 

(c) The Dispatchable Resource output must not be ramp rate constrained such 

that the Dispatchable Resource cannot achieve the optimal desired 

dispatch point under the economic dispatch. 

(2) The Transmission Provider shall calculate LMPs, MCCs and MLCs for use in 

settlement as follows: 

(a) An LMP, MCC and MLC shall be calculated for each Meter Settlement 

Location for each hour in the Day-Ahead Market and for every Dispatch 

Interval in the RTBM. 

(b) The LMP, MCC and MLC for a load Settlement Location or a Demand 

Response Load location with multiple Meter Settlement Locations for an 

hour within the Day-Ahead Market or a Dispatch Interval within the 

RTBM shall be equal to the load weighted average of LMPs calculated for 

Meter Settlement Locations aggregated to that Settlement Location or 

Demand Response Load location for that hour or Dispatch Interval.  The 



 

 

 

 

load weights utilized in this calculation for the Day-Ahead Market shall be 

based upon a historical Real-Time load calculated at each Meter 

Settlement Location by the State Estimator and for the RTBM shall be 

based upon the actual Real-Time load calculated at each Meter Settlement 

Location by the State Estimator in that Dispatch Interval. 

(c) The LMP, MCC and MLC for a Resource Settlement Location for an hour 

in the Day-Ahead Market and for a Dispatch Interval in the RTBM shall 

equal the LMP, MCC and MLC calculated for that Settlement Location for 

the Resource or, in the case of a Block Demand Response Resource, the 

LMP, MCC and MLC calculated at the associated Demand Response 

Load location. 

(d) The LMP, MCC and MLC for a Market Hub Settlement Location for an 

hour within the Day-Ahead Market or a Dispatch Interval within the 

RTBM shall be equal to the weighted average of LMPs, MCCs and MLCs 

calculated for Price Nodes within the Market Hub aggregated to that 

Market Hub Settlement Location for that hour or Dispatch Interval.  The 

weights utilized in this calculation for the Day-Ahead Market shall be 

determined by the Transmission Provider, in consultation with Market 

Participants, at the time the Market Hub is created. 

(e) The LMP, MCC and MLC for an External Interface Settlement Location 

for an hour within the Day-Ahead Market or a Dispatch Interval within the 

RTBM shall be equal to the weighted average of LMPs, MCCs and MLCs 

calculated for Price Nodes within the External Interface aggregated to that 

External Interface Settlement Location for that hour or Dispatch Interval.  

The weights utilized in this calculation for the Day-Ahead Market and 

RTBM shall be determined by the Transmission Provider at the time the 

External Interface is created. 

(3) In the event a failure of the RTBM systems results in a loss of data required for 

calculation of LMPs, RTBM Energy will continue to be settled financially under 

this Tariff based upon estimated LMPs.  The Transmission Provider shall notify 

Market Participants if RTBM Energy is to be settled using estimated prices.  The 



 

 

 

 

estimated LMPs shall be the most recently calculated LMPs, MCCs and MLCs 

for each affected Settlement Location and shall be utilized for settlement purposes 

for each of the Dispatch Intervals in which LMP pricing data is missing. 

(4) If there is insufficient capacity to meet the Energy requirements on a system-wide 

basis, LMPs are set to the LMPs calculated prior to realization of the complete 

shortage of Operating Reserve. 



 

 

8.3.1 Locational Marginal Price Calculations and Components 

The LMP at a PNode is the cost of delivering an additional MW of energy at that 

specific PNode, while satisfying all operational constraints.  The LMP at any PNode is 

the sum of three components: the marginal costs of Energy (the MEC), the marginal cost 

of losses (the MLC), and the marginal cost of congestion (the MCC). 

LMP Components at PNode i are calculated based upon the following formula: 

LMPi = MEC + MLCi + MCCi 

Where: 

(1) MEC is the component of LMPi representing the marginal cost of Energy; 

(2) MLCi is the component of LMPi representing the marginal cost of losses at 

PNode i relative to the Reference Bus; 

(3) MCCi is the component of LMPi representing the marginal cost of congestion at 

ENode i relative to the Reference Bus; and 

(4) The Reference Bus represents the network distributed load bus. 

  

8.3.1.1 Marginal Losses Component Calculation 

The MLCi at each Pnode i is defined by the following equations: 

MLCi = -MLSFi * MEC 

MLSFi =  (SPP Losses) /  Pi 

Where: 

(1) SPP Losses = SPP Transmission System losses;  

(2) MLSFi = Marginal loss sensitivity factor at PNode i; 

(3) MEC is the component of LMPi representing the marginal cost of Energy; 

(4) Pi = Net injection at PNode i. 

The MLSFi is a linearized estimate of the change in SPP transmission losses that 

will result from a 1 MW injection at PNode i coupled with a corresponding withdrawal at 

the Reference Bus to maintain global power balance.  Marginal loss sensitivity factors are 

dependent on topology, node injections and node withdrawals. 

  

8.3.1.2 Marginal Congestion Component Calculation 

The MCC at each PNode i is defined by the following equations: 



 

 

 

 

MCCi = - (  Sensik * SPk  ) 

Sensik =  Flowk /  Pi 

Where: 

(1) K is the number of transmission constraints;  

(2) Sensik is the linearized estimate of the change in the constraint k flow resulting 

from an incremental energy injection at PNode i coupled with an incremental 

energy withdrawal at the Reference Bus; 

(3) Flowk = Calculated flow for constraint k; 

(4) SPk = is the Shadow Price of constraint k; 

(5) Pi = Net injection at PNode i. 

  

8.3.1.3 Marginal Energy Component Calculation 

The MEC is defined as the computed LMP at the Reference Bus.  By definition, 

MCC and MLC components are zero (0) at the Reference Bus. 



 

 

8.3.2 Violation Relaxation Limit 

The Day-Ahead Market, RUC and RTBM SCED enforce a number of operating 

constraints in developing the co-optimized market solution.  In certain situations, 

attempting to enforce all constraints may result in a solution that is not feasible at a 

Shadow Price less than an appropriately priced VRL.  In such cases, the Transmission 

Provider must apply VRLs in SCED.  The VRL values are listed in Addendum 1 to this 

Attachment AE. 

There are five (5) categories of constraints and associated VRLs: (1) Resource 

capacity constraints; (2) Resource ramp constraints; (3) global power balance constraints; 

(4) operating constraints (which include Price Node (―Pnode‖), Manual, Watch List, 

flowgate and Real-Time contingency analysis (―RTCA‖) constraints) and (5) Regulation-

up plus spinning reserve requirement constraint.  A higher VRL value is an indication of 

the relative priority for enforcing the constraint type.  For example, the VRL value 

assigned to a ramp rate limit exceeds that assigned to a flowgate limit indicating that the 

flowgate constraint should be relaxed before the ramp rate constraint.  If the VRL with 

the lowest value will not allow SCED to balance the Energy obligations, a higher VRL 

will be applied.  In the case of the operating constraint VRLs, the values limit the cost of 

the dispatch needed to balance system injections and withdrawals by capping the Shadow 

Price depending upon the level of the violation.  Similarly, the Spinning Reserve 

constraint VRL limits the costs of redispatch needed to meet the Spinning Reserve 

requirement by capping the Spinning Reserve Shadow Price. 



 

 

8.3.3 Impact of Violation Relaxation Limits on Locational Marginal Prices 

 The applicable VRLs impact the calculation of LMPs in the following manner: 

(1) When a Resource capacity, global power balance, Resource ramp, or operating 

constraint is reached but not exceeded, it is referred to as ―binding.‖  In this state, 

VRLs are not applicable and LMPs are calculated through the normal SCED 

solution;  

(2) When a Resource capacity, global power balance or operating constraint is 

exceeded and cannot be resolved, the applicable constraint is relaxed so that 

SCED can solve.  The VRL values applied by SCED in this case are not used 

directly in determining the LMP.  LMPs are determined by the relaxed SCED 

solution; 

(3) When a Resource ramp constraint for Energy in the up direction is exceeded and 

cannot be resolved and there is no capacity shortage causing Scarcity Pricing to 

be initiated as described in Section 8.3.4.2 of this Attachment AE, LMPs are set 

equal to the highest Resource Offer for Energy as specified in the Energy Offer 

Curve that cleared in the Day-Ahead Market or that was dispatched in the RTBM 

and MCPs are set by reducing the Operating Reserve requirement to match 

available Operating Reserve; and 

(4) When a Resource ramp constraint for Energy in the down direction is exceeded 

and cannot be resolved and there is no excess generation condition causing 

Scarcity Pricing to be initiated as described in Section 8.3.4.2 of this Attachment 

AE, LMPs are set equal to the lowest Resource Offer for Energy as specified in 

the Energy Offer Curve that cleared in the Day-Ahead Market or that was 

dispatched in the RTBM and MCPs are set based upon the submitted Resource 

Offers. 



 

 

8.3.4 Market Clearing Price Calculations 

The MCP represents the cost of supplying an increment of Operating Reserve, 

taking into account lost opportunity cost and is composed of the marginal Operating 

Reserve costs and marginal costs associated with Operating Reserve scarcity.  The Day-

Ahead Market and RTBM MCPs at a Reserve Zone for Resources with cleared 

Regulation-Up, Regulation-Down, Spinning Reserve and/or Supplemental Reserve in that 

Reserve Zone are equal to the summation of the applicable Shadow Prices associated 

with the  constraints as described below: 

(1) There are four sets of constraints which apply on both a system-wide basis and a 

Reserve Zone basis: 

(a) A contingency reserve plus regulation-up constraint is equal to the sum of 

the Contingency Reserve requirement and the Regulation-Up requirement; 

(b) A regulation-up plus spinning reserve constraint is equal to the sum of the 

Regulation-Up requirement and the Spinning Reserve requirement; 

(c) A regulation-up constraint is equal to the Regulation-Up requirement; and  

(d) A regulation-down constraint is equal to the Regulation-Down 

requirement. 

(2) Operating Reserve MCPs are calculated as follows: 

(a) The Regulation-Up MCP is equal to sum of the Shadow Prices for the 

regulation-up constraint, regulation-up plus spinning reserve constraint 

and the contingency reserve plus regulation-up constraint;  

(b) The Spinning Reserve MCP is equal to the sum of the Shadow Prices for 

the regulation-up plus spinning reserve constraint and the contingency 

reserve plus regulation-up constraint; 

(c) The Supplemental Reserve MCP is equal to the Shadow Price of the 

operating reserve constraint; and 

(d) The Regulation-Down MCP is equal to the Shadow Price for the 

regulation-down constraint. 

(3) In the event a failure of the RTBM systems results in a loss of data required for 

calculation of MCPs, RTBM Operating Reserve will continue to be settled 

financially under this Tariff based upon estimated MCPs.  The Transmission 



 

 

 

 

Provider shall notify Market Participants if RTBM Operating Reserve is to be 

settled using estimated prices.  The estimated MCPs shall be the most recently 

calculated MCPs for each affected Reserve Zone and shall be utilized for 

settlement purposes for each of the Dispatch Intervals in which MCP pricing data 

is missing. 

 

8.3.4.1 Impact of Violation Relaxation Limits on Market Clearing Prices 

When the Shadow Price of the regulation-up plus spinning reserve constraint is 

exceeded, the Spinning Reserve requirement will be relaxed such that the Shadow Price 

of the regulation-up plus spinning reserve constraint is less than or equal to the 

regulation-up plus spinning reserve constraint VRL value.  

 

8.3.4.2 Impact of Scarcity Pricing on Market Clearing Prices 

(1) The Transmission Provider shall use Demand Curves to set MCPs in both the 

Day-Ahead Market and RTBM during times of Operating Reserve shortages, 

either on a system-wide or Reserve Zone basis. 

(2) Operating Reserve shortages caused by insufficient ramping capability shall not 

be subject to Scarcity Pricing. 

(3) Scarcity Prices are set using the following Demand Curves that apply on a 

system-wide and Reserve Zone basis as follows: 

(a) Operating Reserve Demand Curve – The sum of the safety-net Energy 

Offer cap and the Contingency Reserve Offer cap as specified in Section 

4.1.1 of this Attachment AE. 

(b) Regulation-Up Demand Curve – The sum of the Regulation Offer cap and 

the Contingency Reserve Offer cap as specified in Section 4.1.1 of this 

Attachment AE. 

(c) Regulation-Down Demand Curve – The sum of the Regulation Offer cap 

and the Contingency Reserve Offer cap as specified in Section 4.1.1 of 

this Attachment AE. 



 

 

8.4 Price Corrections  

If LMP and MCP corrections are required due to software errors and/or data input 

errors, the Transmission Provider shall impose corrective measures and take immediate 

action to remedy such errors and recalculate LMPs and MCPs in accordance with the 

following procedures: 

(1) Notice to Market Participants: 

In any Operating Hour for which the Transmission Provider believes that a 

software error or data input error will require correction of one or more LMPs and 

MCPs, the Transmission Provider shall make publicly available on its OASIS as 

soon as practicable but not later than 1700 hours on the fourth calendar day 

following the day in which the LMPs and MCPs would be affected by the 

contemplated price correction. 

If practicable prior to making a price correction, the Transmission 

Provider shall make publicly available on its OASIS a description of its proposed 

price correction.  In any event, the Transmission Provider shall post a description 

of the proposed price correction within five (5) calendar days after the date on 

which a notice of a price correction is posted.  If the Transmission Provider 

determines that a price correction is not necessary, it shall withdraw the notice of 

possible price correction from its OASIS as soon as practicable. 

(2) Price corrections identified after the end of the notice period: 

If the Transmission Provider identifies software or data input errors 

requiring a price correction subsequent to the issuance of the final Settlement 

Statement, but does not (a) post a notice of price correction or (b) post a 

description of the proposed price correction within the required time periods, the 

Transmission Provider shall request Commission approval prior to making the 

necessary price correction.   

(3) Process for recalculating prices and compensation for the Day-Ahead Market: 

The Transmission Provider shall recalculate LMPs, MCPs and Day-Ahead 

Market cleared amounts for the Day-Ahead Market in a manner that reflects, as 

closely as practicable, the LMPs and MCPs that would have resulted but for the 

software or data input error for the Day-Ahead Market while maintaining the 



 

 

 

 

original Day-Ahead Market unit commitment.  The Transmission Provider shall 

perform any necessary resettlement using the recalculated Day-Ahead Market 

results.  Such recalculated Day-Ahead Market results shall be provided to Market 

Participants in the same manner as the original Day-Ahead Market results 

determined in the ordinary course of business. 

(4) Process for recalculating prices and compensation for the RTBM: 

SPP shall recalculate LMPs and MCPs for the RTBM in a manner that 

reflects, as closely as practicable, the LMPs and MCPs that would have resulted 

but for the software or data input error for the RTBM and shall perform any 

necessary resettlement using these recalculated values.  Such recalculated LMPs 

and MCPs shall be provided to Market Participants in the same manner as LMPs 

and MCPs determined in the ordinary course of business.  Compensation to 

Market Participants results from the recalculated prices shall be as follows:   

(a) For instances where the recalculated RTBM LMP is less than a Resource’s 

Energy Offer Curve price, compensation shall be as described under 

Section 8.6.6(1); 

(b) For instances where a Resource’s recalculated RTBM LMP is greater than 

the Day-Ahead Market LMP and the Market Participant is buying back its 

Day-Ahead Market position as a result of a Dispatch Instruction, 

compensation shall be as described under Section 8.6.6(2) except that, the 

MW amount eligible for compensation shall be equal to the difference 

between the Resource’s Day-Ahead Market MW position and the greater 

of that Resource’s actual MW output in the Dispatch Interval or the 

Resource’s average Setpoint Instruction in the Dispatch Interval; 

(c) For instances where a Resource’s recalculated RTBM Operating Reserve 

product MCP is greater than the Day-Ahead Market Operating Reserve 

product MCP and the Market Participant is buying back its Day-Ahead 

Market Operating Reserve product position resulting from the 

Transmission Provider clearing all or a portion of that Operating Reserve 

product on a different Resource in the market solution, compensation shall 

be as described under Section 8.6.6(3). 



 

 

8.5 Day-Ahead Market Settlement 

Settlement calculations for Energy and Operating Reserve in the Day-Ahead 

Market are based upon the results of the Day-Ahead Market clearing for that Operating 

Day as described in Section 5.1.3 of this Attachment AE. 

The following Subsections describe the Day-Ahead Market settlement charge 

types.  For each charge type, the calculation is performed at the hourly level for each 

Asset Owner at each Settlement Location.  The Transmission Provider shall calculate 

hourly summations for each Market Participant for all Asset Owners it represents and 

shall calculate daily summations as specified in the Market Protocols. 



 

 

8.5.1 Day-Ahead Energy Amount 

A Day-Ahead Market charge or payment for cleared Energy is calculated at each 

Settlement Location for each Asset Owner for each hour as follows: 

(1) For Energy associated with loads:  

 The Day-Ahead Asset Energy Hourly Amount = 

 (Day-Ahead LMP) * [(Day-Ahead Cleared Load Energy Hourly Quantity) - (Day-

Ahead Asset Energy Hourly Bilateral Settlement Schedules)] 

(a) Day-Ahead LMP, as defined under Section 1 of this Attachment AE, 

associated with that load Settlement Location. 

(b) An Asset Owner’s Day-Ahead Cleared Load Energy Hourly Quantity is 

the MW quantity associated with cleared Demand Bids at that load 

Settlement Location as described under Section 5.1.3 of this Attachment 

AE. 

(c) An Asset Owner’s Day-Ahead Asset Energy Hourly Bilateral Settlement 

Schedules are those Bilateral Settlement Schedules that settle at that load 

Settlement Location as submitted in accordance with Section 8.2.1 of this 

Attachment AE. 

(2) For Energy associated with Resources: 

 The Day-Ahead Asset Energy Hourly Amount =  

 (Day-Ahead LMP) * [(Day-Ahead Cleared Resource Energy Hourly Quantity) - 

(Day-Ahead Asset Energy Hourly Bilateral Settlement Schedules)] 

(a) Day-Ahead LMP, as defined under Section 1 of this Attachment AE, 

associated with that Resource Settlement Location. 

(b) An Asset Owner’s Day-Ahead Cleared Resource Energy Hourly Quantity 

is the MW quantity associated with cleared Resource Offers at that 

Resource Settlement Location as described under Section 5.1.3 of this 

Attachment AE. 

(c) An Asset Owner’s Day-Ahead Asset Energy Hourly Bilateral Settlement 

Schedules are those Bilateral Settlement Schedules that settle at that 

Resource Settlement Location as submitted in accordance with Section 

8.2.1 of this Attachment AE. 



 

 

 

 

(3) For Energy associated with Import Interchange Transactions: 

 Day-Ahead Non-Asset Energy Hourly Amount =  

 (Day-Ahead LMP) * [(Day-Ahead Cleared Import Energy Hourly Quantity) – 

(Day-Ahead Non-Asset Energy Bilateral Settlement Schedules)] 

(a) Day-Ahead LMP, as defined under Section 1 of this Attachment AE, 

associated with the applicable External Interface Settlement Location. 

(b) An Asset Owner’s Day-Ahead Cleared Import Energy Hourly Quantity is 

the MW quantity associated with cleared Import Interchange Transaction 

Offers at that External Interface Settlement Location as described under 

Section 5.1.3 of this Attachment AE. 

(c) An Asset Owner’s Day-Ahead Non-Asset Energy Hourly Bilateral 

Settlement Schedules are those Bilateral Settlement Schedules that settle 

at that External Interface Settlement Location as submitted in accordance 

with Section 8.2.1 of this Attachment AE. 

(4) For Energy associated with Export Interchange Transactions: 

 Day-Ahead Non-Asset Energy Hourly Amount =  

 (Day-Ahead LMP) * [(Day-Ahead Cleared Export Energy Hourly Quantity) – 

(Day-Ahead Non-Asset Energy Bilateral Settlement Schedules)] 

(a) Day-Ahead LMP, as defined under Section 1 of this Attachment AE, 

associated with the applicable External Interface Settlement Location. 

(b) An Asset Owner’s Day-Ahead Cleared Export Energy Hourly Quantity is 

the MW quantity associated with cleared Export Interchange Transaction 

Offers at that External Interface Settlement Location as described under 

Section 5.1.3 of this Attachment AE. 

(c) An Asset Owner’s Day-Ahead Non-Asset Energy Hourly Bilateral 

Settlement Schedules are those Bilateral Settlement Schedules that settle 

at that External Interface Settlement Location as submitted in accordance 

with Section 8.2.1 of this Attachment AE. 

(5) For Energy associated with remaining Bilateral Settlement Schedules: 

 Day-Ahead Non-Asset Energy Hourly Amount =  



 

 

 

 

 (Day-Ahead LMP) * [(Day-Ahead Non-Asset Energy Bilateral Settlement 

Schedules) * (-1)] 

(a) Day-Ahead LMP, as defined under Section 1 of this Attachment AE, 

associated with the applicable Settlement Location. 

(b) An Asset Owner’s Day-Ahead Non-Asset Energy Hourly Bilateral 

Settlement Schedules are those Bilateral Settlement Schedules that settle 

at Settlement Locations other than External Interface Settlement 

Locations, that Asset Owner’s load Settlement Locations or that Asset 

Owner’s Resource Settlement Locations, as submitted in accordance with 

Section 8.2.1 of this Attachment AE. 

(6) For Energy associated with Virtual Energy Bids: 

 Day-Ahead Virtual Energy Hourly Amount = 

 (Day-Ahead LMP) * (Day-Ahead Cleared Virtual Energy Bid Hourly Quantity) 

(a) Day-Ahead LMP, as defined under Section 1 of this Attachment AE, 

associated with the applicable Settlement Location. 

(b) An Asset Owner’s Day-Ahead Cleared Virtual Energy Bid Hourly 

Quantity is the MW quantity associated with cleared Virtual Energy Bids 

at that Settlement Location as described under Section 5.1.3 of this 

Attachment AE. 

(7) For Energy associated with Virtual Energy Offers: 

 Day-Ahead Virtual Energy Hourly Amount =  

 (Day-Ahead LMP) * (Day-Ahead Cleared Virtual Energy Offer Hourly Quantity) 

(a) Day-Ahead LMP, as defined under Section 1 of this Attachment AE, 

associated with the applicable Settlement Location. 

(b) An Asset Owner’s Day-Ahead Cleared Virtual Energy Offer Hourly 

Quantity is the MW quantity associated with cleared Virtual Energy 

Offers as described under Section 5.1.3 of this Attachment AE at that 

Settlement Location. 



 

 

8.5.2 Day-Ahead Regulation Amount 

A Day-Ahead Market payment for cleared Regulation-Up and cleared Regulation-

Down will be calculated at each Settlement Location for each Asset Owner for each hour 

as follows: 

(1) Regulation-Up 

Day-Ahead Regulation-Up Hourly Amount = 

[(Day-Ahead MCP) * (Day-Ahead Cleared Regulation-Up Hourly Quantity)]  *  

(-1) 

(a) Day-Ahead MCP, as defined under Section 1 of this Attachment AE, for 

Regulation-Up associated with the Reserve Zone in which the applicable 

Resource is located. 

(b) An Asset Owner’s Day-Ahead Cleared Regulation-Up Hourly Quantity is 

the MW quantity associated with cleared Regulation-Up Offers as 

described under Section 5.1.3 of this Attachment AE. 

(2) Regulation-Down 

Day-Ahead Regulation-Down Hourly Amount =  

[(Day-Ahead MCP) * (Day-Ahead Cleared Regulation-Down Hourly Quantity)] * 

(-1) 

(a) Day-Ahead MCP, as defined under Section 1 of this Attachment AE, for 

Regulation-Down associated with the Reserve Zone in which the 

applicable Resource is located. 

(b) An Asset Owner’s Day-Ahead Cleared Regulation-Down Hourly Quantity 

is the MW quantity associated with cleared Regulation-Down Offers as 

described under Section 5.1.3 of this Attachment AE. 



 

 

8.5.3 Day-Ahead Spinning Reserve Amount 

A Day-Ahead Market payment for cleared Spinning Reserve will be calculated at 

each Settlement Location for each Asset Owner for each hour as follows: 

Day-Ahead Spinning Reserve Hourly Amount = 

[(Day-Ahead MCP) * (Day-Ahead Cleared Spinning Reserve Hourly Quantity)] * (-1) 

(1) Day-Ahead MCP, as defined under Section 1 of this Attachment AE, for Spinning 

Reserve associated with the Reserve Zone in which the applicable Resource is 

located. 

(2) An Asset Owner’s Day-Ahead Cleared Spinning Reserve Hourly Quantity is the 

MW quantity associated with cleared Spinning Reserve Offers as described under 

Section 5.1.3 of this Attachment AE. 



 

 

8.5.4 Day-Ahead Supplemental Reserve Amount 

A Day-Ahead Market payment for cleared Supplemental Reserve will be 

calculated at each Settlement Location for each Asset Owner for each hour as follows: 

Day-Ahead Supplemental Reserve Hourly Amount =  

[(Day-Ahead MCP) * (Day-Ahead Cleared Supplemental Reserve Hourly 

Quantity)] * (-1) 

(1) Day-Ahead MCP, as defined under Section 1 of this Attachment AE, for 

Supplemental Reserve associated with the Reserve Zone in which the applicable 

Resource is located. 

(2) An Asset Owner’s Day-Ahead Cleared Supplemental Reserve Hourly Quantity is 

the MW quantity associated with cleared Supplemental Reserve Offers as 

described under Section 5.1.3 of this Attachment AE. 



 

 

8.5.5 Day-Ahead Regulation-Up Distribution Amount 

A Day-Ahead Market charge for Regulation-Up procurement costs calculated 

under Section 8.5.2(1) will be calculated at each Reserve Zone for each Asset Owner for 

each hour as follows: 

Day-Ahead Regulation-Up Hourly Distribution Amount =  

[(Day-Ahead Regulation-Up Obligation) * (Day-Ahead Regulation-Up 

Procurement Rate)] 

(1) An Asset Owner’s Day-Ahead Regulation-Up Obligation in each Reserve Zone is 

equal to the system wide total of all cleared Regulation-Up multiplied by the 

Asset Owner Reserve Zone Load Ratio Share, adjusted up or down to account for 

any Bilateral Settlement Schedules for Regulation-Up. 

(2) For a Reserve Zone that clears more Regulation-Up than the sum of Asset 

Owners’ Day-Ahead Regulation-Up Obligations for that Reserve Zone, the zone 

is deemed an exporting zone and the Day-Ahead Regulation-Up Procurement 

Rate is equal to the Regulation-Up MCP for that Reserve Zone. 

(3) For a Reserve Zone that clears less Regulation-Up than the sum of Asset Owners’ 

Day-Ahead Regulation-Up Obligations for that Reserve Zone, the Day-Ahead 

Regulation-Up Procurement Rate is as follows: 

Day-Ahead Regulation-Up Procurement Rate = 

{(Reserve Zone MCP * Total of cleared Regulation-Up for that Reserve 

Zone) + [(Weighted Average MCP of all Exporting Zones) * (Sum of 

Asset Owners’ Day-Ahead Regulation-Up Obligations for that Reserve 

Zone - Total of cleared Regulation-Up for that Reserve Zone)]} / (Sum of 

Asset Owners’ Day-Ahead Regulation-Up Obligations for that Reserve 

Zone). 



 

 

8.5.6 Day-Ahead Regulation-Down Distribution Amount 

A Day-Ahead Market charge for Regulation-Down procurement costs calculated 

under Section 8.5.2(2) will be calculated at each Reserve Zone for each Asset Owner for 

each hour as follows: 

Day-Ahead Regulation-Down Hourly Distribution Amount =  

[(Day-Ahead Regulation-Down Obligation) * (Day-Ahead Regulation-Down 

Procurement Rate)] 

(1) An Asset Owner’s Day-Ahead Regulation-Down Obligation in each Reserve 

Zone is equal to the system wide total of all cleared Regulation-Down multiplied 

by the Asset Owner Reserve Zone Load Ratio Share, adjusted up or down to 

account for any Bilateral Settlement Schedules for Regulation-Down. 

(2) For a Reserve Zone that clears more Regulation-Down than the sum of Asset 

Owners’ Day-Ahead Regulation-Down Obligations for that Reserve Zone, the 

zone is deemed an exporting zone and the Day-Ahead Regulation-Down 

Procurement Rate is equal to the Regulation-Down MCP for that Reserve Zone. 

(3) For a Reserve Zone that clears less Regulation-Down than the sum of Asset 

Owners’ Day-Ahead Regulation-Down Obligations for that Reserve Zone, the 

Day-Ahead Regulation-Down Procurement Rate is as follows: 

Day-Ahead Regulation-Down Procurement Rate = 

{(Reserve Zone MCP * Total of cleared Regulation-Down for that 

Reserve Zone) + [(Weighted Average MCP of all Exporting Zones) * 

(Sum of Asset Owners’ Day-Ahead Regulation-Down Obligations for that 

Reserve Zone - Total of cleared Regulation-Down for that Reserve 

Zone)]} / (Sum of Asset Owners’ Day-Ahead Regulation-Down 

Obligations for that Reserve Zone). 



 

 

8.5.7 Day-Ahead Spinning Reserve Distribution Amount 

A Day-Ahead Market charge for Spinning Reserve procurement costs calculated 

under Section 8.5.3 will be calculated at each Reserve Zone for each Asset Owner for 

each hour as follows: 

Day-Ahead Spinning Reserve Hourly Distribution Amount =  

[(Day-Ahead Spinning Reserve Obligation) * (Day-Ahead Spinning Reserve 

Procurement Rate)] 

(1) An Asset Owner’s Day-Ahead Spinning Reserve Obligation in each Reserve Zone 

is equal to the system wide total of all cleared Spinning Reserve multiplied by the 

Asset Owner Reserve Zone Load Ratio Share, adjusted up or down to account for 

any Bilateral Settlement Schedules for Spinning Reserve and Spinning Reserve 

being supplied pursuant to Section 4.2.2.1 and Section 4.3.3(3) and of this 

Attachment AE. 

(2) For a Reserve Zone that clears more Spinning Reserve than the sum of Asset 

Owners’ Day-Ahead Spinning Reserve Obligations for that Reserve Zone, the 

zone is deemed an exporting zone and the Day-Ahead Spinning Reserve 

Procurement Rate is equal to the Spinning Reserve MCP for that Reserve Zone. 

(3) For a Reserve Zone that clears less Spinning Reserve than the sum of Asset 

Owners’ Day-Ahead Spinning Reserve Obligations for that Reserve Zone, the 

Day-Ahead Spinning Reserve Procurement Rate is as follows: 

Day-Ahead Spinning Reserve Procurement Rate = 

{(Reserve Zone MCP * Total of cleared Spinning Reserve for that Reserve 

Zone) + [(Weighted Average MCP of all Exporting Zones) * (Sum of 

Asset Owners’ Day-Ahead Spinning Reserve Obligations for that Reserve 

Zone - Total of cleared Spinning Reserve for that Reserve Zone)]} / (Sum 

of Asset Owners’ Day-Ahead Spinning Reserve Obligations for that 

Reserve Zone). 



 

 

8.5.8 Day-Ahead Supplemental Reserve Distribution Amount 

A Day-Ahead Market charge for Supplemental Reserve procurement costs 

calculated under Section 8.5.4 will be calculated at each Reserve Zone for each Asset 

Owner for each hour as follows: 

Day-Ahead Supplemental Reserve Hourly Distribution Amount =  

[(Day-Ahead Supplemental Reserve Obligation) * (Day-Ahead Supplemental 

Reserve Procurement Rate)] 

(1) An Asset Owner’s Day-Ahead Supplemental Reserve Obligation in each Reserve 

Zone is equal to the system wide total of all cleared Supplemental Reserve 

multiplied by the Asset Owner Reserve Zone Load Ratio Share, adjusted up or 

down to account for any Bilateral Settlement Schedules for Supplemental Reserve 

and Supplemental Reserve being supplied pursuant to Section 4.2.2.1 and Section 

4.3.3(3) of this Attachment AE. 

(2) For a Reserve Zone that clears more Supplemental Reserve than the sum of Asset 

Owners’ Day-Ahead Supplemental Reserve Obligations for that Reserve Zone, 

the zone is deemed an exporting zone and the Day-Ahead Supplemental Reserve 

Procurement Rate is equal to the Supplemental Reserve MCP for that Reserve 

Zone. 

(3) For a Reserve Zone that clears less Supplemental Reserve than the sum of Asset 

Owners’ Day-Ahead Supplemental Reserve Obligations for that Reserve Zone, 

the Day-Ahead Supplemental Reserve Procurement Rate is as follows: 

Day-Ahead Supplemental Reserve Procurement Rate = 

{(Reserve Zone MCP * Total of cleared Supplemental Reserve for that 

Reserve Zone) + [(Weighted Average MCP of all Exporting Zones) * 

(Sum of Asset Owners’ Day-Ahead Supplemental Reserve Obligations for 

that Reserve Zone - Total of cleared Supplemental Reserve for that 

Reserve Zone)]} / (Sum of Asset Owners’ Day-Ahead Supplemental 

Reserve Obligations for that Reserve Zone). 



 

 

8.5.9 Day-Ahead Make Whole Payment Amount 

(1) The Day-Ahead make whole payment amount is a payment to an Asset Owner 

and is calculated for each Resource with an associated Day-Ahead Market 

Commitment Period.  A payment is made to the Asset Owner when the sum of the 

Resource’s costs is greater than the Day-Ahead Market revenues received for that 

Resource over the Resource’s Day-Ahead Market make whole payment eligibility 

period.  The make whole payment is equal to this difference between these costs 

and revenues. 

(2) A Resource’s Day-Ahead Market make whole payment eligibility period is equal 

to a Resource’s Day-Ahead Market Commitment Period except as defined herein. 

For Resources with an associated Day-Ahead Market Commitment Period that 

begins in one Operating Day and ends in the next Operating Day, two (2) Day-

Ahead Market make whole payment eligibility periods are created.  The first 

period begins in the first Operating Day in the hour that the Day-Ahead Market 

Commitment Period begins and ends in the last hour of the first Operating Day.  

The second period begins in the first hour of the next Operating Day and ends in 

the last hour of the Day-Ahead Market Commitment Period. 

(3) The following cost recovery rules apply to each Day-Ahead Market make whole 

payment eligibility period.  Offer costs are calculated using the Day-Ahead 

Market Offer prices in effect at the time the commitment decision was made 

except under the situation described under Section (b)(i) below. 

(a) There may be more than one Day-Ahead Market make whole payment 

eligibility period for a Resource in a single Operating Day for which a 

charge or payment is calculated.  A single Day-Ahead Market make whole 

payment eligibility period is contained within a single Operating Day. 

(b) A Resource’s Day-Ahead Market Start-Up Offer costs are not eligible for 

recovery in the following Day-Ahead Market make whole payment 

eligibility periods: 

(i) For any Day-Ahead Market make whole payment eligibility period 

that is adjacent to the end of a RUC make whole payment 

eligibility period except as described under Section 8.6.5(3)(h); 



 

 

 

 

(ii) For any Day-Ahead Market make whole payment eligibility period 

resulting from a Day-Ahead Market Commitment Period that 

contains a Day-Ahead Market self-commit hour; or 

(iii) For any Day-Ahead make whole payment eligibility period for 

which a Resource is a Synchronized Resource prior to this 

commitment period at a time one (1) hour prior to that Resource’s 

Day-Ahead Market Commit Time less the Resource’s Sync-To-

MinTime. 

(c) For each Day-Ahead Market make whole payment eligibility period 

within an Operating Day, a Resource’s Day-Ahead Market Start-Up Offer 

is divided by the lesser of (1) the Resource’s Minimum Run Time rounded 

down to the nearest hour or (2) twenty-four (24) hours, and that portion of 

the Start-Up Offer is included as a cost in each hour of the Day-Ahead 

Market make whole payment eligibility period until the sum of these 

hourly costs are equal to the Day-Ahead Market Start-Up Offer or until the 

end of the Day-Ahead Market make whole payment eligibility period, 

whichever occurs first. 

(d) To the extent that the full amount of the Day-Ahead Market Start-Up 

Offer is not accounted for in the last Day-Ahead Market make whole 

payment eligibility period in the Operating Day, any remaining Day-

Ahead Market Start-Up Offer costs are carried forward for recovery in the 

first Day-Ahead Market make whole payment eligibility period of the 

following Operating Day. 

(4) The payment to each Asset Owner for each eligible Settlement Location for a 

given Day-Ahead Market make whole payment eligibility period is calculated as 

follows: 

Day-Ahead Make Whole Payment Amount =  

Maximum of [Either Zero or Sum of ((Day-Ahead Make Whole Payment 

Cost Amount in the Day-Ahead Market Make Whole Payment Eligibility 

Period) + (Day-Ahead Make Whole Payment Revenue Amount in the 

Day-Ahead Market Make Whole Payment Eligibility Period))] * (-1) 



 

 

 

 

(a) An Asset Owner’s Day-Ahead Make Whole Payment Cost Amount for 

each eligible Resource is equal the sum for all hours in the Day-Ahead 

Market Make Whole Payment Eligibility Period of: 

(i) Day-Ahead Market Start-Up Offer, 

(ii) Day-Ahead Market No-Load Offer, 

(iii) Energy cost associated with cleared Resource Energy from 

Resource Energy Offers as described under Section 5.1.3 of this 

Attachment AE, as calculated by multiplying cleared Resource 

Energy by the cost of such Energy as calculated from the 

Resource’s Day-Ahead Market Energy Offer Curve, 

(iv) Regulation-Up cost associated with cleared Regulation-Up from 

Regulation-Up Offers as described under Section 5.1.3 of this 

Attachment AE, as calculated by multiplying Regulation-Up by the 

cost of such Regulation-Up as calculated from the Resource’s Day-

Ahead Market Regulation-Up Offer, 

(v) Regulation-Down cost, associated with cleared Regulation-Down 

from Regulation-Down Offers as described under Section 5.1.3 of 

this Attachment AE, as calculated by multiplying Regulation-

Down by the cost of such Regulation-Down as calculated from the 

Resource’s Day-Ahead Market Regulation-Down Offer, 

(vi) Spinning Reserve cost, associated with cleared Spinning Reserve 

from Spinning Reserve Offers as described under Section 5.1.3 of 

this Attachment AE, as calculated by multiplying Spinning 

Reserve by the cost of such Spinning Reserve as calculated from 

the Resource’s Day-Ahead Market Spinning Reserve Offer, and 

(vii) Supplemental Reserve cost, associated with cleared Supplemental 

Reserve from Supplemental Reserve Offers as described under 

Section 5.1.3 of this Attachment AE, as calculated by multiplying 

Supplemental Reserve by the cost of such Supplemental Reserve 

as calculated from the Resource’s Day-Ahead Market 

Supplemental Reserve Offer 



 

 

 

 

(b) An Asset Owner’s Day-Ahead Make Whole Payment Revenue Amount 

for each eligible Resource is equal to the sum for all hours in the Day-

Ahead Market Make Whole Payment Eligibility Period of: 

(i) Energy revenue associated with cleared Resource Energy from 

Resource Energy Offers as described under Section 5.1.3 of this 

Attachment AE, calculated by multiplying Resource Energy by 

Day-Ahead LMP at that Resource Settlement Location, and 

(ii) The sum of the revenues calculated under Section 8.5.2, 8.5.3 and 

8.5.4 for that eligible Resource. 



 

 

8.5.10 Day-Ahead Make Whole Payment Distribution Amount 

The Day-Ahead make whole payment distribution amount is an hourly charge to 

Asset Owners at each Settlement Location to recover the sum of the make whole 

payments made under Section 8.5.9 and is calculated as: 

Day-Ahead Make Whole Payment Distribution Amount = 

(Day-Ahead SPP Make Whole Payment Distribution Rate) * (Day-Ahead Make 

Whole Payment Distribution Quantity)) 

(1) The Day-Ahead SPP Make Whole Payment Distribution Rate is the sum of all 

make whole payments for the Operating Day as calculated under Section 8.5.9, 

divided by the sum of all Asset Owners’ Day-Ahead Make Whole Payment 

Distribution Quantities for all Settlement Locations for the entire Operating Day. 

(2) An Asset Owner’s Day-Ahead Make Whole Payment Distribution Quantity at a 

Settlement Location for an hour is equal to that Asset Owner’s net cleared Energy 

withdrawals at that Settlement Location for that hour.  An Asset Owner’s net 

Energy withdrawal at a Settlement Location is calculated as the positive net sum 

of cleared Demand Bids, Resource Offers, Import Interchange Transaction Bids, 

Export Interchange Transaction Bids, Virtual Energy Bids and Virtual Energy 

Offers at that Settlement Location. 



 

 

8.5.11 Transmission Congestion Rights Funding Amount 

The TCR funding amount can be either a charge or a payment to an Asset Owner 

and is calculated for each TCR instrument held by the Asset Owner.  The TCR 

instruments funding amount is calculated for each hour as follows: 

TCR Hourly Funding Amount =  

TCR Hourly Quantity * [(Day-Ahead MCC at the source) – (Day-Ahead MCC at 

the sink)]  

(1) Day Ahead MCC is as defined under Section 1 of this Attachment AE. 

(2) TCR Hourly Quantity is the amount TCR MWs held on a particular source to sink 

path as awarded to that Asset Owner in the annual TCR auction, monthly TCR 

auctions or secondary market as described under Section 7 of the Attachment AE. 

 



 

 

8.5.12 Transmission Congestion Rights Daily Uplift Amount 

A Day-Ahead Market daily charge will be calculated as follows for each Asset 

Owner holding TCRs for each Operating Day to the extent that congestion revenues 

collected over the Operating Day are not sufficient to fund the net of the total charges and 

payments calculated under Section 8.5.11 over the Operating Day: 

TCR Daily Uplift Amount =  

(TCR Daily Shortfall Amount) * (TCR Uplift Ratio Amount) 

(1) The TCR Daily Shortfall Amount is equal to the positive difference between (i) 

the net of the total charges and payments calculated under Section 8.5.11 over the 

Operating Day multiplied by (-1) and (ii) Total Congestion Revenues collected 

over the Operating Day. 

(2) The Total Congestion Revenues collected over the Operating Day is equal to the 

sum for all hours and Settlement Locations in the Operating Day of (total Day-

Ahead cleared Energy MW * Day-Ahead MCC) at each Settlement Location. 

(3) An Asset Owner’s TCR Uplift Ratio Amount shall be equal to the sum of the 

absolute value of each of the hourly charges and payments calculated under 

Section 8.5.11 for that Asset Owner over the Operating Day divided by the sum of 

the absolute value of each of the charges and payments calculated under Section 

8.5.11 for all Asset Owners over the Operating Day. 



 

 

8.5.13 Transmission Congestion Rights Monthly Payback Amount 

A Day-Ahead Market monthly payment will be calculated as follows for each 

Asset Owner receiving a charge under Section 8.5.12 in any Operating Day of the month: 

TCR Monthly Payback Amount =  

Minimum of [(TCR Monthly Uplift Amount) or ((Excess Congestion Fund 

Monthly Amount) * (TCR Monthly Uplift Amount / Total TCR Monthly Uplift 

Amount))] * (-1) 

(1) An Asset Owner’s TCR Monthly Uplift Amount is equal to the sum of that Asset 

Owner’s charges calculated under Section 8.5.12 for the month. 

(2) Total TCR Monthly Uplift Amount is equal to the sum of all Asset Owners’ TCR 

Monthly Uplift Amounts for the month. 

(3) The Excess Congestion Fund Monthly Amount is equal to the sum of the Excess 

Congestion Fund Daily Amount for the month. 

(a) The Excess Congestion Fund Daily Amount is equal to the positive 

difference between the (i) Total Congestion Revenue collected for the 

Operating Day and (ii) the net of the total charges and payments calculated 

under Section 8.5.11 over the Operating Day multiplied by (-1). 

(b) The Total Congestion Revenues collected over the Operating Day is equal 

to the sum for all hours and Settlement Locations in the Operating Day of 

(Total Day-Ahead cleared Energy MW * Day-Ahead MCC) at each 

Settlement Location. 



 

 

8.5.14 Transmission Congestion Rights Annual Payback Amount 

A Day-Ahead Market annual payment will be calculated as follows for each Asset 

Owner receiving payments under Section 8.5.13 that were not sufficient to cover charges 

received under Section 8.5.12 over the year in order to ensure full funding of TCRs to the 

extent possible: 

TCR Annual Payback Amount =  

Minimum of [(TCR Net Uplift Annual Amount) or ((Excess Congestion Fund 

Yearly Amount) * (TCR Net Uplift Annual Amount / Total TCR Net Uplift 

Annual Amount))] *   (-1) 

(1) An Asset Owner’s TCR Net Uplift Annual Amount is equal the difference 

between (i) the sum of that Asset Owner’s charges calculated under Section 

8.5.12 for the year and (ii) the sum of that Asset Owner’s payments made under 

Section 8.5.13 for the year multiplied by (-1). 

(2) Total TCR Net Uplift Annual Amount is equal to the sum of all Asset Owners’ 

TCR Net Uplift Annual Amounts for the month. 

(3) The Excess Congestion Fund Yearly Amount is equal to the difference between 

the total Excess Congestion Fund Monthly Amount for the year, as described 

under Section 8.5.13(3), and the total payments made under Section 8.5.13 for the 

year. 



 

 

8.5.15 Transmission Congestion Rights Annual Closeout Amount 

A Day-Ahead Market annual payment will be calculated as follows for each Asset 

Owner with ARR Nomination Caps established under Section 7.1.3 of this Attachment 

AE to the extent that there are any funds remaining once all payments are made under 

Section 8.5.14: 

TCR Annual Closeout Amount =  

[(Excess Congestion Fund Yearly Amount + TCR Annual Payback Total) * 

(Annual ARR Nomination Cap / Total Annual ARR Nomination Cap)] * (-1) 

(1) Excess Congestion Fund Yearly Amount is equal to the value calculated under 

Section 8.5.14 of this Attachment. 

(2) TCR Annual Payback Total is equal to the sum of all payments made under 

Section 8.5.14. 

(3) An Asset Owner’s Annual ARR Nomination Cap is equal to the sum of all of that 

Asset Owner’s daily ARR nomination caps, as calculated under Section 7.1.3 of 

this Attachment AE, for the year. 

(4) Total Annual ARR Nomination Cap is equal to the sum of all Asset Owners’ 

Annual ARR Nomination Caps for the year. 



 

 

8.5.16 Day-Ahead Over-Collected Losses Distribution Amount 

The MLC of the Day-Ahead Market LMP creates an over collection related to 

payment for losses (―Day-Ahead Market over-collected losses‖) that must be refunded.  

A Day-Ahead Market payment is calculated for each hour at each Settlement Location 

for which an Asset Owner has a Day-Ahead Market Energy withdrawal, where such 

withdrawal does not include Energy associated with cleared Virtual Energy Bids, that 

contributed positively to the over collection as follows: 

(1) Each Asset Owner’s calculated contribution to the Day-Ahead Market over-

collected losses is calculated based upon a Loss Pool that is defined on an hourly 

basis by the Asset Owner’s transactional activity where such transactional activity 

shall include: cleared Resource Offers, cleared Demand Bids, cleared Import 

Interchange Transaction Offers, cleared Export Interchange Transaction Bids, 

Bilateral Settlement Schedules, cleared Virtual Energy Bids and cleared Virtual 

Energy Offers. 

(2) A loss rebate factor is calculated for each Asset Owner at each withdrawal 

Settlement Location in a Loss Pool as the difference between the Day-Ahead 

MLC at a withdrawal Settlement Location in the Loss Pool and the injection 

weighted average Day-Ahead MLC for the Loss Pool, multiplied by the Asset 

Owner’s withdrawal quantity at that withdrawal Settlement Location. 

(a) An Asset Owner’s withdrawal quantity at a Settlement Location is equal 

to that Asset Owner’s pro-rata share of the total withdrawal at that 

Settlement Location. 

(b) The total withdrawal quantity at a Settlement Location is calculated as the 

positive value of the sum of all cleared Resource Offers, cleared Demand 

Bids, cleared Import Interchange Transaction Offers, cleared Export 

Interchange Transaction Bids, cleared Virtual Energy Bids and cleared 

Virtual Energy Offers at that Settlement Location. 

(c) An Asset Owner’s pro-rata share of the total withdrawal quantity at that 

Settlement Location is equal to the value calculated in (b) above 

multiplied by: (i) the positive value of the sum of that Asset Owner’s 

cleared Demand Bids, cleared Import Interchange Transaction Offers, 



 

 

 

 

cleared Export Interchange Transaction Bids and Bilateral Settlement 

Schedules at that Settlement Location, divided by (ii) the sum of Asset 

Owners’ values calculated in (i) above at that Settlement Location. 

(3) The injection weighted average Day-Ahead MLC for a Loss Pool is calculated 

assuming that injection in a Loss Pool first serves withdrawals in the Loss Pool 

and then goes to meet the withdrawal in Loss Pools that do not have sufficient 

injections to meet all withdrawals. 

(4) The Day-Ahead Market over-collected losses are allocated to Asset Owners on a 

pro-rata basis using the positive loss rebate factors in the hour for each load 

Settlement Location.  Only positive loss rebate factors apply and negative values 

are ignored. 

(5) A Day-Ahead over-collected losses distribution amount is calculated as follows: 

Day-Ahead Over-Collected Losses Distribution Amount =  

[(Day-Ahead Unitized Loss Rebate Factor) * (Day-Ahead Over-Collected 

Losses Amount)] 

(a) The Day-Ahead Over-Collected Losses Amount in an hour is equal to the 

sum for all Settlement Locations of an amount equal to [(Day-Ahead LMP 

– Day-Ahead MCC)] * Total cleared Energy MW at each Settlement 

Location. 

(b) Day-Ahead Unitized Loss Rebate Factor is the factor calculated as 

described in (4) above. 



 

 

8.5.17 Day-Ahead Virtual Energy Transaction Fee Amount 

A Day-Ahead Market charge for each submitted Virtual Energy Offer and Virtual 

Energy Bid will be calculated for each Asset Owner for each Operating Day.  Charges 

collected by the Transmission Provider under this charge type are used by the 

Transmission Provider to reduce the Transmission Provider budgeted expenses used to 

calculate the rate specified under Schedule 1-A of the Tariff and are calculated as 

follows:  

Day-Ahead Virtual Energy Transaction Fee Amount =  

[(Day-Ahead Virtual Energy Transaction Daily Count) * (Day-Ahead Virtual 

Energy Transaction Fee Rate)] 

(1) Day-Ahead Virtual Energy Transaction Daily Count is equal to the sum of 

submitted Virtual Energy Bids and Virtual Energy Offers for all Settlement 

Locations and hours in the Operating Day. 

(2) Day-Ahead Virtual Energy Transaction Fee Rate is the rate defined under 

Schedule 1 of the Tariff. 



 

 

8.6 Real-Time Balancing Market Settlement 

Settlement calculations for the RTBM are performed on a Dispatch Interval basis 

for each Operating Day and are based upon the difference between the results of the 

RTBM and the Day-Ahead Market clearing for that Operating Day.  To calculate RTBM 

actual Energy in a Dispatch Interval for Market Participants that have not directly 

submitted five (5) minute interval meter data, the Transmission Provider allocates the 

submitted hourly meter data for Resources and loads into five (5) minute values using 

five (5) minute telemetered or State Estimator profiles for the corresponding hour.  The 

profiling of the hourly meter data maintains the shape of the five (5) minute telemetered 

or State Estimator values even if there are both positive and negative values contained 

within the twelve (12) intervals. 

The following Subsections describe the RTBM settlement charge types.  For each 

charge type, the calculation is performed either at the Dispatch Interval level or hourly 

level for each Asset Owner at each Settlement Location.  The Transmission Provider 

shall calculate hourly summations for each Market Participant for all Asset Owners it 

represents and shall calculate daily summations as specified in the Market Protocols. 



 

 

8.6.1 Real-Time Energy Amount 

An RTBM payment or charge for Energy is calculated at each Settlement 

Location for each Asset Owner for each Dispatch Interval and hour as follows: 

(1) For Energy associated with loads:  

(a) Real-Time Asset Energy Dispatch Interval Amount =  

Real-Time LMP * [((Real-Time Load Billing Meter Quantity) – (Day-

Ahead Cleared Load Energy Quantity)) – (Real-Time Asset Energy 

Bilateral Settlement Schedules)] / 12 

(i) Real-Time LMP, as defined under Section 1 of this Attachment 

AE, associated with that load Settlement Location. 

(ii) An Asset Owner’s Real-Time Load Billing Meter Quantity at that 

load Settlement Location is (i) the five (5) minute Reported Load 

submitted by the Meter Agent to the Transmission Provider, 

multiplied by twelve (12) or (ii) the hourly Reported Load profiled 

into five (5) minute increments by the Transmission Provider using 

the method described under Section 8.6 of this Attachment AE if 

the Asset Owner elects to submit hourly meter data.  The 

Transmission Provider shall make any necessary adjustments to the 

submitted Reported Load, as described under Section 8.6.1.1 of 

this Attachment AE.  

(iii) An Asset Owner’s Day-Ahead Cleared Load Energy Quantity is 

the MW quantity associated with cleared Demand Bids at that load 

Settlement Location as described under Section 5.1.3 of this 

Attachment AE. 

(iv) An Asset Owner’s Real-Time Asset Energy Bilateral Settlement 

Schedules are those Bilateral Settlement Schedules that settle at 

that load Settlement Location as submitted in accordance with 

Section 8.2.1 of this Attachment AE. 

(b) Real-Time Asset Energy Hourly Amount =  

Sum of Real-Time Asset Energy Dispatch Interval Amount over all 

Dispatch Intervals in the Hour. 



 

 

 

 

(2) For Energy associated with Resources:  

(a) Real-Time Energy Dispatch Interval Amount =  

Real-Time LMP * [((Real-Time Resource Billing Meter Quantity) – (Day-

Ahead Cleared Resource Energy Hourly Quantity)) – (Real-Time Asset 

Energy Bilateral Settlement Schedules)] / 12 

(i) Real-Time LMP, as defined under Section 1 of this Attachment 

AE, associated with that Resource Settlement Location. 

(ii) An Asset Owner’s Real-Time Resource Billing Meter Quantity at 

that Resource Settlement Location is (i) the five (5) minute actual 

meter MWh Resource output quantity submitted by the Meter 

Agent to the Transmission Provider, multiplied by twelve (12) or 

(ii) the hourly actual meter MWh Resource output quantity 

profiled into five (5) minute increments by the Transmission 

Provider using the method described under Section 8.6 of this 

Attachment AE if the Asset Owner elects to submit hourly meter 

data. 

(iii) An Asset Owner’s Day-Ahead Cleared Resource Energy Hourly 

Quantity is the MW quantity associated with cleared Resource 

Offers at that Resource Settlement Location as described under 

Section 5.1.3 of this Attachment AE. 

(iv) An Asset Owner’s Real-Time Asset Energy Bilateral Settlement 

Schedules are those Bilateral Settlement Schedules that settle at 

that Resource Settlement Location as submitted in accordance with 

Section 8.2.1 of this Attachment AE. 

(b) Real-Time Energy Hourly Amount =  

Sum of Real-Time Energy Dispatch Interval Amount over all Dispatch 

Intervals in the Hour. 

(3) For Energy associated with Interchange Transactions: 

(a) Real-Time Non-Asset Energy Dispatch Interval Amount =  



 

 

 

 

Real-Time LMP * [((Real-Time Import Energy Quantity) – (Day-Ahead 

Import Energy Quantity) – (Real-Time Non-Asset Energy Bilateral 

Settlement Schedules))] / 12 

(i) Day-Ahead LMP, as defined under Section 1 of this Attachment 

AE, associated with the applicable External Interface Settlement 

Location. 

(ii) An Asset Owner’s Real-Time Import Energy Quantity is the five 

(5) minute Dispatch Interval MW quantity scheduled for use in the 

RTBM, adjusted for curtailments, at that External Interface 

Settlement Location. 

(iii) An Asset Owner’s Day-Ahead Import Energy Quantity is the five 

(5) minute Dispatch Interval MW quantity calculated by the 

Transmission Provider for each Dispatch Interval by multiplying 

the scheduled MW in the Dispatch Interval by the ratio of (a) 

hourly scheduled amount for use in the Day-Ahead Market and (b) 

the MW amount of cleared Import Interchange Transaction Offers, 

as described under Section 5.1.3 of this Attachment AE, at that 

External Interface Settlement Location. 

(iv) An Asset Owner’s Real-Time Non-Asset Energy Bilateral 

Settlement Schedules are those Bilateral Settlement Schedules that 

settle at that External Interface Settlement Location as submitted in 

accordance with Section 8.2.1 of this Attachment AE. 

(4) For Energy associated with Export Interchange Transactions: 

(a) Real-Time Non-Asset Energy Dispatch Interval Amount =  

Real-Time LMP * [((Real-Time Export Energy Quantity) – (Day-Ahead 

Export Energy Quantity) – (Real-Time Non-Asset Energy Bilateral 

Settlement Schedules))] / 12 

(i) Day-Ahead LMP, as defined under Section 1 of this Attachment 

AE, associated with the applicable External Interface Settlement 

Location. 



 

 

 

 

(ii) An Asset Owner’s Real-Time Export Energy Quantity is the five 

(5) minute Dispatch Interval MW quantity scheduled for use in the 

RTBM, adjusted for curtailments, at that External Interface 

Settlement Location. 

(iii) An Asset Owner’s Day-Ahead Export Energy Quantity is the five 

(5) minute Dispatch Interval MW quantity calculated by the 

Transmission Provider for each Dispatch Interval by multiplying 

the scheduled MW in the Dispatch Interval by the ratio of (a) 

hourly scheduled amount for use in the Day-Ahead Market and (b) 

the MW amount of cleared Export Interchange Transaction Bids, 

as described under Section 5.1.3 of this Attachment AE, at that 

External Interface Settlement Location. 

(iv) An Asset Owner’s Real-Time Non-Asset Energy Bilateral 

Settlement Schedules are those Bilateral Settlement Schedules that 

settle at that External Interface Settlement Location as submitted in 

accordance with Section 8.2.1 of this Attachment AE. 

(b) Real-Time Non-Asset Energy Hourly Amount =  

Sum of Real-Time Non-Asset Energy Dispatch Interval Amount over all 

Dispatch Intervals in the Hour. 

(5) For Energy associated with remaining Bilateral Settlement Schedules: 

Real-Time Non-Asset Energy Hourly Amount =  

(Real-Ahead LMP) * [(Real-Time Non-Asset Energy Bilateral Settlement 

Schedules for Energy) * (-1)] 

(a) Real-Time LMP, as defined under Section 1 of this Attachment AE, 

associated with the applicable Settlement Location. 

(b) An Asset Owner’s Real-Time Non-Asset Energy Hourly Bilateral 

Settlement Schedules for Energy are those Bilateral Settlement Schedules 

that settle at Settlement Locations other than External Interface Settlement 

Locations, that Asset Owner’s load Settlement Locations or that Asset 

Owner’s Resource Settlement Locations, as submitted in accordance with 

Section 8.2.1 of this Attachment AE. 



 

 

 

 

(6) For Energy associated with Day-Ahead Market cleared Virtual Energy Bids: 

Real-Time Virtual Energy Dispatch Interval Amount =  

[(Real-Time LMP) * ((Day-Ahead Cleared Virtual Energy Bid Hourly Quantity) / 

12)] * (-1) 

(a) Real-Time LMP, as defined under Section 1 of this Attachment AE, 

associated with the applicable Settlement Location. 

(b) An Asset Owner’s Day-Ahead Cleared Virtual Energy Bid Hourly 

Quantity is the MW quantity associated with cleared Virtual Energy Bids 

as described under Section 5.1.3 of this Attachment AE at that Settlement 

Location. 

(7) For Energy associated with Day-Ahead Market cleared Virtual Energy Offers: 

Real-Time Virtual Energy Dispatch Interval Amount =  

[(Real-Time LMP) * ((Day-Ahead Cleared Virtual Energy Offer Hourly 

Quantity) / 12)] * (-1) 

(a) Real-Time LMP, as defined under Section 1 of this Attachment AE, 

associated with the applicable Settlement Location. 

(b) An Asset Owner’s Day-Ahead Cleared Virtual Energy Offer Hourly 

Quantity is the MW quantity associated with cleared Virtual Energy 

Offers as described under Section 5.1.3 of this Attachment AE at that 

Settlement Location. 

 

8.6.1.1 Adjustments to Reported Load  

The Transmission Provider shall make any necessary adjustments to the Asset 

Owner submitted Reported Load values as follows: 

(1) The sum of the Reported Load within a Settlement Area must equal the 

Settlement Area Net Load.  To the extent that the Transmission Provider observes 

that a difference exists, the Transmission Provider shall adjust each Asset 

Owner’s Reported Load within the Settlement Area on a pro rata basis such that 

the sum of Reported Load within the Settlement Area is equal to the Settlement 

Area Net Load.   



 

 

 

 

(2) To the extent that the Reported Load is associated with a Meter Data Submittal 

Location that includes a Demand Response Load, the Transmission Provider shall 

adjust such Reported Load by adding all associated calculated or submitted 

Demand Response Resource output to such Reported Load, where the calculated 

Demand Response Resource output is as described under Section 4.1.2.1(1)(b) of 

this Attachment AE.  

(3) To the extent that the Reported Load for a specific Meter Data Submittal Location 

is the Residual Load for the Settlement Area, the Transmission Provider shall 

reduce such Reported Load by the associated State Estimator Settlement Area 

losses.    



 

 

8.6.2 Real-Time Regulation Amount 

(1) An RTBM payment or charge for deviations between cleared RTBM Regulation-

Up and cleared Day-Ahead Market Regulation-Up will be calculated at each 

Settlement Location for each Asset Owner for each Dispatch Interval and hour as 

follows: 

(a) Real-Time Regulation-Up Dispatch Interval Amount = 

[(Real-Time MCP) * ((Real-Time Cleared Regulation-Up Dispatch 

Interval Quantity) - (Day-Ahead Regulation-Up Hourly Quantity)) / 12] * 

(-1) 

(i) Real-Time MCP, as defined under Section 1 of this Attachment 

AE, for Regulation-Up associated with the Reserve Zone in which 

the applicable Resource is located. 

(ii) An Asset Owner’s Real-Time Cleared Regulation-Up Dispatch 

Interval Quantity is the MW quantity associated with cleared 

RTBM Regulation-Up Offers as described under Section 6.2.3 of 

this Attachment AE. 

(iii) An Asset Owner’s Day-Ahead Cleared Regulation-Up Hourly 

Quantity is the MW quantity associated with cleared Day-Ahead 

Market Regulation-Up Offers as described under Section 5.1.3 of 

this Attachment AE. 

(b) Real-Time Regulation-Up Hourly Amount = 

Sum of Real-Time Regulation-Up Dispatch Interval Amount over all 

Dispatch Intervals in the Hour. 

(2) An RTBM payment or charge for deviations between cleared RTBM Regulation-

Down and cleared Day-Ahead Market Regulation-Down will be calculated at 

each Settlement Location for each Asset Owner for each Dispatch Interval and 

hour as follows: 

(a) Real-Time Regulation-Down Dispatch Interval Amount = 

[(Real-Time MCP) * ((Real-Time Cleared Regulation-Down Dispatch 

Interval Quantity) – (Day-Ahead Regulation-Down Hourly Quantity)) / 

12] * (-1) 



 

 

 

 

(i) Real-Time MCP, as defined under Section 1 of this Attachment 

AE, for Regulation-Down associated with the Reserve Zone in 

which the applicable Resource is located. 

(ii) An Asset Owner’s Real-Time Cleared Regulation-Down Dispatch 

Interval Quantity is the MW quantity associated with cleared 

Regulation-Down Offers as described under Section 6.2.3 of this 

Attachment AE. 

(iii) An Asset Owner’s Day-Ahead Cleared Regulation-Down Hourly 

Quantity is the MW quantity associated with cleared Day-Ahead 

Market Regulation-Down Offers as described under Section 5.1.3 

of this Attachment AE. 

(b) Real-Time Regulation-Down Hourly Amount = 

Sum of Real-Time Regulation-Down Dispatch Interval Amount over all 

Dispatch Intervals in the Hour. 



 

 

8.6.3 Real-Time Spinning Reserve Amount 

An RTBM payment or charge for deviations between cleared RTBM Spinning 

Reserve and cleared Day-Ahead Market Spinning Reserve will be calculated at each 

Settlement Location for each Asset Owner for each Dispatch Interval and hour as 

follows: 

(1) Real-Time Spinning Reserve Dispatch Interval Amount = 

[(Real-Time MCP) * ((Real-Time Cleared Spinning Reserve Dispatch Interval 

Quantity) – (Day-Ahead Spinning Reserve Hourly Quantity)) / 12] * (-1) 

(a) Real-Time MCP, as defined under Section 1 of this Attachment AE, for 

Spinning Reserve associated with the Reserve Zone in which the 

applicable Resource is located. 

(b) An Asset Owner’s Real-Time Cleared Spinning Reserve Dispatch Interval 

Quantity is the MW quantity associated with cleared Spinning Reserve 

Offers as described under Section 6.2.3 of this Attachment AE. 

(c) An Asset Owner’s Day-Ahead Cleared Spinning Reserve Hourly Quantity 

is the MW quantity associated with cleared Day-Ahead Market Spinning 

Reserve Offers as described under Section 5.1.3 of this Attachment AE. 

(2) Real-Time Spinning Reserve Hourly Amount =  

Sum of Real-Time Spinning Reserve Dispatch Interval Amount over all Dispatch 

Intervals in the Hour. 



 

 

8.6.4 Real-Time Supplemental Reserve Amount 

An RTBM payment or charge for deviations between cleared RTBM 

Supplemental Reserve and cleared Day-Ahead Market Supplemental Reserve will be 

calculated at each Settlement Location for each Asset Owner for each Dispatch Interval 

and hour as follows: 

(1) Real-Time Supplemental Reserve Dispatch Interval Amount = 

[(Real-Time MCP) * ((Real-Time Cleared Supplemental Reserve Dispatch 

Interval Quantity) – (Day-Ahead Supplemental Reserve Hourly Quantity)) / 12] * 

(-1) 

(a) Real-Time MCP, as defined under Section 1 of this Attachment AE, for 

Supplemental Reserve associated with the Reserve Zone in which the 

applicable Resource is located. 

(b) An Asset Owner’s Real-Time Cleared Supplemental Reserve Dispatch 

Interval Quantity is the MW quantity associated with cleared 

Supplemental Reserve Offers as described under Section 6.2.3 of this 

Attachment AE. 

(c) An Asset Owner’s Day-Ahead Cleared Supplemental Reserve Hourly 

Quantity is the MW quantity associated with cleared Day-Ahead Market 

Supplemental Reserve Offers as described under Section 5.1.3 of this 

Attachment AE. 

(2) Real-Time Supplemental Reserve Hourly Amount =  

Sum of Real-Time Supplemental Reserve Dispatch Interval Amount over all 

Dispatch Intervals in the Hour. 



 

 

8.6.5 Reliability Unit Commitment Make Whole Payment Amount 

(1) A RUC make whole payment is made to the Asset Owner when the sum of a 

Resource’s eligible RTBM Start-Up Offer costs, No-Load Offer costs, Energy 

Offer Curve and Operating Reserve Offer costs associated with actual Energy and 

cleared RTBM Operating Reserve is greater than the Energy and Operating 

Reserve RTBM revenues received over the Resource’s RUC make whole 

payment eligibility period. 

(2) A Resource’s RUC make whole payment eligibility period is equal to that 

Resource’s RUC Commitment Period.  For Resources with a RUC Commitment 

Period that begins in one Operating Day and ends in the next Operating Day, two 

RUC make whole payment eligibility periods are created.  The first period begins 

in the first Operating Day in the Dispatch Interval associated with the Resource’s 

RUC Commit Time and ends at the last Dispatch Interval of the first Operating 

Day.  The second period begins in the first Dispatch Interval of the next Operating 

Day and ends in the Dispatch Interval associated with the Resource’s RUC De-

Commit Time. 

(3) The following cost recovery rules apply to each RUC make whole payment 

eligibility period.  Offer costs are calculated using the RTBM Offer prices in 

effect at the time the commitment decision was made. 

(a) If the Transmission Provider cancels a Commitment Instruction prior to 

the start of the associated RUC make whole payment eligibility period and 

the Resource is not a Synchronized Resource, the Asset Owner will 

receive reimbursement for a time-based pro-rata share of the Resource’s 

RTBM Start-Up Offer.  Asset Owners may request additional 

compensation through submittal of actual cost documentation to the 

Transmission Provider.  The Transmission Provider will review the 

submitted documentation and confirm that the submitted information is 

sufficient to document actual costs and that all or a portion of the actual 

costs are eligible for recovery. 

(b) In order to receive the full amount of Start-Up Offer recovery within a 

RUC make whole payment eligibility period, the Resource must be a 



 

 

 

 

Synchronized Resource in at least one Dispatch Interval in the RUC make 

whole payment eligibility period. 

(c) In order to receive recovery of No-Load Offer costs in any Dispatch 

Interval in the RUC make whole payment eligibility period, the Resource 

must be a Synchronized Resource in that Dispatch Interval. 

(d) There may be more than one RUC make whole payment eligibility period 

for a Resource in a single Operating Day.  A single RUC make whole 

payment eligibility period is contained within a single Operating Day. 

(e) A Resource’s RTBM Start-Up Offer costs are not eligible for recovery in 

the following RUC make whole payment eligibility periods: 

(i) Any RUC make whole payment eligibility period that is adjacent 

to the end of a Day-Ahead Market make whole payment eligibility 

period;  

(ii) Any RUC make whole payment eligibility period for which a 

Resource is a Synchronized Resource prior to this commitment 

period at a time one (1) hour prior to that Resource’s RUC Commit 

Time less the Resource’s Sync-To-Min Time; and 

(iii) Any RUC make whole payment eligibility period resulting from a 

RUC Commitment Period that contains an hour for which the 

Resource was self-committed. 

(f) For each RUC make whole payment eligibility period within an Operating 

Day, a Resource’s RTBM Start-Up Offer is divided by the lesser of (1) the 

Resource’s Minimum Run Time multiplied by twelve (12), rounded down 

to the nearest whole interval, or (2) twenty-four (24) hours multiplied by 

twelve (12), and that portion of the Start-Up Offer is included as a cost in 

each interval of the RUC make whole payment eligibility period until the 

sum of these interval costs are equal to the RTBM Start-Up Offer or until 

the end of the RUC make whole payment eligibility period, whichever 

occurs first. 

(g) To the extent that the full amount of the RTBM Start-Up Offer is not 

accounted for in the last RUC make whole payment eligibility period in 



 

 

 

 

the Operating Day, any remaining RTBM Start-Up Offer costs are carried 

forward for recovery in the first RUC make whole payment eligibility 

period of the following Operating Day provided that the Resource has not 

been committed in the Day-Ahead Market in any hour of the first RUC 

make whole payment eligibility period as described in (h) below. 

(h) If the Resource has been committed in the Day-Ahead Market in a period 

adjacent to and following a RUC make whole payment eligibility period to 

the extent that the full amount of the RTBM Start-Up Offer is not 

accounted for in the RUC make whole payment eligibility period, any 

remaining RTBM Start-Up Offer costs are carried forward for recovery in 

the Day-Ahead make whole payment eligibility period. 

(i) If a Resource has operated outside of its Operating Tolerance in any 

Dispatch Interval, any cost associated with energy output above the 

Resource’s economic operating point is not eligible for recovery for that 

Dispatch Interval where such cost is calculated as described under 

Subsection 4(c) below. 

(j) If a Resource becomes non-dispatchable in any Dispatch Interval, any cost 

associated with energy output above the Resource’s economic operating 

point is not eligible for recovery for that Dispatch Interval where such cost 

is calculated as described under Subsection 4(c) below. 

(k) If a Resource’s minimum operating limit is increased above the 

Resource’s minimum operating limit that was used to make the 

commitment decision, the increase is greater than the Resource’s 

Operating Tolerance and the Resource remains dispatchable in any 

Dispatch Interval, any cost associated with energy output above the 

Resource’s economic operating point is not eligible for recovery for that 

Dispatch Interval where such cost is calculated as described under 

Subsection 4(c) below. 

(4) The payment to each Asset Owner for each eligible Settlement Location for a 

given RUC make whole payment eligibility period is calculated as follows: 

RUC Make Whole Payment Amount =  



 

 

 

 

Maximum of [Either Zero or (RUC Make Whole Payment Cost Amount in the 

RUC Make Whole Payment Eligibility Period + RUC Make Whole Payment 

Revenue Amount in the RUC Make Whole Payment Eligibility Period – 

Uninstructed Resource Deviation Cost Disallowance – Non-Dispatchable Cost 

Disallowance – Minimum Limit Cost Disallowance)] 

(a) An Asset Owner’s RUC Make Whole Payment Cost Amount for each 

eligible Resource is equal the sum for all Dispatch Intervals in the RUC 

Make Whole Payment Eligibility Period of (i) Start-Up Offer used to 

make commitment decision, (ii) No-Load Offer used to make commitment 

decision, (iii) Energy cost at minimum output as calculated from the 

Energy Offer Curve used to make commitment decision, (iv) Energy cost 

above minimum output as calculated from the Energy Offer Curve that 

applied to the current Dispatch Interval, and (v) Operating Reserve cost 

associated with cleared Real-Time Operating Reserve as calculated from 

the Operating Reserve Offers except that Operating Reserve costs 

associated with self-scheduled Operating Reserve where such self-

schedules are less than or equal to the amount of Operating Reserve 

cleared shall be set equal to zero. 

(b) An Asset Owner’s RUC Make Whole Payment Revenue Amount for each 

eligible Resource is equal the sum for all hours in the RUC Make Whole 

Payment Eligibility Period of (i) revenue associated with Energy 

calculated by multiplying actual Energy by Real-Time LMP (ii) the sum 

of the revenues calculated under Section 8.6.2, 8.6.3 and 8.6.4 of this 

Attachment AE for that eligible Resource and (iii) Energy revenue 

associated with payments made under Section 8.6.6 of this Attachment 

AE. 

(c) An Asset Owner’s Uninstructed Resource Deviation Cost Disallowance, 

Non-Dispatchable Cost Disallowance, or Minimum Limit Cost 

Disallowance is equal to the positive difference between the Resource’s 

Energy cost at actual output as calculated from the Resource’s current 

Dispatch Interval Energy Offer Curve and the Resource’s Energy cost at 



 

 

 

 

the Resource’s economic operating point as calculated from the 

Resource’s current Dispatch Interval Energy Offer Curve. 

(d) A Resource’s economic operating point is the MW output where the cost 

on the Resource’s current Dispatch Interval Energy Offer Curve is equal 

to the Real-Time LMP for that Resource. 



 

 

8.6.6 Real-Time Out-of-Merit Amount 

An RTBM payment will be made to each Asset Owner with a Resource that 

receives a Transmission Provider Manual Dispatch Instruction that creates a cost to the 

Asset Owner or that adversely impacts the Asset Owner’s Day-Ahead Market position for 

Energy and/or Operating Reserve.  The amount will be calculated on a Dispatch Interval 

basis as follows: 

(1) If the Manual Dispatch Instruction is for Energy in the up direction and the 

Energy Offer Curve cost associated with the OOME MW is greater than the 

RTBM LMP, the Asset Owner will receive a payment for the difference.  The 

OOME MW is calculated as the positive difference between the actual Resource 

output and the Resource’s economic operating point.  The Resource’s economic 

operating point is calculated as described under Section 8.6.5(4)(d); 

(2) If the Manual Dispatch Instruction is for Energy in the down direction, including 

a Resource de-commitment and the RTBM LMP is greater than the Day-Ahead 

Market LMP, the Asset Owner will receive a payment for the difference 

multiplied by the OOME MW.  The OOME MW is calculated as the maximum of 

zero (0) or the difference between the Resource’s Day-Ahead Market cleared 

Energy MW and the actual Resource output; and 

(3) If the Manual Dispatch Instruction causes the RTBM cleared amount of an 

Operating Reserve product to be less than the Day-Ahead Market cleared amount 

of the corresponding Operating Reserve product and the RTBM MCP is greater 

than the Day-Ahead Market MCP, the Asset Owner will receive a payment for the 

difference multiplied by the OOME Operating Reserve MW.  The OOME 

Operating Reserve MW is calculated as the maximum of zero (0) or the difference 

between the Resource’s Day-Ahead Market cleared Operating Reserve MW and 

the Resource’s RTBM cleared Operating Reserve MW. 

(4) To the extent that additional costs are incurred as a direct result of a Manual 

Dispatch Instruction that are not addressed through the compensation mechanisms 

described in (1) through (3) above, Asset Owners may request additional 

compensation through submittal of actual cost documentation to the Transmission 

Provider.  The Transmission Provider will review the submitted documentation 



 

 

 

 

and confirm that the submitted information is sufficient to document actual costs 

and that all or a portion of the actual costs are eligible for recovery. 



 

 

8.6.7 Reliability Unit Commitment Make Whole Payment Distribution Amount 

An RTBM charge will be calculated at each Settlement Location for each Asset 

Owner for each hour in order to fund the payments made under Section 8.6.5.  The 

amount will be determined by multiplying An Asset Owners distribution volume by a 

daily RUC make whole payment rate as follows: 

RUC Make Whole Payment Distribution Amount = 

[(RUC SPP Make Whole Payment Distribution Rate) * (RUC Make Whole Payment 

Distribution Volume)] 

(1) The RUC SPP Make Whole Payment Distribution Rate is the sum of all make 

whole payments for the Operating Day as calculated under Section 8.6.5, divided 

by the sum of Asset Owners’ RUC Make Whole Payment Distribution Volumes 

for all Settlement Locations for the entire Operating Day. 

(2) An Asset Owner’s RUC Make Whole Payment Distribution Volume at a 

Settlement Location for an hour is equal to the sum of following values that are 

calculated for each Dispatch Interval within the hour: 

(a) The absolute value of the sum of actual Real-Time Settlement Location 

deviations from Day-Ahead Market cleared amounts for load, virtual 

transactions and interchange transactions except that, during any Dispatch 

Interval in which the Transmission Provider has declared an Emergency 

Condition, Real-Time actual load deviations from Day-Ahead Market 

cleared amounts shall be limited to deviations associated with actual Real-

Time load in excess of amounts cleared in the Day-Ahead Market;  

(b) For Resources cleared in the Day-Ahead Market, the positive difference 

between RTBM Resource applicable minimum limits and Day-Ahead 

Market Resource minimum limits, if: 

(i) Such difference is greater than the Resource’s Operating 

Tolerance; and 

(ii) The applicable RTBM Resource minimum limit is greater than the 

Day-Ahead Market cleared Energy amount; and 



 

 

 

 

(iii) The Resource received a Dispatch Instruction equal to the RTBM 

applicable minimum limit for at least one Dispatch Interval in the 

hour. 

(c) For Resources cleared in the Day-Ahead Market, the positive difference 

between the Day-Ahead Market Resource applicable maximum limits and 

the RTBM Resource applicable maximum limits, if: 

(i) Such difference is greater than the Resource’s Operating 

Tolerance; and 

(ii) The applicable RTBM Resource maximum limit is less than the 

Day-Ahead Market cleared Energy amount; and 

(iii) The Resource received a Dispatch Instruction equal to the 

applicable RTBM applicable maximum limit for at least one 

Dispatch Interval in the hour. 

(d) For Resources cleared in the Day-Ahead Market, the Resource’s Day-

Ahead Market cleared amount if that Resource is off-line in the RTBM 

and if the Resource has not been de-committed by the Transmission 

Provider; 

(e) For Resources that cleared in the Day-Ahead Market that are not able to 

follow Dispatch Instructions, the absolute value of the difference between 

a Resource’s actual output and the Resource’s economic operating point.  

The Resource’s economic operating point is calculated as described under 

Section 8.6.5(4)(d); 

(f) For Resources that were not cleared in the Day-Ahead Market and that 

self-committed following the close of the Day-Ahead Market, the actual 

Resource output if the Resource received a Dispatch Instruction equal to 

the applicable RTBM applicable maximum limit for at least one Dispatch 

Interval in the hour;  

(g) A Resource’s economic operating point, as calculated as described under 

Section 8.6.5(4)(d), for Resources that were committed following the close 

of the Day-Ahead Market if that Resource is off-line in the RTBM and 

that Resource was not de-committed by the Transmission Provider; and 



 

 

 

 

(h) The absolute value of a Resource’s URD if that Resource operated outside 

of its Operating Tolerance and the Resource has not been exempted from 

URD as described under Section 6.4.1.1 of this Attachment AE. 



 

 

8.6.8 Real-Time Regulation Distribution Amount 

An RTBM charge will be calculated for each Asset Owner at each Settlement 

Location for each hour for the purposes of funding payments made under Section 8.6.2 as 

follows: 

(1) Real-Time Regulation-Up Distribution Amount = 

[(Real-Time Regulation-Up Amount) * (Real-Time Load Ratio Share)] *  (-1) 

(a) The Real-Time Regulation-Up Amount shall be equal to the sum of the all 

payments made under Section 8.6.2(1) for Regulation-Up procurement for 

the hour. 

(b) Real-Time Load Ratio Share is as defined under Section 1 of this 

Attachment AE. 

(2) Real-Time Regulation-Down Distribution Amount = 

[(Real-Time Regulation-Down Amount) * (Real-Time Load Ratio Share)] * (-1) 

(a) The Real-Time Regulation-Down Amount shall be equal to the sum of the 

all payments made under Section 8.6.2(2) for Regulation-Down 

procurement for the hour. 

(b) Real-Time Load Ratio Share is as defined under Section 1 of this 

Attachment AE. 



 

 

8.6.9 Real-Time Spinning Reserve Distribution Amount 

An RTBM charge will be calculated for each Asset Owner at each Settlement 

Location for each hour for the purposes of funding the payments made under Section 

8.6.3 as follows: 

Real-Time Spinning Reserve Distribution Amount = 

[(Real-Time Spinning Reserve Amount) * (Real-Time Load Ratio Share)] * (-1) 

(1) The Real-Time Spinning Reserve Amount shall be equal to the sum of the all 

payments made under Section 8.6.3 for Spinning Reserve procurement for the 

hour. 

(2) Real-Time Load Ratio Share is as defined under Section 1 of this Attachment AE. 



 

 

8.6.10 Real-Time Supplemental Reserve Distribution Amount 

An RTBM charge will be calculated for each Asset Owner at each Settlement 

Location for each hour for purposes of funding the payments made under Section 8.6.4 as 

follows: 

Real-Time Supplemental Reserve Distribution Amount = 

[(Real-Time Supplemental Reserve Amount) * (Real-Time Load Ratio Share)] *  (-1) 

(1) The Real-Time Supplemental Reserve Distribution Amount shall be equal to the 

sum of the all payments made under Section 8.6.4 for Supplemental Reserve 

procurement for the hour. 

(2) Real-Time Load Ratio Share is as defined under Section 1 of this Attachment AE. 



 

 

8.6.11 Real-Time Regulation Non-Performance Amount 

An RTBM charge will be calculated at each Resource Settlement Location for 

each Asset Owner for each Dispatch Interval when a Resource with cleared RTBM 

Regulation-Up, Regulation-Down or both operates outside of its Operating Tolerance.  

The amount will be determined as follows: 

Real-Time Regulation Non-Performance Amount =  

[{Maximum of [Either Zero or ((Day-Ahead MCP for Regulation-Up) * (Day-Ahead 

Cleared Regulation-Up Hourly Quantity) + (Real-Time MCP for Regulation-Up) * (Real-

Time Cleared Regulation-Up Dispatch Interval Quantity – Day-Ahead Cleared 

Regulation-Up Hourly Quantity))]} + 

{Maximum of [Either Zero or ((Day-Ahead MCP for Regulation-Down) * (Day-Ahead 

Cleared Regulation-Down Hourly Quantity) + (Real-Time MCP for Regulation-Down) * 

(Real-Time Cleared Regulation-Down Dispatch Interval Quantity – Day-Ahead Cleared 

Regulation-Down Hourly Quantity))]}] / 12 

(1) Day-Ahead MCP, as defined under Section 1 of this Attachment AE, for 

Regulation-Up associated with the Reserve Zone in which the applicable 

Resource is located. 

(2) Day-Ahead MCP, as defined under Section 1 of this Attachment AE, for 

Regulation-Down associated with the Reserve Zone in which the applicable 

Resource is located. 

(3) Real-Time MCP, as defined under Section 1 of this Attachment AE, for 

Regulation-Up associated with the Reserve Zone in which the applicable 

Resource is located. 

(4) Real-Time MCP, as defined under Section 1 of this Attachment AE, for 

Regulation-Down associated with the Reserve Zone in which the applicable 

Resource is located. 

(5) An Asset Owner’s Day-Ahead Cleared Regulation-Up Hourly Quantity is the 

MW quantity associated with cleared Regulation-Up Reserve Offers as described 

under Section 5.1.3 of this Attachment AE. 



 

 

 

 

(6) An Asset Owner’s Day-Ahead Cleared Regulation-Down Hourly Quantity is the 

MW quantity associated with cleared Regulation-Down Reserve Offers as 

described under Section 5.1.3 of this Attachment AE. 

(7) An Asset Owner’s Real-Time Cleared Regulation-Up Dispatch Interval Quantity 

is the MW quantity associated with cleared Regulation-Up Offers as described 

under Section 6.2.3 of this Attachment AE. 

(8) An Asset Owner’s Real-Time Cleared Regulation-Down Dispatch Interval 

Quantity is the MW quantity associated with cleared Regulation-Down Offers as 

described under Section 6.2.3 of this Attachment AE. 

 



 

 

8.6.12 Real-Time Regulation Non-Performance Distribution Amount 

An RTBM payment will be calculated for each Asset Owner at each Settlement 

Location for each hour in order to distribute the funds collected under Section 8.6.11.  

The Asset Owner amount is calculated as follows: 

Real-Time Regulation Non-Performance Distribution Amount = 

[(Real-Time Regulation Non-Performance Amount) * (Real-Time Load Ratio Share)] * 

(-1) 

(1) The Real-Time Regulation Non-Performance Amount shall be equal to the sum of 

all charges made under Section 8.6.11 for hour. 

(2) Real-Time Load Ratio Share is as defined under Section 1 of this Attachment AE. 



 

 

8.6.13 Real-Time Contingency Reserve Deployment Failure Amount 

If the amount of Contingency Reserve specified in the Contingency Reserve 

Deployment Instruction is not provided, as determined through failure of the tests 

described in Section 6.4.3 of this Attachment AE, an RTBM charge will be assessed to 

the Asset Owner.  The charge amount will be determined by multiplying the RTBM LMP 

(absolute value) for the Dispatch Interval in which the Contingency Reserve Deployment 

Period ends by the minimum of all shortfall quantity amounts calculated from each of the 

four tests. 



 

 

8.6.14 Real-Time Contingency Reserve Deployment Failure Distribution Amount 

An RTBM payment will be calculated for each Asset Owner at each Settlement 

Location for each hour in order to distribute the funds collected under Section 8.6.13.  

The Asset Owner amount is calculated as follows: 

Real-Time Contingency Reserve Deployment Failure Distribution Amount = 

[(Real-Time Contingency Reserve Deployment Failure Amount) * (Real-Time Load 

Ratio Share)] * (-1) 

(1) The Real-Time Contingency Reserve Deployment Failure Amount shall be equal 

to the sum of all charges made under Section 8.6.13 for the hour. 

(2) Real-Time Load Ratio Share is as defined under Section 1 of this Attachment AE. 



 

 

8.6.15 Real-Time Regulation Deployment Adjustment Amount 

A Real-Time regulation deployment adjustment amount charge or payment will 

be calculated for each Asset Owner for each Dispatch Interval when a Resource with 

cleared Real-Time Regulation-Up and/or Regulation-Down is deployed.  The amount 

will be determined as one-twelfth of the sum of: 

(1) For Regulation-Up deployment, the amount is equal to the difference between (1) 

actual Regulation-Up deployment MW multiplied by Real-Time LMP at that 

Resource Settlement Location, and (2) Energy Offer Curve cost of actual 

Regulation-Up deployment MW. 

The actual Regulation-Up deployment MW is calculated as the difference 

between the lesser of (1) Dispatch Instruction plus the average Regulation-Up 

deployment or (2) Absolute value of actual Resource output, and the Resource’s 

average Dispatch Instruction for Energy.  If the absolute value of the Resource’s 

actual output is less than or equal to the Resource’s average Dispatch Instruction 

for Energy, then the actual Regulation-Up deployment MW is equal to zero (0). 

(2) For Regulation-Down deployment, the amount is equal to the difference between 

(1) Energy Offer Curve cost of actual Regulation-Down deployment MW, and (2) 

actual Regulation-Down deployment MW multiplied by RTBM LMP. 

The actual Regulation-Down deployment MW is calculated as the 

difference between the Resource’s average Dispatch Instruction for Energy and 

the greater of (1) Average Dispatch Instruction minus the average Regulation-

Down deployment or (2) Absolute value of actual Resource output.  If the 

absolute value of the Resource’s actual output is greater than or equal to the 

Resource’s average Dispatch Instruction for Energy, then the actual Regulation-

Down deployment MW is equal to zero (0). 

Distribution of such charges and recovery of such payments shall be made 

in accordance with Section 8.8 of this Attachment AE. 



 

 

8.6.16 Real-Time Over-Collected Losses Distribution Amount 

The MLC of the RTBM LMP creates an over collection (or under collection as a 

result of the Real-Time deviation accounting) related to the payment for losses (―RTBM 

over-collected losses‖) that must be accounted for.  An RTBM payment or charge is 

calculated for each hour at each Settlement Location for which an Asset Owner has a net 

RTBM Energy withdrawal, where such withdrawal does not include Energy associated 

with cleared Day-Ahead Market Virtual Energy Bids and Virtual Energy Offers, which 

contributed positively to the over collection as follows: 

(1) Each Asset Owner’s calculated contribution to the RTBM over-collected losses is 

calculated based upon a Loss Pool that is defined on an hourly basis  by the Asset 

Owner’s transactional activity where such transactional activity shall include: 

actual Resource Energy, actual load consumption, RTBM Import Interchange 

Transactions, RTBM Export Interchange Transactions, Bilateral Settlement 

Schedules, cleared Day-Ahead Market Virtual Energy Bids and cleared Day-

Ahead Market Virtual Energy Offers. 

(2) A loss rebate factor is calculated for each Asset Owner at each withdrawal 

Settlement Location in a Loss Pool as the difference between the Real-Time MLC 

at a withdrawal Settlement Location in the Loss Pool and the injection weighted 

average Real-Time MLC for the Loss Pool, multiplied by the Asset Owner’s 

withdrawal quantity at that withdrawal Settlement Location. 

(a) An Asset Owners withdrawal quantity at a Settlement Location is equal to 

that Asset Owners pro-rata share of the total withdrawal at that Settlement 

Location. 

(b) The total withdrawal quantity at a Settlement Location is calculated as the 

positive value of the sum of: (i) the difference between actual Resource 

outputs and cleared Day-Ahead Market Resource Offers; (ii) the 

difference between actual load consumption and cleared Day-Ahead 

Market Demand Bids; (iii) the difference between RTBM scheduled 

Import Interchange Transactions and Day-Ahead Market cleared Import 

Interchange Transaction Offers; (iv) the difference between RTBM 

scheduled Export Interchange Transactions and Day-Ahead Market 



 

 

 

 

cleared Export Interchange Transaction Bids; (v) cleared Day-Ahead 

Market Virtual Energy Bids multiplied by (-1); and (vi) cleared Day-

Ahead Market Virtual Energy Offers multiplied by (-1), at that Settlement 

Location. 

(c) An Asset Owner’s pro-rata share of the total withdrawal quantity at that 

Settlement Location is equal to the value calculated in (b) above 

multiplied by: (A) the positive value of the sum of that Asset Owner’s: (i) 

the difference between actual Resource outputs and cleared Day-Ahead 

Market Resource Offers; (ii) the difference between actual load 

consumption and cleared Day-Ahead Market Demand Bids; (iii) the 

difference between RTBM scheduled Import Interchange Transactions and 

Day-Ahead Market cleared Import Interchange Transaction Offers; (iv) 

the difference between RTBM scheduled Export Interchange Transactions 

and Day-Ahead Market cleared Export Interchange Transaction Bids; and 

(v) Bilateral Settlement Schedules, at that Settlement Location, divided 

by; (B) the sum of Asset Owners’ values calculated in (A) above at that 

Settlement Location. 

(3) The injection weighted average Real-Time MLC for a Loss Pool is calculated 

assuming that net RTBM injection in a Loss Pool first serves net RTBM 

withdrawals in the Loss Pool and then goes to meet the net RTBM withdrawal in 

Loss Pools that do not have sufficient Net RTBM injections to meet all net RTBM 

withdrawals. 

(4) The RTBM over-collected losses are allocated to Asset Owners on a pro-rata 

basis using the positive loss rebate factors in the hour for each load Settlement 

Location.  Only positive loss rebate factors apply and negative values are ignored. 

(5) A Real-Time over-collected losses distribution amount is calculated as follows: 

Real-Time Over-Collected Losses Distribution Amount = 

[(Real-Time Unitized Loss Rebate Factor) * (Real-Time Over-Collected Losses 

Amount)] * (-1) 

(a) The Real-Time Over-Collected Losses Amount in an hour is equal to the 

sum for all Settlement Locations of [(Day-Ahead LMP – Day-Ahead 



 

 

 

 

MCC)] * the difference between actual Energy and Day-Ahead Market 

cleared Energy MW at each Settlement Location. 

(b) Real-Time Unitized Loss Rebate Factor is the factor calculated as 

described in (4) above. 



 

 

8.6.17 Real-Time Reserve Sharing Group Amount 

A Real-Time Reserve Sharing Group amount for requested assistance provided 

between Reserve Sharing Group members following a Resource contingency will be 

calculated for each counterparty for each hour as specified in the Reserve Sharing Group 

Agreement.   



 

 

8.6.18 Real-Time Reserve Sharing Group Distribution Amount 

A Real-Time Reserve Sharing Group distribution amount charge or payment will 

be calculated for each Asset Owner at each Settlement Location for each hour in order to 

fund payments made or distribute funds collected under Section 8.6.17 as follows: 

Real-Time Reserve Sharing Group Distribution Amount =  

(Real-Time Reserve Sharing Group Amount) * (Real-Time Load Ratio Share) 

(1) Real-Time Reserve Sharing Group Amount is equal to the sum of all charges and 

payments made under Section 8.6.17. 

(2) Real-Time Load Ratio Share is as defined under Section 1 of this Attachment AE. 



 

 

8.7 Auction Revenue Rights and Transmission Congestion Rights Auction Settlement 

The charges and payments to ARR holders and TCR holders resulting from the 

annual and monthly TCR auctions described in Section 7 of this Attachment AE are 

calculated on a daily basis and included on the Settlement Statements consistent with the 

timing of the Day-Ahead Market settlement and RTBM settlement.   

The following Subsections describe the ARR/TCR auction settlement charge 

types.  For each charge type, the calculation is performed each Asset Owner.  The 

Transmission Provider shall calculate daily summations to each Market Participant for all 

Asset Owners it represents as specified in the Market Protocols. 



 

 

8.7.1 Transmission Congestion Rights Auction Transaction Amount 

A TCR auction daily charge or payment to each Asset Owner is calculated as the 

sum of charges and payments associated with that Asset Owner’s TCRs purchased or 

sold on a particular source to sink path, for each TCR auction period and round in the 

annual and monthly TCR auctions, as follows: 

TCR Auction Daily Amount = 

Sum of [(TCR Auction Quantity) * (Auction Clearing Price at Sink - Auction Clearing 

Price at Source)] / Number of Days in the Period 

(1) An Asset Owner’s TCR Quantity is the total MWs of TCRs purchased on a 

particular source to sink path in the annual TCR auctions or the net total MWs of 

TCRs purchased or sold on a particular source to sink path in round 1 and round 2 

in the monthly TCR auctions by that Asset Owner. 

(2) Auction Clearing Price at Sink is the Auction Clearing Price in the applicable 

auction period and round at the sink Settlement Location of the TCR Quantity 

source to sink path as calculated as described under Section 7.3.4 and 7.4.4 of this 

Attachment AE. 

(3) Auction Clearing Price at Source is the Auction Clearing Price in the applicable 

auction period and round at the source Settlement Location of the TCR Quantity 

source to sink path as calculated as described under Section 7.3.4 and 7.4.4 of this 

Attachment AE. 

(4) Number of Days in the Period is either number of days in the applicable monthly 

period or number of days in the applicable seasonal period. 



 

 

8.7.2 Auction Revenue Rights Funding Amount 

ARRs are valued at the prices from the annual and monthly TCR auctions during 

the lifetime of the instrument.  An ARR auction daily charge or payment to each Asset 

Owner is calculated for each applicable ARR quantity held on a particular source to sink 

path, for each TCR auction period and round in the annual and monthly TCR auctions as 

follows: 

ARR Daily Amount = 

[(ARR Quantity) * (Auction Clearing Price at Sink - Auction Clearing Price at Source)] / 

Number of Days in the Period * (-1) 

(1) An Asset Owner’s ARR Quantity is the total applicable MWs of ARRs on a 

particular source to sink path for the corresponding TCR auction period and round 

where such quantities are described under Section 7.6 of this Attachment AE. 

(2) Auction Clearing Price at Sink is the Auction Clearing Price in the applicable 

auction period and round at the sink Settlement Location of the ARR Quantity 

source to sink path as calculated as described under Section 7.3.4 and 7.4.4 of this 

Attachment AE. 

(3) Auction Clearing Price at Source is the Auction Clearing Price in the applicable 

auction period and round at the source Settlement Location of the ARR Quantity 

source to sink path as calculated as described under Section 7.3.4 and 7.4.4 of this 

Attachment AE. 

(4) Number of Days in the Period is either number of days in the applicable monthly 

period or number of days in the applicable seasonal period. 



 

 

8.7.3 Auction Revenue Rights Uplift Amount 

A daily charge will be calculated for each Asset Owner holding ARRs for each 

TCR auction period and round to the extent that the associated TCR auction revenues 

calculated under Section 8.7.1 are not sufficient to fund the total of the amounts 

calculated under Section 8.7.2 for each associated TCR auction period and round.  The 

daily amount will be calculated as follows: 

ARR Daily Uplift Amount = 

[(ARR Under Funding Amount) * (ARR Net Daily Amount) / Total ARR Net Daily 

Amount)] 

(1) ARR Under Funding Amount is equal to the difference between: (a) the sum of all 

charges and payments made under Section 8.7.2 for that TCR auction period and 

round for that day, multiplied by (-1); and (b) the sum of all charges and payments 

made under Section 8.7.1 for that TCR auction period and round for that day, to 

the extent that such difference is a positive value.  Otherwise, the ARR Under 

Funding Amount shall be equal to zero (0). 

(2) An Asset Owner’s ARR Net Daily Amount is equal to the sum of the absolute 

value of amounts calculated under Section 8.7.2 for that Asset Owner for that day. 

(3) The Total ARR Net Daily Amount is equal to the sum of all of the Asset Owner 

values calculated in (2) above for that day. 



 

 

8.7.4 Auction Revenue Rights Monthly Payback Amount 

A monthly payment will be calculated as follows for each Asset Owner assessed 

charges under Section 8.7.3 during the month: 

ARR Monthly Payback Amount = 

Minimum of [(ARR Monthly Uplift Amount) or ((Excess TCR Revenue Fund Monthly 

Amount) * (ARR Monthly Uplift Amount) / (Total ARR Monthly Uplift Amount))] * (-

1) 

(1) An Asset Owner’s ARR Monthly Uplift Amount is equal to the sum of that Asset 

Owner’s charges calculated under Section 8.7.3 for the month. 

(2) Total ARR Monthly Uplift Amount is equal to the sum of all Asset Owners’ ARR 

Monthly Uplift Amounts for the month. 

(3) The Excess TCR Revenue Fund Monthly Amount is equal to the sum of Excess 

TCR Revenue Fund Daily Amount for the month. 

(a) The Excess TCR Revenue Fund Daily Amount is equal to the positive difference 

between: (i) the total of all charges and payments calculated under Section 8.7.1 

for the Operating Day and (ii) the total charges and payments calculated under 

Section 8.7.2 for the Operating Day multiplied by (-1). 



 

 

8.7.5 Auction Revenue Rights Annual Payback Amount 

An annual payment will be calculated as follows for each Asset Owner assessed 

charges under Section 8.7.3 over the year that were not fully reimbursed in the monthly 

payback process: 

ARR Annual Payback Amount = 

Minimum of [(ARR Net Uplift Annual Amount) or ((Excess TCR Auction Revenue Fund 

Yearly Amount) * (ARR Net Uplift Annual Amount) / (Total ARR Net Uplift Annual 

Amount))] 

(1) An Asset Owner’s ARR Net Uplift Annual Amount is equal the difference 

between (i) the sum of that Asset Owner’s charges calculated under Section 8.7.3 

for the year and (ii) the sum of that Asset Owner’s payments made under Section 

8.7.4 for the year multiplied by (-1). 

(2) Total ARR Net Uplift Annual Amount is equal to the sum of all Asset Owners’ 

TCR Net Uplift Annual Amounts for the month. 

(3) The Excess TCR Revenue Fund Yearly Amount is equal to the difference 

between the total Excess TCR Revenue Fund Monthly Amount for the year, as 

described under Section 8.7.4(3), and the total payments made under Section 8.7.4 

for the year. 



 

 

8.7.6 Auction Revenue Rights Annual Closeout Amount 

An annual payment will be calculated as follows for each Asset Owner with ARR 

Nomination Caps established under Section 7.1.3 of this Attachment AE to the extent that 

there are any funds remaining once all payments are made under Section 8.7.4: 

ARR Annual Closeout Amount = 

[(Excess TCR Revenue Fund Yearly Amount + ARR Annual Payback Total) * (Annual 

ARR Nomination Cap / Total Annual ARR Nomination Cap)] * (-1) 

(1) Excess TCR Revenue Fund Yearly Amount is equal to the value calculated under 

Section 8.7.5 of this Attachment. 

(2) ARR Annual Payback Total is equal to the sum of all payments made under 

Section 8.7.5. 

(3) An Asset Owner’s Annual ARR Nomination Cap is equal to the sum of all of that 

Asset Owner’s daily ARR nomination caps, as calculated under Section 7.1.3 of 

this Attachment AE, for the year. 

(4) Total Annual ARR Nomination Cap is equal to the sum of all Asset Owners’ 

Annual ARR Nomination Caps for the year. 



 

 

8.8 Revenue Neutrality Uplift Distribution Amount 

The Transmission Provider shall perform the following calculation for each hour 

of the Operating Day for each Asset Owner and Settlement Location to ensure that the 

Transmission Provider is revenue neutral in each hour of the Operating Day. The 

Transmission Provider shall calculate hourly summations to each Market Participant for 

all Asset Owners it represents and shall calculate daily summations as specified in the 

Market Protocols. 

Revenue Neutrality Uplift Distribution Amount =  

Daily RNU Distribution Rate * RNU Distribution Volume * (-1) 

(1) The Daily RNU Distribution Rate is equal to the Daily RNU Distribution Amount 

divided by the Daily RNU Distribution Volume. 

(a) The Daily RNU Distribution Amount is equal to: 

(i) The sum of all Asset Owners’ charges and payments calculated 

under Section 8.5, excluding payments under Sections 8.5.13, 

8.5.14 and 8.5.15, for the Operating Day; plus 

(ii) The sum of all Asset Owners’ charges and payments calculated 

under Section 8.6 for the Operating Day; plus 

(iii) The sum of all Asset Owners’ charges and payments calculated 

under Section 8.7, excluding payments under Sections 8.7.4, 8.7.5 

and 8.7.6; plus 

(iv) The sum of all charges and payments for emergency purchases and 

sales entered into by the Transmission Provider in its Balancing 

Authority role in order to alleviate a capacity shortage inside the 

SPP Balancing Authority Area or to assist an external Balancing 

Authority in alleviating a capacity shortage; plus  

(v) Any other charges and credits not accounted for in subsections (i) 

through (iv) above; minus 

(vi) The Excess Congestion Fund Daily Amount calculated under 

Section 8.5.13(3)(a) for the Operating Day; minus 

(vii) The Excess TCR Revenue Fund Daily Amount calculated under 

Section 8.7.4(3)(a) for the Operating Day. 



 

 

 

 

(b) The Daily RNU Distribution Volume is equal to the sum of all Asset 

Owners’ RNU Distribution Volumes for the Operating Day. 

(2) An Asset Owner’s RNU Distribution Volume at a Settlement Location for an hour 

is equal to: 

(a) The absolute value of the minimum of: 

(i) Actual metered generation in the hour; or 

(ii) Scheduled Import Interchange Transactions in the hour; or 

(iii) Cleared Virtual Energy Offers in the hour; plus 

(b) The absolute value of the maximum of; 

(i) Actual metered load in the hour; 

(ii) Scheduled Export Interchange Transactions in the hour; or 

(iii) Cleared Virtual Energy Bids in the hour.   



 

 

9.0 Release of Offer Curve Data 

The Transmission Provider will release the Day-Ahead Offers and Bids, RTBM 

Energy Offer Curves and Operating Reserve data ninety (90) days after the day for which 

they were submitted.  Such information released by the Transmission Provider will not 

include the identity of the Market Participant, Resource or load. 



 

 

10.0 Billing 

The Transmission Provider shall prepare a billing statement each billing cycle in 

accordance with this section of Attachment AE.  Such billing statements shall be 

prepared for each Market Participant in accordance with the charges and payments 

specified in Section 8 of this Attachment AE, and showing the net amount to be paid or 

received by the Market Participant.  Billing statements shall provide sufficient detail, as 

specified in the Market Protocols, to allow verification of the billing amounts and 

completion of the Market Participant’s internal accounting.  Unresolved billing disputes 

shall be settled in accordance with procedures specified in Section 12 of the Tariff. 



 

 

10.1 Settlement Statements 

(1) The Transmission Provider shall issue a preliminary Settlement Statement for an 

Operating Day no later than seven (7) calendar days following the applicable 

Operating Day unless the seventh (7) day following the applicable Operating Day 

is not a business day, in which case, the preliminary Settlement Statement shall be 

issued on the first business day thereafter. 

(2) The Transmission Provider shall issue a final Settlement Statement for an 

Operating Day no later than forty-seven (47) calendar days following the 

applicable Operating Day unless the forty-seventh (47) calendar day following the 

applicable Operating Day is not a business day, in which case, the final 

Settlement Statement shall be issued on the first (1) business day thereafter. 

(3) The Transmission Provider shall make corrections to the preliminary and final 

Settlement Statements for an Operating Day for data errors and Settlement 

Statement disputes that have been resolved.  Settlement associated with a specific 

Operating Day shall be considered final at the end of the three hundred sixty-fifth 

(365) calendar day following the applicable Operating Day. 

(4) To the extent that a Market Participant, or its designated meter agent, does not 

submit meter data representing that Market Participant’s actual Resource output 

and load consumption, either on a five (5) minute basis or an hourly basis in 

accordance with the timelines specified in the Market Protocols, the Transmission 

Provider shall use estimated data for that Market Participant that is equal to that 

Market Participant’s telemetered generation and load for the applicable intervals 

or State Estimator values if telemetered values are not available for the purposes 

of calculating the preliminary statements specified under Sections 10.1(1).  To the 

extent a Meter Agent does not submit data representing the metering of each 

interconnecting tie-line between Settlement Areas, the Transmission Provider will 

substitute State Estimator values.  In the event that actual meter data is not 

submitted prior to the issuance of a final Settlement Statement, the Transmission 

Provider shall use the best available data, which may include estimated meter data 

as developed by the Transmission Provider, for the purposes of calculating final 

Settlement Statements. 



 

 

10.2 Invoices 

(1) The Transmission Provider shall issue an invoice detailing all charges and 

payments specified in Section 8 of this Attachment AE on a weekly basis in 

accordance with the invoice issue dates specified in the Market Protocols. 

(2) The Transmission Provider shall make payments to the Market Participant for any 

net credit shown on the invoice and the Market Participant shall make payment to 

the Transmission Provider for any net charge shown or the invoice, including 

disputed amounts.  Resolution of disputed amounts shall be shown as an 

adjustment on future invoices. 

(3) Market Participants shall make payment to the Transmission Provider that is 

equal to the net charge shown on the invoice by no later than 5:00 PM on the 3rd 

business day following the day the invoice was issued. 

(4) The Transmission Provider shall make payment to the Market Participant that is 

equal to the net credit shown on the invoice by no later than 5:00 PM on the 5th 

business day following the day the invoice was issued subject to the procedures 

specified under Section V of Attachment L. 

(5) All payments to the Market Participant and all payments to the Transmission 

Provider shall be made by electronic funds transfer in U.S. dollars.   



 

 

10.3 Invoice Disputes 

In the event that a dispute arises between the Market Participant and the 

Transmission Provider concerning any initial, final or resettlement Settlement Statements 

contained within an invoice that cannot be resolved to the Market Participant’s 

satisfaction, such disputes shall be resolved as follows: 

(1) In the case of a dispute relating to an initial or final Settlement Statement, the 

Market Participant must notify the Transmission Provider within ninety (90) 

calendar days following the issue date of the applicable invoice of the items that 

the Market Participant wishes to dispute.  In the case of resettlement statements, 

the Market Participant must notify the Transmission Provider within thirty (30) 

calendar days following the issue date of the applicable invoice of the items 

contained in that statement that the Market Participant wishes to dispute, which 

issues must relate to incremental changes in data that occurred between issuance 

of the final Settlement Statement and the first (1st) resettlement statement or 

between resettlement statements. 

The notice of dispute must contain the following minimum information: 

• Statement type (initial, final, resettlement 1-11, ad hoc resettlement) 

• Charge type 

• Estimated dispute amount in dollars 

• Operating Day 

• Start interval 

• End interval 

• Market Participant 

• Asset Owner  

• Settlement Location 

• Long description 

• Short description. 

(2) If the Transmission Provider determines that additional information is required 

concerning a submitted notice of dispute, the Transmission Provider shall notify 

the Market Participant no later than thirty (30) days following the date the notice 

of dispute was submitted to the Transmission Provider.  The Market Participant 



 

 

 

 

must then submit additional information to the Transmission Provider within 

thirty (30) days in order to have the notice of dispute considered valid. 

(3) The Transmission Provider shall use its best efforts to notify the Market 

Participant of approval or denial of the submitted notice of dispute within twenty 

(20) business days following the close of the applicable ninety (90) day or thirty 

(30) day window specified under Subsection 10.3(1) or Subsection 10.3(2).  If the 

Transmission Provider estimates that it will take longer than the twenty (20) 

business day window to analyze a specific billing dispute, the Transmission 

Provider shall notify the Market Participant and provide an estimate of the amount 

of time required to complete the analysis. 

(4) If the Transmission Provider denies a Market Participant’s notice of dispute or the 

Market Participant is not satisfied that it is receiving timely consideration of the 

dispute, the Market Participant may initiate the dispute resolution procedures 

specified under Section 12 of the Tariff. 



 

 

10.4 Interest on Unpaid Balances  

Interest on any unpaid amounts shall be calculated in accordance with the 

methodology specified for interest on refunds in the Commission's regulations at 18 

C.F.R. § 35.19a(a)(2)(iii).  Interest on delinquent amounts shall be calculated from the 

due date of the invoice to the date of payment. 



 

 

10.5 Customer Default  

Customer default will be handled in accordance with Attachment X (SPP Credit 

Policy). 



 

 

11.0 Confidentiality Provisions 

This Section 11 shall apply to Confidential Information disclosed by a Market 

Participant to the Transmission Provider or by the Transmission Provider to a Market 

Participant or its designee, the Market Monitor, the Commission, or an Authorized 

Requestor and shall only be applicable to Confidential Information referenced within this 

Attachment AE, Attachment AF and Attachment AG. 



 

 

11.1 Restrictions on Confidential Information Provided to Receiving Party 

The Transmission Provider or any Market Participant ("Receiving Party") may 

not disclose Confidential Information received from the other ("Disclosing Party") to any 

person, corporation, or any other entity except as specifically permitted in this Section 11 

of this Attachment AE. 

A Market Participant that is subject to a freedom of information or similar statute 

must, prior to receiving Confidential Information, provide the Transmission Provider a 

statement identifying and forwarding copies of the particular statute, rule or regulation, 

protective order, or practice that will allow that Market Participant to keep Confidential 

Information received by it hereunder confidential and non-public, and of limited 

distribution within the Market Participant as described above.  In the event that such 

Market Participant receives a request pursuant to the applicable freedom of information 

or similar statute for information deemed confidential pursuant to this section, the Market 

Participant shall promptly notify the Disclosing Party of such request. 



 

 

11.1.1 Procedures for Confidential Information 

Receiving Party shall adopt procedures within its organization to maintain the 

confidentiality of all Confidential Information.  Such procedures must provide that: 

(1) The Confidential Information will be disclosed to Receiving Party's directors, 

officers, employees, representatives and agents only on a "need to know" basis; 

(2) Receiving Party shall make its directors, officers, employees, representatives and 

agents aware of Receiving Party's obligations under this Section 11; 

(3) Receiving Party shall cause any copies of the Confidential Information that it 

creates or maintains, whether in hard copy, electronic format, or other form, to 

identify the Confidential Information as such; and to retain such confidential 

marking; 

(4) Before disclosing Confidential Information to a representative or agent of 

Receiving Party, Receiving Party shall require a non-disclosure agreement with 

each such representative or agent.  Such nondisclosure agreement shall contain 

confidentiality provisions substantially similar to the terms of this Section 11. 

Any Receiving Party seeking to dispute the designation of information as 

Confidential Information may challenge such designation through the SPP dispute 

resolution process as established in Section 12 of this Tariff, unless the Receiving 

Party has received Confidential Information in connection with a proceeding at 

the Commission or in connection with a state regulatory proceeding.  Any 

challenge to the confidentiality of Confidential Information obtained in 

connection with an administrative or legal proceeding shall be presented for 

consideration to the appropriate regulatory authority, court or tribunal. 



 

 

11.1.2 Exceptions 

Without violating the confidentiality provisions of this Section 11, a Receiving 

Party may disclose certain Confidential Information: 

(1) As required by any law, regulation, or order, or expressly required or permitted by 

this Tariff, provided that the Receiving Party must make reasonable efforts to 

restrict public access to the disclosed Confidential Information by protective 

order, by aggregating information, or otherwise if reasonably possible; or 

(2) If the Disclosing Party that supplied the Confidential Information to the Receiving 

Party has given its prior written consent to the disclosure as set forth in 

Subsection 11.1.4(3), which consent may be given or withheld in Disclosing 

Party's sole discretion; or 

(3) If, before it is furnished to Receiving Party, the Confidential Information is in the 

public domain; or 

(4) If, after it is furnished to Receiving Party, the Confidential Information enters the 

public domain other than through a manner inconsistent with the provisions of 

this section; or 

(5) If reasonably deemed by the Receiving Party to be required to be disclosed in 

connection with a dispute between Receiving Party and Disclosing Party; 

provided that the Receiving Party must make reasonable efforts to restrict public 

access to the disclosed Confidential Information by protective order, by 

aggregating information, or otherwise if reasonably possible; or 

(6) To a vendor or prospective vendor of goods and services to Transmission 

Provider so long as such vendor or prospective vendor: (i) is not a Market 

Participant and (ii) executes a confidentiality agreement with terms substantially 

similar to those in this Section 11. 



 

 

11.1.3 Injunctive Relief and Specific Performance 

It may be impossible or very difficult to measure in terms of money the damages 

that would accrue due to any breach by Receiving Party of this Section 11, or any failure 

to perform any obligation contained in this Section 11, and, for that reason, among others, 

a Disclosing Party affected by a disclosure or threatened disclosure is entitled to 

injunctive relief, including specific performance, of this Section 11 (but is not hereby 

precluded from seeking other forms of relief).  In the event that a Disclosing Party 

institutes any proceeding to enforce any part of this Section 11, the affected Receiving 

Party, by entering any agreement incorporating this Tariff, now waives any claim or 

defense that an adequate remedy at law exists for such a breach. 



 

 

11.1.4 Market Participant Access and Transmission Provider Use of Confidential 

Information 

(1) No Market Participant shall have a right hereunder to receive or review any 

documents, data, or other information of another Market Participant, including 

documents, data, or other information provided to the Transmission Provider, to 

the extent such documents, data, or information have been designated as 

Confidential Information under this Section 11; provided, however, a Market 

Participant may receive and review any composite documents, data, and other 

information that may be developed based on such Confidential Information if the 

composite does not, directly or by its nature, disclose any individual Market 

Participant's Confidential Information. 

(2) The Transmission Provider shall collect and use Confidential Information only in 

connection with its authority under this Tariff and the retention of such 

information shall be in accordance with the Transmission Provider's retention 

policies.  Except as otherwise provided in Sections 11.1.2, 11.1.5, 11.2 and 11.3, 

the Transmission Provider shall not disclose to a Market Participant or to any 

third party, any Confidential Information of a Market Participant or a Market 

Participant Applicant; provided that nothing contained herein shall prohibit the 

Transmission Provider from providing a Market Participant’s Confidential 

Information to NERC or any of its regional reliability councils to the extent that: 

(i) the Transmission Provider determines, in its reasonable discretion, that the 

exchange of such information is required to enhance and/or maintain reliability 

within the SPP Region and its neighboring Control Areas; (ii) such receiving 

entity is bound by a written agreement to maintain such confidentiality; and (iii) 

the Transmission Provider has notified the affected Market Participant of its 

intention to release such information no less than five (5) business days prior to 

the release. 

(3) Nothing contained herein shall prevent the Transmission Provider from releasing 

a Market Participant's Confidential Information to a third party provided that the 

Market Participant has delivered to the Transmission Provider specific, written 

authorization for such release setting forth the data or information to be released, 



 

 

 

 

to whom such release is authorized, and the period of time for which such release 

shall be authorized.  The Transmission Provider shall limit the release of a Market 

Participant's Confidential Information to that specific authorization received from 

the Market Participant.  Nothing herein shall prohibit a Market Participant from 

withdrawing such authorization upon written notice to the Transmission Provider 

who shall cease such release as soon as practicable after receipt of such 

withdrawal notice. 

(4) Nothing contained herein shall prevent the Transmission Provider from releasing 

a Market Participant's Confidential Information to a Transmission Owner for 

purposes of transmission operations provided that: (i) the Transmission Provider 

determines, in its reasonable discretion, that the exchange of such information is 

required to enhance and/or maintain reliability within the SPP Region and its 

neighboring Control Areas; (ii) such receiving entity is bound by a written 

agreement to maintain such confidentiality; and (iii) the Transmission Provider 

has notified the affected Market Participant of its intention to release such 

information no less than five (5) business days prior to the release. 



 

 

11.1.5 Required Disclosure 

(1) Notwithstanding anything in this Section 11 to the contrary except Section 11.2, 

Section 11.3 and Section 11.4, if a Receiving Party is required by applicable law, 

or in the course of administrative or judicial proceedings, other than Commission 

or state regulatory proceedings or investigations, to disclose to third parties, other 

than to the Commission or its staff, Confidential Information that is otherwise 

required to be maintained in confidence pursuant to this Tariff, the Receiving 

Party subject to such disclosure requirement may disclose such information; 

provided, however, that the Receiving Party shall not release the data until the 

affected Disclosing Party(ies) provide written consent or until the affected 

Disclosing Party's(ies') legal avenues to prevent the disclosure are exhausted.  As 

soon as the Receiving Party learns of the disclosure requirement and prior to 

making disclosure, it shall notify the affected Disclosing Party(ies) of the 

requirement and the terms thereof and the date on which it may be required to 

disclose the information.  The affected Disclosing Party(ies) may direct, at their 

sole discretion and cost, any challenge to or defense against the disclosure 

requirement.  The Receiving Party shall cooperate with such affected Disclosing 

Party(ies) to the maximum extent practicable to minimize the disclosure of the 

Confidential Information consistent with applicable law.  To the extent reasonably 

possible, the confidentiality of Confidential Information subject to this Section 

11.1.5 will be maintained with (a) a protective order, (b) other procedures 

available for protecting confidential data or (c) by aggregating data to prevent 

disclosure of Confidential Information.  Each Receiving Party shall cooperate 

with the affected Disclosing Party(ies) to obtain proprietary or confidential 

treatment of such Confidential Information by the person to whom such 

information is disclosed prior to any such disclosure. 

(2) Section 11.1.5(1) does not apply to disclosure of information to the Commission 

or its staff or to a state regulator or its staff. 



 

 

11.1.6 Limitations 

Nothing contained in Section 11.1 through and including Section 11.1.5 shall 

require any Receiving Party to violate any law or file a lawsuit in order to prevent 

disclosure of Confidential Information. 



 

 

11.2 Confidentiality Provisions Applicable to the Market Monitor Reporting to the 

Board of Directors 

For the purposes of this Section 11.2, references to the Market Monitor shall 

mean the Market Monitor as defined under Section 3.1 of Attachment AG. 

(1) Notwithstanding anything in this Section 11 to the contrary, in order to enable the 

Market Monitor to discharge its duties, the Transmission Provider is authorized to 

provide Market Participant Confidential Information and any other information, 

data or materials that constitutes Confidential Information under this Tariff to the 

Market Monitor.  For purposes of Confidential Information provided by the 

Transmission Provider to the Market Monitor, the Transmission Provider will be 

considered to be a Disclosing Party, and for purposes of this Section 11.2, the 

Market Monitor will treat both the Transmission Provider and, if known to the 

Market Monitor, the Market Participant originally providing specific Confidential 

Information as Disclosing Parties in the event the Market Monitor receives a 

request for Confidential Information under this Section 11.2. 

(2) The Market Monitor shall use all reasonable procedures necessary to protect and 

preserve the confidentiality of all Confidential Information as defined in Section 

11.1 received by it in connection with the discharge of its duties. 

(3) Except as may be required by subpoena or other compulsory process or as set 

forth in Sections 11.3(1) and 11.3(2), the Market Monitor shall not disclose 

Confidential Information to any person or entity except to the Commission or its 

staff or without prior written consent.  Upon receipt of a subpoena or other 

compulsory process for the disclosure of Confidential Information, the Market 

Monitor shall promptly notify the affected Disclosing Party(ies) that originally 

provided the data and shall provide all reasonable assistance requested by the 

affected Disclosing Party(ies) to prevent disclosure, and if possible under the 

terms of the subpoena or other compulsory process shall not release the data until 

the affected Disclosing Party(ies) provide written consent or until the affected 

Disclosing Party(ies’) legal avenues to prevent disclosure are exhausted.  To the 

extent reasonably possible, the confidentiality of Confidential Information subject 

to this Subsection 11.2(2) will be maintained with (i) a protective order, (ii) other 



 

 

 

 

procedures available for protecting confidential data, or (iii) by aggregating data 

to prevent disclosure of Confidential Information. 



 

 

11.3 Disclosure to Commission 

(1) Notwithstanding any provisions of this Section 11 to the contrary, if the 

Commission or its staff, during the course of an investigation or otherwise, 

requests Confidential Information from the Transmission Provider and/or the 

Market Monitor that is otherwise required to be maintained in confidence 

pursuant to this Tariff, the Transmission Provider and/or the Market Monitor, as 

applicable shall provide the requested information to the Commission or its staff 

within the time provided for in the request for information.  Should the 

Transmission Provider and/or the Market Monitor require additional time to 

provide the information requested due to logistical matters such as the volume of 

information requested or technical complexity involved, the Transmission 

Provider and/or the Market Monitor will promptly communicate that need to the 

individual requesting the information and they shall establish the time for 

production of the requested information. 

(2) In providing the information to the Commission or its staff, the Transmission 

Provider and the Market Monitor shall, consistent with 18 C.F.R. §§ 1b.20 and/or 

388.112, request that the Confidential Information be treated as confidential and 

non-public by the Commission and its staff and that the Confidential Information 

be withheld from public disclosure.  The Transmission Provider and/or the Market 

Monitor shall promptly notify the affected Disclosing Party(ies) that originally 

submitted the requested Confidential Information when it receives from the 

Commission or its staff a request for disclosure of Confidential Information. 



 

 

11.4 Disclosure to Authorized Agencies  



 

 

11.4.1 Basic Requirements for Disclosure 

For the purposes of this Section 11.4 Authorized Agency is a state regulatory 

commission that is authorized (or will be authorized upon satisfaction of the requirements 

herein) to receive confidential information pursuant to this section.  The term Authorized 

Agency also includes state commissions acting jointly either through a regional state 

committee or otherwise.  An Authorized Requestor is a representative of an Authorized 

Agency. 

The Transmission Provider and/or Market Monitor shall only disclose 

Confidential Information, otherwise required to be maintained in confidence pursuant to 

Attachment AE of this Tariff, to an Authorized Requestor solely under the following 

conditions: 

(1) The Authorized Requestor has executed a non-disclosure agreement with the 

Transmission Provider, stating: 

(a) The position he or she holds within or the relationship he or she has with 

the Authorized Agency for which he or she will be an Authorized 

Requestor; 

(b) That he or she is authorized to enter into and perform the obligations of 

the non-disclosure agreement; 

(c) That the relevant Authorized Agency has practices or procedures adequate 

to protect against the unauthorized release of any Confidential Information 

received pursuant to the non-disclosure agreement; 

(d) That he or she is familiar with, and will comply with, any applicable 

practices or procedures of the Authorized Agency that the Authorized 

Requestor represents; and 

(e) That he or she is not in breach of any non-disclosure agreement entered 

into with the Transmission Provider. 

(2) The Transmission Provider is able to verify that the Authorized Agency 

employing or retaining the Authorized Requestor has provided the Transmission 

Provider with the following information pursuant to Section 2.2 of Attachment 

AL (Form of Non-Disclosure Agreement for Authorized Requestors) to this 

Tariff: 



 

 

 

 

(a) A list of authority (including statutory) specifying the particular 

Authorized Agency’s duty, responsibility or authority in fulfillment of 

which it will make requests to the Transmission Provider or the Market 

Monitor under this section for information, including, but not limited to, 

that enumerated and described as available to the Market Monitor in 

Attachment AG of this Tariff; or, in the case of a regional state committee, 

an order of the Commission prohibiting the release of Confidential 

Information by the regional state committee, except in accordance with the 

terms of the non-disclosure agreement;  

(b) A statement notifying and identifying to the Transmission Provider that 

the Authorized Agency has practices or procedures in place adequate to 

protect against the unauthorized release of Confidential Information; and 

(c) Confirmation in writing that the Authorized Requestor is authorized by the 

Authorized Agency to enter into the non-disclosure agreement and to 

receive Confidential Information under Attachment AE of this Tariff. 

(3) The Authorized Agency has provided either an order or a certification from 

counsel to such Authorized Agency or some other means acceptable to 

Transmission Provider, confirming that: 

(a) The Authorized Agency has statutory authority (or in the case of a 

regional state committee is in receipt of and bound by a Commission 

Order referred to in Subsection (2)(a) above) to protect the confidentiality 

of any Confidential Information received pursuant to the non-disclosure 

agreement from public release or disclosure and from release or disclosure 

to any other entity, including other agencies of state government, except to 

the extent that such disclosure is required or permitted by state law; 

 

(b) Except as provided in Subsection (4) below, the Authorizing Agency will 

defend against any disclosure of Confidential Information pursuant to any 

third party request through all available legal process, including, but not 

limited to, obtaining any necessary protective orders; 



 

 

 

 

(c) The Authorizing Agency will provide the Transmission Provider with 

prompt notice of any such third party request or legal proceedings and will 

consult and cooperate with the Transmission Provider and/or any affected 

Market Participant in its efforts to deny the third party request or defend 

against such legal process;  

(d) In the event a protective order or other remedy is denied, the Authorizing 

Agency will direct Authorized Requestors authorized by it to furnish only 

that portion of the Confidential Information that its legal counsel advises 

the Transmission Provider in writing is legally required to be furnished;  

(e) The Authorizing Agency will exercise its best efforts to obtain assurance 

that confidential treatment will be accorded to such Confidential 

Information;  

(f) The Authorizing Agency has adequate practices or procedures in place to 

protect against the release of such Confidential Information; and  

(g) The Authorizing Agency has authorized the Authorized Requestor to enter 

into the non-disclosure agreement and to receive Confidential Information 

pursuant to this Attachment AE to this Tariff and under the non-disclosure 

agreement, and can provide a written copy of such authorization. 

(4) The certification from counsel for the Authorized Agency referred to in 

Subsection (3)(b) above must affirmatively disclose any state law that will 

prohibit or prevent the Authorized Agency from defending against any disclosure 

of Confidential Information pursuant to any third party request as otherwise 

required by Subsection (3)(b).  In an instance where there is such a state law 

disclosed, such certification shall confirm that the Transmission Provider would 

have notice of the third party request and standing to pursue legal processes, 

including obtaining a protective order, before the forum in which state law 

prohibits or prevents the Authorized Agency from taking such actions itself. 



 

 

11.4.2 Schedule of Authorized Requestors 

The Transmission Provider shall maintain a schedule of all Authorized Requestors 

and the Authorized Agencies they represent, which shall be made available on its website 

or by written request.  The schedule shall include phone numbers and e-mail addresses.  

Such schedule shall be compiled by the Transmission Provider, based on information 

provided by any Authorized Requestor and/or Authorized Agency.  The Transmission 

Provider shall update the schedule promptly upon receipt of information from an 

Authorized Requestor or Authorized Agency, but shall have no obligation to verify or 

corroborate any such information, and shall not be liable or otherwise responsible for any 

inaccuracies in the schedule due to incomplete or erroneous information conveyed to and 

relied upon by the Transmission Provider in the compilation and/or maintenance of the 

schedule. 



 

 

11.4.3 Use of Confidential Information 

The Authorized Requestor shall use the Confidential Information solely for the 

purpose of assisting an Authorized Agency in discharging its duty, responsibility or 

authority in fulfillment of which it authorizes Authorized Requestors to make requests for 

Confidential Information and for no other purpose.  Any and all Authorized Requestors 

sponsored by the same Authorized Agency may have access to the Confidential 

Information that is provided to the sponsoring Authorized Agency pursuant to an 

information request described in Section 11.4.5. 



 

 

11.4.4 Limited Oral Disclosures 

(1) The Transmission Provider or the Market Monitor may, in the course of 

discussions with an Authorized Requestor or Authorized Requestors in meetings 

or teleconferences, orally disclose information otherwise required to be 

maintained in confidence, without the need for a prior information request.  Such 

oral disclosures shall provide enough information to enable the Authorized 

Requestors or their Authorized Agency to determine whether additional 

information requests are appropriate.  The Transmission Provider or the Market 

Monitor will not make any written or electronic disclosures of Confidential 

Information to the Authorized Requestor pursuant to this section.  In any such 

discussions, the Transmission Provider or the Market Monitor shall ensure that 

the individual or individuals receiving such Confidential Information are 

Authorized Requestors, any Confidential Information disclosed is orally 

designated as Confidential Information and any specific affected Market 

Participant whose information is disclosed is not identified.  The Transmission 

Provider or Market Monitor shall also be authorized to assist Authorized 

Requestors in interpreting Confidential Information that is disclosed. 

(2) The Transmission Provider or the Market Monitor shall provide any affected 

Market Participant with oral notice of any oral disclosure promptly, but not later 

than one (1) business day after the oral disclosure.  Such oral notice to the 

affected Market Participant shall include the substance of the oral disclosure, but 

shall not reveal any Confidential Information of any other entity and must be 

received by the affected Market Participant before the name of the affected 

Market Participant is released to the Authorized Requestor; provided, however, 

the identity of the affected Market Participant must be made available to the 

Authorized Requestor within two (2) business days of the initial oral disclosure. 



 

 

11.4.5 Information Requests 

(1) Form:  Information requests to the Transmission Provider or the Market Monitor 

shall be in writing, and shall include electronic communications addressed to the 

Transmission Provider or to the Market Monitor as appropriate. 

(2) Content:  Each information request shall describe, in as much detail as possible, 

the particular information sought, including the time period for the requested 

information; provide a description of the purpose for which the information is 

being sought, and state the time period for which it is expected that the 

information will need to be retained by the Authorized Requestor. 

(3) Notice: 

(a) The Transmission Provider or the Market Monitor shall provide an 

affected Market Participant with notice of and a copy of an information 

request by an Authorized Requestor as soon as possible, but not later than 

two (2) business days after the receipt of the information request. 

(b) The Transmission Provider shall maintain all information requests of a 

general nature in an electronic form accessible by Market Participants and 

Authorized Requestors.  Such list shall not include those information 

requests that sought information of or about a named Market Participant or 

that would, in the Transmission Provider’s view, otherwise be readily 

ascertainable as being directed toward Confidential Information from or 

about an individual Market Participant.  On at least an annual basis the 

Transmission Provider shall delete from the list all information requests 

for which the Confidential Information has been returned or destroyed by 

the Authorized Requestor. 

(4) Disclosure:  Subject to the provisions of Section 11.4.5(6) and (7) below, the 

Transmission Provider or the Market Monitor shall supply the information sought 

to the Authorized Requestor in response to any information request within five (5) 

business days after the receipt of the information request, or within such longer 

period as may be specified by the information request, unless a timely objection 

has been made to the information request, or unless the requested information can 

only reasonably be made available within an extended time period. 



 

 

 

 

To the extent that the Transmission Provider or the Market Monitor cannot 

reasonably prepare and deliver the requested information within the five (5) 

business day period or any longer period specified in the information request, it 

shall, within such period, hold discussions with the Authorized Requestor and 

provide the Authorized Requestor with a mutually agreed upon written schedule 

for the provision of such remaining information.  Upon providing the requested 

information to the Authorized Requestor, the Transmission Provider or the 

Market Monitor shall provide a copy of the disclosed information to the Affected 

Participant(s), or provide a listing of the Confidential Information disclosed; 

provided, however, that the Transmission Provider or the Market Monitor shall 

not reveal any affected Market Participant’s Confidential Information to any other 

Market Participant. 

(5) Objection and Clarification:  Notwithstanding Section 11.4.5(4) above, should the 

Transmission Provider, the Market Monitor or an affected Market Participant 

object to an information request or any portion thereof, any of them or the 

Authorized Requestor may, within four (4) business days following the 

Transmission Provider’s or the Market Monitor’s receipt of the information 

request, request, in writing, a conference with the Authorized Agency, or the 

Authorized Agency’s Authorized Requestor, to resolve differences concerning the 

scope or time period covered by the information request; provided, however, 

nothing herein shall require the Authorized Agency to participate in any 

conference. 

Any party to the conference may seek assistance from FERC staff in 

resolution of the dispute.  Should such conference be refused by any participant, 

or not resolve the dispute, then the Transmission Provider, the affected Market 

Participant or the Authorized Agency may initiate appropriate legal action at 

FERC within three (3) business days following receipt of written notice from any 

participant refusing or terminating such conference.  Any complaints filed at 

FERC objecting to a particular information request shall be designated by the 

party as a ―fast track‖ complaint and each party shall bear its own costs in 

connection with such FERC proceeding. 



 

 

 

 

If no FERC proceeding regarding the information request is commenced 

within such three-day period, the Transmission Provider or the Market Monitor 

shall respond to the Information Request within five (5) business days or any 

longer period that may be specified by the information request, counted from the 

expiration of such three-day period. 

When an information request pertains to a Market Participant, the affected 

Market Participant may request that clarifying information be included in the 

response. 

(6) Opportunity to Respond to Confidentiality Claims:  If the affected Market 

Participant, the Transmission Provider or the Market Monitor considers the 

information sought by the information request as Confidential Information, the 

Authorized Requestor shall be provided an opportunity to challenge the 

designation or classification of the requested information as Confidential 

Information. 

(7) Response to Tailored Request for Information from State Commissions:  Market 

Monitor may respond to tailored requests for information from state commissions 

regarding general market trends and the performance of the wholesale market, but 

not for information designed to aid state enforcement actions.  Granting or 

refusing such requests will be at the Market Monitor’s discretion, based on 

agreements worked out between the Transmission Provider and the states, or 

otherwise based on time and resource availability. 

(8) Limitation On Disclosure Obligation:  The Transmission Provider or the Market 

Monitor shall not be required to make disclosure in response to an information 

request: 

(a) In circumstances where an electronic data link, dedicated communication 

circuit or other hardware or third party services would be necessary to 

effectuate the disclosure; 

(b) That is of a scope or extent materially similar to the flow of data from 

Market Participants to the Transmission Provider or from the 

Transmission Provider to the Market Monitor; 

(c) That is unduly burdensome; or 



 

 

 

 

(d) That is not pertaining to general market trends or the performance of the 

Transmission Provider. 



 

 

11.4.6 Limited Discussion of Confidential Information Among Authorized Requestors 

Sponsored By Different Authorized Agencies 

Authorized Requestors who are parties to non-disclosure agreements but who are 

sponsored by different Authorized Agencies may discuss Confidential Information with 

each other, provided that: 

(1) They have each requested and received from the Transmission Provider or the 

Market Monitor such Confidential Information; 

(2) At least one of such Authorized Requestors notifies the Transmission Provider in 

advance of the identity of the other Authorized Requestor(s) with whom such 

Confidential Information will be discussed; and  

(3) The Transmission Provider confirms that the Authorized Requestors who will 

participate in the discussion received the Confidential Information as provided in 

Subsection (1) above.  The Transmission Provider shall respond to a notification 

under Subsection (2) above within two (2) business days from receipt of the 

notification. 

The Transmission Provider shall provide an affected Market Participant 

with notice of the planned discussion within two (2) business days from receipt of 

notification of the planned discussion.  Such discussion among Authorized 

Requestors shall not change the status of the Confidential Information.  It shall 

remain Confidential Information. 



 

 

11.4.7 Breach of Non-Disclosure Obligations 

In the event of any breach of a non-disclosure agreement:  

(1) The Authorized Requestors and/or their respective Authorized Agency shall 

promptly notify the Transmission Provider or the Market Monitor, who shall, in 

turn, promptly notify any affected Market Participant of any unauthorized release 

of Confidential Information provided pursuant to any non-disclosure agreement. 

Upon notification, the Transmission Provider will cease disclosure to the 

Authorized Requestor pursuant to any information requests and will make no 

disclosure pursuant to any information request pending from the Authorized 

Requestor until it can be determined after consultation with the Authorized 

Requestor, his or her Authorized Agency and the affected Market Participant that 

an appropriate combination of the following factors justifies resumption of the 

Authorized Requestor’s access to Confidential Information: (i) the unauthorized 

disclosure was not due to the intentional, reckless or negligent action or omission 

of the Authorized Requestor; (ii) there was no harm or economic damage suffered 

by the Affected Participant; (iii) there are now practices or procedures in place 

adequate to prevent a recurrence of the unauthorized disclosure; and/or (iv) 

similar good cause shown. 

(2) If the Transmission Provider or the Market Monitor receives from an Authorized 

Requestor or Authorized Agency a written notice that a breach has occurred, or 

FERC has made a ruling that a breach has occurred, the Transmission Provider 

and/or the Market Monitor shall terminate the non-disclosure agreement and 

require either the immediate return of all Confidential Information obtained by the 

Authorized Requestor pursuant to the non-disclosure agreement or a certification 

of its destruction. 

The Transmission Provider shall verify the breach in consultation with the 

Authorized Agency.  If it is subsequently determined that there was no breach, or 

if otherwise justified by circumstances described in Subsection (2) above, the 

Transmission Provider shall restore the status of the Authorized Requestor.  Any 

other rights and remedies shall be pursuant to the terms of the non-disclosure 

agreement. 



 

 

 

 

(3) No Authorized Requestor, who is an employee of an Authorized Agency, shall 

have responsibility or liability whatsoever under the non-disclosure agreement or 

Attachment AE to this Tariff for any and all liabilities, losses, damages, demands, 

fines, monetary judgments, penalties, costs and expenses caused by, resulting 

from, or arising out of or in connection with the release of Confidential 

Information to persons not authorized to receive it. 

However, nothing in this Section 11.4.7(3) is intended to limit the liability 

of any person who is not an employee of or a member of an Authorized Agency, 

to the degree not granted limitations as to liability under applicable state law of 

the Authorized Agency’s state, when such a person is under contract to perform 

services for the Authorized Agency, for any and all economic losses, damages, 

demands, fines, monetary judgments, penalties, costs and expenses caused by, 

resulting from, or arising out of or in connection with such unauthorized release. 



 

 

11.5 Preservation of Rights 

Notwithstanding any provision in this Section 11, a Disclosing Party shall have 

the right to pursue all appropriate actions to prevent or contest any attempt to remove the 

confidential status or any order removing such confidential status of its Confidential 

Information. 



 

 

11.6 Notice 

Notwithstanding any provision in this Section 11 (except as detailed in Section 

11.4), the Transmission Provider shall provide at least five (5) business days notice to the 

Disclosing Party of its intent to provide Confidential Information to any other entity.  The 

Transmission Provider shall not be required to provide such notice if such disclosure is 

prohibited by law or Order or required by law or Order prior to five (5) business days. 



 

 

Addendum 1 to Attachment AE 

Violation Relaxation Limit Values 

 

This Addendum 1 to Attachment AE sets forth the VRL values to be used in conjunction with 

the operation of the SPP Energy and Operating Reserve Markets. 

 

Constraint Type Description VRL [$/MW] 

(1) Resource 

Capacity 

The minimum and maximum MW 

dispatchable output of a resource as 

indicated in a Resource Offer. 

100,000 

(2) Global Power 

Balance 

Energy needed to balance resources and 

load. 

50,000 

(3) Resource Ramp The ramp capability of a resource as 

indicated in the resource plan. 

5,000 

(4) Operating 

Constraint 

A MW limit that can be imposed on SPP 

related to MW flow across a market node, a 

manually-identified transmission constraint, 

a Watch List transmission constraint, a 

flowgate constraint, or a transmission 

constraint identified by SPP’s Real-Time 

contingency analysis. 

$500 when the loading is greater 

than 100% and less than or equal 

to 101% at each network 

constraint at each Operating 

Constraint. 

  $750 when the loading is greater 

than 101% and less than or equal 

to 102% at each network 

constraint  

  $1,000 when the loading is 

greater than 102% and less than 

or equal to 103% at each network 

constraint  

  $1,250 when the loading is 

greater than 103% and less than 

or equal to 104% at each network 

constraint  

  $1,500 when the loading is 

greater than 104% at each 

network constraint 

(5) Regulation-up 

plus Spinning 

Reserve Constraint 

A MW value representing the sum of the 

Regulation-Up requirement and Spinning 

Reserve requirement 

$200 
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2. Definitions 

For purposes of this Plan, capitalized terms shall have the meanings specified below: 

2.1 Measures 

SPP’s Market Mitigation Measures set forth in this document. 

2.2 Plan 

SPP’s Market Power Mitigation Plan set forth in this Attachment AF. 

2.3 Resource-to-Load Distribution Factor (RLDF) 

The simulated impact of incremental power output from a specific Resource 

("source") on the loading of a specific flowgate based on delivery to a 

representation of the locational weighting of all loads within all Settlement 

Locations ("sink"). 

2.4 Transmission/Generation Owners 

Any Market Participant owning or controlling both transmission and generation 

assets in the SPP Region. 



 

 

3. Economic Withholding – Energy Market Power 

This section sets forth the market power mitigation measures that are applied in the Day-

Ahead Market, Reliability Unit Commitment processes and the Real-Time Balancing 

Energy Markets, collectively referred to as the Energy and Operating Reserve Markets. 

3.1 Principles 

There are two principles for mitigating Economic Withholding in the Energy and 

Operating Reserve Markets.   

3.1.1 Mitigate Only in the Presence of Local Market Power  

Mitigation will be applied only at the time of, and in places affected by a 

congested transmission element or a local reliability issue not represented 

by a transmission constraint.   

3.1.2 Do Not Mitigate Below Long Run Marginal Cost of New Investment  

Mitigation should not create or exacerbate a supply shortage by capping 

prices below the level needed to attract investment that would relieve the 

shortage.  This level shall be based on the long run marginal cost of the 

least-cost generation supply that could be developed within the shortest 

period of time, which is currently a new, natural gas-fired combustion 

turbine, peaking generation facility.  

3.2 Mitigation Measure  

When any transmission constraint is binding, the following mitigation measures 

shall apply. 

3.2.1 Location and Determination of Binding Constraints 

Binding transmission constraints in the Energy and Operating Reserve 

Markets will be identified by groups of transmission elements designated 

as flowgates.  The determination of whether a transmission constraint is 

binding in the Energy and Operating Reserve Markets will be based on the  

Security Constrained Economic Dispatch (―SCED‖) and Security 

Constrained Unit Commitment (―SCUC‖) as described in Attachment AE.   

3.2.2 Determination of Offer Capped Resources 

An Energy Offer Cap, as calculated in accordance with Section 3.2.4, and 

a Default Start-Up Offer Cap and No-Load Offer Cap as calculated in 



 

 

 

 

accordance with Section 3.2.5, shall apply to all Resources that are 

committed by the Transmission Provider to address a local reliability issue 

not represented by a transmission constraint.   

In addition, Resources that are on the same side of a transmission 

constraint as the constrained load may be subject to the Energy Offer Cap, 

Default Start-Up Offer Cap and Default No-Load Offer Cap (―Offer 

Capped Resources‖).  Resources that have Resource-to-Load Distribution 

Factors greater than or equal to five percent (5%) shall be subject to an 

Energy Offer Cap. Resources that have Resource-to-Load Distribution 

Factors greater than or equal to five percent (5%) and were committed by 

the Transmission Provider shall be subject to an Energy Offer Cap, a 

Default Start-Up Offer Cap and Default No-Load Offer Cap.  If any of a 

Market Participant’s Resources are subject to the Offer Cap based on the 

Resource-to-Load Distribution Factors, all Resources represented by that 

Market Participant that are located on the importing side of the same 

constrained flowgate shall also be subject to an Energy Offer Cap, Default 

Start-Up Cap and/or No-Load Default Offer Cap.  A list of all Resources 

subject to an Energy Offer Cap and the Energy Offer Caps associated with 

such Resources shall be posted electronically on a daily basis by the 

Transmission Provider for each flowgate.   

All Resources, including those Resources identified under Section 3.2.2, 

will be settled based upon the Locational Marginal Price associated with 

each Resource as described under the settlement procedures in Attachment 

AE.  

3.2.3 Reassessment of Offer-Capped Status 

The Transmission Provider will reassess the status of Resources subject to 

Offer Caps when transmission and generation facility additions, outages, 

changes, or changes in ownership occur that may cause the Offer Capped 

status to change.  In any event, the Transmission Provider will reassess the 

status of Offer Capped Resources on an annual basis. 

3.2.4 Calculation of Energy Offer Caps 



 

 

 

 

The Energy Offer Cap for each Resource subject to an Energy Offer Cap 

will be calculated at least daily, posted on the Transmission Provider’s 

website, and will be effective until replaced by a new Energy Offer Cap.  

Specifically, Energy Offer Caps will be equal to the sum of (a) the 

estimated annual fixed cost of a new, natural gas-fired, combustion turbine 

peaking generation facility in $/megawatt-year divided by the annual 

hours of constraint, (b) an adder equal to the estimated non-fuel variable 

operation and maintenance costs of a new, natural gas-fired, combustion 

turbine peaking generation facility in $/megawatt-hour, and (c) the fuel 

cost of the peaking facility in $/megawatt-hour calculated as the heat rate 

multiplied by a natural gas price index.  The formula for the calculation is 

as follows: 

 

Energy Offer Cap = (AFC / AHC) + VOM + FC 

wherein the variables are defined as:  

AFC  = Annual Fixed Cost (Annual Investment Recovery Requirement 

($/megawatt-year) + Annual Fixed Operations and Maintenance Adder 

($/megawatt-year)); 

The annual fixed cost of a new, natural gas-fired, combustion 

turbine peaking generation facility shall be based upon the 

calculated value of the annual carrying cost associated with the 

recovery of the total fixed costs to develop, build and finance such 

a facility plus the fixed operation and maintenance costs.  Such 

costs shall be reviewed annually by the Transmission Provider 

with input from Market Participants.  Any changes to such costs, 

along with justification for the changes, shall be filed with the 

Commission for approval after such review.  Such costs, along 

with any studies justifying the costs, shall be posted electronically 

by the Transmission Provider.  For calendar year 2012, the Annual 

Fixed Cost shall be equal to $138,490/Megawatt-year. 

VOM = Variable Non-Fuel Operations and Maintenance Adder 

($/megawatt-hour): 



 

 

 

 

The adder equal to the estimated non-fuel variable operation and 

maintenance costs of a new, natural gas-fired, combustion turbine 

peaking generation facility shall be based on the non-fuel operating 

and maintenance costs of such a facility not included in the 

calculation of annual fixed costs as described above.  Such cost 

shall be reviewed annually by the Transmission Provider with 

input from Market Participants.  Any changes to such costs, along 

with justification for the changes, shall be filed with the 

Commission for approval after such review.  Such costs, along 

with any studies justifying the costs, shall be posted electronically 

by the Transmission Provider.  For calendar year 2012, the 

Variable Non-Fuel O&M Adder shall be equal to $8.49/Megawatt-

hour. 

AHC = Annual Hours of Constraint: 

The AHC is the number of the hours of constraint that are 

applicable to a Resource during the most recent three hundred 

sixty-five (365) day period for which data is available.  In the 

event that multiple constraints simultaneously are affected by a 

Resource, overlapping hours of constraint will be counted only 

once in the Energy Offer Cap calculation for such a Resource.  

Additionally, the AHC shall include all hours for which a Resource 

was committed by the Transmission Provider to address a local 

reliability issue not represented by a flowgate constraint during the 

most recent three hundred sixty-five (365) day period. 

 

During the first year of operation of the Energy and Operating 

Reserve Markets, the calculation of AHC will use congestion data 

from the Real-Time Balancing Market in combination with 

historical congestion data from the SPP energy imbalance service 

market to obtain a full year of historical data.  The AHC will be 

updated daily for inclusion in the daily calculation of the Energy 



 

 

 

 

Offer Cap on each affected Resource and will be posted 

electronically by the Transmission Provider for each Resource.  

The AHC for each transmission constraint included in the daily 

calculation of the Energy Offer Cap on each Resource shall also be 

posted electronically by the Transmission Provider by transmission 

constraint for each Resource. 

(i) New Transmission Constraints 

For each affected Resource, when a new transmission 

constraint is established, the number of hours for that 

constraint used in the AHC calculation will be thirty-two 

(32).  After the actual number of hours of constraint 

exceeds thirty-two (32) then the actual hours of constraint 

will be used.  After the new transmission constraint has 

three hundred sixty-five (365) days of history, the AHC 

calculation will use the actual constrained hours.  The 

Transmission Provider will post electronically by 

transmission constraint for each Resource whether any 

transmission constraint included in the daily calculation of 

the Energy Offer Cap on each Resource is defined as a new 

transmission constraint. 

FC = Fuel Cost (Heat Rate * Natural Gas Price Index) ($/megawatt-hour):  

The Fuel Cost of a new, natural gas-fired, combustion turbine 

peaking generation facility shall be based on the estimated full-

load heat rate of the facility multiplied by a fuel price index.  The 

fuel price index for each Resource will be based on an industry 

accepted natural gas pricing index for the natural gas pricing point 

nearest to the Energy Offer Capped Resource(s) of each Market 

Participant.  The fuel price shall be further modified based on an 

estimate of the distribution cost for moving natural gas to the 

affected resource(s).  Alternative pricing points and fuel price 

modifiers shall be evaluated annually by the Transmission Provider 



 

 

 

 

with input from Market Participants.  The fuel price portion of 

each Energy Offer Cap shall be recalculated daily for inclusion in 

each Energy Offer Cap and posted on the Transmission Provider’s 

website.  The heat rate used in the Fuel Cost calculation shall be 

equal to 10,450 Btu/kWh. 

3.2.5 Default Start-Up Offers and Default No-Load Offers 

Default Start-Up Offer Caps and Default No-Load Offer Caps shall be 

calculated daily for each Resource by the Transmission Provider.  For 

each Resource committed by the Transmission Provider, Offers during 

committed hours when the Offer Caps did not apply shall be identified for 

the most recent ninety (90) days.  The default Offers shall be set equal to 

one hundred-ten percent (110%) of the lower of the mean or median of the 

identified Offers.  The identified Offers used in the determination of the 

default Offers will be adjusted for changes in fuel prices. 

 

In the case that a sufficient Offer history is not available for a Resource, 

the default Offers shall be set by one or a combination of the following 

methods: (i) the default Offers will be determined through consultation 

with the Market Participant and the Market Monitor; (ii) the Market 

Monitor will set the default Offers by estimating the Start-Up and No-

Load costs based on physical parameters and fuel costs for the Resource; 

and/or (iii) the default Offers will be based on averages of Offers from 

similar Resources.  This methodology for setting default Offers for 

Resources with insufficient Offer history will apply to all Resources at the 

start of the Energy and Operating Reserve Markets. 

3.3 Additional Mitigation Measures for Resource Offer Parameters 

The mitigation measures in this section apply to all Resource Offer parameters 

expressed in units other than dollars and will only apply in the presence of local 

market power as described in Section 3.1.1 of this Attachment AF.  A reference 

level for each applicable Resource Offer parameter that reflects the physical 

capability of the Resource shall be determined prior to the start of the Energy and 



 

 

 

 

Operating Reserve Markets by one or both of the following methods: (i) the 

reference levels will be determined through consultation with the Market 

Participant and the Market Monitor; and/or (ii) the reference levels will be based 

on averages of Resource Offer parameters from similar Resources.  This 

methodology for setting reference levels for Offer parameters shall apply to all 

Resources at the start of the Energy and Operating Reserve Markets and to all 

Resources that register subsequent to the start of the Energy and Operating 

Reserve Markets.  

 

The following thresholds shall be used by the Transmission Provider to identify 

Resource Offers that may warrant mitigation and shall be determined with respect 

to the corresponding reference level: 

Time-based Resource Offer parameters:  An increase of three (3) hours, or 

an increase of six (6) hours in total for multiple time-based Resource Offer 

parameters. 

Resource Offer parameters expressed in units other than time or dollars:  

One hundred percent (100%) increase for Resource Offer parameters that 

are minimum values, or a fifty percent (50%) decrease for Resource Offer 

parameters that are maximum values. 

In the case that a Resource Offer fails the thresholds described above, the Market 

Monitor shall determine the impact on prices or make whole payments.  If an 

impact exceeds the LMP or make whole payment thresholds in Section 3.4, the 

Market Monitor will initiate a discussion with the Market Participant concerning 

an explanation of the parameter changes.  The Market Monitor will inform the 

Transmission Provider of any potential issue.  If the Transmission Provider, in 

consultation with the Market Monitor, concludes that the Market Participant has 

demonstrated the validity of the submitted Resource Offer parameter, no further 

action will be taken.  If not, the Transmission Provider shall replace the Resource 

Offer parameter with the corresponding reference level.  Mitigation measures will 

remain in place until such time that the Market Participant demonstrates the 

validity of the Resource Offer parameter or the Market Participant changes the 



 

 

 

 

Resource Offer parameter to a value that is within the tolerance range as 

described above.  In the event that the Market Participant submits a dispute, the 

mitigation measure will remain in place until the resolution of the dispute.  

3.4 Exceptions 

Market Participants with Energy Offer Capped Resources may request an 

exception to an Energy Offer Cap for a Resource by submitting a cost based offer 

curve for the Resource to the Market Monitor.  The data submission must include 

sufficient Resource parameters and fuel cost data for the Market Monitor to verify 

the reasonableness of the cost based offer curve.  If the Transmission Provider 

after consultation with the Market Monitor determines that an exception is 

reasonable, the Transmission Provider shall use the cost based curve as the 

Energy Offer Cap for the Resource for which an exception was requested.  Market 

Participants also may submit a filing with the Commission seeking an exception.   

3.5 Market Impact Test 

The Transmission Provider will apply the following market impact test in the 

Day-Ahead Market, Day-Ahead RUC, Intra-Day RUC and Real-Time Balancing 

Market in the event the conditions described in Section 3.1 are satisfied:  

After an initial market solution is computed with no Offer caps in 

place, a second market solution, called the mitigated market 

solution, will be computed with the appropriate Offer caps 

applied.  If an LMP at a Settlement Location from the initial 

market solution exceeds the corresponding LMP from the 

mitigated market solution by the LMP impact test threshold, or a 

make whole payment for any Resource from the initial market 

solution exceeds the corresponding make whole payment from the 

mitigated market solution by make whole payment impact test 

threshold, then the mitigated market solution will be used for 

dispatch, commitment, and settlement purposes. 

The impact test thresholds are as follows:  At market start, the LMP impact 

threshold is five dollars ($5) per megawatt hour, and make whole payment impact 



 

 

 

 

threshold is five dollars ($5) per megawatt hour.  At the beginning of each six (6) 

month period after the market start, the LMP impact threshold will be increased 

ten dollars ($10) per megawatt hour and the make whole payment impact 

threshold will be increased by ten dollars ($10) per megawatt hour unless the 

Market Monitor finds market behavior that warrants keeping the threshold 

constant for the next six (6) months.  The periodic increases will continue until 

the LMP impact threshold is twenty-five dollars ($25) per megawatt hour and the 

make whole payment impact threshold is twenty-five dollars ($25) per megawatt 

hour. 



 

 

4. Mitigation Measures for Virtual Energy Bids and Virtual Energy Offers 

If a determination is made, as specified in Section 4.6.3 of Attachment AG, that excessive 

divergence exists and the divergence is the result of the Virtual Energy Bids or Virtual 

Energy Offers of one or more Market Participants, the Transmission Provider shall 

impose mitigation measures.  The mitigation measures will restrict the Market 

Participants that caused the divergence from submitting any Virtual Energy Bids or 

Virtual Energy Offers at the Settlement Locations or similar Settlement Locations where 

the Market Participant’s Virtual Energy Bids or Virtual Energy Offers caused the 

excessive divergence.  The mitigation measures shall be imposed for a period of three (3) 

months after which time the restriction will no longer apply. 

 



 

 

5. Miscellaneous Provisions 

5.1 Rights and Remedies 

The Plan does not restrict the Transmission Provider and Market Participants 

from asserting any rights they may have under state and federal regulation and 

laws, including initiating proceedings before the FERC regarding any matter 

which is subject to this Plan. 

Except as otherwise stated in this Plan, disputes as to the implementation of, or 

compliance with, this Plan shall be subject to the dispute resolution procedures 

under this Tariff or the SPP Bylaws as applicable or may be raised with the 

FERC. 
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1. Purpose and Objective 

1.1 Purpose of the Plan 

This Market Monitoring Plan (the ―Plan‖) is intended to provide for the 

monitoring of Markets and Services and submissions of recommendations to the 

FERC and the SPP Board of Directors.   

1.2 Market Monitoring Plan 

The Plan shall be developed, implemented and maintained by SPP’s Market 

Monitor.  The Market Monitor has the responsibility for implementing the Plan by 

(a) continuously monitoring Markets and Services, (b) recommending compliance 

and corrective actions per this Tariff, (c) collecting and retaining the data and 

information necessary for the performance of the Plan, (d) recommending updates 

to the monitoring plan contained within Attachment AG to this Tariff, and (e) 

periodically reporting on Markets and Services.   

1.3 Mission Statement and Objectives of the Market Monitor 

1.3.1 Mission Statement 

The mission of the Market Monitor is to (a) monitor and report on possible abuses 

of horizontal and vertical market power and gaming in Markets and Services by 

any Market Participant (b) identify market design flaws and recommend any 

changes in design to improve the operation of Markets and Services for the 

benefit of consumers and Market Participants and (c) monitoring Market 

Participants’ compliance with market rules.   

1.3.2 Objectives 

The Market Monitor will work to ensure that its functions and activities are 

implemented fairly and consistently, and that it protects and fosters competition 

while minimizing interference with open and competitive markets.  Making 

recommendations to improve the operation of markets and preventing the exercise 

of market power in advance rather than punishing offenders afterward shall be the 

preferred approach. 

The Market Monitor will evaluate existing and proposed market rules, Tariff 

provisions, and market design elements and recommend proposed rules and Tariff 

changes to the Transmission Provider, the Commission’s Office of Energy Market 



 

 

 

 

Regulation (or its successor organization) staff, and other interested entities such 

as state commissions and Market Participants.  The Market Monitor will limit 

distribution of its identifications and recommendations to the Transmission 

Provider and the Commission’s Office of Energy Market Regulation (or its 

successor organization) staff in the event that the Market Monitor believes that 

broader dissemination could lead to exploitation, with an explanation of why 

further dissemination should be avoided. 

The Market Monitor will review the performance of the wholesale market and 

provide an annual report on the state of the market as provided in Section 7 of this 

Attachment AG. 

The Market Monitor will recognize that entities otherwise identified as having 

market power may engage in conduct giving the impression of market power but, 

after analysis by the Market Monitor, may prove to be pro-competitive and 

efficient.  In making this distinction, the Market Monitor will generally focus on 

an analysis of the identified conduct and associated market impacts, rather than 

seeking to determine the intent of the Market Participant (e.g., conducting 

profitability analyses that would require comprehensive information on all the 

physical and final positions of a participant).   

1.4 Independence of the Market Monitor 

The Market Monitor shall be independent from Market Participants to perform 

those activities necessary to provide impartial and effective market monitoring 

within the scope of the Plan.  Notwithstanding the foregoing, in the normal course 

the Market Monitor shall verify information with affected Market Participants 

prior to making recommendations or reports.   

1.5 Resolution of Conflicts 

In the event there is a conflict between this Attachment AG and any other 

provision of this Tariff, this Attachment AG will control. 



 

 

2. Definitions 

For purposes of this Plan, capitalized terms shall have the meanings specified below: 

2.1 Confidential Information 

The term defined under Attachment AE to this Tariff. 

2.2 Data and Information 

Writings, documents and records of every type, including audio recordings and 

electronic files. 

2.3 FERC Staff  

The responsible office within FERC designated to receive reports submitted by 

market monitors. 

2.4 Interested Government Agencies 

The FERC and any state regulatory commission or agency with regulatory 

oversight responsibilities for SPP Transmission Owners. 

2.5 Markets and Services 

Integrated Marketplace (as defined in Attachment AE) and SPP’s Transmission 

Services (as defined in the Tariff) 

2.6 Plan 

The Market Monitoring Plan set forth in this Attachment AG. 

 



 

 

3. Market Monitor 

The Market Monitor is responsible for implementing the Market Monitoring Plan as 

defined in this Tariff.     

3.1 Staffing and Resources 

The Market Monitor shall be an organization within SPP reporting to the Board of 

Directors, excluding any SPP management representatives serving on the Board 

of Directors.  The Market Monitor shall be comprised of employees of SPP with 

the necessary experience and qualifications to perform the duties of the Market 

Monitor.  The duties and responsibilities of the Market Monitor shall be assigned 

by the Board of Directors.  However, the Market Monitor’s duties and 

responsibilities will not include purely administrative matters (e.g., enforcement 

of late fees and the untimely submission of outage reports and meter data).  SPP 

management representatives on the Board of Directors will be excluded from the 

Board of Directors’ oversight of the Market Monitor.  SPP shall establish and 

provide appropriate staffing and/or resources for the Market Monitor and shall 

ensure that the Market Monitor has such adequate employees, funding and/or 

other resources, access to required information, and the full cooperation of SPP 

Staff, Organizational Groups, and other persons, as necessary, for the effective 

functioning of the Market Monitor and implementation of this Plan.  The Market 

Monitor shall have full responsibility for implementing Attachment AG.   

3.2 Relationships and Notifications 

As a general principle, the Market Monitor may obtain input from the SPP, FERC 

Staff, SPP Staff, the RSC, and affected state regulatory authorities for the purpose 

of executing its duties.  However, in accordance with this Tariff, the Market 

Monitor shall at any time bring any instances of market behavior that may require 

investigation (including, but not limited to, suspected Tariff violations, suspected 

violations of Commission-approved rules and regulations, suspected market 

manipulation, and inappropriate dispatch) to the attention of FERC’s Office of 

Enforcement (or its successor organization) staff.  After any initial investigation 

of market design/policies, the Market Monitor shall also provide notification to 

the Board of Directors, the President of SPP, and FERC’s Office of Enforcement 



 

 

 

 

(or its successor organization) staff, and other interested entities such as relevant 

state regulatory commissions and Market Participants, as soon as practicable in 

the event it identifies a significant market problem that may require (a) further 

investigation, (b) a change to this Tariff, or (c) referral to FERC.  In the event the 

Market Monitor believes broader dissemination could lead to exploitation, it may 

limit distribution of its identifications and recommendations to the Board of 

Directors, the President of SPP, and FERC Staff with an explanation of why 

further dissemination should be avoided at that time. 

 

The Market Monitor shall also interface with FERC Staff and other RTO and ISO 

market monitors in adjacent regions as needed for the purpose of addressing 

electricity market issues in a comprehensive manner.  The Market Monitor shall 

promptly notify the President of SPP of all such notifications, communications or 

reports. 

3.3 Independence and Ethics Standards 

The Market Monitor and its employees shall abide by SPP’s Standards of 

Conduct, which shall be appropriate for establishing the professional and financial 

independence of the Market Monitor.   

 

Consistent with this requirement, the Market Monitor and its employees shall: 

(a)  have no material affiliation with any Market Participant or any affiliate of 

a Market Participant;  

(b)  not serve as an officer, employee, or partner of a Market Participant;   

(c)  have no material financial interest in any Market Participant or any 

affiliate of a Market Participant (allowing for such potential exceptions as 

mutual funds and non-directed investments);  

(d)  not engage in any market transactions other than the performance of their 

duties under this Tariff; 

(e)  not be compensated, other than by SPP, for any expert witness testimony 

or other commercial services to SPP or to any other party in connection 



 

 

 

 

with any legal or regulatory proceeding or commercial transaction relating 

to SPP; 

(f)  not accept anything of value from a Market Participant in excess of a de 

minimis amount; 

(g)  advise their relevant supervisor (or, in the case of the Market Monitoring 

management, SPP’s Board of Directors) in the event they seek 

employment with a Market Participant, and must disqualify themselves 

from participating in any matter that would have an effect on the financial 

interest of such Market Participant. 

 

These restrictions are not exclusive of the other requirements specified in SPP’s 

Standards of Conduct.  In the event there is a conflict between this Attachment 

AG and SPP’s Standards of Conduct, this Attachment AG will control. 

The Market Monitor shall certify compliance with such policies to the President 

of SPP.  The Market Monitor shall require any external consultants or experts to 

certify compliance with these policies.   



 

 

4. Market Monitoring 

4.1 Markets to be Monitored 

The Market Monitor will monitor Markets and Services.  The Market Monitor 

will not monitor bilateral energy, transmission or capacity markets and services 

not administered, coordinated or facilitated by SPP, except to assess the effect of 

these markets and services on Markets and Services, or the effects of Markets and 

Services on these unmonitored markets.  Similarly, the Market Monitor will not 

monitor the energy, transmission or capacity markets and services in regions 

adjacent to the SPP Region except to assess the effect of these markets and 

services on Markets and Services, or the effects of Markets and Services on these 

adjacent markets. 

4.2 Market Monitoring Scope 

The Market Monitor will implement the Plan.  The markets will require 

continuous monitoring by the Market Monitor.  The Market Monitor will monitor 

Markets and Services by reviewing and analyzing market data and information 

including, but not limited to: 

(a) Resource registration data; 

(b) Resource Offer data including non-price related offer parameters required 

for use in either the Day-Ahead Market, Reliability Unit Commitment 

process and/or Real-Time Balancing Market; 

(c) Demand Bids for the purchase of Energy in the Day-Ahead Market; 

(d)  Virtual Energy Bids for the purchase of Energy in the Day-Ahead Market 

and Virtual Energy Offers for the sale of Energy in the Day-Ahead Energy 

Market; 

(e) Export Interchange Transaction Bids and Import Interchange Transaction 

Offers for the purchase and sale of Energy in the Day-Ahead Market and 

the Real-Time Balancing Market; 

(f) Actual commitment and dispatch of Resources, including but not limited 

to Resource MW capability and output, MVAR capability and output, 

status, and outages; 



 

 

 

 

(g) Locational Marginal Prices and zonal Market Clearing Prices at all 

Settlement Locations in or affecting any of Markets and Services; 

(h) SPP Balancing Authority Area data, including but not limited to demand, 

area control error, Net Scheduled Interchange, actual total net interchange, 

and forecasts of operating reserves and peak demand; 

(i) Conditions or events both inside and outside the SPP Balancing Authority 

Area affecting the supply and demand for, and the quantity and price of, 

products or services sold or to be sold in  Markets and Services;  

(j) Information regarding transmission services and rights, including the 

estimating and posting of Available Transfer Capability (―ATC‖) or 

Available Flowgate Capability (―AFC‖), administration of this Tariff, the 

operation and maintenance of the transmission system, any auctions or 

other markets for transmission rights, and the reservation and scheduling 

of transmission service; 

(k) Information regarding the nature and extent of transmission congestion in 

the region and, to the extent practicable, transmission congestion on any 

other system that affects Markets and Services, including but not limited 

to causes of, costs of and charges for transmission congestion, 

transmission facility loading, MVA capability, line status and outages; 

(l) Settlement data for the Markets and Services;  

(m) Any information regarding collusive or other anticompetitive or inefficient 

behavior in or affecting any of Markets and Services; and 

(n) Generation resource operating cost data for estimating resource 

incremental cost, including fuel input costs, heat rates where applicable, 

start-up fuel requirements, environmental costs and variable operating and 

maintenance expenses. 

4.2.1 Additional Market Monitor Duties 

(a) In addition to the monitoring of market Data and Information, the 

Market Monitor may communicate with SPP Staff and Market 

Participants at any time for the purpose of monitoring and assessing 

market conditions. 



 

 

 

 

(b) The Market Monitor shall evaluate the effectiveness of Markets and 

Services in signaling the need for investment in new generation, 

transmission or demand response infrastructure and report on its 

findings at least annually. 

4.3 Referrals to the Commission 

(a) The Market Monitor shall report suspected market violations, as defined in 

18 CFR 35.28(b)(8), to FERC’s Office of Enforcement (or its successor 

organization) staff in accordance with the FERC’s reporting protocols for 

referrals by market monitors as specified in 18 C.F.R. § 35.28(g)(3)(iv) in 

a timely manner.  Any such reports by the Market Monitor to FERC Staff 

shall be on a confidential basis, and all information and documents 

included in such reports will not be released to any other party except to 

the extent FERC directs or authorizes such release, unless such 

information and documents are already in the public domain.   

4.4 Monitoring for Potential Integrated Marketplace Manipulation 

The Market Monitor will monitor for potential instances of market manipulation 

in the Integrated Marketplace.  Such actions or transactions that are without a 

legitimate business purpose and that are intended to or foreseeably could 

manipulate market prices, market conditions, or market rules for electric energy 

or electric products are prohibited.  As listed by the FERC, prohibited behavior 

includes (a) wash trades, (b) submission of false data, (c) actions to cause 

artificial congestion and (d) collusive acts.   The Market Monitor will report any 

market manipulation in the Integrated Marketplace in a timely manner. 

 

4.5 Monitoring for Potential Transmission Market Power Activities 

The Market Monitor shall monitor Markets and Services for potential 

transmission market power activities by reviewing and analyzing data and 

information related to the availability of transmission facilities that impact access 

to services under this Tariff.  The Market Monitor will monitor for activities 

particularly with respect to the withholding of transmission facilities or 



 

 

 

 

transmission capacity, including activities such as but not limited to, the 

following: 

(a) Physical withholding by Transmission Owners by providing improper 

information related to the availability of transmission, such as information 

related to the capability or other modeling data used by SPP for use in 

system operations; 

(b) Economic withholding by Transmission Owners through the use of methods 

and data for estimating costs of interconnection and system upgrades that is 

not comparable for affiliates and non-affiliates; 

(c) Unavailability of transmission facilities through planned and unplanned 

maintenance outages that routinely exceed historical baselines; and 

(d) Withholding of transmission capacity through excess reservations that are 

not actually used.  

The Market Monitor shall refer any instance(s) of potential transmission market 

power directly to FERC utilizing the protocols for referrals to the Commission for 

suspected market violations and perceived market design flaws and recommended 

Tariff language changes as found in 18 C.F.R. § 35.28(g)(3)(iv).  Where 

appropriate, the Market Monitor shall also provide the FERC with an estimate of 

damages equal to (i) the effect on prices multiplied by (ii) the affected energy 

produced by the Transmission/Generation Owner.  The Market Monitor may also 

request the FERC to impose additional sanctions and penalties, which may consist 

of a fixed dollar amount based on each instance, or an amount up to (i) the effect 

on prices multiplied by (ii) the affected energy produced by Market Participants 

other than the Transmission/Generation Owner.  All such referrals by the Market 

Monitor to FERC will be on a confidential basis, and all information and 

documents included in such reports will not be released to any other party except 

to the extent FERC directs or authorizes such release. 

 

4.6  Monitoring for Market Participant Behavior Possibly Warranting Mitigation 

The Market Monitor shall monitor Markets and Services for potential abuse 

associated with the following categories of Market Participant behavior: (1) 



 

 

 

 

economic withholding; (2) uneconomic production; (3) physical withholding; and 

(4) uneconomic Virtual Bids and Virtual Offers.  The mitigation measures for 

each of these behaviors are described in Attachment AF. When the Market 

Monitor determines that there is sufficient credible information about a specific 

abusive practice, the issue will be referred to FERC. 

 

4.6.1  Uneconomic Production 

The Market Monitor will monitor for cases where uneconomic production 

by a Resource causes congestion on transmission facilities or price 

separation between Reserve Zones that is not justified by reliability 

concerns.  The specific steps are as follows: 

(a) Determine the MW impacts of Resource output on the 

transmission constraint or Reserve Zone from the following 

sources: 

1. Self committed Resources with uneconomic output 

(Resource incremental cost exceeds Resource LMP); and 

2. Transmission Provider committed Resources generating 

outside of their Operating Tolerance. 

(b) Determine that the MW impact from uneconomic production is 

exacerbating the transmission congestion or binding a Reserve 

Zone; and 

(c) Determine that the uneconomic production is not obviously 

justified by reliability or other operational concerns. 

 

The Market Monitor will conduct evaluations as specified above and other 

related assessments to determine if there is sufficient credible information 

to justify referral to the Commission. 

 

4.6.2  Monitoring for Virtual Energy Bids and Virtual Energy Offers 

The Market Monitor will monitor the level of divergence between the 

Day-Ahead Market LMPs and the Real-Time Balancing Market LMPs.  

Section 4.6.3 defines the monitoring metric and thresholds to be used in 



 

 

 

 

determining the existence of excessive LMP divergence.  In the case that 

there is excessive LMP divergence, the Market Monitor will determine if 

the LMP divergence is attributable to the Virtual Energy Bid and Virtual 

Energy Offer behavior of one or more Market Participants.  If the Market 

Monitor identifies one or more Market Participants as having caused the 

excessive LMP divergence through Virtual Energy Bid and Virtual Energy 

Offer behavior, then the Transmission Provider shall impose mitigation 

measures described in Section 4.0 of Attachment AF. 

 

4.6.3 Metric and Threshold Specifications 

The Market Monitor will compute the hourly LMP deviation between the 

Day-Ahead Market and Real-Time Balancing Market using the following 

formula:  [(LMPRTBM / LMPDA Market) – 1] * 100.  The average hourly LMP 

deviation is computed over a rolling four (4) week period or any other 

period that the Market Monitor determines is appropriate.  If the four (4) 

week rolling average is below negative ten percent (-10%) or in excess of 

ten percent (10%), then the divergence is considered excessive and 

additional analysis is required. 

 

4.6.4 Physical Withholding 

The Market Monitor will monitor participation to determine whether 

decisions to participate in the Energy and Operating Reserve Markets have 

a significant adverse impact on market outcomes.  If appropriate, the 

Market Monitor will make a referral to the Commission’s Office of 

Enforcement (or its successor organization).   

 

4.6.5 Unavailability of Facilities 

The Market Monitor will monitor for any potential instances of 

Unavailability of Facilities and, if appropriate, shall refer any such 

instances to the Commission’s Office of Enforcement (or its successor 

organization).  



 

 

5. Review of Market Activity 

5.1 Requests 

Any Market Participant or Interested Government Agency may raise any issue 

with the Market Monitor and request that the Market Monitor consider the issue 

in its monitoring and reporting.  The Market Monitor may include this issue in its 

monitoring or reporting if it determines it is appropriate to do so. The Market 

Monitor should not monitor or report on any complaint pertaining to issues not 

related to Markets and Services or activities not monitored and overseen by the 

Market Monitor.   

 

Any requests by Market Participants and Interested Government Agencies to the 

Market Monitor may be made confidentially.  The Market Monitor shall maintain 

the confidentiality to the extent practicable. 

 



 

 

6. Compliance and Corrective Actions 

6.1 Compliance 

The Market Monitor shall administer the Market Monitoring Plan as described in 

this Attachment AG and report any actual or potential abuse of market power or 

market design inefficiencies as part of its monitoring process.  However, the 

Market Monitor’s activities are limited to matters that (i) are expressly set forth in 

this Tariff; (ii) involve objectively-identifiable behavior; and (iii) do not subject 

the Market Participant to sanctions or other consequences other than those 

expressly approved by the Commission and set forth in this Tariff.   

As part of the monitoring process, the Market Monitor may issue a demand letter 

requesting Market Participants causing the issue to arise to change actions as the 

Market Monitor deems proper to achieve compliance and the Market Monitor 

may also engage in discussions with persons or entities other than Market 

Participants as necessary as part of any investigatory or compliance process. 

6.2 Corrective Actions for Market Design  

If the Market Monitor discerns any weaknesses or failures in market design and 

market rules, including the determination that Markets and Services are not 

resulting in just and reasonable prices or providing appropriate incentives for 

investment in needed infrastructure, the Market Monitor shall advise the 

appropriate Organizational Group of SPP, the President of SPP, the RSC, 

appropriate state authorities, FERC Staff, and relevant Market Participants.  In the 

event the Market Monitor believes providing such information could lead to 

exploitation, it will restrict such notification to the President of SPP, the Chairman 

of the SPP Oversight Committee, and FERC Staff, and will provide a justification 

for such limited notification. 

Should SPP not respond within 60 days, the Market Monitor may recommend 

changes in market design and market rules to the Board of Directors, FERC and 

the RSC as needed.  If SPP responds, but does not recommend changes to market 

design and market rules that are acceptable to the Market Monitor, the Market 

Monitor shall report to the Board of Directors and the appropriate regulatory body 

or bodies as needed, and then SPP may file a petition or submission seeking 



 

 

 

 

appropriate action from FERC or any other appropriate enforcement agency. The 

Market Monitor shall make recommendations for changes to this Tariff as 

necessary to correct weaknesses or failures in Markets and Services. 

 

In the event that any weaknesses or failures in market design require immediate 

corrective action to ensure just and reasonable prices, the Market Monitor may 

request the President of SPP to authorize an immediate FERC filing requesting 

implementation of a corrective action while the appropriate Organizational Group 

of SPP responds to the Market Monitor’s notification as described above.  The 

requested immediate corrective action should be the method least intrusive or 

disruptive to Markets and Services necessary to resolve the market weakness or 

failure as determined by the Market Monitor.  Prior to making such a request to 

the President of SPP, the Market Monitor will make reasonable efforts to discuss 

with affected Market Participants and the staff of affected Interested Government 

Agencies the market weakness or failure potentially requiring immediate 

corrective action, unless the Market Monitor determines that such discussions 

would lead to exploitation.  



 

 

8. Data Access, Collection and Retention 

The Market Monitor shall regularly collect and maintain Data and Information necessary 

for monitoring Markets and Services and implementing mitigation protocols.   

8.1 Confidentiality 

SPP and Market Participants may designate Data and Information as Confidential 

Information consistent with the terms of SPP’s Membership Agreement and 

Section 8 of Attachment AE.  If the designation of Confidential Information 

appears to be unreasonable, the Market Monitor may challenge such designation 

of Confidential Information consistent with Section 8 of Attachment AE.   

 

The Market Monitor shall provide Confidential Information to Interested 

Government Agencies consistent with the terms of Section 8.4 of Attachment AE.   

8.2 Access to SPP Data and Information 

The Market Monitor shall have access to all Data and Information gathered or 

generated by SPP in the course of its operations.  This Data and Information shall 

include, but not be limited to, that listed in Section 4 of this Plan.  All Data and 

Information listed in Section 4 of this Plan shall be retained by SPP for a 

minimum period of three years.   

8.3 Access to Market Participant Data and Information  

Market Participants shall retain all Data and Information listed below, and in 

Section 4 of this Plan as applicable, that is in the custody and control of Market 

Participants, for a minimum of three years and will promptly provide any such 

Data and Information to the Market Monitor upon request. 

Market Participants shall be capable of providing the Data and Information to the 

Market Monitor, upon request, in the Market Participant’s native format along 

with a description of the native data format used.  If necessary, due to proprietary 

format restrictions, the Market Participant shall be capable of providing the data 

to the Market Monitor in a non-proprietary format, such as CSV or XML format 

along with a description of the data format used.  Any such request will be 

accompanied by an explanation of the need for such Data and Information.    

Market Participants may designate such Data and Information as Confidential 



 

 

 

 

Information, but such Data and Information may not be redacted or modified in 

any manner prior to delivery to the Market Monitor by the Market Participant. 

 

Data and Information to be retained by Market Participants and provided to the 

Market Monitor upon request: 

(a) All Data and Information relating to the costs of operating a generating 

unit, including but not limited to, heat rates, start-up fuel requirements, 

fuel purchase costs, environmental costs, and operating and maintenance 

expenses; 

(b) All Data and Information regarding opportunity costs of a generating unit, 

including but not limited to, regulatory, environmental, technical, or other 

restrictions that limit the run-time or other generating unit operating 

characteristics; 

(c) All Data and Information relating to the operating status of a generating 

facility, including generator logs showing the generating status of a 

specified unit, including information relating to a forced outage, planned 

outage or derating of a generating unit; 

(d) All Data and Information relating to the operating status of a transmission 

facility, a contingency, or other operating consideration, including forced 

outages, planned outages or derating of a transmission system component; 

(e) All Data and Information relating to transmission system planning, 

including studies, reports, plans, models, analyses, and filings with FERC 

or any state regulatory commission; 

(f) All Data and Information relating to the ability of a Market Participant or 

its Affiliate to determine the pricing or output level of generating capacity 

owned by another entity, including but not limited to any document setting 

forth the terms or conditions of such ability. 

(g) All Data and Information used in the course of business operations in 

arriving at a decision by a Reserve Sharing Group member to call an 

Operating Reserve Contingency and to request assistance. 



 

 

 

 

If any additional Data and Information not listed above or in Section 4 of this Plan 

is required from Market Participants by the Market Monitor for the purpose of 

fulfilling its responsibilities, the Market Monitor may request such Data and 

Information from Market Participants.  Such Data and Information shall be 

provided in a timely manner by Market Participants.  Any such request shall be 

accompanied by an explanation of the need for such data or other information, a 

specification of the form or format in which the data is to be produced, and an 

acknowledgement of the obligation of the Market Monitor to maintain the 

confidentiality of the data.  If a Market Participant receiving a request for Data 

and Information not listed above or in Section 4 of this Plan believes that 

production of the requested Data and Information would impose a substantial 

burden or expense, or would require the party to produce information that is not 

relevant to achieving the purposes or objectives of this Plan, the Market 

Participant receiving the request shall promptly so notify the Market Monitor.  

The Market Monitor shall review the request with the receiving Market 

Participant to determine whether, without unduly compromising the objectives of 

this Plan, the request can be narrowed or otherwise modified to reduce the burden 

or expense of compliance, and if so shall so modify the request.  No party that is 

the subject of a data request shall be required to produce any summaries, analyses 

or reports of the data that do not exist at the time of the data request. 

 

If the Market Monitor determines that the requested Data and Information has not 

or will not be provided in a timely manner, the Market Monitor may utilize (a) the 

dispute resolution procedures under this Tariff or under the SPP Bylaws as 

applicable or (b) a filing with the appropriate regulatory or enforcement agency to 

compel the production of the requested information. 

8.4 Data Created by Market Monitor 

Any data created by the Market Monitor, including any reconfiguration of Data 

and Information obtained from SPP or Market Participants, will remain within the 

Market Monitor’s exclusive control.  Such data may be shared with SPP and 

Market Participants at the Market Monitor’s sole discretion and on a non-



 

 

 

 

discriminatory basis, subject to the confidentiality provisions specified in this 

Attachment AG and Section 8 of Attachment AE. 



 

 

 

 

 

 

 

 

 

ATTACHMENT AH 

MARKET PARTICIPANT SERVICE AGREEMENT 

 



 

 

 

 

FORM OF SERVICE AGREEMENT FOR MARKET PARTICIPANTS IN THE 

INTEGRATED MARKETPLACE 

 

1. This Service Agreement dated as of _______________ is entered into by and between 

__________________ (Transmission Provider) and ______________________ 

(Customer). 

2. The Customer has submitted an application for participation in the Integrated 

Marketplace and desires to register as a Market Participant in accordance with the market 

application and asset registration procedures specified in the Market Protocols. 

3. The Customer represents and warrants that it has met all applicable requirements set forth 

in the Transmission Provider's Tariff and has complied with all applicable procedures 

under the Tariff.  

4. The Transmission Provider agrees to provide and the Customer agrees to take and pay 

for, or to supply to the Transmission Provider, any or all of the products defined in the 

Integrated Marketplace in accordance with the provisions of the Transmission Provider's 

Tariff and to satisfy all obligations under the terms and conditions of the Transmission 

Provider's Tariff, as may be amended from time-to-time, filed with the Commission.   

5. The Transmission Provider and the Customer agree that this Service Agreement shall be 

subject to, and shall incorporate by reference, all of the terms and conditions of the 

Transmission Provider's Tariff. 

6. It is understood that, in accordance with the Transmission Provider's Tariff, the 

Transmission Provider may amend the terms and conditions of this Service Agreement by 

notifying the Customer in writing and making the appropriate filing with the 

Commission. 

7. The Customer represents and warrants that: 

(a) At any time it has registered one or more Resources that the Customer intends to 

offer for sale into the Energy and Operating Reserve Markets in accordance with 

procedures specified in the Market Protocols, the participation of its Resource(s) 

in the Energy and Operating Reserve Markets is not precluded under the laws or 

regulations of the relevant electric retail regulatory authority, including state-

approved retail tariff(s), and it either (a) has on file with the Commission for each 

of such Resources market-based rate authority and/or other Commission-approved 



 

 

 

 

basis for setting prices in the Energy and Operating Reserve Markets, or (b) is 

exempt from the requirement to have rates for services on file with the 

Commission; 

(b) This Service Agreement, or any Transaction entered into pursuant to the Service 

Agreement, as applicable, has been duly authorized; 

(c) This Service Agreement is the legal, valid, and binding obligation of the 

Customer enforceable in accordance with its terms, except as it may be rendered 

unenforceable by reason of bankruptcy or other similar laws affecting creditors' 

rights, or general principles of equity. 

8. The Customer warrants and covenants that, during the term of the Service Agreement, the 

Customer shall be in compliance with all federal, state, and local laws, rules, and 

regulations related to the Customer's performance under the agreement. 

9. Service under this Service Agreement shall commence on the later of the date of 

execution of the Service Agreement, or such other date as it is permitted to become 

effective by the Commission.  Service under this Service Agreement shall terminate in 

accordance with Section 12 below. 

10. Any notice or request made to or by either Party regarding this Service Agreement shall 

be made to the representative of the other Party as indicated below: 

 

Transmission Provider:  ________________________________ 

 

Customer:  ______________________________________________ 

 

11. Cancellation Rights: 

If the Commission or any regulatory agency having authority over this Service 

Agreement determines that any part of this Service Agreement must be changed, the 

Transmission Provider shall offer to the Customer within fifteen (15) days of such 

determination an amended Service Agreement reflecting such changes.  In the event that 

the Customer does not execute such an amendment within thirty (30) days, or longer if 

the Parties mutually agree to an extension, after the Commission's action, this Service 

Agreement and the amended Service Agreement shall be void. 



 

 

 

 

12. Termination: 

(a) The Customer may terminate service under this Service Agreement no earlier than 

ninety (90) days after providing the Transmission Provider with written notice of 

the Customer's intention to terminate.  The Customer's provision of notice to 

terminate service under this Service Agreement shall not relieve the Customer of 

its obligation to pay any rates, charges, or fees due under this Service Agreement, 

and which are owed as of the date of termination. 

(b) The Transmission Provider may terminate service under this Service Agreement if 

the Customer is in default, such default condition as defined under Section 8.1 of 

the SPP Credit Policy, in accordance with the procedures specified under Section 

7.4 of the Transmission Provider’s Tariff or Section 10.5 of Attachment AE to the 

Transmission Provider’s Tariff, as applicable. 

 

13. The Customer hereby appoints the Transmission Provider as its agent for  the limited 

purpose of effectively transacting on the Customer's behalf in accordance with the  terms 

and conditions of the Transmission Provider's Tariff.  The Customer agrees to pay all 

amounts due and chargeable to the Customer and the Transmission Provider agrees to 

pay all amounts creditable to the Customer in accordance with the terms of the 

Transmission Provider's Tariff. 

 

IN WITNESS WHEREOF, the Parties have caused this Service Agreement to be executed by 

their respective authorized officials. 

       Transmission Provider:          Customer:              

 

By: ______________________   By: _____________________ 

  

Dated: ______________________   Dated: _____________________ 

  

Title:  _______________________   Title: _____________________  



 

 

ATTACHMENT AL 

FORM OF NON-DISCLOSURE AGREEMENT FOR AUTHORIZED REQUESTORS 

 

THIS NON-DISCLOSURE AGREEMENT (the ―Agreement‖) is made this ___ day of ___ by 

and between, ______________________, an Authorized Requestor  employed or retained by an 

Authorized Agency  with offices at _____________________, and Southwest Power Pool, Inc., 

an Arkansas not for profit corporation, with offices at 415 North McKinley, Suite 140, Little 

Rock, Arkansas 72205 (―SPP‖ or ―Transmission Provider‖). The Authorized Requestor and the 

Transmission Provider shall be referred to herein individually as a ―Party,‖ or collectively as the 

―Parties.‖ Unless otherwise stated herein, capitalized terms shall have the same meaning as set 

forth in Attachment AE to the Transmission Provider’s Tariff on file with the Federal Energy 

Regulatory Commission.  

 

RECITALS 

Whereas, the Transmission Provider serves as the Regional Transmission Organization with 

reliability and/or functional control responsibilities over transmission facilities in the states of the 

Transmission Provider region, and operates and oversees certain wholesale markets for 

electricity pursuant to the requirements of this Tariff; and 

 

Whereas, the Transmission Provider’s Market Monitor serves as the monitor for certain 

wholesale markets for electricity in the Transmission Provider’s region as specified in the 

Transmission Provider’s Tariff; and  

 

Whereas, Attachment AE to the Transmission Provider’s Tariff requires that the Transmission 

Provider and the Market Monitor maintain the confidentiality of Confidential Information; and  

 

Whereas, Section 11.0 of Attachment AE to the Transmission Provider’s Tariff requires the 

Transmission Provider and the Market Monitor to disclose Confidential Information to 

Authorized Requestors upon satisfaction of conditions stated in Attachment AE to the 

Transmission Provider’s Tariff, including the execution of this Agreement by the Authorized 

Requestor; and 

 



 

 

 

 

Whereas, the Transmission Provider desires to provide Authorized Requestors with the broadest 

possible access to Confidential Information, consistent with the Transmission Provider’s and the 

Market Monitor’s obligations and duties under the Transmission Provider’s Tariff and applicable 

FERC Orders; and  

 

Whereas, this Agreement is a statement of the conditions and requirements, consistent with the 

requirements of Attachment AE to the Transmission Provider’s Tariff, whereby the Transmission 

Provider or the Market Monitor shall provide Confidential Information to the Authorized 

Requestor.  

 

NOW, THERFORE, agreeing to be legally bound, the Parties hereby agree as follows:  

 

1. DEFINITIONS.  

1.1 Information Request. A written request in accordance with the terms of this 

Agreement for disclosure of Confidential Information pursuant to Section 11.0 of 

Attachment AE to the Transmission Provider’s Tariff.  

 

1.2 Third Party Request. Any request or demand by any entity upon an Authorized 

Requestor or an Authorized Agency for release or disclosure of Confidential Information. 

A Third Party Request shall include, but shall not be limited to, any subpoena, discovery 

request, request pursuant to state freedom of information or public records access statutes 

or regulations, or other request for Confidential Information made by any: (i) federal, 

state or local government subdivision, department, official, agency or court, or (ii) 

arbitration panel, business, company, entity or individual. This provision is subject to any 

applicable exception under Attachment AE to the Transmission Provider’s Tariff.  

 

2.  Protection of Confidentiality.  

2.1  Representation as to Status and Acceptance of Duty to Not Disclose.  

The Authorized Requestor states that: (a) he or she is an Authorized Requestor as 

defined herein; (b) he or she is employed or retained by ______ [name of 

Authorized agency] as __________; (c) he or she is authorized by the _______ 



 

 

 

 

[name of Authorized Agency] to enter into and perform the obligations of this 

Non-Disclosure Agreement; (d) the Authorized Agency identified in Subsections 

(b) and (c) above has practices or procedures adequate to protect against the 

unauthorized release of Confidential Information received; (e) he or she is 

familiar with, and will comply with, all such applicable Authorized Agency 

practices or procedures; (f) he or she is authorized to represent and warrant and 

does so represent and warrant that the Authorized Agency identified in 

Subsections (b) and (c) above will deny Third Party Requests and defend, 

consistent with the terms of Section 2.4.6 below, against any legal process that 

seeks the release of any Confidential Information in contravention of the terms of 

the Non-Disclosure Agreement; and (g) he or she is not in breach of any Non-

Disclosure Agreement entered into with the Transmission Provider.  The 

Authorized Requestor also states that he or she will act consistently with the 

representations and confirmations made to SPP under Section 11.0 of Attachment 

AE of Transmission Provider’s Tariff. 

 

2.2. Conditions Precedent.  

The Authorized Requestor agrees that as a condition of the execution, delivery 

and effectiveness of this Agreement by the Transmission Provider and the 

continued provision of Confidential Information pursuant to the terms of this 

Agreement, the Authorized Agency shall, prior to the initial Information Request 

for Confidential Information by an Authorized Requestor on its behalf, provide 

the Transmission Provider with information, documents and certifications 

required of the Authorized Agency and its Authorized Requestor under 

Transmission Provider’s Tariff.  The Authorized Agency and its Authorized 

Requestor also agree that as a condition of the execution, delivery and 

effectiveness of this Agreement that they will fully comply with any other terms 

of Section 11.0 of Attachment AE of the Transmission Provider’s Tariff. 

 

2.3  Care and Use of Confidential Information. 



 

 

 

 

2.3.1  Control of Confidential Information.  The Authorized Requestor shall 

be the custodian of any and all Confidential Information received pursuant to the 

terms of this Agreement from the Transmission Provider or the Market Monitor. 

 

2.3.2 Access to Confidential Information.  Except when inconsistent with state 

or federal law, the Authorized Requestor shall ensure that Confidential 

Information received by that Authorized Requestor is disclosed, only as allowed 

under Section 11.0 of Attachment AE of Transmission Provider’s Tariff. 

 

2.3.3 Notice of Change in Status. The Authorized Requestor or Authorized 

Agency shall promptly notify the Transmission Provider of any change that would 

affect the Authorized Requestor’s status as an Authorized Requestor.  

 

2.3.4  Use of Confidential Information. The Authorized Requestor shall use the 

Confidential Information only as provided in the Section 11.0 of Attachment AE 

of Transmission Provider’s Tariff. 

 

2.3.5  Return of Confidential Information. When the Authorized Agency 

determines that it no longer needs the Confidential Information that was disclosed 

to the Authorized Requestor (e.g., if for any reason the Authorized Requestor is 

not, or will no longer be an Authorized Requestor, and the Confidential 

Information he or she received is no longer needed by the Authorized Agency), 

the Authorized Agency or Authorized Requestor shall: (a) return the Confidential 

Information and all copies thereof to the Transmission Provider or the Market 

Monitor, or (b) certify to the Transmission Provider or the Market Monitor that all 

paper copies have been destroyed and all electronic copies of the Confidential 

Information have been deleted, or identify the time by which it will comply with 

either (a) or (b) above consistent with state document retention laws. The 

Transmission Provider or the Market Monitor shall waive this condition in writing 

if such Confidential Information has become publicly available or non-

confidential in the course of business or pursuant to the Attachment AE to 



 

 

 

 

Transmission Provider’s Tariff or applicable rule or order of the FERC. Upon the 

request of the affected Market Participant, but in any event no later than one year 

from the date of disclosure, the Transmission Provider shall inquire of the 

Authorized Requestor as to when the need for the information as originally 

specified in the Information Request will be concluded. The Authorized 

Requestor shall respond to the Transmission Provider within 30 days. 

 

2.4  Ownership and Privilege.   Nothing in this Agreement, or incident to the 

provision of Confidential Information to the Authorized Requestor pursuant to 

any Information Request, is intended, nor shall it be deemed, to be a waiver or 

abandonment of any legal privilege that may be asserted against subsequent 

disclosure or discovery in any formal proceeding or investigation. Moreover, no 

transfer or creation of ownership rights in any intellectual property comprising 

Confidential Information is intended or shall be inferred by the disclosure of 

Confidential Information by the Transmission Provider or by the Market Monitor, 

and any and all intellectual property comprising Confidential Information 

disclosed and any derivations thereof shall continue to be the exclusive 

intellectual property of the Transmission Provider, Market Monitor, the affected 

Market Participant, and/or other owner(s) thereof. 

 

3.  Unauthorized Disclosure, and Remedies for Breach of Agreement. 

3.1  Notification of Unauthorized Disclosure to Third Parties. As provided in 

Transmission Provider’s Tariff, the Authorized Requestors and/or their respective 

Authorized Agency shall promptly notify the Transmission Provider or the 

Market Monitor, who shall, in turn, promptly notify any affected Market 

Participant of any unauthorized release of Confidential Information provided 

pursuant to any Non-Disclosure Agreement. The Authorized Requestor shall take 

steps to minimize any further release of Confidential Information, and shall take 

reasonable steps to attempt to retrieve any Confidential Information that may have 

been released.  

 



 

 

 

 

3.2  Breach. The Authorized Requestor agrees that its release of Confidential 

Information to persons not authorized under this Agreement to receive it 

constitutes a breach of this Agreement, unless the Authorized Requestor is 

required under state or federal law to release such information. If the 

Transmission Provider or the Market Monitor determines on its own, or agrees 

with an Authorized Agency, or receives from an Authorized Requestor or 

Authorized Agency a written notice, that a breach has occurred, or FERC has 

made a ruling that a breach has occurred, the Transmission Provider and/or the 

Market Monitor shall terminate the Non-Disclosure Agreement and require either 

the immediate return of all Confidential Information obtained by the Authorized 

Requestor pursuant to the Non-Disclosure Agreement or a certification of its 

destruction. The Transmission Provider shall verify the breach in consultation 

with the Authorized Agency. If it is subsequently determined that there was no 

breach, the Transmission Provider shall restore the status of the Authorized 

Requestor, and may also restore such status if otherwise justified by 

circumstances described in Subsection (b) above. 

 

3.3 Post Employment or Post Retention Duties.  If an Authorized Requestor who 

has received Confidential Information pursuant to this Agreement terminates his 

or her employment with the sponsoring Authorized Agency or is otherwise no 

longer employed by the Authorized Agency, he or she shall:  

(a)  Notify the Authorized Agency, the Transmission Provider and the Market 

Monitor of the change in status; and  

 

(b)  Certify to the Transmission Provider that he or she has transferred control of 

the Confidential Information to another Authorized Requestor at the same 

Agency, has retained no personal copies of the Confidential Information and 

that any Confidential Information not transferred has been destroyed.   

 

If these steps have been taken, then the limitations as to liability in Section 3.3 

shall apply to the former employee. 



 

 

 

 

 

4. Notices.  All notices required pursuant to the terms of this Agreement shall be in writing, 

and served upon the following individuals in person, or at the following addresses 

or email addresses: 

 

If to the Authorized Requestor: 

_____________________ 

_____________________ 

_____________________ 

_____________________ 

(email address) 

with a copy to 

_____________________ 

_____________________ 

_____________________ 

_____________________ 

(email address) 

 

If to the Transmission Provider: 

_____________________ 

_____________________ 

_____________________ 

_____________________ 

(email address) 

with a copy to 

_____________________ 

_____________________ 

_____________________ 

_____________________ 

(email address) 

 



 

 

 

 

If to the Market Monitor: 

_____________________ 

_____________________ 

_____________________ 

_____________________ 

(email address) 

with a copy to 

_____________________ 

_____________________ 

_____________________ 

_____________________ 

(email address) 

 

5.  Severability and Survival. In the event any provision of this Agreement is determined to 

be unenforceable as a matter of law (including state Freedom of Information Act 

statutes), the Parties intend that all other provisions of this Agreement remain in full force 

and effect in accordance with their terms. In the event of conflicts between the terms of 

this Agreement and Transmission Provider’s Tariff, the terms of Transmission Provider’s 

Tariff shall in all events be controlling. The Authorized Requestor acknowledges that any 

and all obligations of the Authorized Requestor hereunder shall survive the severance or 

termination of any employment or retention relationship between the Authorized 

Requestor and its respective Authorized Agency. 

 

6.  Representations. The undersigned is able to perform all of the obligations and duties 

contained herein. 

 

7.  Counterparts. This Agreement may be executed in counterparts and all such 

counterparts together shall be deemed to constitute a single executed original. 

 

8. Amendment. This Agreement may not be amended except by written agreement 

executed by authorized representatives of the Parties. 



 

 

 

 

 

9. Assignment. This Agreement is not assignable without the written agreement of both 

Parties. 

 

 

 

Southwest Power Pool, Inc.     AUTHORIZED REQUESTOR 

 

 

By:        By: 

 

 

____________________________    _____________________________ 

Name        Name 

Title:        Title: 

Date:        Date: 

 



 

 

 

 

 

 

 

 

ATTACHMENT AM 

 

 

 

 

METER AGENT SERVICES AGREEMENT 

 

 

FOR 

 

 

SPP MARKET 

 

 

BETWEEN 

 

 

MARKET PARTICIPANT 

 

 

AND 

 

 

METER AGENT 

 

 

(DATE) 



 

 

 

 

 This Agreement made and entered this __ day of ________, ______, is between 

__________ (―Market Participant‖) and __________ (―Meter Agent‖).  Market Participant and 

Meter Agent are each sometimes referred to in the Agreement as a ―Party‖ and collectively as the 

―Parties.‖ 

 

 WITNESSETH: 

 

 WHEREAS, Market Participant and Meter Agent are registered entities of the Integrated 

Marketplace.   

 

 NOW, THEREFORE, in consideration of the premises and mutual covenants and 

agreements hereinafter set forth, the parties hereto mutually agree as follows: 

 



 

 

ARTICLE I 

Responsibilities of the Parties 

 

1.1 Market Participant Responsibilities: 

 

1. Governing Documents:  In addition to this Agreement, Market Participant agrees 

that it will comply with the provisions of the SPP Open Access Transmission Tariff 

(―OATT‖) and Market Protocols as they may be amended from time to time which 

relate to implementation of this Agreement.  In the event there is a conflict between 

this agreement and the SPP OATT, the OATT shall govern. 

 

2. Data Communications:  Market Participant shall provide or arrange for 

communication of meter data in a mutually acceptable format to the Meter Agent.   

 

3. Meter Data Submittal Location:  Market Participant shall provide in Exhibit A the 

meter(s) and calculations used to calculate the Meter Data Submittal Location value. 

 

4. Notice of Meter Changes:  Market Participant shall inform the Meter Agent of any 

additions, deletions, and modifications of metering that will impact the market data.   

 

a. Market Participant shall provide full details of the meter information to the 

Meter Agent a minimum of sixty (60) days prior to the implementation of the 

change, except when the meter equipment is changed or replaced due to 

equipment failure in which case notice of change will be provided as soon as 

possible.  This information to be provided shall include the following: 

1. Information relating to retrieval of the meter data from the data 

source. This includes the method of doing so, communications, and 

full description of the meter. 

2. Information relating to the data and the processing of such data 

that will be applied for the new or modified Meter Data Submittal 

Location and the impact to other existing Meter Data Submittal 

Location or tie-line flow between Settlement Areas. 

3. Completing the SPP Market registration required, which includes 

real-time data exchange and modeling coordination with SPP. 

4. Updating of Exhibit A.  

 

b. In addition, Market Participant shall be responsible for developing and testing 

a complete system for submission of data under this Agreement. 

 

c. Market Participant shall notify Meter Agent of any significant metering issues 

related to the data provided to the Meter Agent within twenty four (24) hours 

after the issue is identified.  This includes change out of a meter, meter 

failures, real-time data failures, etc. 

 



 

 

 

 

5. Meter Data Submittal Location Notification:  Market Participant shall notify any 

other Market Participant affected by the change in the Meter Data Submittal Location 

at least seven (7) days prior to the change. 

 

6. Data Exchange and Data Quality:  Market Participant shall provide meter data for 

each Meter identified in Exhibit A to the Meter Agent in a timely manner. 

 

a. Data shall be provided to the Meter Agent at least one (1) full business day 

prior to SPP’s deadline for submission of meter data, as specified in 

Appendix D of the Market Protocols. 

 

b. Upon notification to or upon discovery by the Market Participant that the 

data exchange has failed or data quality is questionable, the Market 

Participant will resolve the issue at its source.   

 

c. In the absence of actual values for data required for settlement, it is the 

Market Participant’s responsibility to provide estimated values for such data 

to the Meter Agent; however, if the Market Participant fails to provide the 

actual or estimated meter data in a timely manner, the Meter Agent will 

estimate the data for submission to SPP by the appropriate deadline.  The 

Meter Agent will be held harmless as set forth in section 3.2.  

 

7. Submission Failures:  If the Meter Agent fails to submit the meter data, including 

Settlement Area tie-line meter data by the Final Settlement Statement data cutoff, the 

Market Participant is responsible for initiating and pursuing the SPP OATT Dispute 

process.  The Meter Agent must provide to SPP any data it has available to help 

resolve the dispute.  

 

1.2 Meter Agent Responsibilities: 

 

1. Governing Documents:  In addition to complying with this Agreement, Meter Agent 

shall provide services on behalf of the Market Participant in accordance with SPP’s 

OATT and Market Protocols as they may be amended from time to time related to 

implementation of this Agreement.  In the event there is a conflict between this 

agreement and the SPP OATT, the OATT shall govern. 

 

2. Meter Agent Registration:  Meter Agent shall be a registered Meter Agent with the 

Integrated Marketplace. 

 

3. Meter Data Submittal Location Development:  Meter Agent shall provide all 

settlement data required for the Meter Data Submittal Locations designated by the 

Market Participant in Exhibit A. 

 

4. Data Communications:  Meter Agent and the Market Participant shall mutually 

agree upon a format and method of exchange of settlement data required to be 

provided by the Market Participant.   



 

 

 

 

 

5.  Meter Data Submittal Location Values 

 

Meter Agent shall determine the Meter Value for each of the Meter Data Submittal 

Location identified in Exhibit A by applying all parameters as identified therein.  

 

6. Data Issue Notifications: 

 

a. Meter Agent will notify the Market Participant, as soon as practicable, of any 

data exchange issues with the meter data source. 

 

b. Upon failure to receive meter data from the Market Participant by the data 

submission deadline, the Meter Agent will notify the Market Participant as 

soon as practicable and, if necessary, the Meter Agent will estimate the data 

pursuant to 1.1 6. c. of this agreement. 

 

7. Data Submission:  Meter Agent shall submit Meter Data Submittal Location Meter 

Values to the Transmission Provider by the deadlines outlined in Section 4.5.13 of the 

Market Protocols.  



 

 

ARTICLE II 

Term and Termination 

 

2.1 Initial Term:  This Agreement shall become effective on _______________, _____ and 

shall continue until ___________, _____.  

 

2.2 Extended Term:  This Agreement shall continue on a year to year basis at the 

conclusion of its Initial Term, unless terminated as specified in the Agreement. 

 

2.3 Termination:  This Agreement may be terminated at any time by mutual agreement of 

the Market Participant and Meter Agent.  Either the Market Participant or the Meter 

Agent may terminate the Agreement after the Initial Term, upon giving sixty (60) 

calendar days written notice to the other Party. 

 

 



 

 

Exhibit A 

Market Participant Meter Data Submittal Location Definitions 

Resource Meter Locations: 

# Meter Data 

Submittal 

Location Name 

Meter Physical 

Location 

Voltage 

Level 

Losses Operand 

       

       

       

       

       

       

       

       

       

Gross Generation output is negative, auxiliary use is positive.  MWh received by the Transmission 

System is negative. 
 

Load Meter Data Submittal Locations:   (Name of Location)  

# Meter Data 

Submittal Location 

Name 

Meter Physical 

Location 

Voltage 

Level 

Distrib. 

Losses 

* Operand 

        

        

        

        

        

        

        

        

** Engineered Adjustment with Assumption – reference SPP Protocols Appendix C and D 
 

Residual Load Meter Data Submittal Locations: 

# Meter Data Submittal 

Location Name 

Meter Operand 

    

    

    

    

    

Assumes sign of other Meter Data Submittal Location data used is in polarity required for submission to 

SPP Market. 
 

Tie-Line Meter data between Settlement Areas: 

# Tie-Line Meter  Name Meter Operand 

    

    

    

    



 

 

 

 

    

 



 

 

ATTACHMENT AO 

AGREEMENT ESTABLISHING EXTERNAL GENERATION NON-PHYSICAL 

ELECTRICAL INTERCONNECTION POINT 

 

 This Agreement Establishing External Generation Non-Physical Electrical 

Interconnection Point (including its exhibits, this ―Agreement‖) is entered into this ____ day of 

____________ 20____ by and among ____________(Source Balancing Authority), 

______________(Market Participant), and the Southwest Power Pool, Inc. (―SPP‖).  Source 

Balancing Authority, Market Participant and SPP are hereinafter referred to individually as a 

―Party‖ and collectively as the ―Parties.‖ 

 

WHEREAS, in order to facilitate the foregoing, the Parties desire to establish a new non-

physical electrical interconnection point between the SPPvBalancing Authority and the Source 

Balancing Authority on the terms and conditions set forth in this Agreement; and 

 

WHEREAS, SPP is a Regional Transmission Organization approved by the Federal 

Energy Regulatory Commission operating an Integrated Marketplace and is a NERC certified 

Balancing Authority; and 

 

WHEREAS, the Source Balancing Authority has agreed to facilitate the delivery of 

power into the Integrated Marketplace from the Market Participant to the SPP Balancing 

Authority as defined below; and 

 

WHEREAS, Market Participant is responsible for generation outside of the boundaries of 

the SPP Balancing Authority Area and desires to participate in the Integrated Marketplace as an 

External Resource; and 

 

WHEREAS, SPP Balancing Authority has agreed to accept delivery of power into the 

Integrated Marketplace from the Market Participant as defined below; and 

 

WHEREAS, Market Participant is a generator operator located in the Eastern 

Interconnection and physically located within the balancing authority boundaries of the Source 

Balancing Authority; and 

 

WHEREAS, Market Participant is a generator operator registered with SPP and meeting 

all of the SPP qualifications in order to operate in the Integrated Marketplace and abiding by all 

the respective Market Protocols and rules as set forth by SPP. 

 

 NOW THEREFORE, in consideration of the mutual covenants and agreements in this 

Agreement and of other good and valuable consideration, the sufficiency and adequacy of which 

are hereby acknowledged, the Parties, intending to be legally bound, hereby agree as follows: 

 

1. Creation of Non-Physical Pseudo-Tie Point. From and after the effective date hereof, the 

point at which non-physical electrical interconnection (pseudo-tie) is made between the Market 

Participant ____________ (Name of the Generation Facility) ____________ (Generation 

Facitlity Location) (the ―Facility‖) and the SPP Balancing Authority, which shall be defined in 



 

 

the one-line diagram attached hereto as Exhibit A, shall be a new non-physical electrical 

interconnection point between the SPP Balancing Authority and the Source Balancing Authority 

(the ―Pseudo-Tie Point‖), whereby any energy delivered from the Facility to the Pseudo-Tie 

Point for the account of the Source Balancing Authority, shall be treated as a balancing authority 

interchange from the Source Balancing Authority to the SPP Balancing Authority (for the 

avoidance of doubt, whether or not, at the time of delivery of such energy, the metering, data 

processing, telemetry and other equipment associated with the Pseudo-Tie Point is properly 

functioning). For the avoidance of doubt, the SPP Balancing Authority will not be taking title to 

any energy delivered from the Facility to the Pseudo-Tie Point for the account of the Source 

Balancing Authority.  

 

2. Implementation. Each Party shall design, construct, operate and maintain the equipment 

for which it is responsible under this Agreement, and shall take all other actions required of it, to 

create and have the Pseudo-Tie Point recognized by the SPP as a balancing authority interchange 

from  the Source Balancing Authority to the SPP Balancing Authority for the purpose of 

allowing the Facility to be treated as being in the SPP Balancing Authority. Without limiting the 

foregoing, each Party shall undertake the design, construction, operation and maintenance for 

which it is responsible under this Agreement according to North American Electric Reliability 

Corporation standards. A basic block diagram of the communications equipment required for the 

Pseudo-Tie Point is set forth in Exhibit B. As among the Parties: 

  

(a) The entity representing the generator in the Source Balancing Authority shall 

register with SPP to become a Market Participant in the Integrated Marketplace.  

Registration shall be done in accordance with the SPP Market Protocols.  Each 

Facility must be registered separately with SPP and registration information shall be 

provided to the Source Balancing Authority.  Market Participant may register its 

External Resource either as a Resource capable of supplying both Energy and 

Operating Reserve or as an Operating Reserve Only Resource that is not capable of 

providing Energy but is capable of providing Operating Reserve.   

 

(b) This Agreement does not provide for the reservation or sale of Transmission Service 

under the SPP’s Open Access Transmission Tariff (―OATT‖) or on any other 

transmission system. Market Participant shall secure and pay for all cost associated 

with transmission service, across all transmission service providers necessary to 

deliver power from the Facility to the interface point with the SPP Balancing 

Authority.   

 

(c) In order to supply Operating Reserve to the Integrated Marketplace the Market 

Participant shall secure Firm Transmission Service from where it is physically 

located through the path to the interface point with the SPP Balancing Authority.  

SPP shall confirm that the appropriate Transmission Service reservations are in 

place and maintained prior to granting participation and for continued participation 

in the Energy and Operating Reserve Markets.   

 

(d) In order to supply Energy to the Integrated Marketplace the Market Participant shall 

secure Firm Transmission Service from where it is physically located through the 



 

 

path to the interface point with the SPP Balancing Authority, however the Market 

Participant may use non-firm service, subject to the following conditions: 

 

i. SPP Operating Reserve may be utilized to support the transaction or; 

 

ii. The Source Balancing Authority or the SPP Balancing Authority and any 

intermediary transmission service providers agree to only request an 

adjustment to the pseudo-tie values under emergency conditions due to the 

violation of an Interconnection Reliability Operating Limit (―IROL‖) 

which requires action to be taken more quickly than the Market Operating 

System (―MOS‖) can recognize the condition.   

 

(e) The use of this Agreement is intended for the purposes of providing Energy and/or 

Operating Reserve  into the Energy and Operating Reserve Markets through 

submission of a Resource Offer.  

 

(f) Market Participant is solely responsible for all requirements as set forth for a Market 

Participant in the  Market Protocols.   

 

(g) Market Participant shall design, construct, operate and maintain systems and 

communications equipment in order to receive SPP deployment instructions in 

accordance with the Market Protocols. 

 

(h) Market Participant shall design, construct, operate and maintain real-time and 

historical systems and communications equipment, at Market Participant’s expense, 

in order to provide the Source Balancing Authority and the SPP Balancing Authority 

with the corresponding real-time pseudo-tie value.  Market Participant’s systems 

shall provide this signal per the SPP Balancing Authority’s ICCP communication 

standards.  Market Participant’s system shall provide this signal to the Source 

Balancing Authority in a manner mutually agreed to between the Source Balancing 

Authority and the Market Participant. 

 

(i) SPP, in accordance with the Market Protocols, will provide the Market Participant 

commitment and dispatch instructions for participation in the Energy and Operating 

Reserve Markets consistent with such instructions issued to other registered 

Resources.   

 

(j) The real time pseudo-tie value will be equal to the Setpoint Instruction issued by the 

SPP to the Market Participant.  The Market Participant shall simultaneously provide 

this value to the Source Balancing Authority.  Any Out of Merit Energy (―OOME‖) 

requests as defined in the Market Protocols shall be included in the real time pseudo-

tie values.    

 

(k) The Source Balancing Authority and the SPP Balancing Authority will include this 

real time pseudo-tie value in their respective calculations of Net Actual Interchange 

(―NAI‖) and Area Control Error (―ACE‖).   



 

 

 

(l) If communication is lost between any of the Parties (including communication 

between SPP and the Market Participant), the Source Balancing Authority and the 

SPP Balancing Authority will freeze at the last known value and it is the 

responsibility of the Market Participant to verbally communicate changes of the real 

time pseudo-tie values with the other Parties consistent with the SPP instructions.   

 

(m) Market Participant shall notify Parties of any real-time circumstances that affect the 

Market Participant’s obligation or ability to meet the SPP Setpoint Instructions.  If 

the Market Participant or the Source Balancing Authority deviate from the 

anticipated real time pseudo-tie value, the Market Participant is responsible for costs 

incurred by the SPP Balancing Authority.  External generators will be subject to the 

same penalties as internal generators under Attachment AE of the SPP Tariff.    

 

(n) The Source Balancing Authority and the SPP Balancing Authority shall integrate the 

real time pseudo-tie value on an hourly basis and maintain this information for 

balancing authority checkout, inadvertent calculations and payback purposes in 

accordance with the applicable NERC standards.  It is the responsibility of the 

Source Balancing Authority to checkout these hourly integrated values with the 

Market Participant prior to the Source Balancing Authority’s final daily checkout 

with the SPP Balancing Authority. 

 

(o) The SPP Balancing Authority shall act as the Meter Agent on behalf of the Market 

Participant in the settlement process of the Real-Time Balancing Market in 

accordance with the SPP Market Protocols.  The SPP Balancing Authority shall 

perform this obligation unless mutually agreed upon by both the SPP Balancing 

Authority and the Market Participant.  The settlement meter data will be the hourly 

integrated real time pseudo-tie value as calculated by the SPP Balancing Authority 

and checked out between the parties. 

 

(p) Except as otherwise provided in this Section 2, failure by the Market Participant to 

provide real-time pseudo-tie values in a timely manner and consistent with the SPP 

Setpoint Instruction constitutes a basis for the immediate suspension of this 

Agreement by the Source Balancing Authority or SPP Balancing Authority.  In the 

event of such suspension, the Market Participant shall provide a remedy for the 

cause of the failure prior to resumption of its participation in the Energy and 

Operating Reserve Markets.  In the event of two suspensions within a thirty day 

period, this Agreement may be terminated, in accordance with Section 7 of this 

Agreement, at the sole discretion of the Source Balancing Authority or SPP 

Balancing Authority. 

 

3. Losses.  Market Participant will be responsible for loss compensation to transmission 

provider(s) to deliver their energy to the SPP Balancing Authority. Pseudo-tie value(s) will be 

considered net of losses external to SPP.  Losses within the SPP Balancing Authority attributable 

to the Market Participant’s participation in the Energy and Operating Reserve Markets shall be 

handled in the same manner as other Energy and Operating Reserve Markets transactions. 



 

 

 

4. Compensation.  Market Participant will compensate the Source Balancing Authority for 

the reasonable implementation and operations related costs borne by the Source Balancing 

Authority as a result of this Agreement unless the Market Participant and Source Balancing 

Authority agree to a different cost arrangement, which shall be filed with the Commission in a 

non-conforming agreement.   

 

5. Auditing.  Each Party reserves the right to audit records necessary to permit evaluation 

and verification of claims submitted, and the other Party’s compliance with this Agreement.  The 

Parties shall retain for a period of three years all information and records relating to the 

performance of this Agreement.  Each Party may examine and copy such information and 

records at the other Party’s premises during regular business hours and upon advance notice 

given no less than 15 calendar days prior to such examination.   

 

6. Effective Date.  The Agreement is effective upon full execution if it is not filed with the 

Commission.  If the Agreement is filed with the Commission, then it is effective upon the later of 

the date of execution or the date allowed by the Commission.  If the parties are unable to resolve 

any issues, SPP shall file an unexecuted agreement with the Commission, including all agreed-

upon non-conforming deviations.   

 

7. Termination.  Notwithstanding 2(p), this Agreement shall terminate on ________(Date), 

unless extended by agreement of all the Parties.  Any Party shall have the right to terminate this 

Agreement upon ___ month’s notice, subject to receiving all necessary regulatory approvals for 

such termination.   

 

8. Governing Law.  The interpretation and performance of this Agreement and each of its 

provisions shall be governed and construed in accordance with the applicable Federal and/or 

State laws without regard its conflicts of laws provisions that would apply the laws of another 

jurisdiction. 

 

9. Interpretation.  In this Agreement: 

 

(a) the words ―include‖, ―includes‖ and ―including‖ are deemed to be followed by the 

words ―without limitation‖; 

 

(b) references to contracts, agreements and other documents and instruments shall be 

references to the same as amended, supplemented or otherwise modified from time 

to time; 

 

(c) references to laws or standards and to terms defined in, and other provisions of, laws 

or standards shall be references to the same (or a successor to the same) as amended, 

supplemented or otherwise modified from time to time; and 

 

(d) references to a person shall include its successors and permitted assigns and, in the 

case of a governmental or other authority (including SPP and the North American 



 

 

Electric Reliability Corporation), any person succeeding to its functions and 

capacities. 

 

10. Severability. If any provision of this Agreement is held invalid, illegal or unenforceable 

in any jurisdiction, then, the Parties agree, to the fullest extent permitted by law, that the validity, 

legality and enforceability of the remaining provisions hereof in such or any other jurisdiction 

and of such provision in any other jurisdiction shall not in any way be affected or impaired 

thereby. With respect to the provision held invalid, illegal or unenforceable, the Parties will 

amend this Agreement as necessary to effect the original intent of the Parties as closely as 

possible. 

 

11. Complete Agreement; Amendments.  This Agreement constitutes the entire agreement 

among the Parties with respect to the subject matter of this Agreement and supersedes other prior 

agreements and understandings, both written and oral, among the Parties with respect to the 

subject matter of this Agreement. This Agreement may be amended, supplemented or otherwise 

modified only by an instrument in writing signed by all Parties.   

 

12. Other Obligations.  Nothing in this Agreement is intended to modify or change any 

obligations or rights under any tariff (including the SPP Tariff), any rate schedule, or any other 

contract.  This Agreement does not in any way provide transmission service or address rates, 

terms or conditions of transmission service or indicate in any way that transmission service is 

available or properly awarded.  A Party seeking transmission service must still go through the 

full tariff process to obtain transmission service. This Agreement also does not establish any 

generation as a designated network resource under the Tariff; the requirements of the Tariff still 

must be satisfied.   Nor does this Agreement make any Party a Market Participant under the SPP 

Tariff.  A Party seeking to become a Market Participant must apply to SPP under the terms of the 

SPP Tariff and nothing in this Agreement affects its rights or obligations as a Market Participant.   

 

13. Commission Filing.  If unchanged, a signed version of this form agreement shall not be 

filed with the Commission.  SPP will simply report the existence of a signed agreement in its 

quarterly reports.  If the form agreement is substantively changed, then SPP shall file the revised 

form agreement with the Commission.  The Parties shall be bound to the terms accepted or 

ordered by the Commission. 

 

14. Modification.  Nothing in this Agreement is intended to modify or limit the right of SPP 

to submit under FPA Section 205 or Section 206 unilateral changes to this Agreement (both the 

form Agreement and any signed agreement); the right of any other Party to seek unilateral 

changes under FPA Section 206, or the right of the Federal Energy Regulatory Commission to 

accept any FPA Section 205 filing or to make changes under FPA Section 206 or to initiate 

proceedings under FPA Section 206. 

 

15. Charges.  The provisions in this Agreement providing for compensation do not authorize 

Commission regulated public utilities to impose charges without a separately filed tariff or rate 

schedule being accepted by the Commission. 

 



 

 

16. Disputes.  Any disputes under this Agreement shall first be resolved pursuant to the 

dispute resolution procedures in the SPP’s Open Access Transmission Tariff.  Any disputes may 

be brought to the Commission. 

 

17. Breach.  If any Party breaches the terms of this Agreement, then a non-breaching Party 

may seek any relief it believes is appropriate at the Commission.  A breach is considered a 

substantive violation of this Agreement.  Prior to pursuing a remedy at the Commission for a 

breach, a non-breaching Party shall provide five business days notice of the breach to the 

breaching Party.  If the breaching Party does not eliminate the breach within five (5) business 

days after the notice is received by the breaching Party, then the non-breaching Party may pursue 

its remedies at the Commission. 

 

18. Counterparts. This Agreement may be executed in one or more counterparts, each of 

which shall be an original but all of which, taken together, shall constitute only one legal 

instrument. It shall not be necessary in making proof of this Agreement to produce or account for 

more than one counterpart. The delivery of an executed counterpart of this Agreement by 

facsimile shall be deemed to be valid delivery thereof. 

 



 

 

 The Parties have caused this Agreement to be signed by their authorized representatives 

on the day and year first above written. 

 

Source Balancing Authority 

 

 

 

By:_____________________________ 

 Name: 

 Title: 

 

 

SPP Balancing Authority 

 

 

 

By:_____________________________ 

 Name: 

 Title: 

 

 

 Market Participant 

 

 

 

By:_____________________________ 

 Name: 

 Title: 

 

 

By:_____________________________ 

 Name: 

 Title: 

Southwest Power Pool, Inc. (SPP) 



 

 

EXHIBIT A 

ONE-LINE DIAGRAM 

 



 

 

EXHIBIT B 

BLOCK DIAGRAM 

 

 



 

 

Southwest Power Pool, Inc. 

Open Access Transmission Tariff 

Sixth Revised Volume No. 1 

Superseding 

Fifth Revised Volume No. 1



 

 

I. COMMON SERVICE PROVISIONS 

 1 Definitions 

  A - Definitions 

  B - Definitions 

  C - Definitions 

  D - Definitions 

  E - Definitions 

  F - Definitions 

  G - Definitions 

  H - Definitions 

  I - Definitions 

  J - Definitions 

  K - Definitions 

  L - Definitions 

  M - Definitions 

  N - Definitions 

  O - Definitions 

  P - Definitions 

  Q - Definitions 

  R - Definitions 

  S - Definitions 

  T - Definitions 

  U - Definitions 

  V - Definitions 

  W - Definitions 

  XYZ - Definitions 

 2 Initial Allocation and Renewal Procedures 

  2.1 Initial Allocation of Available Transfer Capability 

  2.2 Reservation Priority For Existing Firm Service Customers 

 3 Ancillary Services 

 4 Open Access Same-Time Information System (OASIS) 

 5 Local Furnishing Bonds 

  5.1 Transmission Owners That Own Facilities Financed by Local Furnishing  

   Bonds or that are Tax Exempt Entities 

  5.2 Alternative Procedures for Requesting Transmission Service 

 6 Reciprocity 

 7 Billing and Payment 

  7.1 Billing Procedure 

  7.2 Interest on Unpaid Balances 

  7.3 Financial Security Held By SPP 

  7.4 Customer Default 

 8 Accounting for Use of the Tariff 

  8.1 Study Costs and Revenues 

 9 Regulatory Filings 

 10 Force Majeure and Indemnification 

  10.1 Force Majeure 



 

 

 

 

  10.2 Liability 

  10.3 Indemnification 

  10.4 Further Limitation of Liability 

  10.5 Transmission Provider Recovery 

 11 Creditworthiness 

 12 Dispute Resolution Procedures 

  12.1 Internal Dispute Resolution Procedures 

  12.2 External Arbitration Procedures 

  12.3 Arbitration Decisions 

  12.4 Costs 

  12.5 Rights Under The Federal Power Act 

II. POINT-TO-POINT TRANSMISSION SERVICE 

 13 Nature of Firm Point-To-Point Transmission Service 

  13.1 Term 

  13.2 Reservation Priority 

  13.3 Use of Firm Transmission Service by the Transmission Owners 

  13.4 Service Agreements 

  13.5 Transmission Customer Obligations for Facility Additions or Redispatch  

   Costs 

  13.6 Curtailment of Firm Transmission Service 

  13.7 Classification of Firm Transmission Service 

  13.8 Scheduling of Firm Point-To-Point Transmission Service 

 14 Nature of Non-Firm Point-To-Point Transmission Service  

  14.1 Term 

  14.2 Reservation Priority 

  14.3 Use of Non-Firm Point-To-Point Transmission Service by the   

   Transmission Owner(s) 

  14.4 Service Agreements 

  14.5 Classification of Non-Firm Point-To-Point Transmission Service 

  14.6 Scheduling of Non-Firm Point-To-Point Transmission Service 

  14.7 Curtailment or Interruption of Service 

 15 Service Availability 

  15.1 General Conditions 

  15.2 Determination of Available Transfer Capability 

  15.3 Initiating Service in the Absence of an Executed Service Agreement 

  15.4 Obligation to Provide Transmission Service that Requires  Expansion or  

   Modification of the Transmission System 

  15.5 Deferral of Service 

  15.6 Other Transmission Service Schedules 

  15.7 Real Power Losses 

 16 Transmission Customer Responsibilities 

  16.1 Conditions Required of Transmission Customers 

  16.2 Transmission Customer Responsibility for Third-Party Arrangements 

 17 Procedures for Arranging Firm Point-To-Point Transmission Service 

  17.1 Application 

  17.1a Time Requirements 



 

 

 

 

  17.2 Completed Application 

  17.3 Credit Arrangements 

  17.4 Notice of Deficient Application 

  17.5 Response to a Completed Application 

  17.6 Execution of Service Agreement 

  17.7 Extensions for Commencement of Service 

  17.8 Designated Resources Using Long-Term Point-To-Point Transmission  

   Service 

  17.9 Interconnection of Delivery Points 

 18 Procedures for Arranging Non-Firm Point-To-Point Transmission Service 

  18.1 Application 

  18.2 Completed Application 

  18.3 Timing of Requests and Responses Regarding Reservation of Non-Firm  

   Point-To-Point Transmission Service 

  18.4 Determination of Available Transfer Capability 

 19 Additional Study Procedures For Firm Point-To-Point Transmission Service  

  Requests 

  19.1 Notice of Need for System Impact Study 

  19.2 System Impact Study Agreement and Cost Reimbursement 

  19.3 System Impact Study Procedures 

  19.4 Facilities Study Procedures 

  19.5 Facilities Study Modifications 

  19.6 Due Diligence in Completing New Facilities 

  19.7 Partial Interim Service 

  19.8 Expedited Procedures for New Facilities 

  19.9 Reporting Failure to Meet Study Deadlines 

 20 Procedures if The Transmission Provider is Unable to Complete New   

  Transmission Facilities for Firm Point-To-Point Transmission Service 

  20.1 Delays in Construction of New Facilities 

  20.2 Alternatives to the Original Facility Additions 

  20.3 Refund Obligation for Unfinished Facility Additions 

 21 Provisions Relating to Transmission Construction and Services on the Systems of  

  Other Utilities 

  21.1 Responsibility for Third-Party System Additions 

  21.2 Coordination of Third-Party System Additions 

 22 Changes in Service Specifications 

  22.1 Modifications On a Non-Firm Basis 

  22.2 Additional Charge To Prevent Abuse 

  22.3 Modification On a Firm Basis 

 23 Sale or Assignment of Transmission Service 

  23.1 Procedures for Assignment or Transfer of Service 

  23.2 Limitations on Assignment or Transfer of Service 

  23.3 Information on Assignment or Transfer of Service 

 24 Metering and Power Factor Correction at Receipt and Delivery Points(s) 

  24.1 Transmission Customer Obligations 

  24.2 Transmission Provider Access to Metering Data 



 

 

 

 

  24.3 Power Factor 

 25 Compensation for Transmission Service 

 26 Stranded Cost Recovery 

 27 Compensation for New Facilities and Redispatch Costs 

III. NETWORK INTEGRATION TRANSMISSION SERVICE 

 28 Nature of Network Integration Transmission Service 

  28.1 Scope of Service 

  28.2 Transmission Provider and Transmission Owners Responsibilities 

  28.3 Network Integration Transmission Service 

  28.4 Secondary Service 

  28.5 Real Power Losses 

  28.6 Restrictions on Use of Service 

 29 Initiating Service 

  29.1 Condition Precedent for Receiving Service 

  29.2 Application Procedures 

  29.3 Technical Arrangements to be Completed Prior to Commencement of  

   Service 

  29.4 Network Customer Facilities 

  29.5 Filing of Service Agreement 

 30 Network Resources 

  30.1 Designation of Network Resources 

  30.2 Designation of New Network Resources 

  30.3 Termination of Network Resources 

  30.4 Operation of Network Resources 

  30.5 Network Customer Redispatch Obligation 

  30.6 Transmission Arrangements for Network Resources Not Physically  

   Interconnected With The Transmission Provider 

  30.7 Limitation on Designation of Network Resources 

  30.8 Use of Interface Capacity by the Network Customer 

  30.9 Network Customer Owned Transmission Facilities 

 31 Designation of Network Load 

  31.1 Network Load 

  31.2 New Network Loads Connected With the Transmission Provider 

  31.3 Network Load Not Physically Interconnected with the Transmission  

   Provider 

  31.4 New Interconnection Points 

  31.5 Changes in Service Requests 

  31.6 Annual Load and Resource Information Updates 

 32 Additional Study Procedures For Network Integration Transmission Service  

  Requests 

  32.1 Notice of Need for System Impact Study 

  32.2 System Impact Study Agreement and Cost Reimbursement 

  32.3 System Impact Study Procedures 

  32.4 Facilities Study Procedures 

  32.5 Penalties for Failure to Meet Study Deadlines 

  32.6 Facilities Study Modifications 



 

 

 

 

  32.7 Due Diligence in Completing New Facilities 

  32.8 Partial Interim Service 

  32.9 Expedited Procedures for New Facilities 

  32.10 Delays in Construction of New Facilities 

  32.11 Alternatives to the Original Facility Additions 

 33 Load Shedding and Curtailments 

  33.1 Procedures 

  33.2 Transmission Constraints 

  33.3 Cost Responsibility for Relieving Transmission Constraints 

  33.4 Curtailments of Scheduled Deliveries 

  33.5 Allocation of Curtailments 

  33.6 Load Shedding 

  33.7 System Reliability 

 34 Rates and Charges 

  34.1 Monthly Demand Charge for all Zones except Zone 1 

  34.2 Monthly Demand Charge – Zone 1 

  34.3 Monthly Demand Change – Zone 11 

  34.4 Determination of Network Customer's Monthly Network Load 

  34.5 Determination of Transmission Provider's Monthly Zone Transmission  

   Load 

  34.6 Redispatch Charge 

  34.7 Stranded Cost Recovery 

  34.8 SPP Costs 

 35 Operating Arrangements 

  35.1 Operation under the Network Operating Agreement 

  35.2 Network Operating Agreement 

 36 Scheduling 

IV. SPECIAL RULES ON USE OF TARIFF 

 37 During Transition Period 

  37.1 Service Not Required for Bundled Customers or Customers Under Retail  

   Access Programs 

  37.2 Availability of Network Integration Transmission Service 

  37.3 Unbundled Wholesale 

  37.4 Grandfathered Transactions 

 38 After Transition Period 

  38.1 Applicability to Retail Load Having Choice 

  38.2 Applicability to All Retail Load Not Having Choice 

  38.3 Grandfathered Agreements 

 39 Applicability of Non-Rate Terms and Conditions 

  39.1 Subject to State Laws and Regulations and Public Power Rate Schedules 

  39.2 Bundled Retail and Grandfathered Load 

V. RECOVERY OF COSTS FOR BASE PLAN UPGRADES AND APPROVED 

 BALANCED PORTFOLIOS 

 40 Base Plan Zonal Charge and Region-wide Charge 

 41 Applicability to Resident Load 

 42 Applicability to Point-To-Point Transmission Service 



 

 

 

 

SCHEDULE 1 

 Scheduling, System Control and Dispatch Service 

SCHEDULE 1-A 

 Tariff Administration Service 

SCHEDULE 2 

 Reactive Supply and Voltage Control from Generation or Other Sources Service 

SCHEDULE 3 

 Regulation and Frequency Response Service 

SCHEDULE 4 

 Energy Imbalance Service 

SCHEDULE 5 

 Operating Reserve - Spinning Reserve Service 

SCHEDULE 6 

 Operating Reserve - Supplemental Reserve Service 

SCHEDULE 7 

 Long-Term Firm and Short-Term Firm Point-To-Point Transmission Service 

SCHEDULE 8 

 Non-Firm Point-To-Point Transmission Service 

SCHEDULE 9 

 Network Integration Transmission Service 

SCHEDULE 10 

 Wholesale Distribution Service 

SCHEDULE 11 

 Base Plan Zonal Charge and Region-wide Charge 

SCHEDULE 12 

 FERC Assessment Charge 

ATTACHMENT A 

 Form Of Service Agreement For Firm Point-To-Point Transmission Service 

ATTACHMENT A-1 

 Form Of Service Agreement For The Resale, Reassignment Or Transfer Of Point-To-

 Point Transmission Service 

ATTACHMENT B 

 Form Of Service Agreement For Non-Firm Point-To-Point Transmission Service 

ATTACHMENT C 

 Methodology To Assess Available Transfer Capability 

ATTACHMENT D 

 Methodology for Completing a System Impact Study 

ATTACHMENT E 

 Index Of Point-To-Point Transmission Service Customers 

ATTACHMENT F 

 Service Agreement For Network Integration Transmission Service 

ATTACHMENT G 

 Network Operating Agreement 

ATTACHMENT H 

 Annual Transmission Revenue Requirement for Network Integration Transmission 

 Service 



 

 

 

 

ATTACHMENT I 

 Index Of Network Integration Transmission Service Customers 

ATTACHMENT J 

 Recovery Of Costs Associated With New Facilities 

ATTACHMENT K 

 Redispatch Procedures and Redispatch Costs 

ATTACHMENT L 

 Treatment Of Revenues 

ATTACHMENT M 

 Loss Compensation Procedure 

ATTACHMENT N 

 Form of Service Agreement For Loss Compensation Service[Reserved for Future Use] 

ATTACHMENT O 

 Transmission Planning Process 

ATTACHMENT P 

 Transmission Service Timing Requirements 

ATTACHMENT Q 

 Form of Application For Short-Term Firm and Non-Firm Transmission Service 

ATTACHMENT R 

 North American Electric Reliability Council Transmission Loading Relief (―TLR‖) 

 Procedure 

ATTACHMENT R-1 

 North American Energy Standards Board Business Practices 

ATTACHMENT S 

 Procedure for Calculation of MW-Mile Impacts for Use in Revenue Requirements, 

 Revenue Allocation and Determination of Losses 

ATTACHMENT T 

 Rate Sheets For Point-To-Point Transmission Service 

ATTACHMENT U 

 Rate Schedule For Compensation For Rescheduled Maintenance Costs 

ATTACHMENT V 

 Coordinated Generation Interconnection Procedures 

ATTACHMENT W 

 Index of Grandfathered Agreements 

ATTACHMENT X 

 Credit Policy 

ATTACHMENT Y 

 Reserved for Future Use 

ATTACHMENT Z1 

 Aggregate Transmission Service Study Procedures and Cost Allocation and Recovery for 

 Service Upgrades 

ATTACHMENT Z2 

 Revenue Crediting for Upgrades 

ATTACHMENT AA 

 Reserved for Future Use 

ATTACHMENT AB 



 

 

 

 

 Reserved For Future Use 

ATTACHMENT AC 

 Reservation Processing Method For Short Term Firm Transmission Service  

ATTACHMENT AD 

 Southwestern Power Administration Agreement Between United States Of America and 

 Southwest Power Pool, Inc 

ATTACHMENT AE 

 Energy Imbalance Service MarketIntegrated Marketplace 

ATTACHMENT AF 

 Market Power Mitigation Plan 

ATTACHMENT AG 

 Market Monitoring Plan 

ATTACHMENT AH 

 Market Participant Service Agreement 

ATTACHMENT AI 

 Transmission Definition 

ATTACHMENT AJ 

 Reserved for Future Use 

ATTACHMENT AK 

 Treatment of Reserve Sharing Charges and Revenues 

ATTACHMENT AL 

 Form of Non-Disclosure Agreement for Authorized Requestors 

ATTACHMENT AM 

 Meter Agent Services Agreement 

ATTCHMENT AN 

 Balancing Authorities Agreement 

ATTACHMENT AO 

 Agreement Establishing External Generation Non-Physical Electrical Interconnection 

 Point 

ATTACHMENT AP 

 Allocation of Cost Associated with Reliability Penalty Assessments 

ATTACHMENT AQ 

 Delivery Point Addition Process 

ATTACHMENT AR 

 Screening Study 



 

 

B - Definitions  

Balanced Portfolio:  A set of transmission upgrades that provides economic benefits 

across the SPP Region that meet the requirements in Sections IV.3 and IV.4 of 

Attachment O.   

 

Balanced Portfolio Region-wide Annual Transmission Revenue Requirement:  The 

annual transmission revenue requirement for an approved Balanced Portfolio determined 

in accordance with Attachment J to this Tariff. 

 

Balancing Authority:  The responsible entity that integrates resource plans ahead of 

time, maintains load-interchange-generation balance within a Balancing Authority Area, 

and supports Interconnection frequency in real time in order to: 

(1) Match, at all times, the power output of the generators within the electric power 

system(s) and capacity and energy purchased from entities outside the electric 

power system(s), with the load within the electric power system(s);  

(2) Maintain scheduled interchange with other Balancing Authority Areas, within the 

limits of Good Utility Practice; 

(3) Maintain the frequency of the electric power system(s) within reasonable limits in 

accordance with Good Utility Practice; and  

(4) Provide for sufficient generating capacity to maintain operating reserves in 

accordance with Good Utility Practice. 

 

Balancing Authority Area:  The collection of generation, transmission, and loads within 

the metered boundaries of the Balancing Authority. The Balancing Authority maintains 

load-resource balance within this area.  

 

 Base Plan Region-wide Annual Transmission Revenue Requirement:  The sum of the 

annual transmission revenue requirement for each Base Plan Upgrade and of the 

Accredited Revenue Requirement(s), if any, that are allocated to the SPP Region in 

accordance with Attachment J to this Tariff. 

 



 

 

 

 

 Base Plan Upgrades:  Those upgrades included in and constructed pursuant to the SPP 

Transmission Expansion Plan in order to ensure the reliability of the Transmission 

System.  Base Plan Upgrades shall also include: (i) those Service Upgrades required for 

new or changed Designated Resources to the extent allowed for in Attachment J to this 

Tariff, (ii) ITP Upgrades that are approved for construction by the SPP Board of 

Directors, and (iii) high priority upgrades, excluding Balanced Portfolios, that are 

approved for construction by the SPP Board of Directors.  For Zones 1 through 15, all 

such upgrades shall specifically exclude planned Transmission System facilities 

identified in the SPP Transmission Expansion Plan that are: (i) placed in service during 

the 2005 calendar year or (ii) required to be in service to meet the SPP Criteria and the 

NERC Reliability Standards for the summer of 2005.  For Zones 16, 17, and 18, all such 

upgrades shall specifically exclude planned Transmission System facilities in those zones 

identified in the SPP Transmission Expansion Plan Report (2009 – 2018) that are 

required to be in service to meet the SPP Criteria and the NERC Reliability Standards for 

the summer of 2008 or which are in operation prior to January 1, 2009, except for those 

upgrades that are in service prior to January 1, 2009 and are components of Phase 1 of the 

NPPD 345kV Norfolk to Lincoln (ETR) project or OPPD Sub 1255/3455 Transformer 

project.   Network Upgrades that are components of Phase 1 of the NPPD 345kV Norfolk 

to Lincoln (ETR) project or OPPD Sub 1255/3455 Transformer project that are in service 

prior to January 1, 2009 will be Base Plan Upgrades, however, the Zonal component of 

the costs shall be 100% allocated to the respective host zone.  

 

 Base Plan Zonal Annual Transmission Revenue Requirement:  For each Zone, the 

sum of the annual transmission revenue requirement for each Base Plan Upgrade and of 

the Accredited Revenue Requirement(s), if any, that are allocated to the Zone in 

accordance with Attachments J and S to this Tariff.  

 

 Base Plan Zonal Charge:  Zonal component of the charge assessed by the Transmission 

Provider in accordance with Schedule 11 to recover the revenue requirement of facilities 

classified as Base Plan Upgrades. 

 



 

 

 

 

Base Plan Zonal Load Ratio Share:  Ratio of a Network Customer's or Transmission 

Owner’s Resident Load in a Zone to the total load in that Zone computed in accordance 

with Section II.A. to Schedule 11 of this Tariff and calculated on a calendar year basis, 

for the prior calendar year. 

 

 Base Plan Zonal Rate:  Zonal component of the rate (per kW of Reserved Capacity for 

Point-To-Point Transmission Service) assessed by the Transmission Provider in 

accordance with Schedule 11 to recover the revenue requirement of facilities classified as 

Base Plan Upgrades. 

 

 Business Day:  A day on which the Federal Reserve System is open for business. 



 

 

C - Definitions 

 Calendar Day:  Any day including Saturday and Sunday. 

 

 Commission:  The Federal Energy Regulatory Commission. 

 

 Completed Application:  An Application that satisfies all of the information and other 

requirements of the Tariff, including a Credit Application and any required Financial 

Security.  

 

 Control Area:  An electric power system or combination of electric power systems to 

which a common automatic generation control scheme is applied in order to: 

(1) match, at all times, the power output of the generators within the electric power 

system(s) and capacity and energy purchased from entities outside the electric 

power system(s), with the load within the electric power system(s);  

(2) maintain scheduled interchange with other Control Areas, within the limits of 

Good Utility Practice; 

(3) maintain the frequency of the electric power system(s) within reasonable limits in 

accordance with Good Utility Practice; and  

(4) provide sufficient generating capacity to maintain operating reserves in 

accordance with Good Utility Practice. 

  

Credit Policy:  The Credit Policy set forth in Attachment X to the Tariff. 

 

 Curtailment:  A reduction in firm or non-firm transmission service in response to a 

transmission capacity shortage as a result of system reliability conditions.  

 



 

 

D - Definitions 

 

Day-Ahead Market:  The market for Energy and Operating Reserve that is conducted on 

the day prior to the Operating Day. 

 

Delivering Party:  The entity supplying capacity and energy to be transmitted at Point(s) 

of Receipt.  

 

 Delivery Point Transfer:  The transfer of responsibility for serving an existing delivery 

point from one Network Customer or Transmission Customer to a different Network 

Customer or Transmission Customer.  

 

 Designated Agent:  Any entity that performs actions or functions required under the 

Tariff on behalf of the Transmission Provider, a Transmission Owner, an Eligible 

Customer, or the Transmission Customer. 

 

 Designated Resource:  Any designated generation resource owned, purchased or leased 

by a Transmission Customer to serve load in the SPP Region.  Designated Resources do 

not include any resource, or any portion thereof, that is committed for sale to third parties 

or otherwise cannot be called upon to meet the Transmission Customer's load on a non-

interruptible basis. 

 

 Directly Assigned Upgrade Costs:  An Eligible Customer’s share of the cost of a 

Service Upgrade or a Project Sponsor’s share of the cost of a Sponsored Upgrade, 

determined in accordance with Attachments J and Z1, including: (i) any costs directly 

assigned to an Eligible Customer for a Service Upgrade in excess of the normally 

applicable transmission access charges for the associated transmission service; (ii) any 

costs directly assigned to an Eligible Customer that are in excess of the Safe Harbor Cost 

Limit for Service Upgrades associated with new or changed Designated Resource; and 

(iii) any costs directly assigned to a Project Sponsor for a Sponsored Upgrade. 

 



 

 

 

 

 Direct Assignment Facilities:  Facilities or portions of facilities that are constructed by 

any Transmission Owner(s) for the sole use/benefit of a particular Transmission 

Customer or a particular group of customers or a particular Generation Interconnection 

Customer requesting service under the Tariff. Direct Assignment Facilities shall be 

specified in the Service Agreements that govern service to the Transmission Customer(s) 

and Generation Interconnection Customer(s) and shall be subject to Commission 

approval. 



 

 

E - Definitions 

Effective Date:  For Short-Term Firm and Non-Firm Point-To-Point Transmission 

Service the Effective Date of this Tariff is June 1, 1998. For Long-Term Firm Point-To-

Point Transmission Service the Effective Date of this Tariff is April 1, 1999.  For 

Network Integration Transmission Service the Effective Date of this Tariff is February 1, 

2000. 

 

 EIS Market:  The Energy Imbalance Service market as described in Attachment AE to 

this Tariff. 

 

 EIS Market Effective Date:  The date on which the EIS Market begins commercial 

operations.  

 

Eligible Customer:  (i) Any electric utility (including the Transmission Owner(s) and 

any power marketer), Federal power marketing agency, or any person generating electric 

energy for sale for resale.  Electric energy sold or produced by such entity may be electric 

energy produced in the United States, Canada or Mexico.  However, with respect to 

transmission service that the Commission is prohibited from ordering by Section 212(h) 

of the Federal Power Act, such entity is eligible only if the service is provided pursuant to 

a state requirement that a Transmission Owner offer the unbundled transmission service, 

or pursuant to a voluntary offer of such service by a Transmission Owner.  (ii) Any retail 

customer or eligible person taking unbundled transmission service pursuant to a state 

requirement that a Transmission Owner offer the transmission service, or pursuant to a 

voluntary offer of such service by a Transmission Owner, is an Eligible Customer under 

the Tariff. 

 

Emergency Condition:  A condition or situation determined by the Transmission 

Provider that is imminently likely to cause a material adverse effect on the security of, or 

damage to the Transmission System. 

 



 

 

 

 

Energy and Operating Reserve Markets:  The Day-Ahead Market and Real-Time 

Balancing Market, including the Reliability Unit Commitment processes. 

 

External Resource:  A Resource, other than a Designated Resource, located outside of 

the SPP Balancing Authority that is included in the SPP Balancing Authority through an 

External Resource Pseudo-Tie. 

 

External Resource Pseudo-Tie:  A non-physical electrical interconnection point 

between Balancing Authorities, whereby all or a portion of an External Resource is 

electronically moved from a Balancing Authority external to the SPP Balancing 

Authority.  Energy delivered from an External Resource to the SPP Balancing Authority 

is treated as a Balancing Authority interchange from the source Balancing Authority to 

the SPP Balancing Authority. 

 



 

 

M - Definitions 

 Market Participant:  An entity that generates, transmits, distributes, purchases, or sells 

electricity or provides Ancillary Services with respect to such services (or contracts to 

perform any of the foregoing activities) within, into, out of, or through the Transmission 

System.  Market Participant expressly includes:   

 (a) Transmission Owner(s) and any of their Affiliates including Transmission Owners 

providing transmission service to: (i) bundled retail load for which such Transmission 

Owners are taking neither Network Integration Transmission Service nor Firm Point-To-

Point Transmission Service under this Tariff; and (ii) load being served under 

Grandfathered Agreements for which such Transmission Owners are taking neither 

Network Integration Transmission Service nor Firm Point-To-Point Transmission Service 

under this Tariff, (b) Transmission Customers, (c) Network Customers, (d) Generation 

Interconnection Customers, (e) any Eligible Customer offering Resources for sale into the 

EISEnergy and Operating Reserve Markets that executes the Service Agreement 

specified in Attachment AH, or on whose behalf an unexecuted Service Agreement has 

been filed at the Commission, and (f) any retail customer or eligible person that is not 

precluded under the laws or regulations of the relevant electric retail regulatory authority 

including state-approved retail tariff(s) from participating directly in wholesale demand 

response programs in the EIS Energy and Operating Reserve Markets and that is 

technically qualified to offer controllable load into the EISEnergy and Operating Reserve 

Markets or an aggregator of such retail customers that offers qualified controllable load 

into the EISEnergy and Operating Reserve Markets under Section 1.2.102.8 of 

Attachment AE, and (g) an entity that executes the Service Agreement specified in 

Attachment AH and registers the assets of one or more Asset Owners. 

 

 Market Protocols:  The protocols implementing this Attachment AE,the Integrated 

Marketplace as amended from time to time in accordance with the SPP Membership 

Agreement. 

 

 Member:  A member of SPP. 



 

 

O - Definitions 

 Open Access Same-Time Information System (OASIS):  The information system and 

standards of conduct contained in Part 37 of the Commission's regulations and all 

additional requirements implemented by subsequent Commission orders dealing with 

OASIS. 

 Operating Reserve Only Resource:  A Resource that cannot be cleared or dispatched 

for Energy that is qualified to provide any or all of the Operating Reserve products: 

Regulation-Up, Regulation-Down, Spinning Reserve, or Supplemental Reserve.  



 

 

R - Definitions 

 

 Real-Time Balancing Market (“RTBM”):  The market operated by the Transmission 

Provider continuously in real-time to balance the system through deployment of Energy 

and to clear Regulation-Up, Regulation-Down, Spinning Reserve and Supplemental 

Reserve. 

 

 Receiving Party:  The entity receiving the capacity and energy transmitted by the 

Transmission Provider to Point(s) of Delivery. 

 

 Region-wide Annual Transmission Revenue Requirement:  The sum of the Base Plan 

Region-wide Annual Transmission Revenue Requirement and each Balanced Portfolio 

Region-wide Annual Transmission Revenue Requirement, as set forth in Attachment H, 

Table 2. 

 

 Region-wide Charge:  Regional component of the charge assessed by the Transmission 

Provider in accordance with Schedule 11 to recover the Region-wide Annual 

Transmission Revenue Requirement. 

 

 Region-wide Load Ratio Share:  Ratio of a Network Customer's or Transmission 

Owner’s Resident Load in the SPP Region to the total load in the SPP Region computed 

in accordance with Section II.B to Schedule 11 of this Tariff and calculated on a calendar 

year basis, for the prior calendar year. 

 

 Region-wide Rate:  Regional component of the rate per kW of Reserved Capacity 

assessed by the Transmission Provider in accordance with Schedule 11 to recover the 

Region-wide Annual Transmission Revenue Requirement. 

 

 Regional State Committee: A voluntary organization comprised of one designated 

commissioner from each participating state regulatory commission having jurisdiction 



 

 

 

 

over an SPP Member, established to collectively provide both direction and input on all 

matters pertinent to the participation of the Members in SPP pursuant to the SPP Bylaws.  

 

 Regional Transmission Group (RTG):  A voluntary organization of Transmission 

Owners, transmission users and other entities approved by the Commission to efficiently 

coordinate transmission planning (and expansion), operation and use on a regional (and 

interregional) basis. 

 

 Reported Load:  A Market Participant's actual value of energy withdrawn from the 

Transmission System at a Settlement Location, including Transmission System losses, 

adjusted as described under Section 5.1 of Attachment AE to be consistent with 

Settlement Area Net Load. 

 

 Reserved Capacity:  The maximum amount of capacity and energy that the 

Transmission Provider agrees to transmit for the Transmission Customer over the 

Transmission Provider's Transmission System between the Point(s) of Receipt and the 

Point(s) of Delivery under Part II of the Tariff.  Reserved Capacity shall be expressed in 

terms of whole megawatts on a sixty (60) minute interval (commencing on the clock 

hour) basis.   

 

 Resident Load:  The load specified in Section 41 of the Tariff.   

 

 Revenue Requirements and Rates File (RRR File):  A file posted on the SPP website 

as a reference to:  (i) Annual Transmission Revenue Requirements (ATRRs) for Network 

Integration Transmission Service, as referenced in Attachment H to this Tariff; (ii) Base 

Plan ATRR allocation; (iii) allocation factors for Base Plan funded projects; (iv) notes on 

the calculation of Base Plan ATRR amounts on a Region-wide and Zonal basis; (v) 

ATRR reallocation for Balanced Portfolio projects; (vi) the calculation of Base Plan 

Point-To-Point Transmission Service rates on a Region-wide and Zonal basis in 

accordance with Schedule 11; and (vii) the rates for Point-To-Point Transmission Service 

as referenced in Attachment T in accordance with Schedules 7 and 8. 



 

 

3 Ancillary Services 

As shown on Schedules 1 and 2, the Transmission Provider will provide Scheduling and 

Tariff Administration Service and will facilitate and arrange for the supply of Reactive Supply 

and Voltage Control from Generation or Other Sources Service.  In order to allow the 

Transmission Provider to arrange for Reactive Supply and Voltage Control from Generation or 

Other Sources Service, each Transmission Owner shall maintain a schedule offering such 

service.  All Transmission Customers are required to purchase these two services from the 

Transmission Provider based on the charges in Schedules 1 and 2.  In addition, the Transmission 

Owners may continue to provide Scheduling, System Control and Dispatch Services related to 

transmission service under this Tariff.  Each Transmission Owner must maintain a schedule 

showing the charges for such services.  Any amounts charged the Transmission Provider by a 

Transmission Owner for such service shall be passed through to the Transmission Customer 

without mark-up.  Each Transmission Owner's schedules for Scheduling, System Control and 

Dispatch Service and for Reactive Supply and Voltage Control from Generation or Other 

Sources Service shall be available through the SPP OASIS. 

Each Transmission OwnerThe Transmission Provider also shall maintain the Ancillary 

Service schedules which offerprovide (1) Regulation and Frequency Response Service, (2) 

Energy Imbalance Service, (3) Operating Reserve - Spinning Reserve Service, and (4) Operating 

Reserve - Supplemental Reserve Service as described under Schedules 3, 4, 5 and 6 respectively.  

Transmission Customers shall pay the Transmission Provider providing any of these services 

directly for the service.  Each Transmission Owner's schedules for these services also shall be 

available through SPP OASIS.  The Transmission Customer serving load within a Transmission 

Owner's(s') Control Area(s)the SPP Balancing Authority Area is required to acquire these four 

Ancillary Services, whether from the Transmission Owner(s)Provider, from a third party, or by 

self-supply.  The Transmission Customer may not decline the Transmission 

Owner's(s')Provider’s offer of Ancillary Services unless it demonstrates that it has acquired the 

Ancillary Services from another source.  The Transmission Customer must list in its Application 

which Ancillary Services it will purchase from the Transmission Owner(s).   

A Transmission Customer that exceeds its firm reserved capacity at any Point of Receipt 

or Point of Delivery or an Eligible Customer that uses Transmission Service at a Point of Receipt 

or Point of Delivery that it has not reserved is required to pay for all of the Ancillary Services 



 

 

 

 

identified in this section that were provided by the Transmission Provider associated with the 

unreserved service.  The Transmission Customer or Eligible Customer will pay for Ancillary 

Services based on the amount of transmission service it used but did not reserve.  The 

Transmission Provider shall determine whether the Transmission Customer has adequately 

demonstrated that it has acquired the Ancillary Services from another source.  If the 

Transmission Provider determines that the Transmission Customer is taking Ancillary Services 

that it has not paid for from an SPP Member or otherwise has not made adequate arrangements 

for Ancillary Services, then the Transmission Provider may impose a penalty equal to 200% of 

the specific applicable Ancillary Service charge for the host Control Area (i.e. the Control Area 

where the load is located) for the entire length of the reserved period but not exceeding one 

month.  The Transmission Provider shall compensate any affected Control Areas or generators 

for 100% of the specific Ancillary Service charge for the period for which they have provided 

service.   

A Transmission Customer that is serving load utilizing Network Integration Transmission 

Service will not require any additional transmission service arrangements for the delivery of 

Ancillary Services. 

A Transmission Customer with load not served under Network Integration Transmission 

Service must have sufficient transmission service arrangements for the delivery of all services 

including Ancillary Services. 



 

 

7 Billing and Payment 

 This Section 7 shall not apply to the use and/or provision of Energy Imbalance 

ServiceIntegrated Marketplace.  All billing and payment matters associated with the 

use/provision of Energy Imbalance ServiceIntegrated Marketplace shall be as specified in 

Attachment AE. 

 



 

 

13.3 Use of Firm Transmission Service by the Transmission Owners: 

Each Transmission Owner will be subject to the rates, terms and 

conditions of Part II of the Tariff when making Thirdthird-Party party Sales sales 

under (i) agreements executed on or after the Effective Date of the Tariff or (ii) 

agreements executed prior to the aforementioned date that the Commission 

requires to be unbundled after the Effective Date of the Tariff. 



 

 

13.5 Transmission Customer Obligations for Facility Additions or Redispatch 

Costs: 

  In cases where the Transmission Provider determines that the 

Transmission System is not capable of providing Firm Point-To-Point 

Transmission Service without (1) degrading or impairing the reliability of service 

to Native Load Customers, Network Customers and other Transmission 

Customers taking Firm Point-To-Point Transmission Service, or (2) interfering 

with a(the) Transmission Owner's(s’) ability to meet prior firm contractual 

commitments to others, the relevant Transmission Owner(s)  will be obligated to 

expand or upgrade its (their) Transmission System(s) pursuant to the terms of 

Section 15.4.  The Transmission Customer must agree to pay the Transmission 

Provider for any necessary transmission facility additions pursuant to the terms of 

Section 27.  To the extent that the Transmission Provider can relieve a system 

constraint can be relieved by redispatching electric generating resources 

registered to participate in the Energy and Operating Reserve Markets, the 

procedures in Attachment K shall applyit shall do so, provided that the Eligible 

Customer agrees to compensate the Transmission Provider pursuant to the terms 

of Section 27.  Any redispatch, Network Upgrade or Direct Assignment Facilities 

costs to be charged to the Transmission Customer on an incremental basis under 

the Tariff will be specified in the Service Agreement prior to initiating service.  

Any redispatch costs to be charged to the Transmission Customer shall be 

calculated as part of the Energy and Operating Reserve Market settlement 

procedures described under Attachment AE.  Firm Point-To-Point Transmission 

Service that is requested and that requires this redispatch shall be ineligible for the 

portion of the Auction Revenue Right (―ARR‖)  allocation associated with such 

redispatch until the transmission facility additions have been made and redispatch 

is no longer required. 



 

 

13.6 Curtailment of Firm Transmission Service: 

In the event that a Curtailment on the Transmission Provider’s 

Transmission System, or a portion thereof, is required to maintain reliable 

operation of such System and the systems directly and indirectly connected with 

the Transmission System, Curtailments will be made on a non-discriminatory 

basis to the transaction(s) that effectively relieve the constraint.  The 

Transmission Provider may elect to implement such Curtailments pursuant to the 

Transmission Loading Relief procedures specified in Attachment R.  If multiple 

transactions require Curtailment, to the extent practicable and consistent with 

Good Utility Practice, the Transmission Provider will curtail (or cause to be 

curtailed) service to Network Customers and Transmission Customers taking 

Firm Point-To-Point Transmission Service on a basis comparable to the 

curtailment of service to the Transmission Owner’s(s’) Native Load Customers, 

and to transmission customers taking firm transmission service under 

Grandfathered Agreements.  All Curtailments will be made on a non-

discriminatory basis; however, Non-Firm Point-To-Point Transmission Service as 

well as any non-firm transmission service provided under Grandfathered 

Agreements shall be subordinate to Firm Point-To-Point Transmission Service.  

When the Transmission Provider determines that an electrical emergency exists 

on the Transmission System and implements emergency procedures to Curtail 

curtail Firm firm Transmission Service, the Transmission Customer shall make 

the required reductions upon request of the Transmission Provider.  However, the 

Transmission Provider reserves the right to Curtail curtail or to effect the 

Curtailment of, in whole or in part, any Firm firm Transmission Service provided 

under the Tariff when, in the Transmission Provider's sole discretion, an 

emergency or other unforeseen condition impairs or degrades the reliability of the 

Transmission System.  The Transmission Provider will notify all affected 

Transmission Customers in a timely manner of any scheduled Curtailments.  In 

the event that the Transmission Customer fails to cease or reduce service in 

response to a directive by the Transmission Provider, the Transmission Customer 

shall pay any applicable charges and the following penalty (in addition to the 



 

 

 

 

charges for all of the firm capacity used):  100% of the Firm Point-To-Point 

Transmission Service charges under Schedules 7 and 11 for the entire length of 

the reserved period but not exceeding one month. This penalty shall apply only to 

the portion of the service that the Transmission Customer fails to curtail in 

response to a Curtailment directive.   



 

 

13.7 Classification of Firm Transmission Service:  

(a) The Transmission Customer taking Firm Point-To-Point Transmission 

Service may (1) change its Receipt and Delivery Points to obtain service 

on a non-firm basis consistent with the terms of Section 22.1 or (2) request 

a modification of the Points of Receipt or Delivery on a firm basis 

pursuant to the terms of Section 22.3.   

(b) The Transmission Customer may purchase transmission service to make 

sales of capacity and energy from multiple generating units that are 

interconnected to on the Transmission Provider's Transmission System.  

For such a purchase of transmission service, the resources will be 

designated as multiple Points of Receipt, unless (i) the multiple generating 

units are at the same generating plant in which case the units would be 

treated as a single Point of Receipt, or (ii) the generating units or plants 

comprise a registered Market Hub as defined in Attachment AEare in the 

same Control Area of a Transmission Owner in which case the units or 

plants also would be considered as a single Point of Receipt; provided, 

however, that generation which is dynamically scheduled shall be 

considered as part of the Control Area where it is physically located.  In 

the event of a change in the ownership or control of generation resources 

previously aggregated as a single Point of Receipt under this provision, 

such generation may be disaggregated and treated as multiple Points of 

Receipt, provided that all other terms of this Tariff and the Service 

Agreement are met. 

(c) The Transmission Provider shall provide firm deliveries of capacity and 

energy from the Point(s) of Receipt to the Point(s) of Delivery.  Each 

Point of Receipt at which firm transfer capability is reserved by the 

Transmission Customer shall be set forth in the Firm Point-To-Point 

Service Agreement for Longlong-Term term Firm firm Transmission 

Service along with a corresponding capacity reservation associated with 

each Point of Receipt.  Points of Receipt and corresponding capacity 

reservations shall be as mutually agreed upon by the Parties for 



 

 

 

 

Shortshort-Term term Firm firm Transmission. Each Point of Delivery at 

which firm transfer capability is reserved by the Transmission Customer 

shall be set forth in the Firm Point-To-Point Service Agreement for 

Longlong-Term term Firm firm Transmission Service along with a 

corresponding capacity reservation associated with each Point of Delivery. 

Points of Delivery and corresponding capacity reservations shall be as 

mutually agreed upon by the Parties for Shortshort-Term term Firm firm 

Transmission Service.  The greater of either (1) the sum of the capacity 

reservations at the Point(s) of Receipt, or (2) the sum of the capacity 

reservations at the Point(s) of Delivery shall be the Transmission 

Customer's Reserved Capacity.  The Transmission Customer will be billed 

for its Reserved Capacity under the terms of Schedules 7 and 11.  The 

Transmission Customer may not exceed its firm capacity reserved at 

each Point of Receipt and each Point of Delivery except as otherwise 

specified in Section 22.  In the event that a Transmission Customer 

(including Thirdthird-Party party Sales sales by a Transmission Owner) 

exceeds its firm reserved capacity at any Point of Receipt or Point of 

Delivery or uses Transmission Service at a Point of Receipt or Point of 

Delivery that it has not reserved, the Transmission Customer shall pay the 

following penalty (in addition to the applicable charges for all of the firm 

capacity actually used):  100% of the Firm Point-To-Point Transmission 

Service charges under Schedules 7 and 11 for the period for which the 

unreserved service was actually used.  The charges for the unreserved 

service shall be based upon the duration of the period when the unreserved 

capacity was used.  For example, one hour shall be billed at the charge for 

weekday deliveries, repeated daily use of unreserved capacity within a 

seven day period shall increase the duration of the period to a weekly 

duration and multiple instances of unreserved use during more than one 

seven day period during a calendar month shall increase the duration of 

the period to a monthly duration.  The Transmission Provider shall 

compensate the Transmission Owners for 100% of the (i) Firm Point-To-



 

 

 

 

Point Transmission Service charge, (ii) Base Plan Zonal Charge and (iii) 

Region-wide Charge for the period for which they have provided service.  

For the amounts exceeding reserved capacity, the Transmission Customer 

also must replace purchase losses as required by this Tariff. 



 

 

13.8 Scheduling of Firm Point-To-Point Transmission Service: 

All scheduling practices and schedules submitted by Transmission 

Customers will comply with applicable North American Electric Reliability 

Council Policies and SPP Criteria.  Transmission Customers shall submit all 

schedules electronically in a form specified by the Transmission Provider.  

Schedules for the Transmission Customer's Firm Point-To-Point Transmission 

Service associated with transactions into, out of or through the SPP Balancing 

Authority Area must be submitted to the Transmission Provider in accordance 

with the times in Attachment P.  Schedules submitted after the applicable time 

specified on Attachment P will be accommodated, if practicable.  Hour-to-hour 

schedules of any capacity and energy that is to be delivered must be stated in 

increments of 1,000 kW per hour.  Transmission Customers within a 

Transmission Owner's service (or control) area with multiple requests for 

Transmission Service at a Point of Receipt, each of which is under 1,000 kW per 

hour, may consolidate their service requests at a common point of receipt into 

units of 1,000 kW per hour for scheduling and billing purposes.  Scheduling 

changes will be accommodated as provided in Attachment P.  However, in the 

event of a system contingency such as a generation or transmission outage, or 

curtailment or interruption of transmission service, scheduling changes will be 

implemented as soon as practicable.  The Transmission Provider will furnish to 

the Delivering Party's system operator, hour-to-hour schedules equal to those 

furnished by the Receiving Party (unless reduced for losses) and shall deliver the 

capacity and energy provided by the Delivering Party.  Should the Transmission 

Customer, Delivering Party or Receiving Party revise or terminate any schedule, 

such party shall immediately notify the Transmission Provider, and the 

Transmission Provider shall have the right to adjust accordingly the schedule for 

capacity and energy to be received and to be delivered.  



 

 

14.3 Use of Non-Firm Point-To-Point Transmission Service by the Transmission 

Owner(s): 

Each Transmission Owner will be subject to the rates, terms and 

conditions of Part II of the Tariff when making Thirdthird-Party party Sales sales 

under (i) agreements executed on or after the Effective Date of the Tariff or (ii) 

agreements executed prior to the aforementioned date that the Commission 

requires to be unbundled after the Effective Date of the Tariff. 

 



 

 

14.5 Classification of Non-Firm Point-To-Point Transmission Service: 

Non-Firm Point-To-Point Transmission Service shall be offered under 

terms and conditions contained in Part II of the Tariff.  The Transmission 

Provider and Transmission Owners undertake no obligation under the Tariff to 

plan the Transmission System in order to have sufficient capacity for Non-Firm 

Point-To-Point Transmission Service.  Parties requesting Non-Firm Point-To-

Point Transmission Service for the transmission of firm power do so with the full 

realization that such service is subject to availability and to Curtailment or 

Interruption under the terms of the Tariff.  The Transmission Customer will be 

billed for its Reserved Capacity under the terms of Schedules 8 and 11.  In the 

event that a Transmission Customer (including Thirdthird-Party party Sales sales 

by a Transmission Owner) exceeds its non-firm capacity reservation, the 

Transmission Customer shall pay the following penalty (in addition to the charges 

for all of the non-firm capacity used):  100% of the Non-Firm Point-To-Point 

Transmission Service charges under Schedules 8 and 11 for the duration of the 

period when the additional service was used as specified below not to exceed one 

month for the amount in excess of such capacity reservation.  An excess of one 

hour or less shall be billed at the charge for weekday deliveries, repeated daily use 

of unreserved capacity within a seven day period shall increase the duration of the 

period to a weekly duration and multiple instances of unreserved use during more 

than one seven day period during a calendar month shall increase the duration of 

the period to a monthly duration.  The Transmission Provider shall compensate 

the Transmission Owners for 100% of the (i) Non-Firm Point-To-Point 

Transmission Service charge, (ii) Base Plan Zonal Charge and (iii) Region-wide 

Charge for the period for which they have provided service.  For the amounts 

exceeding the non-firm capacity reservation, the Transmission Customer must 

replace purchase losses as required by this Tariff.  Non-Firm Point-To-Point 

Transmission Service shall include transmission of energy on an hourly basis and 

transmission of scheduled short-term capacity and energy on a daily, weekly or 

monthly basis, but not to exceed one month's reservation for any one Application, 

under Schedules 8 and 11.   



 

 

14.6 Scheduling of Non-Firm Point-To-Point Transmission Service: 

All scheduling practices and schedules submitted by Transmission 

Customers will be consistent with applicable North American Electric Reliability 

Council Policies and SPP Criteria.  Transmission Customers shall submit all 

schedules electronically in a form specified by The the Transmission Provider.  

Schedules for Non-Firm Point-To-Point Transmission Service, other than for 

Next-Hour-Market Service, associated with transactions into, out of or through 

the SPP Balancing Authority Area must be submitted to the Transmission 

Provider in accordance with the times in Attachment P.  Schedules submitted after 

the applicable time specified in Attachment P will be accommodated if 

practicable.  Schedules for Non-Firm Point-To-Point Transmission Service for 

Next-Hour-Market Service must be submitted to the Transmission Provider no 

later than 20 minutes and no earlier than 60 minutes before the start of the next 

clock hour.  Schedules submitted less than 20 minutes prior to the start of the next 

clock hour will be accommodated, if practicable.  Hour-to-hour schedules of 

energy that is to be delivered must be stated in increments of 1,000 kW per hour.  

Transmission Customers within a Transmission Owner's service area (or Control 

Area) with multiple requests for Transmission Service at a Point of Receipt, each 

of which is under 1,000 kW per hour, may consolidate their schedules at a 

common Point of Receipt into units of 1,000 kW per hour.  Scheduling changes 

will be accommodated in accordance with Attachment P.  The Transmission 

Provider will furnish to the Delivering Party's system operator, hour-to-hour 

schedules equal to those furnished by the Receiving Party (unless reduced for 

losses) and shall deliver the capacity and energy provided by the Delivering Party.  

Should the Transmission Customer, Delivering Party or Receiving Party revise or 

terminate any schedule, such party shall immediately notify the Transmission 

Provider, and the Transmission Provider shall have the right to adjust accordingly 

the schedule for capacity and energy to be received and to be delivered. 

 



 

 

14.7 Curtailment or Interruption of Service: 

The Transmission Provider reserves the right to Curtail curtail (or cause to 

be Curtailed), in whole or in part, Non-Firm Point-To-Point Transmission Service 

provided under the Tariff for reliability reasons when, an emergency or other 

unforeseen condition threatens to impair or degrade the reliability of the 

Transmission System or the systems directly or indirectly interconnected with the 

Transmission Provider’s Transmission System.  The Transmission Provider may 

elect to implement such Curtailments pursuant to the Transmission Loading 

Relief procedures specified in Attachment R.  The Transmission Provider reserves 

the right to Interrupt(or to effect the Interruption of), in whole or in part, Non-

Firm Point-To-Point Transmission Service provided under the Tariff for 

economic reasons in order to accommodate (1) a request for Firm firm 

Transmission Service under this Tariff or for firm transmission service provided 

by a Transmission Owner under a Grandfathered Agreement, (2) a request for 

Non-Firm Point-To-Point Transmission Service, from the same Point of Receipt 

to the same Point of Delivery, of greater duration under this Tariff or for non-firm 

transmission of greater duration provided by a Transmission Owner under a 

Grandfathered Agreement, (3) a request for Non-Firm Point-To-Point 

Transmission Service, from the same Point of Receipt to the same Point of 

Delivery, of equal duration with a higher price under this Tariff or for non-firm 

transmission of equal duration, from the same Point of Receipt to the same Point 

of Delivery, with a higher price provided by a Transmission Owner under a 

Grandfathered Agreement, or (4) transmission service for Network Customers 

from non-designated resources under this Tariff or under a Grandfathered 

Agreement.  Point-To-Point Transmission Service for Next-Hour-Market Service 

will always have the lowest priority. The Transmission Provider also will 

discontinue or reduce service to the Transmission Customer to the extent that 

deliveries for transmission are discontinued or reduced at the Point(s) of Receipt.  

Where required, Curtailments or Interruptions will be made on a non-

discriminatory basis to the transaction(s) that effectively relieve the constraint; 

however, Non-Firm Point-To-Point Transmission Service shall be subordinate to 



 

 

 

 

Firm firm Transmission Service under this Tariff or firm transmission service 

provided by a Transmission Owner under Grandfathered agreements.  If multiple 

transactions require Curtailment or Interruption, to the extent practicable and 

consistent with Good Utility Practice, Curtailments or Interruptions will be made 

first to Next-Hour-Market Service and then to remaining transactions beginning 

with those to transactions of the shortest term (e.g., hourly non-firm transactions 

will be Curtailed or Interrupted before daily non-firm transactions and daily non-

firm transactions will be Curtailed or Interrupted before weekly non-firm 

transactions).  Transmission service for Network Customers from resources other 

than designated Network Resources will have a higher priority than any Non-Firm 

Point-To-Point Transmission Service under the Tariff.  Non-Firm Point-To-Point 

Transmission Service over secondary Point(s) of Receipt and Point(s) of Delivery 

will have a higher priority than Next-Hour-Market Service, but will have a lower 

priority than any other Non-Firm Point-To-Point Transmission Service under the 

Tariff.  The Transmission Provider will provide advance notice of Curtailment or 

Interruption where such notice can be provided consistent with Good Utility 

Practice.  In the event that the Transmission Customer fails to cease or reduce 

service in response to a directive by the Transmission Provider, the Transmission 

Customer shall pay any applicable charges and the following penalty (in addition 

to the charges for all of the non-firm capacity used): 100% of the Non-Firm Point-

To-Point Transmission Service charge under Schedules 8 and 11 for the entire 

length of the reserved period not to exceed one month for the amount in excess of 

such capacity reservation.  This penalty shall apply only to the portion of the 

service that the Transmission Customer fails to curtail in response to a 

Curtailment directive.   



 

 

15.4 Obligation to Provide Transmission Service that Requires Expansion or 

Modification of the Transmission System:  

If the Transmission Provider determines that it cannot accommodate a 

Completed Application for Firm Point-To-Point Transmission Service because of 

insufficient capability on the Transmission System, the Transmission Provider 

and the affected Transmission Owner(s) will use due diligence to expand or 

modify the Transmission System to provide the requested Firm firm Transmission 

Service, consistent with its planning obligations in Attachment O, provided the 

Transmission Customer agrees to compensate the Transmission Provider for such 

costs pursuant to the terms of Section 27.  The Transmission Provider and the 

affected Transmission Owner(s) will conform to Good Utility Practice and its 

planning obligations in Attachment O, in determining the need for new facilities 

and in the design and construction of such facilities. The obligation applies only 

to those facilities that the affected Transmission Owner(s) has (have) the right to 

expand or modify. 

 



 

 

17.7 Extensions for Commencement of Service: 

The Transmission Customer can obtain, subject to availability up to five 

(5) one-year extensions for the commencement of service.  The Transmission 

Customer may postpone service by paying a non-refundable annual reservation 

fee equal to one-month's charge for Firm firm Transmission Service for each year 

or fraction thereof within 15 days of notifying the Transmission Provider it 

intends to extend the commencement of service.  For extensions of one (1) year or 

more, the Transmission Customer must request the extension no later than ninety 

(90) days before the Service Commencement Date.  For extensions of less than 

one (1) year, the Transmission Customer must request the extension no later than 

sixty (60) days before the Service Commencement Date.  If during any extension 

for the commencement of service an Eligible Customer submits a Completed 

Application for Firm firm Transmission Service, and such request can be satisfied 

only by releasing all or part of the Transmission Customer's Reserved Capacity, 

the original Reserved Capacity will be released unless the following condition is 

satisfied.  Within thirty (30) days, the original Transmission Customer agrees to 

pay the Firm Point-To-Point transmission rate for its Reserved Capacity 

concurrent with the new Service Commencement Date.  In the event the 

Transmission Customer elects to release the Reserved Capacity, the reservation 

fees or portions thereof previously paid will be forfeited. 



 

 

22.1 Modifications On a Non-Firm Basis: 

The Transmission Customer taking Firm Point-To-Point Transmission 

Service may request the  provision of transmission service on a non-firm basis 

over Receipt and Delivery Points other than those specified in the Service 

Agreement for Longlong-Term term Firm firm Transmission Service or the 

confirmed Application for Short-Term Transmission Service ("Secondary Receipt 

and Delivery Points"), in amounts not to exceed its firm capacity reservation, 

without incurring an additional Non-Firm Point-To-Point Transmission Service 

charge (except as provided in Section 22.2) or executing a new Service 

Agreement for Longlong-Term term Firm firm Transmission Service or 

submitting a new Application for Shortshort-Term term Firm firm Transmission 

Service, subject to the following conditions.  

(a) Service provided over Secondary Receipt and Delivery Points will be non-

firm only, on an as-available basis and will not displace any firm or non-

firm service reserved or scheduled by third-parties under the Tariff or 

under any other transmission tariff or agreement where the service is being 

provided by the Transmission Owner or by the Transmission Owner on 

behalf of its (their) Native Load Customers.  

(b) The sum of all Firm and Non-Firm Point-To-Point Transmission Service 

provided to the Transmission Customer at any time pursuant to this 

section shall not exceed the Reserved Capacity in the relevant Service 

Agreement for Long-Term Firm Transmission or Application for Short-

Term Firm Transmission Service under which such services are provided.  

(c) The Transmission Customer shall retain its right to schedule Firm Point-

To-Point Transmission Service at the Receipt and Delivery Points 

specified in the relevant Service Agreement for Longlong-Term term Firm 

firm Transmission Service or Application for Shortshort-Term term Firm 

firm Transmission Service in the amount of its original capacity 

reservation.  

(d) Service over Secondary Receipt and Delivery Points on a non-firm basis 

shall not require the filing of an Application for Non-Firm Point-To-Point 



 

 

 

 

Transmission Service under the Tariff.  However, all other requirements of 

Part II of the Tariff (except as to transmission rates) shall apply to 

transmission service on a non-firm basis over Secondary Receipt and 

Delivery Points. 



 

 

22.3 Modification On a Firm Basis:  

Any request by a Transmission Customer to modify Receipt and Delivery 

Points on a firm basis shall be treated as a new request for service in accordance 

with Section 17 hereof.  While such new request is pending, the Transmission 

Customer shall retain its priority for service at the existing firm Receipt and 

Delivery Points specified in its Service Agreement for Longlong-Term term Firm 

firm Transmission Service or confirmed Application for Shortshort-Term term 

Firm firm Transmission Service.  In any instance where the remaining term of 

service, after modification pursuant to this provision, is less than twelve (12) 

months the Transmission Customer will maintain existing rights of reservation 

priority on the original reservation. 

 



 

 

23.2 Limitations on Assignment or Transfer of Service: 

If the Assignee requests a change in the Point(s) of Receipt or Point(s) of 

Delivery, or a change in any other specifications set forth in the original Service 

Agreement for Longlong-Term term Firm firm Transmission Service or original 

confirmed Application for Shortshort-Term term Firm firm Transmission Service, 

the Transmission Provider will consent to such change subject to the provisions of 

the Tariff and the Transmission Customer's or the Assignee's agreement to pay 

any additional charges consistent with Section 22 of the Tariff, provided that the 

change will not impair the operation and reliability of the Transmission 

Owner’s(s') generation, transmission, or distribution systems.  The Assignee shall 

pay the Transmission Provider for the costs of performing any System Impact 

Study or Aggregate Transmission Service Study needed to evaluate the capability 

of the Transmission System to accommodate the proposed change and any 

additional costs resulting from such change.  The Reseller shall remain liable for 

the performance of all obligations under the Service Agreement, except as 

specifically agreed to by the Transmission Provider and the Reseller through an 

amendment to the Service Agreement.   

 



 

 

25 Compensation for Transmission Service 

Rates for Firm and Non-Firm Point-To-Point Transmission Service are provided in the 

Schedules appended to the Tariff:  Firm Point-To-Point Transmission Service (Schedule 7); and 

Non-Firm Point-To-Point Transmission Service (Schedule 8).  In addition the Transmission 

Customer shall pay any applicable Ancillary Service Costscosts, Wholesale Distribution Service 

charges (Schedule 10), Base Plan Zonal Charges (Schedule 11), and Region-wide Charges 

(Schedule 11). 

 



 

 

28.1 Scope of Service: 

Network Integration Transmission Service is a transmission service that 

allows Network Customers to efficiently and economically utilize their Network 

Resources (as well as other non-designated generation resources) to serve their 

Network Load located in a Transmission Owner's Control Area and any additional 

load that may be designated pursuant to Section 31.3 of the Tariff.  The Network 

Customer taking Network Integration Transmission Service must obtain or 

provide Ancillary Services pursuant to Section 3. 

 



 

 

29.2 Application Procedures:  

An Eligible Customer requesting service under Part III of the Tariff must 

submit an Application, which includes all information required for SPP to 

complete a Credit Assessment pursuant to its Credit Policy set out in Attachment 

X and satisfaction of all requirements set out therein.  Unless subject to the 

procedures in Section 2, Completed Applications for new or changed designated 

network Network resourcesResources, having a term of one year or longer, 

associated with Network Integration Transmission Service will be part of the 

Aggregate Transmission Service Study as defined in Attachment Z1.  Completed 

Applications for new designated network Network resourcesResources, having a 

term of less than one year, will be assigned a priority according to the date and 

time the Application is received, with the earliest Application receiving the 

highest priority.  Applications should be submitted by entering the information 

listed below on the Transmission Provider's OASIS.  A Completed Application 

shall provide all of the information included in 18 CFR § 2.20 including but not 

limited to the following: 

(i) The identity, address, telephone number and facsimile number of the party 

requesting service;  

(ii) A statement that the party requesting service is, or will be upon 

commencement of service, an Eligible Customer under the Tariff; 

(iii) A description of the Network Load at each delivery point.  This 

description should separately identify and provide the Eligible Customer's 

best estimate of the total loads to be served at each transmission voltage 

level, and the loads to be served from each Transmission Provider 

substation at the same transmission voltage level.  The description should 

include a ten (10) year forecast of summer and winter load and resource 

requirements beginning with the first year after the service is scheduled to 

commence; 

(iv) The amount and location of any interruptible loads included in the 

Network Load.  This shall include the summer and winter capacity 

requirements for each interruptible load (had such load not been 



 

 

 

 

interruptible), that portion of the load subject to interruption, the 

conditions under which an interruption can be implemented and any 

limitations on the amount and frequency of interruptions.  An Eligible 

Customer should identify the amount of interruptible customer load (if 

any) included in the 10 year load forecast provided in response to (iii) 

above; 

(v) A description of Network Resources (current and 10-year projection).  For 

each on-system Network Resource, such description shall include: 

- Unit size and amount of capacity from that unit to be designated as 

Network Resource 

- Regulation Qualified resource capability 

- Spin Qualified resource capability 

- Supplemental Qualified resource capabilty 

- VAR capability (both leading and lagging) of all generators  

- Operating restrictions 

 - Any periods of restricted operations through-out the year 

 - Maintenance schedules 

 - Minimum loading level of unit 

 - Normal operating level of unit 

 - Any must-run unit designations required for system reliability -

 or contract reasons 

- Approximate variable generating cost ($/MWH) for redispatch 

computations 

- Arrangements governing sale and delivery of power to third parties from 

generating facilities located in the Transmission Provider Control 

Balancing Authority Area, where only a portion of unit output is 

designated as a Network Resource: 

-  

For each off-system Network Resource, such description shall include: 

- Identification of the Network Resource as an off-system resource 

- Amount of power to which the customer has rights 



 

 

 

 

- Identification of the control areaBalancing Authority Area from which the 

power will  originate 

- Delivery point(s) to the Transmission Provider's Transmission System 

- Transmission arrangements on the external transmission system(s) 

- Operating restrictions, if any 

- Any periods of restricted operations thoughout the year 

- Maintenance schedules 

- Minimum loading level of unit 

- Normal operating level of unit 

- Any must-run designations required for system reliability or 

 contract reasons 

- Approximate variable generating cost ($/MWH) for redispatch 

computations: 

 

(vi) Description of Eligible Customer's transmission system: 

- Load flow and stability data, such as real and reactive parts of the load, 

lines, transformers, reactive devices and load type, including normal and 

emergency ratings of all transmission equipment in a load flow format 

compatible with that used by the Transmission Provider  

- Operating restrictions needed for reliability 

- Operating guides employed by system operators 

- Contractual restrictions or committed uses of the Eligible Customer's 

transmission system, other than the Eligible Customer's Network Loads 

and Resources 

- Location of Network Resources described in subsection (v) above   

- 10 year projection of system expansions or upgrades 

- Transmission System maps that include any proposed expansions or 

upgrades 

- Thermal ratings of Eligible Customer's Control Area ties with other 

ControlBalancing Authority Areas other than the SPP Balancing Authority 

Areas; 



 

 

 

 

(vii) Service Commencement Date and the term of the requested Network 

Integration Transmission Service.  The minimum term for Network 

Integration Transmission Service is one year; however, if service is 

provided hereunder pursuant to a state retail pilot program, the minimum 

term may be the lesser of one year or the remainder of the pilot, but not 

less than one month; 

(viii) A statement signed by an authorized officer from or agent of the Network 

Customer attesting that all of the Network Resources listed pursuant to 

Section 29.2(v) satisfy the following conditions: (1) the Network 

Customer owns the resource, has committed to purchase generation 

pursuant to an executed contract, or has committed to purchase generation 

where execution of a contract is contingent upon the availability of 

transmission service under Part III of the Tariff; and (2) the Network 

Resources do not include any resources, or any portion thereof, that are 

committed for sale to non-designated third party load or otherwise cannot 

be called upon to meet the Network Customer's Network Load on a 

noninterruptible basis, except for purposes of fulfilling obligations under a 

reserve sharing program; and 

(ix) Any additional information required of the Transmission Customer as 

specified in the Transmission Provider’s planning process established in 

Attachment O. 

 

Unless the Parties agree to a different time frame, the Transmission 

Provider must acknowledge the request within ten (10) days of receipt.  The 

acknowledgment must include a date by which a response, including a Service 

Agreement, will be sent to the Eligible Customer.  If an Application fails to meet 

the requirements of this section, the Transmission Provider shall notify the 

Eligible Customer requesting service within fifteen (15) days of receipt and 

specify the reasons for such failure.  Wherever possible, the Transmission 

Provider will attempt to remedy deficiencies in the Application through informal 

communications with the Eligible Customer.  If such efforts are unsuccessful, the 



 

 

 

 

Transmission Provider shall return the Application without prejudice to the 

Eligible Customer filing a new or revised Application that fully complies with the 

requirements of this section.  The Eligible Customer will be assigned a new 

priority consistent with the date of the new or revised Application.  The 

Transmission Provider shall treat this information consistent with the standards of 

conduct contained in Part 37 of the Commission's regulations. The Transmission 

Provider may, on a non-discriminatory basis, waive the requirements of 

subsections 29.2 (iii), (iv), (v) and (vi), to the extent such information is not 

applicable or, in the case of service being requested for retail access load, is 

unknown at the time of the Application. 



 

 

30.4 Operation of Network Resources: 

The Network Customer shall not operate its designated Network 

Resources located in the Network Customer's or Transmission Owner’s(s') 

Control Area(s) such that the output of those facilities exceeds its designated 

Network Load, plus Non-Firm Sales sales delivered pursuant to Part II of the 

Tariff, plus losses, plus power sales under a reserve sharing program, plus sales 

that permit curtailment without penalty to serve its designated Network Load.  

This limitation shall not apply to changes in the operation of a Transmission 

Customer's Network Resources at the request of the Transmission Provider 

through normal operation of the Energy and Operating Reserve Markets as 

described under Attachment AE or to respond to an emergency or other 

unforeseen condition which may impair or degrade the reliability of the 

Transmission System.  For all Network Resources not physically connected with 

the Transmission Provider’s Transmission System, the Network Customer may 

not schedule delivery of energy in excess of the Network Resource’s capacity, as 

specified in the Network Customer’s Application pursuant to Section 29, unless 

the Network Customer supports such delivery within the Transmission Provider’s 

Transmission System by either obtaining Point-To-Point Transmission Service or 

utilizing secondary service pursuant to Section 28.4.  In the event that a Network 

Customer’s schedule at the delivery point for a Network Resource not physically 

interconnected with the Transmission Provider's Transmission System exceeds 

the Network Resource’s designated capacity, excluding energy delivered using 

secondary service or Point-To-Point Transmission Service, it shall pay the penalty 

set forth in Section 13.7 for the amount of the service exceeding the Network 

Resource’s designated capacity.   



 

 

30.5 Network Customer Redispatch Obligation:  

As a condition to receiving Network Integration Transmission Service, the 

Network Customer agrees to redispatch its Network Resources as requested by 

the Transmission Provider pursuant to Section 33.2 and in accordance with the 

Energy and Operating Reserve Markets procedures in Attachment KAE.  The 

Network Customer also shall submit an offer to redispatch in accordance with 

Attachment K, Part I, with the charges subject to approval by the Commission 

where appropriate.  To the extent practical, the redispatch of resources pursuant to 

this section shall be on a least cost, non-discriminatory basis between all Network 

Customers, and the Transmission Owner(s). Transmission Owners and Network 

Customers will not have any redispatch obligation to sustain Non-Firm 

Transmission Service under this provision. 

 



 

 

30.8 Use of Interface Capacity by the Network Customer: 

There is no specific limitation upon a Network Customer's use of the 

Transmission System at the interface(s) to the SPP Balancing AuthorityControl 

Area (where the Network Customer's load is located) to integrate the Network 

Customer's Network Resources (or substitute economy purchases) with its 

Network Loads.  However, a Network Customer's use of the interface capacity 

with other transmission systems may not exceed the Network Customer's Load or 

the applicable interface capacity.  

 



 

 

33.2 Transmission Constraints: 

During any period when the Transmission Provider determines that a 

transmission constraint exists on the Transmission System, and such constraint 

may impair the reliability of the Transmission System, the Transmission Provider 

will take whatever actions, consistent with Good Utility Practice, that are 

reasonably necessary to maintain the reliability of the Transmission System.  To 

the extent the Transmission Provider determines that the reliability of the 

Transmission System can be maintained by redispatching resources, the 

Transmission Provider will initiate procedures pursuant to the Network Operating 

Agreement to redispatch all Network Resources and the Transmission Owners’ 

resources on a least cost basis without regard to the ownership of such resources 

in accordance with the Energy and Operating Reserve Markets procedures in 

Attachment AE.  Any redispatch under this section may not unduly discriminate 

between the Transmission Owners’ use of the Transmission System on behalf of 

their Native Load Customers and any Network Customer’s use of the 

Transmission System to serve its designated Network Load. 



 

 

33.3 Cost Responsibility for Relieving Transmission Constraints: 

Whenever the Transmission Provider implements least cost redispatch 

procedures in response to a transmission Constraintconstraint, all Transmission 

Owners and Network Customers shall pay their share of redispatch costs as 

determined through the operation and settlement of the Energy and Operating 

Reserve Markets as described in Attachment AE, as well as all other firm 

transmission service customers, will bear a proportionate share of the total 

redispatch cost based on their respective Load Ratio Shares. 



 

 

33.4 Curtailments of Scheduled Deliveries: 

If the Transmission Provider determines that it is necessary to Curtail 

curtail scheduled deliveries, the Parties and the affected Transmission Owner(s) 

shall Curtail curtail such schedules in accordance with the Network Operating 

Agreement and pursuant to the Transmission Loading Relief procedures specified 

in Attachment R. 

 



 

 

33.5 Allocation of Curtailments: 

The Transmission Provider shall, on a non-discriminatory basis, Curtail 

curtail the transaction(s) that effectively relieve the constraint.  However, to the 

extent practicable and consistent with Good Utility Practice, any Curtailment will 

be shared by the affected Transmission Owner(s) and Network Customer in 

proportion to their respective Load Ratio Shares.  The Transmission Provider 

shall not direct the Network Customer to Curtail curtail schedules to an extent 

greater than the Transmission Provider would Curtail curtail the Transmission 

Owner's schedules under similar circumstances. 

 



 

 

33.7 System Reliability:  

Notwithstanding any other provisions of this Tariff, the Transmission 

Provider reserves the right, consistent with Good Utility Practice and on a not 

unduly discriminatory basis, to Curtail curtail Network Integration Transmission 

Service without liability on the Transmission Provider's or Transmission Owner's 

part for the purpose of making necessary adjustments to, changes in, or repairs on 

the Transmission Owner's lines, substations and facilities, and in cases where the 

continuance of Network Integration Transmission Service would endanger 

persons or property.  In the event of any adverse condition(s) or disturbance(s) on 

the Transmission System or on any other system(s) directly or indirectly 

interconnected with the Transmission System, the Transmission Provider, 

consistent with Good Utility Practice, also may Curtail curtail Network 

Integration Transmission Service in order to (i) limit the extent or damage of the 

adverse condition(s) or disturbance(s), (ii) prevent damage to generating or 

transmission facilities, or (iii) expedite restoration of service.  The Transmission 

Provider will give the Network Customer as much advance notice as is practicable 

in the event of such Curtailment.  Any Curtailment of Network Integration 

Transmission Service will be not unduly discriminatory relative to the 

Transmission Owner's use of the Transmission System on behalf of its (their) 

Native Load Customers.  In the event that the Network Customer (or any 

Transmission Owner that is not a Network Customer with regard to its bundled 

load) fails to respond to established Load Shedding and Curtailment procedures or 

to cease or reduce service in response to a directive by the Transmission Provider, 

the Network Customer shall pay any applicable charges and the following penalty 

(in addition to the charges for all of the service used):  For the applicable month, 

100% of the Network Integration Transmission Service charge under Schedule 9 

plus 100% of the charges assessed under Schedule 11.  This penalty shall apply 

only to the portion of the service that the Transmission Customer fails to curtail in 

response to a Curtailment directive.  The Transmission Provider shall compensate 

the Transmission Owners for 100% of the (i) Network Integration Transmission 



 

 

 

 

Service charge, (ii) Base Plan Zonal Charge  and (iii) Region-wide Charge for the 

period for which they have provided service.   

 



 

 

34.6 Redispatch Charge: 

The Network Customer shall pay a Load Ratio Share of any redispatch 

costs allocated between the Network Customer and the Transmission Provider 

pursuant to associated with its transactions through the operation and settlement 

of the Energy and Operating Reserve Markets as described in Attachment KAE.  

To the extent that the Transmission Provider incurs an obligation to the Network 

Customer for redispatch costs in accordance with Section 33, such amounts shall 

be credited against the Network Customer's bill for the applicable month. 

 



 

 

35.2 Network Operating Agreement: 

The terms and conditions under which the Network Customer shall 

operate its facilities and the technical and operational matters associated with the 

implementation of Part III of the Tariff shall be specified in the Network 

Operating Agreement.  The Network Operating Agreement shall provide for the 

Parties, including the affected Transmission Owner(s), to (i) operate and maintain 

equipment necessary for integrating the Network Customer within the 

Transmission System (including, but not limited to, remote terminal units, 

metering, communications equipment and relaying equipment), (ii) transfer data 

between the Transmission Provider and the Network Customer (including, but not 

limited to, heat rates and operational characteristics of Network Resources, 

generation schedules for units outside the Transmission System, interchange 

schedules, unit outputs for redispatch required under Section 33, voltage 

schedules, loss factors and other real time data), (iii) use software programs 

required for data links and constraint dispatching, (iv) exchange data on 

forecasted loads and resources necessary for long-term planning, and (v) address 

any other technical and operational considerations required for implementation of 

Part III of the Tariff, including scheduling protocols.  The Network Operating 

Agreement will recognize that the Network Customer shall either (i) operate as a 

Control Area under applicable guidelines of the Electric Reliability Organization 

(ERO) as defined in 18 C.F.R. § 39.1, and SPP Criteria, (ii) satisfy its Balancing 

AuthorityControl Area requirements, including all necessary Ancillary Services, 

by contracting with the Transmission Provider, or (iii) satisfy its Balancing 

AuthorityControl Area requirements, including all necessary Ancillary Services 

requirements, by contracting with another entity, consistent with Good Utility 

Practice, which satisfies the applicable reliability guidelines of the Electric 

Reliability Organization and SPP Criteria.  The Transmission Provider shall not 

unreasonably refuse to accept contractual arrangements with another entity for 

Ancillary Services.  The Network Operating Agreement is included in Attachment 

G. 



 

 

36. Scheduling 

Each Network Customer shall ensure that all necessary information required for the 

Energy and Operating Reserve Markets is submitted in accordance with Attachment AE.submit 

an energy schedule daily for flows consistent with the times for energy scheduling for Daily 

Firm Point-To-Point Transmission Service shown on Attachment P.  Each Network Customer 

also shall provide day ahead generating unit commitment schedules. 

 



 

 

SCHEDULE 1 

SCHEDULING, SYSTEM CONTROL AND DISPATCH SERVICE 

 

Scheduling, System Control and Dispatch Service is required to schedule the movement 

of power through, out of, within or into the SPP Balancing Authority a Control Area.  Charges 

for such service shall be as follows: 

1) For Customers taking Firm or Non-Firm Point-To-Point Transmission Service, for through 

and out transactions, the Schedule 1 charge shall be the product of the capacity reserved, 

expressed in MW and the appropriate rate set forth in the Revenue Requirements and Rates 

File (―RRR File‖), Schedule 1 tab, posted on the SPP website.  The yearly rate for such 

transactions is computed as the ratio of the sum of the accepted or approved revenue 

requirements most recently determined for each Control Area operator having a scheduling 

charge and the prior calendar year’s average of the  12 monthly peaks of the total Resident 

Load (expressed in MW) in the SPP Region. 

On-Peak: 

Monthly Rate/MW:  the yearly rate divided by 12  

Weekly Rate/MW:  the yearly rate divided by 52 

Daily Rate/MW:  the yearly rate divided by 260 

Hourly Rate/MW:  the yearly rate divided by 4160 

Off-Peak: 

Daily Rate/MW:  the yearly rate divided by 365 

Hourly Rate/MW:  the yearly rate divided by 8760 

On-Peak and Off-Peak Periods 

Off-Peak days shall be Saturdays and Sundays and all NERC holidays.  All other 

days shall be On-Peak.  All hours during Off-Peak days shall be Off-Peak.  On-Peak 

hours during On-Peak days shall be all hours from HE 0700 through HE 2200 Central 

Prevailing Time.  All other hours during On-Peak days shall be Off-Peak. 

2) For Customers taking Firm or Non-Firm Point-To-Point Transmission Service, for 

transactions into and within the Transmission System, the Schedule 1 charge shall be the 

charge computed pursuant to the approved rate schedule of the Zone that is the Point of 

Delivery. 



 

 

 

 

3) For Customers taking Network Integration Transmission Service, the Schedule 1 charge shall 

be the charge computed pursuant to the approved rate schedule of the Zone in which the load 

is located. 

Revenue associated with the provision of Schedule 1 service for Customers taking Firm 

or Non-Firm Point-To-Point Transmission Service for through and out transactions shall be 

allocated to Control Area operators in proportion to the respective scheduling revenue 

requirement of each such Control Area operator associated with the provision of this service.  

Such scheduling revenue requirements are set forth in the RRR File, Schedule 1 tab, posted on 

the SPP website. 



 

 

SCHEDULE 2 

REACTIVE SUPPLY AND VOLTAGE CONTROL FROM GENERATION OR OTHER 

SOURCES SERVICE 

 

I. GENERAL 

1. Definitions (These definitions are to be used in this Schedule 2 only; to the 

extent of a conflict between these definitions and other definitions in the 

Tariff, these definitions control in the interpretation of this Schedule 2; other 

capitalized terms are defined elsewhere in this Tariff) 

1.1 Dead Band (DB): A contiguous range of Power Factor operation where 

an hourly PF is greater than or equal to 0.95 (lead or lag).  

1.2 Point of Interconnection (POI): The location where the generator 

connects to the Transmission System. 

1.3. Power Factor (PF): The power factor of a QG as measured or determined 

by the integrated hourly MW and MVAr values at its POI. 

1.4 Qualified Generator (QG): A generator, or a single generator that is part 

of a group of generators at a single Point of Receipt, that has been 

recognized by the Transmission Provider as meeting the criteria specified 

in Section II to receive compensation under this Schedule 2. 

1.5 Reactive Compensation (RC): The monthly amount as calculated in 

Section III.B. 

1.6 Reactive Compensation Rate (RCR):  The amount per MVArh specified 

in Section III.A. 

1.7 Reactive Power Inside Deadband (RPID): As defined in Section III.B.2. 

1.8 Reactive Power Outside Deadband (RPOD): As calculated in Section 

III.B.2. 

1.9 Through and Out Reactive Revenue (T&O Reactive Revenue): The 

amount of reactive power revenue allocated to a Zone each month that was 

collected by the Transmission Provider from Through and Out 

transactions. 

1.10 Zonal Reactive Compensation (ZRC): The monthly sum of the RC for 

all QGs in the pricing zone. 



 

 

 

 

1.11 Zonal Peak Demand: The Zone’s monthly transmission peak. 

1.12 Zone: SPP pricing zone as defined in the SPP OATT.  

2. Purpose 

In order to maintain Transmission System voltages within acceptable 

limits, generation facilities and non-generation resources capable of providing this 

service that are connected to the Transmission System are operated to produce (or 

absorb) reactive power.  Reactive Supply and Voltage Control from Generation or 

Other Sources Service (Reactive Supply) must be provided to support each 

transaction on the Transmission System.  The amount of Reactive Supply required 

in real time to maintain Transmission System voltages within limits that are 

generally accepted in the region and consistently adhered to by the Transmission 

Provider will vary with conditions on the Transmission System.  Generators 

operating within a range of 0.95 leading to 0.95 lagging PF will not receive 

compensation for supplying such reactive power.  Generators meeting the 

requirements of this Schedule 2 will be compensated for producing reactive 

power outside the DB when such operation is at the direction of the Transmission 

Provider or local Balancing Authority. This Schedule 2 provides the criteria 

specifying which generators qualify to receive compensation for reactive power 

and sets out the rates and charges necessary to comparably compensate all QGs 

for such operation. 

 

II. QUALIFIED GENERATOR REQUIREMENTS 

A. General:  All existing generation owners eligible to collect charges for Reactive 

Supply for generators connected to the Transmission System under a cost-based 

rate schedule on file with the Commission as of October 1, 2006, as well as non-

jurisdictional generation owners operating generating facilities that are being  

compensated for the provision of reactive supply and voltage control services to 

SPP as of October 1, 2006, are deemed to have met the technical requirements of 

Section II.B and therefore are QGs. Initially, in order to receive compensation 

under this Schedule 2, all other owners of generation must apply to the 

Transmission Provider for QG status and provide the necessary operating data set 



 

 

 

 

forth in Addendum 1 to this Schedule 2 to the Transmission Provider no later than 

30 days following the final approval of this Schedule 2 by the Commission.  

Subsequently, owners of other generation must apply to the Transmission 

Provider for QG status and provide the necessary operating data to the 

Transmission Provider. The Transmission Provider shall recognize new QGs 

throughout the year if the generator meets the requirements set out in Section II.B. 

A new QG will be eligible for compensation at the beginning of the first month 

after SPP acceptance of the generation owner’s application.  To the extent the 

operating data requested in Addendum 1 has been previously provided to SPP 

pursuant to a generation interconnection agreement or through input for SPP 

transmission operational or planning models, that operating data shall not be 

required with the application.  Once the QG provides the necessary operating data 

to SPP, it shall be eligible to receive compensation under this Schedule 2 as 

provided in Section III.  The QG’s RC will be included under this Schedule 2 in 

the first full billing month after the required information is received.  The 

Transmission Provider shall have the right to remove the QG status of any 

generation resource that fails to meet any requirements of Section II.B.   

B. Technical: 

1. Each QG shall designate the entity that is to receive dispatch instructions 

and the entity to receive compensation.   

2. The generation resource must be able to produce reactive power outside 

the Dead Band at its Point of Interconnection with the Transmission 

System. 

3. Each QG shall maintain the capability to provide MWh, MVArh and 

voltage data, by such means of transmittal, at such intervals and at such 

accuracy level as SPP shall require. 

4. The generation resource must be able to follow a voltage schedule and 

respond to dispatch instructions from the Transmission Provider and/or the 

local Balancing Authority. 

 

III. RATES, CHARGES, AND REVENUE DISTRIBUTION 



 

 

 

 

The following sets forth the rates, charges and revenue distribution pursuant to this 

Schedule 2. All QGs shall be treated the same.  

A. Reactive Compensation Rate 

The RCR shall be based on the cost of reactive power production from recently 

constructed generators so as to reflect the upper end of such costs.  The RCR shall 

be $2.26 per MVArh.  The Transmission Provider may periodically review the 

RCR to determine whether it remains at or near the upper end of a reasonable 

range of cost of producing reactive power by generators recently connected to the 

Transmission System. 

B. Qualified Generator Compensation 

The compensation paid to QGs each month will be based on the calculations as 

set forth below. 

1. Determine the integrated hourly values for real and reactive power 

generated by each Qualifying Generator for each month. 

2. Calculate the Reactive Power Outside the Dead Band (RPOD).  For each 

hour of each month, calculate the amount of Reactive Power inside the 

Dead Band (in MVArh) that the QG would have had to produce or absorb 

to maintain a PF of 0.95 at its actual real power output level (RPID).  Then 

subtract the absolute value of the RPID from the absolute value of the 

actual reactive power output from the QG for that hour (in MVArh).  If the 

absolute value of RPID is greater than the absolute value of the actual 

reactive power output of the QG, then the RPOD for that hour is zero.  

The monthly RPOD is the sum of the hourly RPOD calculations for each 

QG for each month. 

3. Calculate the total compensation that the owner of each QG will receive 

for each month (RC) by multiplying the QG’s monthly RPOD, times the 

RCR.   

RCmonthly = RCR * RPOD monthly 

C. Calculation of Rates 



 

 

 

 

The rates paid by Transmission Customers will be based on the calculations set 

forth below.  All of the amounts calculated below shall be actuals for each month 

with no true-ups. 

1. Calculate the amount of T&O Reactive Revenue allocated to each Zone by 

taking the total amount of revenue generated by this Schedule 2 from 

Through and Out transactions for each month and allocate it on a pro-rata 

share based on the ZRC for the same month. 

  

2. Calculate the total amount of revenue to be collected for each month by 

Zone, by summing the RC for each QG by Zone less the T&O Reactive 

Revenue. 

ZRC = Σn=1 to x(RC)– T&O Reactive Revenue; where: x=Total 

number of QGs in the Zone 

3. Calculate the Schedule 2 Rates, for each Zone, as shown below. 

a. Monthly Rate ($/MW/Mo) = ZRC / Zonal Peak Demand 

b. Weekly Rate ($/MW/Wk) = Monthly Rate times 12 / 52 

c. Daily Off-Peak Rate  ($/MW/Day) = Weekly Rate / 7 

d. Daily On-Peak Rate ($/MW/Day) = Weekly Rate / 5  

e. Hourly Off-Peak Rate ($/MW/Hr) = Daily Off-Peak Rate / 24 

f. Hourly On-Peak Rate ($/MW/Hr) = Daily On-Peak Rate / 16  

The total charge in any day, pursuant to an hourly service reservation, 

shall not exceed the applicable rate for daily service specified above for 

the applicable Zone, times the highest amount of hourly service reserved 

in any hour during such day.  In addition, the total charge in any week 

pursuant to a reservation for hourly or daily service shall not exceed the 

rate for weekly service specified above for the applicable Zone, times the 

highest amount of hourly or daily service reserved in any hour or day 

during such week. 

On-Peak and Off Peak 

Off-Peak days shall be Saturdays and Sundays and all NERC holidays.  

All other days shall be On-Peak.  All hours during Off-Peak days shall be 



 

 

 

 

Off-Peak.  On-Peak hours during On-Peak days shall be all hours from HE 

0700 through HE 2200 Central Prevailing Time.  All other hours during 

On-Peak days shall be Off-Peak.  

4. For the purposes of determining the charge applicable to transactions 

under this Tariff, the transaction will be charged based on the applicable 

zonal rate where the load is physically located.  

5. If the service is a Through and Out transaction, the transaction will be 

charged based on the simple average of all zonal rates for the applicable 

period of service. 

6. The data used in the calculations under this Section III. C. shall be from 

the same month as the monthly RPOD used to calculate the RC in Section 

III. B. 

D. Collection of Charges and Distribution of Revenues 

1. All load shall pay the Transmission Provider a charge for Reactive Supply 

determined by multiplying the applicable rate as calculated in Section 

III.C by the Reserved Capacity for the Transmission Customer taking 

Point-To-Point Transmission Service during that month or the Network 

Customer’s and non-rate terms and conditions customer’s coincident peak 

during the month.  The billing units used herein will be for the same 

month as the month used to determine the RPOD.  After it has sufficient 

data to calculate the monthly RPOD, SPP shall bill customers for monthly 

charges under this Schedule 2 in the next billing cycle.  SPP also will post 

the applicable monthly Schedule 2 charges promptly after it possesses the 

data necessary to calculate such charges.  

 

2. In the event that the monthly revenue collected for a Zone does not match 

the ZRC in a month,  the revenues distributed that month to each QG in 

the affected Zone shall be based upon its RC for that month divided by the 

applicable ZRC for that month multiplied by total zonal revenues collected 

pursuant to this Schedule 2 for that month.  

E. Joint Owned Units 



 

 

 

 

The Transmission Provider will compensate the entity designated in II.B.1 for a 

jointly owned QG.  The Transmission Provider is not responsible for disbursing 

revenue to other owners.  

F. Multiple Generators Behind a Common Meter 

If more than one generator exists behind a single meter, the Transmission 

Provider must individually certify all the generators behind the meter as QGs. 

Compensation will be handled in the same way as an owner with multiple units in 

the same Zone. 

 

IV. QUALIFIED GENERATOR STATUS 

A. Re-Evaluation of Qualified Generator Status 

1. If a QG fails to comply with the Transmission Provider’s or Transmission 

OwnerBalancing Authority’s voltage control requirements three or more 

times in a calendar month, or six or more times in the preceding twelve 

month period, for reasons other than planned or unscheduled outages, the 

Transmission Provider shall determine whether the Generation generation 

Resource resource should continue to be a QG based on the criteria 

established in Section II.B of this Schedule 2. 

2. In making a determination of whether a Generation generation Resource 

resource should continue to be a QG, the Transmission Provider will 

evaluate, among other factors, whether the Generation generation 

Resource resource was operated consistently with its design 

characteristics, if the QG responded in accordance with other agreements 

and whether system conditions prevented it from responding as required 

by the Balancing Authority or Transmission Provider. 

3. If the Transmission Provider determines that the generator should not 

continue to be a QG, the Transmission Provider shall notify the owner and 

stop providing reactive compensation to such generator owner. 

B. Regaining Qualified Generator Status: 

If a generator has had its status as a QG removed by the Transmission Provider, 

such generator may be reinstated to receive reactive compensation six (6) billing 



 

 

 

 

months after disqualification.  If the owner of the generator desires to be 

reinstated, it must make application for such reinstatement to the Transmission 

Provider and demonstrate that the cause(s) for the disqualification has been 

remedied.  The Transmission Provider shall waive the six month period and 

immediately reinstate the QG status if it determines that such status was 

erroneously removed. 

 

V. QUALIFIED GENERATOR DISPATCH CRITERIA 

All QGs will be required to maintain reactive supply pursuant to a voltage schedule 

provided by the Transmission ProviderSPP or the applicable Transmission 

OwnerBalancing Authority.  The Transmission ProviderSPP and the Transmission 

Ownerapplicable Balancing Authority shall issue voltage schedules to all QGs on a non-

discriminatory basis. 

 

In the event of a system contingency or emergency situation that requires specific 

attention to reactive production, the Transmission ProviderSPP or the applicable 

Transmission OwnerBalancing Authority will determine, based on real-time data and 

engineering studies of current and prospective conditions, the most effective solution to 

maintain transmission system reliability. For a circumstance that requires specific 

attention to reactive production, the Transmission ProviderSPP or the applicable 

Transmission OwnerBalancing Authority will perform an engineering study to determine 

the most effective operational plan.  The Transmission ProviderSPP or the applicable 

Transmission OwnerBalancing Authority will issue reactive dispatch instructions or 

revised voltage schedules on a non-discriminatory basis based upon generator 

availability, location, and reactive capability, for such purpose. 



 

 

 

 

ADDENDUM 1 TO SCHEDULE 2 

 

Operating Data to be Provided by Generator Operators Seeking QG Status 

 

 

The following is the list of necessary operating data to be provided as part of an application to 

become a QG.   

 

1. Nameplate data, certified factory test reports, and reactive capability curves for the 

generator. 

 

2. Real and reactive power loads at maximum generator output for station service load 

served from the generator leads before delivery into the transmission system. 

 

3. Nameplate data and copies of certified factory test reports for the generator step-up 

transformer. For transformers having tapped windings, identify the tap connections at 

which the transformer is operated. 

 

4. One line schematics showing the connection of the generator to the SPP Transmission 

System, location of service to station service loads, and the location of metering and 

telemetry points. 

 

5. Identification of the interconnection agreement governing the connection of the 

generator to the transmission system and citation to those provisions in the agreement 

that govern the production of reactive power and voltage regulation. 

 

6. Self assessment (or certification) by generator owner of the ability of the generator to 

provide deliveries of real and reactive power to the SPP Transmission System, net of 

all loads served prior to the connection with the SPP Transmission System, with a 

power factor outside the +/- 95% deadband, to receive and follow reactive power 

dispatch instructions, and to regulate the voltage at a the point of interconnection with 

transmission system pursuant to a voltage schedule. 

 

7. A copy of the most recent tests of the generator, the generator’s protection system, the 

generator’s control system and the generator’s excitation system as performed in 

accord with the SPP Criteria. 



 

 

SCHEDULE 3 

REGULATION AND FREQUENCY RESPONSE SERVICE 

 

Regulation and Frequency Response Service is necessary to provide for the continuous 

balancing of resources (generation and interchange) with load and for maintaining scheduled 

Interconnection frequency at sixty cycles per second (60 Hz). Regulation and Frequency 

Response Service is accomplished by committing on-line generation whose output is raised or 

lowered (predominantly through the use of automatic generating control equipment) and by other 

non-generation resources capable of providing this service as necessary to follow the moment-

by-moment changes in load.  The obligation to maintain this balance between resources and load 

lies with the Control Area operator that performs this function for the Transmission Provider.  

The Transmission Customer must either purchase this service from the Transmission Provider or 

make alternative comparable arrangements to satisfy its Regulation and Frequency Response 

Service obligation.  Unless the Transmission Customer makes alternative comparable 

arrangements, the Transmission Provider will obtain provide this service and the Transmission 

Customer will pay the Transmission Provider for this service through the operation and 

settlement of the Energy and Operating Reserve Markets as described in Attachment AEfrom the 

affected Control Area operators, or elsewhere, where approved, and the Transmission Customer 

shall pay the Transmission Provider for this service when the Transmission Provider provides the 

services to the Transmission Customer.  Charges to the Transmission Customer are to reflect 

only a pass-through of the costs charged to the Transmission Provider by that Control Area 

operator or other Suppliers.  The Transmission Provider shall pass through the revenues it 

receives for this service to the Control Area operator or other suppliers providing this service. 



 

 

SCHEDULE 4 

ENERGY IMBALANCE SERVICE  

 

Energy Imbalance Service is provided when a difference occurs between Energy cleared 

in the Day-Ahead Market the scheduled and the actual delivery of energy Energy to/from the 

Transmission System over a single Dispatch Intervalhour.  The Market Participant must purchase 

this service from the Transmission Provider or make comparable alternate arrangements with 

another Market Participant who will purchase this service from the Transmission Provider.  All 

loads on the Transmission System will be subject to settlement in the Real-Time Balancing 

MarketEnergy Imbalance Service market.  The Transmission Provider will obtain and provide 

this service and the Market Participant shall utilize this service in accordance with Attachment 

AE.  Charges and credits to and payments from and to Market Participants for use and provision 

of this service shall be calculated by the Transmission Provider based upon the applicable 

Locational Imbalance Prices pursuant to Attachment AE. 

A Market Participant that is serving load utilizing Network Integration Transmission 

Service will not require any additional transmission service arrangements for the delivery of 

Imbalance Energy.   

 For Market Participants not utilizing Network Integration Transmission Service, 

Imbalance Transmission Service Charges shall apply as follows: 

1. A Market Participant that is serving load utilizing Point-To-Point Transmission 

Service shall be charged an Imbalance Transmission Service Charge for Imbalance Energy 

withdraws in each hour as follows:  

(a) To the extent that a Market Participant’s Reported Load is less than or equal to 

104% of the sum of that Market Participant’s total Point-To-Point Transmission Service 

Reservations in an hour, no Imbalance Transmission Service Charge shall apply to that Market 

Participant in that hour. 

(b) To the extent that a Market Participant’s Reported Load is greater than 104% of 

the sum of that Market Participant’s total Point-To-Point Transmission Service Reservations in 

an hour and that Market Participant’s Imbalance Energy withdrawn in that hour is less than 2 

megawatts, no Imbalance Transmission Service Charge shall apply to that Market Participant in 

that hour. 



 

 

 

 

(c) To the extent that a Market Participant’s Reported Load is greater than 104% of 

the sum of that Market Participant’s total Point-To-Point Transmission Service Reservations in 

an hour and that Market Participant’s Imbalance Energy withdrawn in that hour is greater than 2 

megawatts, that Market Participant will be charged for transmission service in that hour as 

follows: 

Imbalance Transmission Service Charge = {(Reported Load) – (1.04 x sum of Point-To-

Point Transmission Service Reservations)} x {hourly Non-Firm Point-To-Point Transmission 

Service rate, determined in accordance with Schedule 8 to this Tariff}. 

2. A Market Participant Transmission Owner that is providing transmission service 

under Grandfathered Agreements and/or that is providing transmission service to bundled retail 

load for which such Transmission Owner is not taking Network Integration Transmission Service 

or Point-To-Point Transmission Service under this Tariff shall be charged an Imbalance 

Transmission Service Charge for Imbalance Energy withdrawn in each hour as follows: 

(a) To the extent that the Market Participant Transmission Owners Imbalance Energy 

withdrawn is less than or equal to 4% of Reported Load, no Imbalance Transmission Service 

Charge shall apply to that Market Participant Transmission Owner in that hour. 

(b) To the extent that the Market Participant Transmission Owner’s Imbalance 

Energy withdrawn in an hour is greater than 4% of Reported Load and is less than 2 megawatts, 

no Imbalance Transmission Service Charge shall apply to that Market Participant Transmission 

Owner in that hour. 

(c) To the extent that the Market Participant Transmission Owner’s Imbalance 

Energy withdrawn in an hour is greater than 4% of Reported Load and is greater than 2 

megawatts, that Market Participant Transmission Owner will be charged for transmission service 

in that hour as follows: 

Imbalance Transmission Service Charge = {Imbalance Energy withdrawn – (Reported 

Load x .04)} x {hourly Non-Firm Point-To-Point Transmission Service rate, determined in 

accordance with Schedule 8 to this Tariff}. 

 However, if such Market Participant Transmission Owner has a pending application 

before state regulatory authority(ies) having jurisdiction over its bundled retail load or the 

Transmission Owner, to serve bundled retail load using Network Integration Transmission Service 

under this Tariff, the Market Participant Transmission Owner shall not be charged for transmission 



 

 

 

 

service associated with the amount of Imbalance Energy consumed in each hour prior to the effective 

date of the final order or decision resulting from that application. 

 Market Participants that are not taking Network Integration Transmission Service or 

Point-To-Point Transmission Service that are offering their Resources for sale into the EIS Market 

that have executed the Service Agreement specified in Attachment AH are not subject to hourly Non-

Firm Point-To-Point Transmission Service charges for any Imbalance Energy delivered to the EIS 

Market. 



 

 

SCHEDULE 5 

OPERATING RESERVE - SPINNING RESERVE SERVICE 

 

Spinning Reserve Service is needed to serve load immediately in the event of a system 

contingency.  Spinning Reserve Service may be provided by generating units that are on-line and 

loaded at less than maximum output and by non-generation resources capable of providing this 

service.  The Transmission Customer must either purchase this service from the Transmission 

Provider or make alternative comparable arrangements to satisfy its Spinning Reserve Service 

obligation.  Unless the Transmission Customer makes alternative comparable arrangements, the 

Transmission Provider will obtain provide the service from the affected Control Areas, and the 

Transmission Customer shall will pay the Transmission Provider for this service through the 

operation and settlement of the Energy and Operating Reserve Markets as described in 

Attachment AEwhen the Transmission Provider provides this service to the Transmission 

Customer.  Charges to the Transmission Customer are to reflect only a pass-through of the costs 

charged to the Transmission Provider by that Control Area operator or other suppliers.  The 

Transmission Provider shall pass through the revenues it receives for this service to the Control 

Area operator or other supplier providing the service. 



 

 

SCHEDULE 6 

OPERATING RESERVE - SUPPLEMENTAL RESERVE SERVICE 

 

Supplemental Reserve Service is needed to serve load in the event of a system 

contingency; however, it is not available immediately to serve load but rather within a short 

period of time.  Supplemental Reserve Service may be provided by generating units that are on-

line but unloaded, by quick-start generation or by interruptible load or other non-generation 

resources capable of providing this service.  The Transmission Customer must either purchase 

this service from the Transmission Provider or make alternative comparable arrangements to 

satisfy its Supplemental Reserve Service obligation.  Unless the Transmission Customer makes 

alternative comparable arrangements, the Transmission Provider will obtain provide this service 

from the affected Control Areas, and the Transmission Customer shall will pay the Transmission 

Provider for this service through the operation and settlement of the Energy and Operating 

Reserve Markets as described in Attachment AEwhen the Transmission Provider provides this 

service to the Transmission Customer.  Charges to the Transmission Customer are to reflect only 

a pass-through of the costs charged to the Transmission Provider by that Control Area operator 

or other supplier.  The Transmission Provider shall pass through the revenues it receives for this 

service to the Control Area operator or other suppliers providing the service. 



 

 

SCHEDULE 7 

LONG-TERM FIRM AND SHORT-TERM FIRM POINT-TO-POINT TRANSMISSION 

SERVICE 

 

The Transmission Customer shall compensate the Transmission Provider each month for 

Reserved Capacity at the sum of the applicable charges set forth below in addition to other 

applicable charges specified in the Tariff.  All effective rates under this schedule shall be posted 

on the SPP OASIS. 

1. Zonal Rates:  The Transmission Customer shall pay the zonal rate (per kW of 

reserved capacity) based upon the Zone where the load is located for Firm Point-To-Point 

Transmission Service where the generation source is outside the SPP Region and the load is 

located within the SPP Region and for Firm Point-To-Point Transmission Service where both the 

generation source and the load are located within the SPP Region.  For Firm Point-To-Point 

Transmission Service where the generation source is located within the SPP Region and the load 

is located outside of the SPP Region, and for Firm Point-To-Point Transmission Service where 

both the generation source and the load are located outside of the SPP Region, the Transmission 

Customer shall pay the zonal rate (per kW of reserved capacity) for the Zone interconnected with 

the Balancing Authority Control Area, external to the SPP Region, that is the designated Point of 

Delivery. Where there is more than one Zone interconnected with such Balancing Authority 

Control Area, the lowest zonal rate of the interconnected Zones is applicable. The zonal rates are 

stated in Attachment T. 

The Zones are as follows: 

Zone 1: American Electric Power – West 

Zone 2: Reserved for Future Use 

Zone 3: City Utilities of Springfield, Missouri 

Zone 4: Empire District Electric Company 

Zone 5: Grand River Dam Authority 

Zone 6: Kansas City Power & Light Company 

Zone 7: Oklahoma Gas & Electric Company 

Zone 8: Midwest Energy, Inc. 

Zone 9: KCP&L Greater Missouri Operations Company 

Zone 10: Southwestern Power Administration 



 

 

 

 

Zone 11: Southwestern Public Service 

Zone 12: Sunflower Electric Cooperative 

Zone 13: Western Farmers Electric Cooperative 

Zone 14: Westar Energy, Inc. (Kansas Gas & Electric and Westar Energy) 

Zone 15: Mid-Kansas Electric Company  

Zone 16: Lincoln Electric System 

Zone 17: Nebraska Public Power District 

Zone 18: Omaha Public Power District 

No changes in Zones shall be made without submitting a filing to the Commission. 

2. Caps:  The total demand charge in any week, pursuant to a reservation for Daily 

delivery, shall not exceed the weekly rate times the highest amount in kilowatts of Reserved 

Capacity in any day during such week. 

3. Redispatch Costs:  The redispatch costs shall be calculated in accordance with 

the formula and protocols shown on Attachment K.  The Transmission Provider shall provide an 

estimate of such redispatch costs before service begins. 

4. Losses:  The Transmission Customer shall replace losses determined in 

accordance with Attachment M. 

5. a.  Direct Assignment Costs:  Where a Facilities Study indicates the need to 

construct Direct Assignment Facilities to accommodate a request for Transmission Service, the 

Transmission Customer shall be charged the full cost of such Direct Assignment Facilities in 

addition to the charges specified in this Schedule and Tariff.  The annual costs of the facility 

shall be calculated by multiplying the levelized  fixed charge rate of the Transmission Owner by 

the nondepreciated cost of the facility.  Each month the Transmission Customer shall pay a 

charge based on such annual costs divided by twelve.  Any such charge will be filed with the 

Commission. 

b.  Directly Assigned Upgrade Costs:  Where a Facilities Study indicates the 

need to construct Network Upgrades to accommodate a request for Transmission Service, the 

Transmission Customer may be allocated Directly Assigned Upgrade Costs in accordance with 

Attachments J and Z1.  Any such charge will be filed with the Commission.  The Transmission 

Customer shall be charged the higher of (i) the charges specified in Schedules 7 and 11  or (ii) 

the Directly Assigned Upgrade Costs.  The Transmission Customer shall also be charged any 



 

 

 

 

other applicable charges under the Tariff.  If the Transmission Customer is charged the Directly 

Assigned Upgrade Costs, upon completion of construction of such assigned upgrades, the 

Transmission Provider shall reconcile the Directly Assigned Upgrade Costs against the actual 

construction costs.  Based on the reconciliation, the Transmission Customer’s cost responsibility 

shall be adjusted as appropriate. 

6. Wholesale Distribution Service:  Where Wholesale Distribution Service is 

provided to effectuate Firm Point-To-Point Transmission Service, the Transmission Customer 

shall pay all charges levied pursuant to the Wholesale Distribution Service Agreement and 

Schedule 10. 

7. Base Plan Zonal Charges and Region-wide Charges:  The Transmission 

Customer shall pay all charges assessed pursuant to Schedule 11 to the extent the revenue from 

such charges is not recovered by the Transmission Provider from the Transmission Customer 

pursuant to Section 5.b of this Schedule. 

8. Resales: The rates and rules governing charges and discounts stated above shall 

not apply to resales of transmission service, compensation for which shall be governed by 

section 23.1 of the Tariff. 



 

 

SCHEDULE 8 

NON-FIRM POINT-TO-POINT TRANSMISSION SERVICE 

 

The Transmission Customer shall compensate the Transmission Provider for Non-Firm 

Point-To-Point Transmission Service up to the sum of the applicable charges set forth below in 

addition to other applicable charges specified in the Tariff.  All effective rates under this 

schedule shall be posted on the SPP OASIS.   

1. Zonal Rates: The Transmission Customer shall pay the zonal rate (per KW of 

reserved capacity) based upon the Zone where the load is located for Non-Firm Point-To-Point 

Transmission Service where the generation source is outside the SPP Region and the load is 

located within the SPP Region and for Non-Firm Point-To-Point Transmission Service where 

both the generation source and the load are located within the SPP Region.  For Non-Firm Point-

To-Point Transmission Service where the generation source is located within the SPP Region 

and the load is located outside of the SPP Region, and for Non-Firm Point-To-Point 

Transmission Service where both the generation source and the load are located outside of the 

SPP Region, the Transmission Customer shall pay the zonal rate (per KW of reserved capacity) 

for the Zone interconnected with the Balancing Authority Control Area, external to the SPP 

Region, that is the designated Point of Delivery. Where there is more than one Zone 

interconnected with such Balancing Authority Control Area, the lowest zonal rate of the 

interconnected Zones is applicable. The zonal rates are stated in Attachment T. 

The Zones are as follows: 

Zone 1: American Electric Power – West 

Zone 2: Reserved for Future Use 

Zone 3: City Utilities of Springfield, Missouri 

Zone 4: Empire District Electric Company 

Zone 5: Grand River Dam Authority 

Zone 6: Kansas City Power & Light Company 

Zone 7: Oklahoma Gas & Electric Company 

Zone 8: Midwest Energy, Inc. 

Zone 9: KCP&L Greater Missouri Operations Company 

Zone 10: Southwestern Power Administration 

Zone 11: Southwestern Public Service 



 

 

 

 

Zone 12: Sunflower Electric Cooperative 

Zone 13: Western Farmers Electric Cooperative 

Zone 14: Westar Energy, Inc. (Kansas Gas & Electric and Westar Energy) 

Zone 15: Mid-Kansas Electric Company 

Zone 16: Lincoln Electric System 

Zone 17: Nebraska Public Power District 

Zone 18: Omaha Public Power District 

No changes in Zones shall be made without submitting a filing to the Commission. 

2. Caps:  The total demand charge in any week, pursuant to a reservation for Daily 

delivery, shall not exceed the weekly rate times the highest amount in kilowatts of Reserved 

Capacity in any day during such week.  The total demand charge in any day, pursuant to a 

reservation for Hourly delivery, shall not exceed the daily rate times the highest amount in 

kilowatts of Reserved Capacity in any hour during such day.  In addition, the total demand 

charge in any week, pursuant to a reservation for Hourly or Daily delivery, shall not exceed the 

weekly rate above times the highest amount in kilowatts of Reserved Capacity in any hour 

during such week. 

3. Redispatch Costs:  The redispatch costs shall be calculated in accordance with 

the formula and protocols shown on Attachment K.  The Transmission Provider shall provide an 

estimate of such redispatch costs before service begins. 

4. Discounts:  The Transmission Provider may offer discounts under this Schedule.  

Three principal requirements apply to discounts for transmission service as follows:  (1) any 

offer of a discount made by the Transmission Provider must be announced to all Eligible 

Customers solely by posting on the OASIS, (2) any customer-initiated requests for discounts 

must occur solely by posting on the OASIS, and (3) once a discount is negotiated, details must 

be immediately posted on the OASIS.  For any discount agreed upon for service on a path, from 

Point(s) of Receipt to Point(s) of Delivery, the Transmission Provider must offer the same 

discounted transmission service rate for the same time period to all Eligible Customers on all 

unconstrained transmission paths that go to the same Point(s) of Delivery on the Transmission 

System.  In offering discounts, the Transmission Provider’s goal shall be to maximize 

transmission revenues. 



 

 

 

 

4(a) Next-Hour-Market Service:  The basic charge shall be that agreed upon by the 

Parties at the time this service is reserved and in no event shall exceed the applicable charges 

posted on  OASIS. In the event that transmission service is curtailed or interrupted by the 

Transmission Provider, either acting directly or indirectly at the request of another transmission 

provider or a Security Coordinator, the Transmission Customer shall be charged only for that 

portion of the hour of actual transmission service used.  The pro-rata portion must be agreed 

upon between the Transmission Provider and the Transmission Customer. 

5. Losses:  The Transmission Customer shall replace losses determined in 

accordance with Attachment M. 

6. Wholesale Distribution Service: Where Wholesale Distribution Service is 

provided to effectuate Non-Firm Point-To-Point Transmission Service, the Transmission 

Customer shall pay all charges levied pursuant to the Wholesale Distribution Service Agreement 

and Schedule 10. 

7. Base Plan Zonal Charges and Region-wide Charges:  The Transmission 

Customer shall pay all charges assessed pursuant to Schedule 11. 

8. Resales: The rates and rules governing charges and discounts stated above shall 

not apply to resales of transmission service, compensation for which shall be governed by 

section 23.1 of the Tariff. 



 

 

SCHEDULE 9 

NETWORK INTEGRATION TRANSMISSION SERVICE 

 

The Transmission Customer shall compensate the Transmission Provider for Network 

Integration Transmission Service at the applicable charges set forth below in addition to other 

applicable charges specified in the Tariff. 

1. Zonal Rates:  The Transmission Customer taking Network Integration 

Transmission Service shall pay a monthly demand charge for the Zone where the load is located.  

Each month, the Transmission Customer shall pay the Transmission Provider the applicable 

monthly zonal Demand Charge, determined in accordance with Section 34.1.  If a Transmission 

Customer has load in multiple Zones, the Transmission Customer shall pay the monthly demand 

charge for each Zone in which its load is located.  For load not physically interconnected with 

the Transmission System designated as Network Load pursuant to Section 31.3, the Network 

Customer shall pay the zonal Demand Charge for the Zone interconnected with the Balancing 

Authority Control Area, external to the SPP Region, that is the designated Point of Delivery.  

Where there is more than one Zone interconnected with such Balancing Authority Control Area, 

the lowest zonal Demand Charge of the interconnected Zones is applicable.  A Transmission 

Customer that is serving load on the Xcel Energy Operating Companies’ transmission system 

taking Network Integration Transmission Service under the Xcel Energy Operating Companies’ 

OATT and also takes transmission service under Part III of this Tariff to export over the Lamar 

Tie Line resources from the SPS Zone to serve load on the Public Service Company of Colorado 

(PSCo) transmission system shall have its zonal rate charges under this Schedule 9 reduced by 

100%.  A Transmission Customer that is serving load on the Xcel Energy Operating Companies’ 

transmission system taking Network Integration Transmission Service under the Xcel Energy 

Operating Companies’ OATT and also takes transmission service under Part III of this Tariff to 

import over the Lamar Tie Line resources to serve its load in the SPS Zone shall be subject to the 

applicable charges under this Schedule 9, without reduction.   The Zonal Annual Transmission 

Revenue Requirement of each Zone is stated in Attachment H.Notwithstanding anything to the 

contrary in this Tariff, a Transmission Owner taking Network Integration Transmission Service 

may elect not to pay (in whole or in part) the monthly demand charges specified in the preceding 

paragraph to the extent that the Transmission Owner would have received under Attachment L 

(revenue distribution) the amounts it seeks to not pay under this provision.  A Transmission 



 

 

 

 

Owner electing this option shall remain obligated to pay any applicable charges for transmission 

services using any other Transmission Owner’s facilities unless the transmission is provided 

pursuant to a Grandfathered Agreement (in which case compensation provisions under the 

Grandfathered Agreement control).  A Transmission Owner electing this option shall remain 

responsible for any credits pursuant to Section 30.9 and for all other applicable charges under 

this Tariff.  This election will only be effective through January 31, 2010. 

The Zones are as follows: 

Zone 1: American Electric Power - West 

Zone 2: Reserved for Future Use 

Zone 3: City Utilities of Springfield, Missouri 

Zone 4: Empire District Electric Company 

Zone 5: Grand River Dam Authority 

Zone 6: Kansas City Power & Light Company 

Zone 7: Oklahoma Gas & Electric Company 

Zone 8: Midwest Energy, Inc. 

Zone 9: KCP&L Greater Missouri Operations Company 

Zone 10: Southwestern Power Administration 

Zone 11: Southwestern Public Service 

Zone 12: Sunflower Electric Cooperative 

Zone 13: Western Farmers Electric Cooperative 

Zone 14: Westar Energy, Inc. (Kansas Gas & Electric and Westar Energy) 

Zone 15: Mid-Kansas Electric Company 

Zone 16: Lincoln Electric System 

Zone 17: Nebraska Public Power District 

Zone 18: Omaha Public Power District 

No changes in Zones shall be made without submitting a filing to the Commission. 

2. Redispatch Costs:  The redispatch costs shall be calculated in accordance with 

the formula and protocols shown on Attachment K.  The Transmission Provider shall provide an 

estimate of such redispatch costs before service begins. 

3. Losses:  The Transmission Customer shall replace losses determined in 

accordance with Attachment M. 



 

 

 

 

4. a.)  Direct Assignment Costs:  Where a Facilities Study indicates the need to 

construct Direct Assignment Facilities to accommodate a request for Transmission Service, the 

Transmission Customer shall be charged the full cost of such Direct Assignment Facilities in 

addition to the charges specified in this Schedule and Tariff.  The annual costs of the facility 

shall be calculated by multiplying the levelized fixed charge rate of the Transmission Owner by 

the nondepreciated cost of the facility.  Each month the Transmission Customer shall pay a 

charge based on such annual costs divided by twelve.  Any such charge will be filed with the 

Commission. 

b.)  Directly Assigned Upgrade Costs:  Where a Facilities Study indicates the 

need to construct Network Upgrades to accommodate a request for Transmission Service, the 

Transmission Customer may be allocated Directly Assigned Upgrade Costs in accordance with 

Attachments J and Z1.  Any such charge will be filed with the Commission.  The Transmission 

Customer shall be charged the Directly Assigned Upgrade Costs in addition to the charges 

specified in this Schedule and any other applicable charges under this Tariff.  If the Transmission 

Customer is charged the Directly Assigned Upgrade Costs, upon completion of construction of 

such assigned upgrades, the Transmission Provider shall reconcile the Directly Assigned 

Upgrade Costs against the actual construction costs.  Based on the reconciliation, the 

Transmission Customer’s cost responsibility shall be adjusted as appropriate. 

5. Wholesale Distribution Service:  Where Wholesale Distribution Service is 

provided to effectuate Network Integration Transmission Service, the Network Customer shall 

pay all charges levied pursuant to the Wholesale Distribution Service Agreement and Schedule 

10.  

6. Base Plan Zonal Charges and Region-wide Charges:  The Transmission 

Customer shall pay all charges assessed pursuant to Schedule 11. 



 

 

SCHEDULE 11 

BASE PLAN ZONAL CHARGE AND REGION-WIDE CHARGE 

 

I. Introduction 

Pursuant to Part V of this Tariff, Base Plan Zonal Charges and Region-wide 

Charges shall be assessed to Network Customers and, where applicable, Transmission 

Owners based on Resident Load.  Likewise, Base Plan Zonal Charges and the Region-

wide Charge shall be assessed to each Transmission Customer taking Point-To-Point 

Transmission Service under the Tariff based on Reserved Capacity. The charges stated in 

Schedule 11 shall not be changed absent a filing with the Commission.   

II. Base Plan Zonal Charges and Region-wide Charge to Resident Load 

A. Base Plan Zonal Charge to Resident Load 

The Network Customer and the Transmission Owner shall pay a monthly Base 

Plan Zonal Charge, which shall be determined by multiplying its Base Plan Zonal Load 

Ratio Share by one twelfth (1/12) of the Base Plan Zonal Annual Transmission Revenue 

Requirement specified in Attachment H less any amount reallocated in accordance with 

Section IV.A of Attachment J for each Zone in which the Network Customer’s or 

Transmission Owner’s Resident Load is physically located. Where a Network Customer 

has designated Network Load not physically interconnected with the Transmission 

System under Section 31.3, Network Customer shall pay a monthly Zonal Base Plan 

Charge, which shall be determined by multiplying its Base Plan Zonal Load Ratio Share 

by one twelfth (1/12) of the Base Plan Zonal Annual Transmission Revenue Requirement 

specified in Attachment H less any amount reallocated in accordance with Section IV.A 

of Attachment J  for the Zone that is the basis for charges under Schedule 11. 

1. Determination of Network Customer's and Transmission Owner’s 

Monthly Zonal Resident Load 

The Network Customer's or Transmission Owner’s monthly zonal 

Resident Load is its integrated hourly load coincident with the monthly peak of 

the Zone where the Resident Load is physically located.  Where a Network 

Customer or Transmission Owner has Resident Load in more than one Zone, the 

monthly Resident Load will be determined separately for each Zone.  Where a 

Network Customer has designated Network Load not physically interconnected 



 

 

 

 

with the Transmission System under Section 31.3, the Network Customer's 

monthly Resident Load will be its hourly load coincident with the monthly peak 

of the Zone that is the basis for charges under Schedule 11. 

2. Determination of Transmission Provider’s Monthly Zone 

Transmission Load 

The Transmission Provider's monthly Transmission System load shall be 

determined in accordance with Section 34.5 of this Tariff. 

B. Region-wide Charge to Resident Load 

Network Customers and Transmission Owners shall pay a monthly Region-wide 

Charge, which shall be determined by multiplying its Region-wide Load Ratio Share by 

one twelfth (1/12) of the Region-wide Annual Transmission Revenue Requirement 

specified in Attachment H.   

1. Determination of Network Customer's and Transmission Owner’s 

Monthly Regional Resident Load 

The Network Customer's or Transmission Owner’s monthly regional 

Resident Load is the sum of its monthly zonal Resident Load for each Zone, 

where the monthly zonal Resident Load is determined separately for each Zone 

coincident with the monthly peak of the Zone in accordance with Section II.A.1.  

2. Determination of Transmission Provider’s Monthly Regional 

Transmission Load 

The Transmission Provider's monthly regional Transmission System load 

is the sum of the monthly Zone transmission load for each Zone, where the 

monthly zone transmission load for each Zone is determined on a non-coincident 

basis in accordance with Section II.A.2. 

III. Base Plan Zonal Charge and Region-wide Charge for Point-To-Point Transmission 

Service 

A. Base Plan Zonal Charge for Point-To-Point Transmission Service 

The Base Plan Zonal Charge shall be assessed to Transmission Customers taking 

Firm or Non-Firm Point-To-Point Transmission Service under the SPP Tariff.  The 

Transmission Customer shall pay the Base Plan Zonal Rate (per kW of Reserved 

Capacity) based upon the Zone where the load is located for Point-To-Point Transmission 

Service where the generation source is outside the SPP Region and the load is located 



 

 

 

 

within the SPP Region and for Point-To-Point Transmission Service where both the 

generation source and the load are located within the SPP Region.  For Point-To-Point 

Transmission Service where the generation source is located within the SPP Region and 

the load is located outside of the SPP Region, and for Point-To-Point Transmission 

Service where both the generation source and the load are located outside of the SPP 

Region, the Transmission Customer shall pay the Base Plan Zonal Rate (per kW of 

Reserved Capacity) for the Zone interconnected with the Balancing Authority Control 

Area, external to the SPP Region, that is the designated Point of Delivery. Where there is 

more than one Zone interconnected with such Balancing Authority Control Area, the 

lowest Base Plan Zonal Rate of the interconnected Zones is applicable.  The Base Plan 

Zonal Rates shall be calculated in accordance with Section III.D. 

B. Region-wide Charge for Point-To-Point Transmission Service 

The Region-wide Charge shall be assessed to Transmission Customers taking 

Firm or Non-Firm Point-To-Point Transmission Service under the SPP Tariff.  The 

Transmission Customer shall pay the Region-wide Rate (per kW of Reserved Capacity) 

for Point-To-Point Transmission Service.  The Region-wide Rate shall be calculated in 

accordance with Section III.C. 

C. Region-wide Rate for Point-To-Point Transmission Service 

1. Determination of Annual Region-wide Rate 

The Region-wide Annual Transmission Revenue Requirement specified in 

Attachment H is the basis for the Region-wide Rate.  The annual Region-wide Rate for 

Firm Point-To-Point Transmission Service shall be determined in accordance with the 

following formula: 

RR = RATRR/MRTL 

in which 

RR = the annual Region-wide Rate 

RATRR = the Region-wide Annual Transmission Revenue 

Requirement as specified in Attachment H 

MRTL = the average of the sum of the monthly regional 

Transmission System load for the twelve months of the 

calendar year on which the rate is based.  The monthly 



 

 

 

 

regional Transmission System load is determined in 

accordance with Section II.B.2. 

2. Region-wide Rate for Firm Point-To-Point Transmission Service 

The Region-wide Rate for Firm Point-To-Point Transmission Service shall be: 

Per month =  annual Region-wide Rate divided by 12; 

Per week =  annual Region-wide Rate divided by 52; 

Per day ―on-peak‖ = the ―per week‖ Region-wide Rate divided by 5; 

provided that the rate for 5 to 7 consecutive days 

may not exceed the ―per week‖ Region-wide Rate; 

and 

Per day ―off-peak‖ = the ―per week‖ Region-wide Rate divided by 7. 

3. Region-wide Rate for Non-Firm Point-To-Point Transmission Service 

The Region-wide Rate for Non-Firm Point-To-Point Transmission Service shall 

be: 

Per month =  annual Region-wide Rate divided by 12; 

Per week =  annual Region-wide Rate divided by 52: 

Per day ―on-peak‖ = the ―per month‖ Region-wide Rate multiplied by 12 

then divided by 260; 

Per day ―off-peak‖ = the ―per month‖ Region-wide Rate multiplied by 12 

then divided by 365; 

Per hour ―on-peak‖ = the ―per month‖ Region-wide Rate multiplied by 12 

then divided by 4160; and 

Per hour ―off-peak‖ = the ―per month‖ Region-wide Rate multiplied by 12 

then divided by 8760. 

4. Total Region-wide Charge 

The total Region-wide Charge paid by a Transmission Customer pursuant 

to a reservation for hourly delivery shall not exceed the above on-peak daily rate 

multiplied by the highest amount of Reserved Capacity in any hour during such 

day.  The total Region-wide Charge in any week, pursuant to a reservation for 

hourly or daily delivery, shall not exceed the above Region-wide Rate specified 

for weekly delivery multiplied by the highest amount of Reserved Capacity in any 

hour during such week. 

5. Rate Sheet for Region-wide Point-To-Point Transmission Service 

Firm Point-To-Point Transmission Service 



 

 

 

 

The Transmission Customer shall compensate the Transmission Provider 

each month for Reserved Capacity at the sum of the applicable charges set 

forth in the Revenue Requirements and Rates File (―RRR File‖) posted on 

the SPP website. 

Non-Firm Point-To-Point Transmission Service 

The Transmission Customer shall compensate the Transmission Provider 

for Non-Firm Point-To-Point Transmission Service up to the sum of the 

applicable charges set forth in the RRR File posted on the SPP website. 

D. Base Plan Zonal Rates for Point-To-Point Transmission Service 

1. Determination of Annual Base Plan Zonal Rate 

The Base Plan Zonal Annual Transmission Revenue Requirements specified in 

Attachment H less any amount reallocated in accordance with Section IV.A of Attachment J 

are the basis for the Base Plan Zonal Rates.  The annual Base Plan Zonal Rates for Firm 

Point-To-Point Transmission Service shall be determined in accordance with the following 

formula for each Zone. 

BPZR = BPZATRR/MZTL 

in which 

BPZR = the annual Base Plan Zonal Rate for the Zone 

BPZATRR = the Base Plan Zonal Annual Transmission Revenue 

Requirement for the Zone as specified in Attachment H less 

any amount reallocated in accordance with Section IV.A of 

Attachment J 

MZTL = the average of the sum of the monthly zone transmission 

load for the Zone for the twelve months of the calendar 

year on which the rate is based.  The monthly zone 

transmission load is determined in accordance with Section 

II.A.2. 

2. Base Plan Zonal Rate for Firm Point-To-Point Transmission Service 

The Base Plan Zonal Rate for Firm Point-To-Point Transmission Service for each 

Zone shall be: 

Per month = annual Base Plan Zonal Rate for the Zone divided 

by 12; 

Per week = annual Base Plan Zonal Rate for the Zone divided 

by 52; 



 

 

 

 

Per day ―on-peak‖ = the ―per week‖ Base Plan Zonal Rate for the Zone 

divided by 5; provided that the rate for 5 to 7 

consecutive days may not exceed the ―per week‖ 

Base Plan Zonal Rate; 

Per day ―off-peak‖ = the ―per week‖ Base Plan Zonal Rate for the Zone 

divided by 7. 

3. Base Plan Zonal Rate for Non-Firm Point-To-Point Transmission 

Service 

The Base Plan Zonal Rate for Non-Firm Point-To-Point Transmission Service for 

each Zone shall be: 

Per month = annual Base Plan Zone Rate for the Zone divided by 

12; 

Per week = annual Base Plan Zonal Rate for the Zone divided 

by 52: 

Per day ―on-peak‖ = the ―per month‖ Base Plan Zonal Rate for the Zone 

multiplied by 12 then divided by 260; 

Per day ―off-peak‖ = the ―per month‖ Base Plan Zonal Rate for the Zone 

multiplied by 12 then divided by 365; 

Per hour ―on-peak‖ = the ―per month‖ Base Plan Zonal Rate for the Zone 

multiplied by 12 then divided by 4160; and 

Per hour ―off-peak‖ = the ―per month‖ Base Plan Zonal Rate for the Zone 

multiplied by 12 then divided by 8760. 

4. Total Zonal Base Plan Charge 

The total zonal charge paid by a Transmission Customer for each Zone 

pursuant to a reservation for hourly delivery shall not exceed the above on-peak 

daily rate multiplied by the highest amount of Reserved Capacity in any hour 

during such day.  The total zonal charge for each Zone in any week, pursuant to a 

reservation for hourly or daily delivery, shall not exceed the above Base Plan 

Zonal Rate for the Zone specified for weekly delivery multiplied by the highest 

amount of Reserved Capacity in any hour during such week. 

5. Rate Sheets for Base Plan Zonal Point-To-Point Transmission Service 

Firm Point-To-Point Transmission Service 

The Transmission Customer shall compensate the Transmission 

Provider each month for Reserved Capacity at the sum of the applicable 

charges set forth in the RRR File posted on the SPP website. 

Non-Firm Point-To-Point Transmission Service 



 

 

 

 

The Transmission Customer shall compensate the Transmission 

Provider for Non-Firm Point-To-Point Transmission Service up to the sum 

of the applicable charges set forth in the RRR File posted on the SPP 

website. 

 E. On-Peak and Off-Peak 

Off-Peak days shall be Saturdays and Sundays and all NERC holidays.  All other 

days shall be On-Peak.  All hours during Off-Peak days shall be Off-Peak.  On-Peak 

hours during On-Peak days shall be all hours from HE 0700 through HE 2200 Central 

Prevailing Time.  All other hours during On-Peak days shall be Off-Peak. 
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ATTACHMENT A 

FORM OF SERVICE AGREEMENT FOR FIRM POINT-TO-POINT TRANSMISSION 

SERVICE 

 

1.0 This Service Agreement, dated as of _______________, is entered into, by and between 

Southwest Power Pool, Inc. ("The Transmission Provider"), and ____________ 

("Transmission Customer"). 

2.0 The Transmission Customer has been determined by The Transmission Provider to have 

a Completed Application for Firm Point-To-Point Transmission Service under the Tariff. 

3.0 The Transmission Customer has completed all credit arrangements required pursuant to 

Section 17.3 and Attachment X of the Tariff. 

4.0 Service under this agreement shall commence on the later of (l) the requested service 

commencement date, or (2) the date on which construction of any Direct Assignment 

Facilities and/or Network Upgrades are completed, or (3) such other date as it is 

permitted to become effective by the Commission.  Service under this agreement shall 

terminate on such date as mutually agreed upon by The Transmission Provider and the 

Transmission Customer. 

5.0 The Transmission Customer agrees to supply information The Transmission Provider 

deems reasonably necessary in accordance with Good Utility Practice in order for it to 

provide the requested service. 
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6.0 The Transmission Provider, as agent for the Transmission Owners, agrees to 

provide and the Transmission Customer agrees to take and pay for Firm Point-To-

Point Transmission Service in accordance with the provisions of Parts I, II and V 

of the Tariff and this Service Agreement.   

7.0 To the extent necessary to effectuate any transaction entered into pursuant to this 

Service Agreement, the following Transmission Owner(s) shall provide 

Wholesale Distribution Service over Distribution Facilities: 

______________________________________________________ 

8.0 Any notice or request made to or by either Party regarding this Service 

Agreement shall be made to the representative of the other Party as indicated 

below. 

Southwest Power Pool:  

_____________________________________ 

 

415 N. McKinley,140 Plaza West 

 

Little Rock, AR 72205 

 

Transmission Customer: 

_____________________________________  

 

_____________________________________  

 

_____________________________________  

 

9.0 The Tariff is incorporated herein and made a part hereof. 
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IN WITNESS WHEREOF, the Parties have caused this Service Agreement to be 

executed by their respective authorized officials.  

 

Southwest Power Pool:  

  

  

By:______________________   _______________    ______________  

   Name     Title      Date  

  

  

Transmission Customer:  

 

  

By:______________________   _______________    ______________ 

   Name     Title      Date    
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Specifications For Long-Term Firm Point-To-Point 

Transmission Service 

 

l.0 Term of Transaction: __________________________________ 

Start Date: ___________________________________________ 

Termination Date: _____________________________________ 

2.0 Description of capacity and energy to be transmitted by Transmission Provider including 

the electric Balancing AuthorityControl Area in which the transaction originates. 

_______________________________________________________ 

3.0 Point(s) of Receipt:___________________________________ 

Delivering Party:______________________________________ 

4.0 Point(s) of Delivery:__________________________________ 

Receiving Party:_______________________________________ 

5.0 Maximum amount of capacity and energy to be transmitted (Reserved 

Capacity):___________________________________ 

6.0 Designation of party(ies) subject to reciprocal service obligation: 

________________________________________________________________________

________________________________________________________________________

________________________________________________________________________ 

7.0 Name(s) of any Intervening Systems providing transmission service: 

_______________________________________________________________________ 

_______________________________________________________________________ 
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8.0 Service under this Agreement may be subject to some combination of the charges 

detailed below.  (The appropriate charges for individual transactions will be determined 

in accordance with the terms and conditions of the Tariff.) 

8.1 Transmission Charge:______________________________ 

__________________________________________________ 

8.2 System Impact and/or Facilities Study Charge(s): 

__________________________________________________ 

__________________________________________________ 

8.3 Direct Assignment Facilities Charge:______________ 

__________________________________________________ 

8.4 Ancillary Services Charges: ______________________ 

__________________________________________________  

__________________________________________________  

__________________________________________________  

__________________________________________________  

__________________________________________________  

__________________________________________________ 
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ATTACHMENT A-1 

 

FORM OF SERVICE AGREEMENT FOR THE RESALE, REASSIGNMENT OR 

TRANSFER OF POINT-TO-POINT TRANSMISSION SERVICE 

 

1.0  This Service Agreement, dated as of _______________, is entered into, by and between 

_____________ (the Transmission Provider), and____________ (the Assignee). 

 

2.0  The Assignee has been determined by the Transmission Provider to be an Eligible 

Customer under the Tariff pursuant to which the transmission service rights to be 

transferred were originally obtained. 

 

3.0  The terms and conditions for the transaction entered into under this Service Agreement 

shall be subject to the terms and conditions of Part II of the Transmission Provider’s 

Tariff, except for those terms and conditions negotiated by the Reseller of the reassigned 

transmission capacity (pursuant to Section 23.1 of this Tariff) and the Assignee , to 

include: contract effective and termination dates, the amount of reassigned capacity or 

energy, Point(s) of Receipt and Delivery. Changes by the Assignee to the Reseller’s 

Points of Receipt and Points of Delivery will be subject to the provisions of Section 23.2 

of this Tariff. 

 

4.0  The Transmission Provider shall credit the Reseller for the price reflected in the 

Assignee’s Service Agreement or the associated OASIS schedule. 

 

5.0  Any notice or request made to or by either Party regarding this Service Agreement shall 

be made to the representative of the other Party as indicated below. 
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Transmission Provider: 

 

______________________________ 

 

______________________________ 

 

______________________________ 

 

 

Assignee: 

 

______________________________ 

 

______________________________ 

 

______________________________ 

 

6.0  The Tariff is incorporated herein and made a part hereof. 

 

IN WITNESS WHEREOF, the Parties have caused this Service Agreement to be 

executed by their respective authorized officials. 

 

Transmission Provider: 

 

 

By: __________________________ ____________________  ___________ 

Name      Title     Date 

 

 

 

Assignee: 

 

 

By: _________________________ ______________________  _________ 

Name      Title     Date 
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Specifications For The Resale, Reassignment Or Transfer of 

Long-Term Firm Point-To-Point Transmission Service 

 

1.0  Term of Transaction: ___________________________________ 

 

Start Date: ___________________________________________ 

 

Termination Date: _____________________________________ 

 

2.0  Description of capacity and energy to be transmitted by Transmission Provider including 

the electric Balancing AuthorityControl Area in which the transaction originates. 

 

_______________________________________________________ 

 

3.0  Point(s) of Receipt:_______________________________________ 

 

Delivering Party:_________________________________________ 

 

4.0  Point(s) of Delivery:______________________________________ 

 

Receiving Party:_________________________________________ 

 

5.0  Maximum amount of reassigned capacity: ____________________ 

 

6.0 Designation of party(ies) subject to reciprocal service obligation: 

____________________________________________________________ 

 

____________________________________________________________ 

 

____________________________________________________________ 

 

7.0 Name(s) of any Intervening Systems providing transmission service: 

 

____________________________________________________________ 

 

____________________________________________________________ 
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8.0  Service under this Agreement may be subject to some combination of the charges 

detailed below. (The appropriate charges for individual transactions will be determined in 

accordance with the terms and conditions of the Tariff.) 

 

8.1  Transmission Charge:________________________________ 

 

__________________________________________________ 

 

8.2  System Impact and/or Facilities Study Charge(s): 

 

__________________________________________________ 

 

__________________________________________________ 

 

8.3  Direct Assignment Facilities Charge:____________________ 

 

__________________________________________________ 

 

8.4  Ancillary Services Charges: ___________________________ 

 

__________________________________________________ 

 

__________________________________________________ 

 

__________________________________________________ 

 

__________________________________________________ 

 

__________________________________________________ 

 

__________________________________________________ 

 

 

9.0  Name of Reseller of the reassigned transmission capacity: 

 

_______________________________________________________ 

 



 

 

1. General 

 

1.1 General Statement. 

 

This Attachment C prescribes the specific methodology for calculating Available Transfer 

Capability (―ATC‖) posted on the Transmission Provider’s OASIS, as required in Section 4 of 

this OATT.  The Transmission Provider utilizes a Flowgate Methodology for calculating ATC.  

The Transmission Provider will develop and maintain implementation documents for the 

calculations specified below. 

 

1.2 Definitions 

 

The terms used in this Attachment C shall have the meanings as defined in this section 

1.2 or as otherwise defined in this OATT. 

 

1.2.1 Available Flowgate Capability (―AFC‖)  

 

A measure of the flow capability remaining on a Flowgate for further commercial activity over 

and above already committed uses.  It is defined as TFC less ETC, less a CBM, less a TRM, plus 

Postbacks, and plus Counterflows. 

 

1.2.2 Available Transfer Capability (―ATC‖) 

 

A measure of the transfer capability remaining in the physical transmission network for further 

commercial activity over and above already committed uses.  It is defined as TTC less ETC 

(including retail customer service), less a CBM, less a TRM, plus Postbacks, plus Counterflows. 

 

1.2.3 Available Transfer Capability Implementation Document (―ATCID‖) 

 

A document that describes the implementation of a methodology for calculating ATC or AFC, 

and provides information related to a Transmission Service Provider’s calculation of ATC or 

AFC. 

 

1.2.4 Base Loading  

 

The determined loading on a Flowgate resulting from the net effect of modeled existing 

transmission service commitments for the purpose of serving firm network load from NR and 

impacts from existing OASIS commitments, including rollover rights as established in section 

2.2 of the OATT.  

 

1.2.5 Capacity Benefit Margin (―CBM‖) 

 

The amount of firm transmission transfer capability preserved by the transmission provider for 

LSE, whose loads are located on the Transmission Provider’s system, to enable access by the 

LSEs to generation from interconnected systems to meet generation reliability requirements.  

Preservation of CBM for an LSE allows that entity to reduce its installed generating capacity 



 

 

 

 

below that which may otherwise have been necessary without interconnections to meet its 

generation reliability requirements.  The transmission transfer capability preserved as CBM is 

intended to be used by the LSE only in times of emergency generation deficiencies. 

 

1.2.6 Contractual Limit  

 

Contractual arrangements among two or more Transmission Owners that define transfer 

capability.  

 

1.2.7 Counterflows 

 

Adjustments to AFC as determined by the Transmission Provider and specified in [the] its  

ATCID. 

 

1.2.8 Designated Resource (―DR‖) 

 

As defined in Section 1 of the Tariff. 

 

1.2.9 Existing Transmission Commitments (―ETC‖) 

 

Committed uses of the Transmission Provider’s Transmission System considered when 

determining ATC or AFC.   

 

1.2.9 10 Flowgate 

 

A mathematical construct, comprised of one or more monitored transmission facilities and 

optionally one or more contingency facilities, used to analyze the impact of power flows upon 

the bulk electric system.   

 

1.2.10 11 Load-Serving Entity (―LSE‖) 

 

Secures energy and transmission service (and related Interconnected Operations Services) to 

serve the electrical demand and energy requirements of its end-use customers. 

 

1.2.11 12 Network Customer 

 

An entity receiving transmission service pursuant to the terms of the Transmission Provider's 

Network Integration Transmission Service under Part III of the Tariff. (OATT Section 1.20) 

 

1.2.12 13 Network Integration Transmission Service 

 

The transmission service provided under Part III of the Tariff. (OATT Section 1.21) 

 

1.2.13 14 Network Resource (―NR‖) 

 



 

 

 

 

As defined in Section 1 of the Tariff.Any designated generating resource owned, purchased or 

leased by a Network Customer under the Network Integration Transmission Service Tariff. 

Network Resources do not include any resource, or any portion thereof, that is committed for 

sale to third parties or otherwise cannot be called upon to meet the Network Customer's Network 

Load on a non-interruptible basis, except for purposes of fulfilling obligations under a reserve 

sharing program. (OATT Section 1.25) 

 

1.2.14 15 Operating Procedure 

 

A document that identifies specific steps or tasks that should be taken by one or more specific 

operating positions to achieve specific operating goal(s).  The steps in an Operating Procedure 

should be followed in the order in which they are presented, and should be performed by the 

position(s) identified.   

 

1.2.15 16 Outage Transfer Distribution Factor (―OTDF‖) 

 

In the post-contingency configuration of the Transmission Provider’s system, the electric PTDF 

with one or more system facilities removed from service (outaged).   

 

1.2.16 17 Postbacks  

 

Positive adjustments to ATC or AFC. 

 

1.2.17 18 Power Transfer Distribution Factor (―PTDF‖) 

 

In the pre-contingency configuration of the Transmission Provider’s system, a measure of the 

responsiveness or change in electrical loadings on transmission system facilities due to a change 

in electric power transfer from one area to another, expressed in percent (up to 100%) of the 

change in power transfer.   

 

1.2.18 19 Real-Time Response Factor Calculator (―RTRFCALC‖) 

 

The application used for constructing models and calculating a component of ETC and DFs 

utilizing forecasted inputs and expected topology of future horizons for AFC calculations. 

 

 1.2.19 20 SPP Reliability Coordination Area 

 

The collection of generation, transmission, and load that operate within the boundaries of the 

Balancing Authority Areas for which SPP provides Reliability Coordination services. 

 

1.2. 20 21 Total Flowgate Capability (―TFC‖) 

 

The maximum flow capability on a Flowgate, is not to exceed its thermal rating, or in the case of 

a Flowgate used to represent a specific operating constraint (such as a voltage or stability limit), 

is not to exceed the associated system operating limit. 

 



 

 

 

 

1.2.21 22 Distribution Factor (―DF‖) 

 

The portion of an Interchange Transaction, typically expressed in per unit that flows across a 

transmission facility (Flowgate). Used interchangeably for either OTDF or PTDF.   

 

1.2.22 23 Transmission Reliability Margin (―TRM‖) 

 

The amount of transmission transfer capability necessary to provide reasonable assurance that 

the interconnected transmission network will be secure.  TRM accounts for the inherent 

uncertainty in system conditions and the need for operating flexibility to ensure reliable system 

operation as system conditions change.   



 

 

3. ATC Calculations 

 

3.1 ATC Mathematical Equations. 

 

The following equations are used in calculating ATC: 

 

3.1.1 Firm Existing Transmission Commitments (Firm ETC)
*
 

 

Operating Horizon 

 

Firm ETC = (Impacts of NRs and DRs serving load within the same SPP Balancing Authority 

Area) + (Σ Positive and Counterflows due to Firm Schedules into, out of and through the SPP 

Balancing Authority Area) 

 

Planning Horizon 

 

Firm ETC = (Impacts of NR serving load within the same SPP Balancing Authority Area) + (Σ 

Positive Impacts due to Firm OASIS Commitments, Confirmed, Accepted, and Study)  

 

Study Horizon 

 

Firm ETC = (Impacts of NR serving load within the same SPP Balancing Authority Area) + (Σ 

Positive Impacts > 3% due to Firm OASIS Commitments, Confirmed, Accepted, and Study) 

 

3.1.2 Non-Firm Existing Transmission Commitments (Non-Firm ETC) 

 

Operating Horizon 

 

Non-Firm ETC = (Σ Positive and CounterfFlows due to Non-Firm Schedules into, out of and 

through the SPP Balancing Authority Area) + (Σ Positive Impacts > 3% due to Non-Firm OASIS 

Commitments, Confirmed, Accepted and Study since last AFC calculation) 

 

*Applicable pre-emption requirements of lower priority service types will be considered when 

evaluating requests for transmission service.  Impacts resulting from queued Study reservations 

will be applied according to priority when evaluating requests for transmission service. 

 

Planning Horizon 

 

Non-Firm ETC = (Σ Positive Impacts due to Non-Firm OASIS Commitments, Confirmed, 

Accepted, and Study) - (Σ 50% of Counterflows due to Confirmed Firm OASIS Commitments)  

 

Study Horizon 

 

Non-Firm ETC = (Σ Positive Impacts due to Non-Firm OASIS Commitments, Confirmed, 

Accepted, and Study) 

 



 

 

 

 

3.1.3 Firm AFC:  

 

 • AFC
F 

= TFC – ETC
Fi 

– CBM
i 
– TRM

i 
+ Postbacks

Fi 
+ Counterflows

Fi 
 

 

Where: 

AFC
F 

is the firm Available Flowgate Capability for the Flowgate for that period.  

TFC is the Total Flowgate Capability of the Flowgate.  

ETC
Fi 

is the sum of the impacts of existing firm transmission commitments for the 

Flowgate during that period.  

CBM
i 
is the impact of the Capacity Benefit Margin on the Flowgate during that 

period.  

TRM
i 
is the impact of the Transmission Reliability Margin on the Flowgate during 

that period.  

Postbacks
Fi 

are changes to firm AFC due to a change in the use of Transmission 

Service for that period, as defined in Business Practices.  

Counterflows
Fi 

are adjustments to firm AFC as determined by the Transmission 

Provider and specified in its Available Transfer Capability Implementation 

Document.  

 

3.1.4  Non-Firm AFC:   

 

 • AFC
NF 

= TFC – ETC
Fi 

– ETC
NFi 

– CBM
Si 

– TRM
Ui 

+ Postbacks
NFi 

+ Counterflows  

 

Where: 

AFC
NF 

is the non-firm Available Flowgate Capability for the Flowgate for that 

period.  

TFC is the Total Flowgate Capability of the Flowgate.  

ETC
Fi 

is the sum of the impacts of existing firm transmission commitments for the 

Flowgate during that period.  

ETC
NFi 

is the sum of the impacts of existing non-firm transmission commitments for 

the Flowgate during that period.  

CBM
Si 

is the impact of any schedules during that period using Capacity Benefit 

Margin.  

TRM
Ui 

is the impact on the Flowgate of the Transmission Reliability Margin that has 

not been released (unreleased) for sale as non-firm capacity by the Transmission 

Provider during that period.  



 

 

 

 

Postbacks
NF 

are changes to non-firm Available Flowgate Capability due to a change 

in the use of Transmission Service for that period, as defined in Business 

Practices.  

Counterflows
NF 

are adjustments to non-firm AFC as determined by the Transmission 

Provider and specified in its Available Transfer Capability Implementation 

Document.   

 

3.1.5 Converting Flowgate AFCs to ATCs for ATC Paths: 

  

When converting Flowgate AFCs to ATCs for ATC Paths, the Transmission Provider shall 

convert those values based on the following algorithm:  

 

ATC = min(P)  

P ={PATC
1
, PATC

2
,…PATC

n
}  

PATC
n 

= AFCn / DFnp  

Where:  

ATC is the Available Transfer Capability.  

P is the set of partial ATCs for all ―impacted‖ Flowgates honored by the Transmission 

Provider; a Flowgate is considered ―impacted‖ by a path if the Distribution Factor for that 

path is greater than the percentage threshold
 

used for short-term transmission service used 

by the Transmission Provider on an OTDF Flowgate or PTDF Flowgate. 

  

PATC
n 

is the partial Available Transfer Capability for a path relative to a Flowgate n.  

AFC
n 

is the Available Flowgate Capability of a Flowgate n.  

DF
np 

is the Distribution Factor for Flowgate n relative to path p.  

 

3.2 AFC Calculation Horizons 

 

AFC and ATC values are calculated for the following periods and frequency: 

 

 Hourly values for at least the next 48 hours are calculated at least once per 

hour 

 Daily values for at least the next 31 calendar days are calculated at least 

once per day 

 Monthly values for at least the next 12 months (months 2-13) are 

calculated at least once per week 

 

3.3 Transmission Model Update 

 



 

 

 

 

The transmission models used for AFC calculations are updated for the following periods and 

frequency: 

 

- Operating Horizon, including all hours of the current day (Day 1), and after 12:00 p.m., 

 all hours of the next day (Day 2).  Updated at least once per day. 

 

- Planning Horizon, which extends from the end of the Operating Horizon through the 

 thirty-first day (Day 31).  Updated at least once per day. 

 

- Study Horizon, which extends from the end of the Planning Horizon through the  twelfth 

month (month 12).  Updated at least once per month. 

 

The actual mathematical algorithms for calculating AFC and ATC are posted on the 

Transmission Provider’s website at: http://www.oatioasis.com/SWPP/SWPPdocs/ATC_Algorithm.doc 



 

 

4. Base Case Models 

 

The AFC process generates a base case model that simulates anticipated system conditions.  The 

base system conditions include projected load, generation dispatch, network topology (based on 

system configuration and both planned and contingency outages), and base flow transactions.   

 

The impacts on Flowgates due to transactions outside the purpose of representing NR exchange 

is are removed by applying the DFs determined to each transaction identified in the base case. In 

addition to adjusting the model flow in this manner, positive and Counterflows of existing 

OASIS commitments is are applied according to the type of Base Loading (Firm or Non-Firm) 

under consideration.  50% of Counterflows resulting from firm Confirmed reservations act to 

reduce the Non-Firm Base Loading.  This process establishes the Base Loading expected to serve 

thewith each control area serving its Network Load.  

 

The base flows are based on AC power flow calculations performed by RTRFCALC using the 

following data: 

 

- Network topology  

- Hourly load forecast data of the Balancing Authority Areas  

- Net interchange of the Balancing Authority Areas 

- Unit dispatch data  

 

4.1 Operating Horizon 

 

The AFC calculations of the Operating, Planning, and Study Horizons are performed by 

RTRFCALC in combination with webTrans. 

 

WebTrans receives the following information from RTRFCALC: 

 

- base flows for all Flowgates, 

- DFs for all paths, and 

- TFC values for all Flowgates. 

 

The base flows are the product of the AC powerflow calculations performed by RTRFCALC 

using following data: 

 

4.1.1  Network Topology 

 

Network topology is established by the State Estimator. The models for the first four hours 

following the latest State Estimator snapshot include all outages, both planned and contingency, 

that existed in the State Estimator snapshot. Models for the remaining hours of the Operating 

Horizon are adjusted with hour-to-hour outage data of generators, transmission lines and 

transformers as submitted by Balancing Authorities within the SPP Reliability Coordination 

Area and approved by the Reliability Coordinator.  This outage data includes both planned 

outages and contingency outages that are expected to remain in effect for each hour modeled.  



 

 

 

 

The Transmission Provider shall also include outage data from neighboring Reliability 

Coordinators that is available through NERC System Data Exchange (SDX). 

 

  4.1.2 Load Forecast 

 

The hourly load forecast data (for day 1 – day 7) is created by the Transmission Provider for the 

State Estimator model from the short-term and mid-term load forecast tools that use weather data 

from weather stations spread over the Transmission System and historical actual load data 

received from Balancing Authorities within the SPP Reliability Coordination Area. The 

Transmission Provider also includes load forecast data from neighboring Reliability 

Coordinators that is available through NERC SDX. The Transmission Provider derives load 

forecast data for day 8 – day 31 from the data of day 1 – day 7 by applying a factor that 

represents an historical increase or decrease of load on weekly basis during the year. 

 

  4.1.3 Net Interchange 

 

The net interchange of the Balancing Authority Areas that are part of the State Estimator Model 

is based on the existing schedules at the time the RTRFCALC application perform its Operating 

Horizon run at least once per day.  The schedule data is retrieved from NERC Tagdump and 

from SPP’s scheduling system (RTOSS).  

 

  4.1.4 Unit Dispatch  

 

RTRFCALC utilizes unit dispatch data for all units within of the SPP Balancing Authority Areas 

within the Transmission System and for the Balancing Authority Areas adjacent to the SPP 

Balancing Authority AreaTransmission System. The unit dispatch data of commonly dispatched 

units of a Balancing Authority Area is based on real time behavior of the units in the last 3 

weeks. The unit dispatch data of units not commonly dispatched with the other units of an 

external Balancing Authority Area, is based on the Firm confirmed reservations that have the 

units’ zone name identified as the source on the reservations. 

 

4.2 Planning Horizon 

 

The AFC calculations of the Operating, Planning, and Study Horizons are performed by 

RTRFCALC application in combination with webTrans. 

 

WebTrans receives the following information from RTRFCALC: 

 

- base flows for all Flowgates, 

- DFs for all paths, and 

- TFC values for all Flowgates. 

 

The base flows are a product of the AC power flow calculations performed by RTRFCALC 

using following data: 

 

4.2.1 Network Topology 



 

 

 

 

 

Network topology is established by the State Estimator and adjusted with hour-to-hour outage 

data of generators, transmission lines and transformers. Such outage data shall be as submitted 

by Transmission Operators and Generation Operators that are within the SPP Reliability 

Coordination Area and approved by the Reliability Coordinator.  This outage data includes both 

planned outages and contingency outages that are expected to remain in effect for each time 

period modeled.  The Transmission Provider shall also include outage data from neighboring 

Reliability Coordinators that is available through NERC SDX. 

 

  4.2.2 Load Forecast 

 

The hourly load forecast data (for day 1 – day 7) is created by the Transmission Provider for the 

State Estimator from the short-term and mid-term load forecast tools that use weather data from 

weather stations spread over the Transmission System and historical actual load data received 

from Transmission Operators within the SPP Reliability Coordination Area. The Transmission 

Provider also includes load forecast data from neighboring Reliability Coordinators that is 

available through NERC SDX. The Transmission Provider derives load forecast data for day 8 – 

day 31 from the data of day 1 – day 7 by applying a factor that represents an historical increase 

or decrease of load on weekly basis during the year. 

 

  4.2.3 Net Interchange 

 

Initially, the model assumes the net interchange of the Balancing Authority Areas is 0.  If a 

Balancing Authority Area has a confirmed network reservation from a NR outside the Balancing 

Authority Area boundary, that reservation is incorporated into the net interchange of both 

Balancing Authority Areas.  That particular network reservation will be added to the exclude file 

to prevent double counting of impacts. 

 

  4.2.4 Unit Dispatch 

 

RTRFCALC utilizes unit dispatch data for all units of thewithin the SPP Balancing Authority 

Areas within the Transmission System and for the Balancing Authority Areas adjacent to the the 

SPP Balancing Authority AreaTransmission System. The unit dispatch data of commonly 

dispatched units of a Balancing Authority Area is based on real time behavior of the units in the 

last 3 weeks. The unit dispatch data of units not commonly dispatched with the other units of an 

external Balancing Authority Area is based on the Firm confirmed reservations that have the 

units’ zone identified as the source on the reservations. 

 

4.3  Study Horizon 

 

The AFC calculations of the Operating, Planning, and Study Horizon are performed by 

RTRFCALC application in combination with webTrans. 

 

WebTrans receives the following information from RTRFCALC: 

- Base flows for all Flowgates, 

- DFs for all paths, and 



 

 

 

 

- TFC values for all Flowgates. 

 

The base flows are a product of the AC power flow calculations performed by RTRFCALC 

using the following data: 

  

  4.3.1  Network Topology 

Network topology is established by the State Estimator and adjusted for outages of generators, 

transmission lines and transformers. Such outage data shall be as submitted by Transmission 

Operators and Generation Operators that are within the SPP Reliability Coordination Area and 

approved by the Reliability Coordinator.  This outage data includes both planned outages and 

contingency outages that are expected to remain in effect for some period within this horizon.  

The Transmission Provider also includes outage data from neighboring Reliability Coordinators 

that is available through NERC SDX. The Transmission Provider includes approved planned 

outages and contingency outages which are active on 15
th

 of the month and last more than 15 

days. 

 

4.3.2  Load Forecast 

 

The Transmission Provider utilizes monthly forecast data from the EIA411 annual report.  For 

Balancing Authority Areas not included in the EIA411 annual report, the Transmission Provider 

uses forecast data that is available through NERC SDX. 

 

  4.3.3  Net Interchange 

 

Initially, the model assumes net interchange of the Balancing Authority Areas is 0.  If a 

Balancing Authority Area has a confirmed network reservation from a NR outside the Balancing 

Authority Area boundary, that reservation is incorporated into the net interchange of both 

Balancing Authority Areas. That particular network reservation will be added to the exclude file 

to prevent double counting of impacts. 

 

  4.3.4  Unit Dispatch 

 

RTRFCALC utilizes unit dispatch data for all units within the SPPof the Balancing Authority 

Areas within the Transmission System and for the Balancing Authority Areas adjacent to the 

Transmission System.  The unit dispatch data of commonly dispatched units of a Balancing 

Authority Area is based on real time behavior of the units in the last three weeks.  The unit 

dispatch data of units not commonly dispatched with the other units of an external Balancing 

Authority Area is based on the Firm confirmed reservations that have the units’ zone identified 

as the source on the reservations. 

 

4.4  Exclusion of Reservations in the Calculations of AFC Values 

 

The Transmission Provider shall exclude or limit certain reservations under the following 

conditions: 



 

 

 

 

 - If total sum of reservations (Confirmed, Accepted, Study) impacting a specific corridor  

   exceeds the total capacity of the corridor, 

 

 - If total sum of reservations (Confirmed, Accepted, Study) sinking in a Balancing  

   Authority Area exceeds the total load of the Balancing Authority Area, 

 

 - If total sum of reservations (Confirmed, Accepted, Study) sourcing from a group of  

   commonly dispatched units exceeds the total available generation capacity of that group  

   of units.  

 

 - If the reservation is a network reservation from a NR outside the Balancing Authority  

   Area boundary and that particular reservation is already included in the base flow  

   calculations of the Study Horizon.  

 

4.5  Resynchronization of Base Loading Values 

 

The Transmission Provider uses webTrans to evaluate Transmission Service requests that are 

submitted by Transmission Customers on OASIS.  RTRFCALC recalculates the base flows and 

DF values of the Operating Horizon every hour at least once per day. 

 

RTRFCALC recalculates the base flows and DF values of the Planning Horizon at least once per 

day. 

 

The base flows of the Study Horizon are calculated and updated in webTrans once per month.  

Every month the Transmission Provider reviews the changes to outage data and, if necessary, 

recalculates the base flows for the Study Horizon to account for the changes in outage data. 

   

Finally, webTrans recalculates Firm and Non-Firm Base Loading upon each change of status of a 

reservation that impacts the relevant Base Loading. WebTrans makes adjustments to Firm and 

Non-Firm Base Loading upon the change of the following inputs: 

 

For Firm ETC 

 

• The transmission capability utilized in serving native load commitments, to include 

native load growth, load forecast error and losses not otherwise included in TRM or 

CBM. 

 

• The impact of Firm Network Integration Transmission Service serving Network Load, 

to 

include load forecast error and losses not otherwise included in TRM or CBM. 

 

• The impact of grandfathered Firm firm Transmission Service agreements and bundled 

contracts for energy and transmission, where executed prior to the effective date of a 

Transmission Service Provider’s OATT or Safe Harbor Tariff accepted by FERC. 

 



 

 

 

 

• The impact of Firm Point-To-Point Transmission Service into, out of or through the 

SPP Balancing Authority Area. 

 

• The impact of maintaining roll-over rights for Firm firm Transmission Service 

contracts, five years or longer in duration, granting Transmission Customers the right of 

first refusal to take or continue to take Transmission Service from a Transmission Owner 

when the Transmission Customer’s Transmission Service contract expires or is eligible 

for renewal. 

 

• The impact of any Ancillary Services not otherwise included in CBM or TRM. 

 

• Postbacks of redirected or released Firm services. 

 

• The impact of Counterflows not otherwise accounted for in the AFC calculation. 

 

• The impact of any other services, contracts, or agreements not specified above using 

transmission that serves native load or Firm Network Integration Transmission Service. 

 

• The impact of any relevant third-party Firm firm Transmission Service that has not 

already been accounted for. 

 

For Non-Firm ETC,  

 

• The impact of Non-Firm Network Integration Transmission Service serving load, to 

include load forecast error and losses not otherwise included in TRM or CBM. 

 

• The impact of grandfathered non-firm Transmission Service Agreements and 

bundled contracts for energy and transmission, where executed prior to the effective date 

of a Transmission Service Provider’s OATT or Safe Harbor Tariff accepted by FERC. 

 

• The impact of Non-Firm Point-To-Point Transmission Service into, out of or through 

the SPP Balancing Authority Area. 

 

• The impact of Counterflows not otherwise accounted for in the ATC calculation. 

 

• Capacity utilized for TRM that the Transmission Service Provider has elected to be 

released for as Non-Firm ATC. 

 

• Postbacks due to the reinstating of Firm from a ―Firm-to-Non-Firm‖ redirect. 

 

• The impact of any relevant third-party Nonnon-Firm firm Transmission Service that has 

not already been accounted for. 

 

 4.6  Changes in TFC 

 



 

 

 

 

In the event of a change in Network Topology due to actual or anticipated system conditions that 

impacts one or more TFC values, the Transmission Provider shall adjust the TFC in the EMS 

RTRFCALC for the applicable time periods. The Network Topology from the SPP State 

Estimator shall be adjusted as described in sections 4.1.1, 4.2.1, and 4.3.1 for the applicable 

horizons. 



 

 

ATTACHMENT D 

METHODOLOGY FOR COMPLETING A SYSTEM IMPACT STUDY 

 

Upon receipt of a Completed Application for Short-Term Service and non-firm 

Transmission Service requests of less than one year, the Transmission Provider will determine 

whether transmission transfer capability ("Available Transfer Capability" or "ATC") will be 

available to accommodate the transmission service requested in such Application by applying the 

criteria and practices described in Attachment C to this Tariff.  If sufficient ATC will exist to 

support the transaction described in the Eligible Customer's Application, as supplemented with 

necessary details such as the sources and sinks of the power to be scheduled under the request, 

the Transmission Provider will so inform the Eligible Customer.  If the Transmission Provider 

determines that existing ATC is insufficient to provide the requested service, the Transmission 

Provider will notify the Eligible Customer.  Upon a request by the Eligible Customer, the 

Transmission Provider will tender a Study Agreement to the Eligible Customer for a System 

Impact Study. 

Upon receipt of a completed Study Agreement, the Transmission Provider, in 

coordination with the affected Transmission Owners, will perform a System Impact Study to 

determine whether the request for transmission service can be accommodated through 

construction of Direct Assignment Facilities or Network Upgrades or through redispatch, if 

available. The System Impact Study will provide an estimate of the cost of redispatch.   

If the studies predict that a constraint will occur in the system of a non-SPP transmission 

provider or non-SPP controlexternal Balancing Authority areaArea, the Transmission Provider 

will so inform the Eligible Customer requesting service.  The Transmission Provider and Eligible 

Customer will need to work with the appropriate parties to determine if the limitation is valid and 

to determine the facility additions or redispatch that may be required by others to support the 

transfer. The Eligible Customer requesting service shall have the option to reduce the request to a 

level that can be sustained without experiencing the constraint. 

System Impact Studies are not performed for Long-Term Service requests.  Long-Term 

Service requests are evaluated through an Aggregate Facilities Study in accordance with the 

procedures set forth in Attachment Z1 to this Tariff.  



 

 

Attachment 1 to the Network Integration Transmission Service Agreement 

BETWEEN SOUTHWEST POWER POOL AND _______________ 

SPECIFICATIONS FOR NETWORK INTEGRATION TRANSMISSION SERVICE 

 

1.0 Network Resources 

The Network Resources are listed in Appendix 1. 

2.0 Network Loads 

The Network Load consists of the bundled native load or its equivalent for Network 

Customer load in the _______________ Control AreaZone(s) as listed in Appendix 3. 

 

The Network Customer’s Network Load shall be measured on an hourly integrated basis, 

by suitable metering equipment located at each connection and delivery point, and each 

generating facility.  The meter owner shall cause to be provided to the Transmission 

Provider, Network Customer and applicable Transmission Owner, on a monthly basis 

such data as required by Transmission Provider for billing.  The Network Customer’s 

load shall be adjusted, for settlement purposes, to include applicable Transmission Owner 

transmission and distribution losses, as applicable, as specified in Sections 8.5 and 8.6, 

respectively.  For a Network Customer providing retail electric service pursuant to a state 

retail access program, profiled demand data, based upon revenue quality non-IDR meters 

may be substituted for hourly integrated demand data.  Measurements taken and all 

metering equipment shall be in accordance with the Transmission Provider’s standards 

and practices for similarly determining the Transmission Provider’s load.  The actual 

hourly Network Loads, by delivery point, internal generation site and point where power 

may flow to and from the Network Customer, with separate readings for each direction of 

flow, shall be provided. 

3.0 Affected Control AreasZone(s) and Intervening Systems Providing Transmission 

Service 

The affected control areaZone(s) is/are ______________.  The intervening systems 

providing transmission service are _______________. 

4.0 Electrical Location of Initial Sources 

See Appendix 1. 

5.0 Electrical Location of the Ultimate Loads 



 

 

 

 

The loads of _______________ identified in Section 2.0 hereof as the Network Load are 

electrically located within the ________________ Control AreaZone(s). 

6.0 Delivery Points 

The delivery points are the interconnection points of _______________ identified in 

Section 2.0 as the Network Load. 

7.0 Receipt Points 

The Points of Receipt are listed in Appendix 2. 

8.0 Compensation 

Service under this Service Agreement may be subject to some combination of the charges 

detailed below.  The appropriate charges for individual transactions will be determined in 

accordance with the terms and conditions of the Tariff. 

8.1 Transmission Charge 

Monthly Demand Charge per Section 34 and Part V of the Tariff. 

8.2 System Impact and/or Facility Study Charge 

Studies may be required in the future to assess the need for system reinforcements in light 

of the ten-year forecast data provided.  Future charges, if required, shall be in accordance 

with Section 32 of the Tariff. 

8.3 Direct Assignment Facilities Charge 

8.4 Ancillary Service Charges 

8.4.1 The following Ancillary Services are required under this Service Agreement. 

a) Scheduling, System Control and Dispatch Service per Schedule 1 of the 

Tariff. 

b) Tariff Administration Service per Schedule 1-A of the Tariff. 

c) Reactive Supply and Voltage Control from Generation Sources Service 

per Schedule 2 of the Tariff. 

d) Regulation and Frequency Response Service per Schedule 3 of the Tariff. 

e) Energy Imbalance Service per Schedule 4 of the Tariff. 

f) Operating Reserve - Spinning Reserve Service per Schedule 5 of the 

Tariff. 

g) Operating Reserve - Supplemental Reserve Service per Schedule 6 of the 

Tariff. 



 

 

 

 

The Ancillary Services may be self-supplied by the Network Customer or 

provided by a third party in accordance with Sections 8.4.2 through 8.4.4, with the 

exception of the Ancillary Services for Schedules 1, 1-A, and 2, which must be 

purchased from the Transmission Provider. 

8.4.2 In accordance with the Tariff, when the Network Customer elects to self-supply 

or have a third party provide Ancillary Services, the Network Customer shall 

indicate the source for its Ancillary Services to be in effect for the upcoming 

calendar year in its annual forecasts.  If the Network Customer fails to include this 

information with its annual forecasts, Ancillary Services will be purchased from 

the Transmission Provider in accordance with the Tariff. 

8.4.3 When the Network Customer elects to self-supply or have third party provide 

Ancillary Services and is unable to provide its Ancillary Services, the Network 

Customer will pay the Transmission Provider for such services and associated 

penalties in accordance with the Tariff as a result of the failure of the Network 

Customer’s alternate sources for required Ancillary Services. 

8.4.4 All costs for the Network Customer to supply its own Ancillary Services shall be 

the responsibility of the Network Customer. 

8.5 Real Power Losses - Transmission 

The Network Customer shall replace losses in accordance with Attachment M of the 

Tariff. 

8.6 Real Power Losses - Distribution 

8.7 Power Factor Correction Charge 

8.8 Redispatch Charge 

Redispatch charges shall be in accordance with Section 33.3 of the Tariff. 

8.9 Wholesale Distribution Service Charge 

8.10 Network Upgrade Charges 

8.11 Meter Data Processing Charge 

8.12 Other Charges 

9.0 Credit for Network Customer-Owned Transmission Facilities 

10.0 Designation of Parties Subject to Reciprocal Service Obligation 

11.0 Other Terms and Conditions 



 

 

ATTACHMENT G 

NETWORK OPERATING AGREEMENT 

 

This Network Operating Agreement ("Operating Agreement") is entered into this ____ 

day of __________, ____, by and between _______________ ("Network Customer"), Southwest 

Power Pool, Inc. ("Transmission Provider") and ___________ ("Host Transmission Owner").  

The Network Customer, Transmission Provider and Host Transmission Owner shall be referred 

to individually as a ―Party‖ and collectively as "Parties." 

WHEREAS, the Transmission Provider has determined that the Network Customer has 

made a valid request for Network Integration Transmission Service in accordance with the 

Transmission Provider’s Open Access Transmission Tariff ("Tariff") filed with the Federal 

Energy Regulatory Commission ("Commission"); 

WHEREAS, the Transmission Provider administers Network Integration Transmission 

Service for Transmission Owners within the SPP Region and acts as an agent for these 

Transmission Owners in providing service under the Tariff; 

WHEREAS, the Host Transmission Owner(s) owns the transmission facilities to which 

the Network Customer’s Network Load is physically connected or is the Control Area to which 

the Network Load is dynamically scheduled;  

WHEREAS, the Network Customer has represented that it is an Eligible Customer under 

the Tariff; 

WHEREAS, the Network Customer and Transmission Provider have entered into a 

Network Integration Transmission Service Agreement (―Service Agreement‖) under the Tariff; 

and 

WHEREAS, the Parties intend that capitalized terms used herein shall have the same 

meaning as in the Tariff, unless otherwise specified herein. 

NOW, THEREFORE, in consideration of the mutual covenants and agreements herein, 

the Parties agree as follows: 



 

 

1.0 Network Service 

This Operating Agreement sets out the terms and conditions under which the 

Transmission Provider, Host Transmission Owner, and Network Customer will cooperate 

and the Host Transmission Owner and Network Customer will operate their respective 

systems and specifies the equipment that will be installed and operated.  The Parties shall 

operate and maintain their respective systems in a manner that will allow the Host 

Transmission Owner and the Network Customer to operate their systems and Control 

Area and the Transmission Provider to perform its obligations consistent with Good 

Utility Practice.  The Transmission Provider may, on a non-discriminatory basis, waive 

the requirements of Section 4.1 and Section 8.3 to the extent that such information is 

unknown at the time of application or where such requirement is not applicable. 



 

 

4.0 System Planning & Protection 

4.1 No later than October 1 of each year, the Network Customer shall provide the 

Transmission Provider and Host Transmission Owner the following information: 

a) A ten (10) year projection of summer and winter peak demands with the 

corresponding power factors and annual energy requirements on an 

aggregate basis for each delivery point.  If there is more than one delivery 

point, the Network Customer shall provide the summer and winter peak 

demands and energy requirements at each delivery point for the normal 

operating configuration; 

b) A ten (10) year projection by summer and winter peak of planned 

generating capabilities and committed transactions with third parties 

which resources are expected to be used by the Network Customer to 

supply the peak demand and energy requirements provided in (a); 

c) A ten (10) year projection by summer and winter peak of the estimated 

maximum demand in kilowatts that the Network Customer plans to 

acquire from the generation resources owned by the Network Customer, 

and generation resources purchased from others; and 

d) A projection for each of the next ten (10) years of transmission facility 

additions to be owned and/or constructed by the Network Customer which 

facilities are expected to affect the planning and operation of the 

transmission system within the Host Transmission Owner’s Control 

AreaZone. 

This information is to be delivered to the Transmission Provider’s and Host 

Transmission Owner’s Designated Representatives pursuant to Section 2.0. 

4.2 Information exchanged by the Parties under this article will be used for system 

planning and protection only, and will not be disclosed to third parties absent 

mutual consent or order of a court or regulatory agency. 

4.3 The Host Transmission Owner, and Transmission Provider, if applicable, will 

incorporate this information in its system load flow analyses performed during the 

first half of each year.  Following completion of these analyses, the Transmission 



 

 

 

 

Provider or Host Transmission Owner will provide the following to the Network 

Customer: 

a) A statement regarding the ability of the Host Transmission Owner’s 

transmission system to meet the forecasted deliveries at each of the 

delivery points; 

b) A detailed description of any constraints on the Host Transmission 

Owner’s system within the five (5) year horizon that will restrict 

forecasted deliveries; and  

c) In the event that studies reveal a potential limitation of the Transmission 

Provider’s ability to deliver power and energy to any of the delivery 

points, a Designated Representative of the Transmission Provider will 

coordinate with the Designated Representatives of the Host Transmission 

Owner and the Network Customer to identify appropriate remedies for 

such constraints including but not limited to: construction of new 

transmission facilities, upgrade or other improvements to existing 

transmission facilities or temporary modification to operating procedures 

designed to relieve identified constraints.  Any constraints within the 

Transmission System will be remedied pursuant to the procedures of 

Attachment O of the Tariff.  

For all other constraints the Host Transmission Owner, upon 

agreement with the Network Customer and consistent with Good Utility 

Practice, will endeavor to construct and place into service sufficient 

capacity to maintain reliable service to the Network Customer. 

An appropriate sharing of the costs to relieve such constraints will 

be determined by the Parties, consistent with the Tariff and with the 

Commission’s rules, regulations, policies, and precedents then in effect.  If 

the Parties are unable to agree upon an appropriate remedy or sharing of 

the costs, the Transmission Provider shall submit its proposal for the 

remedy or sharing of such costs to the Commission for approval consistent 

with the Tariff. 



 

 

 

 

4.4 The Host Transmission Owner and the Network Customer shall coordinate with 

the Transmission Provider: (1) all scheduled outages of generating resources and 

transmission facilities consistent with the reliability of service to the customers of 

each Party, and (2) additions or changes in facilities which could affect another 

Party’s system.  Where coordination cannot be achieved, the Designated 

Representatives shall intervene for resolution. 

4.5 The Network Customer shall coordinate with the Host Transmission Owner 

regarding the technical and engineering arrangements for the delivery points, 

including one line diagrams depicting the electrical facilities configuration and 

parallel generation, and shall design and build the facilities to avoid interruptions 

on the Host Transmission Owner’s transmission system. 

4.6 The Network Customer shall provide for automatic and underfrequency load 

shedding of the Network Customer Network Load in accordance with the SPP 

Criteria related to emergency operations. 



 

 

6.0 Scheduling Procedures 

6.1 The Network Customer is responsible for providing its Resource and load 

information to the Transmission Provider in accordance with Attachment 

AE.Prior to the beginning of each week, the Network Customer shall provide to 

the Transmission Provider expected hourly energy schedules for that week for all 

energy flowing into the Transmission System administered by Transmission 

Provider. 

6.2 In accordance with Section 36 of the Tariff, the Network Customer shall provide 

to the Transmission Provider the Network Customer’s hourly energy schedules 

for the next calendar day for all energy flowing into the Transmission System 

administered by the Transmission Provider.  The Network Customer may modify 

its hourly energy schedules up to twenty (20) minutes before the start of the next 

clock hour provided that the Delivering Party and Receiving Party also agree to 

the schedule modification.  The hourly schedule must be stated in increments of 

1000 kW per hour.  For Interchange Transactions tThe Network Customer shall 

submit, or arrange to have submitted, the schedule of Energy to or from the 

Transmission Provider and a NERC transaction identification Tag for each such 

schedule where required by NERC Standard INT-001.  These hourly energy 

schedules shall be used by the Transmission Provider to determine whether any 

Energy Imbalance Service charges, pursuant to Schedule 4 of the Tariff apply. 



 

 

7.0 Ancillary Services 

7.1 The Network Customer must make arrangements in appropriate amounts for all of 

the required Ancillary Services described in the Tariff.  The Network Customer 

must obtain these services from the Transmission Provider or Host Transmission 

Owner or, where applicable, self-supply or obtain these services from a third 

party. 

7.2 Where the Network Customer elects to self-supply or have a third party provide 

Ancillary Services, the Network Customer must demonstrate to the Transmission 

Provider that it has either acquired the Ancillary Services from another source or 

is capable of self-supplying the services. 

7.3 The Network Customer must designate the supplier of Ancillary Services. 



 

 

9.0 Connected Generation Resources 

9.1 The Network Customer’s connected generation resources that have automatic 

generation control and automatic voltage regulation shall be operated and 

maintained consistent with regional operating standards, and the Network 

Customer or the operator shall operate, or cause to be operated, such resources to 

avoid adverse disturbances or interference with the safe and reliable operation of 

the transmission system as instructed by the Transmission Provider. 

9.2 For all Network Resources of the Network Customer, the following generation 

telemetry readings shall be submitted to the Transmission Provider and Host 

Transmission Owner are required: 

1) Analog MW; 

2) Integrated MWHRS/HR; 

3) Analog MVARS; and 

4) Integrated MVARHRS/HR. 



 

 

10.0 Redispatching, Curtailment and Load Shedding 

10.1 In accordance with Section 33 of the Tariff, the Transmission Provider may 

require redispatching of generation rResources or curtailment of loads to relieve 

existing or potential transmission system constraints.  The Transmission Provider 

shall redispatch Resources in accordance with the Energy and Operating Reserve 

Markets operations specified in Attachment AE.The Network Customer shall 

submit verifiable incremental and decremental cost data from its Network 

Resources to the Transmission Provider.  These costs will be used as the basis for 

least-cost redispatch.  Information exchanged by the Parties under this article will 

be used for system redispatch only, and will not be disclosed to third parties 

absent mutual consent or order of a court or regulatory agency.  The Network 

Customer shall respond immediately to requests for redispatch from the 

Transmission Provider.  The Transmission Provider will bill or credit the Network 

Customer as appropriate using the settlement procedures specified in Attachment 

AE.   

10.2 The Parties shall implement load-shedding procedures to maintain the reliability 

and integrity for the Transmission System as provided in Section 33.1 of the 

Tariff and in accordance with applicable NERC and SPP requirements and Good 

Utility Practice.  Load shedding may include (1) automatic load shedding, (2) 

manual load shedding, and (3) rotating interruption of customer load.  When 

manual load shedding or rotating interruptions are necessary, the Host 

Transmission Owner shall notify the Network Customer’s dispatcher or 

schedulers of the required action and the Network Customer shall comply 

immediately. 

10.3 The Network Customer will coordinate with the Host Transmission Owner to 

ensure sufficient load shedding equipment is in place on their respective systems 

to meet SPP requirements.  The Network Customer and the Host Transmission 

Owner shall develop a plan for load shedding which may include manual load 

shedding by the Network Customer. 



 

 

11.0 Communications 

11.1 The Network Customer shall, at its own expense, install and maintain 

communication link(s) for scheduling.  The communication link(s) shall be used 

for data transfer and for voice communication. 

11.2 A Network Customer self-supplying Ancillary Services or securing Ancillary 

Services from a third-party shall, at its own expense, install and maintain 

telemetry equipment communicating between the generating resource(s) 

providing such Ancillary Services and the Host Transmission Owner's Control 

AreaZone. 



 

 

13.0 Billing and Payments 

Billing and Payments shall be in accordance with Attachment AE and Section 7 of the 

Tariff. 

 



 

 

I. Redispatch to Accommodate a request for Firm Transmission Service 

A. Purpose 

This Procedure shall apply only to entities that, when applying for Firm Point-To-Point or 

Network Integration Transmission Service, were told that the service could be provided only if 

redispatch occurs, and that agreed to pay redispatch costs.  If an entity in these circumstances 

does not agree to pay redispatch costs, then its request for Firm Point-to-Point or Network 

Integration Transmission Service will be denied in whole or in part.  To the extent the 

Transmission Provider can relieve any system constraint for Firm Point-To-Point or Network 

Integration Transmission Service by redispatching the generation resources of the Transmission 

Owner(s) or other willing generators, it shall do so, provided that the Eligible Customer agrees to 

compensate the Transmission Provider pursuant to the terms of Section 27 of this Tariff and this 

procedure.  The procedure under this Section I is not for the purpose of sustaining non-firm 

service. 

B. Obligations 

The Transmission Provider shall arrange for the redispatch of the generation resources of 

the Transmission Owner(s) or other willing generators for the stated purpose.  As a condition 

precedent to receiving Firm Point-to-Point or Network Integration Transmission Service, a 

Transmission Customer agrees to pay (1) the applicable Transmission Service charges described 

in Schedules 1 through 11; and (2) the actual redispatch cost necessary to relieve transmission 

constraints.  To the extent practical, the redispatch of all such resources shall be on a least cost 

basis.  The total charges to be paid by the Transmission Customer under this Tariff shall not 

exceed the total charges the Transmission Customer would have paid under the Transmission 

Service Tariffs of the Transmission Owners for the Transmission Service in the same amount 

from the same Point of Receipt to the same Point of Delivery unless any additional charges to the 

Transmission Customer are permitted by Commission policy. 

C. Assessment Process 

Upon receipt of an Application for Firm Point-to-Point or Network Integration 

Transmission Service, the Transmission Provider shall make a determination of the availability 

of the requested Firm Transmission Service.  The Transmission Provider's Security Coordination 

Center will identify transmission constraints utilizing generally accepted power system analysis 

techniques.  Where the requested Firm Transmission Service is determined to be not fully 



 

 

 

 

available because of transmission constraints, then the Transmission Provider will assess the 

need for redispatch of generation and related modifications to schedules.  If the Transmission 

Provider concludes that redispatch can sustain the requested Firm Transmission Service, then the 

Transmission Provider will provide estimates of the Redispatch Costs for the relief of 

transmission constraints as required. 

The procedure to be implemented is as follows: 

1. Determine the available transmission capacity for the requested Firm Transmission 

Service utilizing a load flow computer simulation of the transmission system recognizing 

all firm uses of the system. 

2. Determine the owned generation resources of the Transmission Owners or others that will 

most cost effectively relieve the transmission constraint and the amount of transmission 

capacity available through redispatch. 

3. Determine the firm transmission reservations that if curtailed would affect or relieve the 

transmission constraint and the amount of transmission capacity available through such 

curtailment.  Solicit from holders of these firm transmission rights the price at which they 

would relinquish their rights subject to the applicable caps in this Tariff. 

4. The Transmission Provider shall estimate the total incremental cost of redispatch that will 

relieve the transmission constraint.  In any instance where the redispatch prohibits, or 

requires the curtailment of a sale of generation and such redispatch results in foregone 

profits (opportunity cost), then the foregone profits of that sale as well as the incremental 

production cost of the alternative generation will be identified. 

53. The Transmission Provider shall inform the Eligible Customer if the Transmission 

Provider concludes that redispatch can sustain the requested Firm Transmission Serviceof 

the estimated cost of redispatch for the Firm Transmission Service requested. 

64. Any disputes as to compensation for service under this Tariff shall go to dispute 

resolution in accord with the provisions of this Tariff. 

D. Redispatch Costs 

If redispatch services are provided pursuant to this Attachment K, the Transmission 

Provider will in good faith attempt to relieve the constraint through operation of the Energy and 

Operating Reserve Markets described in Attachment AE.  Costs associated with redispatch 

services shall be collected and paid in accordance with the Energy and Operating Reserve 



 

 

 

 

Markets settlement procedures described in Attachment AE.by the least cost means whether by 

seeking a change in generation output from the Transmission Owners or from any other entity or 

by other means including facilitating the payment of firm transmission customers to temporarily 

give up their rights in order to relieve the constraint.  Redispatch Costs for the Firm 

Transmission Application shall be the total cost incurred by the Transmission Provider to 

provide the requested service.  For generation owned by the Transmission Owner(s) or others, 

the redispatch cost shall include the higher of incremental or replacement fuel costs and 

incremental operation and maintenance costs of generation facilities necessary to relieve 

constraints on the Transmission System(s).  Incremental operation and maintenance costs shall 

be based on the most recent production cost analysis of the generation system(s) of the 

Transmission Owner(s) or others.  Incremental or replacement fuel costs will be based on best 

available forecasted fuel prices for the effected generation facilities.  The costs identified 

(including the opportunity costs described in Section C.4 above) shall be the profits foregone for 

a sale that is terminated, reduced, or rescheduled from one generator to another, when 

appropriate. 

For Transmission Customers seeking Firm Transmission Service for the next day, the 

Transmission Provider shall provide a nonbinding estimate of the redispatch costs.  All 

Transmission Customers electing to pay redispatch costs shall pay the actual costs of redispatch 

that the Transmission Provider pays in order to provide the Firm Point-To-Point Transmission 

Service consistent with Attachment K.  Upon receipt of such notice, the Transmission Customer 

may elect to pay the redispatch costs or cancel the transaction.  The Transmission Provider will 

use its best efforts to provide the Transmission Customer with advance notice of the need for 

redispatch and the costs of redispatch.  In some instances, advance notice may not be possible.  

In that event, at the time that redispatch begins for the continuation of service, the Transmission 

Provider will give the Transmission Customer that elected to pay redispatch costs the option of 

canceling service within an hour and not paying further for such redispatch costs.  The 

Transmission Provider will keep no revenues associated with relieving the constraint and simply 

will pay the entity or entities whose action or actions resulted in the relief of the constraint. 



 

 

[Reserved for Future Use] 

II. Redispatch To Prevent Curtailment of Firm Transmission Service 

Under this provision, the Transmission Provider must take actions in order to keep 

already scheduled Transmission Provider Firm Transmission Service and firm load including 

bundled native load from being curtailed after non-firm transactions contributing to the 

constrained conditions have been curtailed by ordering and/or arranging for the redispatch of 

generating units.  Such actions may only be taken in response to an emergency or unexpected 

system operating condition.   

Any redispatch costs, as defined in Section I above, incurred by the Transmission 

Provider to prevent Curtailment of Firm Transmission Service shall be distributed among all 

Firm Transmission Customers, including native load, on the basis of the ratio of each 

Transmission Customer’s transmission reservation; or, in the case of bundled native load, each 

Transmission Owner’s use of the Transmission System to serve such bundled native load, to the 

sum of all such Firm Transmission Service reservations and bundled native load uses. 

The Transmission Provider shall contract in a manner that minimizes costs to the greatest 

extent practicable to effectively relieve the constraint.  SPP shall recover these costs consistent 

with Section IV of this Attachment K. 

 



 

 

[Reserved for Future Use] 

III. Redispatch to Prevent Curtailment of Non-Firm Point-To-Point Transmission 

Service 

Under this provision, Generation Redispatch provided will only be for non-firm 

transmission schedules.  This service will be offered for same day and next day schedules.  This 

Generation Redispatch service for non-firm transmission service is voluntarily offered and 

voluntarily purchased.  The Transmission Owner(s) have no obligation to provide this service 

and the Transmission Customer(s) have no obligation to purchase this service.  Jurisdictional 

redispatch providers shall provide this service only pursuant to rate schedules, agreements, or 

tariffs on file with the Commission.  The Transmission Provider will identify candidate units for 

redispatch with the knowledge of non-firm and firm transmission service on paths at risk of 

Curtailment.  The total time required to implement this procedure, from the time that a need for 

Curtailment is identified, is expected to be 4 hours.  If less than 4 hours lead time is available in 

advance of Curtailment, the Transmission Provider may Curtail schedules before implementing 

the process. 

A. Non-Firm Redispatch Process 

1. The Transmission Provider identifies a need for Curtailment or receives a request for 

Curtailment from a control area operator; posts the fact that generation redispatch is 

being assessed; and selects and evaluates candidate generating units for redispatch to 

mitigate the problem.   

2. After identifying feasible redispatch solutions, the Transmission Provider contacts 

generating unit owners, dispatchers, or entities with merchant function responsibility as 

applicable to solicit willingness to supply Generation Redispatch Service and to obtain 

associated pricing and terms. 

3. The Transmission Provider receives price quotes (including any cost of transmission 

service) and associated terms; picks most economic alternative; allocates selected 

alternative to submitted transmission schedules based on relative impacts on the affected 

transmission facility; and contacts prospective Generation Redispatch purchasers with 

pricing for purchasers to accept or reject.  Notification of redispatch availability on 

affected paths with schedules will be posted on the OASIS purchasers with schedules will 

also be notified by phone or FAX.  



 

 

 

 

4. Prospective Generation Redispatch purchasers accept or decline the Generation 

Redispatch Service and pricing; deadline to respond is 1 hour before announced time of 

Curtailment.  If there is no response from a prospective Generation Redispatch purchaser, 

then such purchaser will be deemed to have declined the service. 

5. The Transmission Provider receives responses, notifies Generation Redispatch 

provider(s) of the quantity of service to be provided directly to Generation Redispatch 

purchaser(s).  The deadline for the Transmission Provider notification to Generation 

Redispatch provider is 50 minutes before announced time of Curtailment.  Generation 

Redispatch providers will be obligated to supply only that energy which the Generation 

Redispatch purchasers have committed to buy. 

6. Provider(s) and purchaser(s) of Generation Redispatch Service fax and execute 

transaction confirmations directly with each other to document their agreement.  Any 

terms and conditions peculiar to a specific service (e.g., minimum run time for a 

designated unit, regardless of duration of Curtailment) will be specified on the transaction 

confirmation.  These confirmations will not go through the Transmission Provider.  A 

copy of the transaction confirmation will be faxed to the Transmission Provider by the 

Generation Redispatch purchaser to provide verification that the service is being 

purchased and provided. 

7. Service is then provided by Generation Redispatch provider. 

B. Redispatch Priorities 

1. To the extent the quantity of Generation Redispatch Service purchased and supplied 

offsets the effect of the transaction on the impacted transmission facilities, there will be 

no further redispatch obligation on the Generation Redispatch purchaser. 

2. To the extent that the Generation Redispatch purchaser has not purchased Generation 

Redispatch Service to offset its total schedule, it continues to have an exposure to the 

need for incremental redispatch or schedule curtailment.  



 

 

[Reserved for Future Use] 

IV.  Recovery of Redispatch Costs by the Transmission Provider 

The Transmission Provider shall be entitled to recover all redispatch costs, not otherwise 

directly assigned to the Transmission Customers associated with the compensation of generation 

owners, or Transmission Owners pursuant to this Attachment K.  In order to recover these costs, 

the Transmission Provider shall add an additional charge to the base transmission charges under 

this Tariff calculated using the following formula: 

 

Additional Monthly redispatch 

charge  

(per kW – month) 

 

 

= 

Prior Month’s Redispatch Costs not 

otherwise recovered (Including Any 

Carrying Costs And Any True-Up)_______ 

(Transmission System Peak for the same 

prior month) - (coincident peak usage of all 

Firm Point-To-Point Transmission Service) 

+ (Reserved Capacity of all Firm Point-To-

Point Transmission Service customers) 

 

The Transmission Provider shall apply this charge to all point-to-point customers under 

the Tariff in addition to the base transmission charge.  The charge developed above is the rate for 

monthly service.  The rate for weekly service will be the product of the monthly rate and 12 

divided by 52.  The rate for daily service will be the product of the monthly rate and 12 divided 

by 260. The rate for hourly service will be the product of the monthly rate and 12 divided by 

4160.  Network Customers shall pay a load ratio share of the prior month’s redispatch costs 

based on their Network Load coincident with the Transmission System peak for that prior month 

in which the redispatch expenses were incurred divided by the Transmission System peak for 

that same month.  For bundled retail load for which network service is not taken under this 

Tariff, the Transmission Provider shall recover the remaining costs from the Transmission 

Owners serving the bundled retail load, with the Transmission Owner allocated these remaining 

amounts based upon their relative proportions of bundled retail load (for which network service 

is not taken under this Tariff). 

In deriving the charges, the Transmission Provider may estimate the redispatch costs it 

owes or will owe.  The Transmission Provider shall true-up that estimate in the month following 

the subsequent month, with carrying costs, once actuals are available. 

 



 

 

I. Payments And Distribution Of Revenues 

Payments received under Section 7 of this Tariff by the Transmission Provider, as agent 

for the Transmission Owners, will be distributed in accordance with the provisions of this 

Attachment L.  Payments and distribution of revenues associated with the Integrated 

Marketplace will be made in accordance with Section 7 of this Tariff to the Transmission 

Provider as agent for the Transmission Owners for all services provided under this Tariff except 

that payments to the Transmission Provider for use of Energy Imbalance Service will be made in 

accord with Section 6 8 of Attachment AE.  The Transmission Provider will distribute the 

revenues received to the Transmission Owners and to the providers of ancillary services in 

accord with the provisions of this Attachment L.   

 



 

 

IV. Distribution Of Other Revenues 

1. Revenues associated with redispatch service will be paid to the Resource 

generation owner providing the service for the Transmission Provider in 

accordance with the settlement procedures specified in Attachment AE. 

2. Revenues associated with Reactive Supply and Voltage Control from Generation 

Sources Services under Schedule 2 of the Tariff will be paid to the generation 

owner providing the service for the Transmission Provider consistent with the 

development of the charges under Schedule 2. 

3. Energy or revenues received as compensation for transmission losses shall be 

distributed consistent with Attachment M to the Tariff.  

4. Revenues associated with Scheduling, System Control and Dispatch Service 

under Schedule 1 shall be allocated to the Transmission Owners whose Control 

Area Operators within the transmission system that provide such service as 

follows: 

 a. For Firm or Non-Firm Point-To-Point Transmission Service, for 

through and out transactions, Schedule 1 charge revenues shall be 

allocated to Transmission Owners in proportion to the respective 

scheduling revenue requirement of each such Transmission Owner 

associated with the provision of this service. 

 b. For Customers taking Firm or Non-Firm Point-To-Point Transmission 

Service, for transactions into and within the Transmission System, 

Schedule 1 charge revenues shall be allocated to Transmission Owner 

whose Zone is the Point of Delivery.  

 c. For Customers taking Network Integration Transmission Service, 

Schedule 1 charge revenues shall be allocated to Transmission Owner 

in whose Zone the load is located. 

5. Revenues associated with Tariff Administration Service under Schedule 1 will 

remain with the Transmission Provider to pay for the costs of providing that 

service.  

6. Payments associated with penalties imposed under this Tariff will be used to 

reduce the Transmission Provider's Scheduling and Tariff Administration Service 



 

 

 

 

costs (though the non-penalty portion of the charge will go back to the 

Transmission Owner(s) that actually provided the service). 

7. Transmission Owner costs associated with System Impact and Facilities Studies 

compensated by the Transmission Customer shall go to the appropriate 

Transmission Owner(s). 

8. The revenues associated with Direct Assignment Facilities shall go directly to the 

Transmission Owner(s) owning the facilities. 

9. The revenues associated with Network Upgrades, not otherwise provided for in 

Section III of this Attachment L, shall be first assigned to the Transmission 

Owner building the Network Upgrades to meet the annual revenue requirements 

of such facilities.  If multiple Transmission Owners construct the facilities, the 

revenues shall be shared in accordance with each Transmission Owner’s 

respective revenue requirement for such facilities or as otherwise agreed by the 

Transmission Owners.  The remaining revenues shall be allocated in accordance 

with Section II of this Attachment L. 

10. The revenues associated with Wholesale Distribution Service shall go directly to 

the Transmission Owner(s) owning the facilities consistent with Schedule 10.  

11. Any additional revenues received under Section 22.1 of the Tariff shall be treated 

in the same manner as revenues under Section II.B.2 for single-owner Zones, and 

Section II.C.2 for multi-owner Zones, of this Attachment L. 

12. All revenues received by the Transmission Provider to compensate a 

Transmission Owner(s) not party to a generation interconnection agreement for 

the construction of Network Upgrades and Distribution Upgrades (as defined in 

Attachment V to the Tariff) associated with such generation interconnection 

agreement will be distributed by the Transmission Provider to the applicable 

Transmission Owner(s). 



 

 

ATTACHMENT M 

LOSS COMPENSATION PROCEDURE 

 

I. PURPOSE 

 This loss compensation procedure will be used to quantify transmission loss energy that 

the Transmission Customer is required to replace to the Transmission Owner(s) under this Tariff.  

The Transmission Customer shall be responsible for replacing the losses due on a real time basis.  

The Transmission Customer shall replace the loss energy to the Control Area(s) affected by the 

transactions in accordance with the options set forth below. 

 Each Transmission Owner shall maintain a schedule showing its allocation of loss energy 

for the provision of transmission service on its system.  For the Commission regulated 

Transmission Owners, these allocations shall be pursuant to Commission approved schedules.  

The average loss factor (LAVG) for each Transmission Owner is stated in Appendix 1 to this 

Attachment M. 

II. LOSS DETERMINATION - NETWORK INTEGRATION TRANSMISSION 

SERVICE 

 The Network Customer is responsible for replacing losses, associated with Network 

Integration Transmission Service to its Network Load, to each Zone in which its Network Load 

is located.  The Network Customer’s loss responsibility is the product of the Zone loss factor and 

the energy delivered within that Zone by the Network Customer. 

 Where a Network Customer has designated Network Load not physically interconnected 

with the Transmission System under Section 31.3, the Network Customer is responsible for 

replacing losses, associated with Network Integration Transmission Service to its Network Load, 

for schedules from Network Resources (as well as other non-designated generation resources) 

located within the Transmission System.  These deemed loss impacts will be determined, and 

allocated to the Transmission Owners, in the same manner as losses for Point-To-Point 

Transmission Service. 

III. LOSS DETERMINATION - POINT-TO-POINT TRANSMISSION SERVICE 

The Transmission Provider shall calculate a loss matrix twice each year to show the 

composite loss factors for each transaction, as a percentage of the transaction, based on the total 

of each Transmission Owner’s pro rata MW-mile impact multiplied by the applicable loss factor 

for energy for such Transmission Owner.  The factors for inclusion in the loss matrix shall be 

determined as follows: 



 

 

 

 

1) For each Transmission Owner, determine a Transaction Participation 

Factor (TPF) which is the MW-mile impact on that Owner expressed as a 

percentage of the MW-mile impacts on all Transmission Owners for the 

given transaction.  The MW mile impacts will be calculated in accordance 

with Attachment S. 

2) The seasonal application of the individual Transmission Owner’s loss 

factors under this Tariff shall be consistent with the Transmission 

Provider’s seasonal calculation of the MW-Mile impact factors under 

Attachment S. 

3) Calculate a weighted system loss factor for each transaction as the sum of 

the products of:  TPF x LAVG for the system of each Transmission Owner. 

The amount of loss energy supplied to and to be replaced by each Transmission Customer for 

each transaction will be determined by multiplying the MWh’s of the schedule by the composite 

loss factor for the transaction.  The amount of loss energy impact on the transmission facilities of 

each Transmission Owner for each transaction will be determined by multiplying the MW’s of 

the schedule by that Owner’s TPF and loss factor (LAVG).  The Transmission Customer shall 

replace the loss energy shown in the loss matrix (as a percentage of the transaction) to the 

Transmission Owners for each transaction.  The Transmission Provider shall be responsible for 

allocating the replaced loss energy among the Transmission Owners consistent with the above 

methodology. 

IV. SETTLEMENT OF LOSSES  

Losses shall be settled in accordance with the Integrated Marketplace settlement 

procedures specified in Attachment AE. 

A. Transactions Into or Within the Transmission System 

A Transmission Customer may meet its obligation to replace loss energy under the Tariff 

that is associated with all transactions transmitted into or within the Transmission System 

through self-supply and/or financially.  Loss responsibility associated with all transactions into 

and within the Transmission System (i.e. both Network Integration Transmission Service and 

Point-To-Point Transmission Service) shall be determined in accordance with the provisions of 

this Attachment M.  The Transmission Customer may settle such loss responsibility by physical 

delivery or financial settlement or some combination thereof.  For financial settlement, loss 



 

 

 

 

energy will be priced in conjunction with the operation and settlement of the Energy Imbalance 

Service Market as described in Attachment AE at the load Locational Imbalance Price.  For 

physical settlement, energy supplied by the Transmission Customer will be delivered to the load 

Settlement Location. 

B. Transactions Through and Out of the Transmission System 

Loss responsibility associated with all transactions transmitted through and out of the 

Transmission System (i.e. both Network Integration Transmission Service and Point-To-Point 

Transmission Service) shall be determined in accordance with the provisions of this Attachment 

M and settled by self-supply or financially pursuant to the provisions for the Optional Annual 

Purchase of loss energy set out below, for such transactions. 

1. Optional Annual Purchase of Loss Energy 

The Transmission Customer may meet its obligation to replace loss energy for all 

transactions through and out of the Transmission System under the Tariff by electing to purchase 

all such loss energy for which it is responsible under this Tariff.  Such election shall be for a 

minimum of one calendar year except in the case of a new Transmission Customer and shall be 

exercised by execution of a Service Agreement for Loss Compensation Service, Attachment N, 

on or before December 1 of the calendar year prior to commencement.  Under this Agreement, 

the Transmission Customer will purchase the specified quantity of loss energy for all such 

transactions under this Tariff.  New Transmission Customers may make such election at the time 

they first execute Attachment A or Attachment B under this Tariff, but in no event at a time later 

than the time at which they first take service under the Tariff.  In this circumstance, the term of 

the election will be at least for the remainder of the calendar year.  For any Transmission 

Customer that elects to purchase loss energy, such election shall remain in effect until the 

Transmission Customer notifies the Transmission Provider in writing at least thirty (30) days in 

advance of its intent to terminate its election under Attachment N.  Such termination shall be 

effective only at the beginning of a calendar year.   

Compensation for losses will be at a cost determined by multiplying the MWh of loss 

energy by a Locational Imbalance Price.  For transactions through and out of the Transmission 

System, losses will be compensated at the amount of the loss energy deemed to be supplied by 

each Transmission Owner, computed using the Transmission Provider’s MW-MI matrix, 

multiplied by the Locational Imbalance Price of the Settlement Location identified pursuant to 



 

 

 

 

Section 1.2.2(c) of Attachment AE that represents the price associated with service to that 

Transmission Owner’s native load for each such Transmission Owner.  Each Transmission 

Owner will receive revenue equal to the loss energy deemed to be supplied by each Transmission 

Owner, computed using the Transmission Provider’s MW-MI matrix, multiplied by the 

Locational Imbalance Price of the Settlement Location identified pursuant to Section 1.2.2(c) of 

Attachment AE that represents the price associated with service to that Transmission Owner’s 

native load.   

2. Self-Provision of Losses and Payback of Self-Provided Losses 

Losses that are self-provided for transactions through and out of the Transmission System 

pursuant to this Attachment M will be delivered in real-time to the Transmission Provider.  The 

Transmission Provider will deliver those same losses in real-time to the Designated Balancing 

Authority, such Designated Balancing Authority selected in accordance with Section 1.3.8 of 

Attachment AE.  The Transmission Provider will charge that Designated Balancing Authority 

(―DBA Loss Charge‖) for the benefit of receiving the loss energy at a price equal to the 

Locational Imbalance Price of the Settlement Location identified pursuant to 1.3.8 of Attachment 

AE for such Designated Balancing Authority..  Each Transmission Owner will receive revenue 

(―Self-Provided Loss Credit‖) equal to the loss energy deemed to be supplied by each 

Transmission Owner, computed using the Transmission Provider’s MW-MI matrix, multiplied 

by the Locational Imbalance Price of the Settlement Location identified pursuant to Section 

1.2.2(c) of Attachment AE that represents the price associated with service to that Transmission 

Owner’s native load for each such Transmission Owner.  Any over or under collection is 

accounted for through the provisions of Section 5.6 of Attachment AE of the Tariff. 



 

 

[Reserved for Future Use] 

Appendix 2 to Attachment M 

Loss Compensation Procedure Operation and Settlement 

Introduction - Through and Out Transactions 

Losses associated with all transactions through and out of the Transmission System shall be 

settled by self-supply or financially pursuant to the provisions for the Optional Annual Purchase 

of Loss Energy as described in Attachment M.  This election to self-supply or financially settle 

losses will be used to determine loss compensation for transactions through and out of the SPP 

Transmission System. 

 

Handling of Self-Provided Losses 

For any through and out transaction using SPP transmission service owned by a Transmission 

Customer that has elected to self-provide losses, the appropriate amount of losses to be provided 

must be specified on the tag.  For through transactions, such Market Participant (MP) will also 

specify the appropriate Designated Control Area (DCA), as required by SPP, as a scheduling 

entity on the tag.  For out transactions, the Control Area that is the Point of Receipt (POR) will 

serve as the DCA.  In real-time, SPP will deliver the losses identified on the tag to a pre-

determined Settlement Location (SL) representing load in the DCA.  The Transmission Provider 

will charge the Market Participant Transmission Owner representing that Settlement Location for 

the benefit of receiving the loss energy at a cost equal to the product of the quantity of the energy 

delivered and the LIP of that pre-determined Settlement Location.  Each Transmission Owner 

providing losses in real time to support the transaction will receive payment equal to the loss 

energy determined to have been supplied by that Transmission Owner, multiplied by the LIP of 

the Transmission Owner’s load Settlement Location pre-designated for loss purposes.  Any 

difference between the total charges collected by the Transmission Provider and the total loss 

revenue paid to the Transmission Owners will be reconciled through the provisions of Section 

5.6 Revenue Neutrality of Attachment AE of the Tariff. 

 

Examples – Self-Provided Losses 

Self-Provide Option - Export 

A Market Participant desires to move 100 MWh out of AEP onto ERCOT. 



 

 

 

 

 

Schedules will be: 

CSWS resource to CSWS load 103 MWh 

CSWS load to ERCOTE 100 MWh 

DCA = AEP 

Loss energy = 3 MWh 

 

Assume that the LIP at the pre-determined load SL for each TO is as follows: 

 

SJLP($25)  

SPA($45)  

AEP($30)   

GRDA($15)  

OGE($25)  

WFEC($20)  

MIDW($50)  

WR($40)  

WPEK($50)  

MPS($10)  

KCPL($10)  

EDE($15)  

SPRM($30)  

SPS($20) 

 

The Transmission Provider will charge AEP (the DCA for this transaction) for the energy 

scheduled to it by the Market Participant 

 

3 MWh * $30 = $90 

 

The Loss Matrix Percentage for each Transmission Owner for energy transmitted for the Source-

Sink pair CSWS-ERCOTE is:   



 

 

 

 

SJLP(.02) + SPA(.09) + AEP(.55) +  GRDA(.11) + OGE(.64) + WFEC(.06) + MIDW(.07) + 

WR(.8) + WPEK(.07) + MPS(.05) + KCPL(.11) + EDE(.05) + SPRM(.01) + SPS(.27) = 

(TOTAL)2.9% 

 

The loss matrix is used to determine the loss energy deemed to have been provided by each 

Transmission Owner and to calculate the cost of such energy as priced at the LIP of the load 

Settlement Location of each Transmission Owner.  Each Transmission Owner will be 

compensated for the loss energy it provided as follows: 

 

(Loss MWh scheduled * (Loss Matrix % (each TO))/ SUM(Loss Matrix % (all TOs))) * $LIP 

(each TO Load SL) 

 

SJLP 3 MWh * .02/2.9 * $25 =   $.52 

SPA 3 MWh * .09/2.9 * $45 =   $4.19 

AEP 3 MWh * .55/2.9 * $30 =   $17.06 

GRDA 3 MWh * .11/2.9 * $15 =   $1.71 

OGE 3 MWh * .64/2.9 * $25 =   $16.55 

WFEC 3 MWh * .06/2.9 * $20 =   $1.24 

MIDW 3 MWh * .07/2.9 * $50 =   $3.62 

WR 3 MWh * .8/2.9 * $40 =   $33.10 

WPEK 3 MWh * .07/2.9 * $50 =   $3.62 

MPS 3 MWh * .05/2.9 * $10 =   $.52 

KCPL 3 MWh * .11/2.9 * $10 =   $1.14 

EDE 3 MWh * .05/2.9 * $15 =   $.78 

SPRM 3 MWh * .01/2.9 * $30 =   $.31 

SPS 3 MWh * .27/2.9 * $20 =   $5.59 

 

The sum of the payments by the Transmission Provider to the Transmission Owners for the 

losses they provided to support the transaction is = $89.95. 

 



 

 

 

 

The $.05 difference between the $90 collected from AEP and the total cost of the losses provided 

by the Transmission Owners of $89.95 will be reconciled as part of the revenue neutrality uplift 

procedure. 

 

This loss energy is included in the Transmission Owner’s total energy obligation (load plus 

losses).  To the extent these Transmission Owners do not supply the required energy through 

self-dispatch, such energy is purchased from the market at the LIP of the predetermined load 

Settlement Location. 

 

Self-Provide Option - Through Transaction 

A Market Participant desires to move 100 MWh from AMRN to CLEC 

Schedules: 

AMRN resource to DCA load 103 MWh 

DCA load to CLEC 100 MWh 

DCA = AEP (Assume that AEP is the DCA when this transaction occurs.) 

Loss energy = 3 MWh  

 

The calculation of the cost of losses and the charge to the DCA would be very similar to the 

previous illustration.  The only difference would be the Loss Matrix Percentage for each 

Transmission Owner for the Source-Sink pair AMRN-CLEC. The methodology used is the same 

as in the previous illustration. 

 

Financial Settlement of Losses 

When a Market Participant has elected to financially settle losses for all of its through or out 

transactions, the Transmission Provider will determine the amount of loss energy associated with 

each transaction and the related cost.  The cost of the losses provided by the Transmission 

Owners to support the transaction will be calculated by computing the sum of the products of the 

loss energy determined to have been supplied by each Transmission Owner and the LIP of the 

pre-designated Settlement Location, for loss purposes, associated with that Transmission 

Owner's load.   This total cost is the amount the Transmission Provider charges the Market 



 

 

 

 

Participant.  Each Transmission Owner will receive revenue equal to the computed cost of such 

losses supplied by each Transmission Owner.   

 

Examples – Financial Settlement of Losses 

 

Financial Settlement Option - Export 

 

A Market Participant desires to move 100 MWh out of AEP into ERCOT 

 

Schedule will be: 

CSWS resource to ERCOTE 100 MWh 

 

Assume that the LIP at the pre-determined load SL for each Transmission Owner is as follows: 

SJLP($25)  

SPA($45)  

AEP($30)   

GRDA($15)  

OGE($25)  

WFEC($20)  

MIDW($50)  

WR($40)  

WPEK($50)  

MPS($10)  

KCPL($10)  

EDE($15)  

SPRM($30)  

SPS($20) 

 

The Loss Matrix Percentage for each Transmission Owner for energy transmitted for the Source-

Sink pair CSWS-ERCOTE is: 



 

 

 

 

SJLP(.02) + SPA(.09) + AEP(.55) +  GRDA(.11) + OGE(.64) + WFEC(.06) + MIDW(.07) + 

WR(.8) + WPEK(.07) + MPS(.05) + KCPL(.11) + EDE(.05) + SPRM(.01) + SPS(.27) = 

(TOTAL)2.9% 

 

The loss matrix is used to determine the loss energy deemed to have been provided by each 

Transmission Owner and to calculate the cost of such energy as priced at the LIP of the load 

Settlement Location of each Transmission Owner that provided this loss energy.  Each 

Transmission Owner will be compensated for the loss energy it provided as follows: 

 

MWh Scheduled * Loss Matrix % (TO)/100 * $LIP (TO Load SL) 

 

Note that division by 100 is necessary to convert each Transmission Owner percentage loss 

factor to a fraction. 

 

SJLP 100 MWh * .02/100 * $25 =   $.50 

SPA 100 MWh * .09/100 * $45 =   $4.05 

AEP 100 MWh * .55/100 * $30 =   $16.50 

GRDA 100 MWh * .11/100 * $15 =   $1.65 

OGE 100 MWh * .64/100 * $25 =   $16.00 

WFEC 100 MWh * .06/100 * $20 =   $1.20 

MIDW 100 MWh * .07/100 * $50 =   $3.50 

WR 100 MWh * .8/100 * $40 =   $32.00 

WPEK 100 MWh * .07/100 * $50 =   $3.50 

MPS 100 MWh * .05/100 * $10 =   $.50 

KCPL 100 MWh * .11/100 * $10 =   $1.10 

EDE 100 MWh * .05/100 * $15 =   $.75 

SPRM 100 MWh * .01/100 * $30 =   $.30 

SPS 100 MWh * .27/100 * $20 =   $5.40 

 

Total Cost =$86.95 

 



 

 

 

 

The total cost of losses provided by the Transmission Owners in support of the transaction is 

charged to the Market Participant.  The Transmission Provider then compensates each 

Transmission Owner for the cost they incurred. 

 

There is no difference in the revenue collected and costs compensated; consequently, there is no 

uplift associated with the financial settlement of losses for such transactions. 

 

This loss energy is included in the Transmission Owner’s total energy obligation (load plus 

losses).  To the extent these Transmission Owners do not supply the required energy through 

self-dispatch, such energy is purchased from the market at the LIP of the predetermined load 

Settlement Location. 

 

Financial Settlement Option - Through Transaction 

 

A Market Participant desires to move 100 MWh from AMRN to CLEC. 

 

Schedules: 

AMRN resource to CLEC load 100 MWh 

The calculation of the cost of losses would be very similar to the previous illustration.  The only 

difference would be the Loss Matrix Percentage for each Transmission Owner for the Source-

Sink pair AMRN-CLEC. The methodology used is the same as in the previous illustration. 

 



 

 

[Reserved for Future Use] 

Appendix 3 to Attachment M 

Loss Compensation Procedure Operation and Settlement 

Introduction - Into and Within Transactions 

 

Pursuant to Section IV. A. of Attachment M, a Market Participant (MP) may meet its obligation 

to replace the loss energy that is its responsibility under the Tariff for all transactions into or 

within the Transmission System through self-supply and/or purchase of Imbalance Energy.  

Losses associated with all into and within transactions shall be priced and settled in conjunction 

with the operation and settlement of the EIS Market. 

 

Handling of Self-Provided Losses 

A Market Participant may self-supply energy for replacement of losses associated with a 

transaction into or within the Transmission System.  Such MP may effect self-supply of losses by 

injecting an amount of energy at the source sufficient to meet both the load and loss obligation 

associated with the transaction. 

 

Example – Self-Provided Losses 

A Market Participant desires to serve an estimated load of 97 MWh in AEP using KCPL as the 

source of supply.  The Loss Matrix Percentage for such transaction is 2.85%. 

The schedule will be: 

KCPL resource 100 MWh to CSWS load 97 MWh  

Loss energy = 3 MWh 

 

An injection of 100 MWh at KCPL will be sufficient to provide for the load and losses 

associated with the transaction.  If the actual load is exactly the 97 MWh expected for the hour, 

there will be no purchase or provision of imbalance Imbalance energy associated with the 

transaction. 

 

Handling Financial Settlement of Losses 



 

 

 

 

Energy for load and losses may be fully or partially provided to the MP from the Energy 

Imbalance Service (EIS) Market.  If an injection associated with service to a load is less than the 

total of the load and loss obligation associated with the transaction, the shortfall is automatically 

purchased from the EIS Market.  Through settlement, the MP will be assessed a charge equal to 

the product of the total load and loss obligation minus the related injection and the $LIP at the 

load settlement location. 

 

Example – Financial Settlement of Losses 

A Market Participant desires to serve an estimated load of 97 MWh in AEP using KCPL as the 

source of supply.  The Loss Matrix Percentage for such transaction is 2.85%. 

The schedule will be: 

KCPL resource 97 MWh to CSWS load 97 MWh 

Loss energy = 3 MWh. 

If the load is exactly the 97 MWh expected for the hour, the MP will be charged for 3 MWh, 

priced at the load Settlement Location $LIP. 
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ATTACHMENT N 

[Reserved for Future Use] 

FORM OF SERVICE AGREEMENT FOR LOSS COMPENSATION SERVICE 

 

1.0 This Service Agreement, dated as of _______________, is entered into, by and between 

Southwest Power Pool, Inc. ("Transmission Provider"), and ________________ 

("Transmission Customer"). 

2.0 The Transmission Customer has been determined by the Transmission Provider to have a 

Completed Application for Point-To-Point Transmission Service under the Tariff. 

3.0 Service under this agreement shall commence on ______________.  Service under this 

agreement shall remain in effect until the last calendar day of the year in which Loss 

Compensation Service commences.  Thereafter, service will continue from year to year 

until the Transmission Customer notifies the Transmission Provider in writing at least 30 

days in advance of its intent to terminate this agreement.  Such termination shall be 

effective only at the beginning of a calendar year. 

4.0 The Transmission Customer agrees to supply information the Transmission Provider 

deems reasonably necessary in accordance with Good Utility Practice in order for it to 

provide the requested service. 

5.0 On behalf of the Transmission Owners, and as authorized by the Transmission Owners, 

The Transmission Provider agrees to provide and the Transmission Customer agrees to 

take and pay for Loss Compensation Service in accordance with the provisions of Part II 

and Attachment M of the Tariff and this Service Agreement.  All charges for Loss 

Compensation Service shall be determined in accordance with the provisions of 

Attachment M. 
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6.0 Any notice or requests made to or by either Party regarding this Service Agreement shall 

be made to the representative of the other Party as indicated below. 

Southwest Power Pool: 

__________________________ 

415 N. McKinley, 140 Plaza West 

Little Rock, AR 72205 

 

Transmission Customer: 

__________________________ 

__________________________ 

__________________________ 

 

7.0 The Tariff is incorporated herein and made a part hereof. 

IN WITNESS WHEREOF, the Parties have caused this Service Agreement to be 

executed by their respective authorized officials. 

 

Southwest Power Pool: 

 

 

By:______________________ _____________________ _____________________ 

 Name    Title    Date 

 

Transmission Customer: 

 

By:______________________ _____________________ _____________________ 

 Name    Title    Date 



 

 

ARTICLE ONE 

General Provisions 

1.1 Policy Statement.  In furtherance of competition and the orderly administration of the 

Tariff, SPP shall administer, implement and enforce this Credit Policy.  This Credit 

Policy is intended to encourage the maximum participation of large and small participants 

in all market sectors while minimizing the likelihood of losses due to default.   

 

1.2 Applicability of Credit Policy and Overview. 
 

1.2.1 This Credit Policy is applicable to each Credit Customer.  It applies to each Credit 

Customer regardless of whether SPP previously extended credit to, or established 

a Total Credit Limit for, the Credit Customer. . 

 

1.2.2 As a condition to taking any service subject to this Credit Policy, SPP must 

determine that the Credit Customer satisfies SPP’s credit requirements under this 

Credit Policy and the terms and conditions for an extension of credit.  SPP’s 

determination is a Credit Assessment.  The Credit Assessment is based upon 

quantitative and qualitative credit scoring under the formulae and procedures set 

forth in this Credit Policy.  This Credit Policy provides for initial and ongoing 

Credit Assessments.  In order to facilitate continuous evaluation of credit, it 

requires the submission of Credit Information to SPP periodically and, 

additionally, upon the occurrence of certain events.  Based upon the ongoing 

Credit Assessment, SPP is authorized, at any time, to revise a Credit Customer’s 

Total Credit Limit and the terms and conditions for the extension of credit. 

 

1.2.3 SPP shall conduct initial and ongoing Credit Assessments for each Credit 

Customer, based, as applicable, upon the Credit Application, Credit Information, 

and Credit Ratings.  Credit Information includes: (a) the information contained in 

and submitted with the Credit Customer’s duly executed Credit Application; and 

(b) updated and additional information the Credit Customer is required to submit 

from time to time under this Credit Policy.  Credit Information and Credit 

Ratings, if any, shall be sufficient to enable SPP to determine under this Credit 

Policy whether to approve an extension of credit, and the amount, terms, and 

conditions thereof, including the extent and nature of any Guaranty or Financial 

Security. 

 

1.2.4 Based upon its Credit Assessment, SPP will: (a) determine the Credit Customer’s 

Total Potential Exposure; (b) determine the amount of credit the Credit Customer 

requires; (c) determine whether to grant, and the amount of, any Unsecured Credit 

Allowance; (d) evaluate any Guaranty the Credit Customer offers to provide, 

including a Credit Assessment for the proposed Guarantor; and (e) determine the 

amount of any required Financial Security.  Based on these determinations, which 

shall include consideration of the Credit Customer’s ability to fulfill SPP’s 

requirements to obtain credit, SPP will set the Total Credit Limit for the Credit 

Customer. 



 

 

 

 

 

1.2.5 To facilitate the Credit Assessment, each Credit Customer shall submit a duly 

executed Credit Application in the form attached as Appendix ―A,‖ and the Credit 

Information required under this Credit Policy.  If SPP determines that an 

extension of credit to a Credit Customer must be supported by Financial Security, 

the Credit Customer shall, upon SPP’s request, duly execute the Credit and 

Security Agreement in the form attached as Appendix ―B,‖ without variation.  

Any Letter of Credit shall be substantially in the form attached as Appendix ―C,‖ 

and any Guaranty shall be substantially in the form attached as Appendix ―D.‖  

Any variations in the forms of Letter of Credit and Guaranty must be reasonably 

acceptable to SPP.  

 

1.2.6 This Credit Policy also sets forth separately stated Financial Security 

requirements for Transmission Congestion Rights. 

 

1.3 Components of Credit Policy.  This Credit Policy includes the following elements: 

 

1.3.1 Requirements for the establishment and maintenance of credit applicable to Credit 

Customers. 

 

1.3.2 The basis for establishing a Total Credit Limit for a Credit Customer in order to 

extend credit, but diminish the possibility of failure of payment under the Tariff 

and Agreements. 

 

1.3.3 Forms of Guaranty and Financial Security acceptable to SPP, to be provided if 

SPP does not approve an Unsecured Credit Allowance sufficient to cover the 

Credit Customer’s Total Potential Exposure or to cover Transmission Congestion 

Right activity. 

 

1.3.4 Requirements to facilitate ongoing Credit Assessments. 

 

1.3.5 Specification of Defaults under this Credit Policy and remedies. 

 

1.4 Fairness, Objectivity, and Non-Discrimination.  SPP will seek and receive information 

and explanation from a Credit Customer as appropriate to help ensure that the Credit 

Assessment is fair and thorough.  SPP will base each Credit Assessment upon SPP’s 

evaluation of the Credit Information, Credit Ratings, and other pertinent indicators of 

financial strength identified under this Credit Policy.  SPP shall make each Credit 

Assessment objectively and without undue discrimination in favor of or against any 

market sector.  Whenever this Credit Policy permits SPP to exercise discretion in the 

implementation of the provisions of this Credit Policy, SPP shall exercise that discretion 

in a fair and impartial manner that treats all Credit Customers in a non-discriminatory 

manner.   
 

1.5 Construction and Interpretation.  
 



 

 

 

 

1.5.1 The word ―including‖ shall be understood to mean ―including without limitation.‖  

The singular form of a word shall be understood to include the plural form, and 

vice versa, as appropriate to implement the applicable term or condition. 
 

1.5.2 Except as otherwise stated, the words ―Section‖ and ―Article‖ refer to sections 

and articles of this Credit Policy.  A Section reference includes all subsections and 

subparts of the Section. 
 

1.5.3 All references to amounts of cash, cash deposits, and to monies paid, provided, 

due or otherwise, shall be construed to refer to United States dollars. 
 

1.6 Disputes.  Any disputes arising under this Credit Policy will be subject to the dispute 

resolution procedures set forth in Section 12 of the Tariff. 

 



 

 

ARTICLE TWO 

Definitions 

2.1 Definitions.  The following definitions apply in this Credit Policy.  Capitalized terms 

used herein and not defined herein shall be given the meaning assigned to them under the Tariff. 

 

Affiliate 

A business concern, organization, or individual is an affiliate of another business concern, 

organization, or individual, including a Credit Customer, that directly or indirectly: (a) has the 

power to control or is controlled by it; or (b) is under common control of a third party.  Elements 

of control include interlocking management or ownership, shared facilities and equipment, and 

common use of employees. 

 

Affiliated Credit Customers 

Credit Customers that are Affiliates. 

 

Agreements 

The Tariff, including this Credit Policy, any and all agreements entered into by the Credit 

Customer under, pursuant to or in connection with the Tariff and/or this Credit Policy, and any 

and all other Agreements to which SPP and the Credit Customer are parties. 

 

Auction Clearing Price 

This term shall have the meaning given in Attachment AE of the Tariff. 

 

Auction Revenue Right (ARR) 

This term shall have the meaning given in Attachment AE of the Tariff.   

 

Bid 

This term shall have the meaning given in Attachment AE of the Tariff. 

 

Business Day  

A day on which the Federal Reserve System is open for business. 

 

Cash Deposit 

Cash collateral provided to SPP to secure a Credit Customer’s performance under the Tariff, this 

Credit Policy, and/or any other Agreements, and any other cash to which the Credit Customer 

has title or rights in the possession of SPP (cash SPP has applied to payment of an obligation 

under the Tariff or Agreements is not cash to which a Credit Customer has title or rights). 

 

Central Prevailing Time 

As established by national time standards, either Central Standard Time or Central Day-Light 

Time. 

 

Composite Credit Score or Credit Score 

This term shall have the meaning given in Section 4.2. 

 



 

 

 

 

Credit and Security Agreement 

A legal document, outlining certain terms pursuant to which a security interest in certain 

collateral is granted to SPP, in the form incorporated herein as Appendix ―B‖. 

 

Credit Application 

The completed, executed, and submitted Credit Application in the form attached as Appendix 

―A‖ hereto, together with the Credit Information required under this Credit Policy.  

 

Credit Assessment 

This term shall have the meaning given in Article Three. 

 

Credit Contact 

This term shall have the meaning given in Section 9.1. 

 

Credit Customer 

Any person that takes or seeks to take service under the Tariff including all Transmission Service 

or other services under the Tariff, including any market services. 

 

Credit Information 

This term shall have the meaning given in Section 1.2.3.   

 

Credit Ratings 

Rating assigned by a Rating Agency based on an obligor’s creditworthiness to pay financial 

obligations.  

 

Day-Ahead Market 

This term shall have the meaning given in Attachment AE of the Tariff. 

 

Day-Ahead Market Marginal Congestion Component (MCC)  
This term shall have the meaning given in Section 8.3.1.2 of Attachment AE of the Tariff. 

 

Default or Event of Default 

Any default under Article Eight or otherwise under this Credit Policy. 

 

Estimated TCR Exposure (ETCRE) 

This term shall have the meaning given in Section 5A.1.3. 

 

Estimated Virtual Exposure (“EVE”) 

This term shall have the meaning given in Section 4A.2.   

 

ETCRE Bid 
This term shall have the meaning given in Section 5A.4. 

 

ETCRE Hold 

This term shall have the meaning given in Section 5A.2. 

 



 

 

 

 

ETCRE Offer 

This term shall have the meaning given in Section 5A.5. 

 

FERC 

The Federal Energy Regulatory Commission. 

 

Financial Security 

A Cash Deposit or Irrevocable Letter of Credit in amount and in forms as described in Article 

Seven of this Credit Policy, provided by a Credit Customer to SPP as security. 

 

Financial Statements 

This term shall have the meaning given in Section 3.1.1.1.   

 

Guarantor 

An entity that guarantees the obligation of another entity under a Guaranty. 

 

Guaranty 

A legal document used by an Affiliate of a Credit Customer pursuant to Article Six to guarantee 

the obligations of such Credit Customer for the benefit of SPP. 

 

Irrevocable Letter of Credit 

An irrevocable standby letter of credit, with SPP as beneficiary, substantially in the form 

attached as Appendix ―C‖ to this Credit Policy and reasonably acceptable to SPP. 

 

Large Company Credit Customers or Large Company 

This term shall have the meaning given in Section 4.2.1. 

 

Locational Marginal Price 

This term shall have the meaning given in Attachment AE of the Tariff. 

 

Market Exposure 

This term has the meaning given in Section 5.2.1. 

 

Material  

The lesser of (i) the materiality standard established by the certified public accounting firm 

performing the Credit Customer’s annual audit, (ii) an amount that equals or exceeds 

five percent (5%) of the Credit Customer’s Tangible Net Worth using the last audited financial 

statements, calculated in accordance with generally acceptable accounting principles; and (iii) a 

change, event, proceeding, or other occurrence, that results (or if adversely determined could 

result) in a change of five percent (5%) or more in the Credit Customer’s Tangible Net Worth 

compared to the Tangible Net Worth of the Credit Customer using the last audited financial 

statements, calculated in accordance with generally acceptable accounting principles. 

 

Material Adverse Change 

This term shall have the meaning given in Section 3.2.7.  

 



 

 

 

 

Not-For Profit Credit Customers or Not-For-Profit 

This term shall have the meaning given in Section 4.2.3. 

 

Offer 

This term shall have the meaning given in Attachment AE of the Tariff. 

 

Operating Day 

This term shall have the meaning given in Attachment AE of the Tariff. 

 

Operating Hour 
This term shall have the meaning given in Attachment AE of the Tariff. 

 

Peak Market Activity Day 

The day in which a Credit Customer’s calculated charges owed to SPP are the greatest, over a 

specified period.  

 

Potential Exposure Window 

The number of days of credit exposure for a Credit Customer equal to the sum of days of service 

that have been invoiced but not paid, days of service that have been calculated but not invoiced, 

days of service in the cure period, and days before service can be terminated. 

 

Qualitative Score 

This term has the meanings applicable under Article Four.  

 

Quantitative Score 

This term has the meanings applicable under Article Four. 

 

Rating Agency(ies) 

Any Rating Agency that is a ―Nationally Recognized Statistical Rating Organizations‖ as defined 

by the US Securities Exchange Commission.  Currently there are four — Dominion Bond Rating 

Service Ltd., Fitch, Inc., Moody's Investors Service, and the Standard & Poor's Division of the 

McGraw Hill Companies Inc. 

 

Real-Time 

This term shall have the meaning given in Attachment AE of the Tariff. 

 

Real-Time Balancing Market 

This term shall have the meaning given in Attachment AE of the Tariff. 

 

SEC 

The Securities and Exchange Commission. 

 

Settlement Location 

This term shall have the meaning given in Attachment AE of the Tariff. 

 

Settlement Statement 



 

 

 

 

This term shall have the meaning given in Attachment AE of the Tariff. 

 

Small Company Credit Customers or Small Company 

This term shall have the meaning given in Section 4.2.2. 

 

Tangible Net Worth 

This term shall have the meaning given in Section 4.3.   

 

TCR Final Reference Price 
This term shall have the meaning given in Section 5A.2.1. 

 

TCR Mean Price 

This term shall have the meaning given in Section 5A.2.1. 

 

TCR Portfolio Credit Requirement 

This term shall have the meaning given in Section 5A.3. 

 

TCR Stress Test Price 

This term shall have the meaning given in Section 5A.2.1. 

 

Total Credit Limit 

This term shall have the meaning given in Section 4.5. 

 

Total Potential Exposure or TPE 

SPP’s estimate of the Credit Customer’s current or anticipated transaction activity and resulting 

obligations for all services under the Tariff or otherwise, excluding Transmission Congestion 

Rights activity.  

 

Total Potential Exposure Violation 

This term shall have the meaning given in Section 5.4.1.   

 

Total TCR Credit Requirement 

Total TCR Credit Requirement is the amount of Financial Security a Credit Customer must 

provide in order to support the TCR positions that it holds and/or for which it is submitting Bids 

and Offers.   

 

Transmission Congestion Right (TCR)  

This term shall have the meaning given in Attachment AE of the Tariff. 

 

Transmission Congestion Right Auction (TCR Auction) 
This term shall have the meaning given in Attachment AE of the Tariff. 

 

Transmission Service Potential Exposure 

This term shall have the meaning give in Section 5.2.2. 

 

Unsecured Credit Allowance 



 

 

 

 

This term shall have the meaning given in Section 4.3. 

 

Virtual Energy Bid,  

This term shall have the meaning given in Attachment AE of the Tariff. 

 

Virtual Energy Offer 

This term shall have the meaning given in Attachment AE of the Tariff. 

 



 

 

ARTICLE THREE 

Credit Assessment 

 

3.1 Minimum Criteria for Market Participation and Initial Credit Assessment.  

 

3.1.1 Credit Application and Credit Information.  A Credit Customer must submit a 

completed and duly executed Credit Application.  A completed Credit 

Application includes submission of the Credit Application form (Appendix ―A‖), 

all information required under Section 3.1.1, and additional information that SPP 

may request.  The Credit Customer must submit the following information with 

its Credit Application. 

 

3.1.1.1 Audited Financial Statements and Related Information.  All 

annual Financial Statements submitted must be audited.  Financial 

Statements are the following. 

 

a. If the Credit Customer is subject to SEC reporting 

requirements, Financial Statements are: 

 

i. Annual Reports on Form 10-K for the three fiscal 

years most recently ended, together with any 

amendments thereto; 

ii. Quarterly Reports on Form 10-Q for each 

completed fiscal quarter of the then current fiscal 

year, together with any amendments thereto; and 

iii.  Form 8-K reports, if any, filed after the most recent 

Form 10-K. 

b. If the Credit Customer is not subject to SEC reporting 

requirements, Financial Statements are: 

 

i. For each of the three fiscal years most recently 

ended, the Report of Independent Accountants (for 

each of the three fiscal years most recently ended); 

and audited financial statements, including balance 

sheet, income statement, statement of cash flow, 

and statement of stockholder’s equity; 

ii. For each completed fiscal quarter of the then current 

fiscal year; financial statements as described in (i) 

above. Unaudited quarterly financial statements are 

acceptable. 

iii. Notes to financial statements; and  

iv. Management’s discussion and analysis, if any. 

 

c. The Credit Customer may submit Financial Statements by 

informing SPP, in writing, where the Financial Statements 



 

 

 

 

can be retrieved through the Internetinternet.  Successful 

retrieval by SPP will satisfy the Financial Statements 

submission requirements of this Section.  If SPP is not 

satisfied with the retrieval through the Internetinternet, it 

may require the Credit Customer to submit Financial 

Statements in hard copy form. 

 

d. In the event any parts of the Financial Statements required 

under this Section are inapplicable to the Credit Customer, 

SPP may specify alternate requirements.  SPP may request 

additional Financial Statements and related information at 

its sole discretion. 

 

e. For Not-For-Profit Credit Customers, some of the above 

financial submittals may not be applicable, and alternate 

requirements may be specified by SPP. 

 

f. In the credit evaluation of Not-For-Profit Credit Customers, 

SPP may request additional information as part of the 

overall financial review process and will consider other 

relevant factors in determining financial strength and 

creditworthiness.   

 

3.1.1.2 References.  The Credit Customer must provide at least one bank 

reference and at least three references from entities that have 

significant commercial relationships with the Credit Customer.  

 

3.1.1.3 Loss Contingencies.  The Credit Customer must fully and 

accurately identify and describe each of the following, or state that 

there are no such matters applicable to the Credit Customer: 

 

a. known pending or, to the Credit Customer’s knowledge, 

threatened, court actions, arbitration proceeding, 

investigations, commitments, claims, contingencies, or 

existing or potential liabilities that are or would be Material 

if determined adversely to the Credit Customer;  

 

b. ongoing investigations by the SEC, the FERC, or of any 

other governing, regulatory, or standards body that is 

Material or would be Material if determined adversely to 

the Credit Customer; 

 

c. prior bankruptcy declarations or petitions, voluntary or 

involuntary, by or against the Credit Customer, its 

predecessors, subsidiaries or Affiliates; and 

 



 

 

 

 

d. Material defalcations or fraud by or involving the Credit 

Customer, its predecessors, subsidiaries or Affiliates, or 

any of their respective assets. 

 

3.1.1.4 Affiliates.  The Credit Customer must identify all Affiliates that 

are Credit Customers.   

 

3.1.1.5 Total Potential Exposure Information.  The Credit Customer 

shall provide an estimate of its current or anticipated transaction 

activity for all services under the Tariff or otherwise over the 

succeeding twelve months, excluding Transmission Congestion 

Rights activity, sufficient to permit SPP to determine the Credit 

Customer’s Total Potential Exposure. 

 

3.1.1.6 Attestation of Risk Management Capabilities.  Each applying 

Market Participant shall submit to SPP a notarized statement 

signed by an authorized officer in the form attached as “Appendix 

E” to this Attachment X: 

a. Attesting that the officer has signature authority to make 

the statement; 

b. Describing its risk management capabilities and 

procedures, including whether the applying Market 

Participant is engaged in hedging; 

c. Identifying the employee(s) of the Market Participant who 

perform the activities described in (b) above, or if those 

activities are contracted to an external organization, 

identifying such organization; 

d. Defining the special training, skills, experience, and 

industry tenure of those person(s) performing the activities 

described in (b) above; and 

e. Providing any other information that may assist SPP in 

determining the risk management capabilities of the 

applying Market Participant. 

 

Such attestation shall be renewed and updated for each successive 

year of market participation, and shall be submitted to SPP no 

later than April 30 of each year. 

 

If the risk management capabilities of the applying Market 

Participant are deemed insufficient by SPP for the type of service 

that will be undertaken or if the attestation is deemed insufficient 

by SPP to determine the risk management capabilities of the 

applying Market Participant, the applying Market Participant shall 

be declined participation in all SPP markets.  A Market Participant 

will have two (2) Business Days from receipt of notice from SPP 

that its attestation was deemed insufficient to cure any deficiency 



 

 

 

 

identified by SPP prior to being declined participation in SPP 

markets. 

 

3.1.1.7 Additional Information.  At any time and from time to time, SPP 

may request such additional information as SPP determines is 

necessary and appropriate for the Credit Assessment and the Credit 

Customer shall timely provide such additional information.  At any 

time, the Credit Customer may provide SPP with additional 

information that the Credit Customer considers relevant to the 

Credit Assessment. 

 

3.1.1.8 Minimum Criteria for Market Participation.  Each Market 

Participant shall, at a minimum, possess: 

a. A Tangible Net Worth of One Million Dollars ($1,000,000) 

as shown in the most recent fiscal year end audited 

financial statements as described in Section 3.1.1.1; or 

b. Ten Million Dollars ($10,000,000) in assets as shown in the 

most recent fiscal year end audited financial statement as 

described in Section 3.1.1.1; or 

c. A Credit Rating of, or equivalent to, BBB-; or 

d. A Guaranty as described in Article Six of this Attachment 

X, and approved by SPP, through which the audited 

financials or Credit Rating of the Guarantor is used to meet 

at least one of the alternatives specified in (a) through (c) 

above; or 

e. In the event a Market Participant cannot meet at least one 

of the alternatives specified in (a) through (d) above, the 

Market Participant shall, at a minimum, deposit with SPP 

Two Hundred Thousand Dollars ($200,000) in Financial 

Security to be segregated and unavailable to secure any 

market or transmission activity.  Pursuant to election of this 

alternative, if the anticipated activity at time of application 

or actual market activity as determined in Article Five, of 

the Market Participant exceeds One Hundred Thousand 

Dollars ($100,000) in Market Exposure, the Market 

Participant shall provide SPP twice the amount of Financial 

Security that would otherwise be required of the Market 

Participant pursuant to Section 4.4. 

 

If the applying Market Participant  is unable to meet the minimum 

criteria for market participation, the applying Market Participant 

shall be declined participation in all SPP markets.   

 

Failure at any time of a Market Participant to continue to satisfy 

these minimum criteria for market participation shall be deemed a 

Material Adverse Change pursuant to Section 3.2.7. 



 

 

 

 

 

3.1.1.9 Risk Management Verification Process 

 

Through a periodic compliance verification process, SPP shall 

review and verify Market Participants’ risk management policies, 

practices, and procedures pertaining to the Market Participants’ 

activities in the SPP markets.  Such review shall include 

verification that:  

 

1. The risk management framework is documented in a risk 

policy addressing market, credit, and liquidity risks;  

2. The Market Participant maintains an organizational 

structure with clearly defined roles and responsibilities that 

clearly segregates trading and risk management functions;  

3. There is clarity of authority specifying the types of 

transactions into which traders are allowed to enter;  

4. The Market Participant has requirements that traders have 

adequate training or expertise relative to their authority in 

the systems and SPP markets in which they transact;  

5. As appropriate, risk limits are in place to control risk 

exposures;  

6. Reporting is in place to ensure that risks and exceptions 

are adequately communicated throughout the organization;  

7. Processes are in place for qualified independent review of 

trading activities; and 

8. As appropriate, there is periodic valuation or mark-to-

market of risk positions.  

 

SPP may select Market Participants for review on a random basis 

and/or based on identified risk factors such as, but not limited to, 

the SPP markets in which the Market Participant is transacting, 

the magnitude of the Market Participant’s transactions, or the 

volume of the Market Participant’s open positions.  Those Market 

Participants notified by SPP that they have been selected for 

review shall, upon fourteen (14) calendar days notice, provide a 

copy of their current governing risk control policies, procedures, 

and controls applicable to their SPP market activities and shall 

also provide such further information or documentation pertaining 

to the Market Participants’ activities in the SPP markets as SPP 

may reasonably request.  Market Participants selected for risk 

management verification through a random process and 

satisfactorily verified by SPP shall be excluded from such 

verification process based on a random selection for the 

subsequent two years.  SPP shall annually randomly select for 

review no more than twenty percent (20%) of the Market 

Participants. 



 

 

 

 

  

Each selected Market Participant’s continued eligibility to 

participate in the SPP markets is conditioned upon SPP notifying 

the Market Participant of successful completion of SPP’s 

verification, provided, however, that if SPP notifies the Market 

Participant in writing that it could not successfully complete the 

verification process, SPP shall allow such Market Participant 

fourteen (14) calendar days to provide sufficient evidence for 

verification prior to declaring the Market Participant as ineligible 

to continue to participate in SPP’s markets, which declaration 

shall be in writing with an explanation of why SPP could not 

complete the verification.  If, prior to the expiration of such 

fourteen (14) calendar days, the Market Participant demonstrates 

to SPP that it has filed with the Federal Energy Regulatory 

Commission an appeal of SPP’s risk management verification 

determination, then the Market Participant shall retain its 

transaction rights, pending the Commission’s determination on the 

Market Participant’s appeal.  SPP may retain outside expertise to 

perform the review and verification function described in this 

section.  SPP and any third party it may retain will treat as 

confidential the documentation provided by a Market Participant 

under this section, consistent with the applicable provisions of the 

Tariff.  

 

3.1.2 Rating Agency Information.  In the initial Credit Assessment and in subsequent 

and ongoing assessments, SPP will consider Rating Agency reports applicable to 

the Credit Customer.  This review will be focused on the Credit Customer’s 

unsecured, senior long-term debt ratings.  If these ratings are not available, SPP 

will consider issuer ratings. 

 

3.1.3 Power Supply Agent Disclosure Requirements.  A Not-For-Profit Credit 

Customer may request that its suggested Unsecured Credit Allowance calculation 

reflect as equity the outstanding balance of revenue bonds issued by the Not-For-

Profit Credit Customer when such revenue bonds are issued solely in support of 

the Not-For-Profit Credit Customer’s role as power supply agent for not-for-profit 

electric distribution utilities.  In support of such request, the Not-For-Profit Credit 

Customer must provide SPP with the following information: 

 

(a)  Management representation letter stating: 

(i)  Principal amount, in dollars, of revenue bonds outstanding; 

(ii)  Prior to default and after default, debt service on the revenue bonds 

is payable only after operating expenses are paid; 

(iii)  Amounts payable to SPP under this Tariff are operating expenses 

for purposes of the revenue bonds; and 

(iv)  The trustee for the revenue bonds has a valid and binding security 

interest in the revenues or net revenues from the power supply 



 

 

 

 

contracts to secure payment of the revenue bonds and the Not-For-

Profit Customer has not granted any lien thereon prior to the lien of 

the bond resolution.   

 

(b)  Opinion of counsel stating: 

(i)  The power supply contracts are binding obligations of the Not-For-

Profit Credit Customer enforceable in accordance with their terms; 

(ii)  The trustee of the revenue bonds has a valid and binding security 

interest in, or assignment and pledge of, the revenues or net 

revenues from the power supply contracts to secure payment of the 

revenue bonds; 

(iii)  The resolution or other document creating the security interest or 

pledge and providing for the priority of payment is enforceable in 

accordance with its terms; 

(iv)  Prior to default and after default, debt service on the revenue bonds 

is payable only after operating expenses are paid; and 

(v)  All amounts payable to SPP arising from transactionsfor 

transmission and energy services under this Tariff are operating 

expenses for purposes of the revenue bonds. 

 

(c)  All Rating Agency ratings on revenue bond(s). 

 

The opinion of counsel referenced above shall be provided to SPP together with 

copies of the most recent written opinions of counsel, if any, for each member of 

the Not-For-Profit Credit Customer that relate to the enforceability of the power 

supply contract(s). 

 

3.1.4 Guaranties.  If the Credit Customer proposes a Guaranty to establish, contribute 

to, or maintain an Unsecured Credit Allowance, Credit Information required 

under Section 3.1.1 must be submitted with respect to both the Credit Customer 

and the proposed Guarantor. 

 

3.2. Annual and Other Ongoing Credit Assessments. 

 

3.2.1 Purpose of Annual and Other Ongoing Credit Assessments.  At least once 

annually, SPP will review and update its Credit Assessment for each Credit 

Customer.  This will include a review of the Credit Customer’s creditworthiness 

and consideration of revisions of the Credit Customer’s (a) Unsecured Credit 

Allowance; (b) Financial Security requirements; and (c) Total Credit Limit.  In its 

sole discretion, SPP may conduct additional reviews and updates, including 

reviews in response to new facts or occurrences that may bear upon the Credit 

Customer’s creditworthiness.  Unless otherwise stated, all annual information 

required under Section 3.2 shall be provided to SPP no later than 120 days after 

the end of the Credit Customer’s fiscal year. 

 



 

 

 

 

3.2.2 Procedures for Posting Additional Financial Security or Taking Other 

Corrective Measures.  In the event a Credit Customer experiences a Material 

Adverse Change, SPP may invoke its right to require the Credit Customer to post 

additional Financial Security, cease one or more transactions, or take other 

measures to restore confidence in the Credit Customer’s ability to transact safely.  

In addition, based upon the annual or other Credit Assessment, SPP may, at any 

time, revise any (a) Unsecured Credit Allowance; (b) Financial Security 

requirements; and (c) Total Credit Limit, applicable to the Credit Customer.  If 

SPP has upwardly revised the required amount of Financial Security, the Credit 

Customer will have two (2) Business Days from receipt of the notice from SPP to 

provide the required Financial Security, in an amount and form acceptable to SPP.    

Failure to provide additional required Financial Security shall be a Default under 

this Credit Policy and a default under the Tariff. 

 

3.2.3 Rating Agency Information.  The Credit Customer will give notice to SPP of 

any changes to its Credit Ratings within five (5) Business Days of the 

announcement of the change.  

 

3.2.4 Financial Statements.  On an annual basis, and except as otherwise stated with 

respect to quarterly reports, each Credit Customer must provide SPP with updated 

Financial Statements within ten (10) days after they become available, and in no 

event later than 120 days after the end of the Credit Customer’s fiscal year.  

Quarterly reports must be provided quarterly, within ten (10) days after they 

become available.  Financial Statements may be submitted in the manner provided 

under Section 3.1.1.1.  

 

3.2.5 Power Supply Agent Disclosure Requirements.  A Not-For-Profit Credit 

Customer that initially qualified to have its suggested Unsecured Credit 

Allowance calculation reflect as equity the outstanding balance of revenue bonds 

issued by the Not-For-Profit Credit Customer, and is requesting to continue to 

have its suggested Unsecured Credit Allowance calculation reflect as equity the 

outstanding balance of revenue bonds issued by the Not-For-Profit Credit 

Customer when such revenue bonds are issued solely in support of the Not-For-

Profit Credit Customer’s role as power supply agent for not-for-profit electric 

distribution utilities, must at all times comply with the following information 

reporting requirements: 

 

(a)  The Not-For-Profit Credit Customer must advise SPP of the principal 

amount of revenue bonds outstanding on an annual basis; 

 

(b) The Not-For-Profit Credit Customer must advise SPP within ten (10) days 

if the principal amount of the revenue bonds outstanding is reduced by 

more than twenty percent (20%) from the amount last certified by the Not-

For-Profit Credit Customer; 

 



 

 

 

 

(c)  The Not-For-Profit Credit Customer must advise SPP immediately if the 

security interest of the trustee is released or the Not-For-Profit Credit 

Customer grants any lien prior to the lien of the bond resolution; and 

 

(d)  The Not-For-Profit Credit Customer must advise SPP within ten (10) days 

of any downgrade of any of the Not-For-Profit Credit Customer’s revenue 

bond ratings issued by a Rating Agency. 

 

3.2.6 Other Credit Information.  On an annual basis, each Credit Customer must 

provide SPP with the information specified in Section 3.1.1.3 (Loss 

Contingencies), 3.1.1.4 (Affiliates), 3.1.1.6 (Additional Information).  

 

3.2.7 Material Adverse Changes.  Each Credit Customer  must give SPP notice of any 

Material Adverse Change in its financial condition (and, as applicable, the 

financial condition of its Guarantor) within two (2) Business Days of the 

occurrence of the Material Adverse Change.  If a Credit Customer or Guarantor 

files a Form 10-K, Form 10-Q, or Form 8-K with the SEC, notice of such filing, 

timely delivered to SPP in accordance herewith, will suffice on the condition that 

such notice states that the filing addresses a Material Adverse Change.  

 

 A Material Adverse Change in financial condition includes any Material change 

in operations or financial condition that a reasonable examiner of creditworthiness 

would deem material to decisions concerning the extension of credit, including 

but not limited to, any of the following (―Material Adverse Change‖): 

 

a. A downgrade of any debt rating or issuer rating, or change in the outlook 

of any Credit Rating, including debt rating or issuer rating;  

 

b. Any placement on a credit watch with negative implication by a Rating 

Agency; 

 

c. The filing of a lawsuit or initiation of an arbitration, investigation or other 

proceeding (including regulatory proceeding) which if decided adversely 

could have a Material effect on any current or future financial results or 

financial condition; 

 

d. The merger, acquisition or any other form of business combination 

involving the credit customer.  

 

e. Any adverse changes in financial condition which, individually, or in the 

aggregate, are Material; 

 

f. Any adverse changes, events or occurrences which, individually or in the 

aggregate, could affect the ability of the Credit Customer to pay its debts 

as they become due or could have a Material adverse effect on any current 

or future financial results or financial condition;  



 

 

 

 

 

g. Discovery or disclosure of conflict of interest issues; 

 

h. Resignation or removal of a key officer or director; 

 

i. Any action requiring the filing of a Form 8-K; 

 

j. Any report of a quarterly or annual loss or a decline in earnings of ten (10) 

percent or greater compared to the prior period;  

 

k. Any restatement of prior financial statements; and 

 

l. Failure of a Market Participant to continue to satisfy the minimum criteria 

 for market participation specified in 3.1.1.8. 

 

3.2.7.1 Notification of a Material Adverse Change by SPP to a Credit 

Customer.  Upon the occurrence of a Material Adverse Change and prior 

to SPP compelling a Credit Customer to post additional Financial 

Security, cease one or more transactions, or take other measures to restore 

confidence in the Credit Customer’s ability to transact business safely as a 

result of any Material Adverse Change, SPP shall provide, when feasible, 

reasonable advance notice in writing, by fax, electronic mail, hand 

delivery, reputable overnight courier, or first-class mail, to the Credit 

Contact designated by the Credit Customer pursuant to Section 9.1 of this 

Credit Policy.  If delivery to the Credit Contact fails, then SPP may effect 

delivery to any officer, executive, or manager of the Credit Customer.  

Such notice shall identify the reasoning behind the invocation of the 

Material Adverse Change clause and be signed by an authorized 

representative of SPP. 

 

3.2.8 Affiliates.  Each Credit Customer must identify all Affiliates that are Credit 

Customers.   

 

3.2.9 Additional Information.  At any time and from time to time, SPP may request 

such additional information as SPP determines is necessary and appropriate for 

the Credit Assessment and the Credit Customer shall timely provide such 

additional information.  At any time, the Credit Customer may provide SPP with 

additional information that the Credit Customer considers relevant to the Credit 

Assessment. 

 

3.2.10 Guaranties.  If the Credit Customer relies upon a Guaranty to maintain an 

Unsecured Credit Allowance, Credit Information required under Section 3.2 must 

be submitted with respect to both the Credit Customer and the Guarantor. 

 



 

 

 

 

3.2.11 Alternate Requirements.  For Not-For-Profit Credit Customers, some of the 

above financial submittals may not be applicable, and alternate requirements may 

be specified by SPP.   

 

3.2.12 In the credit evaluation of Not-For-Profit Credit Customers, SPP may request 

additional information as part of the overall financial review process and will 

consider other relevant factors in determining financial strength and 

creditworthiness.   

 

3.3 SPP Rights to Use Other Information.  Notwithstanding any provision of this Credit 

Policy, SPP shall have the right to utilize, in a Credit Assessment, any information of 

which it is aware concerning the Credit Customer. 

 

3.4 Positive Material Change in Financial Condition of the Credit Customer.  If there is 

a positive Material change in the financial condition of the Credit Customer, a significant 

reduction in the Total Potential Exposure of the Credit Customer, or any other change 

that the Credit Customer believes may warrant an increase in the Credit Customer’s 

Unsecured Credit Allowance and/or a reduction in the Financial Security required of the 

Credit Customer, the Credit Customer may make a written request to SPP to update the 

Credit Assessment and include or refer to any supporting information.  SPP may request 

any Credit Information described in Section 3.2 to evaluate the merit of the Credit 

Customer’s request.  SPP anticipates that it will respond to the Credit Customer’s request 

within a reasonable period of time, generally within ten (10) Business Days after 

receiving all information that is required for an ongoing review as required in this Article.  



 

 

ARTICLE FOUR 

Creditworthiness and Total Credit Limit 

 

4.1 Creditworthiness Overview.  SPP will establish a Total Potential Exposure for each 

Credit Customer based on the Credit Customer’s estimated cumulative financial 

obligation arising under the Tariff or otherwise to SPP, excluding Transmission 

Congestion Rights activity, as provided in Article 5.  The Total Potential Exposure is the 

amount that the Credit Customer must support with credit.  Transmission Congestion 

Rights activity must be supported with Financial Security as provided in Article 5A.  The 

credit will consist of a combination of the Unsecured Credit Allowance and Financial 

Security, or either of them.  SPP will determine the Credit Customer’s Unsecured Credit 

Allowance based upon the Composite Credit Score.  The Composite Credit Score, as 

defined herein, is a determination of financial strength and creditworthiness, based upon 

the Credit Assessment.  Where Credit Customers are Affiliates of each other, an 

aggregate Unsecured Credit Allowance will be established for the Affiliates, as provided 

below. Financial Security is an Irrevocable Letter of Credit or other collateral in 

accordance with this Credit Policy.  If the Credit Customer’s Unsecured Credit 

Allowance is less than its Total Potential Exposure, the Credit Customer will be required 

either to establish additional credit in the amount of the difference by posting Financial 

Security or to decrease its Total Potential Exposure.  A Credit Customer’s total credit 

with SPP, consisting of the Unsecured Credit Allowance and any Financial Security, is 

the Credit Customer’s Total Credit Limit.  A Credit Customer may provide additional 

Financial Security at any time to increase or maintain its Total Credit Limit, for example, 

in order to increase its Total Potential Exposure or to compensate for a reduction in its 

Unsecured Credit Allowance. 

 

4.2 Composite Credit Score.  The ―Composite Credit Score‖ is the numerical result of 

SPP’s scoring process based upon various quantitative and qualitative predictors of 

creditworthiness as set forth in this Section.  The results are scaled from one (1) to six (6) 

with one (1) being the strongest score and six (6) being the weakest.  Key factors in the 

scoring process include financial ratios, years in business, and Credit Ratings.  SPP will 

apply all measures used to determine Composite Credit Scores in a consistent manner.  

The respective models SPP will use to determine the Composite Credit Score for Large 

Company Credit Customers, Small Company Credit Customers, and Not-For-Profit 

Credit Customers are set forth in this Section. 

 

4.2.1 Large Company Credit Scoring.  The Large Company Credit Customer model 

will be utilized for Credit Customers with net fixed assets equal to or in excess of 

$250 million (―Large Company Credit Customers‖ or ―Large Company‖).  The 

Large Company Credit Score will be comprised of a Quantitative Score and a 

Qualitative Score.  Each score is then weighted as shown below to build a 

Composite Credit Score. 

 



 

 

 

 

   Large Company Analysis   Weight 

   Quantitative Score    70%     

   Qualitative Score    30% 

 

4.2.1.1 Quantitative Score.  The Quantitative Score is based on the 

financial ratios below.  These measures will be calculated for each 

Large-Company Credit Customer and compared with benchmarks 

to assign a score of one (1) to six (6) for each measure.  A score of 

one (1) indicates that the Credit Customer has a strong financial 

health with regard to the measure, while a score of six (6) indicates 

poor financial health with regard to the measure.  The following 

measures are used: 

 

a. Current Ratio—Current Assets/Current Liabilities 

 

b. EBIT Interest Coverage—(Interest Expense + Income 

Taxes + Net Income) / Interest Expense 

 

c. Total Debt to Total Capitalization (―TD/TC‖)—(Long 

Term Debt + Current Portion + Other Short Term 

Borrowings) / (Total Debt + Preferred Equity + Common 

Equity) 

 

d. Funds from Operations (―FFO‖) to Total Debt—(Cash 

from Operating Activities - Changes in Operating Assets 

and Liabilities) / (Long Term Debt + Current Portion + 

Other Short Term Borrowings) 

 

The measures are then assessed as follows to calculate the total 

Quantitative Score: 

 
Scale Current EBIT Interest   TD/TC FFO to Total Debt 

1 >1.34  >4.99    <.30  >.350  

2 1.15 – 1.34 3.50 – 4.99   .30 - .39 .271 - .350 

3 1.00 – 1.14 2.50 – 3.49    .40 - .49 .181 - .270 

4 0.85 – 0.99 2.00 – 2.49   .50 - .59 .120 - .180 

5 0.70 – 0.84 1.25 – 1.99   .60 - .69 .070 - .119 

6 <0.70  <1.25    >.69  <.070 

 

The measures are weighted as follows: 

 

Large Company Financial Ratios  Weight 

Current Ratio      10% 

EBIT Interest Coverage    25% 

Total Debt to Total Capitalization  25% 

FFO to Total Debt    40% 

      100% 



 

 

 

 

 

If one or more ratios cannot be calculated due to insufficient data 

to calculate the ratio, the weight that would have been assigned to 

that ratio or ratios will be allocated equally among the remaining 

ratios. 

 

4.2.1.2 Qualitative Score.  The Qualitative Score, also on a scale of one 

(1) to six (6), will assess non-financial measure information about 

a Credit Customer’s creditworthiness.  A score of one (1) indicates 

that the Credit Customer has strong qualitative measures, while a 

score of six (6) indicates poor qualitative measures.  The 

qualitative analysis will take into account a variety of information, 

but at a minimum will include the assessment of the following 

characteristics: 

 

-Management 

-Regional / Commodity Diversity 

-Physical Liquidity 

-Financial Liquidity 

-Quality of Equity 

-Volatility of Earnings 

-Regulation/Rates 

-Senior Unsecured Debt Rating 

-SPP Payment Record 

-Risk Procedures 

 

4.2.1.3 Composite Credit Score.  The Composite Credit Score is the 

weighted average of the Quantitative Score and the Qualitative 

Score.  To illustrate, assume the following: 

 

Large Company Qualitative Score = 4.0 

 

Large Company Financial Measures: 

 

      Value  Score            Weight 

Current Ratio      .82  5            10% 

EBIT Interest Coverage    2.08  4            25% 

Total Debt to Total Capitalization .63  5            25% 

FFO to Total Debt    .17  4            40% 

 

Large Company Quantitative Score =  

(5 x 10%) + (4 x 25%) + (5 x 25%) + (4 x 40%) = 4.35 

 

Large Company Credit Score = (4.35 x 70%) + (4 x 30%) = 4.25 

 



 

 

 

 

4.2.2 Small Company Credit Scoring.  The Small Company model will be utilized for 

Credit Customers with net fixed assets less than $250 million (―Small Company 

Credit Customers‖ or ―Small Company‖).  The Small Company Composite Credit 

Score will be comprised of a Quantitative Score and a Qualitative Score.  Each 

score is then weighted as shown below to build a Composite Credit Score. 

 

Small Company Analysis   Weight 

Quantitative Score    70%     

Qualitative Score    30% 

 

4.2.2.1 Quantitative Score.  The Quantitative Score is based on the 

financial ratios below.  These measures will be calculated for each 

Small Company Credit Customer and compared with benchmarks 

to assign a score of one (1) to six (6) for each measure.  A score of 

one (1) indicates that the Credit Customer has a strong financial 

health with regard to the measure, while a score of six (6) indicates 

poor financial health with regard to the measure.  The following 

measures are used:  

 

a. Current Ratio—Current Assets/Current Liabilities 

 

b. EBIT Interest Coverage—(Interest Expense + Income 

Taxes + Net Income) / Interest Expense 

 

c. Total Liabilities to Total Net Worth (―TL/TNW‖)—(Total 

Liabilities) / (Total Equity-Intangibles-Treasury Stock) 

 

d. Funds from Operations (―FFO‖) to Total Debt—(Cash 

from Operating Activities - Changes in Operating Assets 

and Liabilities) / (Long Term Debt + Current Portion + 

Other Short Term Borrowings) 

 

e. Return on Assets (―ROA‖)—Net Income / Total Assets 

 

The values are then assessed as follows to calculate the total 

Quantitative Score: 

 

Scale    Current EBIT Interest   TL/TNW FFO to Total Debt    ROA 
1   >2.50  >4.99         <0.40  >.350     >.120 

2   1.75 – 2.50 3.50 – 4.99      0.40 - 0.70  .271-.350                  .100 - .120 

3   1.40 – 1.74 2.50 – 3.49      0.71 – 1.49  .181 - .270               .075 - .099 

4   1.15 – 1.39 2.00 – 2.49      1.50 – 2.25  .120 - .18                 .045 - .074 

5   1.00 – 1.14 1.25 – 1.99      2.26 – 4.00  .070 - .119               .015 - .044 

6   <1.00  <1.25        >4.00   <.070    <.015 

 

The measures are weighted as follows: 

 

Small Company Financial Ratios  Weight 



 

 

 

 

Current Ratio      25% 

    EBIT Interest Coverage    10% 

    Total Liabilities / Total Net Worth  25% 

    FFO to Total Debt    15% 

    ROA      25% 

                   100% 

 

If one or more ratios cannot be calculated due to insufficient data 

to calculate the ratio, the weight that would have been assigned to 

that ratio or ratios will be allocated equally among the remaining 

ratios. 
 

4.2.2.2 Qualitative Score.  The Qualitative Score, also on a scale of one 

(1) to six (6), will assess non-financial measure information about 

a Credit Customer’s creditworthiness.  A score of one (1) indicates 

that the Credit Customer has strong qualitative measures, while a 

score of six (6) indicates poor qualitative measures.  The 

qualitative analysis will take into account a variety of information, 

but at a minimum will include the assessment of the following 

characteristics: 

 

-Management 

-Regional / Commodity Diversity 

-Physical Liquidity 

-Financial Liquidity 

-Quality of Equity 

-Volatility of Earnings 

-Regulation/Rates 

-Peer Comparison using SIC codes 

-Senior Unsecured Debt Rating 

-SPP Payment Record 

 

4.2.2.3 Composite Credit Score.  The Composite Credit Score is the 

weighted average of the Quantitative Score and the Qualitative 

Score.  To illustrate, assume the following: 

 

Small Company Qualitative Score = 4 

 

Small Company Financial Measures: 

 

      Value  Score             Weight 

Current Ratio     1.10  5            25% 

EBIT Interest Coverage    1855.00 1           10% 

Total Liabilities / Total Net Worth 2.47  5            25% 

FFO to Total Debt    0.03  6           15% 

ROA     0.02  5               25% 

 



 

 

 

 

Small Company Quantitative Score = 

(5 x 25%) + (1 x 10%) + (5 x 25%) + (6 x 15%) + (5 x 25%) = 4.75 

 

Small Company Credit Score = 

(4.75 x 70%) + (4 x 30%) = 4.53 

 

4.2.3 Not-For-Profit Credit Scoring.  The Not-For-Profit model will be utilized for 

Credit Customers who are not structured to generate profits for investors (―Not-

For-Profit Credit Customers‖ or ―Not-For-Profit‖), including electric 

cooperatives, municipalities, and government agencies.  The Not-For-Profit 

Composite Credit Score will be comprised of a Quantitative Score and a 

Qualitative Score.  The lower of the Composite Credit Score calculated using two 

alternative weights for the Quantitative Score and the Qualitative Score as shown 

below shall be used in determining the allocation of the Not-For-Profit Credit 

Customer’s Unsecured Credit Allowance.   

 

 

Not For Profit Credit Customer Analysis Weight 

 Alternative 1 Alternative 2 

Quantitative Score 40% 50% 

Qualitative Score 60% 50% 

 

 

4.2.3.1 Quantitative Score.  The Quantitative Score is based on the 

financial ratios below.  These measures will be calculated for each 

Not-For-Profit Credit Customer and compared with benchmarks to 

assign a score of one (1) to six (6) for each measure.  A score of 

one (1) indicates that the Credit Customer has a strong financial 

health with regard to the measure, while a score of six (6) indicates 

poor financial health with regard to the measure.  The following 

measures, or their substantive equivalents for not-for-profit 

entities, are used: 

 

a. Current Ratio (―CR‖)—Current Assets / Current Liabilities 

 

b. Debt Service Coverage (―DSC‖)—(Operating Income + 

Interest Expense + Depreciation + Interest Income + Cash 

Portion of Capital Credits - Onetime Charges)/(Interest 

Expense + Debt Amortization)  

 

c. Times Interest Earned Ratio (―TIER‖)—(Interest Expense 

+ Patronage Capital or Margins or Changes in Net Assets) / 

(Interest Expense) 

 

d. Total Debt to Total Capitalization (―TD/TC‖)—(Long 

Term Debt + Current Portion + Other Short Term 



 

 

 

 

Borrowings) / (Total Debt + Preferred Equity + Common 

Equity).  Members’ Equity could also be called Net Assets 

or Patronage Capital. 

 

The values are then assessed as follows to calculate the total 

Quantitative Score: 

 

  Not-For-Profit Credit Customer Model Ratio Scales 

 

Scale  CR   DSC  TIER  TD/TC 

1 >1.34  >1.99  >2.00  <.50 

2 1.15 – 1.34 1.50 – 1.99 1.50 – 2.00 .51 - .74 

3 1.00 – 1.14 1.00 – 1.49 1.00 – 1.49 .75 - .85 

4 0.85 – 0.99 0.80 – 0.99 0.80 – 0.99 .86 - .93 

5 0.70 – 0.84 0.60 – 0.79 0.50 – 0.79 .94 - .99 

6 <0.70  <0.60  <0.50  >.99 

 

The measures are weighted as follows: 

 

Not-For-Profit Credit Customer Financial Ratios Weight 

Current Ratio        15% 

Debt Service Coverage     35% 

Times Interest Earned Ratio     20% 

Total Debt / Total Capitalization    30% 

                            100% 

 

If one or more ratios cannot be calculated due to insufficient data to 

calculate the ratio, the weight that would have been assigned to that ratio 

or ratios will be allocated equally among the remaining ratios. 
 

4.2.3.2 Qualitative Score.  The Qualitative Score, also on a scale of one 

(1) to six (6), will assess non-financial measure information about 

a Credit Customer’s creditworthiness.  A score of one (1) indicates 

that the Credit Customer has strong qualitative measures, while a 

score of six (6) indicates poor qualitative measures.  The 

qualitative analysis will take into account a variety of information, 

but at a minimum will include the assessment of the following 

characteristics: 

 

-Regulation/Rates 

-Terms of wholesale power contracts 

-Customer count served 

-Power supply portfolio (e.g., contracts, assets, etc) 

-Management 

-Ability to access short-term capital 

-Senior Unsecured Debt Rating 

-SPP Payment Record 



 

 

 

 

 

4.2.3.3 Composite Credit Score.  The Composite Credit Score is the 

weighted average of the Quantitative Score and the Qualitative 

Score.  To illustrate, assume the following: 

Not-For-Profit Qualitative Score = 2 

 

Not-For-Profit Financial Measures: 

 

      Value  Score  Weight 

Current Ratio     1.42  1  15% 

Debt Service Coverage   1.17  3  35% 

Times Interest Earned Ratio  0.73  5  20% 

Total Debt / Total Capitalization  1.50  6  30% 

 

Not-For-Profit Quantitative Score = 

(1 x 15%) + (3 x 35%) + (5 x 20%) + (6 x 30%) = 4.00  

 

Not-For-Profit Credit Score = 

(4.00 x 40%) + (2.0 x 60%) = 2.80 using Alternative 1, or; 

 

(4.00 x 50%) + (2.0 x 50%) = 3.00 using Alternative 2. 

 

The lower Composite Credit Score resulting from utilizing the two alternatives is 

2.80, so it will be the Composite Credit Score used in allocating this Not-For-Profit 

Credit Customer’s Unsecured Credit Allowance as described in Section 4.3 below. 

 

4.3 Unsecured Credit Allowance.  

 The Composite Credit Score is converted into an ―Unsecured Credit Allowance,‖ which 

is a percentage of Tangible Net Worth. (Tangible Net Worth = Total Equity – Intangibles 

– Treasury Stock).  The Composite Credit Score is a numeric value on a scale of one (1) 

to six (6) with one (1) indicating stronger creditworthiness and six (6) indicating weaker 

creditworthiness.  The conversion into an Unsecured Credit Allowance is based on the 

percentage values stated in Table 1. 

 

Table 1 

 

Composite Credit 
Score  

% Tangible Net Worth 
Small Company 
Model  

% Tangible Net Worth 
Large Company Model  

% Tangible Net Worth 
Not For Profit Model 

       

1.00 - 1.99  5.00%  5.00%  7.500% 

2.00 - 2.99  3.00%  3.00%  4.500% 

3.00 - 3.59  2.00%  2.00%  3.000% 

3.60 - 4.39  0.75%  0.75%  1.125% 

4.40 - 4.99  0.25%  0.25%  0.375% 

5.00 - 6.00  0%  0%  0.000% 

 



 

 

 

 

To illustrate, a Large Company Credit Customer with a Composite Credit Score of 4.36 

and Tangible Net Worth of $501,468,000 would have a suggested Unsecured Credit 

Allowance calculated as follows: 

Unsecured Credit Allowance = Table 1 Percentage x Tangible Net Worth 

= 0.75% x $501,468,000 

= $3,761,010 

 

4.3.1 Revenue Bond Adjustment to Tangible Net Worth Value for Power Supply 

Agents.  For Not-For-Profit Credit Customers that issue revenue bonds solely in 

support of their role as power supply agent for not-for-profit electric distribution 

utilities and meet: (a) the disclosure requirements in: (i) Section 3.1.3 of this 

Credit Policy and (ii) Section 3.2.5 of this Credit Policy; and (b) have a revenue 

bond rating or revenue bond ratings equal to or better than Baa1 issued by 

Moody’s Investor Services or BBB+ issued by Standard & Poor’s, the calculation 

of the suggested Unsecured Credit Allowance shall be based on an adjusted value 

for Tangible Net Worth. The adjusted value for Tangible Net Worth shall include 

the outstanding balance of revenue bonds as of the date of the calculation. 

 

To illustrate, if the Not-For-Profit Credit Customer met all of the disclosure 

requirements for power supply agents, had a Tangible Net Worth of $2,000,000, 

and had $8,000,000 principal amount of revenue bonds outstanding, the adjusted 

Tangible Net Worth to be used in computing the suggested Unsecured Credit 

Allowance would be $10,000,000 (the sum of the adjusted Tangible Net Worth 

and the principal amount of revenue bonds outstanding as of the date of the 

calculation). 

 

4.3.2 Maximum and Minimum Unsecured Credit Allowances.  Notwithstanding the 

calculation under Section 4.3: 

 

4.3.2.1 No Credit Customer shall have an Unsecured Credit Allowance in 

excess of $25 million; and 

 

4.3.2.2 On the condition that a Not-For-Profit provides all required Credit 

Information and executes all documents required under this Credit 

Policy, and subject to the Default provisions of this Credit Policy, 

a Not-For-Profit Credit Customer shall have a minimum 

Unsecured Credit Allowance in the amount of $250 thousand. 

  

4.3.3 Guaranty.  In the event that the Credit Customer has a Guaranty, the Unsecured 

Credit Allowance will be based on the Credit Assessments of the Credit Customer 

and the Guarantor. 

 

4.3.4 Unsecured Credit Allowance for Affiliates. 

 



 

 

 

 

4.3.4.1 Determination of Creditworthiness of Combined Affiliates.  If 

two or more Credit Customers are Affiliates, and each is granted 

an Unsecured Credit Allowance and a corresponding Total Credit 

Limit, SPP will consider the overall creditworthiness of the 

Affiliated Credit Customers when determining the Unsecured 

Credit Allowances in order not to grant more unsecured credit than 

the overall group of affiliated entities could support.  SPP will 

work with Affiliated Credit Customers to allocate the total 

Unsecured Credit Allowance among the Affiliates while assuring 

that no individual Credit Customer, nor common guarantor, 

exceeds the Unsecured Credit Allowance appropriate for its credit 

strength.  A $25 million maximum Unsecured Credit Allowance 

shall apply to all Affiliates as though the Affiliates are a single 

Credit Customer.   

 

Example: Credit Customers A and B each have a $10.0 million 

Guaranty from their common parent, a holding company with an 

Unsecured Credit Allowance calculation of $12.0 million. SPP 

may limit the Unsecured Credit Allowance for each Credit 

Customer to $6.0 million, so the total Unsecured Credit Allowance 

does not exceed the corporate total of $12.0 million. 

 

4.3.4.2 Guaranty.  If the Guaranty is applicable to Affiliates (i.e., more 

than one Credit Customer), then the Unsecured Credit Allowance 

of the Guarantor shall be allocated among such Affiliates and the 

applicable allocation shall be utilized in determining each 

Affiliated Credit Customer’s Unsecured Credit Allowance. 

 

4.3.5 Continuous Right to Modify.  SPP has the right at any time to modify any 

Unsecured Credit Allowance and/or require additional Financial Security as may 

be reasonably necessary to support the Credit Customer’s ability to pay for 

Transmission Service and any market services SPP may provide.  If the 

modification results in a reduction or revocation of Unsecured Credit Allowance 

and the reduction or revocation results in the need to provide Financial Security, 

then the rights and duties of SPP and the Credit Customer shall be as set forth in 

Section 3.2.2. 

 

4.4 Financial Security Requirement.  If a Credit Customer (i) is denied an Unsecured 

Credit Allowance, or (ii) is granted an Unsecured Credit Allowance that is below its 

Total Potential Exposure calculated pursuant to Article 5, then the Credit Customer may 

submit Financial Security to cover or exceed the difference in the amount of the 

Unsecured Credit Allowance granted to the Credit Customer and the amount of its Total 

Potential Exposure.  A Credit Customer electing to satisfy the alternative criteria for 

market participation specified in Section 3.1.1.8(d) and whose anticipated or actual 

market activity exceeds One Hundred Thousand Dollars ($100,000) in Market Exposure 

shall provide Financial Security that is twice the amount calculated to satisfy its Financial 



 

 

 

 

Security Requirement pursuant to this Section 4.4.  Any Credit Customer may provide 

Financial Security in lieu of or in addition to the Unsecured Credit Allowance it was 

granted.  Upon the Credit Customer’s request, SPP shall provide a written explanation of 

how it determined the amount of required Financial Security for that Credit Customer.  A 

Credit Customer also is required to submit Financial Security to cover or exceed its Total 

TCR Credit Requirement pursuant to Section 5A.8. 

 

4.5 Total Credit Limit.  The ―Total Credit Limit‖ is the amount of any Unsecured Credit 

Allowance approved by SPP for the Credit Customer, plus the amount of any Financial 

Security the Credit Customer has provided to SPP.  SPP shall determine the Total Credit 

Limit for each Credit Customer. Upon the Credit Customer’s request, SPP shall provide a 

written explanation of how it determined the Unsecured Credit Allowance and the amount 

of required Financial Security for that Credit Customer.  SPP will respond to the Credit 

Customer’s request within five (5) Business Days. 



 

 

ARTICLE FOUR A 

Virtual Energy Bids and Virtual Energy Offers 

4A.1 Overview.   

 

4A.1.1 Virtual Energy Bids and Virtual Energy Offers create potential exposure of non-

payment, and therefore, have a credit requirement.  SPP does not require the 

Credit Customer to segregate, allocate, or reserve a portion of its Total Credit 

Limit to support its Virtual Energy Bids and Virtual Energy Offers in the Day-

Ahead Market.  However, SPP analyzes the Credit Customer’s Virtual Energy 

Bids and Virtual Energy Offers to determine if the Credit Customer has credit 

available to support its Virtual Energy Bids and Virtual Energy Offers at the time 

the Bids or Offers are submitted.  Only the Virtual Energy Bids and Virtual 

Energy Offers that the Credit Customer has credit available to support will be 

credit approved for the Day-Ahead Market.   

 

4A.1.2 In its analysis, SPP will calculate the Estimated Virtual Exposure (―EVE‖) based 

on the Credit Customer’s Virtual Energy Bids and Virtual Energy Offers.  Using 

the EVE, SPP will determine if the Credit Customer has available credit to 

support its Virtual Energy Bids and Virtual Energy Offers.  After the close of the 

Day-Ahead Market for an Operating Day, the credit requirement associated with 

the Credit Customer’s cleared Virtual Energy Bids and Virtual Energy Offers will 

be adjusted to reflect the actual megawatts that cleared.   

 

4A.1.3 The total EVE for a Credit Customer includes both (i) the calculation of EVE for 

Virtual Energy Bids and Virtual Energy Offers prior to the close of the Day-

Ahead Market; and (ii) the EVE calculations post Day-Ahead Market clearing 

updated to reflect the actual cleared Virtual Energy Bids and Virtual Energy 

Offers.   

 

4A.1.4 This Article addresses the calculation of the EVE and the credit requirements 

associated with the submission of Virtual Energy Bids and Virtual Energy Offers 

in the Day-Ahead Market and the Virtual Energy Bids and Virtual Energy Offers 

that clear in the Day-Ahead Market. 

 

4A.2 Calculation of Estimated Virtual Exposure (EVE) Prior to the Close of the Day-

Ahead Market for an Operating Day.  When a Virtual Energy Bid or Virtual Energy 

Offer is submitted, SPP will calculate the EVE using reference prices for the Virtual 

Energy Bid or Virtual Energy Offer and the maximum megawatts submitted.  If multiple 

Virtual Energy Bids and Virtual Energy Offers are submitted in a single submission, the 

EVE will be calculated for the single submission as a whole.  If a Virtual Energy Bid or 

Virtual Energy Offer contains multiple hours, all of the hours will be included in the EVE 

calculation.  The EVE is calculated for the submittal of Virtual Energy Bids and Virtual 

Energy Offers.  In the event that both a Virtual Energy Bid and Virtual Energy Offer are 

submitted in the same submission for the same node and same operating hour, the one 

with the higher dollar value will be used in the EVE calculation for that submission.  



 

 

 

 

 

4A.2.1 For a given Virtual Energy Bid the Virtual Energy Bid EVE is the sum of (i) the 

product of the Virtual Energy Bid reference price for the Settlement Location of 

the Virtual Energy Bid times the maximum megawatt value of the submitted Bid 

curve plus (ii) the virtual transaction fee.  For a given Virtual Energy Offer the 

Virtual Energy Offer EVE is the sum of (i) the product of the Virtual Energy 

Offer reference price for the Settlement Location of the Virtual Energy Offer 

times the maximum megawatt value of the submitted Offer curve plus (ii) the 

virtual transaction fee.  

 

4A.2.1.1 If a Market Participant submits both a Virtual Energy Bid and a 

Virtual Energy Offer at the same location for the same hour, only 

the Virtual Energy Bid or Virtual Energy Offer with the greater 

EVE is included in the calculation of the EVE for the submission.  

 

4A.2.1.2 The EVE for a single submission of Virtual Energy Bids and 

Virtual Energy Offers is equal to the sum of the hourly Virtual 

Energy Bid EVEs for each Virtual Energy Bid in the submission 

and the sum of the hourly Virtual Energy Offer EVEs in the 

submission, with the adjustment described in 4A.2.1.1 if both a 

Virtual Energy Bid and Virtual Energy Offer are received for the 

same location and hour.  If Credit Customer cancels a Virtual 

Energy Bid or Virtual Energy Offer prior to the close of the Day-

Ahead Market for the Operating Day for which it is submitted, the 

EVE associated with the canceled portion of the submission is 

removed from the calculation of the EVE for the submission.  

 

4A.2.1.3 The Virtual Energy Bid reference price is based on the difference 

between the Day-Ahead Locational Marginal Prices and the Real-

Time Locational Marginal Prices in the prior year, at each node.  

The Virtual Energy Bid reference price for a given day is the 97
th

 

percentile hourly difference from the same quarter in the previous 

year. 

 

4A.2.1.4 The Virtual Energy Offer reference price is based on the difference 

between the Real-Time Locational Marginal Price and the Day-

Ahead Locational Marginal Price in the prior year, at each node. 

The Virtual Energy Offer reference price for a given day is the 97
th

 

percentile hourly difference from the same quarter in the previous 

year. 

 

4A.2.1.5 Calculation of Virtual Energy Bid and Virtual Energy Offer 

Reference Prices During the Initial Year of the Integrated 

Marketplace.  During the initial year of the Integrated 

Marketplace, prior to the accumulation of complete Real-Time and 

Day-Ahead Locational Marginal Price data sufficient to calculate 



 

 

 

 

the Virtual Energy Bid and Virtual Energy Offer references prices 

pursuant to sections 4A.2.1.3 and 4A.2.1.4, SPP shall use data 

representative of the expected Day-Ahead and Real-Time Market 

results based on simulations of the Day-Ahead Market or other 

available information.  

 

4A.2.1.6 Calculation of Virtual Energy Bid and Virtual Energy Offer 

Reference Prices for New Settlement Locations.  When a new 

Settlement Location is created and until actual Virtual Energy Bid 

and Virtual Energy Offer reference prices can be calculated 

pursuant to section 4A.2.1.3 and 4A.2.1.4 for that Settlement 

Location, SPP will use the system average virtual reference price.  

The system average virtual reference price for a given quarter is 

the mean of all of the Virtual Energy Bid and Virtual Energy Offer 

reference prices for that quarter.  

 

4A.3 Determination of Credit Approved Virtual Energy Bids and Virtual Energy Offers.   
 

4A.3.1 If the EVE for a submission of Virtual Energy Bids and Virtual Energy Offers is 

less than the Credit Customer’s available credit, which is equal to the Credit 

Customer’s Total Credit Limit less its Total Potential Exposure, then the 

submission is credit approved.  Credit approved Virtual Energy Bids and Virtual 

Energy Offers, unless withdrawn will be included in the Day-Ahead Market.   

 

4A.3.2  If the EVE for a submission of Virtual Energy Bids and Virtual Energy Offers is 

greater than the Credit Customer’s available credit, which is equal to the Credit 

Customer’s Total Credit Limit less its Total Potential Exposure, then the 

submission will be rejected.  Rejected Virtual Energy Bids and Virtual Energy 

Offers will not be included in the Day-Ahead Market and will not affect the Total 

Potential Exposure calculation.   

 

4A.3.3 Modifications to Virtual Energy Bids and Virtual Energy Offers prior to the close 

of the Day-Ahead Market for the Operating Day for which they were submitted 

will be evaluated using the same procedures.  Modifications are evaluated based 

on their net credit impact.  The EVE for the modified Virtual Energy Bids and 

Virtual Energy Offers submission will be revised to incorporate the modifications 

to the submission.   

 

4A.3.3 The EVE for credit approved Virtual Energy Bids and Virtual Energy Offers 

submissions that have not yet settled or cleared in the Day-Ahead Market is 

included in the Total Potential Exposure calculation as set forth in Article 5.  

Therefore, the determination of whether a Virtual Energy Bid and Virtual Energy 

Offer submission is credit approved will take into account the credit requirements 

for previously determined credit approved Virtual Energy Bids and Virtual 

Energy Offers.   

 



 

 

 

 

4A.3.4 If a Credit Customer cancels a credit approved Virtual Energy Bid or Virtual 

Energy Offer submission prior to the close of the Day-Ahead Market for the 

Operating Day for which it is submitted, that Virtual Energy Bid or Virtual 

Energy Offer will no longer have a credit requirement associated with it and its 

EVE will be zero.   

 

4A.4 Updated EVE Calculations Post Day-Ahead Market Clearing.  After clearing of the 

Day-Ahead Market for an Operating Day, the EVEs for credit approved Virtual Energy 

Bids and Virtual Energy Offers shall be updated to replace the maximum megawatts with 

the actual megawatts that cleared.  If there are Virtual Energy Bids and Virtual Energy 

Offers that cleared at the same location, the megawatt amounts will be netted in the 

updated EVE calculation.   



 

 

ARTICLE FIVE 

Calculation of Total Potential Exposure 

 

5.1 Overview.  The Total Potential Exposure is a calculated value applied to assure that the 

Credit Customer engages in activities within its Total Credit Limit.  The Total Potential 

Exposure is based on the Credit Customer’s estimated cumulative financial obligation 

under the Tariff or otherwise to SPP, excluding TCR activity.  Potential Exposure to non-

payment is calculated separately for each applicable category of service and then summed 

together to obtain the amount of Total Potential Exposure.  This Article addresses the 

calculation and use of the value for Total Potential Exposure.  As explained in Article 

5A, only Financial Security may be used for credit requirements associated with TCR 

activity. 

 

5.2 Calculation of Total Potential Exposure for a Credit Customer.  A Credit Customer’s 

Total Potential Exposure shall be the sum of the potential exposure to non-payment for 

market transactions and Transmission Service transactions billed pursuant to the Tariff.  

Because only Financial Security may be used to satisfy the credit requirements associated 

with TCR activity, TCR activity is not included in the Total Potential Exposure 

determination, but is reflected in the determination of whether there is a Total Potential 

Exposure Violation. 

 

5.2.1 Market Exposure (“ME”).  Potential exposure to non-payment associated with 

market transactions in the Integrated Marketplace that involve physical delivery 

of energy is calculated under the following formula: 

 

ME = IMSC + CMSC + MEMERT + MEMEDA + EVE 

 

IMSC = Invoiced Market Settlement Charges (all Real-Time Balancing 

Market and Day-Ahead Market, including virtual transaction 

activity,imbalance charges or credits that have been invoiced but not yet 

paid).  

 

CMSC = Calculated Market Settlement Charges (all Real-Time Balancing 

Market and Day-Ahead Market, including virtual transactions, daily 

settlement activity, including charges or credits, that has been calculated 

but not yet invoiced). 

 

MEMERT = Maximum Estimated Market Exposure for Real-Time Balancing 

Market activity shall be the greater of: 

 

 (a) The average of the last three hundred sixty five (365) days of daily Real 

Time Balancing Market settlement activity (or if settlement activity occurred for a 

lesser period, the average settlement activity during such lesser period), or  

 



 

 

 

 

(b) The average of the last seven (7) days of daily Real-Time Balancing 

Market settlement activity (or if settlement activity occurred for a lesser period, 

the average settlement activity during such lesser period). 

 

Once the greater value is determined that value is multiplied by the number of 

days remaining in the Potential Exposure Window.  Inasmuch as the Potential 

Exposure Window refers to ―days before service can be terminated,‖ the time 

period for purposes of calculating the MEMERT does not include additional time 

for service termination.  

 

MEMEDA = Maximum Estimated Market Exposure for Day-Ahead Market activity 

shall be the greater of: 

 

(a) The average of the last three hundred sixty five (365) days of most 

recently calculated Settlement Statements for Day-Ahead Market activity 

(or if settlement activity occurred for a lesser period, the average 

settlement activity during such lesser period), or  

 

(b) The average of the seven (7) most recent Operating Days for which SPP 

has calculated either (i) updated estimated Day-Ahead Market activity 

results calculated four days after the Operating Day; or (ii) initial 

Settlement Statements for Day Ahead Market activity (or if updated 

estimated activity results or settlement activity occurred for a lesser 

period, the average updated estimated activity and settlement activity 

resulting during such lesser period).  The initial Settlement Statements are 

created at the end of the 7th calendar day following the Operating Day.  

As initial Settlement Statements become available such statements will be 

used instead of the updated estimated activity results calculated four days 

after the Operating Day.   

 

For the time period prior to commencement of the Day-Ahead Market for which there are 

no calculated initial Settlement Statements for Day-Ahead Market activity 

for use in the determination of the MEMEDA for a Credit Customer, SPP 

shall use data representative of the expected Day-Ahead Market activity 

for the Credit Customer based on simulations of the Day-Ahead Market or 

other available information. 

 

Once the greater value is determined that value is multiplied by the number of days 

remaining in the Potential Exposure Window.  Inasmuch as the Potential 

Exposure Window refers to ―days before service can be terminated,‖ the 

time period for purposes of calculating the MEMEDA does not include 

additional time for service termination.  

 

EVE =  Estimated Virtual Exposure, calculated pursuant to Article 4A (for all 

credit approved Virtual Energy Bids and Virtual Energy Offers prior to the 

close of the Day-Ahead Market for an Operating Day or Days that have 



 

 

 

 

not yet been settled and cleared Virtual Energy Bids and Virtual Energy 

Offers)   

 

Following are examples of the calculation of Market Exposure. 

 

Example of Market Exposure Calculation: 
ASSUMPTIONS:     

CURRENT DAY IS TUESDAY, NOVEMBER 23, 2004  

CUSTOMER HAS PAID PREVIOUS WEEKLY INVOICE IN FULL(NOVEMBER 12) 

AVERAGE FOR LAST 365 DAYS IS $700 

      

      

Settlement Settlement Operating Operating Invoice Invoice 

Weekday Date Weekday Date Date Amount 

      

  

INVOICED 
MARKET 

SETTLEMENT 
CHARGES 

(IMSC)    

Fri 11/12/2004 Sun 11/7/2004 11/19/2004 $900  

Mon 11/13/2004 Mon 11/8/2004 11/19/2004 $1,000  

Mon 11/14/2004 Tue 11/9/2004 11/19/2004 $850  

Mon 11/15/2004 Wed 11/10/2004 11/19/2004 $900  

Tue 11/16/2004 Thu 11/11/2004 11/19/2004 $750  

Wed 11/17/2004 Fri 11/12/2004 11/19/2004 ($500) 

Thu 11/18/2004 Sat 11/13/2004 11/19/2004 $800  

        TOTAL $4,700  

           

  

CALCULATED 
MARKET 

SETTLEMENT 
CHARGES 

(CMSC)    

Fri 11/19/2004 Sun 11/14/2004  $900  

Mon 11/20/2004 Mon 11/15/2004   $850  

Mon 11/21/2004 Tue 11/16/2004   $900  

Mon 11/22/2004 Wed 11/17/2004   $800  

    TOTAL $3,450  

      
 
 

  

MAXIMUM 
ESTIMATED 

MARKET 
EXPOSURE 

(MEME)    

Tue 11/23/2004 Thu 11/18/2004   $700  

Wed 11/24/2004 Fri 11/19/2004   $700  

Thu 11/25/2004 Sat 11/20/2004   $700  

Fri 11/26/2004 Sun 11/21/2004   $700  



 

 

 

 

Sat 11/27/2004 Mon 11/22/2004  $700  

 Cure Period  11/23/2004  $700  

 Cure Period  11/24/2004  $700  

 Cure Period  11/25/2004  $700  

  Cure Period  11/26/2004  $700  

    TOTAL $6,300  

      

  TOTAL MARKET EXPOSURE (ME) $14,450  

 

5.2.2 Transmission Service Potential Exposure (“TSPE”).  Potential exposure to 

non-payment associated with Transmission Service transactions is calculated 

under the following formula: 
 

TSPE = ITSC + CTSC + METE 

ITSC =  Invoiced Transmission Service Charges (all transmission service charges 

or credits that have been invoiced but not yet been paid).  

 

CTSC = Calculated Transmission Service Charges (transmission service charges or 

credits that have been calculated but not yet invoiced).  

 

METE = Maximum Estimated Transmission Exposure (an estimate of the charges 

for the remainder of the Potential Exposure Window).  METE will be calculated 

as follows:  

 

METE will be the value of all charges based on reserved transmission 

capacity for each confirmed Transmission Service reservation for the 

period beginning on the day following the latest date included in the 

CTSC calculation and ending on the TSPE calculation date, plus the value 

of all charges for confirmed reservations for the number of days which 

when added to the number of days included in the ITSC and the CTSC 

would total 50 days.  The number of days included in the ITSC is the 

number of days of transmission service included in an unpaid invoice.  If 

there are no unpaid invoices, the number of days included in the ITSC 

would be zero.  The number of days included in the CTSC are the days for 

which the transmission service charges or credits have been calculated, but 

not yet invoiced.   

 

METE for Network Service reservations will be calculated by taking the highest 

monthly Network Service charge over the most recent twelve (12) month period 

(or, if Network Service has been taken for a shorter period, the period for which it 

was taken), divided by the number of days included in the month of the highest 

charge and multiplying the resulting amount by the number of days which when 

added to the number of days included in the ITSC and the CTSC would total 50 

days.  For this calculation, each Network Service charge is the amount of the 

Network Service invoice, less the amount of transmission revenue due to the 

invoiced Credit Customer for Network Service during the period covered by the 



 

 

 

 

applicable invoice  Credit Customers who do not execute Attachment N of the 

Tariff, and therefore are self providing for losses, will have losses excluded from 

the METE calculation.   

 

Following are examples of Transmission Service Potential Exposure. 

 

ASSUMPTIONS:      

CURRENT DAY IS TUESDAY, NOVEMBER 23, 2004   

CUSTOMER HAS PAID PREVIOUS MONTHLY INVOICE IN FULL (NOVEMBER 18) 

VALUE OF CHARGES FROM CTSC TO END OF THE 50 DAY EXPOSURE WINDOW IS $8,700  

HIGHEST NETWORK SERVICE INVOICE OVER LAST 12 MONTHS IS $4,000 (30 day month ) 

        

       

Operating     Invoice  

Date     Amount  

       

  

Invoiced 

Transmission 

Service Charges 

(ITSC)     

Already paid October Charges on November 18 $0   

        TOTAL $0   

            
 
 

 

  

CALCULATED 
TRANSMISSION 

SERVICE CHARGES 
(CTSC)     

       

11/1/2004      $300   

11/2/2004     $350   

11/3/2004     $250   

11/4/2004     $300   

11/5/2004     $350   

11/6/2004     $250   

11/7/2004     $300   

11/8/2004     $350   

11/9/2004     $250   

11/10/2004     $300   

11/11/2004     $350   

11/12/2004     $250   

11/13/2004     $300   

11/14/2004     $350   

11/15/2004     $250   

11/16/2004     $300   



 

 

 

 

11/17/2004     $350   

11/18/2004     $250   

11/19/2004     $300   

11/20/2004     $350   

11/21/2004     $250   

    TOTAL $6,300   

       

  

MAXIMUM 
ESTIMATED 

TRANSMISSION 
EXPOSURE (METE)     

       
Value of Charges from CTSC to the end of the 50 day exposure 
window (29 days).  $8,700   
Highest Network Invoice divided by number of days in that 
month (30) times number of days remaining in the 50 day 
exposure window (29 days, calculated as 50 days total 
less 21 days included in CTSC and ITSC).  $3,867  

    TOTAL $12,567   

       

  
TOTAL TRANSMISSION SERVICE 
POTENTIAL EXPOSURE (TSPE) $18,867  

 

5.2.3 Total Potential Exposure Calculation.  A Credit Customer’s Total Potential 

Exposure (―TPE‖) shall be the sum of the potential exposure to non-payment for 

market transactions, excluding TCR transactions, and Transmission Service 

transactions billed pursuant to the Tariff and may be calculated using the formula: 

TPE = ME + TSPE 

Example of Total Potential Exposure Calculation:  

Continuing with the previous examples in 5.2.1 and 5.2.2 the calculation would be as 

follows: 

ME = $14,450 

TSPE = $18,867 

$14,450 + $18,867 = $33,317 (TPE) 

 

5.3 Total Potential Exposure Violations.  

 

5.3.1 Transaction Limits. At all times, the Credit Customer shall maintain additional 

Financial Security equal to or greater than the Total TCR Credit Requirement, 

calculated pursuant to section 5A.8.  Also at all times, the Credit Customer shall 

maintain its Total Potential Exposure to a value equal to or less than its Total 

Credit Limit excluding any Financial Security required for TCR activity.  A 

―Total Potential Exposure Violation‖ occurs when either or both (i) a Credit 

Customer’s Total Potential Exposure equals or exceeds its Total Credit Limit 

excluding any Financial Security required for TCR activity; or (ii) a Credit 

Customer’s Total TCR Credit Requirement exceeds the Credit Customer’s 



 

 

 

 

Financial Security excluded from the Total Credit Limit.  SPP will regularly 

monitor each Credit Customer’s use of services and associated financial 

obligations.  If a Credit Customer’s Total Potential Exposure equals or exceeds 

ninety percent (90%) of its Total Credit Limit, SPP shall promptly give notice to 

the Credit Customer (excluding any Financial Security required for TCR activity 

pursuant to Article 5A).  Failure by SPP to give this notice shall not relieve the 

Credit Customer of its duties under this Section.   

 

5.3.2 Cure of Total Potential Exposure Violation.  A Credit Customer shall cure a 

Total Potential Exposure Violation by: (i) payment to SPP of invoiced amounts to 

reduce the Credit Customer’s Total Potential Exposure, and/or (ii) provision of 

Financial Security in an amount sufficient to increase the Credit Customer’s Total 

Credit Limit, such that after making such payments of invoiced amounts and/or 

providing such Financial Security, the Credit Customer’s Total Potential 

Exposure will not exceed its Total Credit Limit; and/or (iii) provision of Financial 

Security in an amount sufficient to satisfy the Total TCR Credit Requirement as 

provided in Article 5A.  The Credit Customer shall have two (2) Business Days 

from receipt of notice from SPP to cure the violation.  SPP, in its sole discretion, 

may determine to treat any amount tendered under (i) as an increase of Financial 

Security under (ii) and not as a payment to SPP.  

 

5.3.3 Failure to Cure Total Potential Exposure Violation.  A failure to cure a Total 

Potential Exposure Violation as required under Section 5.3.2 is a Default.  In the 

event of such a Default, SPP has all rights under section 7 of the Tariff or section 

10.5 of Attachment AE and all other rights and remedies in accordance with 

applicable law.  Without prejudice 

 to other remedies, a Credit Customer that fails timely to cure a Total Potential Exposure 

Violation shall be suspended from requesting any future services, including all 

Transmission Service and market services SPP may provide, unless and until the 

Credit Customer’s Total Potential Exposure Violation is cured. 

 

5.4. Excess Financial Security.  In the event a Credit Customer has provided additional 

Financial Security under Section 5.3.2 to address a Total Potential Exposure Violation, 

and the Credit Customer’s outstanding invoiced amounts subsequently return to levels 

preceding that violation such that the total amount of Financial Security exceeds the 

amount required under this Credit Policy, the Credit Customer may request return of the 

excess Financial Security and SPP shall comply with the request within two (2) Business 

Days; provided, that if SPP determines to review the Credit Assessment for the Credit 

Customer due to the violation, it shall not be required to respond to the request, including 

return of any excess Financial Security, until two (2) Business Days after completing the 

new Credit Assessment. 



 

 

ARTICLE FIVE A 

Transmission Congestion Rights (TCRs) 

5A.1 Overview.   

 

5A.1.1 Transmission Congestion Rights create potential exposure of non-

payment, and therefore, have a credit requirement.  SPP will establish a 

Total TCR Credit Requirement for each Credit Customer holding TCRs or 

participating in a TCR Auction.  A Credit Customer may satisfy its Total 

TCR Credit Requirement by providing Financial Security.  Unsecured 

Credit is not available to support a Credit Customer’s holding of TCRs or 

activity in TCR Auctions.  Additionally, SPP’s prior approval is required 

for a Credit Customer to acquire or transfer TCRs through bilateral 

transactions.   

 

5A.1.2 To establish the credit requirement associated with TCRs, SPP analyzes:  

(i) the TCRs the Credit Customer holds; (ii) the Credit Customer’s Bids 

and Offers for TCRs in the TCR Auctions; (iii) TCR payments or charges 

for which settlement has been calculated but not yet invoiced; and (iv) 

TCR payments or charges for which an invoice has been issued but 

payment has not occurred.   

 

(a) SPP calculates the potential exposure associated with the full 

portfolio of TCRs that are held by the Credit Customer.   

 

(b) SPP evaluates individually each TCR Bid in the TCR Auctions to 

ensure that the Credit Customer has sufficient Financial Security to 

cover the credit requirements to purchase and hold the TCR.  Only 

the TCR Bids for which the Credit Customer has sufficient 

Financial Security will be credit approved for consideration in the 

TCR Auction.   

 

(c) SPP evaluates individually each TCR Offer in the TCR Auctions to 

ensure that the Credit Customer has sufficient Financial Security to 

cover any credit requirements associated with the Offer and the 

credit requirements for the retained TCR portfolio that would 

result if the TCR Offer clears in the TCR Auction.  Only the TCR 

Offers for which the Credit Customer has sufficient Financial 

Security will be credit approved for consideration in the TCR 

Auction.   

 

(d) Additionally, SPP analyzes the credit requirements associated with 

TCRs that are the subject of a proposed bilateral transfer prior to 

providing approval of such transfers.  SPP approval of a bilateral 

transfer for TCRs is required for such bilateral transfers to be 

completed.   



 

 

 

 

 

5A.1.3 As part of the determination of the credit requirement associated with 

TCRs, SPP calculates the Estimated TCR Exposure (ETCRE), which is an 

estimate of the potential value of the TCR over the life of the TCR.  It will 

be calculated for all TCRs the Credit Customer holds, the Credit 

Customer’s TCR Bids and TCR Offers, proposed TCR bilateral transfers, 

and TCRs acquired through ARR self-conversion.  SPP will determine the 

credit requirement associated with TCRs and whether the Credit Customer 

has available Financial Security to support its TCR activity.  After the 

close of a TCR Auction and on an ongoing basis, SPP will update the 

Credit Customer’s Total TCR Credit Requirement associated with TCRs 

to reflect the actual TCRs the Credit Customer holds and TCR Auction 

results, including the costs to acquire or sell TCRs in a TCR Auction.  

 

5A.1.4 This Article addresses the calculation of the Total TCR Credit 

Requirement associated with TCRs, including the ETCRE calculations for 

the TCRs the Credit Customer holds and the Credit Customer’s Bids and 

Offers for TCRs in the TCR Auctions and the acquisition and disposal 

costs of the TCR in the TCR Auctions; as well as the TCR payments or 

charges for which settlement has been calculated but not yet invoiced; and 

the TCR payments or charges for which an invoice has been issued but 

payment has not occurred.  This Article also addresses the determination 

whether a Credit Customer has sufficient Financial Security available for 

the Credit Customer’s proposed TCR Auction activity or proposed 

bilateral transfers of TCRs.   

 

5A.2 Calculation of Estimated TCR Exposure (ETCRE) for TCRs that a Credit 

Customer Holds (ETCRE Hold).  SPP will calculate the ETCRE Hold, which is an 

estimate of the potential value (positive or negative) of the TCR contract for the term of 

the TCR, for TCRs that a Credit Customer holds.  A negative ETCRE Hold means SPP 

estimates that the potential value of the TCR will result in a payment to the Credit 

Customer.  A positive ETCRE Hold means SPP estimates that the potential value of the 

TCR will result in a payment by the Credit Customer.  The ETCRE Hold calculation is 

determined for each TCR on an individual basis.  ETCRE Hold is the product of the TCR 

Final Reference Price times the TCR megawatts times the complete duration of the TCR.  

SPP will calculate the TCR Final Reference Price for each TCR based on the difference 

of historical Day-Ahead Market Marginal Congestion Cost (MCC) between the TCR 

source and TCR sink.  

 

5A.2.1 TCR Final Reference Price.  For a given source and sink combination and with 

respect to time (season or month) and class (on-peak and off-peak), the TCR Final 

Reference Price has two components:  (i) a TCR Mean Price; and (ii) a TCR 

Stress Test Price.  The Final Reference Price is the TCR Mean Price plus the TCR 

Stress Test Price.   

 



 

 

 

 

5A.2.1.1 Both the TCR Mean Price and TCR Stress Test Price are 

determined using the Day-Ahead Market Marginal Congestion 

Component (MCC) prices from the prior two years.  Each year of 

the prior two year period will be weighted, with the more recent 

year receiving a 75% weighting and the more distant year 

receiving a 25% weighting.  The MCC prices used in the 

calculations for a TCR match the definition of the TCR with 

respect to time (season or month) and class (on-peak and off-peak).  

The MCC prices used in the calculation must be complete for each 

hour of the time (season or month) to be considered in the 

calculation.  If the MCC prices for each hour of a time (season or 

month) are not complete, then that entire time (season or month) is 

not included in the prior two year period for a given TCR.   

 

5A.2.1.1.1 A TCR Final Reference Price determination is used 

in the calculations for ETCRE Hold, ETCRE Bid, 

and ETCRE Offer calculations.  For each such 

calculation, the prior two year period used in the 

calculation is measured from the time of the 

calculation.  ETCRE Hold calculations will be 

updated to reflect updated prior two year periods for 

a given TCR as MCC prices are completed for a 

season or month that previously was not included in 

the prior two year period.   

 

5A.2.1.2 The TCR Mean Price is the sum of 75% of the mean of the hourly 

Day-Ahead Market MCC difference between the source and sink 

combination for the more recent year in the prior two year period 

plus 25% of the mean of the hourly Day-Ahead Market MCC 

difference between the source and sink combination for the more 

distant year in the prior two year period. 

 

5A.2.1.3 The TCR Stress Test Price calculation differs for TCRs with 

positive and negative Mean Prices.  For a TCR with a negative 

TCR Mean Price, the TCR Stress Test Price is the 75
th

 percentile 

of the opposite flow value (i.e. if the source and sink were 

reversed) in the prior two year period.  For a TCR with a positive 

TCR Mean Price, the TCR Stress Test Price is the 90
th

 percentile 

of the opposite flow value (i.e. if the source and sink were 

reversed) in the prior two year period.  The TCR Stress Test Price 

is included only if it is has a positive value, otherwise, zero will be 

included in the calculation. 

 

5A.2.2 Calculation of TCR Final Reference Price during the Initial Two-Years of 

the Integrated Marketplace.  Prior to the accumulation of complete MCC data 

sufficient to calculate the TCR Final Reference Price pursuant to Section 5A.2.1, 



 

 

 

 

to calculate both the Mean Price and Stress Test Price, to the extent complete 

MCC price data for the applicable prior two year period is not available, SPP will 

use the applicable historical energy imbalance service price differences.   

 

5A.2.3 Calculation of TCR Final Reference Price for New Settlement Locations.  
When a new Settlement Location is created, SPP will use the system average 

Day-Ahead Market MCC to calculate the TCR Mean Price and TCR Stress Test 

Price for the new Settlement Location.  The system average Day-Ahead Market 

MCC for each defined TCR is the mean of the hourly Day-Ahead Market MCC 

for all Settlement Locations for which a Day-Ahead Market MCC exists for each 

hour in the prior two year period for a defined TCR. 

 

5A.3 TCR Portfolio Credit Requirement.  The Financial Security required for a Credit 

Customer’s TCR portfolio is the TCR Portfolio Credit Requirement and is one 

component of the Total TCR Credit Requirement.  The TCR Portfolio Credit 

Requirement is the sum of (i) the sum of the ETCRE Hold values for each TCR in the 

Credit Customer’s TCR portfolio; (ii) the portion of the cost to acquire each TCR in a 

TCR Auction that has not yet been settled; and (iii) the disposal cost for TCR Offers that 

clear a TCR Auction that has not yet been settled.   

 

5A.3.1 The sum of the ETCRE Hold values for each TCR in the Credit Customer’s TCR 

portfolio used in the calculation of the TCR Portfolio Credit Requirement is equal 

to the net sum of the ETCRE Hold values for each TCR in the Credit Customer’s 

TCR portfolio, with individual positive and negative ETCRE Hold values netted, 

for the month in the future with the largest net sum of ETCRE Hold values of the 

Credit Customer’s TCR portfolio.  For a TCR with a term longer than a month, 

the ETCRE Hold for each month of the TCR is equal to the total ETCRE Hold for 

the TCR divided by the number of months of the term of the TCR.  SPP calculates 

the ETCRE Hold for each day for which at least one TCR in the portfolio is valid.  

 

5A.3.2 The portion of the acquisition cost to acquire each TCR in a TCR Auction that has 

not yet been settled includes the amounts that the Credit Customer is required to 

pay for TCRs it acquires in a TCR Auction, that have not yet been settled, and 

does not include amounts that may be owed to a Credit Customer to acquire a 

TCR.  For TCRs acquired through self-scheduled ARRs, the acquisition cost is 

zero.  For TCRs acquired through a bilateral transfer the acquisition cost is zero 

for the buyer because the acquisition cost remains the responsibility of the 

participant who originally acquired the TCR in a TCR Auction.   

 

5A.3.3 The portion of the disposal cost for each TCR Offer that clears a TCR Auction 

that has not yet been settled is the portion of a Credit Customer’s loss associated 

with the difference between the Offer price and the original Auction Clearing 

Price for the TCR that is the subject of the TCR Offer.  For TCRs acquired 

pursuant to a bilateral transfer that are the subject of a TCR Offer, zero will be 

used for the Auction Clearing Price for this calculation.   

 



 

 

 

 

5A.3.4 Only positive TCR Portfolio Credit Requirements are included in the Total TCR 

Credit Requirement.  If the TCR Portfolio Credit Requirement is a negative value 

it does not add to the Financial Security requirement for TCRs and zero will be 

used for the TCR Portfolio Credit Requirement in the calculation of the Total 

TCR Credit Requirement.    

 

5A.4 Calculation of ETCRE Bid.  SPP evaluates the Bids for TCRs to ensure that the Credit 

Customer has sufficient Financial Security to cover any Financial Security requirements 

to purchase and hold the TCR.  The ETCRE Bid calculates the Financial Security 

requirements for each Bid.  When a TCR Bid is submitted, SPP will calculate the ETCRE 

Bid for the Bid, which is the maximum sum of (i) the ETCRE Segment and (ii) the TCR 

Segment Cost, for the segments in the Bid.  SPP calculates the ETCRE Segment for each 

megawatt point on the submitted Bid curve, and the TCR Segment Cost for each 

megawatt point on the submitted Bid curve.  For each segment, SPP calculates the sum of 

(i) the ETCRE Segment and (ii) the TCR Segment Cost.  

 

5A.4.1 ETCRE Segment.  In evaluating TCR Bids, SPP calculates the ETCRE Segment 

for each megawatt point on the submitted Bid curve.  The ETCRE Segment can 

be positive or negative.  It is the potential value of holding the TCR in the Bid.  It 

is calculated in the same manner as the ETCRE Hold, using the Final Reference 

Price, and the TCR Bid megawatts and duration.   

 

5A.4.2 TCR Segment Cost.  In evaluating TCR Bids, SPP estimates the TCR acquisition 

cost by calculating the TCR Segment Cost for each megawatt point on the 

submitted Bid curve by multiplying the Bid price for that megawatt point times 

the megawatts and hours for that point on the submitted Bid curve.  The TCR 

Segment Cost is the potential cost for the Credit Customer to acquire any 

megawatt point on the submitted Bid segment.  For TCRs with negative 

acquisition costs, e.g., if the Bid curve has a negative Bid price, the TCR Segment 

Cost will be zero.  For TCR Bids resulting from an ARR self-conversion, the TCR 

Segment Cost also will be zero. 

 

5A.4.3 If multiple TCR Bids and Offers are included in a single submission, the Credit 

Customer must have sufficient Financial Security to cover all of the Bids and 

Offers in the submission.  The Financial Security requirement for a single 

submission is the sum of the positive ETCRE Bid and ETCRE Offer for the Bids 

and Offers in the submission without any netting of the individual ETCRE Bid or 

ETCRE Offer for the TCR Bids and Offers that are included in the submission.   

 

5A.5 Calculation of ETCRE Offer.  SPP evaluates the Offers for TCRs to ensure that the 

Credit Customer has sufficient Financial Security to cover any Financial Security 

requirements resulting if the TCR is no longer held and potential losses resulting from the 

sale.  The ETCRE Offer calculates the Financial Security requirement for each Offer.  

When a TCR Offer is submitted, SPP will calculate the ETCRE Offer for the Offer which 

is the maximum sum of (i) the ETCRE Offer Segment; and (ii) the TCR Offer Segment 

Cost, for the segments in the Offer.  SPP calculates the ETCRE Offer Segment for each 



 

 

 

 

megawatt point on the submitted Offer curve.  For each segment, SPP calculates the sum 

of (i) the ETCRE Offer Segment, and (ii) the TCR Offer Segment Cost.  

 

5A.5.1 ETCRE Offer Segment.  In evaluating TCR Offers, SPP calculates the ETCRE 

Offer Segment for each megawatt point on the submitted Offer curve.  It is the 

potential value of disposing of an existing TCR in the Offer.  It is calculated in the 

same manner as the ETCRE Hold, using the Final Reference Price, and the TCR 

Offer megawatts and duration.  If the calculated ETCRE Offer Segment is 

negative, SPP sets the ETCRE Offer to zero. 

 

5A.5.2 TCR Offer Segment Cost.  In evaluating TCR Offers, SPP estimates the TCR 

disposal cost by calculating the TCR Offer Segment Cost for each megawatt point 

on the submitted Offer curve by multiplying the difference between the original 

Auction Clearing Price for the TCR from the TCR Auction in which the TCR 

originally was acquired and the Offer price for that megawatt point times the 

megawatts and hours for that point on the submitted Offer curve.  The TCR Offer 

Segment Cost is the potential cost for the Credit Customer to dispose of any 

megawatt point on the submitted Offer segment.  If the TCR was originally 

acquired from an ARR self-schedule or pursuant to a bilateral transfer, zero is 

used for the original Auction Clearing Price.  If the calculated ETCRE Offer 

Segment Cost is negative SPP sets the ETCRE Offer to zero. 

 

5A.5.3 If multiple TCR Bids and Offers are included in a single submission, the Credit 

Customer must have sufficient Financial Security to cover all of the Bids and 

Offers in the submission.  The Financial Security requirement for a single 

submission is the sum of the positive ETCRE Bid and ETCRE Offer for the Bids 

and Offers in the submission without any netting of the individual ETCRE Bid or 

ETCRE Offer for the TCR Bids and Offers that are included in the submission.    

 

5A.6 Determination of Credit Approved TCR Bids and Offers and Rejection of TCR Bids 

and Offers which are Credit Disapproved. 

 

5A.6.1 If the sum of the ETCRE Bid and ETCRE Offer for all TCRs included in a single 

submission of Bids and Offers for a TCR Auction, calculated pursuant to sections 

5A.4 and 5A.5, without netting, is less than the Credit Customer’s available 

amount of Financial Security, then the submission is credit approved for inclusion 

in the TCR Auction.   

 

5A.6.2 If the sum of the ETCRE Bid and ETCRE Offer for all TCRs included in a single 

submission of Bids and Offers for a TCR Auction, calculated pursuant to sections 

5A.4 and 5A.5, without netting, is greater than the Credit Customer’s available 

Financial Security, then the entire submission is credit disapproved and the Bids 

and Offers will not be included in the TCR Auction. 

 

5A.7 Updated ETCRE Calculation Post TCR Auction.  After the clearing of a TCR 

Auction, the TCR Portfolio Credit Requirement will be updated to reflect the TCRs 



 

 

 

 

awarded in the TCR Auction, including the acquisition cost for TCR Bids that cleared the 

TCR Auction and the disposal cost for TCR Offers that cleared the TCR Auction.  For 

TCR Bids, the TCR acquisition cost is calculated as the product of the Auction Clearing 

Price times the awarded megawatts times the duration of a given TCR.  For TCR Offers, 

the TCR disposal cost is calculated as the product of the dollar per megawatt profit or 

loss times the megawatts sold times the duration of the TCRs sold.  The ETCRE Hold 

portion of the TCR Portfolio Credit Requirement will be updated to reflect the actual 

TCRs in the portfolio.   

 

5A.8 Total TCR Credit Requirement.  The total Financial Security requirement associated 

with the Credit Customer’s holding of TCRs and participating in the TCR Auctions is the 

Total TCR Credit Requirement.  The Total TCR Credit Requirement for a Credit 

Customers is the sum of (i) the TCR Portfolio Credit Requirement for the Credit 

Customer’s TCR portfolio, reflecting all of the TCRs held by the Credit Customer, 

calculated pursuant to section 5A.3; (ii) the Financial Security required for the Credit 

Customer’s participation in a TCR Auction, determined by the credit approved ETCRE 

Bid, calculated pursuant to section 5A.4, and ETCRE Offer, calculated pursuant to 

section 5A.5, for a TCR Auction that has not yet occurred; (iii) all TCR charges or credits 

that have been invoiced but not yet paid; and (iv) TCR charges or credits that have been 

calculated but not yet invoiced.  

 

Total TCR Credit Requirement =  

TCR Portfolio Credit Requirement + ETCRE Bid + ETCRE Offer + (ITCRC + CTCRC) 

 

Where, 

 

TCR Portfolio Credit Requirement is calculated pursuant to section 5A.3. 

 

ETCRE Bid is the sum of the ETCRE Bid amounts for the Credit Customer’s credit 

approved Bids for an auction that has not yet occurred, as calculated pursuant to section 

5A.4, without netting ETCRE Bid or ETCRE Offers in a submission. 

 

ETCRE Offer is the sum of the ETCRE Offer amounts for the Credit Customer’s credit 

approved Offers for an auction that has not yet occurred, as calculated pursuant to section 

5A.5, without netting ETCRE Bid or ETCRE Offers in a submission. 

 

ITCRC is the Invoiced TCR Charges (all TCR charges or credits that have been invoiced 

but not yet paid).  If the sum of ITCRC and CTCRC for a Credit Customer is negative, 

then zero will be included for the sum of ITCRC and CTCRC in the calculation of the 

Total TCR Credit Requirement. 

 

CTCRC is the Calculated TCR Charges (TCR charges or credits that have been 

calculated but not yet invoiced).  If the sum of ITCRC and CTCRC for a Credit Customer 

is negative, then zero will be included for the sum of ITCRC and CTCRC in the 

calculation of the Total TCR Credit Requirement. 

 



 

 

 

 

5A.8.1  If a Credit Customer’s available Financial Security is less than its Total TCR 

Credit Requirement, then the Credit Customer shall be required to provide 

additional Financial Security within two (2) Business Days from receipt of notice 

of such violation.  Failure to provide such Financial Security is a Default under 

this Credit Policy.   

 

5A.9 Transfer of TCRs.  If a Credit Customer proposes to sell or acquire TCRs through a 

bilateral transfer with another Credit Customer, SPP will evaluate the effect of the 

proposed transfer on the Total TCR Credit Requirement of each party to the proposed 

bilateral transfer and determine if both the buyer and the seller have sufficient Financial 

Security for the bilateral transfer to occur.  SPP approval of such bilateral transfers, based 

on whether both the buyer and seller have provided sufficient Financial Security to 

support the transfer, is required prior to such transfers.   

 

5A.9.1 For the seller in a bilateral transfer, SPP calculates the impact of the proposed 

transfer on the TCR Portfolio Credit Requirement that would result from the 

removal of the TCRs that are the subject of the proposed bilateral transfer from 

the TCR portfolio of the Credit Customer that is the seller in the bilateral transfer. 

 

5A.9.2 For the buyer in a bilateral transfer, SPP calculates the impact of the proposed 

transfer on the TCR Portfolio Credit Requirement that would result from the 

addition of the TCRs that are the subject of the proposed bilateral transfer from 

the TCR portfolio of the Credit Customer that is the buyer in the bilateral transfer. 

 

5A.9.3 If multiple TCRs are included in a single proposed bilateral transfer, both parties 

to the bilateral transfer must have sufficient Financial Security for the transfer of 

all of the TCRs in the proposed transfer.  

 

5A.9.4  SPP, in its sole discretion, may approve bilateral transfers if a Credit Customer 

does not have sufficient Financial Security to support the transfer, but the transfer 

would result in a reduction in Total TCR Credit Requirement for that Credit 

Customer.  

 

5A.9.5 The bilateral TCR transfer price is not included in SPP’s evaluation of a bilateral 

transfer of TCRs.  After an approved bilateral transfer of TCRs is completed, each 

Credit Customer’s Total TCR Credit Requirement is updated. 

 

5A.10 Return of TCR Financial Security.  A Credit Customer may request that SPP return 

any Financial Security no longer required to hold TCRs or participate in TCR Auctions if 

it is not needed to support other market services.  SPP may limit the frequency of such 

requested Financial Security returns, provided that Financial Security returns will be 

made by SPP at least once per month, if requested by a Credit Customer.   
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1. Introduction 

This Attachment sets forth the Bidding, Offering and dispatching responsibilities of the 

Transmission Provider and Market Participants relating to the Integrated Marketplace and sets 

forth the operation, pricing and settlement of the Day-Ahead Market, the Real-Time Balancing 

Market (―RTBM‖) and the Transmission Congestion Rights (―TCRs‖) Market.  All time 

references in this Attachment AE shall be the prevailing time as specified in the Market 

Protocols.  Figure 1 shows the relationships and general timing sequence between the various 

market processes.   

 

Figure 1 

 

 

 



 

 

1.1 Definitions and Acronyms 



 

 

1.1 Definitions A 

Asset Owner 

An owner of any combination of: (1) registered physical assets (Resource, load, Import 

Interchange Transaction, Export Interchange Transaction, Through Interchange Transaction), (2) 

Transmission Congestion Rights, (3) Virtual Energy Offers, (4) Virtual Energy Bids, or (5) 

Bilateral Settlement Schedules. 

 

Asset Owner Reserve Zone Load Ratio Share 

The sum of an Asset Owner’s Reported Load and Export Interchange Transactions in a Reserve 

Zone divided by the sum of all Asset Owners’ Reported Load and Export Interchange 

Transactions in all Reserve Zones for a given hour. 

 

Auction Clearing Price (“ACP”) 

The price generated at each source and sink Settlement Location in each round of the Annual 

Transmission Congestion Right Auction and Monthly Transmission Congestion Right Auction 

based upon the Transmission Congestion Right Offers and Bids submitted. 

 

Auction Revenue Right (“ARR”) 

A right, awarded during the annual Auction Revenue Right allocation process and the 

incremental Auction Revenue Right allocation process, which entitles the holder to a share of the 

auction revenues generated in the applicable Transmission Congestion Rights auction(s) and 

entitles the holder to self-convert the Auction Revenue Right to a Transmission Congestion 

Right. 

 

Auction Revenue Right Nomination Cap (“ARR Nomination Cap”) 

A cap on the maximum total amount of Auction Revenue Rights that an Eligible Entity may 

nominate in each month and season in the annual Auction Revenue Right allocation process and 

the monthly incremental Auction Revenue Right allocation process. 



 

 

1.1 Definitions B 

Balancing Authority 

As defined in Section 1 of the Tariff  

 

Balancing Authority Area  

As defined in Section 1 of the Tariff. 

 

Behind-The-Meter Generation 

A generation unit that is connected on the load side of a load Meter Settlement Location and is 

used by the load Market Participant that is the registered owner for the Meter Settlement 

Location to serve all or part of its capacity, Energy or Ancillary Service needs. 

 

Bid 

A commitment to pay a specific maximum price for a quantity of Energy or Transmission 

Congestion Rights that includes a Demand Bid, a Virtual Energy Bid, an Export Interchange 

Transaction Bid or a Transmission Congestion Right Bid, where such quantities may be 

submitted in 0.1 Megawatt increments. 

 

Bilateral Settlement Schedule 

An arrangement between two Market Participants for transfer of Energy or Operating Reserve 

obligations. 

 

Block Controllable Load 

A registered load at a Settlement Location associated with a Block Demand Response Resource.  

 

Block Demand Response Resource 

A Resource created to model demand reduction that can only be committed and dispatched in 

hourly blocks. 



 

 

1.1 Definitions C 

Commercial Model 

A representation of the attributes of and the relationships between Market Participants, Asset 

Owners, Resource and load assets and Price Nodes for use in the Integrated Marketplace. 

 

Commitment Instruction 

An instruction issued by the Transmission Provider to a Market Participant to either start up or 

shut down a specified Resource in the Day-Ahead Market or any Reliability Unit Commitment 

process. 

 

Commit Time 

The time specified by the Transmission Provider in a Commitment Instruction at which a 

Resource is to be synchronized and operating at or above its Minimum Economic Capacity 

Operating Limit. 

 

Common Bus 

A single bus to which two or more Resources owned by the same Asset Owner are connected in 

an electrically equivalent manner where such Resources may be treated as interchangeable for 

certain compliance monitoring purposes. 

 

Confidential Information  

As referenced within Attachments AE, AF and AG to this Tariff, information containing or 

revealing: 

(1) (a) Any confidential, proprietary, or commercially sensitive information, or 

information of a plan, specification, pattern, procedure, design, device, list, 

concept, policy or compilation relating to the present or planned business of a 

Market Participant that is conspicuously designated as Confidential Information 

in writing, on each page of the document, by disclosing party at the time the 

information is provided to receiving party, whether conveyed electronically, in 

writing, through inspection, or otherwise; 



 

 

 

 

(b) Any confidential, proprietary, or commercially sensitive information, or 

information of a plan, specification, pattern, procedure, design, device, list, 

concept, policy or compilation relating to the present or planned business of a 

Market Participant that is provided orally and designated as Confidential 

Information by disclosing party at the time the information is provided to 

receiving party; 

(c) Any customer information designated by the customer as proprietary, unless the 

customer has authorized the release for public disclosure of such information;  

(d) Any software, products of software or other vendor information that the 

Transmission Provider is required to keep confidential under its agreements. 

(2) Confidential Information does not include Critical Energy Infrastructure Information 

(―CEII‖) materials as designated by FERC, which must be obtained in accordance with 

FERC regulations. 

 

Contingency Reserve 

Resource capacity held in reserve for Resource contingencies that is the sum of Spinning 

Reserve and Supplemental Reserve. 

 

Contingency Reserve Deployment Instruction 

An instruction issued by the Transmission Provider to Resources cleared for Contingency 

Reserve in the Real-Time Balancing Market to deploy a specific Megawatt quantity of 

Contingency Reserve as communicated as a component of the Setpoint Instructions. 

 

Contingency Reserve Deployment Period 

The time allowed to deploy Contingency Reserve following the issuance of a reserve sharing 

event, as specified in the SPP Criteria. 

 

Control  Status 

A parameter communicated electronically to the Transmission Provider by a Market Participant 

at any time during an Operating Hour indicating a Resource’s ability to follow Setpoint 

Instructions. 



 

 

 

 

 

Coordinated Flowgate  

A flowgate defined within a joint operating agreement between the Transmission Provider and 

another transmission provider as being affected by the transmission of Energy on either party’s 

transmission system.  

 

Current Operating Plan 

The Transmission Provider’s internal hourly Resource commitment schedule for the Operating 

Day resulting from the Day-Ahead Market and Day-Ahead Reliability Unit Commitment 

processes and updated, as required, during the Intra-Day Reliability Unit Commitment process 

that is used as input into the Real-Time Balancing Market. 



 

 

1.1 Definitions D  

Day-Ahead  

The time period starting at 0001 and ending at 2400 on the day prior to the Operating Day. 

 

Day-Ahead Market 

As defined in Section 1 of the Tariff. 

 

Day-Ahead Market Commitment Period 

The contiguous period of time between a Resource’s Day-Ahead Market Commit Time and Day-

Ahead Market De-Commit Time. 

 

Day-Ahead Reliability Unit Commitment (“Day-Ahead RUC”) 

The process performed by the Transmission Provider following the close of the Day-Ahead 

Market and prior to the Operating Day to assess Resource and Operating Reserve adequacy for 

the Operating Day, commit or de-commit Resources as necessary, and communicate 

commitment or de-commitment of Resources to the appropriate Market Participants as 

necessary. 

 

De-Commit Time 

The time specified by the Transmission Provider in a Commitment Instruction at which a 

Resource is to begin de-synchronization procedures. 

 

Demand Bid 

A proposal by a Market Participant associated with a physical load to purchase a fixed or price 

sensitive amount of Energy at a specified location and period of time in the Day-Ahead Market. 

 

Demand Bid Curve  

A Demand Bid specified as Megawatt and dollars per Megawatt hour with up to ten (10) 

price/quantity pairs. 

 

Demand Curve 



 

 

 

 

A series of quantity/price points used to set Operating Reserve Market Clearing Prices when 

there is a supply shortage of Operating Reserve and to set Locational Marginal Prices when there 

is shortage of capacity to meet Energy requirements. 

 

Demand Response Load 

A registered measurable load that is capable of being reduced at the instruction of the 

Transmission Provider and subsequently may be increased at the instruction of the Transmission 

Provider. 

 

Demand Response Resource 

A Dispatchable Demand Response Resource or a Block Demand Response Resource. 

 

Designated Resource 

As defined in Section 1 of the Tariff. 

 

Desired Dispatch 

A Megawatt value calculated from a Resource’s Real-Time Balancing Market Energy Offer 

Curve that represents the point at which the Resource’s incremental Energy Offer is equal to the 

Resource’s Real-Time Balancing Market Locational Marginal Price. 

 

Dispatch Interval 

The five (5) minute interval for which the Transmission Provider issues Dispatch Instructions for 

Energy and clears Operating Reserve in the Real-Time Balancing Market. 

 

Dispatch Instruction 

The communicated Resource target Energy Megawatt output level at the end of the Dispatch 

Interval. 

 

Dispatchable Controllable Load 

A registered load at a Settlement Location associated with a Dispatchable Demand Response 

Resource. 



 

 

 

 

 

Dispatchable Demand Response Resource 

A Resource created to model demand reduction associated with controllable load or a Behind-

The-Meter generator that is dispatchable on a five (5) minute basis. 

 

Dispatchable Resource 

A Resource for which an Energy Offer Curve has been submitted and that is available for 

dispatch by the Transmission Provider on a Dispatch Interval basis. 

 

Dispatchable Variable Energy Resource 

A Variable Energy Resource that is capable of being incrementally dispatched by the 

Transmission Provider.    



 

 

1.1 Definitions E 

Electrical Node (“ENode”) 

A physical node represented in the Network Model where electrical equipment and components 

are connected. 

 

Eligible Entity 

A Transmission Customer or Market Participant having firm SPP Transmission Service or firm 

non-SPP transmission service (referred to as a ―grandfathered agreement‖ or ―GFA‖) into, out 

of, within or through the SPP Region. 

 

Emergency Condition  

As defined in Section 1 of the Tariff. 

 

Energy 

An amount of electricity that is Bid or Offered, produced, purchased, consumed, sold or 

transmitted over a period of time, which is measured or calculated in Megawatt hours. 

 

Energy and Operating Reserve Markets 

As defined in Section 1 of the Tariff. 

 

Energy Offer Curve 

A set of price/quantity pairs that consists of Megawatts and dollars per Megawatt hour with up to 

ten (10) price/quantity pairs. 

 

Export Interchange Transaction  

A Market Participant schedule for exporting Energy out of the SPP Balancing Authority Area. 

 

Export Interchange Transaction Bid 

A proposal by a Market Participant to purchase a fixed or price sensitive amount of Energy for 

delivery outside of the SPP Balancing Authority Area at a specified External Interface and for a 

period of time. 



 

 

 

 

 

External Interface 

A Settlement Location representing a physical interconnection point(s) between the SPP 

Balancing Authority Area and an external Balancing Authority Area. 



 

 

1.1 Definitions F 

Firm Point-To-Point Auction Revenue Right Nomination Cap 

The maximum total amount of Firm Point-To-Point Candidate Auction Revenue Rights that an 

Eligible Entity may nominate in each month and season in the annual Auction Revenue Right 

allocation process and the monthly incremental Auction Revenue Right allocation process. 

 

Firm Point-To-Point Candidate Auction Revenue Right 

All or portion of the Megawatt quantity of a confirmed Firm Point-To-Point Transmission 

Service reservation which the holder of the Transmission Service reservation can nominate for 

conversion into an Auction Revenue Right in the annual Auction Revenue Right allocation 

process. 

 

Firm Point-To-Point Incremental Candidate Auction Revenue Right 

All or portion of the Megawatt quantity of a confirmed Firm Point-To-Point Transmission 

Service reservation which the holder of the Transmission Service reservation can nominate for 

conversion into an Auction Revenue Right in the incremental Auction Revenue Right allocation 

process. 

 

Firm Point-To-Point Transmission Service 

As defined in Section 1 of the Tariff. 



 

 

1.1 Definitions G 

Good Utility Practice 

As defined in Section 1 of the Tariff. 

 

Grandfathered Agreement (“GFA”) 

As defined in Section 1 of the Tariff. 

 

Grandfathered Agreement Firm Point-To-Point Auction Revenue Right Nomination Cap 

The maximum amount of Grandfathered Agreement Firm Point-To-Point Candidate Auction 

Revenue Rights and Grandfathered Agreement Firm Point-To-Point Incremental Candidate 

Auction Revenue Rights that an Eligible Entity may nominate in each month and season in the 

annual Auction Revenue Right allocation process or the incremental Auction Revenue Right 

allocation process. 

 

Grandfathered Agreement Firm Point-To-Point Candidate Auction Revenue Right 

All or a portion of the Megawatt quantity of the transmission service component of a 

Grandfathered Agreement providing service equivalent to Firm Point-To-Point Transmission 

Service, as defined in the Tariff which the applicable Eligible Entity can nominate for conversion 

into an Auction Revenue Right in the annual Auction Revenue Right allocation process. 

 

Grandfathered Agreement Firm Point-To-Point Incremental Candidate Auction Revenue 

Right 

All or a portion of the Megawatt quantity of the transmission service component of a 

Grandfathered Agreement providing service equivalent to Firm Point-To-Point Transmission 

Service, as defined in the Tariffwhich the applicable Eligible Entity can nominate for conversion 

into an Auction Revenue Right in the incremental Auction Revenue Right allocation process. 

 

Grandfathered Agreement Network Integration Transmission Service Auction Revenue 

Right Nomination Cap 

The maximum amount of Grandfathered Agreement Network Integration Transmission Service 

Candidate Auction Revenue Rights that an Eligible Entity may nominate in each month and 



 

 

 

 

season in the annual Auction Revenue Right allocation process and the monthly Incremental 

Auction Revenue Right allocation process. 

 

Grandfathered Agreement Network Integration Transmission Service Candidate Auction 

Revenue Right 

All or a portion of the Megawatt quantity of the transmission service component of a 

Grandfathered Agreement providing service equivalent to Network Integration Transmission 

Service, as defined in the Tariff. 

 

Grandfathered Agreement Network Integration Transmission Service Incremental 

Candidate Auction Revenue Right 

All or a portion of the Megawatt quantity of the transmission service component of a 

Grandfathered Agreement providing service equivalent to Network Integration Transmission 

Service, as defined in the Tariffwhich the applicable Eligible Entity can nominate for conversion 

into an Auction Revenue Right in the annual Auction Revenue Right allocation process. 



 

 

1.1 Definitions I 

Import Interchange Transaction  

A schedule for importing Energy into the SPP Balancing Authority Area. 

 

Import Interchange Transaction Offer 

A proposal by a Market Participant to provide Energy from a source external to the SPP 

Balancing Authority Area at a specified External Interface and period of time. 

 

Integrated Marketplace 

The Day-Ahead Market, the Real-Time Balancing Market, the Transmission Congestion Rights 

Market and the Reliability Unit Commitment processes. 

 

Interchange Transaction  

Any Energy transaction that is crossing the boundary of the SPP Balancing Authority Area and 

requires checkout with one or more external Balancing Authority Areas.  This includes any 

Import Interchange Transaction, Export Interchange Transaction or Through Interchange 

Transaction. 

 

Intra-Day Reliability Unit Commitment (“Intra-Day RUC”) 

The process performed by the Transmission Provider following the completion of the Day-

Ahead Reliability Unit Commitment process and throughout the Operating Day to assess 

Resource and Operating Reserve adequacy for the Operating Day, commit or de-commit 

Resources as necessary, and communicate commitment or de-commitment of Resources to the 

appropriate Market Participants as necessary. 



 

 

1.1 Definitions J 

Jointly Owned Unit 

A Resource that is owned by more than one Asset Owner or a Resource for which multiple Asset 

Owners have contractual rights that allow the submittal of a Resource Offer into the Integrated 

Marketplace. 



 

 

1.1 Definitions L 

Locational Marginal Price (“LMP”) 

The price for Energy at a given Price Node which is equivalent to the marginal cost of serving 

demand at the Price Node while meeting the Transmission Provider Operating Reserve 

requirements. 

 

Loss Pool 

A collection of Settlement Locations that is determined hourly for each Market Participant based 

on that Market Participant’s transactional activity and is used for the purpose of determining that 

Market Participant’s allocation of over-collected loss revenues. 



 

 

1.1 Definitions M 

Manual Dispatch Instruction 

A Dispatch Instruction that originates from SPP outside of the normal Real-Time Balancing 

Market security constrained economic dispatch solution to address a system reliability condition. 

 

Market Clearing Price (“MCP”) 

The price used for settlements of an Operating Reserve product in each Reserve Zone.  A 

separate price is calculated for Regulation-Up, Regulation-Down, Spinning Reserve and 

Supplemental Reserve. 

 

Market Flow 

The aggregate Megawatt flow on a Coordinated Flowgate or a Reciprocal Coordinated Flowgate 

caused by the Real-Time Balancing Market. 

 

Market Hub 

A Settlement Location consisting of an aggregation of Price Nodes. 

 

Market Participant 

As defined in Section 1 of the Tariff. 

 

Marginal Congestion Component (“MCC”) 

The calculated portion of the Locational Marginal Price at a Settlement Location representing 

transmission congestion costs between that Settlement Location and a reference location as 

calculated under Section 8.3 of this Attachment AE. 

 

Marginal Loss Component (“MLC”) 

The calculated portion of the Locational Marginal Price at a Settlement Location representing 

marginal loss costs between that Settlement Location and a reference location as calculated 

under Section 8.3 of this Attachment AE. 

 

Maximum Economic Capacity Operating Limit  



 

 

 

 

An economic MW level at or below a Resource’s Maximum Normal Capacity Operating Limit 

used for constraining Energy dispatch and Contingency Reserve clearing during normal system 

conditions. 

 

Maximum Emergency Capacity Operating Limit 

The maximum Megawatt level at which a Resource other than a Block Demand Response 

Resource may operate under Emergency Conditions. 

 

Maximum Normal Capacity Operating Limit 

The maximum Megawatt level at which a Resource may operate continuously. 

 

Maximum Regulation Capacity Operating Limit 

The maximum Megawatt level at which a Regulation Qualified Resource, a Regulation-Up 

Qualified Resource or a Regulation-Down Qualified Resource may operate while providing 

Regulation Deployment. 

 

Megawatt (“MW”) 

A measurement unit of the instantaneous demand for Energy. 

 

Meter Agent 

An entity responsible for collecting load and Resource data associated with identified Meter 

Settlement Locations within a Settlement Area for the purpose of energy accounting that impacts 

market settlements. 

 

Meter Data Submittal Location 

One or more Meter Settlement Locations contained within a single Settlement Area for which 

meter data is submitted to the Transmission Provider by the Meter Agent for settlement 

purposes. 

 

Meter Settlement Location 



 

 

 

 

The point at which a Market Participant’s registered load and Resources interchange Energy with 

the Real-Time Balancing Market. 

 

Minimum Economic Capacity Operating Limit  

A Megawatt level at or above a Resource’s Minimum Normal Capacity Operating Limit used for 

energy dispatch at a minimum level during normal operating conditions. 

 

Minimum Emergency Capacity Operating Limit 

The minimum Megawatt level at which a Resource other than a Block Demand Response 

Resource may operate under Emergency Conditions. 

 

Minimum Normal Capacity Operating Limit 

The minimum Megawatt level at which a Resource may operate continuously. 

 

Minimum Regulation Capacity Operating Limit 

The minimum Megawatt level at which a Regulation Qualified Resource, a Regulation-Up 

Qualified Resource or a Regulation-Down Qualified Resource may operate while providing 

Regulation Deployment. 

 

Minimum Run Time 

The minimum length of time a Resource must run from the time the Resource is put online to the 

time the Resource is shut-down. 

 

Multi-Day Reliability Assessment 

The process to assess Resource adequacy for the Operating Day, commit Resources with long 

Start-Up Times that cannot be considered as part of the Day-Ahead Market or Day-Ahead 

Reliability Unit Commitment, and communicate commitment of such Resources as necessary. 



 

 

1.1 Definitions N 

Network Integration Transmission Service 

As defined in Section 1 of the Tariff. 

 

Network Integration Transmission Service Auction Revenue Right Nomination Cap  

The maximum amount of Network Integration Transmission Service Candidate Auction Revenue 

Rights and Network Integration Transmission Service Incremental Candidate Auction Revenue 

Rights that an Eligible Entity may nominate in each month and season in the annual Auction 

Revenue Right allocation process and the monthly incremental Auction Revenue Right 

allocation process. 

 

Network Integration Transmission Service Candidate Auction Revenue Right 

The Megawatt quantity associated with Network Integration Transmission Service from Network 

Resources, which is verified prior to the start of the annual Auction Revenue Right allocation 

process, and that the holder of the Network Integration Transmission Service can nominate for 

conversion into an Auction Revenue Right, subject to the Network Integration Transmission 

Service Auction Revenue Right Nomination Cap, in the annual Auction Revenue Right 

allocation process. 

 

Network Integration Transmission Service Incremental Candidate Auction Revenue Right  

The Megawatt quantity associated with Network Integration Transmission Service from Network 

Resources, that the holder of the Network Integration Transmission Service can nominate for 

conversion into an Auction Revenue Right, subject to the Network Integration Transmission 

Service Auction Revenue Right Nomination Cap, in the incremental Auction Revenue Right 

allocation process. 

 

Network Model 

A representation of the transmission, generation, and load elements of the interconnected 

Transmission System and the transmission systems of other regions in the Eastern 

Interconnection. 

 



 

 

 

 

No-Load Offer 

The compensation request in a Resource Offer, in dollars, by a Market Participant representing 

the hourly fee for operating a synchronized Resource at zero (0) Megawatt output.  For a 

generating unit, No-Load Offers are generally representative of the fuel expense required to 

maintain synchronous speed at zero (0) Megawatt output.  For a Dispatchable Demand Response 

Resource or Block Demand Response Resource, No-Load Offers are generally representative of 

a combination of the fuel expense required to maintain synchronous speed at zero (0) Megawatt 

output for Behind-The-Meter Generation and the ongoing hourly costs associated with 

manufacturing process changes associated with a reduction in load consumption. 

 

Non-Conforming Load 

Load that is process driven that does not follow a predictable pattern.   

 

Non-Dispatchable Variable Energy Resource 

A Variable Energy Resource that is not capable of being incrementally dispatched by the 

Transmission Provider.    



 

 

1.1 Definitions O 

Offer 

A commitment to sell a quantity of Energy at a specific minimum price that includes a Resource 

Offer, a Virtual Energy Offer or an Import Interchange Transaction Offer where such quantities 

may be submitted in 0.1 MW increments. 

 

Off-Peak 

As defined in Schedule 1 of the Tariff. 

 

On-Peak 

As defined in Schedule 1 of the Tariff. 

 

Operating Day 

A daily period beginning at midnight. 

 

Operating Hour  

A sixty (60) minute period of time during the Operating Day corresponding to a clock hour 

typically expressed as hour-ending. 

 

Operating Reserve 

Resource capacity held in reserve for Resource contingencies and NERC control performance 

compliance that includes the following products: Regulation-Up, Regulation-Down, Spinning 

Reserve and Supplemental Reserve. 

 

Operating Tolerance 

The Megawatt range of actual Resource output above and below the Resource’s average Setpoint 

Instruction over the Dispatch Interval where the Resource will not be subject to charges 

associated with Uninstructed Resource Deviation. 



 

 

1.1 Definitions P 

Parallel Flow 

Flow on the Transmission System not scheduled with SPP caused by entities external to the SPP 

Balancing Authority Area (also known as loop flow). 

 

Portal 

Internet interface between SPP and its Members. 

 

Pre-Day-Ahead 

The time period starting six (6) days prior to Day-Ahead and ending midnight on the day prior to 

Day-Ahead. 

 

Price Node (“Pnode”) 

A single node in the Commercial Model that has a one-to-one relationship to an Electrical Node 

where Locational Marginal Prices are calculated. 



 

 

1.1 Definitions Q 

Quick-Start Resource 

A Resource that can start, synchronize and generate electricity within ten (10) minutes of 

Transmission Provider notification. 



 

 

1.1 Definitions R 

Real-Time 

The continuous time period during which the Real-Time Balancing Market is operated. 

 

Real-Time Balancing Market (“RTBM”) 

As defined in Section 1 of the Tariff. 

 

Real-Time Load Ratio Share 

The sum of a Market Participant’s Reported Load and Export Interchange Transactions at all 

Settlement Locations divided by the sum of all Market Participants’ Report Load and Export 

Interchange Transactions at all Settlement Locations for a given hour. 

 

Reciprocal Coordinated Flowgate  

A Coordinated Flowgate defined within a joint operating agreement between SPP and another 

transmission provider as being affected by the transmission of Energy on both of their respective 

transmission systems. 

 

Reference Bus  

The location on the Transmission System relative to which all mathematical quantities, including 

shift factors and penalty factors relating to physical operation, will be calculated. 

 

Regulation Deployment  

The utilization of Regulation-Up and Regulation-Down through automatic generation control 

equipment to automatically and continuously adjust Resource output to balance the SPP 

Balancing Authority Area in accordance with NERC control performance criteria. 

 

Regulation-Down 

An Operating Reserve product procured by the Transmission Provider from Resources that 

reduce their energy output in response to a Regulation Deployment instruction from the 

Transmission Provider. 

 



 

 

 

 

Regulation-Down Offer 

The price at which a Regulation Qualified Resource or a Regulation-Down Qualified Resource 

has committed to sell Regulation-Down. 

 

Regulation-Down Qualified Resource  

A Resource that has met the requirements to be eligible to submit Regulation-Down Offers into 

the Energy and Operating Reserve Markets. 

 

Regulation Qualified Resource  

A Resource that has met the requirements to be eligible to submit Regulation-Up Offers and 

Regulation-Down Offers into the Energy and Operating Reserve Markets. 

 

Regulation Response Time  

The maximum amount of time allowed for a Resource to move its output from zero (0) 

Regulation Deployment to the full amount of Regulation-Up cleared or to move from zero (0) 

Regulation Deployment to the full amount of Regulation-Down cleared. 

 

Regulation-Up 

An Operating Reserve product procured by the Transmission Provider from Resources that 

increase their energy output in response to a Regulation Deployment instruction from the 

Transmission Provider. 

 

Regulation-Up Offer 

The price at which a Regulation Qualified Resource or a Regulation-Up Qualified Resource has 

committed to sell Regulation-Up. 

 

Regulation-Up Qualified Resource  

A Resource that has met the requirements to be eligible to submit Regulation-Up Offers into the 

Energy and Operating Reserve Markets. 

 

Reliability Unit Commitment (“RUC”) 



 

 

 

 

The process performed by the Transmission Provider to assess resource and Operating Reserve 

adequacy for the Operating Day, commit or de-commit resource as necessary, and communicate 

commitment or de-commitment of Resources to the appropriate Market Participants as 

necessary. 

 

Reliability Unit Commitment Period (“RUC Commitment Period”) 

The contiguous period of time between a Resource’s Reliability Unit Commitment Commit Time 

and Reliability Unit Commitment De-Commit Time. 

 

Reported Load 

A Market Participant's actual value of energy withdrawn from the Transmission System at a 

Settlement Location adjusted as described under Section 8.6.1.1 of Attachment AE and further 

adjusted, if necessary, to account for distribution system losses between the actual metering point 

and the Transmission System Settlement Location as described under Appendix D of the Market 

Protocols. 

 

Reservation Capacity  

The reservation Megawatt between a specified source and sink associated with SPP 

Transmission Service. 

 

Reserve Sharing Event  

A request for assistance to deploy Contingency Reserve by any signatory to the Reserve Sharing 

Group Agreement following the sudden loss of a Resource. 

 

Reserve Sharing Group 

A group whose members consist of two or more Balancing Authorities that collectively maintain, 

allocate, and supply operating reserves required for each Balancing Authority’s use in recovering 

from contingencies within the group.  

 

Reserve Sharing Group Agreement 



 

 

 

 

The Agreement detailing the rights and obligations of the Reserve Sharing Group members for 

use in recovering from contingencies within the group. 

 

Reserve Zone  

A zone containing a specific group of Price Nodes for which a minimum and maximum 

Operating Reserve requirement is calculated. 

 

Residual Load 

Settlement Area Net Load less all other directly metered Reported Load within the Settlement 

Area. 

 

Resource 

An asset that injects energy into the transmission grid or reduces the withdrawal of energy from 

the transmission grid. 

 

Resource Offer 

For a Resource, the combination of its Start-Up Offer, No-Load Offer, Energy Offer Curve, 

Regulation-Up Offer, Regulation-Down Offer, Spinning Reserve Offer, Supplemental Reserve 

Offer and Resource physical operating parameters. 



 

 

1.1 Definitions S 

Scarcity Price 

The Market Clearing Price levels determined by Demand Curves when there is insufficient 

Operating Reserve available to meet the Operating Reserve requirement. 

 

Scarcity Pricing 

The setting of Scarcity Prices in accordance with Section 8.3.4.2 of this Attachment AE. 

 

Security Constrained Economic Dispatch (“SCED”) 

An algorithm capable of clearing, dispatching, and pricing Energy and Operating Reserve on a 

co-optimized basis that minimizes overall cost while enforcing security constraints. 

 

Security Constrained Unit Commitment (“SCUC”) 

An algorithm capable of committing Resources to supply Energy and Operating Reserve on a co-

optimized basis that minimizes capacity costs while enforcing security constraints. 

 

Setpoint Instruction 

The Real-Time desired Megawatt output signal calculated for a specific Resource by SPP’s 

control system for a specified period. 

 

Settlement Area  

A geographic area within the SPP Balancing Authority Area for which transmission interval 

metering can account for the net area load within the geographic area. 

 

Settlement Area Metered Net Interchange 

The algebraic sum of all Energy flowing into or out of a Settlement Area during an hour. 

 

Settlement Area Net Load 

The sum of (a) net injections at each Settlement Location within the Settlement Area and (b) 

Settlement Area Metered Net Interchange. 

 



 

 

 

 

Settlement Invoice 

A weekly summary of the Integrated Marketplace net daily charges and payments by Asset 

Owner and Operating Day that is generated for each Market Participant and contains data for all 

of the Operating Days settled, either on an initial, final or resettlement basis, during the invoice 

period.  

 

Settlement Location 

A location of finest granularity for calculation of Day-Ahead Market and Real-Time Balancing 

Market settlements. 

 

Settlement Statement 

A daily summary of the Integrated Marketplace total daily charges and payments by charge type, 

Asset Owner and Operating Day. 

 

Simultaneous Feasibility Test 

A test for a state in which each set of injections and withdrawals associated with Auction 

Revenue Rights and Transmission Congestion Rights would not exceed any thermal, voltage, or 

stability limits within the Transmission System under normal operating conditions or for 

monitored contingencies. 

 

Shadow Price 

A price for a commodity that measures the marginal value of the commodity. 

 

Spinning Reserve 

The portion of Contingency Reserve consisting of Resources synchronized to the system and 

fully available to serve load within the Contingency Reserve Deployment Period following a 

contingency event. 

 

Spinning Reserve Offer 

The price at which a Spin Qualified Resource has agreed to sell Spinning Reserve. 

 



 

 

 

 

Spin Qualified Resource 

A Resource that has met the requirements to be eligible to submit Spinning Reserve Offers into 

the Energy and Operating Reserve Markets. 

 

SPP Holidays 

New Year's Day, President's Day, Memorial Day, Independence Day, Labor Day, Thanksgiving 

Day, Day After Thanksgiving, Christmas Eve, Christmas Day. 

 

SPP Region 

As defined in Section 1 of the Tariff. 

 

Start-Up Offer  

The compensation required by a Market Participant for bringing an off line Resource on line or 

for reducing consumption of a Dispatchable Demand Response Resource or Block Demand 

Response Resource. 

 

Start-Up Time 

The time required to start a Resource and reach the Minimum Economic Capacity Operating 

Limit following receipt of a Commitment Instruction to start-up from the Transmission Provider. 

 

State Estimator 

A standard industry tool that produces a power flow model based on available Real-Time 

metering information, information regarding the current status of lines, generators, transformers, 

and other equipment, bus load distribution factors, and a representation of the electric network, 

to provide a complete description of system conditions, including conditions at busses for which 

Real-Time information is unavailable. 

 

Supplemental Qualified Resource 

A Resource that has met the requirements to be eligible to submit Supplemental Reserve Offers 

into the Energy and Operating Reserve Markets. 

 



 

 

 

 

Supplemental Reserve 

The portion of Operating Reserve consisting of on-line Resources or off-line Resources capable 

of being synchronized to the system that is fully available to serve load within the Contingency 

Reserve Deployment Period following a contingency event. 

 

Supplemental Reserve Offer 

The price at which a Supplemental Qualified Resource has agreed to sell Supplemental Reserve. 

 

Synchronized Resource 

A Resource that is electrically connected to the grid as evidenced by the closing of the Resource 

circuit breaker. 

 

Sync-To-Min Time 

The time required for a Resource’s output to reach Minimum Economic Capacity Operating 

Limit following synchronization to the grid. 



 

 

1.1 Definitions T 

Through Interchange Transaction 

A Market Participant schedule submitted between two External Interfaces for use in the Day-

Ahead Market or Real-Time Balancing Market for moving Energy through the SPP Balancing 

Authority Area. 

 

Transmission Congestion Right (“TCR”) 

A right that entitles the holder to be compensated or charged for congestion in the Day-Ahead 

Market between two Settlement Locations. 

 

Transmission Congestion Rights Markets (“TCR Markets”) 

The annual and monthly Transmission Congestion Rights auctions and the Auction Revenue 

Rights annual and monthly allocation processes. 

 

Transmission Customer 

As defined in Section 1 of the Tariff. 

 

Transmission Provider 

As defined in Section 1 of the Tariff. 

 

Transmission Service 

As defined in Section 1 of the Tariff. 

 

Transmission System 

As defined in Section 1 of the Tariff. 

 

Tariff 

The Transmission Provider’s Open Access Transmission Tariff. 



 

 

1.1 Definitions U 

Uninstructed Resource Deviation (“URD”) 

The Megawatt amount by which a Resource’s actual output in a Dispatch Interval is above or 

below that Resource’s average Setpoint Instruction in the Dispatch Interval. 



 

 

1.1 Definitions V 

Variable Energy Resource 

A Resource powered solely by wind, solar Energy, run-of-river hydro or other unpredictable fuel 

source that is beyond the control of the Resource operator. 

 

Violation Relaxation Limit (“VRL”) 

The values described under Section 8.3.2 of this Attachment AE. 

 

Virtual Energy Bid 

A proposal by a Market Participant to purchase Energy at a specified price, Settlement Location 

and period of time in the Day-Ahead Market that is not associated with a physical load. 

 

Virtual Energy Bid Curve 

A set of price/quantity pairs that consists of Megawatt and dollars per Megawatt hour with up to 

ten (10) price/quantity pairs. 

 

Virtual Energy Offer 

A proposal by a Market Participant to sell Energy at a specified price, Settlement Location and 

period of time in the Day-Ahead Market that is not associated with a physical Resource. 



 

 

2.0 Market Participant Obligations 

 



 

 

2.1 Service Agreement 

 Each Market Participant must execute the Service Agreement specified in 

Attachment AH.  If the Market Participant fails or refuses to execute this service 

agreement, the Transmission Provider will file an unexecuted agreement with the 

Commission in accordance with Section 2.2(6) of this Attachment AE. 



 

 

2.2 Application and Asset Registration 

(1) Applications for a Market Participant to provide services in the Integrated 

Marketplace must be submitted to the Transmission Provider prior to the expected 

date of participation consistent with Section 6.4 of the Market Protocols.  

Applications must conform to the procedures specified in the Market Protocols 

and may be rejected if not complete. New Market Participants will follow the 

timeframe as specified in Section 6.4 of the Market Protocols in addition to the 

detailed model update timing requirements in Appendix E of the Market 

Protocols. 

(2) As part of the application process, Market Participants must register all Resources 

and load, including applicable load associated with Grandfathered Agreements 

(―GFAs‖), Non-Conforming Load and Demand Response Load with the 

Transmission Provider in accordance with the registration process specified in the 

Market Protocols.  Both Non-Conforming Load and Demand Response Load may 

only be associated with a single Price Node. 

(3) Market Participants may elect to define a single Settlement Location that 

aggregates multiple Meter Data Submittal Locations associated with their load 

assets. 

(4) In addition to the responsibilities described in Section 4.1.2 of this Attachment 

AE and under the Market Protocols, Market Participants wishing to model each 

participant’s share of a Jointly Owned Unit as a separate Resource must choose 

one of the two options described below and provide the specified additional 

information.  A Resource registered as a combined cycle Resource may not 

register as a Jointly Owned Unit. 

(a) Individual Resource Option 

Under the individual Resource option, each participant’s share is 

modeled as a separate Resource for the purposes of commitment and 

dispatch and each Resource may be committed independent of the other 

Resource shares.  In order to qualify for this option, each Market 

Participant must register its share and certify that it is greater than or equal 



 

 

 

 

to the minimum physical capacity operating limit of the physical Jointly 

Owned Unit. 

The operating owner’s Meter Agent will be the Meter Agent for 

that Jointly Owned Unit unless each individual Jointly Owned Unit 

participant registers a Meter Agent for its share of the Resource. 

Unless otherwise agreed to by the Jointly Owned Unit participants, 

the operating owner will be responsible for submitting the following data: 

 Jointly Owned Unit maximum physical capacity operating 

limit;  

 Jointly Owned Unit minimum physical capacity operating 

limit; and 

 Maximum physical ten (10) minute response from an off-

line state. 

(b) Combined Resource Option 

Under the combined Resource option each participant’s share is 

modeled and must be registered as a separate Resource.  Under this option, 

the commitment decision is made assuming that all Resource shares must 

be committed or none at all.  Once committed, each share is dispatched 

independently.  This option must be selected if the eligibility criteria stated 

under the individual Resource option cannot be met. 

The operating owner’s Meter Agent will be the Meter Agent for 

that Jointly Owned Unit unless each individual Jointly Owned Unit 

participant registers a Meter Agent for its share of the Resource. 

Unless otherwise agreed to by the Jointly Owned Unit participants, 

the operating owner will be responsible for submitting the following data: 

 Jointly Owned Unit maximum physical capacity operating 

limit;  

 Jointly Owned Unit minimum physical capacity operating 

limit;  

 Maximum physical ten (10) minute response from an off-

line state; and 

 Participant share percentage by Market Participant. 



 

 

 

 

(5) Market Participants may modify their registered assets in accordance with the 

asset registration procedures specified in the Market Protocols. 

(6) All loads and all Resources, excluding Behind-The-Meter Generation less than 10 

Megawatts (―MWs‖), must register.  Failure or refusal to register a Resource will 

result in the Transmission Provider filing an unexecuted version of the service 

agreement as specified in Attachment AH of this Tariff for that Resource with the 

Commission under the name of the generation interconnection customer under an 

interconnection agreement with the Transmission Provider or the applicable 

Transmission Owner.  In the case of a Qualifying Facility exercising its rights 

under PURPA to deliver all of its net output to its host utility, such registration 

will not require the Qualifying Facility to participate in the Energy and Operating 

Reserve Markets or subject the Qualifying Facility to any charges or payments 

related to the Energy and Operating Reserve Markets. 

(7) A Market Participant wishing to Offer an External Resource in the Energy and 

Operating Reserve Markets will utilize an External Resource Pseudo-Tie in 

accordance with Attachment AO.  In addition to the responsibilities outlined in 

Attachment AO, the Market Participant registering the External Resource will be 

responsible for registering and performing all responsibilities that are required of 

Resources in the Energy and Operating Reserve Markets. 

(8) A Market Participant wishing to offer controllable load as a Demand Response 

Resource in the Energy and Operating Reserve Markets must include in its 

application and registration a certification that participation in the Energy and 

Operating Reserve Markets by its Demand Response Resource is not precluded 

under the laws or regulations of the relevant electric retail regulatory authority. 

Consistent with Section 2.8 of this Attachment, an aggregator of retail customers 

wishing to offer Demand Response Load in the form of a Demand Response 

Resource on behalf of one or more retail customers must also include in its 

application and registration a certification that participation of each retail 

customer is either: (1) not precluded by the laws or regulations of the relevant 

electric retail regulatory authority if the customer is served by a utility that 

distributed more than 4 million MWh in the previous fiscal year; or (2) 



 

 

 

 

affirmatively permitted by the laws or regulations of the relevant electric retail 

regulatory authority if the customer is served by a utility that distributed 4 million 

MWh or less in the previous fiscal year.  Demand Response Resources must meet 

all application, registration and technical requirements applicable to the Energy 

and Operating Reserve Markets.  The Transmission Provider is not responsible for 

interpreting the laws or regulations of a relevant electric retail regulatory authority 

and shall be required only to verify that the Market Participant has included such 

a certification in its application materials.  The Transmission Provider is not liable 

or responsible for Market Participants participating in the Energy and Operating 

Reserve Markets in violation of any law or regulation of a relevant electric retail 

regulatory authority including state-approved retail tariff(s). 

(9) An aggregator of retail customers offering Demand Response Load of one or 

more end-use retail customers as a Demand Response Resource in the Energy and 

Operating Reserve Markets must be a Market Participant, satisfying all 

registration and certification requirements applicable to Market Participants as 

well as certification consistent with Section 2.8 of this Attachment. 

(10) A wind-powered Variable Energy Resource with an interconnection agreement 

executed after May 21, 2011 must register as a Dispatchable Variable Energy 

Resource.  Variable Energy Resources with fuel sources other than wind may 

optionally register as a Dispatchable Variable Energy Resource.  Otherwise, 

Variable Energy Resources must register as Non-Dispatchable Variable Energy 

Resources.    



 

 

2.3 Market Manipulation 

 Market Participants shall not engage in any market manipulation activities.  Such 

actions or transactions that are without a legitimate business purpose and that are 

intended to, or foreseeably could, manipulate market prices, market conditions, or market 

rules for electric energy or electric products are prohibited.  Such activities include, but 

shall not be limited to, the activities specified in Attachment AG. 



 

 

2.4 Commitment and Dispatch 

Market Participants shall, where applicable: 

(1) Follow the Transmission Provider’s Commitment Instructions and Dispatch 

Instructions as described under this Attachment AE;  

(2) Abide by the procedures set forth in the Market Protocols. 



 

 

2.5 Provision of Load and Generation Data 

 Market Participants, or their designated Meter Agent, shall submit to the 

Transmission Provider data for the Operating Day representing the actual generation 

output and actual load consumption, or where actual data is not available, estimates 

thereof, associated with their registered load and Resources in accordance with the 

timelines specified in the Market Protocols.  A Market Participant may designate any 

qualified entity to perform the Meter Agent function or perform this function on its own 

behalf. 

 Any entity performing the Meter Agent function for a Market Participant must 

execute the Meter Agent Agreement specified in Attachment AM prior to performing 

such function. 



 

 

2.6 Dispatchable Demand Response Resource 

In addition to the responsibilities described in Section 4.1.2 of this Attachment 

AE and under the Market Protocols, Market Participants registering a Dispatchable 

Demand Response Resource must: 

(1) Identify an associated Demand Response Load Meter Data Submittal Location; 

(2) Identify an associated Dispatchable Controllable Load Settlement Location; 

(3) Specify one of the following two options for calculation of the Dispatchable 

Demand Response Resource output as described in Section 4.1.2 of this 

Attachment AE: 

(a) Submitted Resource production option; or 

(b) Calculated Resource production option.  

 

The Transmission Provider will notify the applicable retail provider and the 

relevant electric retail regulatory authority of the registration and the expected MW level 

of participation. 



 

 

2.7 Block Demand Response Resource 

 In addition to the responsibilities described in Section 4.1.2 of this Attachment 

AE and under the Market Protocols, Market Participants registering a Block Demand 

Response Resource must:  

(1) Identify an associated Demand Response Load Meter Data Submittal Location; 

and 

(2) Identify an associated Block Controllable Load Settlement Location 

 

 The Transmission Provider will notify the applicable retail provider and the 

relevant electric retail regulatory authority of the registration and the expected MW level 

of participation. 



 

 

2.8 Aggregators of Retail Customers 

(1) An aggregator of retail customers offering a Block Demand Response Resource 

or a Dispatchable Demand Response Resource associated with one or more end-

use retail customers in the Energy and Operating Reserve Markets must be a 

Market Participant, satisfying all registration and certification requirements 

applicable to Market Participants. 

(2) For purposes of participation in the Energy and Operating Reserve Markets, an 

aggregator of retail customers may aggregate Block Controllable Load or 

Dispatchable Controllable Load of: (1) End-use retail customers of utilities that 

distributed more than 4 million MW hours (―MWh‖) in the previous fiscal year, 

unless precluded by the laws or regulations of the relevant electric retail 

regulatory authority including state-approved retail tariff(s); and (2) End-use retail 

customers of utilities that distributed 4 million MWh or less in the previous fiscal 

year, where the relevant electric retail regulatory authority, including any state-

approved retail tariff(s), affirmatively permits such customer’s demand response 

to be offered into the Energy and Operating Reserve Markets by an aggregator of 

retail customers.  Aggregators of retail customers shall be treated comparably to 

other Market Participants offering Resources in the Energy and Operating 

Reserve Markets.  

Aggregations pursuant to this section shall be subject to the following 

requirements: 

(a) End-use customers aggregated into a single Dispatchable Demand 

Response Resource or a single Block Demand Response Resource must be 

located at the same electrically equivalent withdrawal point from the 

Transmission System and must be served by the same retail provider; 

(b) All end-use customers in an aggregation shall be specifically identified. 

(c) For a Block Demand Response Resource or a Dispatchable Demand 

Response Resource of an aggregator of retail customers that chooses to 

measure demand reductions using the calculated Real-Time response 

methodology, a single hourly baseline for each registered Resource shall 



 

 

 

 

be used to determine settlements pursuant to Section 8 of this Attachment 

AE. 



 

 

2.9 Combined Cycle Resource 

Market Participants registering Resources with combined cycle capability as described in 

Section 4.1.2.2 of this Attachment AE shall select only one configuration during market 

registration.  Market Participants that jointly participate in a combined cycle Resource 

that desire to use the Jointly Owned Unit modeling options described under Section 

2.2(4) of this Attachment AE must register as a Jointly Owned Unit and cannot register 

the Resource as a combined cycle Resource.  Modifications to Resource configurations 

may be made in accordance with timing requirements defined in the Market Protocols. 



 

 

2.10 Operating Reserve Certification 

 In order to be eligible to submit Operating Reserve Offers, a Market Participant’s 

Resource must meet the certification requirements in the Subsections below. 



 

 

2.10.1 Spin Qualified Resources 

 There are no specific testing requirements for a Resource to become a Spin 

Qualified Resource.  A Market Participant will self-certify that its Resource is capable of 

deploying Spinning Reserve or on-line Supplemental Reserve during the registration 

process.  In such case, that Resource will become a Spin Qualified Resource.  The 

Transmission Provider may perform, at its discretion, Contingency Reserve deployment 

tests, as described in the Market Protocols, in order to verify that any cleared Spinning 

Reserve or on-line Supplemental Reserve is capable of being deployed.  Such 

Contingency Reserve deployment tests may also test deployment of Spinning Reserve or 

on-line Supplemental Reserve resulting from a Reserve Sharing Event. 

 If the Resource deploys less than seventy-five percent (75%) of the MW 

deployment instruction, the Resource has failed the test and the Resource will not be 

eligible for compensation for out-of-merit Energy (―OOME‖) and the maximum online 

Contingency Reserve available for sale in the Integrated Marketplace shall be limited to 

the actual MW deployed during the test.  Such restriction shall continue to apply until the 

Resource passes a retest.  The Market Participant representing the Resource must obtain 

Transmission Provider approval regarding the timing of a retest and the Resource will not 

be eligible for compensation for OOME as a result of the retest. 



 

 

2.10.2 Supplemental Qualified Resources 

 There are no specific testing requirements for an off-line Resource to become a 

Supplemental Qualified Resource.  A Market Participant will self-certify that its off-line 

Resource is capable of deploying Supplemental Reserve during the registration process.  

In such case, that Resource will become a Supplemental Qualified Resource.  The 

Transmission Provider may perform, at its discretion, Contingency Reserve deployment 

tests, as described in the Market Protocols, in order to verify that any cleared 

Supplemental Reserve is capable of being deployed. Such Contingency Reserve 

deployment tests may also test deployment of off-line Supplemental Reserve resulting 

from a Reserve Sharing Event 

 If the Resource deploys less than seventy-five percent (75%) of the MW 

deployment instruction, the Resource has failed the test and the Resource will not be 

eligible for Reliability Unit Commitment (―RUC‖) make whole payment compensation 

and the maximum off-line Supplemental Reserve available for sale in the Integrated 

Marketplace shall be limited to the actual MW deployed during the test.  Such restriction 

shall continue to apply until the Resource passes a retest.  The Market Participant 

representing the Resource must obtain Transmission Provider approval regarding the 

timing of a retest and the Resource will not be eligible for RUC make whole payment 

compensation as a result of the retest. 



 

 

2.10.3 Regulation Qualified Resources 

 The specific testing procedures for a Resource to become a Regulation Qualified 

Resource, Regulation-Up Qualified Resource or Regulation-Down Qualified Resource 

are described in the Market Protocols and are coordinated by the Transmission Provider 

under the following guidelines: 

(1) A resource may be certified as a Regulation Qualified Resource, Regulation-Up 

Qualified Resource or Regulation-Down Qualified Resource only after it achieves 

three consecutive regulation test scores of seventy-five percent (75%) or above 

where the calculation of the regulation test score is defined in the Market 

Protocols; 

(2) The first of these tests may be performed internally by the Market Participant.  

Notification to perform a regulation test must be made to the Transmission 

Provider at least twenty (20) minutes before the test;  

(3) The Transmission Provider makes the final determination about whether a 

regulation test can be performed; 

(4) Only one test may be performed on a Resource each Operating Day; 

(5) The Transmission Provider may perform a regulation test on any Regulation 

Qualified Resource, Regulation-Up Qualified Resource or Regulation-Down 

Qualified Resource to verify continued certification; 

(6) The Transmission Provider may disqualify a previously qualified resource for 

persistent failure to follow regulation deployment instructions as described in the 

Market Protocols.  A Market Participant may request a re-test if the Resource was 

disqualified as a Regulation Qualified Resource, Regulation-Up Qualified 

Resource or Regulation-Down Qualified Resource.  The Resource must attain a 

test score of seventy-five percent (75 %) or greater in order to be re-qualified. 

(7) After initial certification, a compliance rating of seventy-five percent (75%) or 

above must be maintained where the compliance rating calculation is defined in 

the Market Protocols. 



 

 

2.11 Must-Offer Requirement 



 

 

2.11.1 Day-Ahead Market 

Each Market Participant must offer sufficient Resources to the Day-Ahead Market 

to cover its load plus Operating Reserve obligation to the extent its Resources are 

available. 

(1) A Market Participant’s load for purposes of this section shall be equal to that 

Market Participant’s expected daily peak load for the Operating Day as estimated 

by the Market Participant. 

(2) A Market Participant’s daily Operating Reserve obligation shall be equal to the 

sum of that Market Participant’s maximum daily Regulation-Up, Regulation-

Down and Contingency Reserve obligations as estimated by the Transmission 

Provider in accordance with Section 3.1.4(3) if this Attachment AE. 



 

 

2.11.2 Reliability Unit Commitment and the Real-Time Balancing Market 

For the RUC processes and RTBM, Market Participants must submit Resource 

Offers for all Resources to the extent these Resources are available.  Market Participants 

must include in their Resource Offers the full amount of physical capacity available as 

reflected in the Resource’s submitted Maximum Normal Capacity Operating Limit and 

Maximum Emergency Capacity Operating Limit. 



 

 

2.12 Non-Conforming Load 

Market Participants must: 

(1) Provide hourly estimates of their registered Non-Conforming Load to the 

Transmission Provider no later than 1700 hours Day-Ahead for the remainder of 

the Operating Day and for the next six (6) Operating Days; 

(2) Update their submitted Non-Conforming Load estimates on a five (5) minute 

rolling ten (10) minute ahead basis;  

(3) Provide the Transmission Provider with actual Non-Conforming Load data in 

Real-Time to the extent that telemetering is available.   



 

 

2.13 Market Protocols and SPP Criteria 

Market Participants must comply with the requirements and procedures described 

in the Transmission Provider’s Tariff, the Market Protocols and the SPP Criteria. 



 

 

3.0 Transmission Provider Rights and Obligations 



 

 

3.1 Transmission Provider Scope of Services 

The Transmission Provider shall perform the services pertaining to the Integrated 

Marketplace specified in this Tariff, including, but not limited to, the following. 

(1) Develop and maintain rules, practices and procedures for the Integrated 

Marketplace. 

(2) Operate and administer the Integrated Marketplace, 

In addition, the Transmission Provider, in its functional entity roles as the 

Reliability Coordinator, Balancing Authority, Transmission Service Provider, Planning 

Coordinator, Reserve Sharing Group Administrator, Interchange Authority and Market 

Operator shall act in compliance with and perform such functional entity roles as defined 

by NERC in the Reliability Functional Model. 



 

 

3.1.1 Market Hub Establishment and Modification 

The Transmission Provider must establish and maintain at least one Market Hub 

in accordance with the provisions of this section.  In addition, the Transmission Provider 

may establish additional Market Hubs.  The Transmission Provider shall review the 

proposed establishment, modification or deletion of a Market Hub with stakeholders.  

The Markets and Operations Policy Committee will consider the proposed establishment, 

modification or deletion of a Market Hub and will provide its own recommendation 

regarding such action to the SPP Board of Directors for review and approval.  After the 

start of the Integrated Marketplace, the Transmission Provider shall post any approved 

establishment, modification or deletion of a Market Hub at least six (6) months prior to 

the proposed effective date. 

The Transmission Provider shall maintain and facilitate the use of a Market Hub 

or Market Hubs for the Day-Ahead Market and the RTBM, comprised of a set of nodes 

within the SPP Balancing Authority Area, which nodes shall be identified by the 

Transmission Provider on the Portal.  The Transmission Provider shall use the following 

criteria to establish Market Hubs: 

(1) Each Market Hub shall contain a sufficient number of nodes to ensure that a 

Market Hub Locational Marginal Price (―LMP‖) can be calculated for that Market 

Hub at all times; 

(2) Each Market Hub shall contain a sufficient number of nodes to ensure that the 

unavailability of, or an adjacent line outage to, any one node or set of nodes 

would have only a minor impact on the Market Hub LMP;  

(3) Each Market Hub shall consist of nodes with a relatively high rate of service 

availability; and 

(4) Each Market Hub shall consist of nodes among which Transmission Service is 

relatively unconstrained. 



 

 

3.1.2 Forecasting 

(1) The Transmission Provider shall develop load forecasts for the SPP Balancing 

Authority Area for use in the RUC processes and RTBM.  The Transmission 

Provider shall adjust such forecasts in order to remove average system losses prior 

to execution of the market applications in order for the dispatch to properly reflect 

the treatment of marginal losses.  

(2) The Transmission Provider shall develop output forecasts for wind powered 

Variable Energy Resources as defined in the Market Protocols for use in the RUC 

processes and RTBM.    



 

 

3.1.3 Reserve Zone Establishment 

(1) The Transmission Provider shall establish Reserve Zones on a semiannual basis to 

ensure the deliverability of cleared Operating Reserve throughout the SPP 

Balancing Authority Area. 

(2) The Transmission Provider shall identify the need for Reserve Zones within the 

SPP Balancing Authority Area through Reserve Zone studies that identify 

constrained areas that may require a minimum amount of Operating Reserve 

procurement and/or that may be limited to a maximum amount of Operating 

Reserve procurement to ensure system-wide procurement of Operating Reserve is 

deliverable when deployed. 

(3) The Transmission Provider may add or reconfigure a Reserve Zone between 

semiannual updates to address significant changes in system conditions that 

would cause adverse reliability impacts absent the Reserve Zone addition or 

reconfiguration. 



 

 

3.1.4 Operating Reserve Requirements 

The Transmission Provider shall calculate the amount of Operating Reserves 

required for the Operating Day, on both a system-wide and Reserve Zone basis, in order 

to comply with the reliability requirements specified in the SPP Criteria.  The 

Transmission Provider shall, on a daily basis: 

(1) Calculate the hourly Regulation-Up, Regulation-Down and Contingency Reserve 

requirements on an SPP Balancing Authority Area basis and post such results by 

0700 hours Day-Ahead for use in the Day-Ahead Market, Day-Ahead RUC, Intra-

Day RUC and RTBM; 

(2) Calculate the total minimum and total maximum Operating Reserve requirement 

for Operating Reserve deployment in the up direction and for deployment of 

Operating Reserve in the down direction for each Reserve Zone.  The 

Transmission Provider may, at its option, set specific Regulation-Up and/or 

Spinning Reserve minimum requirements for each Reserve Zone, as needed, to 

address reliability issues that can only be alleviated through carrying 

synchronized reserves.  In such cases, the Transmission Provider will include 

these minimum Regulation-Up and/or Spinning Reserve requirements when 

posting the Operating Reserve requirements by 0700 Day-Ahead;  

(3) Estimate each Market Participant’s Operating Reserve obligation in each Reserve 

Zone and provide such information to Market Participants by 0700 hours Day-

Ahead.  The Transmission Provider shall calculate such estimates by multiplying 

the system-wide Operating Reserve requirements calculated in (1) above by the 

Transmission Provider’s estimate of each Market Participant’s load in each 

Reserve Zone divided by the Transmission Provider’s estimate of system-wide 

load; and 

(4) The Transmission Provider may increase Operating Reserve requirements for the 

Day-Ahead RUC, Intra-Day RUC and RTBM above the requirements used in the 

Day-Ahead Market, including changes to Reserve Zone minimums and 

maximums, as required to meet increases in reliability requirements caused by 

changes in system conditions. 



 

 

3.1.5 Outage Scheduling and Reporting 

The Transmission Provider is responsible for coordinating and approving the 

scheduling of outages on all transmission and generation facilities in the Transmission 

System.  Procedures regarding submittal of requested transmission and generation 

outages and reporting of unplanned outages through the Transmission Provider’s outage 

scheduler are described in Appendix 12 to the SPP Criteria.  The Transmission Provider 

shall approve all requested outages to the extent that such outage requests can be 

accommodated reliably.  To the extent that granting a requested outage would cause a 

reliability issue on the Transmission System, the Transmission Provider may deny the 

request.  When the Transmission Provider denies an outage request, the Transmission 

Provider shall recommend an alternative timeframe within which the outage can be 

accommodated reliably.    



 

 

3.2 Market Protocols 

 The Transmission Provider shall prepare, maintain and update the Market 

Protocols consistent with this Tariff.  The Market Protocols shall be posted on the 

Transmission Provider’s website. 



 

 

3.3 Integrated Marketplace Operations 

 The Transmission Provider shall evaluate Offers and Bids submitted by Market 

Participants for use in the Day-Ahead Market and Offers submitted for use in the Day-

Ahead RUC to ensure sufficient Resources are committed to meet the SPP Balancing 

Authority Area projected load and Operating Reserve requirements for the upcoming 

Operating Day.  For the Intra-Day RUC, the Transmission Provider shall evaluate Offers 

to ensure sufficient Resources are committed to meet the SPP Balancing Authority Area 

projected load and Operating Reserve requirements throughout the Operating Day.  In 

performing these processes, the Transmission Provider shall commit Resources on a least 

cost security constrained basis and shall clear Energy and Operating Reserve in the Day-

Ahead Market on the basis of security constrained economic dispatch (―SCED‖) in 

accordance with Sections 5 and 6 of this Attachment AE. 

 Throughout the execution of the RTBM, the Transmission Provider shall dispatch 

Energy and clear Operating Reserve on Resources on the basis of SCED as described 

under Section 6 of this Attachment AE. 

The Transmission Provider shall conduct the annual Auction Revenue Right (―ARR‖) 

allocation, annual TCR auction, monthly TCR auction and monthly incremental ARR 

allocation in accordance with Section 7 of this Attachment AE. 



 

 

3.4 Violation Relaxation Limit Reporting 

 Each year, prior to November 1, the Transmission Provider will provide analysis 

as well as a set of proposed Violation Relaxation Limits (―VRLs‖) for review by the 

applicable working groups and committees as described in the Market Protocols.  Each 

year by November 1, VRLs and their associated values shall be reviewed and approved 

by the SPP Board of Directors.  Any changes to the VRLs or associated values must be 

approved by the Commission prior to their implementation.  The most recent 

Commission approved VRLs and their associated values are listed in Addendum 1 to this 

Attachment AE. 

 



 

 

3.5 Integrated Marketplace Pricing 

 The Transmission Provider shall calculate Day-Ahead Market and RTBM LMPs 

for Energy at each Settlement Location. 

 The Transmission Provider shall calculate the Reserve Zone Market Clearing 

Prices (―MCPs‖) for Regulation-Up, Regulation-Down, Spinning Reserve and 

Supplemental Reserve for the Day-Ahead Market and RTBM. 

 The Transmission Provider shall calculate annual and monthly Auction Clearing 

Prices (―ACPs‖) at each Settlement Location. 



 

 

3.6 Integrated Marketplace Settlements 

 For both the Day-Ahead Market and the RTBM, the Transmission Provider shall 

calculate Energy and Operating Reserve settlement quantities at each Settlement 

Location, calculate charges and payments associated with the provision of Energy and 

Operating Reserve based upon the settlement quantities and the associated LMPs and 

MCPs for each Asset Owner and render invoices to Market Participants detailing net 

charges or payments associated with provision of Energy and Operating Reserve. 

 The Transmission Provider shall calculate charges and payments to ARR and 

TCR holders based upon the ARRs determined in the annual allocation and TCRs cleared 

in the annual and monthly TCR auctions.  Such charges and payments shall be included 

on the Settlement Statements consistent with the timing of the Day-Ahead Market 

settlement and RTBM settlement. 



 

 

3.7 Integrated Marketplace Participation Readiness 

 The Transmission Provider shall validate each Market Participant’s ability to 

provide services for which the Market Participant has registered in the Integrated 

Marketplace.  Such validation shall include verification that the Market Participant has 

met the technical and communications requirements specified in the Market Protocols 

and has met the credit requirements specified under Attachment X of this Tariff. 



 

 

4.0 Pre-Day-Ahead Period Activities 



 

 

4.1 Offer Submittal 

Beginning seven (7) days prior to the Operating Day, Market Participants may 

begin to submit Offers for use in the Day-Ahead Market and Offers for use in the RTBM.  

Day-Ahead Market Offers may be updated up to 1100 hours Day-Ahead and RTBM 

Offers may be updated thirty (30) minutes prior to each Operating Hour.  Offer 

submittals shall conform to the following: 

(1) Offers submitted in the Day-Ahead Market are independent from Offers 

submitted in the RTBM; 

(2) Market Participants may specify that the Offers submitted in the Day-Ahead 

Market also apply in the RTBM; 

(3) Submitted Resource Offers will automatically roll forward hour to hour until 

changed within each respective market; 

(4) Offers may be submitted that vary for each hour of the Operating Day, except the 

Offer parameters related to unit commitment as defined in the Market Protocols 

for which a single value is submitted.  These unit commitment Offer parameters 

will automatically roll forward in each hour until updated; 

(5) Offers submitted for use in the RTBM are also used in the RUC; 

(6) Resource Offers may only be submitted at Resource Settlement Locations, Import 

Interchange Transaction Offers may only be submitted at External Interface 

Settlement Locations and Virtual Energy Offers may be submitted at any 

Settlement Location, including a Market Hub; 

(7) For Regulation Qualified Resources and Regulation-Up Qualified Resources, 

Market Participants may submit Resource Offers for Regulation-Up, Spinning 

Reserve and Supplemental Reserve.  For Regulation-Down Qualified Resources 

and Regulation Qualified Resources, Market Participants may submit Resource 

Offers for Regulation-Down.  For Spin Qualified Resources, Market Participants 

may submit Resource Offers for Spinning Reserve and Supplemental Reserve.  

For Supplemental Qualified Resources, Market Participants may submit Resource 

Offers for Supplemental Reserve.  Resource qualifications are verified by the 

Transmission Provider as part of the registration process as follows: 



 

 

 

 

(a) A Regulation Qualified Resource, Regulation-Up Qualified Resource or 

Regulation-Down Qualified Resource must pass a specific regulation test 

as defined in Section 2.10.3 of this Attachment AE and must be capable of 

deploying one hundred percent (100%) of cleared Regulation-Up and/or 

Regulation-Down within the Regulation Response Time for a continuous 

duration of sixty (60) minutes and provide telemetered output data that 

meets the technical requirements specified in the Market Protocols. 

(b) A Spin Qualified Resource must self-certify that the Resource is capable 

of deploying one hundred percent (100%) of cleared Spinning Reserve or 

cleared Supplemental Reserve within the Contingency Reserve 

Deployment Period for a continuous duration of sixty (60) minutes and 

provide telemetered output data that meets the technical requirements 

specified in the Market Protocols. 

(c) A Supplemental Qualified Resource must self-certify that the Resource is 

capable of deploying one hundred percent (100%) of cleared 

Supplemental Reserve from an off-line state within the Contingency 

Reserve Deployment Period for a continuous duration of sixty (60) 

minutes and provide telemetered output data that meets the technical 

requirements specified in the Market Protocols. 

(8) Resource Offers are limited by the Offer caps and floors specified in Section 4.1.1 

of this Attachment AE; 

(9) The Resource Offer parameters that constitute a valid Offer for use in either the 

Day-Ahead Market or RTBM are submitted using the data formats, procedures, 

and information defined in the Market Protocols and will include the following 

(as further defined in the Market Protocols): 

 Resource Name 

 Resource Type 

 Start-up Offer 

 No-Load Offer 

 Energy Offer Curve 

 Regulation–Up and Regulation-Down Offers 



 

 

 

 

 Spinning and Supplemental Reserve Offers 

 Sync-To-Min and Min-To-Off Times 

 Start-Up Time 

 Hot to Intermediate and Hot to Cold Times 

 Maximum Daily and Weekly Starts 

 Maximum Daily Energy 

 Maximum and Minimum Run Times 

 Minimum Down Time 

 Minimum Emergency Capacity Operating Limit and Run Time 

 Minimum Normal, Economic, and Regulation Capacity Operating Limits 

 Maximum Normal, Economic, and Regulation Capacity Operating Limits 

 Maximum Emergency Capacity Operating Limits and Run Time 

 Maximum Quick-Start Response Limit 

 Ramp-Rate-Up and Ramp-Rate-Down 

 Turn-Around Ramp Rate Factor 

 Regulation Ramp Rate 

 Contingency Reserve Ramp Rate 

 Resource Status 

 JOU Ownership Share 

(10) Market Participants must specify a Resource commitment status as part of the 

Resource Offer using the data formats, procedures, and information defined in the 

Market Protocols.  Market Participants use the commitment status to indicate; 

(a) Whether they are self-committing a Resource; 

(b) Whether the Resource may be committed by the Transmission Provider;   

(c) Whether the Resource may be committed by the Transmission Provider 

only to alleviate an anticipated Emergency Condition or local reliability 

issue; or 

(d) Whether the Resource is unavailable. 

(11) Market Participants must specify a Resource dispatch status as part of the 

Resource Offer using the data formats, procedures and information defined in the 



 

 

 

 

Market Protocols.  Market Participants use the dispatch status to notify the 

Transmission Provider whether the Resource is: 

(a) Eligible for Energy Dispatch; 

(b) Eligible for Operating Reserve clearing; or 

(c) Self-scheduled for Operating Reserve. 

(12) Resource limits submitted as part of the Resource Offer must pass the validation 

rules defined in the Market Protocols, otherwise, the Resource Offer will be 

rejected; and 

(13) The Market Participant must comply with the must-offer requirements as defined 

in Section 2.11 of this Attachment AE. 



 

 

4.1.1 Offer Caps and Floors 

Submission of Energy Offer Curves and Operating Reserve Offers by Market 

Participants for use in the Day-Ahead Market and the RTBM shall be limited by the 

following Offer caps and floors: 

(1) Safety-net Energy Offer cap = $1,000/MWh; 

(2) Regulation Offer cap = $500/MW; 

(3) Contingency Reserve Offer cap = $100/MW; 

(4) Energy Offer floor = Negative $500/MWh; 

(5) Regulation Offer floor = Negative $500/MW; 

(6) Contingency Reserve Offer floor = Negative $100/MW; 

In addition to these Offer caps and floors, submission of Offers may be limited by 

the requirements of Attachment AF of this Tariff. 



 

 

4.1.2 Additional Provisions for Non-Traditional Resources 

4.1.2.1  Demand Response Resources 

(1) Dispatchable Demand Response Resource - A Dispatchable Demand Response 

Resource is modeled in the Commercial Model the same as any other Resource, 

except that the Settlement Location associated with the Dispatchable Demand 

Response Resource must contain the Price Node associated with the Demand 

Response Load.  The Market Participant must submit the Real-Time value of the 

Demand Response Load to the Transmission Provider via telemetering that meets 

the technical requirements specified in the Market Protocols.  A Dispatchable 

Demand Response Resource may select one of two options for reporting of the 

actual Dispatchable Demand Response Resource output: 

(a) Submitted Resource production option: 

The Dispatchable Demand Response Resource output is sent directly to 

the Transmission Provider by the Market Participant via telemetering for 

Real-Time operational purposes and the Meter Agent submits either five 

(5) minute or hourly actual output values to the Transmission Provider for 

use in settlements.  The submitted Resource production option is only 

allowed for Demand Response Resources that are utilizing strictly Behind-

The-Meter Generation to provide the response, or Demand Response 

Resources where the Market Participant is offering the Resource under a 

retail tariff provision that includes near Real-Time measurement and 

verification terms. 

(b) Calculated Resource production option: 

(i)  For each Dispatch Interval in each hour in which the Demand 

Response Resource has been committed, the Demand Response 

Resource output for Real-Time operational purposes is calculated 

by the Transmission Provider as the greater of zero (0) or the 

difference between: 

 The lesser of the Real-Time consumption of the Demand 

Response Load associated with the Demand Response 



 

 

 

 

Resource in the Dispatch Interval immediately preceding 

initial deployment of the Demand Response Resource or 

the hourly baseline as described in (3) below for the hour, 

and 

 The actual value of the associated Demand Response Load 

received via telemetering. 

(ii) For each Dispatch Interval in each hour in which the Demand 

Response Resource has been committed, the Demand Response 

Resource output for settlement purposes is calculated by the 

Transmission Provider as the maximum of zero (0) or the 

difference between: 

 The lesser of the Real-Time consumption of the Demand 

Response Load associated with the Demand Response 

Resource in the Dispatch Interval immediately preceding 

initial deployment of the Demand Response Resource or 

the hourly baseline as described in (3) below for the hour, 

and 

 The actual value of the associated Demand Response Load 

received from the Meter Agent either on a five (5) minute 

basis or an hourly basis. 

(2) Block Demand Response Resource – A Block Demand Response Resource is 

modeled in the Commercial Model the same as any other Resource except that the 

Settlement Location associated with the Block Demand Response Resource must 

contain the Price Node associated with the Demand Response Load.  The Market 

Participant must submit the Real-Time value of the Demand Response Load to the 

Transmission Provider via telemetering that meets the technical requirements 

specified in the Market Protocols.  All Block Demand Response Resources will 

use the calculated Resource production option, described in Section 4.1.2.1(1)(b) 

above, to determine the amount of Real-Time Resource production and actual 

Resource production. 



 

 

 

 

(a) If the Block Demand Response Resource is committed and dispatched in 

the Day-Ahead Market, Day-Ahead RUC or Intra-Day RUC, the Block 

Demand Response Resource’s Minimum Economic Capacity Operating 

Limit will be increased in the RTBM to match the dispatched amount. 

Spinning Reserve or Supplemental Reserve will be allowed to clear above 

minimum output if the Block Demand Response Resource is a Spin 

Qualified Resource and Supplemental Reserve will be allowed to clear 

above minimum output if the Block Demand Response Resource is a 

Supplemental Qualified Resource. 

(b) Spinning Reserve and/or Supplemental Reserve clearing will be based 

upon submitted ramp rates for the Block Demand Response Resource, the 

submitted Spinning Reserve Offer, the Supplemental Reserve Offer and 

the Block Demand Response Resource’s Maximum Economic Capacity 

Operating Limit. 

(3) Hourly Baseline 

(a) The Market Participant must submit an hourly baseline for the Demand 

Response Load indicating the level of energy consumption expected at 

that location in MWh if the Demand Response Resource is not dispatched.  

The baseline must cover, at a minimum, all hours the Resource is 

submitting Offers for in the Energy and Operating Reserve Markets.  This 

baseline must be submitted by 1100 hours on the day prior to the 

Operating Day and may be updated up to thirty (30) minutes in advance of 

the operating hour.  The baseline should be based on the average of the 

hourly integrated Controllable Load for the same hours in the last 30 

calendar days when the Resource was not dispatched, adjusted by the 

Market Participant as necessary to account for changes in the expected 

level of energy consumption by the Controllable Load. 

(b) If there have been deviations in hourly integrated metered load from the 

hourly baseline during periods when the Resource was not dispatched the 

hourly baseline will be adjusted as follows by the Transmission Provider 

prior to the calculation of the Demand Response Load.  If the average of 



 

 

 

 

the hourly deviation between integrated metered load and submitted 

hourly baseline for the hours in the last thirty (30) calendar days when the 

Resource was not dispatched is more than five percent (5%) below the 

hourly baseline, the hourly baseline will be adjusted by the average 

deviation.  The Transmission Provider will perform this assessment each 

day and notify the Market Participant of any adjustment. 

4.1.2.2 Combined Cycle Resource  

Market Participants shall select from one of the three following options 

regarding submitting Resource Offers for their registered combined cycle 

Resources, which will be declared during asset registration as described under 

Sections 2.2 and 2.9 of this Attachment AE: 

(1) A Resource Offer may be submitted for a single aggregate combined cycle 

Resource, where the aggregate will represent a Market Participant selected 

operating configuration of combustion turbines and steam turbines.  Under 

this option, the combined cycle Resource will be committed, dispatched 

and settled the same as any other Resource; or 

(2) A Resource Offer may be submitted for each combined cycle Resource 

combustion turbine and/or steam turbine and each component will be 

committed and dispatched independently and settled the same as any other 

single Resource; or 

(3) A Resource Offer may be submitted for each pseudo combined cycle 

Resource, where each pseudo combined cycle Resource will represent the 

combination of one combustion turbine and a portion of the steam turbine.  

Under this option, each pseudo combined cycle Resource must be capable 

of being committed and dispatched independently the same as any other 

Resource and each pseudo combined cycle Resource will be settled the 

same as any other Resource. 

4.1.2.3  Jointly Owned Unit  



 

 

 

 

Each Market Participant may submit Resource Offers for its share of the 

Jointly Owned Unit.  Offer parameters must meet the following criteria in order to 

be accepted as valid Offers: 

(1) The sum of the Maximum Emergency Capacity Operating Limits of all 

shares of the Jointly Owned Unit must be less than or equal to the Jointly 

Owned Unit maximum physical capacity operating limit; 

(2) The sum of the Minimum Emergency Capacity Operating Limits of all 

shares of the Jointly Owned Unit must be greater than or equal to the 

Jointly Owned Unit minimum physical capacity operating limit; and  

(3) The sum of the Maximum Quick Start Response Limits of all shares of the 

Jointly Owned Unit must be less than or equal to the Jointly Owned Unit 

maximum physical ten (10) minute response from an off-line state. 

Commitment of individual Jointly Owned Unit shares that have registered under 

the individual Resource option will be evaluated by security constrained unit 

commitment (―SCUC‖) based on the individually submitted Offers for each 

Jointly Owned Unit share. 

Commitment of Jointly Owned Unit shares that have registered under the 

combined Resource option will be evaluated by SCUC based on a combination of 

the individually submitted Offers for each Jointly Owned Unit share and the 

commitment related Offer parameters submitted by the designated Market 

Participant that apply to the entire Jointly Owned Unit given the additional 

constraint that if one of the Jointly Owned Units is committed, all Resource shares 

for each Jointly Owned Unit must be committed.  This rule also applies to 

clearing of Supplemental Reserve from off-line Quick-Start Resources. 

4.1.2.4  Dispatchable Variable Energy Resource   

Each Market Participant may submit Resource Offers for Dispatchable 

Variable Energy Resources using the same Offer parameters available to any 

other Resource, except that:  

(1) The minimum operating limits specified in the Resource Offer must be 

equal to zero; 



 

 

 

 

(2) The maximum operating limits submitted in the Resource Offer for use in 

the Day-Ahead Market, the Day-Ahead RUC and the Intra-Day RUC for a 

wind powered Dispatchable Variable Energy Resource shall be calculated 

by the Transmission Provider as equal to the lesser of the submitted 

maximum operating limits or the Transmission Provider’s output forecast 

for that Resource; 

(3) For  Dispatchable Variable Energy Resources with a maximum capability 

of less than two-hundred (200) MWs, submitted ramp rates multiplied by 

five (5) cannot exceed forty (40) MWs;  

(4) For Dispatchable Variable Energy Resources with a maximum capability 

of greater than two-hundred (200) MWs, submitted ramp rates multiplied 

by five (5) cannot exceed twenty percent (20%) of the maximum 

capability;  

(5) For the RTBM, during times when the Transmission Provider issues a 

Dispatch Instruction to a Dispatchable Variable Energy Resource to 

reduce output, the Resource’s Setpoint Instruction shall be equal to the 

sum of the Resource’s Dispatch Instruction and any Regulation-Down 

deployment, even if the Market Participant has indicated that the Resource 

is not dispatchable; and    

(6) For the RTBM, during times when the Transmission Provider issues a 

Dispatch Instruction to a Dispatchable Variable Energy Resource to 

increase output and has issued a Dispatch Instruction in the previous 

Dispatch Interval to reduce output, the Transmission Provider shall 

calculate the Resource maximum operating limit to be equal to the lesser 

of:  

(a) The Transmission Provider’s Dispatchable Variable Energy 

Resource output forecast for that Resource; or 

(b) The sum of the Dispatch Instruction issued in the previous 

Dispatch Interval and five (5) times the Resource’s ramp rate. 



 

 

 

 

Otherwise, the Resource’s maximum operating limit for use in the current 

Dispatch Interval shall be equal to the Resource’s actual output at the start of the 

Dispatch Interval. 

4.1.2.5  Non-Dispatchable Variable Energy Resource   

Each Market Participant may submit Resource Offers for Non-

Dispatchable Variable Energy Resources using the same Offer parameters 

available to any other Resource, except that 

(1) For the RTBM, the Resource’s Energy Offer Curve shall not apply;  

(2) For the RTBM, the Resource’s Dispatch Instruction shall be equal to the 

Resource’s actual output at the start of the Dispatch Interval and the 

Resources must operate as non-dispatchable; and 

(3) Resource Energy Offer Curve prices shall be assumed equal to zero (0) for 

the purposes of calculating production costs relating to RUC make whole 

payments and cost allocation thereof under Sections 8.6.5 and 8.6.7 of this 

Attachment AE.    



 

 

4.2 Provisions for Non-Resource Related Offers 



 

 

4.2.1 Virtual Energy Offers 

(1) Virtual Energy Offers are submitted in the Day-Ahead Market only. 

(2) A Virtual Energy Offer consists of an Energy Offer Curve only. 

(3) A Market Participant may submit no more than one Virtual Energy Offer for itself 

at each Settlement Location for each Operating Hour.  Where a Market 

Participant represents multiple Asset Owners, the Market Participant may submit 

no more than one Virtual Energy Offer for each Asset Owner it represents at each 

Settlement Location for each Operating Hour. 

(4) Each Market Participant submitting Virtual Energy Offers shall be subject to a 

transaction fee for each Virtual Energy Offer submitted as described under 

Section 8.5.17 of this Attachment AE. 



 

 

4.2.2 Import Interchange Transaction Offers  

(1) The MW amount of Import Interchange Transactions will be limited on a 

Dispatch Interval basis by the amount of the Transmission Provider system 

ramping capability available.  A Market Participant must use the Transmission 

Provider ramp reservation system as described in the Market Protocols to ensure 

there is sufficient ramp to accommodate its transaction.  An Import Interchange 

Transaction Offer must have an associated Transmission Service reservation.  

There are three types of Import Interchange Transaction Offers: 

(a) A fixed Offer – Specifies a MW amount that will be cleared regardless of 

the price at the External Interface Settlement Location.  If the fixed Import 

Interchange Transaction is submitted for use in the Day-Ahead Market, it 

will be cleared in the Day-Ahead Market and automatically roll forward as 

a fixed schedule for use in RUC and the RTBM.  If specified for use in the 

RTBM only, the fixed Import Interchange Transaction will be considered 

a fixed schedule for the Day-Ahead RUC, Intra-Day RUC and RTBM. 

(b) A Dispatchable Offer - Specifies both a MW amount and a minimum 

dollars per MW hour price that the Market Participant must be paid if the 

transaction clears the Day-Ahead Market.  Dispatchable Offers are only 

available for use in the Day-Ahead Market and cannot be submitted for 

use in the RTBM.  If the transaction clears the Day-Ahead Market, it 

automatically rolls forward as a fixed schedule for use in Day-Ahead 

RUC, Intra-Day RUC and the RTBM.  Any adjustment to the schedule 

will be settled in the RTBM as a deviation from the Day-Ahead Market 

schedule. 

(c) An up-to-transmission usage charge Offer - Specifies both a MW amount 

and the combined maximum amount of congestion cost and marginal loss 

cost between the specified Source and Sink Settlement Location that the 

Market Participant is willing to pay if the transaction clears the Day-

Ahead Market.  Up-to-transmission usage charge Offers are only available 

for use in the Day-Ahead Market and cannot be submitted for use in the 

RTBM.  If the transaction clears the Day-Ahead Market, it automatically 



 

 

 

 

rolls forward as a fixed schedule for use in the Day-Ahead RUC, Intra-

Day RUC and RTBM.  Any adjustment to the schedule will be settled in 

the RTBM as a deviation from the Day-Ahead Market schedule. 

4.2.2.1 External Operating Reserve 

  Market Participant’s may purchase Operating Reserve from sources external to 

the SPP Balancing Authority Area to meet their Operating Reserve obligations in 

accordance with the technical requirements and operating procedures specified in the 

Market Protocols. 



 

 

4.3 Bid Submittal 

(1) Beginning seven (7) days prior to the Operating Day, Market Participants may 

submit Demand Bids and Virtual Energy Bids for the purchase of Energy in the 

Day-Ahead Market. 

(2) Beginning seven (7) days prior to the Operating Day, Market Participants may 

submit Export Interchange Transaction Bids for the purchase of Energy in the 

Day-Ahead Market or RTBM. 

(3) Submitted Bids do not roll forward hour to hour. 

(4) Demand Bids may only be submitted at load Settlement Locations. 

(5) Export Interchange Transaction Bids may only be submitted at External Interface 

Settlement Locations. 

(6) Virtual Energy Bids may be submitted at any Settlement Location. 



 

 

4.3.1 Demand Bids 

(1) Only Market Participants with registered physical load assets may submit 

Demand Bids for use in the Day-Ahead Market. 

(2) A Market Participant can submit Demand Bids only at Settlement Locations 

where its physical load assets are registered. 

(3) A fixed Demand Bid is a specified MW that will be cleared in the Day-Ahead 

Market regardless of the price at the load Settlement Location based on the start 

and stop time submitted for the applicable Operating Day. 

(4) A price sensitive Demand Bid is specified as a Demand Bid Curve.  A price 

sensitive Demand Bid will clear only if the price at the load Settlement Location 

is less than or equal to the specified Demand Bid Curve price within the specified 

start and stop time submitted for the applicable Operating Day with the highest 

Megawatt quantity submitted in the Demand Bid Curve representing the 

maximum Megawatt amount that can be cleared. 



 

 

4.3.2 Virtual Energy Bids 

(1) Virtual Energy Bids may be submitted in the Day-Ahead Market only. 

(2) Virtual Energy Bids only apply to Energy, are not associated with a physical load 

asset and can be submitted at any Settlement Location in the form of a Virtual 

Energy Bid Curve. 

(3) A Market Participant may submit no more than one Virtual Energy Bid at each 

Settlement Location for each Operating Hour.  Where a Market Participant 

represents multiple Asset Owners, the Market Participant may submit no more 

than one Virtual Energy Bid for each Asset Owner it represents at each Settlement 

Location for each Operating Hour. 

(4) Each Market Participant submitting Virtual Energy Bids shall be subject to a 

transaction fee for each Virtual Energy Bid submitted as described under Section 

8.5.17 of this Attachment AE. 



 

 

4.3.3 Export Interchange Transaction Bids 

(1) Market Participants may submit bids to purchase Energy from the Day-Ahead 

Market for sale outside of the SPP Balancing Authority Area.  A Market 

Participant must reserve Transmission Service prior to submittal of the Bid.  

There are three types of Export Interchange Transaction Bids: 

(a) A fixed Bid: 

 Specifies a MW amount that will be cleared regardless of the price at the 

External Interface Settlement Location.  If the fixed Export Interchange 

Transaction is submitted for use in the Day-Ahead Market, it will be 

cleared in the Day-Ahead Market and automatically roll forward as a fixed 

schedule for use in RUC and the RTBM.  If specified for use in the RTBM 

only, the fixed Export Interchange Transaction will be considered a fixed 

schedule for the Day-Ahead RUC, Intra-Day RUC and RTBM; 

(b) A dispatchable Bid: 

 Specifies both a MW amount and a maximum price that the Market 

Participant is willing to pay if the transaction clears the Day-Ahead 

Market.  Dispatchable Bids are only available for use in the Day-Ahead 

Market and cannot be submitted for use in the RTBM only.  If the 

transaction clears the Day-Ahead Market, it automatically rolls forward as 

a fixed schedule for use in the Day-Ahead RUC, Intra-Day RUC and the 

RTBM.  Any adjustment to the schedule will be settled in the RTBM as a 

deviation from the Day-Ahead Market schedule; and 

(c) An up-to transmission usage charge Bid: 

 Specifies both a MW amount and the combined maximum amount of 

congestion cost and marginal loss cost the Market Participant is willing to 

pay if the transaction clears the Day-Ahead Market.  Up-to transmission 

usage charge Bids are only available for use in the Day-Ahead Market.  If 

the transaction clears the Day-Ahead Market, it automatically rolls 

forward as a fixed schedule for use in the Day-Ahead RUC, Intra-Day 

RUC and RTBM.  Any adjustment to the schedule will be settled as a 

deviation in the RTBM from the Day-Ahead Market schedule. 



 

 

 

 

(2) The total MW amount of Export Interchange Transactions is limited on a 

Dispatch Interval basis by the amount of the Transmission Provider system 

ramping capability available.  A Market Participant must use the Transmission 

Provider ramp reservation system as described in the Market Protocols to ensure 

there is sufficient ramp to accommodate its transaction. 

(3) An Export Interchange Transaction Bid is eligible to reduce a Market 

Participant’s Supplemental Reserve obligation subject to meeting the eligibility 

requirements under subsections (a) through (c) below.  The reduction to a Market 

Participant’s Supplemental Reserve obligation will be the lesser of (i) the 

reduction in the system requirement based on the delivery of reserve energy 

provided by the curtailment of the export schedule as determined by the 

Transmission Provider; or (ii) the Market Participant’s Supplemental Reserve 

obligation.  The reduction, if applied, will be proportional to the Market 

Participant’s zonal Supplemental Reserve obligations, 

(a) The Export Interchange Transaction Bid must be fixed and submitted for 

use in the Day-Ahead Market and cannot be submitted for use in the 

RTBM only; 

(b) The Export Interchange Transaction must be fully recallable within a ten 

(10) minute period for the amount of Supplemental Reserve specified;  

(c) Supplemental Reserve supplied by an Export Interchange Transaction in 

excess of the Market Participant’s Supplemental Reserve obligation within 

the applicable Reserve Zone will not be eligible for payment; and 

(d) Provision of Supplemental Reserve from an Export Interchange 

Transaction Bid is limited to Export Interchange Transactions associated 

with DC tie-lines. 



 

 

4.4 Through Interchange Transactions 

 Market Participants may submit Through Interchange Transactions in the Day-

Ahead Market, RTBM or both.  A Market Participant must reserve Transmission Service 

prior to submittal of the schedule in accordance with the procedures specified in the 

OATT Business Practices in an amount sufficient to cover the request.  There are two 

types of Through Interchange Transactions: 

(1) Fixed transaction: 

Defines a specific MW amount that will be cleared regardless of the price at either 

of the External Interface Settlement Locations.  If submitted for use in the Day-

Ahead Market, a fixed Through Interchange Transaction will automatically roll 

forward as a fixed schedule for use in RUC and the RTBM.  If submitted for use 

in the RTBM, the fixed Through Interchange Transaction will clear in the RTBM 

and will be considered a fixed schedule for use in the Day-Ahead RUC and the 

Intra-Day RUC; and 

(2) Up-to transmission usage charge transaction: 

Specifies both a specific MW amount and the combined maximum amount of 

congestion cost and marginal loss cost the Market Participant is willing to pay if 

the transaction clears the Day-Ahead Market.  Up-to transmission usage charge 

Through Interchange Transactions are only available for use in the Day-Ahead 

Market.  If the transaction clears the Day-Ahead Market, it will automatically roll 

forward as a fixed schedule for use in the Day-Ahead RUC, the Intra-Day RUC 

and the RTBM. 



 

 

4.5 Multi-Day Reliability Assessment 

 The Multi-Day Reliability Assessment identifies Resources that must be given 

Commitment Instructions prior to completion of the Day-Ahead RUC in order for such 

Resources to be available in the applicable Operating Day.  Each day, the Transmission 

Provider will perform a Multi-Day Reliability Assessment for at least three (3) days prior 

to the Operating Day, to assess capacity adequacy for each Operating Day.  The purpose 

of the Multi-Day Reliability Assessment is to evaluate the need to issue Commitment 

Instructions to start-up for Resources that cannot be committed in the Day-Ahead RUC 

because of their long lead times. 



 

 

4.5.1 Multi-Day Reliability Assessment Inputs 

Inputs to the Multi-Day Reliability Assessment will include the following: 

(1) RTBM Resource Offers; 

(2) Estimated fixed Export Interchange Transaction Bids; 

(3) Estimated fixed Import Interchange Transaction Offers; 

(4) Estimated Operating Reserve requirements (system-wide and Reserve Zone 

minimum and maximum) based on historical requirements; 

(5) Transmission Provider load forecast; 

(6) Transmission Provider wind Resource MWh output forecast; 

(7) Transmission Provider’s estimate of Parallel Flows; 

(8) Transmission System topology with approved Transmission System outages; and 

(9) Actual and approved scheduled Resource outages as documented in the 

Transmission Provider’s outage scheduler. 



 

 

4.5.2 Multi-Day Reliability Assessment Analysis 

Using the inputs described above, the Transmission Provider will perform a 

capacity adequacy analysis for the upcoming Operating Day as follows: 

(1) The Transmission Provider will calculate a Transmission Provider system 

requirement for each hour of the Operating Day as the sum of (a) Transmission 

Provider load forecast, (b) fixed Interchange Transaction Bids, (c) Regulation-Up 

requirement and (d) the Contingency Reserve requirement in each hour reduced 

by the wind Resource output forecast; 

(2) The Transmission Provider will then calculate available Resource capacity in each 

hour as the sum of (a) Maximum Emergency Capacity Operating Limit for 

Resources other than long lead time Resources that are not on an approved 

Transmission Provider outage as submitted as part of the Resource Offer and (b) 

fixed Import Interchange Transaction Offers;  

(3) For each hour of the Operating Day, the Transmission Provider will then compare 

the values calculated under (1) above and (2) above.  If in any hour of the 

Operating Day, the values calculated under (1) above exceed the values calculated 

under (2) above, the Transmission Provider will commit available long lead time 

Resources on an economic basis to eliminate the deficiency as follows: 

(a) For each available long lead time Resource, the Transmission Provider 

will calculate a commitment cost in dollars that is equal to: 

(i) The sum of 1) the Resources Start-Up Offer, 2) the Resource’s No-

Load Offer multiplied by the greater of the Resource’s Minimum 

Run Time (in hours) or the number of hours the Resource would be 

committed ignoring the Minimum Run Time, and 3) the Resources 

average cost to operate at Minimum Economic Capacity Operating 

Limit, as calculated from the Resource’s Energy Offer Curve, 

multiplied by the greater of the Resource’s Minimum Run Time (in 

hours) or the number of hours the Resource would be committed 

ignoring the Minimum Run Time. 



 

 

 

 

(ii) The Transmission Provider will then create a merit order list 

starting with the least cost Resource based upon the commitment 

cost calculated in (i) above.  The Transmission Provider will then 

select Resources for commitment in merit order until sufficient 

capacity is committed to relieve the anticipated capacity shortage 

with the objective of minimizing the total capacity committed to 

meet the anticipated shortage at the lowest overall commitment 

cost. 

(4) In additional to the analysis in (3) above, the Transmission Provider may also 

commit long lead time Resources to address Transmission System related 

reliability problems.  The Transmission Provider will select such Resources for 

commitment using the methodology described in (3) above except that the merit 

order list of available Resources will be limited to specific Resources that are in 

the needed geographic location. 



 

 

4.5.3 Multi-Day Reliability Assessment Results 

The Transmission Provider will communicate the Commitment Instructions 

resulting from the Multi-Day Reliability Assessment to the affected Market Participants.  

At the time of this notification, the submitted Offers become binding and the selected 

Resource(s) Offers are committed in the Day-Ahead Market.  Multi-Day Reliability 

Assessment Resources committed by the Transmission Provider will be eligible for Day-

Ahead Market make whole payment guarantees. 



 

 

5.0 Day-Ahead Period Activities 



 

 

5.1 Day-Ahead Market 

The Transmission Provider shall conduct the Day-Ahead Market beginning at 

1100 hours Day-Ahead as described in the Subsections below.  Offers and Bids must be 

submitted by 1100 hours Day-Ahead.  The Transmission Provider shall post the Day-

Ahead Market results by 1600 hours Day-Ahead.  The Transmission Provider may extend 

these times to account for unforeseen circumstances and, under such circumstances, the 

Transmission Provider shall notify Market Participants of any such timing delays. 



 

 

5.1.1 Day-Ahead Market Inputs 

Inputs to the Day-Ahead Market will include the following:  

(1) Day-Ahead Market Resource Offers, Virtual Energy Offers, Demand Bids and 

Virtual Energy Bids; 

(2) Resource Offers for long lead time Resources selected by the Transmission 

Provider for commitment during the Multi-Day Reliability Assessment process; 

(3) Through Interchange Transactions with confirmed Transmission Service 

reservations; 

(4) Export Interchange Transaction Bids with confirmed Transmission Service 

reservations; 

(5) Import Interchange Transaction Offers with confirmed Transmission Service 

reservations; 

(6) Operating Reserve requirements (system-wide and Reserve Zone minimum and 

maximum); 

(7) Transmission System topology consistent with the Network Model in place for 

the upcoming Operating Day; 

(8) Actual and approved scheduled Transmission System outages as documented in 

the Transmission Provider’s outage scheduler; 

(9) Actual and approved scheduled Resource outages as documented in the 

Transmission Provider’s outage scheduler; and 

(10) The Transmission Provider’s estimate of Parallel Flows. 



 

 

5.1.2 Day-Ahead Market Execution 

The Transmission Provider will employ a simultaneous co-optimization 

methodology to perform the following tasks in order to clear the Day-Ahead Market for 

each hour of the upcoming Operating Day: 

(1) Commit Offered Resources, Import Interchange Transaction Offers and Virtual 

Energy Offers using the SCUC algorithm to meet the Demand Bids, Virtual 

Energy Bids, Export Interchange Transactions Bids and Operating Reserve 

requirements on a least cost basis for each hour of the upcoming Operating Day. 

(a) The Day-Ahead Market SCUC algorithm will initially consider 

commitment of Resources not specified for reliability only use as 

described in Section 4.1(10)(c) of this Attachment AE, including 

Resources committed in the Multi-Day Reliability Assessment, up to the 

Resources’ Maximum Economic Capacity Operating Limit or Maximum 

Regulation Capacity Operating Limit if selected for Regulation-Up, and 

down to the Resources’ Minimum Economic Capacity Operating Limit or 

Minimum Regulation Capacity Operating Limit if selected for Regulation-

Down. 

(i) If this capacity is not sufficient to meet the fixed Demand Bids and 

fixed Export Interchange Transaction Bids plus Operating Reserve 

requirements on a system-wide basis, the Day-Ahead Market 

SCUC algorithm will, in priority order: (1) curtail non-firm fixed 

Export Interchange Transaction Bids until the capacity shortage is 

eliminated; and (2) incorporate capacity up to Resources’ 

Maximum Emergency Capacity Operating Limits and/or commit 

Resources designated as reliability only use, as described in 

Section 4.1(10)(c) of this Attachment AE, on an economic basis 

until the capacity shortage is eliminated while attempting to 

maintain the Regulation-Up requirement to the extent possible . 

(ii) If there is a capacity surplus on a system-wide basis calculated as 

the sum of self-committed capacity at minimum output, fixed 

Import Interchange Transaction Offers and the Regulation-Down 



 

 

 

 

requirement that is in excess of the sum of fixed Demand Bids and 

fixed Export Interchange Transaction Bids, the Day-Ahead Market 

SCUC algorithm will, in priority order: (1) curtail non-firm fixed 

Import Interchange Transaction Offers until the capacity surplus is 

eliminated; and (2) incorporate capacity down to Resources’ 

Minimum Emergency Capacity Operating Limits for Resources 

not selected for Regulation-Down until the capacity surplus is 

eliminated. 

(b) To the extent that a particular reliability issue cannot be directly addressed 

within the Day-Ahead Market SCUC algorithm as described under 

Subsections (i) and (ii) above, the Transmission Provider may manually 

commit Resources to alleviate such reliability issues.  The Transmission 

Provider will re-run the Day-Ahead SCUC algorithm after such manual 

commitments, time permitting, and will notify the Market Participants that 

units were manually committed.   

(2) Using the Resource commitment results from the SCUC, clear Resource Offers, 

Virtual Energy Offers and Import Interchange Transaction Offers to meet 

Demand Bids, Virtual Energy Bids, Export Interchange Transaction Bids and 

Operating Reserve requirements on a least cost basis for each hour of the 

upcoming Operating Day using the SCED algorithm. 

(a) The SCED algorithm includes marginal loss sensitivity factors that 

approximate the change in marginal system losses for a change in Energy 

dispatch. 

(b) In certain situations, enforcing constraints may result in a solution that is 

not feasible at a Shadow Price less than an appropriately priced VRL.  In 

such cases, the Transmission Provider must apply VRLs in SCED as 

described in Section 8.3.2 of this Attachment AE. 

(c) The SCED algorithm will include product substitution logic as follows to 

clear Operating Reserve Offers: 

(i) Any Regulation-Up Offers remaining once the Regulation-Up 

Requirement is satisfied may be used to meet Contingency Reserve 



 

 

 

 

requirements if Regulation-Up Offer is more economic or is 

required to meet the overall Operating Reserve requirement;  

(ii) Any Spinning Reserve Offers remaining once the Spinning 

Reserve Requirement is satisfied may be used to meet 

Supplemental Reserve requirements if Spinning Reserve Offer is 

more economic or is required to meet the overall Operating 

Reserve requirement; and 

(iii) The product substitution logic ensures that the MCP for 

Regulation-Up is always greater than or equal to the Spinning 

Reserve MCP and that the Spinning Reserve MCP is always 

greater than or equal to the Supplemental Reserve MCP. 

(d) Use of co-optimization logic will provide, through the Shadow Price 

calculation, MCPs for Operating Reserve that include any lost opportunity 

costs incurred as a result of Operating Reserve clearing. 

5.1.2.1 Clearing During Capacity Shortage 

(1) In the event of an Operating Reserve shortage in any hour that is not due to ramp 

limitations, Scarcity Pricing shall be implemented. 

(2) In the event of a capacity shortage to meet the fixed Demand Bids and fixed firm 

Export Interchange Transactions in any hour, the fixed Demand Bids and fixed 

firm Export Interchange Transactions will be reduced on a pro-rata reduction 

basis based on the fixed MW amounts to match the available capacity and 

Scarcity Pricing shall be implemented. 

(3) The Transmission Provider may implement sharing of ramping capability 

between Energy and Operating Reserve product clearing to ensure, to the extent 

possible, that short-term ramping deficiencies from hour to hour do not initiate 

Scarcity Pricing as described in Section 8.3.4.2(2) of this Attachment AE.  To the 

extent that ramp sharing is implemented, it shall remain in effect in all hours of 

the Day-Ahead Market, in order to clear sufficient amounts of Energy, 

Regulation-Up and Spinning Reserve to meet the requirements.  The 

Transmission Provider will not implement ramp sharing that will result in the 



 

 

 

 

inability to meet applicable NERC reliability standards and control performance 

requirements. 

(4) If a transmission constraint cannot be relieved due to a shortage of capacity in any 

hour, the SCED algorithm will clear the bid-in demands on a pro-rata basis based 

upon the impact on relieving the constraint. 

5.1.2.2 Clearing During Excess Generation Conditions 

In the event the sum of the Minimum Emergency Capacity Operating Limits on 

self-committed Resources plus the Regulation-Down requirement is in excess of the 

cleared bid-in demands in any hour, the SCED algorithm will reduce Resources on a pro-

rata reduction basis such that the resulting sum of minimum limits matches the bid-in 

demand.  LMPs will be set by the Offer prices associated with Energy down to the 

Minimum Emergency Capacity Operating Limit to the extent that the Regulation-Down 

requirement can be maintained.  If the actions under Section 5.1.2(1)(a)(ii) above create a 

Regulation-Down shortage during any hour either on a system-wide basis or Reserve 

Zone basis, the MCPs for Regulation-Down will reflect Scarcity Prices and LMPs will 

reflect negative Scarcity Prices as set by the Regulation-Down Demand Curve price 

described under Section 8.3.4.2 of this Attachment AE. 



 

 

5.1.3 Day-Ahead Market Results 

No later than 1600 hours Day-Ahead, the Transmission Provider will notify each 

Market Participant of the Day-Ahead Market results for each hour of the Operating Day. 

The following results are communicated to each Market Participant for only its 

specific Resources: 

(1) Cleared Resource Offers for Energy, Regulation-Up, Regulation-Down, Spinning 

Reserve or Supplemental Reserve; 

(a) Cleared Offers for Energy associated with Resource Offers represent a 

physical Resource commitment. 

(b) Resources committed by the Transmission Provider in the Day-Ahead 

Market that incur one or more start-up costs within the Operating Day as a 

result of the Transmission Provider Day-Ahead Market commitment are 

guaranteed to receive revenues that are at least equal to the Resource Offer 

costs for the cleared amount of Energy, Regulation-Up, Regulation-Down 

Spinning Reserve or Supplemental Reserve for that Resource. 

(2) Cleared Virtual Energy Offers; 

(3) Cleared Import Interchange Transaction Offers; 

(4) Cleared Demand Bids; 

(5) Cleared Virtual Energy Bids; 

(6) Cleared Export Interchange Transaction Bids; and 

(7) Cleared Through Interchange Transactions. 

 

The following results are communicated to all Market Participants:  

(1) LMPs for each Settlement Location, the marginal Energy component (―MEC‖) of 

the LMP, the Marginal Congestion Component (―MCC‖) of the LMP and the 

Marginal Loss Component (―MLC‖) of the LMP for each Settlement Location; 

and 

(2) MCPs for Regulation-Up, Regulation-Down, Spinning Reserve and Supplemental 

Reserve for each Reserve Zone. 



 

 

5.2 Day-Ahead Reliability Unit Commitment 

At 1700 hours Day-Ahead or one hour following the posting of the Day-Ahead 

Market results, whichever is later, the Transmission Provider will begin the Day-Ahead 

RUC to assess capacity adequacy during the Operating Day.    



 

 

5.2.1 Day-Ahead Reliability Unit Commitment Inputs 

Inputs to the Day-Ahead RUC will include the following:  

(1) RTBM Resource Offers; 

(2) Confirmed cleared Export Interchange Transaction Bids from the Day-Ahead 

Market; 

(3) Confirmed cleared Import Interchange Transaction Offers from the Day-Ahead 

Market; 

(4) Confirmed cleared Through Interchange Transactions from the Day-Ahead 

Market; 

(5) Confirmed Export Interchange Transactions specified for use in the RTBM only; 

(6) Confirmed Import Interchange Transactions specified for use in the RTBM only; 

(7) Confirmed Through Interchange Transactions specified for use in the RTBM 

only; 

(8) Operating Reserve requirements (system-wide and Reserve Zone minimum and 

maximum); 

(9) Transmission Provider load forecast; 

(10) Transmission System topology consistent with Network Model in place for the 

upcoming Operating Day; 

(11) Resource commitment schedules from the Day-Ahead Market unless the 

Transmission Provider is informed by the Market Participant that the Resource is 

unable to meet its Day-Ahead Market cleared Resource Offers.; 

(12) Commitment schedules for long lead time Resources selected in the Multi-Day 

Reliability Assessment unless the Transmission Provider is informed by the 

Market Participant that the Resource is unable to meet its commitment schedule; 

(13) The Transmission Provider’s wind Resource MWh output forecast; 

(14) Actual and approved scheduled Transmission System outages as documented in 

the Transmission Provider’s outage scheduler; 

(15) Actual and approved scheduled Resource outages as documented in the 

Transmission Provider’s outage scheduler; and 

(16) The Transmission Provider’s estimate of Parallel Flows. 



 

 

5.2.2 Day-Ahead Reliability Unit Commitment Execution 

The Transmission Provider will perform a capacity adequacy analysis for the 

upcoming Operating Day using the SCUC algorithm with the objective of committing 

Resources to meet the Transmission Provider load forecast and Operating Reserve 

requirements over the Operating Day such that commitment costs are minimized while 

adhering to Transmission System security constraints and the Resource operating 

parameter constraints submitted as part of the RTBM Offers. 

(1) Commitment costs used in the SCUC are defined as Start-Up Offer, No-Load 

Offer and incremental cost to operate at minimum output as defined in the 

submitted Energy Offer Curve. 

(2) The SCUC algorithm will initially consider commitment of Resources not 

specified for reliability only use as described in Section 4.1(10)(c) of this 

Attachment AE, up to the Resources’ Maximum Economic Capacity Operating 

Limit or Maximum Regulation Capacity Operating Limit if selected for 

Regulation-Up, and down to the Resources’ Minimum Economic Capacity 

Operating Limit or Minimum Regulation Capacity Operating Limit if selected for 

Regulation-Down. 

(a) If this capacity is not sufficient on a system-wide basis to meet the 

Transmission Provider load forecast plus Operating Reserve requirements, 

the SCUC algorithm will, in priority order: (1) Curtail non-firm fixed 

Export Interchange Transaction Bids until the capacity shortage is 

eliminated; and (2) Incorporate capacity up to Resources’ Maximum 

Emergency Capacity Operating Limits and/or commit Resources 

designated as reliability only use, as described in Section 4.1(10)(c) of this 

Attachment AE, on an economic basis until the capacity shortage is 

eliminated while attempting to maintain the Regulation-Up requirement, 

to the extent possible. 

(b) If there is a capacity surplus on a system-wide basis calculated as the sum 

of self-committed capacity at minimum output, fixed Import Interchange 

Transaction Offers and the Regulation-Down requirement that is in excess 

of the sum of the Transmission Provider load forecast and fixed Export 



 

 

 

 

Interchange Transaction Bids, the SCUC algorithm will, in priority order: 

(1) curtail non-firm fixed Import Interchange Transaction Offers until the 

capacity surplus is eliminated; (2) incorporate capacity down to 

Resources’ Minimum Emergency Capacity Operating Limits for 

Resources not selected for Regulation-Down until the capacity surplus is 

eliminated; (3) de-commit Resources that were committed by the 

Transmission Provider in the Day-Ahead Market that were not self-

committed until the capacity surplus is eliminated; and (4) de-commit self-

committed Resources until the capacity surplus is eliminated. 

(3) To the extent that a particular Transmission System security constraint cannot be 

directly addressed within the SCUC algorithm, the Transmission Provider may 

manually commit Resources and/or decommit self-committed Resources to 

alleviate such a Transmission System security constraint in accordance with its 

authority as Reliability Coordinator. 



 

 

5.2.3 Day-Ahead Reliability Unit Commitment Results 

No later than 2000 hours or three (3) hours following the start of the Day-Ahead 

RUC, whichever is later, the Transmission Provider shall communicate the following 

results to Market Participants.  The Transmission Provider will update the Current 

Operating Plan, if needed, and issue start-up and/or shut-down orders simultaneously, 

which may occur anytime after 2000 hours.  The Day-Ahead RUC results include: 

(1) For any future hours in which the Transmission Provider anticipates an 

emergency situation, the Transmission Provider shall notify all Market 

Participants identifying: the hours in which the emergency capacity of any 

Resources are expected to be required; the hours in which Resources are 

identified for reliability only use, as described in Section 4.1(10)(c) of this 

Attachment AE, are expected to be committed; the hours in which non-firm fixed 

Export Interchange Transactions are expected to be curtailed; and the hours in 

which non-firm fixed Import Interchange Transactions are expected to be 

curtailed.   

(a) Affected Market Participants will be notified at least ten (10) minutes 

prior to the beginning of the Operating Hour but not more than thirty (30) 

minutes prior to the beginning of the Operating Hour that the Maximum 

Emergency Capacity Operating Limit will be used; and  

(b) Affected Market Participants will be notified at least ten (10) minutes 

prior to the beginning of the Operating Hour but not more than thirty (30) 

minutes prior to the beginning of the Operating Hour that the Minimum 

Emergency Capacity Operating Limit will be used. 

(2) Using the results from the Day-Ahead RUC analysis, the Transmission Provider 

will update the Current Operating Plan and will issue start-up and shut-down 

orders as appropriate.  The Transmission Provider can only de-commit Day-

Ahead Market committed Resources to address an anticipated excess supply 

condition as described under Section 5.2.2(2)(b) of this Attachment AE and/or to 

address any other Emergency conditions. If the Transmission Provider de-

commits a Transmission Provider committed Resource for any hour of the Day 

Market commitment schedule, and causes that the Resource to buy back its 



 

 

 

 

Energy and/or Operating Reserve position at RTBM prices that exceed the Day 

Ahead Market prices for the comparable products, that Resource is eligible for 

compensation under Section 8.6.6(2) of this Attachment AE.   



 

 

6.0 Operating Day Activities 

 



 

 

6.1 Intra-Day Reliability Unit Commitment 

The Transmission Provider will continually evaluate the need to execute an Intra-

Day RUC.  The Transmission Provider will perform an Intra-Day RUC consistent with 

the timing requirements specified in the Market Protocols.  Consistent with the Day-

Ahead RUC, these Intra-Day RUCs assess capacity adequacy during the Operating Day. 

 



 

 

6.1.1 Intra-Day Reliability Unit Commitment Inputs 

Inputs to the RUC will include the following: 

(1) RTBM Resource Offers; 

(2) Confirmed Export Interchange Transactions; 

(3) Confirmed Import Interchange Transactions; 

(4) Confirmed Through Interchange Transactions; 

(5) Operating Reserve requirements (system-wide and Reserve Zone minimum and 

maximum); 

(6) Transmission Provider load forecast; 

(7) Transmission System topology consistent with Network Model; 

(8) Resource commitment and de-commitment schedules from the Day-Ahead RUC 

or previous Intra-Day RUCs; 

(9) Resources providing Regulation-Up and Regulation-Down from the Day-Ahead 

RUC or previous Intra-Day RUCs; 

(10) The Transmission Provider’s wind Resource MWh output forecast; 

(11) Actual and approved scheduled Transmission System outages as documented in 

the Transmission Provider’s outage scheduler; 

(12) Actual and approved scheduled Resource outages as documented in the 

Transmission Provider’s outage scheduler; and 

(13) The Transmission Provider’s estimate of Parallel Flows. 

 



 

 

6.1.2 Intra-Day Reliability Unit Commitment Execution 

Using the inputs described in Section 6.1.1, the Transmission Provider will 

perform a capacity adequacy analysis using the SCUC algorithm with the objective of 

committing Resources to meet the Transmission Provider’s load forecast and Operating 

Reserve requirements over the Operating Day such that commitment costs are minimized 

while adhering to Transmission System security constraints and the resource operating 

parameter constraints submitted as part of the RTBM Offers. 

(1) Commitment costs used in the SCUC are defined as Start-Up Offer, No-Load 

Offer and incremental cost to operate at minimum output as defined on the 

submitted Energy Offer Curve.  Incremental Energy costs above minimum output 

and Operating Reserve Offers are not considered by the SCUC in making 

commitment decisions. 

(2) The SCUC algorithm will initially consider commitment of Resources not 

specified for reliability only use as described in Section 4.1(10)(c) of this 

Attachment AE, only including capacity up to the Resources’ Maximum 

Economic Capacity Operating Limits (or Maximum Regulation Capacity 

Operating Limits if selected for Regulation-Up) and down to the Resources’ 

Minimum Economic Capacity Operating Limits (or Minimum Regulation 

Capacity Operating Limits if selected for Regulation-Down). 

(a) If this capacity is not sufficient on a system-wide basis to meet the 

Transmission Provider’s load forecast plus Operating Reserve 

requirements, the SCUC algorithm will, in priority order: (1) Curtail non-

firm fixed Export Interchange Transaction Bids until the capacity shortage 

is eliminated; and (2) Incorporate capacity up to Resources’ Maximum 

Emergency Capacity Operating Limits and/or commit Resources 

designated as reliability only use, as described in Section 4.1(10)(c) of this 

Attachment AE, on an economic basis until the capacity shortage is 

eliminated while attempting to maintain the Regulation-Up requirement to 

the extent possible. 

(b) If there is a system-wide capacity surplus calculated as the sum of self-

committed capacity at minimum output, fixed Import Interchange 



 

 

 

 

Transaction Offers and the Regulation-Down requirement that is in excess 

of the sum of the Transmission Provider load forecast and fixed Export 

Interchange Transaction Bids, the Day-Ahead Market SCUC algorithm 

will, in priority order: (1) Curtail non-firm fixed Import Interchange 

Transaction Offers until the capacity surplus is eliminated; (2) Incorporate 

capacity down to Resources’ Minimum Emergency Capacity Operating 

Limits for Resources not selected for Regulation-Down until the capacity 

surplus is eliminated; (3) De-commit Resources that were committed by 

the Transmission Provider in the Day-Ahead Market that were not self-

committed until the capacity surplus is eliminated; and (4) De-commit 

self-committed Resources until the capacity surplus is eliminated. 

(3) To the extent that a particular reliability issue cannot be directly addressed within 

the SCUC algorithm as described under subsections (a) and (b) above, the 

Transmission Provider may manually commit Resources and/or decommit self-

committed Resources to alleviate such reliability issues in accordance with its 

authority as Reliability Coordinator. 

 



 

 

6.1.3 Intra-Day Reliability Unit Commitment Results 

The Transmission Provider will electronically communicate the Intra-Day RUC 

results for each hour of the Operating Day to Market Participants following completion 

of each Intra-Day RUC execution.  The results consist of the following:  

(1) For any future hours in which the Transmission Provider anticipates an 

Emergency situation, SPP shall notify all Market Participants identifying: the 

hours in which the emergency ranges of any Resources are expected to be 

required; the hours in which identified or reliability only use, as described in 

Section 4.1(10)(c) of this Attachment AE, are expected to be committed; the 

hours in which non-firm fixed Export Interchange Transactions are expected to be 

curtailed; and the hours in which non-firm fixed Import Interchange Transactions 

are expected to be curtailed.   

(a) Affected Market Participants will be notified at least ten (10) minutes 

prior to the beginning of the Operating Hour but not more than thirty (30) 

minutes prior to the beginning of the Operating Hour that the Maximum 

Emergency Capacity Operating Limit will be used; and  

(b) Affected Market Participants will be notified at least ten (10) minutes 

prior to the beginning of the Operating Hour but not more than thirty (30) 

minutes prior to the beginning of the Operating Hour that the Minimum 

Emergency Capacity Operating Limit will be used. 

(2) Using the results from the Intra-Day RUC, the Transmission Provider will update 

the Current Operating Plan and will issue start-up and shut-down orders as 

appropriate.  The Transmission Provider can only de-commit a Transmission 

Provider committed Day-Ahead Market Resource to address an anticipated excess 

supply condition as described under Section 6.1.2(2)(b) of this Attachment AE 

and/or to address any other Emergency conditions.  If the Transmission Provider 

de-commits a Transmission Provider committed Resource for any hour of the 

Day-Ahead Market commitment schedule and causes that the Resource to buy 

back its Energy and/or Operating Reserve position at RTBM prices that exceed 

the Day-Ahead Market prices for the comparable products, that Resource is 

eligible for compensation under Section 8.6.6(2) of this Attachment AE. 



 

 

6.2 Real-Time Balancing Market 

The Transmission Provider will clear the RTBM by determining the security-

constrained dispatch that is the least costly means of balancing generation and load while 

meeting Operating Reserve requirements within the SPP Balancing Authority Area. 



 

 

6.2.1 Real-Time Balancing Market Inputs 

Inputs into the RTBM will include the data provided prior to each Operating Hour 

and data provided within each Operating Hour. 

6.2.1.1 Pre-Operating Hour Inputs 

Pre-Operating hour inputs to the RTBM will include the following: 

(1) RTBM Resource Offers; 

(2) Approved and tagged Export Interchange Transactions, Import Interchange 

Transactions and Through Interchange Transactions; 

(3) Operating Reserve requirements (system-wide and Reserve Zone minimum and 

maximum); 

(4) Resources selected to provide Regulation-Up or Regulation-Down from the most 

recent RUC.  This set of Resources will remain on regulation control for the 

Operating Hour and will be used by SCED to clear Regulation-Up and 

Regulation-Down on a five (5) minute basis to meet the regulation requirements; 

(5) Resource commitment from the Current Operating Plan.  The Current Operating 

Plan includes Resource commitments and Resource de-commitments from the 

Multi-Day Reliability Assessment, Day-Ahead Market, Day-Ahead RUC and 

Intra-Day RUC; 

(6) Maximum Emergency Capacity Operating Limits on Resources identified in the 

Day-Ahead RUC or Intra-Day RUC; and 

(7) Minimum Emergency Capacity Operating Limits on Resources identified in the 

Day-Ahead RUC or Intra-Day RUC. 

6.2.1.2 Intra-Operating Hour Inputs 

Intra-operating hour inputs to the RTBM will include the following:  

(1) Latest State Estimator solution for: 

(a) Distribution of load forecast throughout the Network Model; 

(b) Latest transmission topology for the Network Model; and 

(c) Backup initial Energy injection of Resources if SCADA not available; 



 

 

 

 

(2) Actual Resource output from latest SCADA snapshot to determine initial Energy 

injection of Resources and Generator outages; 

(3) Active transmission constraints;  

(4) Intra-operating hour adjustments to Interchange Transactions due to curtailments 

or initiation of a Reserve Sharing Event involving external Balancing Authorities; 

(5) Intra-operating hour adjustments to Resource Offer physical operating parameters 

due to changes in a Resource’s capability.  Market Participants shall notify the 

Transmission Provider of a change in a Resource Offer physical operating 

parameter during an Operating Hour.  For the current Operating Hour the 

Transmission Provider will make the requested modification to the Resource 

Offer physical operating parameter.  For subsequent hours the Market Participant 

shall remain responsible for accurately reflecting Resource operating parameters 

in its Resource Offer submissions; 

(6) Transmission Provider load forecast; 

(7) The Transmission Provider’s wind Resource MWh output forecast; and 

(8) The Transmission Provider’s estimate of Parallel Flows. 



 

 

6.2.2 Real-Time Balancing Market Execution 

The Transmission Provider will execute the RTBM every five (5) minutes for the 

next Dispatch Interval based on the inputs described above. 

(1) A simultaneous co-optimization methodology utilizing a SCED algorithm is 

employed to calculate Resource Dispatch Instructions and clear Regulation-Up, 

Regulation Down, Spinning Reserve and Supplemental Reserve to meet the 

Transmission Provider load forecast and Operating Reserve requirements at 

minimum costs based upon submitted Offers while respecting Resource operating 

constraints and transmission constraints. 

(2) The SCED algorithm includes marginal loss sensitivity factors that approximate 

the change in marginal system losses for a change in Energy dispatch. 

(3) In certain situations, enforcing constraints may result in a solution that is not 

feasible at a Shadow Price less than an appropriately priced VRL.  In such cases, 

the Transmission Provider must apply VRLs in SCED. 

(4) To ensure rational pricing of cleared Operating Reserve products, the SCED 

algorithm will include product substitution logic as follows: 

(a) Any Regulation-Up Offers remaining once the Regulation-Up 

Requirement is satisfied will be used to meet Contingency Reserve 

requirements if Regulation-Up Offer is more economic or is needed to 

meet the overall Operating Reserve requirement;  

(b) Any Spinning Reserve Offers remaining once the Spinning Reserve 

Requirement is satisfied will be used to meet the Supplemental Reserve 

requirements if the Spinning Reserve Offer is more economic or is needed 

to meet the overall Operating Reserve requirement. 

(5) The co-optimization logic will provide through the Shadow Price calculation, 

MCPs for Operating Reserve that include lost opportunity costs incurred as a 

result of Operating Reserve clearing. 

(6) Additionally, the Transmission Provider will execute a look-ahead SCED prior to 

the RTBM SCED process.  The look-ahead SCED will perform at least these two 

functions: (1) anticipate the need to adjust Dispatch Instructions for the current 

Dispatch Interval to prepare to meet forecasted changes in the load several 



 

 

 

 

Dispatch Intervals into the future and (2) determine commitment of Quick-Start 

Resources within the Operating Hour.  The look-ahead period is at least two 

Dispatch Intervals, one of which is the next Dispatch Interval following the 

current Dispatch Interval. 

6.2.2.1 Emergency Operations – Capacity Shortage 

(1) In addition to the incorporation of the capacity up to Resources’ Maximum 

Emergency Capacity Operating Limits prior to the Operating Hour as described 

under Sections 5.1.2(1)(a)(i) and 5.2.2(2)(a) of this Attachment AE, the 

Transmission Provider may incorporate any remaining emergency capacity limits 

as needed during the Operating Hour.  The Transmission Provider shall continue 

implementation of emergency procedures which may have been implemented 

prior to the Operating Hour or shall begin implementation of emergency 

procedures within the Operating Hour, as needed, in accordance with its authority 

as Reliability Coordinator.  

(a) If there is an actual Operating Reserve shortage during a Dispatch Interval, 

either on a system-wide or a Reserve Zone basis, the system-wide or 

Reserve Zone Scarcity Prices will be implemented as specified in Section 

8.3.4.2 of this Attachment AE. 

(b) If there is a shortage of available capacity to meet Energy requirements on 

a system-wide, LMPs will be set through Scarcity Pricing procedures as 

specified in Section 8.3.4.2 of this Attachment AE. 

(2) Ramp sharing will continue to be applied consistent with its application in the 

Day-Ahead Market as described under Section 5.1.2.1(3) of this Attachment AE. 

6.2.2.2 Emergency Operations – Excess Generation 

(1) The Transmission Provider will take any or all of the following actions within the 

Operating Hour to address excess generation conditions on either a system-wide 

or Reserve Zone basis: 



 

 

 

 

(a) Notify any remaining Resources not cleared for Regulation-Down and not 

notified prior to the Operating Hour that they will be dispatched down to 

their Minimum Emergency Capacity Operating Limits; 

(b) De-commit any remaining Resources that were self-committed following 

the Day-Ahead RUC; 

(c) Curtail any remaining fixed Import Interchange Transactions that were 

submitted and approved following the Day-Ahead RUC; 

(d) Pro-rata curtail, on a per MW basis, any remaining fixed Import 

Interchange Transactions;  

(e) Reduce Resources with cleared Regulation-Down economically, as 

needed, down to Minimum Emergency Capacity Operating Limit; and 

(f) Coordinate with generation Operators, SPP Balancing Authority Operator 

and SPP Reliability Coordinator to de-commit generation to meet power 

balance. 

(2) If actions taken under (1) above are not sufficient to relieve the excess generation 

condition in any Dispatch Interval either on a system-wide or Reserve Zone basis, 

LMPs will be set to the lesser of zero (0) or the Offer prices associated with 

Energy down to the Minimum Emergency Capacity Operating Limit, to the extent 

that the Regulation-Down requirement can be maintained.  If the actions under (1) 

above create a Regulation-Down shortage during any Dispatch Interval either on a 

system-wide or Reserve Zone basis, the MCPs for Regulation-Down will reflect 

Scarcity Prices and LMPs will reflect negative Scarcity Prices. 

(3) In parallel with the actions under (1) above, if there is a transmission constraint 

within a Reserve Zone occurring simultaneously with a Reserve Zone excess 

capacity event, the Transmission Provider may take any or all of the following 

additional actions: 

(a) Identify and communicate with the Market Participant concerning 

Resources with greater than a five percent (5%) generation shift factor on 

the constraint and fixed Import Interchange Transactions with greater than 

a three percent (3%) transfer distribution factor on constraint; 



 

 

 

 

(b) Issue Transmission Loading Relief (―TLR‖) provisions, in accordance 

with Attachment R, to curtail any Interchange Transactions that may be 

contributing to the loading; 

(c) Commit Quick Start Resources in the constrained area if they can be re-

dispatched with other Resources in the constrained area to relieve 

constraint without contributing to the excess capacity situation. 

6.2.2.3 Seams Coordination 

The Transmission Provider shall use the following process to coordinate the 

operations of the RTBM to manage congestion between the SPP Balancing Authority 

Area and external Balancing Authority Areas:   

(a) The Transmission Provider shall submit the Market Flow impact on each 

Coordinated Flowgate and Reciprocal Coordinated Flowgate to the NERC 

IDC.   

(b) The Transmission Provider shall assign curtailment priorities to the 

Market Flow on each flowgate in the following priority categories: 

(i) Curtailment priorities for flowgates that have not been defined as a 

Coordinated Flowgate or a Reciprocal Coordinated Flowgate shall 

be assigned in accordance with NERC TLR procedures. 

(ii) For Coordinated Flowgates, the Transmission Provider will assign 

Market Flow in the firm priority up to the firm limit with any 

excess Market Flow assigned as non-firm network.   

(iii) For Reciprocal Coordinated Flowgates, the Transmission Provider 

will divide its Market Flows into firm, non-firm network, and non-

firm hourly curtailment priorities.  The Transmission Provider will 

first assign Market Flow in the firm priority up to the firm limit, 

then assign remaining Market Flow in the non-firm network 

priority up to the non-firm network limit, and finally assign any 

excess Market Flow as non-firm hourly. 

(c) The Market Flow associated with operation of the RTBM shall be 

determined by the Transmission Provider.  For Coordinated Flowgates, 



 

 

 

 

any Market Flow from RTBM operation in excess of that assigned to the 

firm priority shall be assigned a non-firm priority.  For Reciprocal 

Coordinated Flowgates, any Market Flow from RTBM operation  in 

excess of amounts assigned to firm or non-firm network priorities shall be 

assigned a non-firm hourly priority. 

(d) When congestion occurs on a flowgate that requires a TLR event, the 

NERC IDC will identify the amount of relief required from Market Flows 

on the Coordinated Flowgate or Reciprocal Coordinated Flowgate.   

(e) The Transmission Provider shall achieve the required reduction in Market 

Flows provided by the NERC IDC using its security constrained dispatch 

software in the following order until the desired reduction in Market 

Flows is achieved: 

(i) To the extent that Market Flows are contributing to the constrained 

condition, the Transmission Provider shall restrict the ability of the 

market operating system from contributing further to the 

constrained condition by binding the Coordinated Flowgate or 

Reciprocal Coordinated Flowgate constraint.  The security 

constrained dispatch of Dispatchable Resources shall continue 

within each priority level until the Market Flows within that 

priority level have been reduced to zero or the flowgate constraint 

is eliminated, whichever comes first. 



 

 

6.2.3 Real-Time Balancing Market Results 

Following execution of the RTBM SCED, the Transmission Provider shall 

communicate the results to Market Participants prior to the start of the applicable 

Dispatch Interval. 

(1) The following results are communicated to each Market Participant for only its 

specific Resources: 

(a) Resource Dispatch Instructions.  The Dispatch Instruction is a MW output 

target for the end of the applicable Dispatch Interval. 

(b) Cleared Regulation-Up, Regulation-Down, Spinning Reserve and 

Supplemental Reserve MW by Resource. 

(2) The following results are communicated to all Market Participants and are used 

for settlement purposes;  

(a) LMPs for each Settlement Location, the MCC of LMP for each Settlement 

Location and the MLC of LMP for each Settlement Location. 

(b) MCPs for Regulation-Up, Regulation-Down, Spinning Reserve and 

Supplemental Reserve for each Reserve Zone. 



 

 

6.2.4 Out-of-Merit Energy Dispatch 

The Transmission Provider may issue OOME dispatch directives to any on-line 

Resource to resolve Emergency Conditions.  The Transmission Provider will make every 

effort to define and activate the appropriate constraints in RTBM SCED within one (1) 

hour of the manual reconfiguration. 

When an OOME event occurs, the Transmission Provider will take the following actions: 

(1) A Resource will receive Setpoint Instructions that include a Manual Dispatch 

Instruction for the duration of the reliability directive; 

(2) The Transmission Provider will issue Manual Dispatch Instructions at the MW 

level the Resource is expected to produce until such time as the constraint can be 

resolved by SCED through the RTBM; 

(3) Notifications are immediately issued for all future intervals for which a SCED 

Dispatch Instruction has already been calculated and included in the Resource 

Setpoint Instruction; 

(4) Setpoint Instructions for future intervals not yet dispatched will include the 

Manual Dispatch Instruction instead of the SCED Dispatch Instruction for the 

same interval; 

(5) The Transmission Provider will notify the Market Participant when the OOME 

event has ended; and 

(6) Market Participants are compensated for OOME events in accordance with 

Section 8.6.6 of this Attachment AE. 



 

 

6.3 Energy and Operating Reserve Deployment 

The Transmission Provider will deploy Energy, Regulation-Up, Regulation-

Down, Spinning Reserve and on-line Supplemental Reserve simultaneously through the 

issuance of Setpoint Instructions to each Resource in accordance with the technical 

requirements specified in the Market Protocols.  Deployment of Supplemental Reserve 

from off-line Quick-Start Resources is accomplished through the Transmission Provider 

issuance of a Commitment Instruction to start-up following a Contingency Reserve event.   

(1) The Setpoint Instruction for a Resource that has indicated that it is dispatchable is 

equal to the sum of: 

(a) The Resource MW Dispatch Instruction for the current Dispatch Interval 

either as developed by SCED or by Manual Dispatch Instruction; 

(b) Regulation-Up deployment instruction for Resources with cleared 

Regulation-Up; 

(c) Regulation-Down deployment instruction for Resources with cleared 

Regulation-Down;  

(d) Spinning Reserve deployment instruction for Resources with cleared 

Spinning Reserve; and 

(e) On-Line Supplemental Reserve deployment instruction for Resources with 

cleared on-line Supplemental Reserve. 

(2) The Setpoint Instruction for a Resource that has indicated that it is non-

dispatchable shall be equal to the most recently recorded actual telemetered 

Resource output. 



 

 

6.3.1 Regulation Deployment 

Regulation Deployment is limited to Resources that have cleared Regulation-Up 

or Regulation-Down.  Regulation-Up and Regulation-Down are deployed on specific 

Resources through Setpoint Instructions via the automatic generation control system on a 

pro-rata basis based upon Regulation-Up or Regulation-Down cleared MW, adjusted as 

needed to ensure deliverability.  No Regulation Deployment will occur on Resources that 

have not cleared Regulation-Up or Regulation-Down.  Market Participants providing 

Regulation-Up or Regulation-Down service during the Operating Hour are obligated to 

report to the Transmission Provider when their Resources are no longer capable of 

providing the service due to physical problems. 



 

 

6.3.2 Contingency Reserve Deployment 

Contingency Reserve procured in the RTBM will be deployed through a 

Contingency Reserve Deployment Instruction following a Reserve Sharing Event in 

accordance with the following rules: 

(1) Contingency Reserve is deployed on Resources with cleared Contingency 

Reserve and Export Interchange Transactions providing Supplemental Reserve in 

the Dispatch Interval immediately following system events;  

(2) Spinning Reserve and on-line Supplemental Reserve is deployed ahead of off-line 

Supplemental Reserve;  

(3) If the amount of Spinning Reserve and on-line Supplemental Reserve cleared is 

greater than or equal to the Contingency Reserve amount required in response to a 

contingency, no off-line Supplemental Reserve is deployed;  

(4) Spinning Reserve and on-line Supplemental Reserve is deployed in proportion to 

the amount of Spinning Reserve and on-line Supplemental Reserve cleared on 

each Resource, adjusted as needed to ensure deliverability; and 

(5) Supplemental Reserve from off-line Quick-Start Resources is deployed on 

Resources in merit order of Start-Up Offer, No-Load Offer, Energy Offer Curves 

and Minimum Run Time, adjusted as needed to ensure deliverability.  For the 

purposes of deploying Supplemental Reserve supplied from Export Interchange 

Transactions, the merit order cost will be equal to zero (0). 



 

 

6.3.3 Reserve Sharing Group Scheduling Procedures 

NERC Reliability Standards and applicable SPP Criteria will dictate Contingency 

Reserve deployment between Reserve Sharing Group members.  The Energy schedules 

implemented through the reserve sharing Contingency Reserve deployment, are created 

automatically by the Reserve Sharing System and are settled through the RTBM as either 

a fixed Export Interchange schedule or a fixed Import Interchange schedule in accordance 

with Attachment AK to the Tariff and Sections 8.6.17 and 8.6.18 of this Attachment AE. 

Deployment of Contingency Reserve by the SPP Balancing Authority to provide 

assistance to a Reserve Sharing Group member will be in accordance with the 

deployment procedures specified in Section 6.3.2 of this Attachment AE. 



 

 

6.3.4 Contingency Reserve Recovery  

Following an Operating Reserve contingency, the SPP Balancing Authority will 

restore its Contingency Reserve to its pre-disturbance Contingency Reserve requirement 

by the end of the assistance period, as defined in the SPP Criteria.  During the assistance 

period, the RTBM will clear Contingency Reserve up to the pre-disturbance Contingency 

Reserve requirement or to the level of available capacity, whichever is less, and Scarcity 

Pricing will not apply. 



 

 

6.4 Energy and Operating Reserve Deployment Failure 



 

 

6.4.1 Uninstructed Resource Deviation 

The following rules apply to the calculation of Uninstructed Resource Deviation 

(―URD‖). 

(1) A Market Participant with Resources registered at a Common Bus will be 

aggregated and treated as a single Resource and the Resources’ combined average 

ramped MW Setpoint Instruction and the Resources’ combined actual average 

MW output at the Common Bus will be used for URD calculation purposes for 

the Dispatch Interval. 

(2) A Resource’s URD is allocated a portion of the RUC make whole payment costs, 

as described under Section 8.6.7 of this Attachment AE, in any Dispatch Interval 

where Resource’s URD is outside of its Operating Tolerance unless that Resource 

has been exempted from URD. 

(a) A generating unit Resource’s Operating Tolerance in each Dispatch 

Interval is equal to the Resource’s Maximum Emergency Capacity 

Operating Limit multiplied by five percent (5%), subject to a minimum of 

five (5) MW and a maximum of twenty (20) MW. 

(b) A Dispatchable Demand Response Resource’s Operating Tolerance in 

each Dispatch Interval is equal to the resource’s Maximum Emergency 

Capacity Operating Limit multiplied by five percent (5%), subject to a 

minimum of five (5) MW and a maximum of twenty (20) MW. 

(c) A Block Demand Response Resource’s Operating Tolerance in each 

Dispatch Interval is equal to the resource’s Maximum Economic Capacity 

Operating Limit multiplied by five percent (5%), subject to a minimum of 

five (5) MW and a maximum of twenty (20) MW. 

(d) The Common Bus Operating Tolerance for each Market Participant 

registered at a Common Bus is equal to the sum of that Market 

Participant’s Resources’ Maximum Emergency Capacity Operating Limits 

for Resources that are on-line multiplied by five percent (5%), subject to a 

minimum of five (5) MW and a maximum of twenty (20) MW. 

(e) If the absolute value of a Resource’s URD is greater than the Resource’s 

Operating Tolerance in any Dispatch Interval, the Resource URD / 12 is 



 

 

 

 

included in the hourly allocation of RUC make whole payment cost 

allocation.  The Hourly URD amount is calculated as the sum of Dispatch 

Interval URD for the hour.  Additionally, if that Resource was eligible to 

receive a RUC make whole payment, the payment may be reduced in 

accordance with Section 8.6.5 of this Attachment AE. 

6.4.1.1 Uninstructed Resource Deviation Exemptions 

A Resource’s URD in a Dispatch Interval will be considered equal to zero (0) 

under the following situations:  

(1) The Resource is deployed for Contingency Reserve; or 

(2) The Resource trips off-line or is derated after receiving Dispatch Instructions; or 

(3) There is missing or bad Resource SCADA data in the Dispatch Interval; or 

(4) If during Emergency Conditions the URD is above the Resource’s Setpoint 

Instruction in a shortage condition or the URD is below the Resource’s Setpoint 

Instruction during an excess generation condition; or 

(5) If a Dispatch Instruction is issued to a Resource beyond the reported capabilities 

due to the application of a VRL; or 

(6) If the Resource is part of a Common Bus and the URD calculated at the Common 

Bus is less than the Operating Tolerance calculated at the Common Bus; or 

(7) A Market Participant can demonstrate such deviation was caused solely by events 

or conditions beyond its control, and without the fault or negligence of the Market 

Participant.  The Market Participant must provide the Transmission Provider with 

adequate documentation through the invoice dispute process in order for the 

Market Participant to be eligible to avoid such URD.  The Transmission Provider 

will determine through the dispute process whether such URD should be waived. 



 

 

6.4.2 Regulation Deployment Failure Charges 

In any Dispatch Interval, if the URD of a Resource with cleared Regulation-Up, 

Regulation-Down or both is outside of the Resource’s Operating Tolerance, that Market 

Participant will incur a Regulation Deployment failure charge as described in Section 

8.6.11 of this Attachment AE. 



 

 

6.4.3 Contingency Reserve Deployment Failure Charges 

A Market Participant receiving a Contingency Reserve Deployment Instruction 

must pass one of four tests described below in order to be in full compliance with the 

instruction.  Each of these tests is performed by the Transmission Provider, either at the 

individual Resource level, or at a Common Bus level if the Market Participant’s Resource 

receiving the Contingency Reserve Deployment Instruction is registered at a Common 

Bus.  A Resource that fails all four tests will receive a Contingency Reserve deployment 

failure charge as described in Section 8.6.13 of this Attachment AE.  The Setpoint 

Instructions used in these tests are calculated in accordance with Section 6.3(1). 

(1) Test 1 compares the Resource expected output or Common Bus expected output 

at the end of the Contingency Reserve Deployment Period to the Resource actual 

output or Common Bus actual output as measured at the end of the Contingency 

Reserve Deployment Period using the instantaneous ramped Setpoint Instruction.  

(2) Test 2 is the same as Test 1 except that the expected output is calculated using the 

instantaneous stepped Setpoint Instruction instead of the instantaneous ramped 

Setpoint Instruction. 

(3) Test 3 compares the change in Resource expected output or Common Bus 

expected output between the beginning and the end of the Contingency Reserve 

Deployment Period to the change in Resource actual output or Common Bus 

actual output between the beginning and the end of the Contingency Reserve 

Deployment Period using the instantaneous ramped Setpoint Instruction. 

(4) Test 4 is the same as Test 3 except that the expected output is calculated using the 

instantaneous stepped Setpoint Instruction instead of the instantaneous ramped 

Setpoint Instruction. 



 

 

6.5 Inadvertent Management 

The Transmission Provider will maintain inadvertent accounts and administer 

inadvertent payback for the SPP Balancing Authority Area.  In doing so, the 

Transmission Provider will adhere to the following principles: 

(1) Inadvertent payback will be administered in accordance with NERC criteria, 

applicable joint operating agreements, and Good Utility Practice; and 

(2) Inadvertent payback decisions will be made without regard to possible profits or 

losses resulting from changes in Energy costs over time. 



 

 

6.5.1 Inadvertent Payback Reporting 

The SPP Balancing Authority will report its Inadvertent Interchange balance with 

the applicable NERC interconnection.  The Transmission Provider reporting will be 

consistent with the requirements and timelines for Balancing Authorities outlined in 

NERC Reliability Standard BAL-006-0. 

The SPP Balancing Authority will manage and pay back its net Inadvertent 

Interchange balance following NAESB WEQBPS-005-000 Inadvertent Interchange 

payback.  Inadvertent payback will be initiated based on an objective and publicly 

available process that is triggered on balances exceeding statistical norms.  Inadvertent 

payback will be done during periods and in amounts such that payback will not burden 

others or interfere with time corrections.  Settlement impact will not factor into the 

decision to payback or recover inadvertent interchange. 



 

 

7.0 Transmission Congestion Rights Markets 

The TCR Markets process includes an annual ARR allocation, annual and 

monthly TCR auctions and a monthly incremental ARR allocation in accordance with the 

timelines specified in the Market Protocols.  ARRs are obtained by Eligible Entities 

during the annual ARR allocation or the incremental ARR allocation.  TCRs are obtained 

by Market Participants through the annual and monthly TCR auctions. 

There are seven (7) key processes associated with ARRs and TCRs: 

(1) Annual ARR verification; 

(2) Annual ARR allocation; 

(3) Annual TCR auction; 

(4) Monthly TCR auction; 

(5) Incremental ARR allocation (if requested by Eligible Entity); 

(6) ARR allocation and TCR auction settlements; and 

(7) TCR secondary markets. 

Table 7-1 in Section 7.3.2 of this Attachment AE provides additional details 

related to auction timing and Transmission System capability available for the TCR 

auctions. 



 

 

7.1 Annual Auction Revenue Right Verification 

Only Eligible Entities are permitted to nominate candidate ARRs.  The following 

rules apply to verification of firm Transmission Service for conversion to ARRs. 



 

 

7.1.1 Transmission Service Verification 

In order for Eligible Entities to obtain candidate ARRs, the Transmission Provider 

must first verify existing Transmission Service entitlements.  An Eligible Entity’s 

Transmission Service must span the entire monthly or seasonal period for which ARRs 

are allocated to qualify for candidate ARRs in a particular month or season.  The 

Transmission Provider will verify Eligible Entity existing Transmission Service 

entitlements as follows:  

(1) The following will be performed prior to each annual ARR allocation for Eligible 

Entities taking Network Integration Transmission Service or Firm Point-To-Point 

Transmission Service under the Tariff: 

(a) The Transmission Provider will obtain source, sink and Reservation 

Capacity information from the OASIS for each monthly and seasonal 

period for which ARRs are allocated in which the Transmission Service 

spans the entire period for the current annual allocation; 

(i) For a Transmission Service reservation with a source inside the 

SPP Balancing Authority Area that is not a specific Resource or 

Resource Market Hub, the Transmission Provider will determine 

the load Settlement Location that most electrically corresponds to 

the source on the Transmission Service reservation that will be 

utilized as the source for candidate ARRs.  

(ii) For a Transmission Service reservation with a source outside of the 

SPP Balancing Authority Area, the interface between the 

Transmission Provider and the first tier Balancing Authority Area 

associated with the transmission reservation will be utilized as the 

source for candidate ARRs.   

(iii) For a Transmission Service reservation with a sink outside of the 

SPP Balancing Authority Area, the interface between the 

Transmission Provider and the first tier Balancing Authority Area 

associated with the transmission reservation will be utilized as the 

sink for candidate ARRs. 



 

 

 

 

(b) The Transmission Provider will provide this information to each Eligible 

Entity for verification; and 

(c) Eligible Entities will notify the Transmission Provider within 2 weeks 

following receipt of this information, identifying and correcting inaccurate 

data on the OASIS.  Otherwise, the Transmission Provider provided data 

will be considered verified. 

(2) The following will be performed prior to each annual ARR allocation for the 

Eligible Entity taking GFA service: 

(a) Each Transmission Owner shall register any GFA for which candidate 

ARRs are to be provided to the Transmission Owner or the transmission 

customer under the GFA on the Transmission Provider’s OASIS.  The 

Transmission Owner must provide the Transmission Provider with source, 

sink and Reservation Capacity information for each GFA on the 

Transmission Provider’s OASIS.  If both parties to the GFA are Market 

Participants with respect to the GFA load, then the parties may jointly 

inform the Transmission Provider which Market Participant will be 

allocated the candidate ARRs.  If the parties to the GFA do not so inform 

the Transmission Provider, or if only the Transmission Owner that sold the 

GFA service is a Market Participant, then the Transmission Owner that 

sold the GFA service will be allocated the candidate ARRs associated with 

the GFA. 

(i) For a GFA with a source inside the SPP Balancing Authority Area 

that is not a specific Resource or Resource Market Hub, the 

Transmission Provider will determine the load Settlement Location 

that most electrically corresponds to the source on the 

Transmission Service reservation that will be utilized as the source 

for candidate ARRs.  

(ii) For a GFA with a source outside of the SPP Balancing Authority 

Area, the interface between the Transmission Provider and the first 

tier Balancing Authority Area associated with the transmission 

reservation will be utilized as the source for the candidate ARRs.   



 

 

 

 

(iii) For a GFA with a sink outside of the SPP Balancing Authority 

Area, the interface between the Transmission Provider and the first 

tier Balancing Authority Area associated with the transmission 

reservation will be utilized as the sink for the candidate ARRs. 

(b) If the transmission customer under the GFA is receiving the candidate 

ARRs, to the extent that the transmission service specified in the GFA is 

identified as the equivalent of SPP Network Integration Transmission 

Service, the transmission customer under the GFA must provide the 

historical annual peak loads being served under the GFA since February 1, 

2007. 



 

 

7.1.2 Candidate Auction Revenue Rights 

Following verification of Eligible Entity Transmission Service, candidate ARRs 

associated with such Transmission Service are assigned as follows: 

(1) For each Eligible Entity with Network Integration Transmission Service, the 

Eligible Entity’s Network Integration Transmission Service Candidate ARRs 

from a specific source is equal to the source Reservation Capacity.  An Eligible 

Entity may nominate Network Integration Transmission Service Candidate ARRs, 

as described in Section 7.2.1 of this Attachment AE from a specific source to one 

or more sinks up to the amount of its Network Integration Transmission Service 

Candidate ARRs associated with the source subject to the total nomination cap 

described in Section 7.1.3 of this Attachment AE. 

(2) For each Eligible Entity with Firm Point-To-Point Transmission Service, the 

Eligible Entity’s Firm Point-To-Point Candidate ARRs for a specific source and 

sink is equal to the Reservation Capacity associated with that source and sink.  An 

Eligible Entity may nominate Firm Point-To-Point Candidate ARRs, as described 

in Section 7.2.1 of this Attachment AE, for this specific source and sink up to the 

amount of its Firm Point-To-Point Candidate ARRs subject to the total 

nomination cap described in Section 7.1.3 of this Attachment AE. 

(3) For each Eligible Entity with equivalent Network Integration Transmission 

Service GFA service, the Eligible Entity’s Grandfathered Agreement Network 

Integration Transmission Service Candidate ARRs from a specific source is equal 

to the source Reservation Capacity.  An Eligible Entity may nominate 

Grandfathered Agreement Network Integration Transmission Service Candidate 

ARRs, as described in Section 7.2.1 of this Attachment AE, from a specific 

source to one or more sinks up to the amount of its Grandfathered Agreement 

Network Integration Transmission Service Candidate ARRs subject to the total 

nomination cap described in Section 7.1.3 of this Attachment AE. 

(4) For each Eligible Entity with equivalent Firm Point-To-Point GFA service, the 

Eligible Entity’s Grandfathered Agreement Firm Point-To-Point Candidate ARRs 

for a specific source and sink is equal to the Reservation Capacity associated with 

that source and sink.  An Eligible Entity may nominate Grandfathered Agreement 



 

 

 

 

Firm Point-To-Point Candidate ARRs, as described in Section 7.2.1 of this 

Attachment AE, for this specific source and sink up to the amount of its 

Grandfathered Agreement Firm Point-To-Point Candidate ARRs subject to the 

total nomination cap described in Section 7.1.3 of this Attachment AE. 



 

 

7.1.3 Auction Revenue Right Nomination Cap 

An Eligible Entity’s ARR Nomination Cap will be as follows: 

(1) For Network Integration Transmission Customers, the Network Integration 

Transmission Service ARR Nomination Cap is equal to the minimum of a) the 

sum of Network Integration Transmission Service Candidate ARRs as calculated 

in Section 7.1.2 of this Attachment AE and Network Integration Transmission 

Service Incremental Candidate ARRs as calculated in Section 7.5.2 of this 

Attachment AE or b) One hundred and three percent (103%) of the average of that 

customer’s three highest annual peak Network Loads since February 1, 2007.  

This value may be adjusted as required to account for wholesale load shifts 

between Transmission Customers. 

(2) For Firm Point-To-Point Transmission Customers, the Firm Point-To-Point ARR 

Nomination Cap is equal to the sum of Firm Point-To-Point Candidate ARRs as 

calculated in Section 7.1.2 of this Attachment AE and Firm Point-To-Point 

Incremental Candidate ARRs as calculated in Section 7.5.2 of this Attachment 

AE. 

(3) For GFA customers taking the equivalent of SPP Network Integration 

Transmission Service, the Grandfathered Agreement Network Integration 

Transmission Service ARR Nomination Cap is equal to the minimum of a) the 

sum of Grandfathered Agreement Network Integration Transmission Service 

Candidate ARRs as calculated in Section 7.1.2 of this Attachment AE and 

Grandfathered Agreement Network Integration Transmission Service Incremental 

Candidate ARRs as calculated in Section 7.5.2 of this Attachment AE or b) One 

hundred and three percent (103%) of the average of that customer’s three highest 

GFA annual peak loads since February 1, 2007. 

(4) For GFA customers taking the equivalent of SPP Firm Point-To-Point, the 

Grandfathered Agreement Firm Point-To-Point ARR Nomination Cap is equal to 

the sum of Grandfathered Agreement Firm Point-To-Point Candidate ARRs as 

calculated in Section 7.1.2 of this Attachment AE and Grandfathered Agreement 

Firm Point-To-Point Incremental Candidate ARRs as calculated in Section 7.5.2 

of this Attachment AE. 



 

 

 

 

(5) An Eligible Entity’s ARR Nomination Cap is equal the sum of its Network 

Integration Transmission Service ARR Nomination Cap, Firm Point-To-Point 

ARR Nomination Cap, Grandfathered Agreement Network Integration 

Transmission Service ARR Nomination Cap and Grandfathered Agreement Firm 

Point-To-Point ARR Nomination Cap. 



 

 

7.2 Annual Auction Revenue Right Allocation 

The annual ARR allocation addresses how candidate ARRs verified in the annual 

ARR verification may be nominated and awarded.  Eligible Entities may nominate the 

candidate ARRs that they wish to receive up to their ARR nomination caps.  The portion 

of the nominated candidate ARRs that are simultaneously feasible are allocated to each 

Eligible Entity during the annual allocation.  Candidate ARRs are nominated on a 

monthly and seasonal basis in a three round process. 

The Transmission Provider shall make available one hundred percent (100%) of 

the projected maximum Transmission System capability for the purpose of ARR 

allocation in the annual ARR allocation process.  No later than five (5) days prior to the 

start of the annual ARR allocation process, the Transmission Provider will post the 

Transmission System network topology data for each of the monthly and seasonal On-

Peak and Off-Peak models, including the corresponding Parallel Flow and transmission 

line outage assumptions, used to determine the projected maximum Transmission System 

capability that will be used in the upcoming allocations. 



 

 

7.2.1 Auction Revenue Right Nominations 

For each month and season included in the annual ARR allocation period, as 

defined in Table 7-1 in Section 7.3.2 of this Attachment AE, Eligible Entities may 

nominate candidate ARRs in 0.1 MW increments for specific source to sink pairs that 

total up to their ARR nomination caps as calculated in Section 7.1.3 of this Attachment 

AE.  Nominations occur separately for On-Peak and Off-Peak periods.  Prior to each 

ARR nomination round, Eligible Entities shall submit the following information: 

(1) Source: valid candidate ARR source Settlement Location for rounds 1 and 2, and 

any applicable source Settlement Location for round 3; 

(2) Sink: valid candidate ARR sink Settlement Location for rounds 1 and 2, and any 

applicable sink Settlement Location for round 3;  

(3) Class: On-Peak or Off-Peak; 

(4) Period: specific month or season; and 

(5) Nominated ARR MW:  

(a) In round 1 and round 2, the total candidate ARR MW nominated from a 

source Settlement Location cannot exceed the source candidate ARRs. 

(b) In round 3, any source to sink path may be nominated, subject to the 

limitation described in Section 7.2.2(3) of this Attachment AE. 



 

 

7.2.2 Auction Revenue Right Allocation 

ARRs are allocated in a three round process as follows: 

(1) In round 1, Eligible Entities may nominate: 

(a) ARRs from their Network Integration Transmission Service Candidate 

ARRs that totals no more than fifty percent (50%) of their Network 

Integration Transmission Service ARR Nomination Cap; 

(b) ARRs from their Grandfathered Agreement Network Integration 

Transmission Service Candidate ARRs that totals no more than fifty 

percent (50%) of their Grandfathered Agreement Network Integration 

Transmission Service ARR Nomination Cap; 

(c) ARRs from their Firm Point-To-Point Candidate ARRs that totals no more 

than fifty percent (50%) of their Firm Point-To-Point ARR Nomination 

Cap; and 

(d) ARRs from their Grandfathered Agreement Firm Point-To-Point 

Candidate ARRs that totals no more than fifty percent (50%) of their 

Grandfathered Agreement Firm Point-To-Point ARR Nomination Cap. 

(2) In round 2, Eligible Entities may nominate: 

(a) ARRs from their Network Integration Transmission Service Candidate 

ARRs that totals no more than one hundred percent (100%) of their 

Network Integration Transmission Service ARR Nomination Cap less any 

nominated Network Integration Transmission Service Candidate ARRs 

awarded in round 1; 

(b) ARRs from their Grandfathered Agreement Network Integration 

Transmission Service Candidate ARRs that totals no more than one 

hundred percent (100%) of their Grandfathered Agreement Network 

Integration Transmission Service ARR Nomination Cap less any 

nominated Grandfathered Agreement Network Integration Transmission 

Service Candidate ARRs awarded in round 1; 

(c) ARRs from their Firm Point-To-Point Candidate ARRs that totals no more 

than one hundred percent (100%) of their Firm Point-To-Point ARR 



 

 

 

 

Nomination Cap less any nominated Firm Point-To-Point Candidate ARRs 

awarded in round 1; and 

(d) ARRs from their Grandfathered Agreement Firm Point-To-Point 

Candidate ARRs that totals no more than one hundred percent (100%) of 

their Grandfathered Agreement Firm Point-To-Point ARR Nomination 

Cap less any nominated Grandfathered Agreement Firm Point-To-Point 

Candidate ARRs awarded in round 1. 

(3) In round 3, any Eligible Entity may nominate ARRs from any source to sink that 

totals no more than one hundred percent (100%) of its ARR Nomination Cap less 

any nominated candidate ARR amounts awarded in rounds 1 and 2.  In this round 

an Eligible Entity is limited to a maximum combined submittal of two-thousand 

(2,000) ARR nominations for each Asset Owner it represents. 



 

 

7.2.3 Annual Auction Revenue Right Awards 

A Simultaneous Feasibility Test is performed in each round of the ARR allocation 

to determine the amount of nominated ARRs to be awarded.  The Simultaneous 

Feasibility Test is performed using the Network Model projected for the corresponding 

ARR allocation period.  For the Simultaneous Feasibility Test, a nominated candidate 

ARR is modeled as a generation injection at the source and a corresponding load 

withdrawal at the sink.   

If the nominated candidate ARRs are not feasible, the amount of nominated 

candidate ARRs to be awarded will be reduced based on their relative impact on the 

constraint to produce a simultaneously feasible result.    



 

 

7.3 Annual Transmission Congestion Right Auction 

Market Participants may obtain TCRs by purchasing them in the annual TCR 

auction or through direct conversion of ARRs into TCRs.  The percentages of the 

Transmission System capability made available during the annual TCR auction are listed 

in Table 7-1 in Section 7.3.2 of this Attachment AE.  TCRs in the annual auction are 

auctioned in a single round.  No later than three (3) days prior to the start of the annual 

TCR auction, the Transmission Provider will post any changes to the Transmission 

System topology or input data assumptions that occurred after the conclusion of the 

annual ARR allocation. 



 

 

7.3.1 Transmission Congestion Right Offer and Bid Submittal 

(1) Market Participants that have satisfied the applicable credit requirements may 

participate in the annual TCR auction. 

(2) Market Participants holding ARRs associated with a specific source and sink may 

elect to self-convert all or a portion of those ARRs into TCRs by specifying the 

self-convert option as part of the TCR Bid submittal. 

(3) For each month and season included in the annual TCR auction, Market 

Participants may submit TCR Bids in 0.1 MW increments, for On-Peak and Off-

Peak periods.  A valid TCR Bid must contain the following information: 

(a) Source: any valid Settlement Location; 

(b) Sink: any valid Settlement Location; 

(c) Class: On-Peak or Off-Peak; 

(d) Period: specific month or season; 

(e) Type: Bid or self-convert; 

(f) TCR MW; and 

(g) TCR Price; 

(i) TCR Bids cannot exceed $100,000/MW-Month;  

(ii) TCR Bids cannot be less than negative $100,000/MW-Month; 

(4) For each TCR round, a Market Participant is limited to a maximum of 2,000 TCR 

Bids for each Asset Owner it represents. 



 

 

7.3.2 Annual Transmission Congestion Right Auction 

In the annual TCR auction, TCRs are made available in a single round for each 

month and season as follows: 

(1) For the month of June, one hundred percent (100%) of the Transmission System 

capability is made available, for the July-September period ninety percent (90%) 

is made available, and for the Fall, Winter and Spring seasons sixty percent (60%) 

is made available.  For additional details see Table 7-1; 

(a) Only Eligible Entities holding ARRs may submit a self-convert TCR Bid. 

(b) The self-convert TCR MWs are evaluated simultaneously with TCR Bids 

and are subject to reductions that may result from the Simultaneous 

Feasibility Test.  

(c) The self-convert TCR Bid must specify the same source and sink as the 

associated ARR and the TCR MW must be less than or equal to the 

associated ARR MW. 

(d) The self-convert type option will convert ARRs associated with the 

specified source to sink pair into the TCR MW specified subject to 

simultaneous feasibility. 



 

 

 

 

Table 7-1: TCR Auction Summary 

 

 

______________________ 

1
 October and November 

2
 December, January, February, March 

3
 April and May 

Auction 

Month 

Auction 

Type 

TCR Award Periods TCR 

Products 

Auction 

Rounds 

Total 

Auctions 

 May         Annual 

(System Capability %) 

Jun 

(100) 

Jul 

(90) 

Aug 

(90) 

Sep 

(90) 

Fall1 

(60)  

Winter2 

(60) 

Spring3 

(60) 
On-

Peak/ 

Off-Peak 

1  

 

14 

  Jun         Monthly 

(System Capability %) 

Jul 

(100) 

      On-

Peak/ 

Off-Peak 

1 2 

 Jul         Monthly 

(System Capability %) 

Aug 

(100) 

      On-

Peak/ 

Off-Peak 

1 2 

 Aug         Monthly 

(System Capability %) 

Sep 

(100) 

      On-

Peak/ 

Off-Peak 

1 2 

 Sep         Monthly 

(System Capability %) 

Oct 

(100) 

      On-

Peak/ 

Off-Peak 

2 4 

 Oct        Monthly 

(System Capability %) 

Nov 

(100) 

      On-

Peak/ 

Off-Peak 

2 4 

 Nov         Monthly 

(System Capability %) 

Dec 

(100) 

      On-

Peak/ 

Off-Peak 

2 4 

 Dec         Monthly 

(System Capability %) 

Jan 

(100) 

      On-

Peak/ 

Off-Peak 

2 4 

 Jan         Monthly 

(System Capability %) 

Feb 

(100) 

      On-

Peak/ 

Off-Peak 

2 4 

 Feb         Monthly 

(System Capability %) 

Mar 

(100) 

      On-

Peak/ 

Off-Peak 

2 4 

 Mar        Monthly 

(System Capability %) 

Apr 

(100) 

      On-

Peak/ 

Off-Peak 

2 4 

 Apr        Monthly 

(System Capability %) 

May 

(100) 

      On-

Peak/ 

Off-Peak 

2 4 



 

 

7.3.3 Annual Transmission Congestion Right Auction Clearing and Simultaneous 

Feasibility 

The auction is performed with an objective of maximizing the total TCR auction 

value while ensuring that the cleared TCRs are also simultaneously feasible.  A 

Simultaneous Feasibility Test is performed in each round. 

The Simultaneous Feasibility Test is performed using the Network Model 

projected for the corresponding ARR allocation period.  For the Simultaneous Feasibility 

Test, TCR submittals of both the self-convert type and Bid type are modeled as a 

generation injection at the source and a corresponding load withdrawal at the sink. 



 

 

7.3.4 Annual Transmission Congestion Right Awards 

Simultaneously feasible TCRs are awarded based upon the TCR Bid prices such 

that the total TCR auction value is maximized.  Self-converted TCRs are evaluated 

concurrently with all other submitted TCR Bids and are given the highest priority subject 

to simultaneous feasibility.  ACPs are calculated for each Settlement Location using the 

formula for the MCC as described in Section 8.3.1.2 of this Attachment AE. 



 

 

7.4 Monthly Transmission Congestion Right Auctions 

Market Participants may obtain TCRs, in addition to those obtained in the annual 

TCR auction, by purchasing TCRs in the monthly TCR auction or through direct 

conversion of ARRs awarded in the annual and incremental ARR allocations.  Market 

Participants may also offer for sale TCRs awarded in the annual TCR auction.  The TCRs 

for the months of July through September are auctioned in a single round.  The TCRs for 

the months of October through May are auctioned in two rounds.  No later than three (3) 

days prior to the monthly TCR auction, the Transmission Provider will post any changes 

to the Transmission System topology or input data assumptions that occurred after the 

conclusion of the annual ARR allocation. 



 

 

7.4.1 Monthly Transmission Congestion Right Offer and Bid Submittal 

(1) Market Participants that have satisfied the applicable credit requirements may 

participate in the monthly TCR auction. 

(2) Market Participants may submit TCR Bids and Offers for On-Peak and Off-Peak 

periods.  The following information is submitted for a TCR Bid or Offer: 

(a) Source: any valid Settlement Location; 

(b) Sink: any valid Settlement Location; 

(c) Class: On-Peak or Off-Peak; 

(d) Type: Bid, Offer or self-convert; 

(e) TCR MW: 0.1 MW increments, may not exceed ARR MW held on path if 

self-convert type selected; and 

(f) TCR Price: 

(i) TCR Bids cannot exceed $100,000/MW-Month; 

(ii) TCR Bids cannot be less than negative $100,000/MW-Month; 

(3) Market Participants may not submit more than a total of 2,000 TCR Bids, Offers 

and self-conversions in each TCR round for each Asset Owner it represents. 



 

 

7.4.2 Monthly Transmission Congestion Right Auction 

TCRs are auctioned in a single round for the months of July through September 

and one hundred percent (100%) of the Transmission System capability is made 

available.  Any amounts of ARRs awarded in the incremental ARR allocation plus: the 

lesser of (i) ten percent (10%) of the ARRs obtained in the annual ARR allocation or (ii) 

the difference between the ARRs obtained in the annual ARR allocation and the amount 

of self-converted TCRs awarded in the annual TCR auction may be self-converted during 

this auction and any TCRs obtained in the annual TCR auction may be Offered for sale. 

TCRs are auctioned in a two round process for the months of October through 

May.  In the two round process: 

(1) Round 1 - Fifty percent (50%) of the Transmission System capability remaining 

following the annual TCR auction is made available; 

(a) All ARRs awarded in the Incremental ARR Allocation Process may be 

submitted for self-conversion.  

(i) ARRs obtained in the annual allocation may be submitted for self-

conversion subject to the following limitations: Eligible Entities 

may submit the lesser of (i) forty percent (40%) of the ARRs 

obtained in the annual ARR allocation or (ii) the difference 

between the ARRs awarded in the annual ARR allocation and the 

quantity of self-converted TCRs awarded in the annual TCR 

auction.    

(ii) A self-convert TCR Bid must specify the same source and sink as 

the associated ARR and must be less than or equal to the 

associated ARR MW. 

(iii) The self-convert TCR MWs are evaluated simultaneously with 

TCR Bids and Offers and are subject to reductions that may result 

from the Simultaneous Feasibility Test. 

(b) Any TCRs awarded in the annual TCR auction may be offered for sale by 

the TCR holder. 

(d) Any Market Participant may also submit TCR Bids for any source-sink 

pair.   



 

 

 

 

 (2) Round 2 - The remaining Transmission System capability is made available; 

(a) An Eligible Entity may submit self-convert TCR Bids in this round that 

are limited to the values calculated under Section 7.6(2)(c) of this 

Attachment AE.  The self-convert TCR MWs are evaluated 

simultaneously with TCR Bids and Offers and are subject to reductions 

that may result from the Simultaneous Feasibility Test. 

(b) Any TCRs awarded in round 1 or the annual TCR auction, including self-

converted TCRs, may be offered for sale by the TCR holder. 

(c) Any Market Participant may also submit TCR Bids for any source-sink 

pair.   



 

 

7.4.3 Monthly Transmission Congestion Right Auction Clearing and Simultaneous 

Feasibility 

The auction is performed with an objective of maximizing the total TCR auction 

value while ensuring that the cleared TCRs are also simultaneously feasible.  A 

Simultaneous Feasibility Test is performed in each round using the Network Model 

projected for the corresponding monthly TCR auction period with all TCRs awarded in 

the annual TCR auction modeled as fixed injections and withdrawals.  To the extent that 

these fixed injections and withdrawals are no longer feasible, the Transmission Provider 

will make the minimum adjustments necessary to the ratings of the applicable 

transmission facilities in the model in order to allow the model to produce a feasible 

solution prior to the start of the monthly TCR auction solely for the purpose of the 

monthly TCR auction.  The Transmission Provider will report to the stakeholders on a 

quarterly basis regarding the number of times that the transmission facility ratings had to 

be adjusted in the model to ensure feasibility. 

For the Simultaneous Feasibility Test, monthly TCR submittals of the self-convert 

type and TCR Bid type are modeled as a generation injection at the source and a 

corresponding load withdrawal at the sink.  A monthly TCR submittal of the Offer type is 

modeled as a generation injection at the sink and a load withdrawal at the source.   



 

 

7.4.4 Monthly Transmission Congestion Right Awards 

Simultaneously feasible TCRs are awarded based upon the TCR Bid prices such 

that the total TCR auction value is maximized.  Self-converted TCRs are evaluated 

concurrent with all other submitted TCR Bids and are given the highest priority subject to 

simultaneous feasibility.  ACPs are calculated for each Settlement Location using the 

formula for the MCC as described in Section 8.3.1.2 of this Attachment AE. 



 

 

7.5 Incremental Auction Revenue Right Allocation 

Eligible Entities with firm Transmission Service that has been confirmed 

following completion of the annual TCR auction and prior to the next annual ARR 

verification are eligible to nominate incremental candidate ARRs associated with such 

services for each remaining month in the current annual ARR allocation period for which 

the firm Transmission Service applies.  To the extent that the Eligible Entity’s firm 

Transmission Service term extends beyond the current annual ARR allocation period, 

such remaining service will be included in the next annual ARR verification. 



 

 

7.5.1 Incremental Auction Revenue Right Transmission Service Verification 

In order to qualify for incremental candidate ARRs in a particular month, an 

Eligible Entity’s Transmission Service must span the entire month within the applicable 

year.  The Transmission Provider will verify Eligible Entity existing Transmission 

Service entitlements as follows: 

(1) No later than ten (10) days prior to the start of the applicable monthly TCR 

auction, an Eligible Entity must submit a request to the Transmission Provider for 

an allocation of incremental candidate ARRs associated with the approved and 

confirmed Transmission Service request.  The request must contain source, sink 

and Reservation Capacity information; 

(2) The Transmission Provider will verify that the source, sink and Reservation 

Capacity information submitted has been accurately reflected on the OASIS for 

the applicable month; 

(3) The Transmission Provider will notify the Eligible Entity no later than two (2) 

days following receipt of the request if the OASIS data does not match the data 

submitted in the request.  Otherwise the Eligible Entity may consider the request 

approved; and 

(4) If the Transmission Provider notifies the Eligible Entity as described in (3) above 

that it cannot verify the Eligible Entity’s service, the Eligible Entity must either 

correct the OASIS data or resubmit its request with corrected data that matches 

the OASIS data no later than six (6) days prior to the start of the applicable 

monthly TCR auction. 



 

 

7.5.2 Incremental Candidate Auction Revenue Rights 

Following verification of Eligible Entity Transmission Service, incremental 

candidate ARRs associated with such Transmission Service are assigned as follows: 

(1) For each Eligible Entity with Network Integration Transmission Service 

confirmed and verified following completion of the annual TCR auction, the 

Eligible Entity’s Network Integration Transmission Service Incremental 

Candidate ARRs from a specific source is then equal to the source Reservation 

Capacity.  An Eligible Entity may nominate Network Integration Transmission 

Service Incremental Candidate ARRs, as described in Section 7.5.3 of this 

Attachment AE from a specific source to one or more sinks up to the amount of 

its Network Integration Transmission Service Incremental Candidate ARRs 

associated with the source subject to its Network Integration Transmission 

Service ARR Nomination Cap described in Section 7.1.3 of this Attachment AE; 

(2) For each Eligible Entity with Firm Point-To-Point service confirmed and verified 

following completion of the annual TCR auction, the Eligible Entity’s Firm Point-

To-Point Incremental Candidate ARRs for a specific source to sink pair is equal 

to the Reservation Capacity for that source to sink pair.  An Eligible Entity may 

nominate Firm Point-To-Point Incremental Candidate ARRs, as described in 

Section 7.5.3 of this Attachment AE, for this specific source and sink pair up to 

the amount of its Firm Point-To-Point Incremental Candidate ARRs subject to its 

Firm Point-To-Point ARR Nomination Cap described in Section 7.1.3 of this 

Attachment AE; 

(3) For each Eligible Entity with equivalent Network Integration Transmission 

Service GFA service confirmed and verified following completion of the annual 

TCR auction, the Eligible Entity’s Grandfathered Agreement Network Integration 

Transmission Service Incremental Candidate ARRs from a specific source is 

equal to the source Reservation Capacity.  An Eligible Entity may nominate 

Grandfathered Agreement Network Integration Transmission Service Incremental 

Candidate ARRs, as described in Section 7.5.3 of this Attachment AE, from a 

specific source to one or more sinks up to the amount of its Grandfathered 

Agreement Network Integration Transmission Service Incremental Candidate 



 

 

 

 

ARRs subject to the total nomination limit described in Section 7.1.3 of this 

Attachment AE; and 

(4) For each Eligible Entity with equivalent Firm Point-To-Point GFA service 

confirmed and verified following completion of the annual TCR auction, the 

Eligible Entity’s Grandfathered Agreement Firm Point-To-Point Incremental 

Candidate ARRs for a specific source to sink pair is equal to the Reservation 

Capacity associated with that source to sink pair.  An Eligible Entity may 

nominate Grandfathered Agreement Firm Point-To-Point Incremental Candidate 

ARRs, as described in Section 7.5.3 of this Attachment AE, for this specific 

source to sink pair up to the amount of its Grandfathered Agreement Firm Point-

To-Point Incremental Candidate ARRs subject to the total nomination limit 

described in Section 7.1.3 of this Attachment AE. 



 

 

7.5.3 Incremental Auction Revenue Right Nominations 

Five (5) days prior to the start of the monthly TCR auction, Eligible Entities may 

nominate in a single round: (i) Network Integration Transmission Service Incremental 

Candidate ARRs in 0.1 MW increments along specific source to sink paths that totals no 

more than the difference between their Network Integration Transmission Service ARR 

Nomination Cap and ARRs associated with Network Integration Transmission Service 

Candidate ARRs awarded in the annual ARR allocation; (ii) Firm Point-To-Point 

Incremental Candidate ARRs in 0.1 MW increments along specific source to sink paths 

that totals no more than the difference between their Firm Point-To-Point ARR 

Nomination Cap and ARRs associated with Firm Point-To-Point Candidate ARRs 

awarded in the annual ARR allocation; (iii) Grandfathered Agreement Network 

Integration Transmission Service Incremental Candidate ARRs in 0.1 MW increments 

along specific source to sink paths that totals no more than the difference between their 

Grandfathered Agreement Network Integration Transmission Service ARR Nomination 

Cap and ARRs associated with Grandfathered Agreement Network Integration 

Transmission Service Candidate ARRs awarded in the annual ARR allocation; and (iv) 

Grandfathered Agreement Firm Point-To-Point Incremental Candidate ARRs in 0.1 MW 

increments along specific source to sink paths that totals no more than the difference 

between their Grandfathered Agreement Firm Point-To-Point ARR Nomination Cap and 

ARRs associated with Grandfathered Agreement Firm Point-To-Point Candidate ARRs 

awarded in the annual ARR allocation.  Nominations occur separately for On-Peak and 

Off-Peak periods.  Eligible Entities submit the following information: 

(1) Source: valid incremental candidate ARR source Settlement Location; 

(2) Sink: valid incremental candidate ARR sink Settlement Location; 

(3) Class: On-Peak or Off-Peak; and 

(4) ARR MW: 

(a)  The total ARR MW nominated from a source Settlement Location 

cannot exceed the source incremental candidate ARRs. 



 

 

7.5.4 Incremental Auction Revenue Rights Awards 

A Simultaneous Feasibility Test is performed to determine the amount of 

nominated candidate incremental ARRs to be awarded.  For the Simultaneous Feasibility 

Test a nominated candidate ARR is modeled as a generation injection at the source and a 

corresponding load withdrawal at the sink. The Simultaneous Feasibility Test is 

performed using the following assumptions.  

(1) The Transmission System model used in will be the same Network Model 

to be used in the upcoming monthly TCR auction; 

(2) One hundred percent (100%) of the projected maximum Transmission 

System capability is made available; and 

(3) All TCRs previously awarded in the annual TCR auction and all 

remaining ARRs not accounted for in the annual TCR auction (as defined 

in Section 7.6 of this Attachment AE) for the applicable month are 

modeled as fixed injections at the specified sources and fixed withdrawals 

at the specified sinks.  To the extent that these fixed injections and 

withdrawals are no longer feasible, the Transmission Provider will make 

the minimum adjustments necessary to the ratings of the applicable 

transmission facilities in the model in order to allow the model to produce 

a feasible solution solely for the purpose of assessing incremental ARR 

feasibility.  The Transmission Provider will report to the stakeholders on a 

quarterly basis regarding the number of times that the transmission facility 

ratings had to be adjusted in the model to ensure feasibility. 

If the nominated candidate incremental ARRs are not feasible, the amount of 

nominated candidate incremental ARRs to be awarded will be reduced based on their 

relative impact on the constraint to produce a simultaneously feasible result. 



 

 

7.6 Auction Revenue Right Allocation and Transmission Congestion Right Auction 

Settlements 

The charges and payments to ARR and TCR holders will be calculated on a daily 

basis and included on the Settlement Statements consistent with the timing of the Energy 

and Operating Reserve Markets settlement as described in Section 8.7 of this Attachment 

AE.  For the purposes of calculating charges and payments to ARR holders, the following 

amounts of ARR awards will be used: 

(1) ARR Settlement for annual TCR auction: 

(a) For the month of June, one hundred percent (100%) of annual 

ARR award; 

(b) For the months of July through September, the greater of (i) ninety 

(90%) of annual ARR award or (ii) self-convert TCR award; and 

(c) For the Fall, Winter and Spring seasons, the greater of (i) sixty 

(60%) of annual ARR award or (ii) self-convert TCR award. 

(2) ARR Settlement for monthly TCR auction: 

(a) For the months of July through September, ARRs not accounted 

for in ARR Settlement in the annual TCR auction as described in 

(1)(b) above plus all incremental ARR awards; 

(b) For the months of October through May for round 1, the greater of 

(i) fifty (50%) of incremental ARR awards plus: fifty percent 

(50%) of the difference between the annual ARR award and the 

ARRs accounted for in the annual TCR auction as described in 

(1)(c) above or (ii) Self-convert TCR awards; and  

(c) For the months of October through May for round 2, the difference 

between: (i) the sum of annual ARR awards and incremental ARR 

awards and (ii) the sum of ARR MW accounted for in Section 

(1)(c) above and the ARR MW accounted for in Section (2)(b) 

above. 



 

 

7.7 Transmission Congestion Right Secondary Market 

The Transmission Provider will facilitate a secondary market for TCRs.  Both 

purchaser and seller in the secondary market must be a Market Participant.  The 

secondary market is described as follows:  

(1) Bilateral trading of existing TCRs is facilitated through a bulletin board system; 

(2) TCRs may be broken down into increments that are not smaller than 0.1 MW and 

that totals no more than the original TCR; 

(3) TCRs may be traded daily, for On-Peak or Off-Peak periods; 

(4) Trades must be completed no later than two (2) calendar days prior to the 

applicable Operating Day to which the TCR instrument applies. 

(5) The TCR purchaser pays TCR seller directly; 

(6) TCRs may not be reconfigured (path must remain the same); 

(7) The Market Participants must inform the Transmission Provider of any proposed 

transfer and the Transmission Provider must confirm that the credit requirements 

in Attachment X of this Tariff have been met prior to the transfer of ownership of 

a TCR through a bilateral transaction; and 

(8) The Transmission Provider records the transfer of TCR ownership. 



 

 

7.8 Liquidation of Transmission Congestion Rights in the Event of Market Participant 

Default 

In the event the Transmission Provider declares a Market Participant to be in 

default in accordance with Attachment X of this Tariff, the Transmission Provider shall 

initiate the following procedures to close out and liquidate the TCRs of the Market 

Participant as soon as practicable after such default is declared:  

(1) Transmission Provider may close out the defaulting Market Participant’s positions 

as of the date of default, by unilaterally accelerating and terminating all forward 

TCR positions. 

(2) Transmission Provider shall post on its website all salient information relating to a 

closed out portfolio of TCRs. 

(3) In liquidating the defaulting Market Participant’s TCR portfolio, the Transmission 

Provider shall not allow the liquidated TCRs offered for sale to set price.   

(4) Transmission Provider may offer for sale all of the TCR positions within the 

defaulting Market Participant’s TCR portfolio in any or all upcoming regularly 

scheduled TCR auctions.  

(5) Alternatively, the Transmission Provider may conduct one or more specially 

scheduled TCR auctions, in which all of the portfolio of the defaulting Market 

Participant’s TCRs are offered for sale.   

(6) If Transmission Provider elects not to, or is unable to, close out and liquidate a 

TCR position under these procedures, the close out shall be deemed void and the 

defaulting Market Participant shall remain liable for the full final value of its 

default, such full final value being based upon the results of the applicable Day-

Ahead Market settlements. 



 

 

8.0 Post Operating Day and Settlement Activities 

Post Operating Day activities begin on the day immediately following the 

Operating Day.  The Transmission Provider issues initial Settlement Statements for each 

Operating Day on the seventh (7) day following the Operating Day and final Settlement 

Statements on the forty-seventh (47) day following the Operating Day to both Asset 

Owners and Market Participants.  Settlement Invoices are issued to Market Participants 

on a weekly basis. 



 

 

8.1 Settlement Sign Conventions 

For the purposes of settlement calculation of charges and payments described 

under this Section 8, negative signs shall reflect payments to Market Participants and 

positive signs to shall reflect charges to Market Participants.  Throughout the settlement 

calculations, multiplication by (-1) is used to attain the proper sign convention where 

needed.  The following sign conventions for variables used in the settlement calculations 

are assumed as follows: 

(1) Cleared Resource MWh and Virtual Energy Offer MWh in the Day-Ahead 

Market is negative value; 

(2) Cleared load MWh and Virtual Energy Bid MWh in the Day-Ahead Market is a 

positive value; 

(3) Import Interchange Transaction MWh is a negative value; 

(4) Export Interchange Transaction MWh is a positive value; 

(5) Cleared Operating Reserve MWs in the Day-Ahead Market and RTBM are 

positive values; 

(6) All MWs associated with TCRs are positive values; 

(7) Actual Meter values and telemetered/State Estimator values for Resource output 

is a negative value; and  

(8) Actual meter values and telemetered/State Estimator values for load consumption 

is a positive value. 



 

 

8.2 Bilateral Settlement Schedules 

Market Participants may create Bilateral Settlement Schedules for Energy and Operating 

Reserve obligations by registering and confirming the parameters of the agreement between 

buyer and seller as described in the Market Protocols.  Either the buyer or seller may terminate 

the Bilateral Settlement Schedule at any time.  In addition, the Transmission Provider may 

terminate the Bilateral Settlement Schedule if it encounters recurring settlement disputes or if 

either party is in Default and Transmission Provider will resettle with Market Participants as if 

the Bilateral Settlement Schedule did not exist. 

Market Participants may submit Bilateral Settlement Schedule quantities for Energy and 

Operating Reserve obligation for use in the Day-Ahead Market and may submit Bilateral 

Settlement Schedule quantities for Energy for use in the Real-Time Balancing Market up to four 

(4) days following the applicable Operating Day for the initial settlement.  New submittals and 

revisions to previously submitted values may be submitted up to forty-four (44) days following 

the applicable Operating Day to be included in the final settlement.  Submittals not confirmed by 

both parties will not be included in any settlement execution. 

Transactions related to Bilateral Settlement Schedules for Energy must specify the 

Settlement Location, the MW amount, the buyer, the seller and which market it applies to (Day-

Ahead Market or RTBM).  The seller receives an increase in load obligation equal to the 

specified MW amount and the buyer receives a reduction in load obligation equal to the specified 

MW amount (the equivalent of a Resource settlement) at the specified Settlement Location. 

Transactions related to Bilateral Settlement Schedules for Operating Reserve obligation 

must specify the buyer, the seller, the Operating Reserve product, the MW obligation transfer 

and the Reserve Zone within which the obligation transfer applies.  The seller receives an 

increase in Operating Reserve obligation equal to the specified MW and the buyer receives a 

corresponding decrease in Operating Reserve obligation within the specified Reserve Zone. 



 

 

8.3 Calculation of Locational Marginal Prices, Locational Marginal Price Components, 

and Market Clearing Prices 

An LMP shall be calculated for each Meter Settlement Location for the Day-

Ahead Market and RTBM and shall be calculated as the price at that location based on 

the SCED and Operating Reserve clearing, the Dispatchable Resource Energy Offer 

Curve, Operating Reserve Offer prices and Resource characteristics submitted by Market 

Participants and data from the State Estimator.  The following rules will be used in 

calculating the LMPs: 

(1) LMPs are calculated by the Transmission Provider for each hour in the Day-

Ahead Market and each Dispatch Interval in the RTBM as part of the SCED 

solution described under Section 6.2.2 of this Attachment AE.  In performing 

these calculations, Dispatchable Resources will be eligible to set the LMP under 

the following conditions: 

(a) The Dispatchable Resource must be operating below its maximum 

capacity limit; 

(b) The Dispatchable Resource must be operating above its minimum capacity 

limit; and 

(c) The Dispatchable Resource output must not be ramp rate constrained such 

that the Dispatchable Resource cannot achieve the optimal desired 

dispatch point under the economic dispatch. 

(2) The Transmission Provider shall calculate LMPs, MCCs and MLCs for use in 

settlement as follows: 

(a) An LMP, MCC and MLC shall be calculated for each Meter Settlement 

Location for each hour in the Day-Ahead Market and for every Dispatch 

Interval in the RTBM. 

(b) The LMP, MCC and MLC for a load Settlement Location or a Demand 

Response Load location with multiple Meter Settlement Locations for an 

hour within the Day-Ahead Market or a Dispatch Interval within the 

RTBM shall be equal to the load weighted average of LMPs calculated for 

Meter Settlement Locations aggregated to that Settlement Location or 

Demand Response Load location for that hour or Dispatch Interval.  The 



 

 

 

 

load weights utilized in this calculation for the Day-Ahead Market shall be 

based upon a historical Real-Time load calculated at each Meter 

Settlement Location by the State Estimator and for the RTBM shall be 

based upon the actual Real-Time load calculated at each Meter Settlement 

Location by the State Estimator in that Dispatch Interval. 

(c) The LMP, MCC and MLC for a Resource Settlement Location for an hour 

in the Day-Ahead Market and for a Dispatch Interval in the RTBM shall 

equal the LMP, MCC and MLC calculated for that Settlement Location for 

the Resource or, in the case of a Block Demand Response Resource, the 

LMP, MCC and MLC calculated at the associated Demand Response 

Load location. 

(d) The LMP, MCC and MLC for a Market Hub Settlement Location for an 

hour within the Day-Ahead Market or a Dispatch Interval within the 

RTBM shall be equal to the weighted average of LMPs, MCCs and MLCs 

calculated for Price Nodes within the Market Hub aggregated to that 

Market Hub Settlement Location for that hour or Dispatch Interval.  The 

weights utilized in this calculation for the Day-Ahead Market shall be 

determined by the Transmission Provider, in consultation with Market 

Participants, at the time the Market Hub is created. 

(e) The LMP, MCC and MLC for an External Interface Settlement Location 

for an hour within the Day-Ahead Market or a Dispatch Interval within the 

RTBM shall be equal to the weighted average of LMPs, MCCs and MLCs 

calculated for Price Nodes within the External Interface aggregated to that 

External Interface Settlement Location for that hour or Dispatch Interval.  

The weights utilized in this calculation for the Day-Ahead Market and 

RTBM shall be determined by the Transmission Provider at the time the 

External Interface is created. 

(3) In the event a failure of the RTBM systems results in a loss of data required for 

calculation of LMPs, RTBM Energy will continue to be settled financially under 

this Tariff based upon estimated LMPs.  The Transmission Provider shall notify 

Market Participants if RTBM Energy is to be settled using estimated prices.  The 



 

 

 

 

estimated LMPs shall be the most recently calculated LMPs, MCCs and MLCs 

for each affected Settlement Location and shall be utilized for settlement purposes 

for each of the Dispatch Intervals in which LMP pricing data is missing. 

(4) If there is insufficient capacity to meet the Energy requirements on a system-wide 

basis, LMPs are set to the LMPs calculated prior to realization of the complete 

shortage of Operating Reserve. 



 

 

8.3.1 Locational Marginal Price Calculations and Components 

The LMP at a PNode is the cost of delivering an additional MW of energy at that 

specific PNode, while satisfying all operational constraints.  The LMP at any PNode is 

the sum of three components: the marginal costs of Energy (the MEC), the marginal cost 

of losses (the MLC), and the marginal cost of congestion (the MCC). 

LMP Components at PNode i are calculated based upon the following formula: 

LMPi = MEC + MLCi + MCCi 

Where: 

(1) MEC is the component of LMPi representing the marginal cost of Energy; 

(2) MLCi is the component of LMPi representing the marginal cost of losses at 

PNode i relative to the Reference Bus; 

(3) MCCi is the component of LMPi representing the marginal cost of congestion at 

ENode i relative to the Reference Bus; and 

(4) The Reference Bus represents the network distributed load bus. 

  

8.3.1.1 Marginal Losses Component Calculation 

The MLCi at each Pnode i is defined by the following equations: 

MLCi = -MLSFi * MEC 

MLSFi =  (SPP Losses) /  Pi 

Where: 

(1) SPP Losses = SPP Transmission System losses;  

(2) MLSFi = Marginal loss sensitivity factor at PNode i; 

(3) MEC is the component of LMPi representing the marginal cost of Energy; 

(4) Pi = Net injection at PNode i. 

The MLSFi is a linearized estimate of the change in SPP transmission losses that 

will result from a 1 MW injection at PNode i coupled with a corresponding withdrawal at 

the Reference Bus to maintain global power balance.  Marginal loss sensitivity factors are 

dependent on topology, node injections and node withdrawals. 

  

8.3.1.2 Marginal Congestion Component Calculation 

The MCC at each PNode i is defined by the following equations: 



 

 

 

 

MCCi = - (  Sensik * SPk  ) 

Sensik =  Flowk /  Pi 

Where: 

(1) K is the number of transmission constraints;  

(2) Sensik is the linearized estimate of the change in the constraint k flow resulting 

from an incremental energy injection at PNode i coupled with an incremental 

energy withdrawal at the Reference Bus; 

(3) Flowk = Calculated flow for constraint k; 

(4) SPk = is the Shadow Price of constraint k; 

(5) Pi = Net injection at PNode i. 

  

8.3.1.3 Marginal Energy Component Calculation 

The MEC is defined as the computed LMP at the Reference Bus.  By definition, 

MCC and MLC components are zero (0) at the Reference Bus. 



 

 

8.3.2 Violation Relaxation Limit 

The Day-Ahead Market, RUC and RTBM SCED enforce a number of operating 

constraints in developing the co-optimized market solution.  In certain situations, 

attempting to enforce all constraints may result in a solution that is not feasible at a 

Shadow Price less than an appropriately priced VRL.  In such cases, the Transmission 

Provider must apply VRLs in SCED.  The VRL values are listed in Addendum 1 to this 

Attachment AE. 

There are five (5) categories of constraints and associated VRLs: (1) Resource 

capacity constraints; (2) Resource ramp constraints; (3) global power balance constraints; 

(4) operating constraints (which include Price Node (―Pnode‖), Manual, Watch List, 

flowgate and Real-Time contingency analysis (―RTCA‖) constraints) and (5) Regulation-

up plus spinning reserve requirement constraint.  A higher VRL value is an indication of 

the relative priority for enforcing the constraint type.  For example, the VRL value 

assigned to a ramp rate limit exceeds that assigned to a flowgate limit indicating that the 

flowgate constraint should be relaxed before the ramp rate constraint.  If the VRL with 

the lowest value will not allow SCED to balance the Energy obligations, a higher VRL 

will be applied.  In the case of the operating constraint VRLs, the values limit the cost of 

the dispatch needed to balance system injections and withdrawals by capping the Shadow 

Price depending upon the level of the violation.  Similarly, the Spinning Reserve 

constraint VRL limits the costs of redispatch needed to meet the Spinning Reserve 

requirement by capping the Spinning Reserve Shadow Price. 



 

 

8.3.3 Impact of Violation Relaxation Limits on Locational Marginal Prices 

 The applicable VRLs impact the calculation of LMPs in the following manner: 

(1) When a Resource capacity, global power balance, Resource ramp, or operating 

constraint is reached but not exceeded, it is referred to as ―binding.‖  In this state, 

VRLs are not applicable and LMPs are calculated through the normal SCED 

solution;  

(2) When a Resource capacity, global power balance or operating constraint is 

exceeded and cannot be resolved, the applicable constraint is relaxed so that 

SCED can solve.  The VRL values applied by SCED in this case are not used 

directly in determining the LMP.  LMPs are determined by the relaxed SCED 

solution; 

(3) When a Resource ramp constraint for Energy in the up direction is exceeded and 

cannot be resolved and there is no capacity shortage causing Scarcity Pricing to 

be initiated as described in Section 8.3.4.2 of this Attachment AE, LMPs are set 

equal to the highest Resource Offer for Energy as specified in the Energy Offer 

Curve that cleared in the Day-Ahead Market or that was dispatched in the RTBM 

and MCPs are set by reducing the Operating Reserve requirement to match 

available Operating Reserve; and 

(4) When a Resource ramp constraint for Energy in the down direction is exceeded 

and cannot be resolved and there is no excess generation condition causing 

Scarcity Pricing to be initiated as described in Section 8.3.4.2 of this Attachment 

AE, LMPs are set equal to the lowest Resource Offer for Energy as specified in 

the Energy Offer Curve that cleared in the Day-Ahead Market or that was 

dispatched in the RTBM and MCPs are set based upon the submitted Resource 

Offers. 



 

 

8.3.4 Market Clearing Price Calculations 

The MCP represents the cost of supplying an increment of Operating Reserve, 

taking into account lost opportunity cost and is composed of the marginal Operating 

Reserve costs and marginal costs associated with Operating Reserve scarcity.  The Day-

Ahead Market and RTBM MCPs at a Reserve Zone for Resources with cleared 

Regulation-Up, Regulation-Down, Spinning Reserve and/or Supplemental Reserve in that 

Reserve Zone are equal to the summation of the applicable Shadow Prices associated 

with the  constraints as described below: 

(1) There are four sets of constraints which apply on both a system-wide basis and a 

Reserve Zone basis: 

(a) A contingency reserve plus regulation-up constraint is equal to the sum of 

the Contingency Reserve requirement and the Regulation-Up requirement; 

(b) A regulation-up plus spinning reserve constraint is equal to the sum of the 

Regulation-Up requirement and the Spinning Reserve requirement; 

(c) A regulation-up constraint is equal to the Regulation-Up requirement; and  

(d) A regulation-down constraint is equal to the Regulation-Down 

requirement. 

(2) Operating Reserve MCPs are calculated as follows: 

(a) The Regulation-Up MCP is equal to sum of the Shadow Prices for the 

regulation-up constraint, regulation-up plus spinning reserve constraint 

and the contingency reserve plus regulation-up constraint;  

(b) The Spinning Reserve MCP is equal to the sum of the Shadow Prices for 

the regulation-up plus spinning reserve constraint and the contingency 

reserve plus regulation-up constraint; 

(c) The Supplemental Reserve MCP is equal to the Shadow Price of the 

operating reserve constraint; and 

(d) The Regulation-Down MCP is equal to the Shadow Price for the 

regulation-down constraint. 

(3) In the event a failure of the RTBM systems results in a loss of data required for 

calculation of MCPs, RTBM Operating Reserve will continue to be settled 

financially under this Tariff based upon estimated MCPs.  The Transmission 



 

 

 

 

Provider shall notify Market Participants if RTBM Operating Reserve is to be 

settled using estimated prices.  The estimated MCPs shall be the most recently 

calculated MCPs for each affected Reserve Zone and shall be utilized for 

settlement purposes for each of the Dispatch Intervals in which MCP pricing data 

is missing. 

 

8.3.4.1 Impact of Violation Relaxation Limits on Market Clearing Prices 

When the Shadow Price of the regulation-up plus spinning reserve constraint is 

exceeded, the Spinning Reserve requirement will be relaxed such that the Shadow Price 

of the regulation-up plus spinning reserve constraint is less than or equal to the 

regulation-up plus spinning reserve constraint VRL value.  

 

8.3.4.2 Impact of Scarcity Pricing on Market Clearing Prices 

(1) The Transmission Provider shall use Demand Curves to set MCPs in both the 

Day-Ahead Market and RTBM during times of Operating Reserve shortages, 

either on a system-wide or Reserve Zone basis. 

(2) Operating Reserve shortages caused by insufficient ramping capability shall not 

be subject to Scarcity Pricing. 

(3) Scarcity Prices are set using the following Demand Curves that apply on a 

system-wide and Reserve Zone basis as follows: 

(a) Operating Reserve Demand Curve – The sum of the safety-net Energy 

Offer cap and the Contingency Reserve Offer cap as specified in Section 

4.1.1 of this Attachment AE. 

(b) Regulation-Up Demand Curve – The sum of the Regulation Offer cap and 

the Contingency Reserve Offer cap as specified in Section 4.1.1 of this 

Attachment AE. 

(c) Regulation-Down Demand Curve – The sum of the Regulation Offer cap 

and the Contingency Reserve Offer cap as specified in Section 4.1.1 of 

this Attachment AE. 



 

 

8.4 Price Corrections  

If LMP and MCP corrections are required due to software errors and/or data input 

errors, the Transmission Provider shall impose corrective measures and take immediate 

action to remedy such errors and recalculate LMPs and MCPs in accordance with the 

following procedures: 

(1) Notice to Market Participants: 

In any Operating Hour for which the Transmission Provider believes that a 

software error or data input error will require correction of one or more LMPs and 

MCPs, the Transmission Provider shall make publicly available on its OASIS as 

soon as practicable but not later than 1700 hours on the fourth calendar day 

following the day in which the LMPs and MCPs would be affected by the 

contemplated price correction. 

If practicable prior to making a price correction, the Transmission 

Provider shall make publicly available on its OASIS a description of its proposed 

price correction.  In any event, the Transmission Provider shall post a description 

of the proposed price correction within five (5) calendar days after the date on 

which a notice of a price correction is posted.  If the Transmission Provider 

determines that a price correction is not necessary, it shall withdraw the notice of 

possible price correction from its OASIS as soon as practicable. 

(2) Price corrections identified after the end of the notice period: 

If the Transmission Provider identifies software or data input errors 

requiring a price correction subsequent to the issuance of the final Settlement 

Statement, but does not (a) post a notice of price correction or (b) post a 

description of the proposed price correction within the required time periods, the 

Transmission Provider shall request Commission approval prior to making the 

necessary price correction.   

(3) Process for recalculating prices and compensation for the Day-Ahead Market: 

The Transmission Provider shall recalculate LMPs, MCPs and Day-Ahead 

Market cleared amounts for the Day-Ahead Market in a manner that reflects, as 

closely as practicable, the LMPs and MCPs that would have resulted but for the 

software or data input error for the Day-Ahead Market while maintaining the 



 

 

 

 

original Day-Ahead Market unit commitment.  The Transmission Provider shall 

perform any necessary resettlement using the recalculated Day-Ahead Market 

results.  Such recalculated Day-Ahead Market results shall be provided to Market 

Participants in the same manner as the original Day-Ahead Market results 

determined in the ordinary course of business. 

(4) Process for recalculating prices and compensation for the RTBM: 

SPP shall recalculate LMPs and MCPs for the RTBM in a manner that 

reflects, as closely as practicable, the LMPs and MCPs that would have resulted 

but for the software or data input error for the RTBM and shall perform any 

necessary resettlement using these recalculated values.  Such recalculated LMPs 

and MCPs shall be provided to Market Participants in the same manner as LMPs 

and MCPs determined in the ordinary course of business.  Compensation to 

Market Participants results from the recalculated prices shall be as follows:   

(a) For instances where the recalculated RTBM LMP is less than a Resource’s 

Energy Offer Curve price, compensation shall be as described under 

Section 8.6.6(1); 

(b) For instances where a Resource’s recalculated RTBM LMP is greater than 

the Day-Ahead Market LMP and the Market Participant is buying back its 

Day-Ahead Market position as a result of a Dispatch Instruction, 

compensation shall be as described under Section 8.6.6(2) except that, the 

MW amount eligible for compensation shall be equal to the difference 

between the Resource’s Day-Ahead Market MW position and the greater 

of that Resource’s actual MW output in the Dispatch Interval or the 

Resource’s average Setpoint Instruction in the Dispatch Interval; 

(c) For instances where a Resource’s recalculated RTBM Operating Reserve 

product MCP is greater than the Day-Ahead Market Operating Reserve 

product MCP and the Market Participant is buying back its Day-Ahead 

Market Operating Reserve product position resulting from the 

Transmission Provider clearing all or a portion of that Operating Reserve 

product on a different Resource in the market solution, compensation shall 

be as described under Section 8.6.6(3). 



 

 

8.5 Day-Ahead Market Settlement 

Settlement calculations for Energy and Operating Reserve in the Day-Ahead 

Market are based upon the results of the Day-Ahead Market clearing for that Operating 

Day as described in Section 5.1.3 of this Attachment AE. 

The following Subsections describe the Day-Ahead Market settlement charge 

types.  For each charge type, the calculation is performed at the hourly level for each 

Asset Owner at each Settlement Location.  The Transmission Provider shall calculate 

hourly summations for each Market Participant for all Asset Owners it represents and 

shall calculate daily summations as specified in the Market Protocols. 



 

 

8.5.1 Day-Ahead Energy Amount 

A Day-Ahead Market charge or payment for cleared Energy is calculated at each 

Settlement Location for each Asset Owner for each hour as follows: 

(1) For Energy associated with loads:  

 The Day-Ahead Asset Energy Hourly Amount = 

 (Day-Ahead LMP) * [(Day-Ahead Cleared Load Energy Hourly Quantity) - (Day-

Ahead Asset Energy Hourly Bilateral Settlement Schedules)] 

(a) Day-Ahead LMP, as defined under Section 1 of this Attachment AE, 

associated with that load Settlement Location. 

(b) An Asset Owner’s Day-Ahead Cleared Load Energy Hourly Quantity is 

the MW quantity associated with cleared Demand Bids at that load 

Settlement Location as described under Section 5.1.3 of this Attachment 

AE. 

(c) An Asset Owner’s Day-Ahead Asset Energy Hourly Bilateral Settlement 

Schedules are those Bilateral Settlement Schedules that settle at that load 

Settlement Location as submitted in accordance with Section 8.2.1 of this 

Attachment AE. 

(2) For Energy associated with Resources: 

 The Day-Ahead Asset Energy Hourly Amount =  

 (Day-Ahead LMP) * [(Day-Ahead Cleared Resource Energy Hourly Quantity) - 

(Day-Ahead Asset Energy Hourly Bilateral Settlement Schedules)] 

(a) Day-Ahead LMP, as defined under Section 1 of this Attachment AE, 

associated with that Resource Settlement Location. 

(b) An Asset Owner’s Day-Ahead Cleared Resource Energy Hourly Quantity 

is the MW quantity associated with cleared Resource Offers at that 

Resource Settlement Location as described under Section 5.1.3 of this 

Attachment AE. 

(c) An Asset Owner’s Day-Ahead Asset Energy Hourly Bilateral Settlement 

Schedules are those Bilateral Settlement Schedules that settle at that 

Resource Settlement Location as submitted in accordance with Section 

8.2.1 of this Attachment AE. 



 

 

 

 

(3) For Energy associated with Import Interchange Transactions: 

 Day-Ahead Non-Asset Energy Hourly Amount =  

 (Day-Ahead LMP) * [(Day-Ahead Cleared Import Energy Hourly Quantity) – 

(Day-Ahead Non-Asset Energy Bilateral Settlement Schedules)] 

(a) Day-Ahead LMP, as defined under Section 1 of this Attachment AE, 

associated with the applicable External Interface Settlement Location. 

(b) An Asset Owner’s Day-Ahead Cleared Import Energy Hourly Quantity is 

the MW quantity associated with cleared Import Interchange Transaction 

Offers at that External Interface Settlement Location as described under 

Section 5.1.3 of this Attachment AE. 

(c) An Asset Owner’s Day-Ahead Non-Asset Energy Hourly Bilateral 

Settlement Schedules are those Bilateral Settlement Schedules that settle 

at that External Interface Settlement Location as submitted in accordance 

with Section 8.2.1 of this Attachment AE. 

(4) For Energy associated with Export Interchange Transactions: 

 Day-Ahead Non-Asset Energy Hourly Amount =  

 (Day-Ahead LMP) * [(Day-Ahead Cleared Export Energy Hourly Quantity) – 

(Day-Ahead Non-Asset Energy Bilateral Settlement Schedules)] 

(a) Day-Ahead LMP, as defined under Section 1 of this Attachment AE, 

associated with the applicable External Interface Settlement Location. 

(b) An Asset Owner’s Day-Ahead Cleared Export Energy Hourly Quantity is 

the MW quantity associated with cleared Export Interchange Transaction 

Offers at that External Interface Settlement Location as described under 

Section 5.1.3 of this Attachment AE. 

(c) An Asset Owner’s Day-Ahead Non-Asset Energy Hourly Bilateral 

Settlement Schedules are those Bilateral Settlement Schedules that settle 

at that External Interface Settlement Location as submitted in accordance 

with Section 8.2.1 of this Attachment AE. 

(5) For Energy associated with remaining Bilateral Settlement Schedules: 

 Day-Ahead Non-Asset Energy Hourly Amount =  



 

 

 

 

 (Day-Ahead LMP) * [(Day-Ahead Non-Asset Energy Bilateral Settlement 

Schedules) * (-1)] 

(a) Day-Ahead LMP, as defined under Section 1 of this Attachment AE, 

associated with the applicable Settlement Location. 

(b) An Asset Owner’s Day-Ahead Non-Asset Energy Hourly Bilateral 

Settlement Schedules are those Bilateral Settlement Schedules that settle 

at Settlement Locations other than External Interface Settlement 

Locations, that Asset Owner’s load Settlement Locations or that Asset 

Owner’s Resource Settlement Locations, as submitted in accordance with 

Section 8.2.1 of this Attachment AE. 

(6) For Energy associated with Virtual Energy Bids: 

 Day-Ahead Virtual Energy Hourly Amount = 

 (Day-Ahead LMP) * (Day-Ahead Cleared Virtual Energy Bid Hourly Quantity) 

(a) Day-Ahead LMP, as defined under Section 1 of this Attachment AE, 

associated with the applicable Settlement Location. 

(b) An Asset Owner’s Day-Ahead Cleared Virtual Energy Bid Hourly 

Quantity is the MW quantity associated with cleared Virtual Energy Bids 

at that Settlement Location as described under Section 5.1.3 of this 

Attachment AE. 

(7) For Energy associated with Virtual Energy Offers: 

 Day-Ahead Virtual Energy Hourly Amount =  

 (Day-Ahead LMP) * (Day-Ahead Cleared Virtual Energy Offer Hourly Quantity) 

(a) Day-Ahead LMP, as defined under Section 1 of this Attachment AE, 

associated with the applicable Settlement Location. 

(b) An Asset Owner’s Day-Ahead Cleared Virtual Energy Offer Hourly 

Quantity is the MW quantity associated with cleared Virtual Energy 

Offers as described under Section 5.1.3 of this Attachment AE at that 

Settlement Location. 



 

 

8.5.2 Day-Ahead Regulation Amount 

A Day-Ahead Market payment for cleared Regulation-Up and cleared Regulation-

Down will be calculated at each Settlement Location for each Asset Owner for each hour 

as follows: 

(1) Regulation-Up 

Day-Ahead Regulation-Up Hourly Amount = 

[(Day-Ahead MCP) * (Day-Ahead Cleared Regulation-Up Hourly Quantity)]  *  

(-1) 

(a) Day-Ahead MCP, as defined under Section 1 of this Attachment AE, for 

Regulation-Up associated with the Reserve Zone in which the applicable 

Resource is located. 

(b) An Asset Owner’s Day-Ahead Cleared Regulation-Up Hourly Quantity is 

the MW quantity associated with cleared Regulation-Up Offers as 

described under Section 5.1.3 of this Attachment AE. 

(2) Regulation-Down 

Day-Ahead Regulation-Down Hourly Amount =  

[(Day-Ahead MCP) * (Day-Ahead Cleared Regulation-Down Hourly Quantity)] * 

(-1) 

(a) Day-Ahead MCP, as defined under Section 1 of this Attachment AE, for 

Regulation-Down associated with the Reserve Zone in which the 

applicable Resource is located. 

(b) An Asset Owner’s Day-Ahead Cleared Regulation-Down Hourly Quantity 

is the MW quantity associated with cleared Regulation-Down Offers as 

described under Section 5.1.3 of this Attachment AE. 



 

 

8.5.3 Day-Ahead Spinning Reserve Amount 

A Day-Ahead Market payment for cleared Spinning Reserve will be calculated at 

each Settlement Location for each Asset Owner for each hour as follows: 

Day-Ahead Spinning Reserve Hourly Amount = 

[(Day-Ahead MCP) * (Day-Ahead Cleared Spinning Reserve Hourly Quantity)] * (-1) 

(1) Day-Ahead MCP, as defined under Section 1 of this Attachment AE, for Spinning 

Reserve associated with the Reserve Zone in which the applicable Resource is 

located. 

(2) An Asset Owner’s Day-Ahead Cleared Spinning Reserve Hourly Quantity is the 

MW quantity associated with cleared Spinning Reserve Offers as described under 

Section 5.1.3 of this Attachment AE. 



 

 

8.5.4 Day-Ahead Supplemental Reserve Amount 

A Day-Ahead Market payment for cleared Supplemental Reserve will be 

calculated at each Settlement Location for each Asset Owner for each hour as follows: 

Day-Ahead Supplemental Reserve Hourly Amount =  

[(Day-Ahead MCP) * (Day-Ahead Cleared Supplemental Reserve Hourly 

Quantity)] * (-1) 

(1) Day-Ahead MCP, as defined under Section 1 of this Attachment AE, for 

Supplemental Reserve associated with the Reserve Zone in which the applicable 

Resource is located. 

(2) An Asset Owner’s Day-Ahead Cleared Supplemental Reserve Hourly Quantity is 

the MW quantity associated with cleared Supplemental Reserve Offers as 

described under Section 5.1.3 of this Attachment AE. 



 

 

8.5.5 Day-Ahead Regulation-Up Distribution Amount 

A Day-Ahead Market charge for Regulation-Up procurement costs calculated 

under Section 8.5.2(1) will be calculated at each Reserve Zone for each Asset Owner for 

each hour as follows: 

Day-Ahead Regulation-Up Hourly Distribution Amount =  

[(Day-Ahead Regulation-Up Obligation) * (Day-Ahead Regulation-Up 

Procurement Rate)] 

(1) An Asset Owner’s Day-Ahead Regulation-Up Obligation in each Reserve Zone is 

equal to the system wide total of all cleared Regulation-Up multiplied by the 

Asset Owner Reserve Zone Load Ratio Share, adjusted up or down to account for 

any Bilateral Settlement Schedules for Regulation-Up. 

(2) For a Reserve Zone that clears more Regulation-Up than the sum of Asset 

Owners’ Day-Ahead Regulation-Up Obligations for that Reserve Zone, the zone 

is deemed an exporting zone and the Day-Ahead Regulation-Up Procurement 

Rate is equal to the Regulation-Up MCP for that Reserve Zone. 

(3) For a Reserve Zone that clears less Regulation-Up than the sum of Asset Owners’ 

Day-Ahead Regulation-Up Obligations for that Reserve Zone, the Day-Ahead 

Regulation-Up Procurement Rate is as follows: 

Day-Ahead Regulation-Up Procurement Rate = 

{(Reserve Zone MCP * Total of cleared Regulation-Up for that Reserve 

Zone) + [(Weighted Average MCP of all Exporting Zones) * (Sum of 

Asset Owners’ Day-Ahead Regulation-Up Obligations for that Reserve 

Zone - Total of cleared Regulation-Up for that Reserve Zone)]} / (Sum of 

Asset Owners’ Day-Ahead Regulation-Up Obligations for that Reserve 

Zone). 



 

 

8.5.6 Day-Ahead Regulation-Down Distribution Amount 

A Day-Ahead Market charge for Regulation-Down procurement costs calculated 

under Section 8.5.2(2) will be calculated at each Reserve Zone for each Asset Owner for 

each hour as follows: 

Day-Ahead Regulation-Down Hourly Distribution Amount =  

[(Day-Ahead Regulation-Down Obligation) * (Day-Ahead Regulation-Down 

Procurement Rate)] 

(1) An Asset Owner’s Day-Ahead Regulation-Down Obligation in each Reserve 

Zone is equal to the system wide total of all cleared Regulation-Down multiplied 

by the Asset Owner Reserve Zone Load Ratio Share, adjusted up or down to 

account for any Bilateral Settlement Schedules for Regulation-Down. 

(2) For a Reserve Zone that clears more Regulation-Down than the sum of Asset 

Owners’ Day-Ahead Regulation-Down Obligations for that Reserve Zone, the 

zone is deemed an exporting zone and the Day-Ahead Regulation-Down 

Procurement Rate is equal to the Regulation-Down MCP for that Reserve Zone. 

(3) For a Reserve Zone that clears less Regulation-Down than the sum of Asset 

Owners’ Day-Ahead Regulation-Down Obligations for that Reserve Zone, the 

Day-Ahead Regulation-Down Procurement Rate is as follows: 

Day-Ahead Regulation-Down Procurement Rate = 

{(Reserve Zone MCP * Total of cleared Regulation-Down for that 

Reserve Zone) + [(Weighted Average MCP of all Exporting Zones) * 

(Sum of Asset Owners’ Day-Ahead Regulation-Down Obligations for that 

Reserve Zone - Total of cleared Regulation-Down for that Reserve 

Zone)]} / (Sum of Asset Owners’ Day-Ahead Regulation-Down 

Obligations for that Reserve Zone). 



 

 

8.5.7 Day-Ahead Spinning Reserve Distribution Amount 

A Day-Ahead Market charge for Spinning Reserve procurement costs calculated 

under Section 8.5.3 will be calculated at each Reserve Zone for each Asset Owner for 

each hour as follows: 

Day-Ahead Spinning Reserve Hourly Distribution Amount =  

[(Day-Ahead Spinning Reserve Obligation) * (Day-Ahead Spinning Reserve 

Procurement Rate)] 

(1) An Asset Owner’s Day-Ahead Spinning Reserve Obligation in each Reserve Zone 

is equal to the system wide total of all cleared Spinning Reserve multiplied by the 

Asset Owner Reserve Zone Load Ratio Share, adjusted up or down to account for 

any Bilateral Settlement Schedules for Spinning Reserve and Spinning Reserve 

being supplied pursuant to Section 4.2.2.1 and Section 4.3.3(3) and of this 

Attachment AE. 

(2) For a Reserve Zone that clears more Spinning Reserve than the sum of Asset 

Owners’ Day-Ahead Spinning Reserve Obligations for that Reserve Zone, the 

zone is deemed an exporting zone and the Day-Ahead Spinning Reserve 

Procurement Rate is equal to the Spinning Reserve MCP for that Reserve Zone. 

(3) For a Reserve Zone that clears less Spinning Reserve than the sum of Asset 

Owners’ Day-Ahead Spinning Reserve Obligations for that Reserve Zone, the 

Day-Ahead Spinning Reserve Procurement Rate is as follows: 

Day-Ahead Spinning Reserve Procurement Rate = 

{(Reserve Zone MCP * Total of cleared Spinning Reserve for that Reserve 

Zone) + [(Weighted Average MCP of all Exporting Zones) * (Sum of 

Asset Owners’ Day-Ahead Spinning Reserve Obligations for that Reserve 

Zone - Total of cleared Spinning Reserve for that Reserve Zone)]} / (Sum 

of Asset Owners’ Day-Ahead Spinning Reserve Obligations for that 

Reserve Zone). 



 

 

8.5.8 Day-Ahead Supplemental Reserve Distribution Amount 

A Day-Ahead Market charge for Supplemental Reserve procurement costs 

calculated under Section 8.5.4 will be calculated at each Reserve Zone for each Asset 

Owner for each hour as follows: 

Day-Ahead Supplemental Reserve Hourly Distribution Amount =  

[(Day-Ahead Supplemental Reserve Obligation) * (Day-Ahead Supplemental 

Reserve Procurement Rate)] 

(1) An Asset Owner’s Day-Ahead Supplemental Reserve Obligation in each Reserve 

Zone is equal to the system wide total of all cleared Supplemental Reserve 

multiplied by the Asset Owner Reserve Zone Load Ratio Share, adjusted up or 

down to account for any Bilateral Settlement Schedules for Supplemental Reserve 

and Supplemental Reserve being supplied pursuant to Section 4.2.2.1 and Section 

4.3.3(3) of this Attachment AE. 

(2) For a Reserve Zone that clears more Supplemental Reserve than the sum of Asset 

Owners’ Day-Ahead Supplemental Reserve Obligations for that Reserve Zone, 

the zone is deemed an exporting zone and the Day-Ahead Supplemental Reserve 

Procurement Rate is equal to the Supplemental Reserve MCP for that Reserve 

Zone. 

(3) For a Reserve Zone that clears less Supplemental Reserve than the sum of Asset 

Owners’ Day-Ahead Supplemental Reserve Obligations for that Reserve Zone, 

the Day-Ahead Supplemental Reserve Procurement Rate is as follows: 

Day-Ahead Supplemental Reserve Procurement Rate = 

{(Reserve Zone MCP * Total of cleared Supplemental Reserve for that 

Reserve Zone) + [(Weighted Average MCP of all Exporting Zones) * 

(Sum of Asset Owners’ Day-Ahead Supplemental Reserve Obligations for 

that Reserve Zone - Total of cleared Supplemental Reserve for that 

Reserve Zone)]} / (Sum of Asset Owners’ Day-Ahead Supplemental 

Reserve Obligations for that Reserve Zone). 



 

 

8.5.9 Day-Ahead Make Whole Payment Amount 

(1) The Day-Ahead make whole payment amount is a payment to an Asset Owner 

and is calculated for each Resource with an associated Day-Ahead Market 

Commitment Period.  A payment is made to the Asset Owner when the sum of the 

Resource’s costs is greater than the Day-Ahead Market revenues received for that 

Resource over the Resource’s Day-Ahead Market make whole payment eligibility 

period.  The make whole payment is equal to this difference between these costs 

and revenues. 

(2) A Resource’s Day-Ahead Market make whole payment eligibility period is equal 

to a Resource’s Day-Ahead Market Commitment Period except as defined herein. 

For Resources with an associated Day-Ahead Market Commitment Period that 

begins in one Operating Day and ends in the next Operating Day, two (2) Day-

Ahead Market make whole payment eligibility periods are created.  The first 

period begins in the first Operating Day in the hour that the Day-Ahead Market 

Commitment Period begins and ends in the last hour of the first Operating Day.  

The second period begins in the first hour of the next Operating Day and ends in 

the last hour of the Day-Ahead Market Commitment Period. 

(3) The following cost recovery rules apply to each Day-Ahead Market make whole 

payment eligibility period.  Offer costs are calculated using the Day-Ahead 

Market Offer prices in effect at the time the commitment decision was made 

except under the situation described under Section (b)(i) below. 

(a) There may be more than one Day-Ahead Market make whole payment 

eligibility period for a Resource in a single Operating Day for which a 

charge or payment is calculated.  A single Day-Ahead Market make whole 

payment eligibility period is contained within a single Operating Day. 

(b) A Resource’s Day-Ahead Market Start-Up Offer costs are not eligible for 

recovery in the following Day-Ahead Market make whole payment 

eligibility periods: 

(i) For any Day-Ahead Market make whole payment eligibility period 

that is adjacent to the end of a RUC make whole payment 

eligibility period except as described under Section 8.6.5(3)(h); 



 

 

 

 

(ii) For any Day-Ahead Market make whole payment eligibility period 

resulting from a Day-Ahead Market Commitment Period that 

contains a Day-Ahead Market self-commit hour; or 

(iii) For any Day-Ahead make whole payment eligibility period for 

which a Resource is a Synchronized Resource prior to this 

commitment period at a time one (1) hour prior to that Resource’s 

Day-Ahead Market Commit Time less the Resource’s Sync-To-

MinTime. 

(c) For each Day-Ahead Market make whole payment eligibility period 

within an Operating Day, a Resource’s Day-Ahead Market Start-Up Offer 

is divided by the lesser of (1) the Resource’s Minimum Run Time rounded 

down to the nearest hour or (2) twenty-four (24) hours, and that portion of 

the Start-Up Offer is included as a cost in each hour of the Day-Ahead 

Market make whole payment eligibility period until the sum of these 

hourly costs are equal to the Day-Ahead Market Start-Up Offer or until the 

end of the Day-Ahead Market make whole payment eligibility period, 

whichever occurs first. 

(d) To the extent that the full amount of the Day-Ahead Market Start-Up 

Offer is not accounted for in the last Day-Ahead Market make whole 

payment eligibility period in the Operating Day, any remaining Day-

Ahead Market Start-Up Offer costs are carried forward for recovery in the 

first Day-Ahead Market make whole payment eligibility period of the 

following Operating Day. 

(4) The payment to each Asset Owner for each eligible Settlement Location for a 

given Day-Ahead Market make whole payment eligibility period is calculated as 

follows: 

Day-Ahead Make Whole Payment Amount =  

Maximum of [Either Zero or Sum of ((Day-Ahead Make Whole Payment 

Cost Amount in the Day-Ahead Market Make Whole Payment Eligibility 

Period) + (Day-Ahead Make Whole Payment Revenue Amount in the 

Day-Ahead Market Make Whole Payment Eligibility Period))] * (-1) 



 

 

 

 

(a) An Asset Owner’s Day-Ahead Make Whole Payment Cost Amount for 

each eligible Resource is equal the sum for all hours in the Day-Ahead 

Market Make Whole Payment Eligibility Period of: 

(i) Day-Ahead Market Start-Up Offer, 

(ii) Day-Ahead Market No-Load Offer, 

(iii) Energy cost associated with cleared Resource Energy from 

Resource Energy Offers as described under Section 5.1.3 of this 

Attachment AE, as calculated by multiplying cleared Resource 

Energy by the cost of such Energy as calculated from the 

Resource’s Day-Ahead Market Energy Offer Curve, 

(iv) Regulation-Up cost associated with cleared Regulation-Up from 

Regulation-Up Offers as described under Section 5.1.3 of this 

Attachment AE, as calculated by multiplying Regulation-Up by the 

cost of such Regulation-Up as calculated from the Resource’s Day-

Ahead Market Regulation-Up Offer, 

(v) Regulation-Down cost, associated with cleared Regulation-Down 

from Regulation-Down Offers as described under Section 5.1.3 of 

this Attachment AE, as calculated by multiplying Regulation-

Down by the cost of such Regulation-Down as calculated from the 

Resource’s Day-Ahead Market Regulation-Down Offer, 

(vi) Spinning Reserve cost, associated with cleared Spinning Reserve 

from Spinning Reserve Offers as described under Section 5.1.3 of 

this Attachment AE, as calculated by multiplying Spinning 

Reserve by the cost of such Spinning Reserve as calculated from 

the Resource’s Day-Ahead Market Spinning Reserve Offer, and 

(vii) Supplemental Reserve cost, associated with cleared Supplemental 

Reserve from Supplemental Reserve Offers as described under 

Section 5.1.3 of this Attachment AE, as calculated by multiplying 

Supplemental Reserve by the cost of such Supplemental Reserve 

as calculated from the Resource’s Day-Ahead Market 

Supplemental Reserve Offer 



 

 

 

 

(b) An Asset Owner’s Day-Ahead Make Whole Payment Revenue Amount 

for each eligible Resource is equal to the sum for all hours in the Day-

Ahead Market Make Whole Payment Eligibility Period of: 

(i) Energy revenue associated with cleared Resource Energy from 

Resource Energy Offers as described under Section 5.1.3 of this 

Attachment AE, calculated by multiplying Resource Energy by 

Day-Ahead LMP at that Resource Settlement Location, and 

(ii) The sum of the revenues calculated under Section 8.5.2, 8.5.3 and 

8.5.4 for that eligible Resource. 



 

 

8.5.10 Day-Ahead Make Whole Payment Distribution Amount 

The Day-Ahead make whole payment distribution amount is an hourly charge to 

Asset Owners at each Settlement Location to recover the sum of the make whole 

payments made under Section 8.5.9 and is calculated as: 

Day-Ahead Make Whole Payment Distribution Amount = 

(Day-Ahead SPP Make Whole Payment Distribution Rate) * (Day-Ahead Make 

Whole Payment Distribution Quantity)) 

(1) The Day-Ahead SPP Make Whole Payment Distribution Rate is the sum of all 

make whole payments for the Operating Day as calculated under Section 8.5.9, 

divided by the sum of all Asset Owners’ Day-Ahead Make Whole Payment 

Distribution Quantities for all Settlement Locations for the entire Operating Day. 

(2) An Asset Owner’s Day-Ahead Make Whole Payment Distribution Quantity at a 

Settlement Location for an hour is equal to that Asset Owner’s net cleared Energy 

withdrawals at that Settlement Location for that hour.  An Asset Owner’s net 

Energy withdrawal at a Settlement Location is calculated as the positive net sum 

of cleared Demand Bids, Resource Offers, Import Interchange Transaction Bids, 

Export Interchange Transaction Bids, Virtual Energy Bids and Virtual Energy 

Offers at that Settlement Location. 



 

 

8.5.11 Transmission Congestion Rights Funding Amount 

The TCR funding amount can be either a charge or a payment to an Asset Owner 

and is calculated for each TCR instrument held by the Asset Owner.  The TCR 

instruments funding amount is calculated for each hour as follows: 

TCR Hourly Funding Amount =  

TCR Hourly Quantity * [(Day-Ahead MCC at the source) – (Day-Ahead MCC at 

the sink)]  

(1) Day Ahead MCC is as defined under Section 1 of this Attachment AE. 

(2) TCR Hourly Quantity is the amount TCR MWs held on a particular source to sink 

path as awarded to that Asset Owner in the annual TCR auction, monthly TCR 

auctions or secondary market as described under Section 7 of the Attachment AE. 

 



 

 

8.5.12 Transmission Congestion Rights Daily Uplift Amount 

A Day-Ahead Market daily charge will be calculated as follows for each Asset 

Owner holding TCRs for each Operating Day to the extent that congestion revenues 

collected over the Operating Day are not sufficient to fund the net of the total charges and 

payments calculated under Section 8.5.11 over the Operating Day: 

TCR Daily Uplift Amount =  

(TCR Daily Shortfall Amount) * (TCR Uplift Ratio Amount) 

(1) The TCR Daily Shortfall Amount is equal to the positive difference between (i) 

the net of the total charges and payments calculated under Section 8.5.11 over the 

Operating Day multiplied by (-1) and (ii) Total Congestion Revenues collected 

over the Operating Day. 

(2) The Total Congestion Revenues collected over the Operating Day is equal to the 

sum for all hours and Settlement Locations in the Operating Day of (total Day-

Ahead cleared Energy MW * Day-Ahead MCC) at each Settlement Location. 

(3) An Asset Owner’s TCR Uplift Ratio Amount shall be equal to the sum of the 

absolute value of each of the hourly charges and payments calculated under 

Section 8.5.11 for that Asset Owner over the Operating Day divided by the sum of 

the absolute value of each of the charges and payments calculated under Section 

8.5.11 for all Asset Owners over the Operating Day. 



 

 

8.5.13 Transmission Congestion Rights Monthly Payback Amount 

A Day-Ahead Market monthly payment will be calculated as follows for each 

Asset Owner receiving a charge under Section 8.5.12 in any Operating Day of the month: 

TCR Monthly Payback Amount =  

Minimum of [(TCR Monthly Uplift Amount) or ((Excess Congestion Fund 

Monthly Amount) * (TCR Monthly Uplift Amount / Total TCR Monthly Uplift 

Amount))] * (-1) 

(1) An Asset Owner’s TCR Monthly Uplift Amount is equal to the sum of that Asset 

Owner’s charges calculated under Section 8.5.12 for the month. 

(2) Total TCR Monthly Uplift Amount is equal to the sum of all Asset Owners’ TCR 

Monthly Uplift Amounts for the month. 

(3) The Excess Congestion Fund Monthly Amount is equal to the sum of the Excess 

Congestion Fund Daily Amount for the month. 

(a) The Excess Congestion Fund Daily Amount is equal to the positive 

difference between the (i) Total Congestion Revenue collected for the 

Operating Day and (ii) the net of the total charges and payments calculated 

under Section 8.5.11 over the Operating Day multiplied by (-1). 

(b) The Total Congestion Revenues collected over the Operating Day is equal 

to the sum for all hours and Settlement Locations in the Operating Day of 

(Total Day-Ahead cleared Energy MW * Day-Ahead MCC) at each 

Settlement Location. 



 

 

8.5.14 Transmission Congestion Rights Annual Payback Amount 

A Day-Ahead Market annual payment will be calculated as follows for each Asset 

Owner receiving payments under Section 8.5.13 that were not sufficient to cover charges 

received under Section 8.5.12 over the year in order to ensure full funding of TCRs to the 

extent possible: 

TCR Annual Payback Amount =  

Minimum of [(TCR Net Uplift Annual Amount) or ((Excess Congestion Fund 

Yearly Amount) * (TCR Net Uplift Annual Amount / Total TCR Net Uplift 

Annual Amount))] *   (-1) 

(1) An Asset Owner’s TCR Net Uplift Annual Amount is equal the difference 

between (i) the sum of that Asset Owner’s charges calculated under Section 

8.5.12 for the year and (ii) the sum of that Asset Owner’s payments made under 

Section 8.5.13 for the year multiplied by (-1). 

(2) Total TCR Net Uplift Annual Amount is equal to the sum of all Asset Owners’ 

TCR Net Uplift Annual Amounts for the month. 

(3) The Excess Congestion Fund Yearly Amount is equal to the difference between 

the total Excess Congestion Fund Monthly Amount for the year, as described 

under Section 8.5.13(3), and the total payments made under Section 8.5.13 for the 

year. 



 

 

8.5.15 Transmission Congestion Rights Annual Closeout Amount 

A Day-Ahead Market annual payment will be calculated as follows for each Asset 

Owner with ARR Nomination Caps established under Section 7.1.3 of this Attachment 

AE to the extent that there are any funds remaining once all payments are made under 

Section 8.5.14: 

TCR Annual Closeout Amount =  

[(Excess Congestion Fund Yearly Amount + TCR Annual Payback Total) * 

(Annual ARR Nomination Cap / Total Annual ARR Nomination Cap)] * (-1) 

(1) Excess Congestion Fund Yearly Amount is equal to the value calculated under 

Section 8.5.14 of this Attachment. 

(2) TCR Annual Payback Total is equal to the sum of all payments made under 

Section 8.5.14. 

(3) An Asset Owner’s Annual ARR Nomination Cap is equal to the sum of all of that 

Asset Owner’s daily ARR nomination caps, as calculated under Section 7.1.3 of 

this Attachment AE, for the year. 

(4) Total Annual ARR Nomination Cap is equal to the sum of all Asset Owners’ 

Annual ARR Nomination Caps for the year. 



 

 

8.5.16 Day-Ahead Over-Collected Losses Distribution Amount 

The MLC of the Day-Ahead Market LMP creates an over collection related to 

payment for losses (―Day-Ahead Market over-collected losses‖) that must be refunded.  

A Day-Ahead Market payment is calculated for each hour at each Settlement Location 

for which an Asset Owner has a Day-Ahead Market Energy withdrawal, where such 

withdrawal does not include Energy associated with cleared Virtual Energy Bids, that 

contributed positively to the over collection as follows: 

(1) Each Asset Owner’s calculated contribution to the Day-Ahead Market over-

collected losses is calculated based upon a Loss Pool that is defined on an hourly 

basis by the Asset Owner’s transactional activity where such transactional activity 

shall include: cleared Resource Offers, cleared Demand Bids, cleared Import 

Interchange Transaction Offers, cleared Export Interchange Transaction Bids, 

Bilateral Settlement Schedules, cleared Virtual Energy Bids and cleared Virtual 

Energy Offers. 

(2) A loss rebate factor is calculated for each Asset Owner at each withdrawal 

Settlement Location in a Loss Pool as the difference between the Day-Ahead 

MLC at a withdrawal Settlement Location in the Loss Pool and the injection 

weighted average Day-Ahead MLC for the Loss Pool, multiplied by the Asset 

Owner’s withdrawal quantity at that withdrawal Settlement Location. 

(a) An Asset Owner’s withdrawal quantity at a Settlement Location is equal 

to that Asset Owner’s pro-rata share of the total withdrawal at that 

Settlement Location. 

(b) The total withdrawal quantity at a Settlement Location is calculated as the 

positive value of the sum of all cleared Resource Offers, cleared Demand 

Bids, cleared Import Interchange Transaction Offers, cleared Export 

Interchange Transaction Bids, cleared Virtual Energy Bids and cleared 

Virtual Energy Offers at that Settlement Location. 

(c) An Asset Owner’s pro-rata share of the total withdrawal quantity at that 

Settlement Location is equal to the value calculated in (b) above 

multiplied by: (i) the positive value of the sum of that Asset Owner’s 

cleared Demand Bids, cleared Import Interchange Transaction Offers, 



 

 

 

 

cleared Export Interchange Transaction Bids and Bilateral Settlement 

Schedules at that Settlement Location, divided by (ii) the sum of Asset 

Owners’ values calculated in (i) above at that Settlement Location. 

(3) The injection weighted average Day-Ahead MLC for a Loss Pool is calculated 

assuming that injection in a Loss Pool first serves withdrawals in the Loss Pool 

and then goes to meet the withdrawal in Loss Pools that do not have sufficient 

injections to meet all withdrawals. 

(4) The Day-Ahead Market over-collected losses are allocated to Asset Owners on a 

pro-rata basis using the positive loss rebate factors in the hour for each load 

Settlement Location.  Only positive loss rebate factors apply and negative values 

are ignored. 

(5) A Day-Ahead over-collected losses distribution amount is calculated as follows: 

Day-Ahead Over-Collected Losses Distribution Amount =  

[(Day-Ahead Unitized Loss Rebate Factor) * (Day-Ahead Over-Collected 

Losses Amount)] 

(a) The Day-Ahead Over-Collected Losses Amount in an hour is equal to the 

sum for all Settlement Locations of an amount equal to [(Day-Ahead LMP 

– Day-Ahead MCC)] * Total cleared Energy MW at each Settlement 

Location. 

(b) Day-Ahead Unitized Loss Rebate Factor is the factor calculated as 

described in (4) above. 



 

 

8.5.17 Day-Ahead Virtual Energy Transaction Fee Amount 

A Day-Ahead Market charge for each submitted Virtual Energy Offer and Virtual 

Energy Bid will be calculated for each Asset Owner for each Operating Day.  Charges 

collected by the Transmission Provider under this charge type are used by the 

Transmission Provider to reduce the Transmission Provider budgeted expenses used to 

calculate the rate specified under Schedule 1-A of the Tariff and are calculated as 

follows:  

Day-Ahead Virtual Energy Transaction Fee Amount =  

[(Day-Ahead Virtual Energy Transaction Daily Count) * (Day-Ahead Virtual 

Energy Transaction Fee Rate)] 

(1) Day-Ahead Virtual Energy Transaction Daily Count is equal to the sum of 

submitted Virtual Energy Bids and Virtual Energy Offers for all Settlement 

Locations and hours in the Operating Day. 

(2) Day-Ahead Virtual Energy Transaction Fee Rate is the rate defined under 

Schedule 1 of the Tariff. 



 

 

8.6 Real-Time Balancing Market Settlement 

Settlement calculations for the RTBM are performed on a Dispatch Interval basis 

for each Operating Day and are based upon the difference between the results of the 

RTBM and the Day-Ahead Market clearing for that Operating Day.  To calculate RTBM 

actual Energy in a Dispatch Interval for Market Participants that have not directly 

submitted five (5) minute interval meter data, the Transmission Provider allocates the 

submitted hourly meter data for Resources and loads into five (5) minute values using 

five (5) minute telemetered or State Estimator profiles for the corresponding hour.  The 

profiling of the hourly meter data maintains the shape of the five (5) minute telemetered 

or State Estimator values even if there are both positive and negative values contained 

within the twelve (12) intervals. 

The following Subsections describe the RTBM settlement charge types.  For each 

charge type, the calculation is performed either at the Dispatch Interval level or hourly 

level for each Asset Owner at each Settlement Location.  The Transmission Provider 

shall calculate hourly summations for each Market Participant for all Asset Owners it 

represents and shall calculate daily summations as specified in the Market Protocols. 



 

 

8.6.1 Real-Time Energy Amount 

An RTBM payment or charge for Energy is calculated at each Settlement 

Location for each Asset Owner for each Dispatch Interval and hour as follows: 

(1) For Energy associated with loads:  

(a) Real-Time Asset Energy Dispatch Interval Amount =  

Real-Time LMP * [((Real-Time Load Billing Meter Quantity) – (Day-

Ahead Cleared Load Energy Quantity)) – (Real-Time Asset Energy 

Bilateral Settlement Schedules)] / 12 

(i) Real-Time LMP, as defined under Section 1 of this Attachment 

AE, associated with that load Settlement Location. 

(ii) An Asset Owner’s Real-Time Load Billing Meter Quantity at that 

load Settlement Location is (i) the five (5) minute Reported Load 

submitted by the Meter Agent to the Transmission Provider, 

multiplied by twelve (12) or (ii) the hourly Reported Load profiled 

into five (5) minute increments by the Transmission Provider using 

the method described under Section 8.6 of this Attachment AE if 

the Asset Owner elects to submit hourly meter data.  The 

Transmission Provider shall make any necessary adjustments to the 

submitted Reported Load, as described under Section 8.6.1.1 of 

this Attachment AE.  

(iii) An Asset Owner’s Day-Ahead Cleared Load Energy Quantity is 

the MW quantity associated with cleared Demand Bids at that load 

Settlement Location as described under Section 5.1.3 of this 

Attachment AE. 

(iv) An Asset Owner’s Real-Time Asset Energy Bilateral Settlement 

Schedules are those Bilateral Settlement Schedules that settle at 

that load Settlement Location as submitted in accordance with 

Section 8.2.1 of this Attachment AE. 

(b) Real-Time Asset Energy Hourly Amount =  

Sum of Real-Time Asset Energy Dispatch Interval Amount over all 

Dispatch Intervals in the Hour. 



 

 

 

 

(2) For Energy associated with Resources:  

(a) Real-Time Energy Dispatch Interval Amount =  

Real-Time LMP * [((Real-Time Resource Billing Meter Quantity) – (Day-

Ahead Cleared Resource Energy Hourly Quantity)) – (Real-Time Asset 

Energy Bilateral Settlement Schedules)] / 12 

(i) Real-Time LMP, as defined under Section 1 of this Attachment 

AE, associated with that Resource Settlement Location. 

(ii) An Asset Owner’s Real-Time Resource Billing Meter Quantity at 

that Resource Settlement Location is (i) the five (5) minute actual 

meter MWh Resource output quantity submitted by the Meter 

Agent to the Transmission Provider, multiplied by twelve (12) or 

(ii) the hourly actual meter MWh Resource output quantity 

profiled into five (5) minute increments by the Transmission 

Provider using the method described under Section 8.6 of this 

Attachment AE if the Asset Owner elects to submit hourly meter 

data. 

(iii) An Asset Owner’s Day-Ahead Cleared Resource Energy Hourly 

Quantity is the MW quantity associated with cleared Resource 

Offers at that Resource Settlement Location as described under 

Section 5.1.3 of this Attachment AE. 

(iv) An Asset Owner’s Real-Time Asset Energy Bilateral Settlement 

Schedules are those Bilateral Settlement Schedules that settle at 

that Resource Settlement Location as submitted in accordance with 

Section 8.2.1 of this Attachment AE. 

(b) Real-Time Energy Hourly Amount =  

Sum of Real-Time Energy Dispatch Interval Amount over all Dispatch 

Intervals in the Hour. 

(3) For Energy associated with Interchange Transactions: 

(a) Real-Time Non-Asset Energy Dispatch Interval Amount =  



 

 

 

 

Real-Time LMP * [((Real-Time Import Energy Quantity) – (Day-Ahead 

Import Energy Quantity) – (Real-Time Non-Asset Energy Bilateral 

Settlement Schedules))] / 12 

(i) Day-Ahead LMP, as defined under Section 1 of this Attachment 

AE, associated with the applicable External Interface Settlement 

Location. 

(ii) An Asset Owner’s Real-Time Import Energy Quantity is the five 

(5) minute Dispatch Interval MW quantity scheduled for use in the 

RTBM, adjusted for curtailments, at that External Interface 

Settlement Location. 

(iii) An Asset Owner’s Day-Ahead Import Energy Quantity is the five 

(5) minute Dispatch Interval MW quantity calculated by the 

Transmission Provider for each Dispatch Interval by multiplying 

the scheduled MW in the Dispatch Interval by the ratio of (a) 

hourly scheduled amount for use in the Day-Ahead Market and (b) 

the MW amount of cleared Import Interchange Transaction Offers, 

as described under Section 5.1.3 of this Attachment AE, at that 

External Interface Settlement Location. 

(iv) An Asset Owner’s Real-Time Non-Asset Energy Bilateral 

Settlement Schedules are those Bilateral Settlement Schedules that 

settle at that External Interface Settlement Location as submitted in 

accordance with Section 8.2.1 of this Attachment AE. 

(4) For Energy associated with Export Interchange Transactions: 

(a) Real-Time Non-Asset Energy Dispatch Interval Amount =  

Real-Time LMP * [((Real-Time Export Energy Quantity) – (Day-Ahead 

Export Energy Quantity) – (Real-Time Non-Asset Energy Bilateral 

Settlement Schedules))] / 12 

(i) Day-Ahead LMP, as defined under Section 1 of this Attachment 

AE, associated with the applicable External Interface Settlement 

Location. 



 

 

 

 

(ii) An Asset Owner’s Real-Time Export Energy Quantity is the five 

(5) minute Dispatch Interval MW quantity scheduled for use in the 

RTBM, adjusted for curtailments, at that External Interface 

Settlement Location. 

(iii) An Asset Owner’s Day-Ahead Export Energy Quantity is the five 

(5) minute Dispatch Interval MW quantity calculated by the 

Transmission Provider for each Dispatch Interval by multiplying 

the scheduled MW in the Dispatch Interval by the ratio of (a) 

hourly scheduled amount for use in the Day-Ahead Market and (b) 

the MW amount of cleared Export Interchange Transaction Bids, 

as described under Section 5.1.3 of this Attachment AE, at that 

External Interface Settlement Location. 

(iv) An Asset Owner’s Real-Time Non-Asset Energy Bilateral 

Settlement Schedules are those Bilateral Settlement Schedules that 

settle at that External Interface Settlement Location as submitted in 

accordance with Section 8.2.1 of this Attachment AE. 

(b) Real-Time Non-Asset Energy Hourly Amount =  

Sum of Real-Time Non-Asset Energy Dispatch Interval Amount over all 

Dispatch Intervals in the Hour. 

(5) For Energy associated with remaining Bilateral Settlement Schedules: 

Real-Time Non-Asset Energy Hourly Amount =  

(Real-Ahead LMP) * [(Real-Time Non-Asset Energy Bilateral Settlement 

Schedules for Energy) * (-1)] 

(a) Real-Time LMP, as defined under Section 1 of this Attachment AE, 

associated with the applicable Settlement Location. 

(b) An Asset Owner’s Real-Time Non-Asset Energy Hourly Bilateral 

Settlement Schedules for Energy are those Bilateral Settlement Schedules 

that settle at Settlement Locations other than External Interface Settlement 

Locations, that Asset Owner’s load Settlement Locations or that Asset 

Owner’s Resource Settlement Locations, as submitted in accordance with 

Section 8.2.1 of this Attachment AE. 



 

 

 

 

(6) For Energy associated with Day-Ahead Market cleared Virtual Energy Bids: 

Real-Time Virtual Energy Dispatch Interval Amount =  

[(Real-Time LMP) * ((Day-Ahead Cleared Virtual Energy Bid Hourly Quantity) / 

12)] * (-1) 

(a) Real-Time LMP, as defined under Section 1 of this Attachment AE, 

associated with the applicable Settlement Location. 

(b) An Asset Owner’s Day-Ahead Cleared Virtual Energy Bid Hourly 

Quantity is the MW quantity associated with cleared Virtual Energy Bids 

as described under Section 5.1.3 of this Attachment AE at that Settlement 

Location. 

(7) For Energy associated with Day-Ahead Market cleared Virtual Energy Offers: 

Real-Time Virtual Energy Dispatch Interval Amount =  

[(Real-Time LMP) * ((Day-Ahead Cleared Virtual Energy Offer Hourly 

Quantity) / 12)] * (-1) 

(a) Real-Time LMP, as defined under Section 1 of this Attachment AE, 

associated with the applicable Settlement Location. 

(b) An Asset Owner’s Day-Ahead Cleared Virtual Energy Offer Hourly 

Quantity is the MW quantity associated with cleared Virtual Energy 

Offers as described under Section 5.1.3 of this Attachment AE at that 

Settlement Location. 

 

8.6.1.1 Adjustments to Reported Load  

The Transmission Provider shall make any necessary adjustments to the Asset 

Owner submitted Reported Load values as follows: 

(1) The sum of the Reported Load within a Settlement Area must equal the 

Settlement Area Net Load.  To the extent that the Transmission Provider observes 

that a difference exists, the Transmission Provider shall adjust each Asset 

Owner’s Reported Load within the Settlement Area on a pro rata basis such that 

the sum of Reported Load within the Settlement Area is equal to the Settlement 

Area Net Load.   



 

 

 

 

(2) To the extent that the Reported Load is associated with a Meter Data Submittal 

Location that includes a Demand Response Load, the Transmission Provider shall 

adjust such Reported Load by adding all associated calculated or submitted 

Demand Response Resource output to such Reported Load, where the calculated 

Demand Response Resource output is as described under Section 4.1.2.1(1)(b) of 

this Attachment AE.  

(3) To the extent that the Reported Load for a specific Meter Data Submittal Location 

is the Residual Load for the Settlement Area, the Transmission Provider shall 

reduce such Reported Load by the associated State Estimator Settlement Area 

losses.    



 

 

8.6.2 Real-Time Regulation Amount 

(1) An RTBM payment or charge for deviations between cleared RTBM Regulation-

Up and cleared Day-Ahead Market Regulation-Up will be calculated at each 

Settlement Location for each Asset Owner for each Dispatch Interval and hour as 

follows: 

(a) Real-Time Regulation-Up Dispatch Interval Amount = 

[(Real-Time MCP) * ((Real-Time Cleared Regulation-Up Dispatch 

Interval Quantity) - (Day-Ahead Regulation-Up Hourly Quantity)) / 12] * 

(-1) 

(i) Real-Time MCP, as defined under Section 1 of this Attachment 

AE, for Regulation-Up associated with the Reserve Zone in which 

the applicable Resource is located. 

(ii) An Asset Owner’s Real-Time Cleared Regulation-Up Dispatch 

Interval Quantity is the MW quantity associated with cleared 

RTBM Regulation-Up Offers as described under Section 6.2.3 of 

this Attachment AE. 

(iii) An Asset Owner’s Day-Ahead Cleared Regulation-Up Hourly 

Quantity is the MW quantity associated with cleared Day-Ahead 

Market Regulation-Up Offers as described under Section 5.1.3 of 

this Attachment AE. 

(b) Real-Time Regulation-Up Hourly Amount = 

Sum of Real-Time Regulation-Up Dispatch Interval Amount over all 

Dispatch Intervals in the Hour. 

(2) An RTBM payment or charge for deviations between cleared RTBM Regulation-

Down and cleared Day-Ahead Market Regulation-Down will be calculated at 

each Settlement Location for each Asset Owner for each Dispatch Interval and 

hour as follows: 

(a) Real-Time Regulation-Down Dispatch Interval Amount = 

[(Real-Time MCP) * ((Real-Time Cleared Regulation-Down Dispatch 

Interval Quantity) – (Day-Ahead Regulation-Down Hourly Quantity)) / 

12] * (-1) 



 

 

 

 

(i) Real-Time MCP, as defined under Section 1 of this Attachment 

AE, for Regulation-Down associated with the Reserve Zone in 

which the applicable Resource is located. 

(ii) An Asset Owner’s Real-Time Cleared Regulation-Down Dispatch 

Interval Quantity is the MW quantity associated with cleared 

Regulation-Down Offers as described under Section 6.2.3 of this 

Attachment AE. 

(iii) An Asset Owner’s Day-Ahead Cleared Regulation-Down Hourly 

Quantity is the MW quantity associated with cleared Day-Ahead 

Market Regulation-Down Offers as described under Section 5.1.3 

of this Attachment AE. 

(b) Real-Time Regulation-Down Hourly Amount = 

Sum of Real-Time Regulation-Down Dispatch Interval Amount over all 

Dispatch Intervals in the Hour. 



 

 

8.6.3 Real-Time Spinning Reserve Amount 

An RTBM payment or charge for deviations between cleared RTBM Spinning 

Reserve and cleared Day-Ahead Market Spinning Reserve will be calculated at each 

Settlement Location for each Asset Owner for each Dispatch Interval and hour as 

follows: 

(1) Real-Time Spinning Reserve Dispatch Interval Amount = 

[(Real-Time MCP) * ((Real-Time Cleared Spinning Reserve Dispatch Interval 

Quantity) – (Day-Ahead Spinning Reserve Hourly Quantity)) / 12] * (-1) 

(a) Real-Time MCP, as defined under Section 1 of this Attachment AE, for 

Spinning Reserve associated with the Reserve Zone in which the 

applicable Resource is located. 

(b) An Asset Owner’s Real-Time Cleared Spinning Reserve Dispatch Interval 

Quantity is the MW quantity associated with cleared Spinning Reserve 

Offers as described under Section 6.2.3 of this Attachment AE. 

(c) An Asset Owner’s Day-Ahead Cleared Spinning Reserve Hourly Quantity 

is the MW quantity associated with cleared Day-Ahead Market Spinning 

Reserve Offers as described under Section 5.1.3 of this Attachment AE. 

(2) Real-Time Spinning Reserve Hourly Amount =  

Sum of Real-Time Spinning Reserve Dispatch Interval Amount over all Dispatch 

Intervals in the Hour. 



 

 

8.6.4 Real-Time Supplemental Reserve Amount 

An RTBM payment or charge for deviations between cleared RTBM 

Supplemental Reserve and cleared Day-Ahead Market Supplemental Reserve will be 

calculated at each Settlement Location for each Asset Owner for each Dispatch Interval 

and hour as follows: 

(1) Real-Time Supplemental Reserve Dispatch Interval Amount = 

[(Real-Time MCP) * ((Real-Time Cleared Supplemental Reserve Dispatch 

Interval Quantity) – (Day-Ahead Supplemental Reserve Hourly Quantity)) / 12] * 

(-1) 

(a) Real-Time MCP, as defined under Section 1 of this Attachment AE, for 

Supplemental Reserve associated with the Reserve Zone in which the 

applicable Resource is located. 

(b) An Asset Owner’s Real-Time Cleared Supplemental Reserve Dispatch 

Interval Quantity is the MW quantity associated with cleared 

Supplemental Reserve Offers as described under Section 6.2.3 of this 

Attachment AE. 

(c) An Asset Owner’s Day-Ahead Cleared Supplemental Reserve Hourly 

Quantity is the MW quantity associated with cleared Day-Ahead Market 

Supplemental Reserve Offers as described under Section 5.1.3 of this 

Attachment AE. 

(2) Real-Time Supplemental Reserve Hourly Amount =  

Sum of Real-Time Supplemental Reserve Dispatch Interval Amount over all 

Dispatch Intervals in the Hour. 



 

 

8.6.5 Reliability Unit Commitment Make Whole Payment Amount 

(1) A RUC make whole payment is made to the Asset Owner when the sum of a 

Resource’s eligible RTBM Start-Up Offer costs, No-Load Offer costs, Energy 

Offer Curve and Operating Reserve Offer costs associated with actual Energy and 

cleared RTBM Operating Reserve is greater than the Energy and Operating 

Reserve RTBM revenues received over the Resource’s RUC make whole 

payment eligibility period. 

(2) A Resource’s RUC make whole payment eligibility period is equal to that 

Resource’s RUC Commitment Period.  For Resources with a RUC Commitment 

Period that begins in one Operating Day and ends in the next Operating Day, two 

RUC make whole payment eligibility periods are created.  The first period begins 

in the first Operating Day in the Dispatch Interval associated with the Resource’s 

RUC Commit Time and ends at the last Dispatch Interval of the first Operating 

Day.  The second period begins in the first Dispatch Interval of the next Operating 

Day and ends in the Dispatch Interval associated with the Resource’s RUC De-

Commit Time. 

(3) The following cost recovery rules apply to each RUC make whole payment 

eligibility period.  Offer costs are calculated using the RTBM Offer prices in 

effect at the time the commitment decision was made. 

(a) If the Transmission Provider cancels a Commitment Instruction prior to 

the start of the associated RUC make whole payment eligibility period and 

the Resource is not a Synchronized Resource, the Asset Owner will 

receive reimbursement for a time-based pro-rata share of the Resource’s 

RTBM Start-Up Offer.  Asset Owners may request additional 

compensation through submittal of actual cost documentation to the 

Transmission Provider.  The Transmission Provider will review the 

submitted documentation and confirm that the submitted information is 

sufficient to document actual costs and that all or a portion of the actual 

costs are eligible for recovery. 

(b) In order to receive the full amount of Start-Up Offer recovery within a 

RUC make whole payment eligibility period, the Resource must be a 



 

 

 

 

Synchronized Resource in at least one Dispatch Interval in the RUC make 

whole payment eligibility period. 

(c) In order to receive recovery of No-Load Offer costs in any Dispatch 

Interval in the RUC make whole payment eligibility period, the Resource 

must be a Synchronized Resource in that Dispatch Interval. 

(d) There may be more than one RUC make whole payment eligibility period 

for a Resource in a single Operating Day.  A single RUC make whole 

payment eligibility period is contained within a single Operating Day. 

(e) A Resource’s RTBM Start-Up Offer costs are not eligible for recovery in 

the following RUC make whole payment eligibility periods: 

(i) Any RUC make whole payment eligibility period that is adjacent 

to the end of a Day-Ahead Market make whole payment eligibility 

period;  

(ii) Any RUC make whole payment eligibility period for which a 

Resource is a Synchronized Resource prior to this commitment 

period at a time one (1) hour prior to that Resource’s RUC Commit 

Time less the Resource’s Sync-To-Min Time; and 

(iii) Any RUC make whole payment eligibility period resulting from a 

RUC Commitment Period that contains an hour for which the 

Resource was self-committed. 

(f) For each RUC make whole payment eligibility period within an Operating 

Day, a Resource’s RTBM Start-Up Offer is divided by the lesser of (1) the 

Resource’s Minimum Run Time multiplied by twelve (12), rounded down 

to the nearest whole interval, or (2) twenty-four (24) hours multiplied by 

twelve (12), and that portion of the Start-Up Offer is included as a cost in 

each interval of the RUC make whole payment eligibility period until the 

sum of these interval costs are equal to the RTBM Start-Up Offer or until 

the end of the RUC make whole payment eligibility period, whichever 

occurs first. 

(g) To the extent that the full amount of the RTBM Start-Up Offer is not 

accounted for in the last RUC make whole payment eligibility period in 



 

 

 

 

the Operating Day, any remaining RTBM Start-Up Offer costs are carried 

forward for recovery in the first RUC make whole payment eligibility 

period of the following Operating Day provided that the Resource has not 

been committed in the Day-Ahead Market in any hour of the first RUC 

make whole payment eligibility period as described in (h) below. 

(h) If the Resource has been committed in the Day-Ahead Market in a period 

adjacent to and following a RUC make whole payment eligibility period to 

the extent that the full amount of the RTBM Start-Up Offer is not 

accounted for in the RUC make whole payment eligibility period, any 

remaining RTBM Start-Up Offer costs are carried forward for recovery in 

the Day-Ahead make whole payment eligibility period. 

(i) If a Resource has operated outside of its Operating Tolerance in any 

Dispatch Interval, any cost associated with energy output above the 

Resource’s economic operating point is not eligible for recovery for that 

Dispatch Interval where such cost is calculated as described under 

Subsection 4(c) below. 

(j) If a Resource becomes non-dispatchable in any Dispatch Interval, any cost 

associated with energy output above the Resource’s economic operating 

point is not eligible for recovery for that Dispatch Interval where such cost 

is calculated as described under Subsection 4(c) below. 

(k) If a Resource’s minimum operating limit is increased above the 

Resource’s minimum operating limit that was used to make the 

commitment decision, the increase is greater than the Resource’s 

Operating Tolerance and the Resource remains dispatchable in any 

Dispatch Interval, any cost associated with energy output above the 

Resource’s economic operating point is not eligible for recovery for that 

Dispatch Interval where such cost is calculated as described under 

Subsection 4(c) below. 

(4) The payment to each Asset Owner for each eligible Settlement Location for a 

given RUC make whole payment eligibility period is calculated as follows: 

RUC Make Whole Payment Amount =  



 

 

 

 

Maximum of [Either Zero or (RUC Make Whole Payment Cost Amount in the 

RUC Make Whole Payment Eligibility Period + RUC Make Whole Payment 

Revenue Amount in the RUC Make Whole Payment Eligibility Period – 

Uninstructed Resource Deviation Cost Disallowance – Non-Dispatchable Cost 

Disallowance – Minimum Limit Cost Disallowance)] 

(a) An Asset Owner’s RUC Make Whole Payment Cost Amount for each 

eligible Resource is equal the sum for all Dispatch Intervals in the RUC 

Make Whole Payment Eligibility Period of (i) Start-Up Offer used to 

make commitment decision, (ii) No-Load Offer used to make commitment 

decision, (iii) Energy cost at minimum output as calculated from the 

Energy Offer Curve used to make commitment decision, (iv) Energy cost 

above minimum output as calculated from the Energy Offer Curve that 

applied to the current Dispatch Interval, and (v) Operating Reserve cost 

associated with cleared Real-Time Operating Reserve as calculated from 

the Operating Reserve Offers except that Operating Reserve costs 

associated with self-scheduled Operating Reserve where such self-

schedules are less than or equal to the amount of Operating Reserve 

cleared shall be set equal to zero. 

(b) An Asset Owner’s RUC Make Whole Payment Revenue Amount for each 

eligible Resource is equal the sum for all hours in the RUC Make Whole 

Payment Eligibility Period of (i) revenue associated with Energy 

calculated by multiplying actual Energy by Real-Time LMP (ii) the sum 

of the revenues calculated under Section 8.6.2, 8.6.3 and 8.6.4 of this 

Attachment AE for that eligible Resource and (iii) Energy revenue 

associated with payments made under Section 8.6.6 of this Attachment 

AE. 

(c) An Asset Owner’s Uninstructed Resource Deviation Cost Disallowance, 

Non-Dispatchable Cost Disallowance, or Minimum Limit Cost 

Disallowance is equal to the positive difference between the Resource’s 

Energy cost at actual output as calculated from the Resource’s current 

Dispatch Interval Energy Offer Curve and the Resource’s Energy cost at 



 

 

 

 

the Resource’s economic operating point as calculated from the 

Resource’s current Dispatch Interval Energy Offer Curve. 

(d) A Resource’s economic operating point is the MW output where the cost 

on the Resource’s current Dispatch Interval Energy Offer Curve is equal 

to the Real-Time LMP for that Resource. 



 

 

8.6.6 Real-Time Out-of-Merit Amount 

An RTBM payment will be made to each Asset Owner with a Resource that 

receives a Transmission Provider Manual Dispatch Instruction that creates a cost to the 

Asset Owner or that adversely impacts the Asset Owner’s Day-Ahead Market position for 

Energy and/or Operating Reserve.  The amount will be calculated on a Dispatch Interval 

basis as follows: 

(1) If the Manual Dispatch Instruction is for Energy in the up direction and the 

Energy Offer Curve cost associated with the OOME MW is greater than the 

RTBM LMP, the Asset Owner will receive a payment for the difference.  The 

OOME MW is calculated as the positive difference between the actual Resource 

output and the Resource’s economic operating point.  The Resource’s economic 

operating point is calculated as described under Section 8.6.5(4)(d); 

(2) If the Manual Dispatch Instruction is for Energy in the down direction, including 

a Resource de-commitment and the RTBM LMP is greater than the Day-Ahead 

Market LMP, the Asset Owner will receive a payment for the difference 

multiplied by the OOME MW.  The OOME MW is calculated as the maximum of 

zero (0) or the difference between the Resource’s Day-Ahead Market cleared 

Energy MW and the actual Resource output; and 

(3) If the Manual Dispatch Instruction causes the RTBM cleared amount of an 

Operating Reserve product to be less than the Day-Ahead Market cleared amount 

of the corresponding Operating Reserve product and the RTBM MCP is greater 

than the Day-Ahead Market MCP, the Asset Owner will receive a payment for the 

difference multiplied by the OOME Operating Reserve MW.  The OOME 

Operating Reserve MW is calculated as the maximum of zero (0) or the difference 

between the Resource’s Day-Ahead Market cleared Operating Reserve MW and 

the Resource’s RTBM cleared Operating Reserve MW. 

(4) To the extent that additional costs are incurred as a direct result of a Manual 

Dispatch Instruction that are not addressed through the compensation mechanisms 

described in (1) through (3) above, Asset Owners may request additional 

compensation through submittal of actual cost documentation to the Transmission 

Provider.  The Transmission Provider will review the submitted documentation 



 

 

 

 

and confirm that the submitted information is sufficient to document actual costs 

and that all or a portion of the actual costs are eligible for recovery. 



 

 

8.6.7 Reliability Unit Commitment Make Whole Payment Distribution Amount 

An RTBM charge will be calculated at each Settlement Location for each Asset 

Owner for each hour in order to fund the payments made under Section 8.6.5.  The 

amount will be determined by multiplying An Asset Owners distribution volume by a 

daily RUC make whole payment rate as follows: 

RUC Make Whole Payment Distribution Amount = 

[(RUC SPP Make Whole Payment Distribution Rate) * (RUC Make Whole Payment 

Distribution Volume)] 

(1) The RUC SPP Make Whole Payment Distribution Rate is the sum of all make 

whole payments for the Operating Day as calculated under Section 8.6.5, divided 

by the sum of Asset Owners’ RUC Make Whole Payment Distribution Volumes 

for all Settlement Locations for the entire Operating Day. 

(2) An Asset Owner’s RUC Make Whole Payment Distribution Volume at a 

Settlement Location for an hour is equal to the sum of following values that are 

calculated for each Dispatch Interval within the hour: 

(a) The absolute value of the sum of actual Real-Time Settlement Location 

deviations from Day-Ahead Market cleared amounts for load, virtual 

transactions and interchange transactions except that, during any Dispatch 

Interval in which the Transmission Provider has declared an Emergency 

Condition, Real-Time actual load deviations from Day-Ahead Market 

cleared amounts shall be limited to deviations associated with actual Real-

Time load in excess of amounts cleared in the Day-Ahead Market;  

(b) For Resources cleared in the Day-Ahead Market, the positive difference 

between RTBM Resource applicable minimum limits and Day-Ahead 

Market Resource minimum limits, if: 

(i) Such difference is greater than the Resource’s Operating 

Tolerance; and 

(ii) The applicable RTBM Resource minimum limit is greater than the 

Day-Ahead Market cleared Energy amount; and 



 

 

 

 

(iii) The Resource received a Dispatch Instruction equal to the RTBM 

applicable minimum limit for at least one Dispatch Interval in the 

hour. 

(c) For Resources cleared in the Day-Ahead Market, the positive difference 

between the Day-Ahead Market Resource applicable maximum limits and 

the RTBM Resource applicable maximum limits, if: 

(i) Such difference is greater than the Resource’s Operating 

Tolerance; and 

(ii) The applicable RTBM Resource maximum limit is less than the 

Day-Ahead Market cleared Energy amount; and 

(iii) The Resource received a Dispatch Instruction equal to the 

applicable RTBM applicable maximum limit for at least one 

Dispatch Interval in the hour. 

(d) For Resources cleared in the Day-Ahead Market, the Resource’s Day-

Ahead Market cleared amount if that Resource is off-line in the RTBM 

and if the Resource has not been de-committed by the Transmission 

Provider; 

(e) For Resources that cleared in the Day-Ahead Market that are not able to 

follow Dispatch Instructions, the absolute value of the difference between 

a Resource’s actual output and the Resource’s economic operating point.  

The Resource’s economic operating point is calculated as described under 

Section 8.6.5(4)(d); 

(f) For Resources that were not cleared in the Day-Ahead Market and that 

self-committed following the close of the Day-Ahead Market, the actual 

Resource output if the Resource received a Dispatch Instruction equal to 

the applicable RTBM applicable maximum limit for at least one Dispatch 

Interval in the hour;  

(g) A Resource’s economic operating point, as calculated as described under 

Section 8.6.5(4)(d), for Resources that were committed following the close 

of the Day-Ahead Market if that Resource is off-line in the RTBM and 

that Resource was not de-committed by the Transmission Provider; and 



 

 

 

 

(h) The absolute value of a Resource’s URD if that Resource operated outside 

of its Operating Tolerance and the Resource has not been exempted from 

URD as described under Section 6.4.1.1 of this Attachment AE. 



 

 

8.6.8 Real-Time Regulation Distribution Amount 

An RTBM charge will be calculated for each Asset Owner at each Settlement 

Location for each hour for the purposes of funding payments made under Section 8.6.2 as 

follows: 

(1) Real-Time Regulation-Up Distribution Amount = 

[(Real-Time Regulation-Up Amount) * (Real-Time Load Ratio Share)] *  (-1) 

(a) The Real-Time Regulation-Up Amount shall be equal to the sum of the all 

payments made under Section 8.6.2(1) for Regulation-Up procurement for 

the hour. 

(b) Real-Time Load Ratio Share is as defined under Section 1 of this 

Attachment AE. 

(2) Real-Time Regulation-Down Distribution Amount = 

[(Real-Time Regulation-Down Amount) * (Real-Time Load Ratio Share)] * (-1) 

(a) The Real-Time Regulation-Down Amount shall be equal to the sum of the 

all payments made under Section 8.6.2(2) for Regulation-Down 

procurement for the hour. 

(b) Real-Time Load Ratio Share is as defined under Section 1 of this 

Attachment AE. 



 

 

8.6.9 Real-Time Spinning Reserve Distribution Amount 

An RTBM charge will be calculated for each Asset Owner at each Settlement 

Location for each hour for the purposes of funding the payments made under Section 

8.6.3 as follows: 

Real-Time Spinning Reserve Distribution Amount = 

[(Real-Time Spinning Reserve Amount) * (Real-Time Load Ratio Share)] * (-1) 

(1) The Real-Time Spinning Reserve Amount shall be equal to the sum of the all 

payments made under Section 8.6.3 for Spinning Reserve procurement for the 

hour. 

(2) Real-Time Load Ratio Share is as defined under Section 1 of this Attachment AE. 



 

 

8.6.10 Real-Time Supplemental Reserve Distribution Amount 

An RTBM charge will be calculated for each Asset Owner at each Settlement 

Location for each hour for purposes of funding the payments made under Section 8.6.4 as 

follows: 

Real-Time Supplemental Reserve Distribution Amount = 

[(Real-Time Supplemental Reserve Amount) * (Real-Time Load Ratio Share)] *  (-1) 

(1) The Real-Time Supplemental Reserve Distribution Amount shall be equal to the 

sum of the all payments made under Section 8.6.4 for Supplemental Reserve 

procurement for the hour. 

(2) Real-Time Load Ratio Share is as defined under Section 1 of this Attachment AE. 



 

 

8.6.11 Real-Time Regulation Non-Performance Amount 

An RTBM charge will be calculated at each Resource Settlement Location for 

each Asset Owner for each Dispatch Interval when a Resource with cleared RTBM 

Regulation-Up, Regulation-Down or both operates outside of its Operating Tolerance.  

The amount will be determined as follows: 

Real-Time Regulation Non-Performance Amount =  

[{Maximum of [Either Zero or ((Day-Ahead MCP for Regulation-Up) * (Day-Ahead 

Cleared Regulation-Up Hourly Quantity) + (Real-Time MCP for Regulation-Up) * (Real-

Time Cleared Regulation-Up Dispatch Interval Quantity – Day-Ahead Cleared 

Regulation-Up Hourly Quantity))]} + 

{Maximum of [Either Zero or ((Day-Ahead MCP for Regulation-Down) * (Day-Ahead 

Cleared Regulation-Down Hourly Quantity) + (Real-Time MCP for Regulation-Down) * 

(Real-Time Cleared Regulation-Down Dispatch Interval Quantity – Day-Ahead Cleared 

Regulation-Down Hourly Quantity))]}] / 12 

(1) Day-Ahead MCP, as defined under Section 1 of this Attachment AE, for 

Regulation-Up associated with the Reserve Zone in which the applicable 

Resource is located. 

(2) Day-Ahead MCP, as defined under Section 1 of this Attachment AE, for 

Regulation-Down associated with the Reserve Zone in which the applicable 

Resource is located. 

(3) Real-Time MCP, as defined under Section 1 of this Attachment AE, for 

Regulation-Up associated with the Reserve Zone in which the applicable 

Resource is located. 

(4) Real-Time MCP, as defined under Section 1 of this Attachment AE, for 

Regulation-Down associated with the Reserve Zone in which the applicable 

Resource is located. 

(5) An Asset Owner’s Day-Ahead Cleared Regulation-Up Hourly Quantity is the 

MW quantity associated with cleared Regulation-Up Reserve Offers as described 

under Section 5.1.3 of this Attachment AE. 



 

 

 

 

(6) An Asset Owner’s Day-Ahead Cleared Regulation-Down Hourly Quantity is the 

MW quantity associated with cleared Regulation-Down Reserve Offers as 

described under Section 5.1.3 of this Attachment AE. 

(7) An Asset Owner’s Real-Time Cleared Regulation-Up Dispatch Interval Quantity 

is the MW quantity associated with cleared Regulation-Up Offers as described 

under Section 6.2.3 of this Attachment AE. 

(8) An Asset Owner’s Real-Time Cleared Regulation-Down Dispatch Interval 

Quantity is the MW quantity associated with cleared Regulation-Down Offers as 

described under Section 6.2.3 of this Attachment AE. 

 



 

 

8.6.12 Real-Time Regulation Non-Performance Distribution Amount 

An RTBM payment will be calculated for each Asset Owner at each Settlement 

Location for each hour in order to distribute the funds collected under Section 8.6.11.  

The Asset Owner amount is calculated as follows: 

Real-Time Regulation Non-Performance Distribution Amount = 

[(Real-Time Regulation Non-Performance Amount) * (Real-Time Load Ratio Share)] * 

(-1) 

(1) The Real-Time Regulation Non-Performance Amount shall be equal to the sum of 

all charges made under Section 8.6.11 for hour. 

(2) Real-Time Load Ratio Share is as defined under Section 1 of this Attachment AE. 



 

 

8.6.13 Real-Time Contingency Reserve Deployment Failure Amount 

If the amount of Contingency Reserve specified in the Contingency Reserve 

Deployment Instruction is not provided, as determined through failure of the tests 

described in Section 6.4.3 of this Attachment AE, an RTBM charge will be assessed to 

the Asset Owner.  The charge amount will be determined by multiplying the RTBM LMP 

(absolute value) for the Dispatch Interval in which the Contingency Reserve Deployment 

Period ends by the minimum of all shortfall quantity amounts calculated from each of the 

four tests. 



 

 

8.6.14 Real-Time Contingency Reserve Deployment Failure Distribution Amount 

An RTBM payment will be calculated for each Asset Owner at each Settlement 

Location for each hour in order to distribute the funds collected under Section 8.6.13.  

The Asset Owner amount is calculated as follows: 

Real-Time Contingency Reserve Deployment Failure Distribution Amount = 

[(Real-Time Contingency Reserve Deployment Failure Amount) * (Real-Time Load 

Ratio Share)] * (-1) 

(1) The Real-Time Contingency Reserve Deployment Failure Amount shall be equal 

to the sum of all charges made under Section 8.6.13 for the hour. 

(2) Real-Time Load Ratio Share is as defined under Section 1 of this Attachment AE. 



 

 

8.6.15 Real-Time Regulation Deployment Adjustment Amount 

A Real-Time regulation deployment adjustment amount charge or payment will 

be calculated for each Asset Owner for each Dispatch Interval when a Resource with 

cleared Real-Time Regulation-Up and/or Regulation-Down is deployed.  The amount 

will be determined as one-twelfth of the sum of: 

(1) For Regulation-Up deployment, the amount is equal to the difference between (1) 

actual Regulation-Up deployment MW multiplied by Real-Time LMP at that 

Resource Settlement Location, and (2) Energy Offer Curve cost of actual 

Regulation-Up deployment MW. 

The actual Regulation-Up deployment MW is calculated as the difference 

between the lesser of (1) Dispatch Instruction plus the average Regulation-Up 

deployment or (2) Absolute value of actual Resource output, and the Resource’s 

average Dispatch Instruction for Energy.  If the absolute value of the Resource’s 

actual output is less than or equal to the Resource’s average Dispatch Instruction 

for Energy, then the actual Regulation-Up deployment MW is equal to zero (0). 

(2) For Regulation-Down deployment, the amount is equal to the difference between 

(1) Energy Offer Curve cost of actual Regulation-Down deployment MW, and (2) 

actual Regulation-Down deployment MW multiplied by RTBM LMP. 

The actual Regulation-Down deployment MW is calculated as the 

difference between the Resource’s average Dispatch Instruction for Energy and 

the greater of (1) Average Dispatch Instruction minus the average Regulation-

Down deployment or (2) Absolute value of actual Resource output.  If the 

absolute value of the Resource’s actual output is greater than or equal to the 

Resource’s average Dispatch Instruction for Energy, then the actual Regulation-

Down deployment MW is equal to zero (0). 

Distribution of such charges and recovery of such payments shall be made 

in accordance with Section 8.8 of this Attachment AE. 



 

 

8.6.16 Real-Time Over-Collected Losses Distribution Amount 

The MLC of the RTBM LMP creates an over collection (or under collection as a 

result of the Real-Time deviation accounting) related to the payment for losses (―RTBM 

over-collected losses‖) that must be accounted for.  An RTBM payment or charge is 

calculated for each hour at each Settlement Location for which an Asset Owner has a net 

RTBM Energy withdrawal, where such withdrawal does not include Energy associated 

with cleared Day-Ahead Market Virtual Energy Bids and Virtual Energy Offers, which 

contributed positively to the over collection as follows: 

(1) Each Asset Owner’s calculated contribution to the RTBM over-collected losses is 

calculated based upon a Loss Pool that is defined on an hourly basis  by the Asset 

Owner’s transactional activity where such transactional activity shall include: 

actual Resource Energy, actual load consumption, RTBM Import Interchange 

Transactions, RTBM Export Interchange Transactions, Bilateral Settlement 

Schedules, cleared Day-Ahead Market Virtual Energy Bids and cleared Day-

Ahead Market Virtual Energy Offers. 

(2) A loss rebate factor is calculated for each Asset Owner at each withdrawal 

Settlement Location in a Loss Pool as the difference between the Real-Time MLC 

at a withdrawal Settlement Location in the Loss Pool and the injection weighted 

average Real-Time MLC for the Loss Pool, multiplied by the Asset Owner’s 

withdrawal quantity at that withdrawal Settlement Location. 

(a) An Asset Owners withdrawal quantity at a Settlement Location is equal to 

that Asset Owners pro-rata share of the total withdrawal at that Settlement 

Location. 

(b) The total withdrawal quantity at a Settlement Location is calculated as the 

positive value of the sum of: (i) the difference between actual Resource 

outputs and cleared Day-Ahead Market Resource Offers; (ii) the 

difference between actual load consumption and cleared Day-Ahead 

Market Demand Bids; (iii) the difference between RTBM scheduled 

Import Interchange Transactions and Day-Ahead Market cleared Import 

Interchange Transaction Offers; (iv) the difference between RTBM 

scheduled Export Interchange Transactions and Day-Ahead Market 



 

 

 

 

cleared Export Interchange Transaction Bids; (v) cleared Day-Ahead 

Market Virtual Energy Bids multiplied by (-1); and (vi) cleared Day-

Ahead Market Virtual Energy Offers multiplied by (-1), at that Settlement 

Location. 

(c) An Asset Owner’s pro-rata share of the total withdrawal quantity at that 

Settlement Location is equal to the value calculated in (b) above 

multiplied by: (A) the positive value of the sum of that Asset Owner’s: (i) 

the difference between actual Resource outputs and cleared Day-Ahead 

Market Resource Offers; (ii) the difference between actual load 

consumption and cleared Day-Ahead Market Demand Bids; (iii) the 

difference between RTBM scheduled Import Interchange Transactions and 

Day-Ahead Market cleared Import Interchange Transaction Offers; (iv) 

the difference between RTBM scheduled Export Interchange Transactions 

and Day-Ahead Market cleared Export Interchange Transaction Bids; and 

(v) Bilateral Settlement Schedules, at that Settlement Location, divided 

by; (B) the sum of Asset Owners’ values calculated in (A) above at that 

Settlement Location. 

(3) The injection weighted average Real-Time MLC for a Loss Pool is calculated 

assuming that net RTBM injection in a Loss Pool first serves net RTBM 

withdrawals in the Loss Pool and then goes to meet the net RTBM withdrawal in 

Loss Pools that do not have sufficient Net RTBM injections to meet all net RTBM 

withdrawals. 

(4) The RTBM over-collected losses are allocated to Asset Owners on a pro-rata 

basis using the positive loss rebate factors in the hour for each load Settlement 

Location.  Only positive loss rebate factors apply and negative values are ignored. 

(5) A Real-Time over-collected losses distribution amount is calculated as follows: 

Real-Time Over-Collected Losses Distribution Amount = 

[(Real-Time Unitized Loss Rebate Factor) * (Real-Time Over-Collected Losses 

Amount)] * (-1) 

(a) The Real-Time Over-Collected Losses Amount in an hour is equal to the 

sum for all Settlement Locations of [(Day-Ahead LMP – Day-Ahead 



 

 

 

 

MCC)] * the difference between actual Energy and Day-Ahead Market 

cleared Energy MW at each Settlement Location. 

(b) Real-Time Unitized Loss Rebate Factor is the factor calculated as 

described in (4) above. 



 

 

8.6.17 Real-Time Reserve Sharing Group Amount 

A Real-Time Reserve Sharing Group amount for requested assistance provided 

between Reserve Sharing Group members following a Resource contingency will be 

calculated for each counterparty for each hour as specified in the Reserve Sharing Group 

Agreement.   



 

 

8.6.18 Real-Time Reserve Sharing Group Distribution Amount 

A Real-Time Reserve Sharing Group distribution amount charge or payment will 

be calculated for each Asset Owner at each Settlement Location for each hour in order to 

fund payments made or distribute funds collected under Section 8.6.17 as follows: 

Real-Time Reserve Sharing Group Distribution Amount =  

(Real-Time Reserve Sharing Group Amount) * (Real-Time Load Ratio Share) 

(1) Real-Time Reserve Sharing Group Amount is equal to the sum of all charges and 

payments made under Section 8.6.17. 

(2) Real-Time Load Ratio Share is as defined under Section 1 of this Attachment AE. 



 

 

8.7 Auction Revenue Rights and Transmission Congestion Rights Auction Settlement 

The charges and payments to ARR holders and TCR holders resulting from the 

annual and monthly TCR auctions described in Section 7 of this Attachment AE are 

calculated on a daily basis and included on the Settlement Statements consistent with the 

timing of the Day-Ahead Market settlement and RTBM settlement.   

The following Subsections describe the ARR/TCR auction settlement charge 

types.  For each charge type, the calculation is performed each Asset Owner.  The 

Transmission Provider shall calculate daily summations to each Market Participant for all 

Asset Owners it represents as specified in the Market Protocols. 



 

 

8.7.1 Transmission Congestion Rights Auction Transaction Amount 

A TCR auction daily charge or payment to each Asset Owner is calculated as the 

sum of charges and payments associated with that Asset Owner’s TCRs purchased or 

sold on a particular source to sink path, for each TCR auction period and round in the 

annual and monthly TCR auctions, as follows: 

TCR Auction Daily Amount = 

Sum of [(TCR Auction Quantity) * (Auction Clearing Price at Sink - Auction Clearing 

Price at Source)] / Number of Days in the Period 

(1) An Asset Owner’s TCR Quantity is the total MWs of TCRs purchased on a 

particular source to sink path in the annual TCR auctions or the net total MWs of 

TCRs purchased or sold on a particular source to sink path in round 1 and round 2 

in the monthly TCR auctions by that Asset Owner. 

(2) Auction Clearing Price at Sink is the Auction Clearing Price in the applicable 

auction period and round at the sink Settlement Location of the TCR Quantity 

source to sink path as calculated as described under Section 7.3.4 and 7.4.4 of this 

Attachment AE. 

(3) Auction Clearing Price at Source is the Auction Clearing Price in the applicable 

auction period and round at the source Settlement Location of the TCR Quantity 

source to sink path as calculated as described under Section 7.3.4 and 7.4.4 of this 

Attachment AE. 

(4) Number of Days in the Period is either number of days in the applicable monthly 

period or number of days in the applicable seasonal period. 



 

 

8.7.2 Auction Revenue Rights Funding Amount 

ARRs are valued at the prices from the annual and monthly TCR auctions during 

the lifetime of the instrument.  An ARR auction daily charge or payment to each Asset 

Owner is calculated for each applicable ARR quantity held on a particular source to sink 

path, for each TCR auction period and round in the annual and monthly TCR auctions as 

follows: 

ARR Daily Amount = 

[(ARR Quantity) * (Auction Clearing Price at Sink - Auction Clearing Price at Source)] / 

Number of Days in the Period * (-1) 

(1) An Asset Owner’s ARR Quantity is the total applicable MWs of ARRs on a 

particular source to sink path for the corresponding TCR auction period and round 

where such quantities are described under Section 7.6 of this Attachment AE. 

(2) Auction Clearing Price at Sink is the Auction Clearing Price in the applicable 

auction period and round at the sink Settlement Location of the ARR Quantity 

source to sink path as calculated as described under Section 7.3.4 and 7.4.4 of this 

Attachment AE. 

(3) Auction Clearing Price at Source is the Auction Clearing Price in the applicable 

auction period and round at the source Settlement Location of the ARR Quantity 

source to sink path as calculated as described under Section 7.3.4 and 7.4.4 of this 

Attachment AE. 

(4) Number of Days in the Period is either number of days in the applicable monthly 

period or number of days in the applicable seasonal period. 



 

 

8.7.3 Auction Revenue Rights Uplift Amount 

A daily charge will be calculated for each Asset Owner holding ARRs for each 

TCR auction period and round to the extent that the associated TCR auction revenues 

calculated under Section 8.7.1 are not sufficient to fund the total of the amounts 

calculated under Section 8.7.2 for each associated TCR auction period and round.  The 

daily amount will be calculated as follows: 

ARR Daily Uplift Amount = 

[(ARR Under Funding Amount) * (ARR Net Daily Amount) / Total ARR Net Daily 

Amount)] 

(1) ARR Under Funding Amount is equal to the difference between: (a) the sum of all 

charges and payments made under Section 8.7.2 for that TCR auction period and 

round for that day, multiplied by (-1); and (b) the sum of all charges and payments 

made under Section 8.7.1 for that TCR auction period and round for that day, to 

the extent that such difference is a positive value.  Otherwise, the ARR Under 

Funding Amount shall be equal to zero (0). 

(2) An Asset Owner’s ARR Net Daily Amount is equal to the sum of the absolute 

value of amounts calculated under Section 8.7.2 for that Asset Owner for that day. 

(3) The Total ARR Net Daily Amount is equal to the sum of all of the Asset Owner 

values calculated in (2) above for that day. 



 

 

8.7.4 Auction Revenue Rights Monthly Payback Amount 

A monthly payment will be calculated as follows for each Asset Owner assessed 

charges under Section 8.7.3 during the month: 

ARR Monthly Payback Amount = 

Minimum of [(ARR Monthly Uplift Amount) or ((Excess TCR Revenue Fund Monthly 

Amount) * (ARR Monthly Uplift Amount) / (Total ARR Monthly Uplift Amount))] * (-

1) 

(1) An Asset Owner’s ARR Monthly Uplift Amount is equal to the sum of that Asset 

Owner’s charges calculated under Section 8.7.3 for the month. 

(2) Total ARR Monthly Uplift Amount is equal to the sum of all Asset Owners’ ARR 

Monthly Uplift Amounts for the month. 

(3) The Excess TCR Revenue Fund Monthly Amount is equal to the sum of Excess 

TCR Revenue Fund Daily Amount for the month. 

(a) The Excess TCR Revenue Fund Daily Amount is equal to the positive difference 

between: (i) the total of all charges and payments calculated under Section 8.7.1 

for the Operating Day and (ii) the total charges and payments calculated under 

Section 8.7.2 for the Operating Day multiplied by (-1). 



 

 

8.7.5 Auction Revenue Rights Annual Payback Amount 

An annual payment will be calculated as follows for each Asset Owner assessed 

charges under Section 8.7.3 over the year that were not fully reimbursed in the monthly 

payback process: 

ARR Annual Payback Amount = 

Minimum of [(ARR Net Uplift Annual Amount) or ((Excess TCR Auction Revenue Fund 

Yearly Amount) * (ARR Net Uplift Annual Amount) / (Total ARR Net Uplift Annual 

Amount))] 

(1) An Asset Owner’s ARR Net Uplift Annual Amount is equal the difference 

between (i) the sum of that Asset Owner’s charges calculated under Section 8.7.3 

for the year and (ii) the sum of that Asset Owner’s payments made under Section 

8.7.4 for the year multiplied by (-1). 

(2) Total ARR Net Uplift Annual Amount is equal to the sum of all Asset Owners’ 

TCR Net Uplift Annual Amounts for the month. 

(3) The Excess TCR Revenue Fund Yearly Amount is equal to the difference 

between the total Excess TCR Revenue Fund Monthly Amount for the year, as 

described under Section 8.7.4(3), and the total payments made under Section 8.7.4 

for the year. 



 

 

8.7.6 Auction Revenue Rights Annual Closeout Amount 

An annual payment will be calculated as follows for each Asset Owner with ARR 

Nomination Caps established under Section 7.1.3 of this Attachment AE to the extent that 

there are any funds remaining once all payments are made under Section 8.7.4: 

ARR Annual Closeout Amount = 

[(Excess TCR Revenue Fund Yearly Amount + ARR Annual Payback Total) * (Annual 

ARR Nomination Cap / Total Annual ARR Nomination Cap)] * (-1) 

(1) Excess TCR Revenue Fund Yearly Amount is equal to the value calculated under 

Section 8.7.5 of this Attachment. 

(2) ARR Annual Payback Total is equal to the sum of all payments made under 

Section 8.7.5. 

(3) An Asset Owner’s Annual ARR Nomination Cap is equal to the sum of all of that 

Asset Owner’s daily ARR nomination caps, as calculated under Section 7.1.3 of 

this Attachment AE, for the year. 

(4) Total Annual ARR Nomination Cap is equal to the sum of all Asset Owners’ 

Annual ARR Nomination Caps for the year. 



 

 

8.8 Revenue Neutrality Uplift Distribution Amount 

The Transmission Provider shall perform the following calculation for each hour 

of the Operating Day for each Asset Owner and Settlement Location to ensure that the 

Transmission Provider is revenue neutral in each hour of the Operating Day. The 

Transmission Provider shall calculate hourly summations to each Market Participant for 

all Asset Owners it represents and shall calculate daily summations as specified in the 

Market Protocols. 

Revenue Neutrality Uplift Distribution Amount =  

Daily RNU Distribution Rate * RNU Distribution Volume * (-1) 

(1) The Daily RNU Distribution Rate is equal to the Daily RNU Distribution Amount 

divided by the Daily RNU Distribution Volume. 

(a) The Daily RNU Distribution Amount is equal to: 

(i) The sum of all Asset Owners’ charges and payments calculated 

under Section 8.5, excluding payments under Sections 8.5.13, 

8.5.14 and 8.5.15, for the Operating Day; plus 

(ii) The sum of all Asset Owners’ charges and payments calculated 

under Section 8.6 for the Operating Day; plus 

(iii) The sum of all Asset Owners’ charges and payments calculated 

under Section 8.7, excluding payments under Sections 8.7.4, 8.7.5 

and 8.7.6; plus 

(iv) The sum of all charges and payments for emergency purchases and 

sales entered into by the Transmission Provider in its Balancing 

Authority role in order to alleviate a capacity shortage inside the 

SPP Balancing Authority Area or to assist an external Balancing 

Authority in alleviating a capacity shortage; plus  

(v) Any other charges and credits not accounted for in subsections (i) 

through (iv) above; minus 

(vi) The Excess Congestion Fund Daily Amount calculated under 

Section 8.5.13(3)(a) for the Operating Day; minus 

(vii) The Excess TCR Revenue Fund Daily Amount calculated under 

Section 8.7.4(3)(a) for the Operating Day. 



 

 

 

 

(b) The Daily RNU Distribution Volume is equal to the sum of all Asset 

Owners’ RNU Distribution Volumes for the Operating Day. 

(2) An Asset Owner’s RNU Distribution Volume at a Settlement Location for an hour 

is equal to: 

(a) The absolute value of the minimum of: 

(i) Actual metered generation in the hour; or 

(ii) Scheduled Import Interchange Transactions in the hour; or 

(iii) Cleared Virtual Energy Offers in the hour; plus 

(b) The absolute value of the maximum of; 

(i) Actual metered load in the hour; 

(ii) Scheduled Export Interchange Transactions in the hour; or 

(iii) Cleared Virtual Energy Bids in the hour.   



 

 

9.0 Release of Offer Curve Data 

The Transmission Provider will release the Day-Ahead Offers and Bids, RTBM 

Energy Offer Curves and Operating Reserve data ninety (90) days after the day for which 

they were submitted.  Such information released by the Transmission Provider will not 

include the identity of the Market Participant, Resource or load. 



 

 

10.0 Billing 

The Transmission Provider shall prepare a billing statement each billing cycle in 

accordance with this section of Attachment AE.  Such billing statements shall be 

prepared for each Market Participant in accordance with the charges and payments 

specified in Section 8 of this Attachment AE, and showing the net amount to be paid or 

received by the Market Participant.  Billing statements shall provide sufficient detail, as 

specified in the Market Protocols, to allow verification of the billing amounts and 

completion of the Market Participant’s internal accounting.  Unresolved billing disputes 

shall be settled in accordance with procedures specified in Section 12 of the Tariff. 



 

 

10.1 Settlement Statements 

(1) The Transmission Provider shall issue a preliminary Settlement Statement for an 

Operating Day no later than seven (7) calendar days following the applicable 

Operating Day unless the seventh (7) day following the applicable Operating Day 

is not a business day, in which case, the preliminary Settlement Statement shall be 

issued on the first business day thereafter. 

(2) The Transmission Provider shall issue a final Settlement Statement for an 

Operating Day no later than forty-seven (47) calendar days following the 

applicable Operating Day unless the forty-seventh (47) calendar day following the 

applicable Operating Day is not a business day, in which case, the final 

Settlement Statement shall be issued on the first (1) business day thereafter. 

(3) The Transmission Provider shall make corrections to the preliminary and final 

Settlement Statements for an Operating Day for data errors and Settlement 

Statement disputes that have been resolved.  Settlement associated with a specific 

Operating Day shall be considered final at the end of the three hundred sixty-fifth 

(365) calendar day following the applicable Operating Day. 

(4) To the extent that a Market Participant, or its designated meter agent, does not 

submit meter data representing that Market Participant’s actual Resource output 

and load consumption, either on a five (5) minute basis or an hourly basis in 

accordance with the timelines specified in the Market Protocols, the Transmission 

Provider shall use estimated data for that Market Participant that is equal to that 

Market Participant’s telemetered generation and load for the applicable intervals 

or State Estimator values if telemetered values are not available for the purposes 

of calculating the preliminary statements specified under Sections 10.1(1).  To the 

extent a Meter Agent does not submit data representing the metering of each 

interconnecting tie-line between Settlement Areas, the Transmission Provider will 

substitute State Estimator values.  In the event that actual meter data is not 

submitted prior to the issuance of a final Settlement Statement, the Transmission 

Provider shall use the best available data, which may include estimated meter data 

as developed by the Transmission Provider, for the purposes of calculating final 

Settlement Statements. 



 

 

10.2 Invoices 

(1) The Transmission Provider shall issue an invoice detailing all charges and 

payments specified in Section 8 of this Attachment AE on a weekly basis in 

accordance with the invoice issue dates specified in the Market Protocols. 

(2) The Transmission Provider shall make payments to the Market Participant for any 

net credit shown on the invoice and the Market Participant shall make payment to 

the Transmission Provider for any net charge shown or the invoice, including 

disputed amounts.  Resolution of disputed amounts shall be shown as an 

adjustment on future invoices. 

(3) Market Participants shall make payment to the Transmission Provider that is 

equal to the net charge shown on the invoice by no later than 5:00 PM on the 3rd 

business day following the day the invoice was issued. 

(4) The Transmission Provider shall make payment to the Market Participant that is 

equal to the net credit shown on the invoice by no later than 5:00 PM on the 5th 

business day following the day the invoice was issued subject to the procedures 

specified under Section V of Attachment L. 

(5) All payments to the Market Participant and all payments to the Transmission 

Provider shall be made by electronic funds transfer in U.S. dollars.   



 

 

10.3 Invoice Disputes 

In the event that a dispute arises between the Market Participant and the 

Transmission Provider concerning any initial, final or resettlement Settlement Statements 

contained within an invoice that cannot be resolved to the Market Participant’s 

satisfaction, such disputes shall be resolved as follows: 

(1) In the case of a dispute relating to an initial or final Settlement Statement, the 

Market Participant must notify the Transmission Provider within ninety (90) 

calendar days following the issue date of the applicable invoice of the items that 

the Market Participant wishes to dispute.  In the case of resettlement statements, 

the Market Participant must notify the Transmission Provider within thirty (30) 

calendar days following the issue date of the applicable invoice of the items 

contained in that statement that the Market Participant wishes to dispute, which 

issues must relate to incremental changes in data that occurred between issuance 

of the final Settlement Statement and the first (1st) resettlement statement or 

between resettlement statements. 

The notice of dispute must contain the following minimum information: 

• Statement type (initial, final, resettlement 1-11, ad hoc resettlement) 

• Charge type 

• Estimated dispute amount in dollars 

• Operating Day 

• Start interval 

• End interval 

• Market Participant 

• Asset Owner  

• Settlement Location 

• Long description 

• Short description. 

(2) If the Transmission Provider determines that additional information is required 

concerning a submitted notice of dispute, the Transmission Provider shall notify 

the Market Participant no later than thirty (30) days following the date the notice 

of dispute was submitted to the Transmission Provider.  The Market Participant 



 

 

 

 

must then submit additional information to the Transmission Provider within 

thirty (30) days in order to have the notice of dispute considered valid. 

(3) The Transmission Provider shall use its best efforts to notify the Market 

Participant of approval or denial of the submitted notice of dispute within twenty 

(20) business days following the close of the applicable ninety (90) day or thirty 

(30) day window specified under Subsection 10.3(1) or Subsection 10.3(2).  If the 

Transmission Provider estimates that it will take longer than the twenty (20) 

business day window to analyze a specific billing dispute, the Transmission 

Provider shall notify the Market Participant and provide an estimate of the amount 

of time required to complete the analysis. 

(4) If the Transmission Provider denies a Market Participant’s notice of dispute or the 

Market Participant is not satisfied that it is receiving timely consideration of the 

dispute, the Market Participant may initiate the dispute resolution procedures 

specified under Section 12 of the Tariff. 



 

 

10.4 Interest on Unpaid Balances  

Interest on any unpaid amounts shall be calculated in accordance with the 

methodology specified for interest on refunds in the Commission's regulations at 18 

C.F.R. § 35.19a(a)(2)(iii).  Interest on delinquent amounts shall be calculated from the 

due date of the invoice to the date of payment. 



 

 

10.5 Customer Default  

Customer default will be handled in accordance with Attachment X (SPP Credit 

Policy). 



 

 

11.0 Confidentiality Provisions 

This Section 11 shall apply to Confidential Information disclosed by a Market 

Participant to the Transmission Provider or by the Transmission Provider to a Market 

Participant or its designee, the Market Monitor, the Commission, or an Authorized 

Requestor and shall only be applicable to Confidential Information referenced within this 

Attachment AE, Attachment AF and Attachment AG. 



 

 

11.1 Restrictions on Confidential Information Provided to Receiving Party 

The Transmission Provider or any Market Participant ("Receiving Party") may 

not disclose Confidential Information received from the other ("Disclosing Party") to any 

person, corporation, or any other entity except as specifically permitted in this Section 11 

of this Attachment AE. 

A Market Participant that is subject to a freedom of information or similar statute 

must, prior to receiving Confidential Information, provide the Transmission Provider a 

statement identifying and forwarding copies of the particular statute, rule or regulation, 

protective order, or practice that will allow that Market Participant to keep Confidential 

Information received by it hereunder confidential and non-public, and of limited 

distribution within the Market Participant as described above.  In the event that such 

Market Participant receives a request pursuant to the applicable freedom of information 

or similar statute for information deemed confidential pursuant to this section, the Market 

Participant shall promptly notify the Disclosing Party of such request. 



 

 

11.1.1 Procedures for Confidential Information 

Receiving Party shall adopt procedures within its organization to maintain the 

confidentiality of all Confidential Information.  Such procedures must provide that: 

(1) The Confidential Information will be disclosed to Receiving Party's directors, 

officers, employees, representatives and agents only on a "need to know" basis; 

(2) Receiving Party shall make its directors, officers, employees, representatives and 

agents aware of Receiving Party's obligations under this Section 11; 

(3) Receiving Party shall cause any copies of the Confidential Information that it 

creates or maintains, whether in hard copy, electronic format, or other form, to 

identify the Confidential Information as such; and to retain such confidential 

marking; 

(4) Before disclosing Confidential Information to a representative or agent of 

Receiving Party, Receiving Party shall require a non-disclosure agreement with 

each such representative or agent.  Such nondisclosure agreement shall contain 

confidentiality provisions substantially similar to the terms of this Section 11. 

Any Receiving Party seeking to dispute the designation of information as 

Confidential Information may challenge such designation through the SPP dispute 

resolution process as established in Section 12 of this Tariff, unless the Receiving 

Party has received Confidential Information in connection with a proceeding at 

the Commission or in connection with a state regulatory proceeding.  Any 

challenge to the confidentiality of Confidential Information obtained in 

connection with an administrative or legal proceeding shall be presented for 

consideration to the appropriate regulatory authority, court or tribunal. 



 

 

11.1.2 Exceptions 

Without violating the confidentiality provisions of this Section 11, a Receiving 

Party may disclose certain Confidential Information: 

(1) As required by any law, regulation, or order, or expressly required or permitted by 

this Tariff, provided that the Receiving Party must make reasonable efforts to 

restrict public access to the disclosed Confidential Information by protective 

order, by aggregating information, or otherwise if reasonably possible; or 

(2) If the Disclosing Party that supplied the Confidential Information to the Receiving 

Party has given its prior written consent to the disclosure as set forth in 

Subsection 11.1.4(3), which consent may be given or withheld in Disclosing 

Party's sole discretion; or 

(3) If, before it is furnished to Receiving Party, the Confidential Information is in the 

public domain; or 

(4) If, after it is furnished to Receiving Party, the Confidential Information enters the 

public domain other than through a manner inconsistent with the provisions of 

this section; or 

(5) If reasonably deemed by the Receiving Party to be required to be disclosed in 

connection with a dispute between Receiving Party and Disclosing Party; 

provided that the Receiving Party must make reasonable efforts to restrict public 

access to the disclosed Confidential Information by protective order, by 

aggregating information, or otherwise if reasonably possible; or 

(6) To a vendor or prospective vendor of goods and services to Transmission 

Provider so long as such vendor or prospective vendor: (i) is not a Market 

Participant and (ii) executes a confidentiality agreement with terms substantially 

similar to those in this Section 11. 



 

 

11.1.3 Injunctive Relief and Specific Performance 

It may be impossible or very difficult to measure in terms of money the damages 

that would accrue due to any breach by Receiving Party of this Section 11, or any failure 

to perform any obligation contained in this Section 11, and, for that reason, among others, 

a Disclosing Party affected by a disclosure or threatened disclosure is entitled to 

injunctive relief, including specific performance, of this Section 11 (but is not hereby 

precluded from seeking other forms of relief).  In the event that a Disclosing Party 

institutes any proceeding to enforce any part of this Section 11, the affected Receiving 

Party, by entering any agreement incorporating this Tariff, now waives any claim or 

defense that an adequate remedy at law exists for such a breach. 



 

 

11.1.4 Market Participant Access and Transmission Provider Use of Confidential 

Information 

(1) No Market Participant shall have a right hereunder to receive or review any 

documents, data, or other information of another Market Participant, including 

documents, data, or other information provided to the Transmission Provider, to 

the extent such documents, data, or information have been designated as 

Confidential Information under this Section 11; provided, however, a Market 

Participant may receive and review any composite documents, data, and other 

information that may be developed based on such Confidential Information if the 

composite does not, directly or by its nature, disclose any individual Market 

Participant's Confidential Information. 

(2) The Transmission Provider shall collect and use Confidential Information only in 

connection with its authority under this Tariff and the retention of such 

information shall be in accordance with the Transmission Provider's retention 

policies.  Except as otherwise provided in Sections 11.1.2, 11.1.5, 11.2 and 11.3, 

the Transmission Provider shall not disclose to a Market Participant or to any 

third party, any Confidential Information of a Market Participant or a Market 

Participant Applicant; provided that nothing contained herein shall prohibit the 

Transmission Provider from providing a Market Participant’s Confidential 

Information to NERC or any of its regional reliability councils to the extent that: 

(i) the Transmission Provider determines, in its reasonable discretion, that the 

exchange of such information is required to enhance and/or maintain reliability 

within the SPP Region and its neighboring Control Areas; (ii) such receiving 

entity is bound by a written agreement to maintain such confidentiality; and (iii) 

the Transmission Provider has notified the affected Market Participant of its 

intention to release such information no less than five (5) business days prior to 

the release. 

(3) Nothing contained herein shall prevent the Transmission Provider from releasing 

a Market Participant's Confidential Information to a third party provided that the 

Market Participant has delivered to the Transmission Provider specific, written 

authorization for such release setting forth the data or information to be released, 



 

 

 

 

to whom such release is authorized, and the period of time for which such release 

shall be authorized.  The Transmission Provider shall limit the release of a Market 

Participant's Confidential Information to that specific authorization received from 

the Market Participant.  Nothing herein shall prohibit a Market Participant from 

withdrawing such authorization upon written notice to the Transmission Provider 

who shall cease such release as soon as practicable after receipt of such 

withdrawal notice. 

(4) Nothing contained herein shall prevent the Transmission Provider from releasing 

a Market Participant's Confidential Information to a Transmission Owner for 

purposes of transmission operations provided that: (i) the Transmission Provider 

determines, in its reasonable discretion, that the exchange of such information is 

required to enhance and/or maintain reliability within the SPP Region and its 

neighboring Control Areas; (ii) such receiving entity is bound by a written 

agreement to maintain such confidentiality; and (iii) the Transmission Provider 

has notified the affected Market Participant of its intention to release such 

information no less than five (5) business days prior to the release. 



 

 

11.1.5 Required Disclosure 

(1) Notwithstanding anything in this Section 11 to the contrary except Section 11.2, 

Section 11.3 and Section 11.4, if a Receiving Party is required by applicable law, 

or in the course of administrative or judicial proceedings, other than Commission 

or state regulatory proceedings or investigations, to disclose to third parties, other 

than to the Commission or its staff, Confidential Information that is otherwise 

required to be maintained in confidence pursuant to this Tariff, the Receiving 

Party subject to such disclosure requirement may disclose such information; 

provided, however, that the Receiving Party shall not release the data until the 

affected Disclosing Party(ies) provide written consent or until the affected 

Disclosing Party's(ies') legal avenues to prevent the disclosure are exhausted.  As 

soon as the Receiving Party learns of the disclosure requirement and prior to 

making disclosure, it shall notify the affected Disclosing Party(ies) of the 

requirement and the terms thereof and the date on which it may be required to 

disclose the information.  The affected Disclosing Party(ies) may direct, at their 

sole discretion and cost, any challenge to or defense against the disclosure 

requirement.  The Receiving Party shall cooperate with such affected Disclosing 

Party(ies) to the maximum extent practicable to minimize the disclosure of the 

Confidential Information consistent with applicable law.  To the extent reasonably 

possible, the confidentiality of Confidential Information subject to this Section 

11.1.5 will be maintained with (a) a protective order, (b) other procedures 

available for protecting confidential data or (c) by aggregating data to prevent 

disclosure of Confidential Information.  Each Receiving Party shall cooperate 

with the affected Disclosing Party(ies) to obtain proprietary or confidential 

treatment of such Confidential Information by the person to whom such 

information is disclosed prior to any such disclosure. 

(2) Section 11.1.5(1) does not apply to disclosure of information to the Commission 

or its staff or to a state regulator or its staff. 



 

 

11.1.6 Limitations 

Nothing contained in Section 11.1 through and including Section 11.1.5 shall 

require any Receiving Party to violate any law or file a lawsuit in order to prevent 

disclosure of Confidential Information. 



 

 

11.2 Confidentiality Provisions Applicable to the Market Monitor Reporting to the 

Board of Directors 

For the purposes of this Section 11.2, references to the Market Monitor shall 

mean the Market Monitor as defined under Section 3.1 of Attachment AG. 

(1) Notwithstanding anything in this Section 11 to the contrary, in order to enable the 

Market Monitor to discharge its duties, the Transmission Provider is authorized to 

provide Market Participant Confidential Information and any other information, 

data or materials that constitutes Confidential Information under this Tariff to the 

Market Monitor.  For purposes of Confidential Information provided by the 

Transmission Provider to the Market Monitor, the Transmission Provider will be 

considered to be a Disclosing Party, and for purposes of this Section 11.2, the 

Market Monitor will treat both the Transmission Provider and, if known to the 

Market Monitor, the Market Participant originally providing specific Confidential 

Information as Disclosing Parties in the event the Market Monitor receives a 

request for Confidential Information under this Section 11.2. 

(2) The Market Monitor shall use all reasonable procedures necessary to protect and 

preserve the confidentiality of all Confidential Information as defined in Section 

11.1 received by it in connection with the discharge of its duties. 

(3) Except as may be required by subpoena or other compulsory process or as set 

forth in Sections 11.3(1) and 11.3(2), the Market Monitor shall not disclose 

Confidential Information to any person or entity except to the Commission or its 

staff or without prior written consent.  Upon receipt of a subpoena or other 

compulsory process for the disclosure of Confidential Information, the Market 

Monitor shall promptly notify the affected Disclosing Party(ies) that originally 

provided the data and shall provide all reasonable assistance requested by the 

affected Disclosing Party(ies) to prevent disclosure, and if possible under the 

terms of the subpoena or other compulsory process shall not release the data until 

the affected Disclosing Party(ies) provide written consent or until the affected 

Disclosing Party(ies’) legal avenues to prevent disclosure are exhausted.  To the 

extent reasonably possible, the confidentiality of Confidential Information subject 

to this Subsection 11.2(2) will be maintained with (i) a protective order, (ii) other 



 

 

 

 

procedures available for protecting confidential data, or (iii) by aggregating data 

to prevent disclosure of Confidential Information. 



 

 

11.3 Disclosure to Commission 

(1) Notwithstanding any provisions of this Section 11 to the contrary, if the 

Commission or its staff, during the course of an investigation or otherwise, 

requests Confidential Information from the Transmission Provider and/or the 

Market Monitor that is otherwise required to be maintained in confidence 

pursuant to this Tariff, the Transmission Provider and/or the Market Monitor, as 

applicable shall provide the requested information to the Commission or its staff 

within the time provided for in the request for information.  Should the 

Transmission Provider and/or the Market Monitor require additional time to 

provide the information requested due to logistical matters such as the volume of 

information requested or technical complexity involved, the Transmission 

Provider and/or the Market Monitor will promptly communicate that need to the 

individual requesting the information and they shall establish the time for 

production of the requested information. 

(2) In providing the information to the Commission or its staff, the Transmission 

Provider and the Market Monitor shall, consistent with 18 C.F.R. §§ 1b.20 and/or 

388.112, request that the Confidential Information be treated as confidential and 

non-public by the Commission and its staff and that the Confidential Information 

be withheld from public disclosure.  The Transmission Provider and/or the Market 

Monitor shall promptly notify the affected Disclosing Party(ies) that originally 

submitted the requested Confidential Information when it receives from the 

Commission or its staff a request for disclosure of Confidential Information. 



 

 

11.4 Disclosure to Authorized Agencies  



 

 

11.4.1 Basic Requirements for Disclosure 

For the purposes of this Section 11.4 Authorized Agency is a state regulatory 

commission that is authorized (or will be authorized upon satisfaction of the requirements 

herein) to receive confidential information pursuant to this section.  The term Authorized 

Agency also includes state commissions acting jointly either through a regional state 

committee or otherwise.  An Authorized Requestor is a representative of an Authorized 

Agency. 

The Transmission Provider and/or Market Monitor shall only disclose 

Confidential Information, otherwise required to be maintained in confidence pursuant to 

Attachment AE of this Tariff, to an Authorized Requestor solely under the following 

conditions: 

(1) The Authorized Requestor has executed a non-disclosure agreement with the 

Transmission Provider, stating: 

(a) The position he or she holds within or the relationship he or she has with 

the Authorized Agency for which he or she will be an Authorized 

Requestor; 

(b) That he or she is authorized to enter into and perform the obligations of 

the non-disclosure agreement; 

(c) That the relevant Authorized Agency has practices or procedures adequate 

to protect against the unauthorized release of any Confidential Information 

received pursuant to the non-disclosure agreement; 

(d) That he or she is familiar with, and will comply with, any applicable 

practices or procedures of the Authorized Agency that the Authorized 

Requestor represents; and 

(e) That he or she is not in breach of any non-disclosure agreement entered 

into with the Transmission Provider. 

(2) The Transmission Provider is able to verify that the Authorized Agency 

employing or retaining the Authorized Requestor has provided the Transmission 

Provider with the following information pursuant to Section 2.2 of Attachment 

AL (Form of Non-Disclosure Agreement for Authorized Requestors) to this 

Tariff: 



 

 

 

 

(a) A list of authority (including statutory) specifying the particular 

Authorized Agency’s duty, responsibility or authority in fulfillment of 

which it will make requests to the Transmission Provider or the Market 

Monitor under this section for information, including, but not limited to, 

that enumerated and described as available to the Market Monitor in 

Attachment AG of this Tariff; or, in the case of a regional state committee, 

an order of the Commission prohibiting the release of Confidential 

Information by the regional state committee, except in accordance with the 

terms of the non-disclosure agreement;  

(b) A statement notifying and identifying to the Transmission Provider that 

the Authorized Agency has practices or procedures in place adequate to 

protect against the unauthorized release of Confidential Information; and 

(c) Confirmation in writing that the Authorized Requestor is authorized by the 

Authorized Agency to enter into the non-disclosure agreement and to 

receive Confidential Information under Attachment AE of this Tariff. 

(3) The Authorized Agency has provided either an order or a certification from 

counsel to such Authorized Agency or some other means acceptable to 

Transmission Provider, confirming that: 

(a) The Authorized Agency has statutory authority (or in the case of a 

regional state committee is in receipt of and bound by a Commission 

Order referred to in Subsection (2)(a) above) to protect the confidentiality 

of any Confidential Information received pursuant to the non-disclosure 

agreement from public release or disclosure and from release or disclosure 

to any other entity, including other agencies of state government, except to 

the extent that such disclosure is required or permitted by state law; 

 

(b) Except as provided in Subsection (4) below, the Authorizing Agency will 

defend against any disclosure of Confidential Information pursuant to any 

third party request through all available legal process, including, but not 

limited to, obtaining any necessary protective orders; 



 

 

 

 

(c) The Authorizing Agency will provide the Transmission Provider with 

prompt notice of any such third party request or legal proceedings and will 

consult and cooperate with the Transmission Provider and/or any affected 

Market Participant in its efforts to deny the third party request or defend 

against such legal process;  

(d) In the event a protective order or other remedy is denied, the Authorizing 

Agency will direct Authorized Requestors authorized by it to furnish only 

that portion of the Confidential Information that its legal counsel advises 

the Transmission Provider in writing is legally required to be furnished;  

(e) The Authorizing Agency will exercise its best efforts to obtain assurance 

that confidential treatment will be accorded to such Confidential 

Information;  

(f) The Authorizing Agency has adequate practices or procedures in place to 

protect against the release of such Confidential Information; and  

(g) The Authorizing Agency has authorized the Authorized Requestor to enter 

into the non-disclosure agreement and to receive Confidential Information 

pursuant to this Attachment AE to this Tariff and under the non-disclosure 

agreement, and can provide a written copy of such authorization. 

(4) The certification from counsel for the Authorized Agency referred to in 

Subsection (3)(b) above must affirmatively disclose any state law that will 

prohibit or prevent the Authorized Agency from defending against any disclosure 

of Confidential Information pursuant to any third party request as otherwise 

required by Subsection (3)(b).  In an instance where there is such a state law 

disclosed, such certification shall confirm that the Transmission Provider would 

have notice of the third party request and standing to pursue legal processes, 

including obtaining a protective order, before the forum in which state law 

prohibits or prevents the Authorized Agency from taking such actions itself. 



 

 

11.4.2 Schedule of Authorized Requestors 

The Transmission Provider shall maintain a schedule of all Authorized Requestors 

and the Authorized Agencies they represent, which shall be made available on its website 

or by written request.  The schedule shall include phone numbers and e-mail addresses.  

Such schedule shall be compiled by the Transmission Provider, based on information 

provided by any Authorized Requestor and/or Authorized Agency.  The Transmission 

Provider shall update the schedule promptly upon receipt of information from an 

Authorized Requestor or Authorized Agency, but shall have no obligation to verify or 

corroborate any such information, and shall not be liable or otherwise responsible for any 

inaccuracies in the schedule due to incomplete or erroneous information conveyed to and 

relied upon by the Transmission Provider in the compilation and/or maintenance of the 

schedule. 



 

 

11.4.3 Use of Confidential Information 

The Authorized Requestor shall use the Confidential Information solely for the 

purpose of assisting an Authorized Agency in discharging its duty, responsibility or 

authority in fulfillment of which it authorizes Authorized Requestors to make requests for 

Confidential Information and for no other purpose.  Any and all Authorized Requestors 

sponsored by the same Authorized Agency may have access to the Confidential 

Information that is provided to the sponsoring Authorized Agency pursuant to an 

information request described in Section 11.4.5. 



 

 

11.4.4 Limited Oral Disclosures 

(1) The Transmission Provider or the Market Monitor may, in the course of 

discussions with an Authorized Requestor or Authorized Requestors in meetings 

or teleconferences, orally disclose information otherwise required to be 

maintained in confidence, without the need for a prior information request.  Such 

oral disclosures shall provide enough information to enable the Authorized 

Requestors or their Authorized Agency to determine whether additional 

information requests are appropriate.  The Transmission Provider or the Market 

Monitor will not make any written or electronic disclosures of Confidential 

Information to the Authorized Requestor pursuant to this section.  In any such 

discussions, the Transmission Provider or the Market Monitor shall ensure that 

the individual or individuals receiving such Confidential Information are 

Authorized Requestors, any Confidential Information disclosed is orally 

designated as Confidential Information and any specific affected Market 

Participant whose information is disclosed is not identified.  The Transmission 

Provider or Market Monitor shall also be authorized to assist Authorized 

Requestors in interpreting Confidential Information that is disclosed. 

(2) The Transmission Provider or the Market Monitor shall provide any affected 

Market Participant with oral notice of any oral disclosure promptly, but not later 

than one (1) business day after the oral disclosure.  Such oral notice to the 

affected Market Participant shall include the substance of the oral disclosure, but 

shall not reveal any Confidential Information of any other entity and must be 

received by the affected Market Participant before the name of the affected 

Market Participant is released to the Authorized Requestor; provided, however, 

the identity of the affected Market Participant must be made available to the 

Authorized Requestor within two (2) business days of the initial oral disclosure. 



 

 

11.4.5 Information Requests 

(1) Form:  Information requests to the Transmission Provider or the Market Monitor 

shall be in writing, and shall include electronic communications addressed to the 

Transmission Provider or to the Market Monitor as appropriate. 

(2) Content:  Each information request shall describe, in as much detail as possible, 

the particular information sought, including the time period for the requested 

information; provide a description of the purpose for which the information is 

being sought, and state the time period for which it is expected that the 

information will need to be retained by the Authorized Requestor. 

(3) Notice: 

(a) The Transmission Provider or the Market Monitor shall provide an 

affected Market Participant with notice of and a copy of an information 

request by an Authorized Requestor as soon as possible, but not later than 

two (2) business days after the receipt of the information request. 

(b) The Transmission Provider shall maintain all information requests of a 

general nature in an electronic form accessible by Market Participants and 

Authorized Requestors.  Such list shall not include those information 

requests that sought information of or about a named Market Participant or 

that would, in the Transmission Provider’s view, otherwise be readily 

ascertainable as being directed toward Confidential Information from or 

about an individual Market Participant.  On at least an annual basis the 

Transmission Provider shall delete from the list all information requests 

for which the Confidential Information has been returned or destroyed by 

the Authorized Requestor. 

(4) Disclosure:  Subject to the provisions of Section 11.4.5(6) and (7) below, the 

Transmission Provider or the Market Monitor shall supply the information sought 

to the Authorized Requestor in response to any information request within five (5) 

business days after the receipt of the information request, or within such longer 

period as may be specified by the information request, unless a timely objection 

has been made to the information request, or unless the requested information can 

only reasonably be made available within an extended time period. 



 

 

 

 

To the extent that the Transmission Provider or the Market Monitor cannot 

reasonably prepare and deliver the requested information within the five (5) 

business day period or any longer period specified in the information request, it 

shall, within such period, hold discussions with the Authorized Requestor and 

provide the Authorized Requestor with a mutually agreed upon written schedule 

for the provision of such remaining information.  Upon providing the requested 

information to the Authorized Requestor, the Transmission Provider or the 

Market Monitor shall provide a copy of the disclosed information to the Affected 

Participant(s), or provide a listing of the Confidential Information disclosed; 

provided, however, that the Transmission Provider or the Market Monitor shall 

not reveal any affected Market Participant’s Confidential Information to any other 

Market Participant. 

(5) Objection and Clarification:  Notwithstanding Section 11.4.5(4) above, should the 

Transmission Provider, the Market Monitor or an affected Market Participant 

object to an information request or any portion thereof, any of them or the 

Authorized Requestor may, within four (4) business days following the 

Transmission Provider’s or the Market Monitor’s receipt of the information 

request, request, in writing, a conference with the Authorized Agency, or the 

Authorized Agency’s Authorized Requestor, to resolve differences concerning the 

scope or time period covered by the information request; provided, however, 

nothing herein shall require the Authorized Agency to participate in any 

conference. 

Any party to the conference may seek assistance from FERC staff in 

resolution of the dispute.  Should such conference be refused by any participant, 

or not resolve the dispute, then the Transmission Provider, the affected Market 

Participant or the Authorized Agency may initiate appropriate legal action at 

FERC within three (3) business days following receipt of written notice from any 

participant refusing or terminating such conference.  Any complaints filed at 

FERC objecting to a particular information request shall be designated by the 

party as a ―fast track‖ complaint and each party shall bear its own costs in 

connection with such FERC proceeding. 



 

 

 

 

If no FERC proceeding regarding the information request is commenced 

within such three-day period, the Transmission Provider or the Market Monitor 

shall respond to the Information Request within five (5) business days or any 

longer period that may be specified by the information request, counted from the 

expiration of such three-day period. 

When an information request pertains to a Market Participant, the affected 

Market Participant may request that clarifying information be included in the 

response. 

(6) Opportunity to Respond to Confidentiality Claims:  If the affected Market 

Participant, the Transmission Provider or the Market Monitor considers the 

information sought by the information request as Confidential Information, the 

Authorized Requestor shall be provided an opportunity to challenge the 

designation or classification of the requested information as Confidential 

Information. 

(7) Response to Tailored Request for Information from State Commissions:  Market 

Monitor may respond to tailored requests for information from state commissions 

regarding general market trends and the performance of the wholesale market, but 

not for information designed to aid state enforcement actions.  Granting or 

refusing such requests will be at the Market Monitor’s discretion, based on 

agreements worked out between the Transmission Provider and the states, or 

otherwise based on time and resource availability. 

(8) Limitation On Disclosure Obligation:  The Transmission Provider or the Market 

Monitor shall not be required to make disclosure in response to an information 

request: 

(a) In circumstances where an electronic data link, dedicated communication 

circuit or other hardware or third party services would be necessary to 

effectuate the disclosure; 

(b) That is of a scope or extent materially similar to the flow of data from 

Market Participants to the Transmission Provider or from the 

Transmission Provider to the Market Monitor; 

(c) That is unduly burdensome; or 



 

 

 

 

(d) That is not pertaining to general market trends or the performance of the 

Transmission Provider. 



 

 

11.4.6 Limited Discussion of Confidential Information Among Authorized Requestors 

Sponsored By Different Authorized Agencies 

Authorized Requestors who are parties to non-disclosure agreements but who are 

sponsored by different Authorized Agencies may discuss Confidential Information with 

each other, provided that: 

(1) They have each requested and received from the Transmission Provider or the 

Market Monitor such Confidential Information; 

(2) At least one of such Authorized Requestors notifies the Transmission Provider in 

advance of the identity of the other Authorized Requestor(s) with whom such 

Confidential Information will be discussed; and  

(3) The Transmission Provider confirms that the Authorized Requestors who will 

participate in the discussion received the Confidential Information as provided in 

Subsection (1) above.  The Transmission Provider shall respond to a notification 

under Subsection (2) above within two (2) business days from receipt of the 

notification. 

The Transmission Provider shall provide an affected Market Participant 

with notice of the planned discussion within two (2) business days from receipt of 

notification of the planned discussion.  Such discussion among Authorized 

Requestors shall not change the status of the Confidential Information.  It shall 

remain Confidential Information. 



 

 

11.4.7 Breach of Non-Disclosure Obligations 

In the event of any breach of a non-disclosure agreement:  

(1) The Authorized Requestors and/or their respective Authorized Agency shall 

promptly notify the Transmission Provider or the Market Monitor, who shall, in 

turn, promptly notify any affected Market Participant of any unauthorized release 

of Confidential Information provided pursuant to any non-disclosure agreement. 

Upon notification, the Transmission Provider will cease disclosure to the 

Authorized Requestor pursuant to any information requests and will make no 

disclosure pursuant to any information request pending from the Authorized 

Requestor until it can be determined after consultation with the Authorized 

Requestor, his or her Authorized Agency and the affected Market Participant that 

an appropriate combination of the following factors justifies resumption of the 

Authorized Requestor’s access to Confidential Information: (i) the unauthorized 

disclosure was not due to the intentional, reckless or negligent action or omission 

of the Authorized Requestor; (ii) there was no harm or economic damage suffered 

by the Affected Participant; (iii) there are now practices or procedures in place 

adequate to prevent a recurrence of the unauthorized disclosure; and/or (iv) 

similar good cause shown. 

(2) If the Transmission Provider or the Market Monitor receives from an Authorized 

Requestor or Authorized Agency a written notice that a breach has occurred, or 

FERC has made a ruling that a breach has occurred, the Transmission Provider 

and/or the Market Monitor shall terminate the non-disclosure agreement and 

require either the immediate return of all Confidential Information obtained by the 

Authorized Requestor pursuant to the non-disclosure agreement or a certification 

of its destruction. 

The Transmission Provider shall verify the breach in consultation with the 

Authorized Agency.  If it is subsequently determined that there was no breach, or 

if otherwise justified by circumstances described in Subsection (2) above, the 

Transmission Provider shall restore the status of the Authorized Requestor.  Any 

other rights and remedies shall be pursuant to the terms of the non-disclosure 

agreement. 



 

 

 

 

(3) No Authorized Requestor, who is an employee of an Authorized Agency, shall 

have responsibility or liability whatsoever under the non-disclosure agreement or 

Attachment AE to this Tariff for any and all liabilities, losses, damages, demands, 

fines, monetary judgments, penalties, costs and expenses caused by, resulting 

from, or arising out of or in connection with the release of Confidential 

Information to persons not authorized to receive it. 

However, nothing in this Section 11.4.7(3) is intended to limit the liability 

of any person who is not an employee of or a member of an Authorized Agency, 

to the degree not granted limitations as to liability under applicable state law of 

the Authorized Agency’s state, when such a person is under contract to perform 

services for the Authorized Agency, for any and all economic losses, damages, 

demands, fines, monetary judgments, penalties, costs and expenses caused by, 

resulting from, or arising out of or in connection with such unauthorized release. 



 

 

11.5 Preservation of Rights 

Notwithstanding any provision in this Section 11, a Disclosing Party shall have 

the right to pursue all appropriate actions to prevent or contest any attempt to remove the 

confidential status or any order removing such confidential status of its Confidential 

Information. 



 

 

11.6 Notice 

Notwithstanding any provision in this Section 11 (except as detailed in Section 

11.4), the Transmission Provider shall provide at least five (5) business days notice to the 

Disclosing Party of its intent to provide Confidential Information to any other entity.  The 

Transmission Provider shall not be required to provide such notice if such disclosure is 

prohibited by law or Order or required by law or Order prior to five (5) business days. 



 

 

Addendum 1 to Attachment AE 

Violation Relaxation Limit Values 

 

This Addendum 1 to Attachment AE sets forth the VRL values to be used in conjunction with 

the operation of the SPP Energy and Operating Reserve Markets. 

 

Constraint Type Description VRL [$/MW] 

(1) Resource 

Capacity 

The minimum and maximum MW 

dispatchable output of a resource as 

indicated in a Resource Offer. 

100,000 

(2) Global Power 

Balance 

Energy needed to balance resources and 

load. 

50,000 

(3) Resource Ramp The ramp capability of a resource as 

indicated in the resource plan. 

5,000 

(4) Operating 

Constraint 

A MW limit that can be imposed on SPP 

related to MW flow across a market node, a 

manually-identified transmission constraint, 

a Watch List transmission constraint, a 

flowgate constraint, or a transmission 

constraint identified by SPP’s Real-Time 

contingency analysis. 

$500 when the loading is greater 

than 100% and less than or equal 

to 101% at each network 

constraint at each Operating 

Constraint. 

  $750 when the loading is greater 

than 101% and less than or equal 

to 102% at each network 

constraint  

  $1,000 when the loading is 

greater than 102% and less than 

or equal to 103% at each network 

constraint  

  $1,250 when the loading is 

greater than 103% and less than 

or equal to 104% at each network 

constraint  

  $1,500 when the loading is 

greater than 104% at each 

network constraint 

(5) Regulation-up 

plus Spinning 

Reserve Constraint 

A MW value representing the sum of the 

Regulation-Up requirement and Spinning 

Reserve requirement 

$200 
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2. Definitions 

For purposes of this Plan, capitalized terms shall have the meanings specified below: 

2.1 Generator-to-Load Distribution Factor Measures 

SPP’s Market Mitigation Measures set forth in this document. 

2.2 Plan 

SPP’s Market Power Mitigation Plan set forth in this Attachment AF. 

2.3 Resource-to-Load Distribution Factor (RLDF) 

The simulated impact of incremental power output from a specific Resource 

("source") on the loading of a specific flowgate based on delivery to a 

representation of the locational weighting of all loads within all Settlement 

Locations ("sink"). 

2.2 Measures 

SPP’s Market Mitigation Measures set forth in this document. 

2.3 Plan 

SPP’s Market Power Mitigation Plan set forth in this Attachment AF. 

2.4 Transmission/Generation Owners 

Any Market Participant owning or controlling both transmission and generation 

assets in the SPP Region. 



 

 

3. Economic Withholding – Energy Market Power 

This section sets forth the market power mitigation measures that are applied in the Day-

Ahead Market, Reliability Unit Commitment processes and the Real-Time Balancing 

Energy Markets, collectively referred to as the Energy and Operating Reserve Markets. 

3.1 Principles 

There are two principles for mitigating Economic Withholding in the Energy and 

Operating Reserve MarketsEIS Market operated by SPP.   

3.1.1 Mitigate Only in the Presence of Local Market PowerDuring 

Transmission Constraints  

Mitigation will be applied only at the time of, and in places affected by a 

congestedwith, transmission element or a local reliability issue not 

represented by a transmission constraints.   

3.1.2 Do Not Mitigate Below Long Run Marginal Cost of New Investment  

Mitigation should not create or exacerbate a supply shortage by capping 

prices below the level needed to attract investment that would relieve the 

shortage.  This level shall be based on the long run marginal cost of the 

least-cost generation supply that could be developed within the shortest 

period of time, which is currently a new, natural gas-fired combustion 

turbine, peaking generation facility.  

3.2 Mitigation Measure  

When any transmission constraint is binding, in the following mitigation 

measuresEIS Market, the Offer Curve prices associated with Resources with 

Generator-to-Load Distribution Factors that are greater than or equal to 5% that 

are located on the importing side of each constraint shall be no higher than the 

Offer Cap for each Resourceapply. 

3.2.1 Location and Determination of Binding Constraints 

Binding transmission constraints in the Energy and Operating ReserveEIS 

Markets will be identified bylocated on groups of transmission elements 

designated as flowgates.  The determination of whether a transmission 

constraint is binding in the Energy and Operating Reserve Markets will be 

based on the  Security Constrained Economic Dispatch (―SCED‖) and 



 

 

 

 

Security Constrained Unit Commitment (―SCUC‖) as described in 

Attachment AEEIS Market will be based on the SPP Congestion 

Management process and the EIS Market security constrained dispatch 

process for such determination.   

3.2.2 Determination of Offer Capped Resources 

An Energy Offer Cap, as calculated in accordance with Section 3.2.4, and 

a Default Start-Up Offer Cap and No-Load Offer Cap as calculated in 

accordance with Section 3.2.5, shall apply to certain all Resources, 

regardless of ownership, that are committed by the Transmission Provider 

to address a local reliability issue not represented by a transmission 

constraint.   

In addition, Resources that are on the same side of a transmission 

constraintconstrained flowgate as the constrained load and within 

electrical proximity to the constrained flowgate.  Such Resources may be 

subject to the Energy Offer Cap, Default Start-Up Offer Cap and Default 

No-Load Offer Cap (―Offer Capped Resources‖).  Resources that have 

Resource-to-Load Distribution Factors greater than or equal to five 

percent (5%) shall be subject to an Energy Offer Cap. Resources that have 

Resource will be determined for each flowgate through the use of 

Generator-to-Load Distribution Factors.  All Resources that are located on 

the importing side (side with the constrained load) of a constrained 

flowgate that have Generator-to-Load Distribution Factors greater than or 

equal to five percent (5% (i.e., for each 100 MW increase in Resource 

output, the imports across the flowgate are reduced by 5 MWs or greater) 

and were committed by the Transmission Provider shall be subject to an 

Energy Offer Cap, a Default Start-Up Offer Cap and Default No-Load 

Offer Cap.  If any of a Market Participant’s Resources are subject to the 

Offer Cap based on the GeneratorResource-to-Load Distribution Factors, 

all Resources owned represented by that Market Participant that are 

located on the importing side of the same constrained flowgate shall also 

be subject to an Energy Offer Cap, Default Start-Up Cap and/or No-Load 



 

 

 

 

Default Offer Cap.  A list of all Resources subject to an Energy Offer Cap 

and the Energy Offer Caps associated with such Resources shall be posted 

electronically on a daily basis by the Transmission Provider for each 

flowgate.   

All Resources, including those Resources identified under Section 3.2.2, 

will be settled based upon the Locational Marginal Price associated with 

each Resource as described under the settlement procedures in Attachment 

AE.  

3.2.3 Reassessment of Affected Offer-Capped Status 

The Transmission Provider will reassess the status of Resources subject to 

Offer Caps when transmission and generation facility additions, outages, 

changes, or changes in ownership occur that may reasonably cause the 

Offer Capped status to change.  In any event, the Transmission Provider 

will reassess the status of Offer Capped Resources on an annual basis. 

3.2.4 Calculation of Energy Offer Caps 

The Energy Offer Cap for each Resource subject to an Energy Offer Cap 

will be calculated at least daily, posted on the Transmission Provider’s 

website, and will be effective until replaced by a new Energy Offer Cap.  

Specifically, Energy Offer Caps will be equal to the sum of (a) the 

estimated annual fixed cost of a new, natural gas-fired, combustion turbine 

peaking generation facility in $/megawatt-year divided by the annual 

hours of constraint, (b) an adder equal to the estimated non-fuel variable 

operation and maintenance costs of a new, natural gas-fired, combustion 

turbine peaking generation facility in $/megawatt-hour, and (c) the fuel 

cost of the peaking facility in $/megawatt-hour calculated as the heat rate 

multiplied by a natural gas price index.  The formula for the calculation is 

as follows: 

 

Energy Offer Cap = (AFC / AHC) + VOM + FC 

wherein the variables are defined as:  



 

 

 

 

AFC  =  Annual Fixed Cost (Annual Investment Recovery 

Requirement ($/megawatt-year) + Annual Fixed Operations and 

Maintenance Adder ($/megawatt-year)); 

AHC  =  Annual Hours of Constraint 

VOM  =  Variable Non-Fuel Operations and Maintenance Adder 

($/megawatt-hour) 

FC  =  Fuel Cost (Heat Rate * Natural Gas Price Index) 

($/megawatt-hour) 

 

 

Offer Caps do not function as price caps on the EIS Market.  Resources other than 

Resource identified under Section 3.2.2 are not subject to an Offer Cap.  These 

Resources may bid higher than, and set a price in the EIS Market that is above 

any Offer Cap. 

During periods of constraint on flowgates, Market Participants with Resources 

subject to Offer Caps as identified under Section 3.2.2 are restricted to submitting 

Offer Curve prices at or below their respective Offer Caps.  All Resources, 

including those Resources identified under Section 3.2.2, will be 

charged/compensated based upon the Locational Imbalance Price associated with 

each Resource. 

(a)  Annual Fixed Cost 

The annual fixed cost of a new, natural gas-fired, combustion 

turbine peaking generation facility shall be based upon the 

calculated value of the annual carrying cost associated with the 

recovery of the total fixed costs to develop, build and finance such 

a facility plus the fixed operation and maintenance costs.  Such 

costs shall be reviewed annually by the Transmission Provider 

with input from Market Participants.  Any changes to such costs, 

along with justification for the changes, shall be filed with the 

Commission for approval after such review.  Such costs, along 

with any studies justifying the costs, shall be posted electronically 



 

 

 

 

by the Transmission Provider.  For calendar year 2012, the Annual 

Fixed Cost shall be equal to $138,490/Megawatt-year. 

(b) VOM = Variable Non-Fuel Operations and MaintenanceO&M 

Adder ($/megawatt-hour): 

The adder equal to the estimated non-fuel variable operation and 

maintenance costs of a new, natural gas-fired, combustion turbine 

peaking generation facility shall be based on the non-fuel operating 

and maintenance costs of such a facility not included in the 

calculation of annual fixed costs as described above.  Such cost 

shall be reviewed annually by the Transmission Provider with 

input from Market Participants.  Any changes to such costs, along 

with justification for the changes, shall be filed with the 

Commission for approval after such review.  Such costs, along 

with any studies justifying the costs, shall be posted electronically 

by the Transmission Provider.  For calendar year 2012, the 

Variable Non-Fuel O&M Adder shall be equal to $8.49/Megawatt-

hour. 

(c) AHC = Annual Hours of Constraint: 

The AHC is the number of the annual hours of constraint that are 

applicable to a Resource duringwill be calculated individually for 

each affected Resource under Section 3.2.2 of a Market Participant 

and will be based on the most recent three hundred sixty-five (365) 

day period for which data is available days (366 days for a leap 

year) of total hours of constraint in the EIS Market for constrained 

flowgates affecting each Resource.  In the event that multiple 

constraints simultaneously are affected by a Resource, overlapping 

hours of constraint will be counted only once ineliminated from the 

Energy Offer Cap calculation for such a Resource.  Additionally, 

the AHC shall include all hours for which a Resource was 

committed by the Transmission Provider to address a local 



 

 

 

 

reliability issue not represented by a flowgate constraint during the 

most recent three hundred sixty-five (365) day period. 

 

During the first year of operation of the Energy and Operating 

Reserve Markets, EIS Market, the hours of duration for TLR Level 

3 and above events for each flowgate shall be used as a proxy for 

hours of constraint in the EIS Market that are included in the 

calculation of AHC will use congestion data from the Real-Time 

Balancing Market in combination with historical congestion data 

from the SPP energy imbalance service market to obtain a full year 

of historical dataannual hours of constraint.  The annual hours of 

constraintAHC will be updated daily for inclusion in the daily 

calculation of the Energy Offer Cap on each affected resource 

Resource and will be posted electronically by the Transmission 

Provider for each Resource.  The AHC for each transmission 

constraint included in the daily calculation of the Energy Offer Cap 

on each Resource shall also be posted electronically by the 

Transmission Provider by transmission constraint for each 

Resource. 

(i) New Transmission ConstraintsFlowgates 

For each affected Resource, whenWhen a new transmission 

constraint flowgate is established, the number of annual 

hours of for that constraint used in the AHC calculation of 

the Offer Cap for each Resource that is pivotal to the new 

flowgate will be thirty-two (32).  After hours until the 

actual number of hours of constraint exceeds thirty-two (on 

the flowgate has exceeded 32 hours.  After 32 hours has 

been reached, ) then the actual hours of constraint will be 

used.  After the new transmission constraint flowgate has 

three hundred sixty-five (365) days of historybeen active 

for 12 months, the Offer CapAHC calculation will only use 



 

 

 

 

the actual constrained hours for the 365 day (366 for leap 

year) rolling sum.  If a Resource is pivotal to more than one 

flowgate, the minimum applies to the sum of all the 

flowgates for the first year of the new flowgate.  The 

Transmission Provider will post electronically by 

transmission constraint for each Resource whether any 

transmission constraint included in the daily calculation of 

the Energy Offer Cap on each Resource is defined as a new 

transmission constraint. 

(d) FC = Fuel Cost (Heat Rate * Natural Gas Price Index) 

($/megawatt-hour):  

The fuel Fuel cost Cost of a new, natural gas-fired, combustion 

turbine peaking generation facility shall be based on the estimated 

full-load heat rate of the facility multiplied by a fuel price index.  

The fuel price index for each Resource will be based on an 

industry accepted natural gas pricing index for the natural gas 

pricing point nearest to the Energy Offer Capped Resource(s) of 

each Market Participant.  The fuel price shall be further modified 

based on an estimate of the distribution cost for moving natural gas 

to the affected resource(s).  Alternative pricing points and fuel 

price modifiers shall be evaluated annually by the Transmission 

Provider with input from Market Participants.  The fuel price 

portion of each Energy Offer Cap shall be recalculated daily for 

inclusion in each Energy Offer Cap and posted on the 

Transmission Provider’s website.  .  As of the date that this Plan is 

accepted for filing by the Commission, the The heat rate used in 

the Fuel Cost calculation shall be equal to 10,450 Btu/kWh. 

3.3 Imposition of Mitigation 

Offer Caps will be imposed when any transmission constraint is binding in the 

EIS Market as determined by SPP’s Market Operators through the SPP 

Congestion Management process and the EIS Market security constrained 



 

 

 

 

dispatch process.  Offer Caps will only be applied to the Resources identified 

under Section 3.2.2. 

3.2.5 Default Start-Up Offers and Default No-Load Offers 

Default Start-Up Offer Caps and Default No-Load Offer Caps shall be 

calculated daily for each Resource by the Transmission Provider.  For 

each Resource committed by the Transmission Provider, Offers during 

committed hours when the Offer Caps did not apply shall be identified for 

the most recent ninety (90) days.  The default Offers shall be set equal to 

one hundred-ten percent (110%) of the lower of the mean or median of the 

identified Offers.  The identified Offers used in the determination of the 

default Offers will be adjusted for changes in fuel prices. 

 

In the case that a sufficient Offer history is not available for a Resource, 

the default Offers shall be set by one or a combination of the following 

methods: (i) the default Offers will be determined through consultation 

with the Market Participant and the Market Monitor; (ii) the Market 

Monitor will set the default Offers by estimating the Start-Up and No-

Load costs based on physical parameters and fuel costs for the Resource; 

and/or (iii) the default Offers will be based on averages of Offers from 

similar Resources.  This methodology for setting default Offers for 

Resources with insufficient Offer history will apply to all Resources at the 

start of the Energy and Operating Reserve Markets. 

3.3 Additional Mitigation Measures for Resource Offer Parameters 

The mitigation measures in this section apply to all Resource Offer parameters 

expressed in units other than dollars and will only apply in the presence of local 

market power as described in Section 3.1.1 of this Attachment AF.  A reference 

level for each applicable Resource Offer parameter that reflects the physical 

capability of the Resource shall be determined prior to the start of the Energy and 

Operating Reserve Markets by one or both of the following methods: (i) the 

reference levels will be determined through consultation with the Market 

Participant and the Market Monitor; and/or (ii) the reference levels will be based 



 

 

 

 

on averages of Resource Offer parameters from similar Resources.  This 

methodology for setting reference levels for Offer parameters shall apply to all 

Resources at the start of the Energy and Operating Reserve Markets and to all 

Resources that register subsequent to the start of the Energy and Operating 

Reserve Markets.  

 

The following thresholds shall be used by the Transmission Provider to identify 

Resource Offers that may warrant mitigation and shall be determined with respect 

to the corresponding reference level: 

Time-based Resource Offer parameters:  An increase of three (3) hours, or 

an increase of six (6) hours in total for multiple time-based Resource Offer 

parameters. 

Resource Offer parameters expressed in units other than time or dollars:  

One hundred percent (100%) increase for Resource Offer parameters that 

are minimum values, or a fifty percent (50%) decrease for Resource Offer 

parameters that are maximum values. 

In the case that a Resource Offer fails the thresholds described above, the Market 

Monitor shall determine the impact on prices or make whole payments.  If an 

impact exceeds the LMP or make whole payment thresholds in Section 3.4, the 

Market Monitor will initiate a discussion with the Market Participant concerning 

an explanation of the parameter changes.  The Market Monitor will inform the 

Transmission Provider of any potential issue.  If the Transmission Provider, in 

consultation with the Market Monitor, concludes that the Market Participant has 

demonstrated the validity of the submitted Resource Offer parameter, no further 

action will be taken.  If not, the Transmission Provider shall replace the Resource 

Offer parameter with the corresponding reference level.  Mitigation measures will 

remain in place until such time that the Market Participant demonstrates the 

validity of the Resource Offer parameter or the Market Participant changes the 

Resource Offer parameter to a value that is within the tolerance range as 

described above.  In the event that the Market Participant submits a dispute, the 

mitigation measure will remain in place until the resolution of the dispute.  



 

 

 

 

3.3.14 Exceptions 

Market Participants with Energy Offer Capped Resources may request an 

exception to an Energy Offer Cap for a Resource by submitting a cost based offer 

curve for the Resource to the Market Monitor.  The data submission must include 

sufficient Resource parameters and fuel cost data for the Market Monitor to verify 

the reasonableness of the cost based offer curve.  If the Transmission Provider 

after consultation with the Market Monitor determines that an exception is 

reasonable, the Transmission Provider shall use the cost based curve as the 

Energy Offer Cap for the Resource for which an exception was requestedsubmit a 

filing with the Commission.  Market Participants also may submit a filing with the 

Commission seeking an exception.   

3.5 Market Impact Test 

The Transmission Provider will apply the following market impact test in the 

Day-Ahead Market, Day-Ahead RUC, Intra-Day RUC and Real-Time Balancing 

Market in the event the conditions described in Section 3.1 are satisfied:  

After an initial market solution is computed with no Offer caps in 

place, a second market solution, called the mitigated market 

solution, will be computed with the appropriate Offer caps 

applied.  If an LMP at a Settlement Location from the initial 

market solution exceeds the corresponding LMP from the 

mitigated market solution by the LMP impact test threshold, or a 

make whole payment for any Resource from the initial market 

solution exceeds the corresponding make whole payment from the 

mitigated market solution by make whole payment impact test 

threshold, then the mitigated market solution will be used for 

dispatch, commitment, and settlement purposes. 

The impact test thresholds are as follows:  At market start, the LMP impact 

threshold is five dollars ($5) per megawatt hour, and make whole payment impact 

threshold is five dollars ($5) per megawatt hour.  At the beginning of each six (6) 

month period after the market start, the LMP impact threshold will be increased 

ten dollars ($10) per megawatt hour and the make whole payment impact 



 

 

 

 

threshold will be increased by ten dollars ($10) per megawatt hour unless the 

Market Monitor finds market behavior that warrants keeping the threshold 

constant for the next six (6) months.  The periodic increases will continue until 

the LMP impact threshold is twenty-five dollars ($25) per megawatt hour and the 

make whole payment impact threshold is twenty-five dollars ($25) per megawatt 

hour. 



 

 

4. Mitigation Measures for Virtual Energy Bids and Virtual Energy Offers 

If a determination is made, as specified in Section 4.6.3 of Attachment AG, that excessive 

divergence exists and the divergence is the result of the Virtual Energy Bids or Virtual 

Energy Offers of one or more Market Participants, the Transmission Provider shall 

impose mitigation measures.  The mitigation measures will restrict the Market 

Participants that caused the divergence from submitting any Virtual Energy Bids or 

Virtual Energy Offers at the Settlement Locations or similar Settlement Locations where 

the Market Participant’s Virtual Energy Bids or Virtual Energy Offers caused the 

excessive divergence.  The mitigation measures shall be imposed for a period of three (3) 

months after which time the restriction will no longer apply. 

 



 

 

45. Miscellaneous Provisions 

45.1 Rights and Remedies 

The Plan does not restrict the Transmission Provider and Market Participants 

from asserting any rights they may have under state and federal regulation and 

laws, including initiating proceedings before the FERC regarding any matter 

which is subject to this Plan. 

Except as otherwise stated in this Plan, disputes as to the implementation of, or 

compliance with, this Plan shall be subject to the dispute resolution procedures 

under this Tariff or the SPP Bylaws as applicable or may be raised with the 

FERC. 
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1. Purpose and Objective 

1.1 Purpose of the Plan 

This Market Monitoring Plan (the ―Plan‖) is intended to provide for the 

monitoring of SPP’s Markets and Services and submissions of recommendations 

to the FERC and the SPP Board of Directors.   

1.2 The Market Monitoring Plan 

The Plan shall be developed, implemented and maintained by SPP’s Market 

Monitor.  The Market Monitor has the responsibility for implementing the Plan by 

(a) continuously monitoring SPP’s Markets and Services, (b) recommending 

compliance and corrective actions per this Tariff, (c) collecting and retaining the 

data and information necessary for the performance of the Plan, (d) 

recommending updates to the monitoring plan contained within Attachment AG 

to this Tariff, and (e) periodically reporting on SPP’s Markets and Services.   

1.3 Mission Statement and Objectives of the Market Monitor 

1.3.1 Mission Statement 

The mission of the Market Monitor is to (a) monitor and report on possible abuses 

of horizontal and vertical market power and gaming in SPP’s Markets and 

Services by any Market Participant (b) identify market design flaws and 

recommend any changes in design to improve the operation of SPP’s Markets and 

Services for the benefit of consumers and Market Participants and (c) monitoring 

Market Participants’ compliance with market rules.   

1.3.2 Objectives 

The Market Monitor will work to ensure that its functions and activities are 

implemented fairly and consistently, and that it protects and fosters competition 

while minimizing interference with open and competitive markets.  Making 

recommendations to improve the operation of markets and preventing the exercise 

of market power in advance rather than punishing offenders afterward shall be the 

preferred approach. 

 

The Market Monitor will evaluate existing and proposed market rules, Tariff 

provisions, and market design elements and recommend proposed rules and Tariff 



 

 

 

 

changes to the Transmission Provider, the Commission’s Office of Energy Market 

Regulation (or its successor organization) staff, and other interested entities such 

as state commissions and Market Participants.  The Market Monitor will limit 

distribution of its identifications and recommendations to the Transmission 

Provider and the Commission’s Office of Energy Market Regulation (or its 

successor organization) staff in the event that the Market Monitor believes that 

broader dissemination could lead to exploitation, with an explanation of why 

further dissemination should be avoided. 

 

The Market Monitor will review the performance of the wholesale market and 

provide an annual report on the state of the market as provided in Section 7 of this 

Attachment AG. 

 

The Market Monitor will recognize that entities otherwise identified as having 

market power may engage in conduct giving the impression of market power but, 

after analysis by the Market Monitor, may prove to be pro-competitive and 

efficient.  In making this distinction, the Market Monitor will generally focus on 

an analysis of the identified conduct and associated market impacts, rather than 

seeking to determine the intent of the Market Participant (e.g., conducting 

profitability analyses that would require comprehensive information on all the 

physical and final positions of a participant).   

1.4 Independence of the Market Monitor 

The Market Monitor shall be independent from Market Participants to perform 

those activities necessary to provide impartial and effective market monitoring 

within the scope of the Plan.  Notwithstanding the foregoing, in the normal course 

the Market Monitor shall verify information with affected Market Participants 

prior to making recommendations or reports.   

1.5 Resolution of Conflicts 

In the event there is a conflict between this Attachment AG and any other 

provision of this Tariff, this Attachment AG will control. 



 

 

2. Definitions 

For purposes of this Plan, capitalized terms shall have the meanings specified below: 

2.1 Confidential Information 

The term defined under Attachment AE to this Tariff. 

2.2 Data and Information 

Writings, documents and records of every type, including audio recordings and 

electronic files. 

2.3 FERC Staff  

The responsible office within FERC designated to receive reports submitted by 

market monitors. 

2.4 Interested Government Agencies 

The FERC and any state regulatory commission or agency with regulatory 

oversight responsibilities for SPP Transmission Owners. 

2.5 Markets and Services 

Integrated Marketplace (as defined in Attachment AE) and SPP’s Transmission 

Services (as defined in the Tariff) 

2.65 Plan 

SPP’s The Market Monitoring Plan set forth in this Attachment AG. 

 



 

 

3. Market Monitor 

The Market Monitor is responsible for implementing the Market Monitoring Plan as 

defined in this Tariff.     

3.1 Staffing and Resources 

The Market Monitor shall be an organization within SPP reporting to the Board of 

Directors, excluding any SPP management representatives serving on the Board 

of Directors.  The Market Monitor shall be comprised of employees of SPP with 

the necessary experience and qualifications to perform the duties of the Market 

Monitor.  The duties and responsibilities of the Market Monitor shall be assigned 

by the Board of Directors.  However, the Market Monitor’s duties and 

responsibilities will not include purely administrative matters (e.g., enforcement 

of late fees and the untimely submission of outage reports and meter data).  SPP 

management representatives on the Board of Directors will be excluded from the 

Board of Directors’ oversight of the Market Monitor.  SPP shall establish and 

provide appropriate staffing and/or resources for the Market Monitor and shall 

ensure that the Market Monitor has such adequate employees, funding and/or 

other resources, access to required information, and the full cooperation of SPP 

Staff, Organizational Groups, and other persons, as necessary, for the effective 

functioning of the Market Monitor and implementation of this Plan.  The Market 

Monitor shall have full responsibility for implementing Attachment AG.   

3.2 Relationships and Notifications 

As a general principle, the Market Monitor may obtain input from the SPP, FERC 

Staff, SPP Staff, the RSC, and affected state regulatory authorities for the purpose 

of executing its duties.  However, in accordance with this Tariff, the Market 

Monitor shall at any time bring any instances of market behavior that may require 

investigation (including, but not limited to, suspected Tariff violations, suspected 

violations of Commission-approved rules and regulations, suspected market 

manipulation, and inappropriate dispatch) to the attention of FERC’s Office of 

Enforcement (or its successor organization) staff.  After any initial investigation 

of market design/policies, the Market Monitor shall also provide notification to 

the Board of Directors, the President of SPP, and FERC’s Office of Enforcement 



 

 

 

 

(or its successor organization) staff, and other interested entities such as relevant 

state regulatory commissions and Market Participants, as soon as practicable in 

the event it identifies a significant market problem that may require (a) further 

investigation, (b) a change to this Tariff, or (c) action byreferral to FERC.  In the 

event the Market Monitor believes broader dissemination could lead to 

exploitation, it may limit distribution of its identifications and recommendations 

to the Board of Directors, the President of SPP, and FERC Staff with an 

explanation of why further dissemination should be avoided at that time. 

 

The Market Monitor shall also interface with FERC Staff and other RTO and ISO 

market monitors in adjacent regions as needed for the purpose of addressing 

electricity market issues in a comprehensive manner.  The Market Monitor shall 

promptly notify the President of SPP of all such notifications, communications or 

reports. 

3.3 Independence and Ethics Standards 

The Market Monitor and its employees shall abide by SPP’s Standards of 

Conduct, which shall be appropriate for establishing the professional and financial 

independence of the Market Monitor.   

 

Consistent with this requirement, the Market Monitor and its employees shall: 

(a)  have no material affiliation with any Market Participant or any affiliate of 

a Market Participant;  

(b)  not serve as an officer, employee, or partner of a Market Participant;   

(c)  have no material financial interest in any Market Participant or any 

affiliate of a Market Participant (allowing for such potential exceptions as 

mutual funds and non-directed investments);  

(d)  not engage in any market transactions other than the performance of their 

duties under this Tariff; 

(e)  not be compensated, other than by SPP, for any expert witness testimony 

or other commercial services to SPP or to any other party in connection 



 

 

 

 

with any legal or regulatory proceeding or commercial transaction relating 

to SPP; 

(f)  not accept anything of value from a Market Participant in excess of a de 

minimis amount; 

(g)  advise their relevant supervisor (or, in the case of the Market Monitoring 

management, SPP’s Board of Directors) in the event they seek 

employment with a Market Participant, and must disqualify themselves 

from participating in any matter that would have an effect on the financial 

interest of such Market Participant. 

 

These restrictions are not exclusive of the other requirements specified in SPP’s 

Standards of Conduct.  In the event there is a conflict between this Attachment 

AG and SPP’s Standards of Conduct, this Attachment AG will control. 

The Market Monitor shall certify compliance with such policies to the President 

of SPP.  The Market Monitor shall require any external consultants or experts to 

certify compliance with these policies.   



 

 

4. Market Monitoring 

4.1 Markets to be Monitored 

The Market Monitor will monitor SPP’s Markets and Services, which are the 

markets that are operated by, and the services provided by, SPP under this Tariff.  

The Market Monitor will not monitor bilateral energy, transmission or capacity 

markets and services not administered, coordinated or facilitated by SPP, except 

to assess the effect of these markets and services on SPP’s Markets and Services, 

or the effects of SPP’s Markets and Services on these unmonitored markets.  

Similarly, the Market Monitor will not monitor the energy, transmission or 

capacity markets and services in regions adjacent to the SPP Region except to 

assess the effect of these markets and services on SPP’s Markets and Services, or 

the effects of SPP’s Markets and Services on these adjacent markets. 

4.2 Market Monitoring Scope 

The Market Monitor will implement the Plan.  The markets will require 

continuous monitoring by the Market Monitor.  The Market Monitor will monitor 

SPP’s Markets and Services by reviewing and analyzing market data and 

information including, but not limited to: 

(a) Resource registration dataand Ancillary Services (Capacity) Plans, 

schedules and Offer Curves submitted for generating units or a portfolio of 

generating units in or affecting any of SPP’s Markets and Services; 

(b) Resource Offer data including non-price related offer parameters required 

for use in either the Day-Ahead Market, Reliability Unit Commitment 

process and/or Real-Time Balancing Market; 

(c) Demand Bids for the purchase of Energy in the Day-Ahead Market; 

(d)  Virtual Energy Bids for the purchase of Energy in the Day-Ahead Market 

and Virtual Energy Offers for the sale of Energy in the Day-Ahead Energy 

Market; 

(e) Export Interchange Transaction Bids and Import Interchange Transaction 

Offers for the purchase and sale of Energy in the Day-Ahead Market and 

the Real-Time Balancing Market; 



 

 

 

 

(bf) Actual commitment and dispatch of generating units or a portfolio of 

generating unitsResources, including but not limited to generator Resource 

MW capability and output, MVAR capability and output, status, and 

outages; 

(cg) Locational Marginal Prices and zonal Market Clearing Imbalance Prices at 

all Settlement Locations in or affecting any of SPP’s Markets and 

Services; 

(dh) SPP Balancing Authority AreaControl area data, including but not limited 

to control area demand, area control error, Net Scheduled Interchange, 

actual total net interchange, and forecasts of operating reserves and peak 

demand; 

(ei) Conditions or events both inside and outside the SPP Balancing Authority 

Area Region control areas affecting the supply and demand for, and the 

quantity and price of, products or services sold or to be sold in SPP’s 

Markets and Services;  

(fj) Information regarding transmission services and rights, including the 

estimating and posting of Available Transfer Capability (―ATC‖) or 

Available Flowgate Capability (―AFC‖), administration of this Tariff, the 

operation and maintenance of the transmission system, any auctions or 

other markets for transmission rights, and the reservation and scheduling 

of transmission service; 

(gk) Information regarding the nature and extent of transmission congestion in 

the region and, to the extent practicable, transmission congestion on any 

other system that affects SPP’s Markets and Services, including but not 

limited to causes of, costs of and charges for transmission congestion, 

transmission facility loading, MVA capability, line status and outages; 

(hl) Settlement data for the Markets and Services, including but not limited to 

hourly integrated Settlement Location MW; and 

(im) Any information regarding collusive or other anticompetitive or inefficient 

behavior in or affecting any of SPP’s Markets and Services.; and 



 

 

 

 

(jn) Generation resource operating cost data for estimating resource 

incremental cost, including fuel input costs, heat rates where applicable, 

start-up fuel requirements, environmental costs and variable operating and 

maintenance expenses. 

4.2.1 Additional Market Monitor Duties 

(a) In addition to the monitoring of market Data and Information, the 

Market Monitor may communicate with SPP Staff and Market 

Participants at any time for the purpose of monitoring and assessing 

market conditions. 

(b) To monitor the effects of self-dispatch on the depth of the EIS 

Market, for one year following the EIS Market Effective Date, the 

Market Monitor shall make monthly informational filings to the 

Commission that specifically include a measure of the total 

megawatts of bids at each node relative to the available megawatts 

of generation at each node, and detail regarding how congestion and 

imbalances were resolved, whether through TLR or imbalance 

market mechanisms. 

(c) The Market Monitor shall evaluate the effectiveness of SPP’s 

Markets and Services in signaling the need for investment in new 

generation, transmission or demand response infrastructure and 

report on its findings at least annually. 

(d) The Market Monitor shall verify that Balancing Authorities activate 

the Reserve Sharing System on a non-discriminatory basis in 

accordance with Section 6.4.2 of the SPP Criteria. 

4.3 Referrals to the CommissionCompliance with Market Behavior Rules and 

SPP Tariff 

(a) The Market Monitor shall report suspected market violations, as defined in 

18 CFR 35.28(b)(8),All suppliers with market-based rates are required to 

comply with the Market Behavior Rules defined in FERC Order No. 670 

and the Conditions for Public Utility Market-Based Rate Authorization 

Holders defined in FERC Order No. 674, as they may be amended from 



 

 

 

 

time to time.  Market Participants are required to abide by these Market 

Behavior Rules.  

(b) The Market Monitor shall monitor for violations of these rules or any 

other Commission-approved rules and regulations or of SPP’s Tariff and 

report any suspected violations by Market Participants or SPP to FERC’s 

Office of Enforcement (or its successor organization) staff in accordance 

with the FERC’s reporting protocols for referrals by market monitors as 

specified in 18 C.F.R. § 35.28(g)(3)(iv) in a timely manner.  Any such 

reports by the Market Monitor to FERC Staff shall be on a confidential 

basis, and all information and documents included in such reports will not 

be released to any other party except to the extent FERC directs or 

authorizes such release, unless such information and documents are 

already in the public domain.   

4.4 Monitoring for Potential Integrated MarketplaceEIS Market Manipulation 

The Market Monitor will monitor the EIS Market for potential instances of market 

manipulation in the Integrated Marketplace.  Such actions or transactions that are 

without a legitimate business purpose and that are intended to or foreseeably 

could manipulate market prices, market conditions, or market rules for electric 

energy or electric products are prohibited.  As listed by the FERC, prohibited 

behavior includes (a) wash trades, (b) submission of false data, (c) actions to 

cause artificial congestion and (d) collusive acts.   The Market Monitor will report 

any market manipulation in the Integrated MarketplaceEIS Market in a timely 

manner. 

 

4.5 Monitoring for Potential Transmission Market Power Activities 

The Market Monitor shall monitor SPP’s Markets and Services for potential 

transmission market power activities by reviewing and analyzing data and 

information related to the availability of transmission facilities that impact access 

to services under this Tariff.  The Market Monitor will monitor for activities 

particularly with respect to the withholding of transmission facilities or 



 

 

 

 

transmission capacity, including activities such as but not limited to, the 

following: 

(a) Physical withholding by Transmission Owners by providing improper 

information related to the availability of transmission, such as information 

related to the capability or other modeling data used by SPP for use in 

system operations; 

(b) Economic withholding by Transmission Owners through the use of methods 

and data for estimating costs of interconnection and system upgrades that is 

not comparable for affiliates and non-affiliates; 

(c) Unavailability of transmission facilities through planned and unplanned 

maintenance outages that routinely exceed historical baselines; and 

(d) Withholding of transmission capacity through excess reservations that are 

not actually used.  

 

The Market Monitor shall refer any instance(s) of potential transmission market 

power directly to FERC utilizing the protocols for referrals to the Commission for 

suspected market violations and perceived market design flaws and recommended 

Tariff language changes as found in 18 C.F.R. § 35.28(g)(3)(iv).  Where 

appropriate, the Market Monitor shall also provide the FERC with an estimate of 

damages equal to (i) the effect on prices multiplied by (ii) the affected energy 

produced by the Transmission/Generation Owner.  The Market Monitor may also 

request the FERC to impose additional sanctions and penalties, which may consist 

of a fixed dollar amount based on each instance, or an amount up to (i) the effect 

on prices multiplied by (ii) the affected energy produced by Market Participants 

other than the Transmission/Generation Owner.  All such referrals by the Market 

Monitor to FERC will be on a confidential basis, and all information and 

documents included in such reports will not be released to any other party except 

to the extent FERC directs or authorizes such release. 

 

For one year following the EIS Market Effective Date, the Market Monitor shall 

identify over and under-scheduling relative to the Market Participant’s Reported 



 

 

 

 

Load when congestion occurs, and submit monthly reports to the Commission on 

the benefits gained by those Market Participants, the Over-Scheduling Charges 

and Under-Scheduling Charges made to Market Participants, and any other issues 

the Market Monitor deems relevant to over and under-scheduling.  As a 

component of this reporting, the Market Monitor shall determine, and recommend 

if needed changes to the Market Protocols to address any significant issues 

presented by this ongoing review. 

 

4.6  Monitoring for Market Participant Behavior Possibly Warranting 

MitigationPortfolio Bidding 

The Market Monitor shall monitor SPP’s Markets and Services for potential abuse 

associated with of the following categories of Market Participant behavior: (1) 

economic withholding; (2) uneconomic production; (3) physical withholding; and 

(4) uneconomic Virtual Bids and Virtual Offers.  The mitigation measures for 

each of these behaviors are described in Attachment AF. When the Market 

Monitor determines that there is sufficient credible information about a specific 

abusive practice, the issue will be referred to FERC. 

two types of portfolio bidding by reviewing and analyzing relevant Data and 

Information and reporting potential abuses to the Commission as follows. 

4.6.1  Uneconomic OverproductionProduction 

The Market Monitor will look monitor for cases where uneconomic 

production by a Resource causesSelf-Dispatched Resources cause 

congestion on transmission facilities or price separation between Reserve 

Zones that ison the exporting side of the constraint in an uneconomic 

manner that are not justified by reliability concerns.  The specific steps are 

as follows:would be to  

(a) Determine the MW impacts of Resource output on the 

transmission constraint or Reserve Zone from the following 

sources: 

1. Self committed Resources with uneconomic output 

(Resource incremental cost exceeds Resource LMP); and 



 

 

 

 

2. Transmission Provider committed Resources generating 

outside of their Operating Tolerance.determine that the Self 

Dispatched Resource is causing congestion; 

(b) Determine that the MW impact from uneconomic production is 

exacerbating the transmission congestion or binding a Reserve 

Zone; anddetermine that the Self–Dispatch Resource is 

uneconomic (i.e. incremental cost exceeds the Resource’s 

Locational Imbalance Price); 

(c) determine Determine that the uneconomic production is not 

obviously justified by reliability or other operational concerns. 

 

The Market Monitor will conduct evaluations as specified above and other 

related assessments to determine if there isIf the determinations in (a) to 

(c) are made, there would be sufficient credible information to justify for 

referral to the Commission. 

 

4.6.2  Monitoring for Virtual Energy Bids and Virtual Energy Offers 

The Market Monitor will monitor the level of divergence between the 

Day-Ahead Market LMPs and the Real-Time Balancing Market LMPs.  

Section 4.6.3 defines the monitoring metric and thresholds to be used in 

determining the existence of excessive LMP divergence.  In the case that 

there is excessive LMP divergence, the Market Monitor will determine if 

the LMP divergence is attributable to the Virtual Energy Bid and Virtual 

Energy Offer behavior of one or more Market Participants.  If the Market 

Monitor identifies one or more Market Participants as having caused the 

excessive LMP divergence through Virtual Energy Bid and Virtual Energy 

Offer behavior, then the Transmission Provider shall impose mitigation 

measures described in Section 4.0 of Attachment AF. 

 

4.6.3 Metric and Threshold Specifications 

The Market Monitor will compute the hourly LMP deviation between the 

Day-Ahead Market and Real-Time Balancing Market using the following 



 

 

 

 

formula:  [(LMPRTBM / LMPDA Market) – 1] * 100.  The average hourly LMP 

deviation is computed over a rolling four (4) week period or any other 

period that the Market Monitor determines is appropriate.  If the four (4) 

week rolling average is below negative ten percent (-10%) or in excess of 

ten percent (10%), then the divergence is considered excessive and 

additional analysis is required. 

Strategic Withholding 

The Market Monitor will look for cases where commonly owned or 

controlled Resources on the importing side of a transmission constraint 

that are required to serve the load and that are not subject to the Offer Cap, 

are causing the Locational Imbalance Price on the importing side of such 

transmission constraint to be set at levels above the Offer Cap.  The 

specific steps would be to: 

(a)identify the commonly owned or controlled Resources on the importing 

side of a transmission constraint that do not meet the criteria set 

forth under Section 3.2.2 of Attachment AF for imposing the Offer 

Cap ; 

(b) verify that the Resources identified in Section 4.6.2(a) are pivotal 

(i.e. are required to serve the load on the importing side of the 

transmission constraint); 

(c) document, beginning with the EIS Market Effective Date, the 

Locational Imbalance Prices associated with all pivotal Resources 

identified under Section 4.6.2(b).   

 

If the documentation in (c) reveals any Locational Imbalance Prices in 

excess of the Offer Cap, such instances shall be reported to the 

Commission for consideration. 

4.76.4 Physical Withholding 

The Market Monitor will monitor participation to determine whether 

decisions to participate in the Energy and Operating Reserve MarketsEIS 

Market have a significant adverse impact on market outcomes.  If 



 

 

 

 

appropriate, the Market Monitor will make a referral to the Commission’s 

Office of Enforcement (or its successor organization).   

 

4.86.5 Unavailability of Facilities 

The Market Monitor will monitor for any potential instances of 

Unavailability of Facilities and, if appropriate, shall refer any such 

instances to the Commission’s Office of Enforcement (or its successor 

organization).  

4.9 Maintenance of Monitoring Plan 

At least every three years, after receiving input from the Market 

Monitor, Market Participants, regulatory authorities, and others, SPP shall 

evaluate this Plan to determine if changed market conditions have changed 

its effectiveness and require that it be modified. 

 



 

 

5. Review of Market Activity 

5.1 Requests 

Any Market Participant or Interested Government Agency may raise any issue 

with the Market Monitor and request that the Market Monitor consider the issue 

in its monitoring and reporting.  The Market Monitor may include this issue in its 

monitoring or reporting if it determines it is appropriate to do so. The Market 

Monitor should not monitor or report on any complaint pertaining to issues not 

related to SPP’s Markets and Services or activities not monitored and overseen by 

the Market Monitor.   

 

Any requests by Market Participants and Interested Government Agencies to the 

Market Monitor may be made confidentially.  The Market Monitor shall maintain 

the confidentiality to the extent practicable. 

 



 

 

6. Compliance and Corrective Actions 

6.1 Compliance 

The Market Monitor shall administer SPP's the Market Monitoring Plan as 

described in this Attachment AG and report any actual or potential abuse of 

market power or market design inefficiencies as part of its monitoring process.  

However, the Market Monitor’s activities are limited to matters that (i) are 

expressly set forth in this Tariff; (ii) involve objectively-identifiable behavior; and 

(iii) do not subject the Market Participant to sanctions or other consequences other 

than those expressly approved by the Commission and set forth in this Tariff.   

 

As part of the monitoring process, the Market Monitor may issue a demand letter 

requesting Market Participants causing the issue to arise to change actions as the 

Market Monitor deems proper to achieve compliance and the Market Monitor 

may also engage in discussions with persons or entities other than Market 

Participants as necessary as part of any investigatory or compliance process. 

6.2 Corrective Actions for Market Design  

If the Market Monitor discerns any weaknesses or failures in market design and 

market rules, including the determination that SPP’s Markets and Services are not 

resulting in just and reasonable prices or providing appropriate incentives for 

investment in needed infrastructure, the Market Monitor shall advise the 

appropriate Organizational Group of SPP, the President of SPP, the RSC, 

appropriate state authorities, FERC Staff, and relevant Market Participants.  In the 

event the Market Monitor believes providing such information could lead to 

exploitation, it will restrict such notification to the President of SPP, the Chairman 

of the SPP Oversight Committee, and FERC Staff, and will provide a justification 

for such limited notification. 

Should SPP not respond within 60 days, the Market Monitor may recommend 

changes in market design and market rules to the Board of Directors, FERC and 

the RSC as needed.  If SPP responds, but does not recommend changes to market 

design and market rules that are acceptable to the Market Monitor, the Market 

Monitor shall report to the Board of Directors and the appropriate regulatory body 



 

 

 

 

or bodies as needed, and then SPP may file a petition or submission seeking 

appropriate action from FERC or any other appropriate enforcement agency. The 

Market Monitor shall make recommendations for changes to this Tariff as 

necessary to correct weaknesses or failures in SPP’s Markets and Services. 

 

In the event that any weaknesses or failures in market design require immediate 

corrective action to ensure just and reasonable prices, the Market Monitor may 

request the President of SPP to authorize an immediate FERC filing requesting 

implementation of a corrective action while the appropriate Organizational Group 

of SPP responds to the Market Monitor’s notification as described above.  The 

requested immediate corrective action should be the method least intrusive or 

disruptive to SPP’s Markets and Services necessary to resolve the market 

weakness or failure as determined by the Market Monitor.  Prior to making such a 

request to the President of SPP, the Market Monitor will make reasonable efforts 

to discuss with affected Market Participants and the staff of affected Interested 

Government Agencies the market weakness or failure potentially requiring 

immediate corrective action, unless the Market Monitor determines that such 

discussions would lead to exploitation.  



 

 

8. Data Access, Collection and Retention 

The Market Monitor shall regularly collect and maintain Data and Information necessary 

for monitoring SPP’s Markets and Services and implementing mitigation protocols.   

8.1 Confidentiality 

SPP and Market Participants may designate Data and Information as Confidential 

Information consistent with the terms of SPP’s Membership Agreement and 

Section 8 of Attachment AE.  If the designation of Confidential Information 

appears to be unreasonable, the Market Monitor may challenge such designation 

of Confidential Information consistent with Section 8 of Attachment AE.   

 

The Market Monitor shall provide Confidential Information to Interested 

Government Agencies consistent with the terms of Section 8.4 of Attachment AE.   

8.2 Access to SPP Data and Information 

The Market Monitor shall have access to all Data and Information gathered or 

generated by SPP in the course of its operations.  This Data and Information shall 

include, but not be limited to, that listed in Section 4 of this Plan.  All Data and 

Information listed in Section 4 of this Plan shall be retained by SPP for a 

minimum period of three years.   

8.3 Access to Market Participant Data and Information  

Market Participants shall retain all Data and Information listed below, and in 

Section 4 of this Plan as applicable, that is in the custody and control of Market 

Participants, for a minimum of three years and will promptly provide any such 

Data and Information to the Market Monitor upon request. 

Market Participants shall be capable of providing the Data and Information to the 

Market Monitor, upon request, in the Market Participant’s native format along 

with a description of the native data format used.  If necessary, due to proprietary 

format restrictions, the Market Participant shall be capable of providing the data 

to the Market Monitor in a non-proprietary format, such as CSV or XML format 

along with a description of the data format used.  Any such request will be 

accompanied by an explanation of the need for such Data and Information.    

Market Participants may designate such Data and Information as Confidential 



 

 

 

 

Information, but such Data and Information may not be redacted or modified in 

any manner prior to delivery to the Market Monitor by the Market Participant. 

 

Data and Information to be retained by Market Participants and provided to the 

Market Monitor upon request: 

(a) All Data and Information relating to the costs of operating a generating 

unit, including but not limited to, heat rates, start-up fuel requirements, 

fuel purchase costs, environmental costs, and operating and maintenance 

expenses; 

(b) All Data and Information regarding opportunity costs of a generating unit, 

including but not limited to, regulatory, environmental, technical, or other 

restrictions that limit the run-time or other generating unit operating 

characteristics; 

(c) All Data and Information relating to the operating status of a generating 

facility, including generator logs showing the generating status of a 

specified unit, including information relating to a forced outage, planned 

outage or derating of a generating unit; 

(d) All Data and Information relating to the operating status of a transmission 

facility, a contingency, or other operating consideration, including forced 

outages, planned outages or derating of a transmission system component; 

(e) All Data and Information relating to transmission system planning, 

including studies, reports, plans, models, analyses, and filings with FERC 

or any state regulatory commission; 

(f) All Data and Information relating to the ability of a Market Participant or 

its Affiliate to determine the pricing or output level of generating capacity 

owned by another entity, including but not limited to any document setting 

forth the terms or conditions of such ability. 

(g) All Data and Information used in the course of business operations in 

arriving at a decision by a Reserve Sharing Group member to call an 

Operating Reserve Contingency and to request assistance. 



 

 

 

 

If any additional Data and Information not listed above or in Section 4 of this Plan 

is required from Market Participants by the Market Monitor for the purpose of 

fulfilling its responsibilities, the Market Monitor may request such Data and 

Information from Market Participants.  Such Data and Information shall be 

provided in a timely manner by Market Participants.  Any such request shall be 

accompanied by an explanation of the need for such data or other information, a 

specification of the form or format in which the data is to be produced, and an 

acknowledgement of the obligation of the Market Monitor to maintain the 

confidentiality of the data.  If a Market Participant receiving a request for Data 

and Information not listed above or in Section 4 of this Plan believes that 

production of the requested Data and Information would impose a substantial 

burden or expense, or would require the party to produce information that is not 

relevant to achieving the purposes or objectives of this Plan, the Market 

Participant receiving the request shall promptly so notify the Market Monitor.  

The Market Monitor shall review the request with the receiving Market 

Participant to determine whether, without unduly compromising the objectives of 

this Plan, the request can be narrowed or otherwise modified to reduce the burden 

or expense of compliance, and if so shall so modify the request.  No party that is 

the subject of a data request shall be required to produce any summaries, analyses 

or reports of the data that do not exist at the time of the data request. 

 

If the Market Monitor determines that the requested Data and Information has not 

or will not be provided in a timely manner, the Market Monitor may utilize (a) the 

dispute resolution procedures under this Tariff or under the SPP Bylaws as 

applicable or (b) a filing with the appropriate regulatory or enforcement agency to 

compel the production of the requested information. 

8.4 Data Created by Market Monitor 

Any data created by the Market Monitor, including any reconfiguration of Data 

and Information obtained from SPP or Market Participants, will remain within the 

Market Monitor’s exclusive control.  Such data may be shared with SPP and 

Market Participants at the Market Monitor’s sole discretion and on a non-



 

 

 

 

discriminatory basis, subject to the confidentiality provisions specified in this 

Attachment AG and Section 8 of Attachment AE. 



 

 

 

 

 

 

 

 

 

ATTACHMENT AH 

MARKET PARTICIPANT SERVICE AGREEMENT 

 



 

 

 

 

FORM OF SERVICE AGREEMENT FOR MARKET PARTICIPANTS SELLING INTO 

THE ENERGY IMBALANCE SERVICE MARKETINTEGRATED MARKETPLACE 

 

1. This Service Agreement dated as of _______________ is entered into by and between 

__________________ (Transmission Provider) and ______________________ 

(Customer). 

2. The Customer has submitted an application for participation in the Integrated 

MarketplaceEIS Market and has desires to registered its Resources as a Market 

Participant in accordance with the market application and asset registration procedures 

specified in the Market Protocols. 

3. To the extent that the Customer is not a Transmission Customer, a Network Customer, a 

Generation Interconnection Customer or a Transmission Owner under the Tariff, 

Customer represents and warrants that it has obtained the necessary transmission service 

from third parties to enable it to deliver Imbalance Energy to the Transmission System 

from its registered Resources and Customer has provided sufficient proof of said 

transmission service to the Transmission Provider. 

4. The Customer represents and warrants that it has met all applicable requirements set forth 

in the Transmission Provider's Tariff and has complied with all applicable procedures 

under the Tariff.  

54. The Transmission Provider agrees to provide and the Customer agrees to take and pay 

for, or to supply to the Transmission Provider, any or all of the products defined in the 

Integrated MarketplaceImbalance Energy in accordance with the provisions of the 

Transmission Provider's Tariff and to satisfy all obligations under the terms and 

conditions of the Transmission Provider's Tariff, as may be amended from time-to-time, 

filed with the Commission.   

65. The Transmission Provider and the Customer agree that this Service Agreement shall be 

subject to, and shall incorporate by reference, all of the terms and conditions of the 

Transmission Provider's Tariff. 

76. It is understood that, in accordance with the Transmission Provider's Tariff, the 

Transmission Provider may amend the terms and conditions of this Service Agreement by 

notifying the Customer in writing and making the appropriate filing with the 

Commission. 



 

 

 

 

87. The Customer represents and warrants that: 

(a) At any time it has registered one or more Resources that the Customer intends to 

offer for sale into the Energy and Operating ReserveEIS Markets in accordance 

with procedures specified in the Market Protocols, the participation of its 

Resource(s) in the Energy and Operating ReserveEIS Markets is not precluded 

under the laws or regulations of the relevant electric retail regulatory authority, 

including state-approved retail tariff(s), and it either (a) has on file with the 

Commission for each of such Resources market-based rate authority and/or other 

Commission-approved basis for setting prices in the Energy and Operating 

ReserveEIS Markets, or (b) is exempt from the requirement to have rates for 

services on file with the Commission; 

(b) This Service Agreement, or any Transaction entered into pursuant to the Service 

Agreement, as applicable, has been duly authorized; 

(c) This Service Agreement is the legal, valid, and binding obligation of the 

Customer enforceable in accordance with its terms, except as it may be rendered 

unenforceable by reason of bankruptcy or other similar laws affecting creditors' 

rights, or general principles of equity. 

98. The Customer warrants and covenants that, during the term of the Service Agreement, the 

Customer shall be in compliance with all federal, state, and local laws, rules, and 

regulations related to the Customer's performance under the agreement. 

109. Service under this Service Agreement shall commence on the later of the date of 

execution of the Service Agreement, or such other date as it is permitted to become 

effective by the Commission.  Service under this Service Agreement shall terminate in 

accordance with Section 13 12 below. 

1110. Any notice or request made to or by either Party regarding this Service Agreement shall 

be made to the representative of the other Party as indicated below: 

 

Transmission Provider:  ________________________________ 

 

Customer:  ______________________________________________ 

 



 

 

 

 

1211. Cancellation Rights: 

If the Commission or any regulatory agency having authority over this Service 

Agreement determines that any part of this Service Agreement must be changed, the 

Transmission Provider shall offer to the Customer within fifteen (15) days of such 

determination an amended Service Agreement reflecting such changes.  In the event that 

the Customer does not execute such an amendment within thirty (30) days, or longer if 

the Parties mutually agree to an extension, after the Commission's action, this Service 

Agreement and the amended Service Agreement shall be void. 

1312. Termination: 

(a) The Customer may terminate service under this Service Agreement no earlier than 

ninety (90) days after providing the Transmission Provider with written notice of 

the Customer's intention to terminate.  The Customer's provision of notice to 

terminate service under this Service Agreement shall not relieve the Customer of 

its obligation to pay any rates, charges, or fees due under this Service Agreement, 

and which are owed as of the date of termination. 

(b) The Transmission Provider may terminate service under this Service Agreement if 

the Customer is in default, such default condition as defined under Section 8.1 of 

the SPP Credit Policy, in accordance with the procedures specified under Section 

7.4 of the Transmission Provider’s Tariff or Section 610.5 of Attachment AE to 

the Transmission Provider’s Tariff, as applicable. 

 

1413. The Customer hereby appoints the Transmission Provider as its agent for  the limited 

purpose of effectively transacting on the Customer's behalf in accordance with the  terms 

and conditions of the Transmission Provider's Tariff.  The Customer agrees to pay all 

amounts due and chargeable to the Customer and the Transmission Provider agrees to 

pay all amounts creditable to the Customer in accordance with the terms of the 

Transmission Provider's Tariff. 

 

IN WITNESS WHEREOF, the Parties have caused this Service Agreement to be executed by 

their respective authorized officials. 

       Transmission Provider:          Customer:              

 



 

 

 

 

By: ______________________   By: _____________________ 

  

Dated: ______________________   Dated: _____________________ 

  

Title:  _______________________   Title: _____________________  



 

 

ATTACHMENT AL 

FORM OF NON-DISCLOSURE AGREEMENT FOR AUTHORIZED REQUESTORS 

 

THIS NON-DISCLOSURE AGREEMENT (the ―Agreement‖) is made this ___ day of ___ by 

and between, ______________________, an Authorized Requestor  employed or retained by an 

Authorized Agency  with offices at _____________________, and Southwest Power Pool, Inc., 

an Arkansas not for profit corporation, with offices at 415 North McKinley, Suite 140, Little 

Rock, Arkansas 72205 (―SPP‖ or ―Transmission Provider‖). The Authorized Requestor and the 

Transmission Provider shall be referred to herein individually as a ―Party,‖ or collectively as the 

―Parties.‖ Unless otherwise stated herein, capitalized terms shall have the same meaning as set 

forth in Attachment AE to the Transmission Provider’s Tariff on file with the Federal Energy 

Regulatory Commission.  

 

RECITALS 

Whereas, the Transmission Provider serves as the Regional Transmission Organization with 

reliability and/or functional control responsibilities over transmission facilities in the states of the 

Transmission Provider region, and operates and oversees certain wholesale markets for 

electricity pursuant to the requirements of this Tariff; and 

 

Whereas, the Transmission Provider’s Market Monitor serves as the monitor for certain 

wholesale markets for electricity in the Transmission Provider’s region as specified in the 

Transmission Provider’s Tariff; and  

 

Whereas, Attachment AE to the Transmission Provider’s Tariff requires that the Transmission 

Provider and the Market Monitor maintain the confidentiality of Confidential Information; and  

 

Whereas, Section 7.411.0 of Attachment AE to the Transmission Provider’s Tariff requires the 

Transmission Provider and the Market Monitor to disclose Confidential Information to 

Authorized Requestors upon satisfaction of conditions stated in Attachment AE to the 

Transmission Provider’s Tariff, including the execution of this Agreement by the Authorized 

Requestor; and 

 



 

 

 

 

Whereas, the Transmission Provider desires to provide Authorized Requestors with the broadest 

possible access to Confidential Information, consistent with the Transmission Provider’s and the 

Market Monitor’s obligations and duties under the Transmission Provider’s Tariff and applicable 

FERC Orders; and  

 

Whereas, this Agreement is a statement of the conditions and requirements, consistent with the 

requirements of Attachment AE to the Transmission Provider’s Tariff, whereby the Transmission 

Provider or the Market Monitor shall provide Confidential Information to the Authorized 

Requestor.  

 

NOW, THERFORE, agreeing to be legally bound, the Parties hereby agree as follows:  

 

1. DEFINITIONS.  

1.1 Information Request. A written request in accordance with the terms of this 

Agreement for disclosure of Confidential Information pursuant to Section 7.411.0 of 

Attachment AE to the Transmission Provider’s Tariff.  

 

1.2 Third Party Request. Any request or demand by any entity upon an Authorized 

Requestor or an Authorized Agency for release or disclosure of Confidential Information. 

A Third Party Request shall include, but shall not be limited to, any subpoena, discovery 

request, request pursuant to state freedom of information or public records access statutes 

or regulations, or other request for Confidential Information made by any: (i) federal, 

state or local government subdivision, department, official, agency or court, or (ii) 

arbitration panel, business, company, entity or individual. This provision is subject to any 

applicable exception under Attachment AE to the Transmission Provider’s Tariff.  

 

2.  Protection of Confidentiality.  

2.1  Representation as to Status and Acceptance of Duty to Not Disclose.  

The Authorized Requestor states that: (a) he or she is an Authorized Requestor as 

defined herein; (b) he or she is employed or retained by ______ [name of 

Authorized agency] as __________; (c) he or she is authorized by the _______ 



 

 

 

 

[name of Authorized Agency] to enter into and perform the obligations of this 

Non-Disclosure Agreement; (d) the Authorized Agency identified in Subsections 

(b) and (c) above has practices or procedures adequate to protect against the 

unauthorized release of Confidential Information received; (e) he or she is 

familiar with, and will comply with, all such applicable Authorized Agency 

practices or procedures; (f) he or she is authorized to represent and warrant and 

does so represent and warrant that the Authorized Agency identified in 

Subsections (b) and (c) above will deny Third Party Requests and defend, 

consistent with the terms of Section 2.4.6 below, against any legal process that 

seeks the release of any Confidential Information in contravention of the terms of 

the Non-Disclosure Agreement; and (g) he or she is not in breach of any Non-

Disclosure Agreement entered into with the Transmission Provider.  The 

Authorized Requestor also states that he or she will act consistently with the 

representations and confirmations made to SPP under Section 7.411.0 of 

Attachment AE of Transmission Provider’s Tariff. 

 

2.2. Conditions Precedent.  

The Authorized Requestor agrees that as a condition of the execution, delivery 

and effectiveness of this Agreement by the Transmission Provider and the 

continued provision of Confidential Information pursuant to the terms of this 

Agreement, the Authorized Agency shall, prior to the initial Information Request 

for Confidential Information by an Authorized Requestor on its behalf, provide 

the Transmission Provider with information, documents and certifications 

required of the Authorized Agency and its Authorized Requestor under 

Transmission Provider’s Tariff.  The Authorized Agency and its Authorized 

Requestor also agree that as a condition of the execution, delivery and 

effectiveness of this Agreement that they will fully comply with any other terms 

of Section 7.411.0 of Attachment AE of the Transmission Provider’s Tariff. 

 

2.3  Care and Use of Confidential Information. 



 

 

 

 

2.3.1  Control of Confidential Information.  The Authorized Requestor shall 

be the custodian of any and all Confidential Information received pursuant to the 

terms of this Agreement from the Transmission Provider or the Market Monitor. 

 

2.3.2 Access to Confidential Information.  Except when inconsistent with state 

or federal law, the Authorized Requestor shall ensure that Confidential 

Information received by that Authorized Requestor is disclosed, only as allowed 

under Section 7.411.0 of Attachment AE of Transmission Provider’s Tariff. 

 

2.3.3 Notice of Change in Status. The Authorized Requestor or Authorized 

Agency shall promptly notify the Transmission Provider of any change that would 

affect the Authorized Requestor’s status as an Authorized Requestor.  

 

2.3.4  Use of Confidential Information. The Authorized Requestor shall use the 

Confidential Information only as provided in the Section 7.411.0 of Attachment 

AE of Transmission Provider’s Tariff. 

 

2.3.5  Return of Confidential Information. When the Authorized Agency 

determines that it no longer needs the Confidential Information that was disclosed 

to the Authorized Requestor (e.g., if for any reason the Authorized Requestor is 

not, or will no longer be an Authorized Requestor, and the Confidential 

Information he or she received is no longer needed by the Authorized Agency), 

the Authorized Agency or Authorized Requestor shall: (a) return the Confidential 

Information and all copies thereof to the Transmission Provider or the Market 

Monitor, or (b) certify to the Transmission Provider or the Market Monitor that all 

paper copies have been destroyed and all electronic copies of the Confidential 

Information have been deleted, or identify the time by which it will comply with 

either (a) or (b) above consistent with state document retention laws. The 

Transmission Provider or the Market Monitor shall waive this condition in writing 

if such Confidential Information has become publicly available or non-

confidential in the course of business or pursuant to the Attachment AE to 



 

 

 

 

Transmission Provider’s Tariff or applicable rule or order of the FERC. Upon the 

request of the affected Market Participant, but in any event no later than one year 

from the date of disclosure, the Transmission Provider shall inquire of the 

Authorized Requestor as to when the need for the information as originally 

specified in the Information Request will be concluded. The Authorized 

Requestor shall respond to the Transmission Provider within 30 days. 

 

2.4  Ownership and Privilege.   Nothing in this Agreement, or incident to the 

provision of Confidential Information to the Authorized Requestor pursuant to 

any Information Request, is intended, nor shall it be deemed, to be a waiver or 

abandonment of any legal privilege that may be asserted against subsequent 

disclosure or discovery in any formal proceeding or investigation. Moreover, no 

transfer or creation of ownership rights in any intellectual property comprising 

Confidential Information is intended or shall be inferred by the disclosure of 

Confidential Information by the Transmission Provider or by the Market Monitor, 

and any and all intellectual property comprising Confidential Information 

disclosed and any derivations thereof shall continue to be the exclusive 

intellectual property of the Transmission Provider, Market Monitor, the affected 

Market Participant, and/or other owner(s) thereof. 

 

3.  Unauthorized Disclosure, and Remedies for Breach of Agreement. 

3.1  Notification of Unauthorized Disclosure to Third Parties. As provided in 

Transmission Provider’s Tariff, the Authorized Requestors and/or their respective 

Authorized Agency shall promptly notify the Transmission Provider or the 

Market Monitor, who shall, in turn, promptly notify any affected Market 

Participant of any unauthorized release of Confidential Information provided 

pursuant to any Non-Disclosure Agreement. The Authorized Requestor shall take 

steps to minimize any further release of Confidential Information, and shall take 

reasonable steps to attempt to retrieve any Confidential Information that may have 

been released.  

 



 

 

 

 

3.2  Breach. The Authorized Requestor agrees that its release of Confidential 

Information to persons not authorized under this Agreement to receive it 

constitutes a breach of this Agreement, unless the Authorized Requestor is 

required under state or federal law to release such information. If the 

Transmission Provider or the Market Monitor determines on its own, or agrees 

with an Authorized Agency, or receives from an Authorized Requestor or 

Authorized Agency a written notice, that a breach has occurred, or FERC has 

made a ruling that a breach has occurred, the Transmission Provider and/or the 

Market Monitor shall terminate the Non-Disclosure Agreement and require either 

the immediate return of all Confidential Information obtained by the Authorized 

Requestor pursuant to the Non-Disclosure Agreement or a certification of its 

destruction. The Transmission Provider shall verify the breach in consultation 

with the Authorized Agency. If it is subsequently determined that there was no 

breach, the Transmission Provider shall restore the status of the Authorized 

Requestor, and may also restore such status if otherwise justified by 

circumstances described in Subsection (b) above. 

 

3.3 Post Employment or Post Retention Duties.  If an Authorized Requestor who 

has received Confidential Information pursuant to this Agreement terminates his 

or her employment with the sponsoring Authorized Agency or is otherwise no 

longer employed by the Authorized Agency, he or she shall:  

(a)  Notify the Authorized Agency, the Transmission Provider and the Market 

Monitor of the change in status; and  

 

(b)  Certify to the Transmission Provider that he or she has transferred control of 

the Confidential Information to another Authorized Requestor at the same 

Agency, has retained no personal copies of the Confidential Information and 

that any Confidential Information not transferred has been destroyed.   

 

If these steps have been taken, then the limitations as to liability in Section 3.3 

shall apply to the former employee. 



 

 

 

 

 

4. Notices.  All notices required pursuant to the terms of this Agreement shall be in writing, 

and served upon the following individuals in person, or at the following addresses 

or email addresses: 

 

If to the Authorized Requestor: 

_____________________ 

_____________________ 

_____________________ 

_____________________ 

(email address) 

with a copy to 

_____________________ 

_____________________ 

_____________________ 

_____________________ 

(email address) 

 

If to the Transmission Provider: 

_____________________ 

_____________________ 

_____________________ 

_____________________ 

(email address) 

with a copy to 

_____________________ 

_____________________ 

_____________________ 

_____________________ 

(email address) 

 



 

 

 

 

If to the Market Monitor: 

_____________________ 

_____________________ 

_____________________ 

_____________________ 

(email address) 

with a copy to 

_____________________ 

_____________________ 

_____________________ 

_____________________ 

(email address) 

 

5.  Severability and Survival. In the event any provision of this Agreement is determined to 

be unenforceable as a matter of law (including state Freedom of Information Act 

statutes), the Parties intend that all other provisions of this Agreement remain in full force 

and effect in accordance with their terms. In the event of conflicts between the terms of 

this Agreement and Transmission Provider’s Tariff, the terms of Transmission Provider’s 

Tariff shall in all events be controlling. The Authorized Requestor acknowledges that any 

and all obligations of the Authorized Requestor hereunder shall survive the severance or 

termination of any employment or retention relationship between the Authorized 

Requestor and its respective Authorized Agency. 

 

6.  Representations. The undersigned is able to perform all of the obligations and duties 

contained herein. 

 

7.  Counterparts. This Agreement may be executed in counterparts and all such 

counterparts together shall be deemed to constitute a single executed original. 

 

8. Amendment. This Agreement may not be amended except by written agreement 

executed by authorized representatives of the Parties. 



 

 

 

 

 

9. Assignment. This Agreement is not assignable without the written agreement of both 

Parties. 

 

 

 

Southwest Power Pool, Inc.     AUTHORIZED REQUESTOR 

 

 

By:        By: 

 

 

____________________________    _____________________________ 

Name        Name 

Title:        Title: 

Date:        Date: 

 



 

 

 

 

 

 

 

 

ATTACHMENT AM 

 

 

 

 

METER AGENT SERVICES AGREEMENT 

 

 

FOR 

 

 

SPP MARKET 

 

 

BETWEEN 

 

 

MARKET PARTICIPANT 

 

 

AND 

 

 

METER AGENT 

 

 

(DATE) 



 

 

 

 

 This Agreement made and entered this __ day of ________, ______, is between 

__________ (―Market Participant‖) and __________ (―Meter Agent‖).  Market Participant and 

Meter Agent are each sometimes referred to in the Agreement as a ―Party‖ and collectively as the 

―Parties.‖ 

 

 WITNESSETH: 

 

 WHEREAS, Market Participant and Meter Agent are registered entities of the Southwest 

Power Pool (―SPP‖) Integrated Marketplace .   

 

 NOW, THEREFORE, in consideration of the premises and mutual covenants and 

agreements hereinafter set forth, the parties hereto mutually agree as follows: 

 



 

 

ARTICLE I 

Responsibilities of the Parties 

 

1.1 Market Participant Responsibilities: 

 

1. Governing Documents:  In addition to this Agreement, Market Participant agrees 

that it will comply with the provisions of the SPP Open Access Transmission Tariff 

(―OATT‖) and Market Protocols as they may be amended from time to time which 

relate to implementation of this Agreement.  In the event there is a conflict between 

this agreement and the SPP OATT, the OATT shall govern. 

 

2. Data Communications:  Market Participant shall provide or arrange for 

communication of meter data in a mutually acceptable format to the Meter Agent.   

 

3. SettlementMeter Data Submittal Location Definition:  Market Participant shall 

provide in Exhibit A the meter(s) and calculations used to calculate the Meter Data 

Submittal Location valueExhibit A defines the meter(s) and calculations associated 

with each Settlement Location (―SL‖). 

 

4. Notice of Meter Changes:  Market Participant shall inform the Meter Agent of any 

additions, deletions, and modifications of metering that will impact the market data.   

 

a. Market Participant shall provide full details of the meter information to the 

Meter Agent a minimum of sixty (60) days prior to the implementation of the 

change, except when the meter equipment is changed or replaced due to 

equipment failure in which case notice of change will be provided as soon as 

possible.  This information to be provided shall include the following: 

1. Information relating to retrieval of the meter data from the data 

source. This includes the method of doing so, communications, and 

full description of the meter. 

2. Information relating to the data and the processing of such data 

that will be applied for the new or modified Meter Data Submittal 

LocationSL and the impact to other existing Meter Data Submittal 

LocationSL or tie-line flow between Settlement AreasNet Actual 

Interchange (―NAI‖) calculations. 

3. Completing the SPP Market registration required, which includes 

real-time data exchange and modeling coordination with SPP. 

4. Updating of Exhibit A.  

 

b. In addition, Market Participant shall be responsible for developing and testing 

a complete system for submission of data under this Agreement. 

 

c. Market Participant shall notify Meter Agent of any significant metering issues 

related to the data provided to the Meter Agent within twenty four (24) hours 



 

 

 

 

after the issue is identified.  This includes change out of a meter, meter 

failures, real-time data failures, etc. 

 

5. Meter Data Submittal Settlement Location Notification:  Market Participant shall 

notify any other Market Participant entity affected by the change in the Meter Data 

Submittal Location SL (i.e. other Market Participant, Balancing Authority) at least 

seven (7) days prior to the change. 

 

6. Data Exchange and Data Quality:  Market Participant shall provide meter data for 

each Meter identified in Exhibit A to the Meter Agent in a timely manner. 

 

a. Data shall be provided to the Meter Agent at least one (1) full business day 

prior to SPP’s deadline for submission of meter data, as specified in 

Appendix D of the Market Protocols. 

 

b. Upon notification to or upon discovery by the Market Participant that the 

data exchange has failed or data quality is questionable, the Market 

Participant will resolve the issue at its source.   

 

c. In the absence of actual values for data required for settlement, it is the 

Market Participant’s responsibility to provide estimated values for such data 

to the Meter Agent; however, if the Market Participant fails to provide the 

actual or estimated meter data in a timely manner, the Meter Agent will 

estimate the data for submission to SPP by the appropriate deadline.  The 

Meter Agent will be held harmless as set forth in section 3.2.  

 

7. Submission Failures:  If the Meter Agent fails to submit the meter data, including 

Settlement Area tie-line meter data or NAI data by the Final Settlement Statement 

data cutoff, the Market Participant is responsible for initiating and pursuing the SPP 

OATT Dispute process.  The Meter Agent must provide to SPP any data it has 

available to help resolve the dispute.  

 

1.2 Meter Agent Responsibilities: 

 

1. Governing Documents:  In addition to complying with this Agreement, Meter Agent 

shall provide services on behalf of the Market Participant in accordance with SPP’s 

OATT and Market Protocols as they may be amended from time to time related to 

implementation of this Agreement.  In the event there is a conflict between this 

agreement and the SPP OATT, the OATT shall govern. 

 

2. Meter Agent Registration:  Meter Agent shall be a registered Meter Agent with the 

SPPIntegrated Marketplace. 

 

3. Meter Data Submittal Settlement Location Development:  Meter Agent shall 

provide all settlement data required for the Meter Data Submittal LocationSLs 

designated by the Market Participant in Exhibit A. 



 

 

 

 

 

4. Data Communications:  Meter Agent and the Market Participant shall mutually 

agree upon a format and method of exchange of settlement data required to be 

provided by the Market Participant.   

 

5.  Meter Data Submittal Settlement Location Values 

 

Meter Agent shall determine the Meter Value for each of the Meter Data Submittal 

LocationSettlement Locations identified in Exhibit A by applying all parameters as 

identified therein.  

 

6. Data Issue Notifications: 

 

a. Meter Agent will notify the Market Participant, as soon as practicable, of any 

data exchange issues with the meter data source. 

 

b. Upon failure to receive meter data from the Market Participant by the data 

submission deadline, the Meter Agent will notify the Market Participant as 

soon as practicable and, if necessary, the Meter Agent will estimate the data 

pursuant to 1.1 6. c. of this agreement. 

 

7. Data Submission:  Meter Agent shall submit Meter Data Submittal 

LocationSettlement Location Meter Values to the Transmission ProviderSPP and the 

appropriate Balancing Authority by the deadlines outlined in Section 4.5.13 Appendix 

D of the Market Protocols.  



 

 

ARTICLE II 

Term and Termination 

 

2.1 Initial Term:  This Agreement shall become effective on _______________, _____ and 

shall continue until ___________, _____.  

 

2.2 Extended Term:  This Agreement shall continue on a year to year basis at the 

conclusion of its Initial Term, unless terminated as specified in the Agreement. 

 

2.3 Termination:  This Agreement may be terminated at any time by mutual agreement of 

the Market Participant and Meter Agent.  Either the Market Participant or the Meter 

Agent may terminate the Agreement after the Initial Term, upon giving sixty (60) 

calendar days written notice to the other Party. 

 

 



 

 

Exhibit A 

Market Participant Meter Data SubmittalSettlement Location Definitions 

Resource  Meter Locations: 

# Meter Data 

SubmittalSettlement 

Location Name 

Meter Physical 

Location 

Voltage 

Level 

Losses Operand 

1 Plant 1 – 230 Gross Meter Unit 1 230kV 1.5% _ 

  Aux Meter Unit 1 230kV 1.5% + 

  Gross Meter Unit 2 230kV 1.5% _ 

  Aux Meter Unit 2 230kV 1.5% + 

2 Plant 1 – 115 Gross Meter Unit 3 115kV 0% - 

  Aux Meter Unit 3 115kV 0% + 

3       

4       

5       

Gross Generation output is negative, auxiliary use is positive.  MWh received by the Transmission 

System is negative. 
 

Load Meter Data SubmittalSettlement Locations:   (Name of Location)  

# Meter Data 

SubmittalSettlement 

Location Name 

Meter Physical 

Location 

Voltage 

Level 

Distrib. 

Losses 

Transm. 

Losses* 

Operand 

1 CA XX_CITY X Line A Sub X 69kV 0% 2.94% + 

  Line B Sub X 69kV 0% 2.94% + 

  Line C Sub X 12kV 1.39% 2.94% + 

  Deduct Sub X 12kV 1.39% 2.94% - 

2 CA XX_CITY Y Xfmr 1 Sub AA 69kV 0% 2.94% + 

  Xfmr 2 Sub AA 69kV Eng** 2.94% + 

3        

4        

*   SPP OATT Attachment M Losses 

** Engineered Adjustment with Assumption – reference SPP Protocols Appendix C and D 
 

Residual Load Meter Data Submittal Settlement Locations: 

# Meter Data 

SubmittalSettlement 

Location Name 

Meter Operand 

1 CA XX_LOAD Settlement Location Plant 1-230 - 

  Settlement Location Plant 1 – 115 - 

  Settlement Location CA XX_CITY X + 

  Settlement Location CA XX_CITY Y + 

  Net Actual Interchange CA XX - 

Assumes sign of other Meter Data Submittal LocationSL data used is in polarity required for submission 

to SPP Market. 
 

Tie-Line Meter data between Net Actual Interchange for Settlement Areas: 

# Tie-Line Meter NAI 

Name 

Meter Operand 

1 CA XX_SA Tie 1 + 



 

 

 

 

  Tie 2 + 

  Tie 3 + 

  Tie 4 + 

  Tie 5 + 

 



 

 

ATTACHMENT AO 

AGREEMENT ESTABLISHING EXTERNAL GENERATION NON-PHYSICAL 

ELECTRICAL INTERCONNECTION POINT 

 

 This Agreement Establishing External Generation Non-Physical Electrical 

Interconnection Point (including its exhibits, this ―Agreement‖) is entered into this ____ day of 

____________ 20020____ by and among [Name] ____________(Source Balancing Authority)], 

an [State and type of entity] (―  ‖), [Name] (Sink Balancing Authority)], an [State and type of 

entity] (―  ‖), [Name ______________(Market Participant)], a [State and type of entity] (―  ‖), 

and the Southwest Power Pool, Inc. (―SPP‖) Regional Transmission Organization.  Source 

Balancing Authority, Sink Balancing Authority, Market Participant and SPP are hereinafter 

referred to individually as a ―Party‖ and collectively as the ―Parties.‖ 

 

WHEREAS, in order to facilitate the foregoing, the Parties desire to establish a new non-

physical electrical interconnection point between the balancing authorities of the Sink 

SPPvBalancing Authority and the Source Balancing Authority on the terms and conditions set 

forth in this Agreement; and 

 

WHEREAS, The Southwest Power Pool (SPP) is a Regional Transmission Organization 

(RTO) approved by the Federal Energy Regulatory Commission operating an Energy Imbalance 

Service (EIS) marketIntegrated Marketplace and is a NERC certified Balancing Authority; and 

 

WHEREAS, the Source Balancing Authority has agreed to facilitate the delivery of 

power into the Integrated Marketplace from the Market Participant to the SPP Balancing 

Authority as defined below; and 

 

WHEREAS, Market Participant is responsible for generation outside of the boundaries of 

the SPP Balancing Authority AreaEIS Market and desires to participate in the Integrated 

MarketplaceEIS Market as an External Resource; and 

 

WHEREAS, SPP Balancing Authority has agreedMarket Participant desires to deliver to 

the Sink Balancing Authority and the Sink Balancing Authority desires to accept delivery of 

power into the EIS MarketIntegrated Marketplace from the Market Participant, energy from the 

Facility ( as defined below) ; and 

 

WHEREAS, Market Participant is a generator operator located in the Eastern 

Interconnection and physically located within the balancing authority boundaries of the Source 

Balancing Authority; and 

 

WHEREAS, Market Participant is a generator operator registered with SPP and meeting 

all of the SPP qualifications in order to operate in the Integrated MarketplaceEIS Market and 

abiding by all the respective Market Protocols and rules as set forth by SPP; and. 

 

WHEREAS, Sink Balancing Authority is a balancing authority that is a Member of SPP, 

is located within the footprint of the SPP and a Member participating in the EIS Market; 

 



 

 

 NOW THEREFORE, in consideration of the mutual covenants and agreements in this 

Agreement and of other good and valuable consideration, the sufficiency and adequacy of which 

are hereby acknowledged, the Parties, intending to be legally bound, hereby agree as follows: 

 

1. Creation of Non-Physical Pseudo-Tie Point. From and after the effective date hereof, the 

point at which non-physical electrical interconnection (pseudo-tie) is made between the Market 

Participant ____________ (Name of the Generation Facility) ____________ (Generation 

Facitlity Location)[NAME OF GENERATION FACILITY] [GENERATION FACILITY 

LOCATION]  (the ―Facility‖) and the SPP Balancing AuthoritySink Balancing Authority 

system, which shall be defined in the one-line diagram attached hereto as Exhibit A, shall be a 

new non-physical electrical interconnection point between the balancing authorities of the Sink 

SPP Balancing Authority and the Source Balancing Authority (the ―Pseudo-Tie Point‖), whereby 

any energy delivered from the Facility to the Pseudo-Tie Point for the account of the Source 

Balancing Authority, shall be treated as a balancing authority interchange from the balancing 

authority of the Source Balancing Authority to the balancing authority of the Sink SPP Balancing 

Authority (for the avoidance of doubt, whether or not, at the time of delivery of such energy, the 

metering, data processing, telemetry and other equipment associated with the Pseudo-Tie Point is 

properly functioning). For the avoidance of doubt, the Sink SPP Balancing Authority will not be 

taking title to any energy delivered from the Facility to the Pseudo-Tie Point for the account of 

the Source Balancing Authority.  

 

2. Implementation. Each Party shall design, construct, operate and maintain the equipment 

for which it is responsible under this Agreement, and shall take all other actions required of it, to 

create and have the Pseudo-Tie Point recognized by the Southwest Power PoolSPP as a 

balancing authority interchange from the balancing authority of the Source Balancing Authority 

to the balancing authority of the SinkSPP Balancing Authority for the purpose of allowing the 

Facility to be treated as being in the balancing authority of the SinkSPP Balancing Authority. 

Without limiting the foregoing, each Party shall undertake the design, construction, operation 

and maintenance for which it is responsible under this Agreement according to North American 

Electric Reliability Corporation standards. A basic block diagram of the communications 

equipment required for the Pseudo-Tie Point is set forth in Exhibit B. As among the Parties: 

  

(a) The entity representing the generator in the Source Balancing AuthorityMarket 

Participant shall register with the SPP to become a Market Participant in the EIS 

MarketIntegrated Marketplace.  Registration shall be done in accordance with the 

SPP EIS Market Protocols.  Each Facility must be registered separately with SPP 

and registration information shall be provided to both the Source Balancing 

Authority and the Sink Balancing Authority.  Market Participant may register its 

External Resource either as a Resource capable of supplying both Energy and 

Operating Reserve or as an Operating Reserve Only Resource that is not capable of 

providing Energy but is capable of providing Operating Reserve.   

 

(b) This Agreement does not provide for the reservation or sale of Transmission Service 

under the SPP’s Open Access Transmission Tariff (―OATT‖) or on any other 

transmission system. Market Participant shall secure and pay for all cost associated 

with transmission service, across all transmission service providers necessary to 



 

 

deliver power from the Facility to the interface point with the SPPSink Balancing 

Authority’s balancing authority within the SPP footprint and consistent with the 

registration of the resource with SPP.   

 

(c) In order to supply Operating Reserve to the Integrated Marketplace the Market 

Participant shall secure Firm Transmission Service except for the provisions of 

Section 2 (c), from where it is physically located through the path to the interface 

point with the SPP Sink Balancing Authority’s transmission system.  SPP shall 

confirm that the appropriate Transmission Service reservations are in place and 

maintained prior to granting participation and for continued participation in the 

Energy and Operating Reserve EIS Markets.  Any External Resource that is on the 

SPP Transmission System, but outside the Market Footprint, satisfies the 

requirement for obtaining transmission service to the SPP Transmission System 

under this Section 2(b). 

 

(cd) In order to supply Energy to the Integrated Marketplace the Market Participant shall 

secure Firm Transmission Service from where it is physically located through the 

path to the interface point with the SPP Balancing Authority, however the Market 

Participant may use non non-firm service across all transmission service providers 

necessary to deliver power from the Facility to the Sink Balancing Authority within 

the SPP footprint, subject to the following conditions: 

 

i. SPP Operating Reserves may be utilized to support the transaction or; 

 

ii. the The Source or Sink Balancing Authority or the SPP Balancing 

Authority and any intermediary transmission service providers agree to 

only request an adjustment to the pseudo-tie values under emergency 

conditions due to the violation of an Interconnection Reliability Operating 

Limit (―IROL‖) which requires action to be taken more quickly than the 

Market Operating System (―MOS‖) can recognize the condition.   

 

(de) The use of this Agreement is intended for the purposes of providing Energy and/or 

Operating Reserve Imbalance Service into the Energy and Operating Reserve 

Markets through submission of a Resource OfferEIS Market.  

 

(ef) Market Participant is solely responsible for all requirements as set forth for a Market 

Participant in the SPP EIS Market Protocols.   

 

(fg) Market Participant shall design, construct, operate and maintain systems and 

communications equipment in order to receive SPP deployment instructions in 

accordance with the SPP EIS Market Protocols. 

 

(gh) Market Participant shall design, construct, operate and maintain real-time and 

historical systems and communications equipment, at Market Participant’s expense, 

in order to provide the Source Balancing Authority and the Sink SPP Balancing 

Authority with the corresponding real-time pseudo-tie value.  Market Participant’s 



 

 

systems shall provide this signal per the Sink SPP Balancing Authority’s ICCP 

communication standards.  Market Participant’s system shall provide this signal to 

the Source Balancing Authority in a manner mutually agreed to between the Source 

Balancing Authority and the Market Participant. 

 

(hi) SPP, in accordance with the SPP EIS Market Protocols, will provide the Market 

Participant commitment and dispatch instructions for participation in the Energy and 

Operating Reserve Markets consistent with such instructions issued to other 

registered Resourceswith the Dispatch Instruction MW for the next dispatch interval 

(currently dispatch interval is 5 minutes).   

 

(i) SPP will also provide the EIS Net Schedule Interchange (―NSI‖) to the Sink 

Balancing Authority on a 4 second basis that includes the impacts of dispatch 

instructions for all Resources, including the Facility, within the balancing authority 

area of the Sink Balancing Authority.   

 

(j) The real time pseudo-tie value will be equal tobased upon the Dispatch Setpoint 

Instruction issued by the SPP to the Market Participant.  The Market Participant 

shall calculate and simultaneously provide this value to the Source Balancing 

Authority and the Sink Balancing Authority. The real-time pseudo-tie value shall be 

calculated and communicated on a frequency no less than 4 seconds and 

synchronized with the target interval of the SPP dispatch interval.  Any Out of Merit 

Energy (―OOME‖) requests as defined in the SPP EIS Market Protocols shall be 

included in the real time pseudo-tie values. SPP will negotiate with the Source and 

Sink Balancing Authorities as to which balancing authority will provide regulation 

and imbalance services for the Market Participant participating in the EIS Market.  

Internal and external generators will be treated in a non-discriminatory manner with 

regard to the costs of regulation and imbalance services associated with participating 

in the EIS Market.  If parties cannot agree to the provision of regulation and 

imbalance services, SPP will file, with the Commission, an unexecuted agreement, 

including all agreed-upon non-conforming deviations.   

 

(k) The Source Balancing Authority and the Sink SPP Balancing Authority will include 

this real time pseudo-tie value in their respective calculations of Net Actual 

Interchange (―NAI‖) and Area Control Error (―ACE‖).   

 

(l) If communication is lost between any of the Parties (including communication 

between SPP and the Market Participant), the Source Balancing Authority and the 

Sink SPP Balancing Authority will freeze at the last known value and it is the 

responsibility of the Market Participant to verbally communicate changes of the real 

time pseudo-tie values with the other Parties consistent with the SPP instructions.   

 

(m) Market Participant shall notify Parties of any real-time circumstances that affect the 

Market Participant’s obligation or ability to meet the SPP Dispatch Setpoint 

Instructions.  If the Market Participant or the Source Balancing Authority deviate 

from the anticipated real time pseudo-tie value, the Market Participant is responsible 



 

 

for costs incurred by the Sink SPP Balancing Authority.  External generators will be 

subject to the same penalties for uninstructed deviations as internal generators under 

Attachment AE of the SPP Tariff.    

 

(n) The Source Balancing Authority and the Sink SPP Balancing Authority shall 

integrate the real time pseudo-tie value on an hourly basis and maintain this 

information for balancing authority checkout, inadvertent calculations and payback 

purposes in accordance with the applicable NERC standards.  It is the responsibility 

of the Source Balancing Authority to checkout these hourly integrated values with 

the Market Participant prior to the Source Balancing Authority’s final daily 

checkout with the Sink SPP Balancing Authority. 

 

(o) The Sink SPP Balancing Authority shall act as the Meter Agent on behalf of the 

Market Participant in the settlement process of the Real-Time Balancing EIS Market 

in accordance of with the SPP EIS Market Protocols.  The Sink SPP Balancing 

Authority shall perform this obligation unless mutually agreed upon by both the 

Sink SPP Balancing Authority and the Market Participant.  The settlement meter 

data will be the hourly integrated real time pseudo-tie value as calculated by the 

Sink SPP Balancing Authority and checked out between the parties. 

 

(p) Except as otherwise provided in this Section 2, failure by the Market Participant to 

provide real-time pseudo-tie values in a timely manner and consistent with the SPP 

dispatch Setpoint Iinstruction constitutes a basis for the immediate suspension of 

this Agreement by the Source Balancing Authority or Sink SPP Balancing 

Authority.  In the event of such suspension, the Market Participant shall provide a 

remedy for the cause of the failure prior to resumption of its participation in the 

Energy and Operating Reserve EIS Markets.  In the event of two suspensions within 

a thirty day period, this Agreement may be terminated, in accordance with Section 7 

of this Agreement, at the sole discretion of the Source Balancing Authority or Sink 

SPP Balancing Authority. 

 

(q) SPP will provide to the Source Balancing Authority the Market Participant’s 

Resource Plan. 

 

3. Losses.  Market Participant will be responsible for loss compensation to transmission 

provider(s) to deliver their EIS energy to the SPP Balancing Authoritymarket footprint. Pseudo-

tie value(s) will be considered net of losses external to SPP.  Losses within the SPP Balancing 

Authoritymarket footprint attributable to the Market Participant’s participation in the Energy and 

Operating ReserveEIS Markets shall be handled in the same manner as other Energy and 

Operating ReserveEIS Markets transactions. 

 

4. Compensation.  Market Participant will compensate the Source Balancing Authority for 

the reasonable implementation and operations related costs borne by the Source Balancing 

Authority as a result of this Agreement unless the Market Participant and Source Balancing 

Authority agree to a different cost arrangement, which shall be filed with the Commission in a 

non-conforming agreement.  SPP shall compensate the Sink Balancing Authority for any and all 



 

 

reasonable implementation and operations related costs borne by the Sink Balancing Authority as 

a result of this Agreement. 

 

5. Auditing.  Each Party reserves the right to audit records necessary to permit evaluation 

and verification of claims submitted, and the other Party’s compliance with this Agreement.  The 

Parties shall retain for a period of three years all information and records relating to the 

performance of this Agreement.  Each Party may examine and copy such information and 

records at the other Party’s premises during regular business hours and upon advance notice 

given no less than 15 calendar days prior to such examination.   

 

6. Effective Date.  The Agreement is effective upon full execution if it is not filed with the 

Commission.  If the Agreement is filed with the Commission, then it is effective upon the later of 

the date of execution or the date allowed by the Commission.1  If the parties are unable to 

resolve any issues, SPP shall file an unexecuted agreement with the Commission, including all 

agreed-upon non-conforming deviations.   

 

 

___________________________ 
1
The effective date shall not be earlier than the date that SPP has systems in place to effectuate this agreement; SPP 

currently estimates that such systems will be in place by March 1, 2008. 



 

 

 

7. Termination.  Notwithstanding 2(p), this Agreement shall terminate on ________[(Date], 

), unless extended by agreement of all the Parties.  Any Party shall have the right to terminate 

this Agreement upon ___ month’s notice, subject to receiving all necessary regulatory approvals 

for such termination.   

 

8. Governing Law.  The interpretation and performance of this Agreement and each of its 

provisions shall be governed and construed in accordance with the applicable Federal and and/or 

State laws without regard its conflicts of laws provisions that would apply the laws of another 

jurisdiction. 

 

9. Interpretation.  In this Agreement: 

 

(a) the words ―include‖, ―includes‖ and ―including‖ are deemed to be followed by the 

words ―without limitation‖; 

 

(b) references to contracts, agreements and other documents and instruments shall be 

references to the same as amended, supplemented or otherwise modified from time 

to time; 

 

(c) references to laws or standards and to terms defined in, and other provisions of, laws 

or standards shall be references to the same (or a successor to the same) as amended, 

supplemented or otherwise modified from time to time; and 

 

(d) references to a person shall include its successors and permitted assigns and, in the 

case of a governmental or other authority (including the Southwest Power PoolSPP 

and the North American Electric Reliability Corporation), any person succeeding to 

its functions and capacities. 

 

10. Severability. If any provision of this Agreement is held invalid, illegal or unenforceable 

in any jurisdiction, then, the Parties agree, to the fullest extent permitted by law, that the validity, 

legality and enforceability of the remaining provisions hereof in such or any other jurisdiction 

and of such provision in any other jurisdiction shall not in any way be affected or impaired 

thereby. With respect to the provision held invalid, illegal or unenforceable, the Parties will 

amend this Agreement as necessary to effect the original intent of the Parties as closely as 

possible. 

 

11. Complete Agreement; Amendments.  This Agreement constitutes the entire agreement 

among the Parties with respect to the subject matter of this Agreement and supersedes other prior 

agreements and understandings, both written and oral, among the Parties with respect to the 

subject matter of this Agreement. This Agreement may be amended, supplemented or otherwise 

modified only by an instrument in writing signed by all Parties.   

 

12. Other Obligations.  Nothing in this Agreement is intended to modify or change any 

obligations or rights under any tariff (including the SPP Tariff), any rate schedule, or any other 

contract.  This Agreement does not in any way provide transmission service or address rates, 



 

 

terms or conditions of transmission service or indicate in any way that transmission service is 

available or properly awarded.  A Party seeking transmission service must still go through the 

full tariff process to obtain transmission service. This Agreement also does not establish any 

generation as a designated network resource under the Tariff; the requirements of the Tariff still 

must be satisfied.   Nor does this Agreement make any Party a Market Participant under the SPP 

Tariff.  A Party seeking to become a Market Participant must apply to SPP under the terms of the 

SPP Tariff and nothing in this Agreement affects its rights or obligations as a Market Participant.   

 

13. Commission Filing.  If unchanged, a signed version of this form agreement shall not be 

filed with the Commission.  SPP will simply report the existence of a signed agreement in its 

quarterly reports.  If the form agreement is substantively changed, then SPP shall file the revised 

form agreement with the Commission.  The Parties shall be bound to the terms accepted or 

ordered by the Commission. 

 

14. Modification.  Nothing in this Agreement is intended to modify or limit the right of SPP 

to submit under FPA Section 205 or Section 206 unilateral changes to this Agreement (both the 

form Agreement and any signed agreement); the right of any other Party to seek unilateral 

changes under FPA Section 206, or the right of the Federal Energy Regulatory Commission to 

accept any FPA Section 205 filing or to make changes under FPA Section 206 or to initiate 

proceedings under FPA Section 206. 

 

15. Charges.  The provisions in this Agreement providing for compensation do not authorize 

Commission regulated public utilities to impose charges without a separately filed tariff or rate 

schedule being accepted by the Commission. 

 

16. Disputes.  Any disputes under this Agreement shall first be resolved pursuant to the 

dispute resolution procedures in the SPP’s Open Access Transmission Tariff.  Any disputes may 

be brought to the Commission. 

 

17. Breach.  If any Party breaches the terms of this Agreement, then a non-breaching Party 

may seek any relief it believes is appropriate at the Commission.  A breach is considered a 

substantive violation of this Agreement.  Prior to pursuing a remedy at the Commission for a 

breach, a non-breaching Party shall provide five business days notice of the breach to the 

breaching Party.  If the breaching Party does not eliminate the breach within five (5) business 

days after the notice is received by the breaching Party, then the non-breaching Party may pursue 

its remedies at the Commission. 

 

18. Counterparts. This Agreement may be executed in one or more counterparts, each of 

which shall be an original but all of which, taken together, shall constitute only one legal 

instrument. It shall not be necessary in making proof of this Agreement to produce or account for 

more than one counterpart. The delivery of an executed counterpart of this Agreement by 

facsimile shall be deemed to be valid delivery thereof. 

 



 

 

 The Parties have caused this Agreement to be signed by their authorized representatives 

on the day and year first above written. 

 

Source Balancing Authority 

 

 

 

By:_____________________________ 

 Name: 

 Title: 

 

 

Sink SPP Balancing Authority 

 

 

 

By:_____________________________ 

 Name: 

 Title: 

 

 

 Market Participant 

 

 

 

By:_____________________________ 

 Name: 

 Title: 

 

 

By:_____________________________ 

 Name: 

 Title: 

Southwest Power Pool, Inc. (SPP) 



 

 

EXHIBIT A 

ONE-LINE DIAGRAM 

 



 

 

EXHIBIT B 

BLOCK DIAGRAM 
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